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ALBERTA ENERGY AND UTILITIES BOARD 
Calgary  Alberta 
 
 
ATCO PIPELINES Decision 2004-079 
2004 GENERAL RATE APPLICATION Application No. 1315997 
PHASE II File No. 4100-3 
 
 
1 INTRODUCTION 

On October 1, 2003, ATCO Pipelines (AP), a division of ATCO Gas and Pipelines Ltd., 
submitted a Phase II application (the Application) to the Alberta Energy and Utilities Board (the 
Board or EUB), seeking approval of 2004 rates for North and South zones.  
 
A Notice of Hearing was distributed by e-mail on October 29, 2003 to the parties on the 
AP 2003-2004 General Rate Application (GRA) Phase I distribution list. Notice was also 
published in the major Alberta newspapers on November 4, 2003. A list of parties who appeared 
at the hearing is included in Appendix 1.  
 
The final process schedule for the Application was outlined in a December 15, 2003 letter from 
the Board, with the public hearing set to commence on May 3, 2004. 
 
The Board panel assigned to this application was comprised of Ms. C. Dahl Rees, LL.B., (Chair), 
Mr. B. T. McManus, Q.C., Member and Mr. M. W. Edwards, Acting Member. 
 
The Board considered the Application at a public hearing held in Calgary from May 3, 2004 to 
May 7, 2004 and from May 17, 2004 to May 20, 2004. Written Argument and Reply were 
submitted on June 10, 2004 and June 28, 2004 respectively. Accordingly, for purposes of this 
Decision, the Board considers that the record closed on June 28, 2004. 
 
In this Decision, the Board will make a determination as to 2004 cost allocations and rate design 
directions for AP, with final rates to be fixed following the submission of a Compliance Filing.  
 
Having heard the evidence and reviewed the arguments of the interested parties, the Board 
hereafter sets out its Decision with reasons respecting the Application. 
 
 
2 BACKGROUND AND OVERVIEW 

2.1 Background 
On December 18, 2002, AP requested approval to allow continuation of approved 2002 rates and 
Rate Schedules for AP North (APN or the North) and AP South (APS or the South) customers on 
an interim basis effective January 1, 2003. In Order U2002-1034, dated December 20, 2002, the 
Board approved the application.1  
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1 The Order stated: AP’s rates, tolls, and charges, approved in Decision 2001-53 and set out in Schedule “A” of 
Decision 2000-84 are hereby approved, on an interim basis, as a continuation of 2002 rates and Rate Schedules 
effective January 1, 2003. 
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On February 14, 2003, AP filed its 2003/2004 Phase I North, South and Total GRA.  
 
By letter of April 11, 2003, AP requested approval to commence negotiations regarding all 
aspects of the 2003/2004 Phase I and II GRA for the North and the South. 
 
In Decision 2003-035, dated April 30, 2003, the Board approved the application to negotiate 
with respect to Phase I and II matters for 2003, but did not approve negotiations for 2004 
matters. AP was directed to continue to advance its GRA of February 14, 2003 with respect to 
2004 matters. 
 
The Board noted that it was necessary to have a more extensive examination of the 2004 issues 
than would be possible in the review of a negotiated settlement in light of the length of time 
since the last APN GRA and in light of the competitive issues arising between AP and NOVA 
Gas Transmission Ltd. (NGTL).  
 
By letter dated May 30, 2003, AP requested that the Board vary Decision 2003-035 to allow AP 
and its customers to negotiate 2003 and 2004 depreciation matters, on the grounds that this was 
an independent and specialized portion of the GRA. In a letter issued on June 2, 2003, the Board 
varied Decision 2003-035 to allow negotiations regarding 2004 depreciation issues. With respect 
to cost of capital matters, the Board directed that 2004 cost of capital matters be addressed in the 
generic proceeding which had been convened by the Board. 
 
In a letter dated June 10, 2003, the Board set aside consideration of the Muskeg River pipeline 
and related issues, as a separate module, to a later date following the compliance filing of AP 
related to Decision 2003-040, Affiliate Transactions and Code of Conduct, Part B.  
 
On June 13, 2003, AP filed a settlement application with respect to 2003 and 2004 depreciation 
matters. 
 
On October 1, 2003, in response to Board Decision 2003-003 and Board letters of August 1, 
2003 and September 11, 2003, AP applied for the approval of a revised set of postage stamp 
rates for each of APN and APS. In support of its request for revised rates, AP filed a cost of 
service study for 2004 for each of the North and South zones. AP also requested the approval of 
deferral accounts for other pipeline receipts and other pipeline delivery costs along with a request 
for approval for amendments to rate structures and to transportation service regulations.  
 
On December 2, 2003, the Board issued Decision 2003-100 approving Phase I revenue 
requirements, subject to compliance filings, for AP on behalf of APN and APS, for the test years 
2003 and 2004. With respect to certain matters2 in that proceeding, AP was directed to include 
“placeholder” amounts, pending final determination of those amounts in separate Board 
proceedings or by applicable authorities.  
 
On December 31, 2003, AP submitted a letter to the Board requesting consideration of several 
items in Decision 2003-100 that AP felt required correction. The letter also sought clarification 
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2 ATCO I-Tek service fees to be benchmarked, ATCO executive compensation amounts, the Muskeg River 
pipeline module, 2004 Cost of Capital, actual income tax rates and actual NGTL charges. 
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and requested guidance from the Board regarding other matters, prior to submitting its revised 
filing of Phase I matters on January 26, 2004. 
 
On January 15, 2004, the Board issued Decision 2004-003, an Errata to Decision 2003-100. In 
this Decision, the Board provided AP with further clarification and guidance regarding certain 
Phase I matters, along with the correction of errors or omissions that resulted from its own 
review of Decision 2003-100. 
 
On January 26, 2004, AP submitted to the Board its 2003/2004 GRA Phase I refiling (the 
Compliance Refiling) which incorporated Board adjustments pursuant to Decision 2003-100, 
Decision 2004-003, and the Board’s clarification letter dated January 15, 2004. 
 
On February 9, 2004, AP filed an application for interim rates to be effective from March 1, 
2004 to October 31, 2004 on the assumption that final rates from the Phase II process would be 
in effect by November 1, 2004. In January 2004, in the North zone, AP was operating under 
interim rates authorized by Order U2002-1034, which permitted the continuance of rates 
approved in Decision 2001-53, and in the South zone, AP was operating under interim rates 
authorized by Decision 2001-97 and amended by Decision 2002-111. AP proposed a 20.51% 
decrease in all North demand and commodity rates, except for Firm Service Receipt (FSR), 
Over-run (OR) and Interruptible (IT) rates for which a 13.21% decrease was proposed. The 
percentage decrease for these latter services was less due to the allocation of the North Exchange 
Deferred Account (EDA) deficit for 2001 and 2002, which was only partially offset by the 
estimated North EDA surplus for 2003. AP proposed an 18.79% increase in South rates for all 
demand and commodity rates. 
 
In Decision 2004-023, dated March 9, 2004, the Board directed AP, effective March 1, 2004, on 
an interim basis, to place Gas Alberta in the North on the same proposed interim rate as AGN, 
until the final determination of fair and reasonable rates was concluded in Phase II. The Board 
also found that the appropriate interim billing demand for Gas Alberta in the North should be the 
2004 forecast demand3 used by AP in the Phase I application. 

With respect to Gas Alberta in the South, in Decision 2004-023, the Board considered that AP’s 
proposal for interim rates4 for the period March through October 2004 would be reasonable until 
the final determination of appropriate rates in the Phase II proceeding. 
 
In Decision 2004-038, dated April 30, 2004, the Board approved other rates, tolls and charges for 
the North and South service zones on an interim basis for the period March 1, 2004 to 
October 31, 2004. The interim rates were established on the basis of the revenue requirements 
filed in the January 26, 2004 Compliance Refiling.  
 

In Decision 2004-038, relating to the Compliance Refiling, the Board noted that it did not expect 
that the directions in Decision 2004-038 would have a significant effect on revenue requirement 
or forecast revenues and considered that any revisions required as a result of Decision 2004-038 
could be dealt with in a second compliance filing to Phase I (the Second Refiling) to be 
submitted by AP.  
                                                 
3 48 TJ/day 
4  The Memorandum of Understanding between Gas Alberta Inc. and AP specified a demand charge of 

$1.95/GJ/month for the period January 1, 2001 to December 31, 2002. The contract demand quantity under the 
MOU was 16.782 TJ/day for 2002. (see schedule A and MOU in Decision 2001-97)  
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The Board also noted in Decision 2004-038, that the findings in that decision would change 
certain amounts from the January 26, 2004 Compliance Refiling. The Board considered that the 
total of all changed amounts from the January 26, 2004 Compliance Refiling would be 
insufficient to warrant a change to the interim rates and therefore, interim rates would remain 
effective without an amendment to reflect Decision 2004-038.  
 
The Board notes that AP identified amounts of $8.063 million (2003) and $30.529 million (2004) 
that were included in the revenue requirement as placeholders. The Board recognized that the 
2003/2004 revenue requirements would be impacted by the outcome of various ongoing 
proceedings and benchmarking processes.  
 
The Board directed that, within 30 days of issue of a Board decision affecting the revenue 
requirements for any placeholder amount not already adjusted in the Second Refiling, AP should 
file its calculation of the difference between the final amount approved in any future decision 
and the placeholder amount established in Decision 2004-038, and place the difference in a 
deferral account for subsequent disposition at an appropriate time in the future. 
 
In Decision 2004-038, the Board directed AP to identify the amount of change between the 
revenue requirements shown in the January 26, 2004 Compliance Refiling and the amounts as 
changed by Decision 2004-038, and to place the difference into a deferral account for subsequent 
disposition. The Board considered that the amounts accumulated in this deferral account could be 
combined with the deferral account amounts resulting from the changes in placeholder amounts, 
for purposes of final settlement in the future. 
 
By letter of April 13, 2004, the Board permitted AP and interested parties to commence 
negotiations with the objective of reaching a settlement with respect to the provisions for 
customer account balancing set out in Article 6 of AP’s Transportation Service Regulations 
(TSR) and in regard to the settlement of daily imbalance quantities set out in Item 4 of the Rate 
Schedules.  
 
On April 26, 2004, the Board granted AP’s request based on an agreement reached with certain 
parties to withdraw the previously proposed daily balancing requirements in Article 6 of the 
Transportation Service Regulations and Item 4 of the Rate Schedules. The Board granted 
approval for the parties to resume negotiation in September 2004 with the objective of reaching a 
settlement of these issues by January 2005. Therefore, these two issues were not canvassed in the 
2004 GRA Phase II hearing, and are not addressed in this Decision. 
 
On May 28, 2004, AP filed its Second Refiling, which reflected the directions in Decision 
2004-038. In Decision 2004-059, dated July 13, 2004, the Board approved the Phase I rate base, 
revenue requirement, and forecast revenues for the 2003/2004 test years and also approved the 
deferral of the 2003/2004 net revenue shortfall of $6.240 million in the South and the deferral of 
a net revenue surplus of $4.634 million in the North. 
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The Board indicated in a letter of September 11, 2003, that it would hold a competitive pipeline 
proceeding (Competitive Proceeding) in relation to the years 2005 and beyond for competitive 
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the Application that it understood that broad competitive issues might arise in the course of the 
hearing, and cautioned parties to ensure their discussion of competitive issues was relevant to 
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this proceeding. A number of competitive issues were raised by parties and were considered by 
the Board in relation to the Application, and several remain to be more properly addressed in the 
Competitive Proceeding. 
 
2.2 Decision Overview 
Traditionally, a GRA Phase II decision will consider and determine how to apply the appropriate 
rate design criteria for the determination of just and reasonable rates to collect the utility’s 
approved revenue requirement, determine the rates for the proposed services and establish the 
appropriate terms and conditions for these services. Certain of those rate design criteria address 
the accuracy of the cost allocation methodologies used to support the collection of a share of 
revenue requirement from each class through rates. The primary tool utilized in determining an 
appropriate cost allocation is a cost of service study (COSS). A COSS will ordinarily analyze the 
costs incurred in providing regulated services, categorize or functionalize these costs and then 
determine an appropriate set of methodologies for the allocation of these costs. An appropriate 
allocation may be done in one of any number of ways, including on a fully allocated cost basis 
for all costs or a mixed allocation of costs with costs that can not be attributed to a single 
customer class (general system costs) being allocated on a fully allocated basis and costs that can 
be attributed to a single customer class being direct assigned to that class.  
 
In the present Application, AP has filed a COSS with a proposed allocation of costs and the 
resulting rates flowing therefrom. It has also proposed terms and conditions for its regulated 
services.  
 
Given, the importance of a COSS in the process leading to an appropriate rate design, Section 3 
of this Decision will review AP’s COSS and if necessary direct adjustments to the methodologies 
employed to achieve the appropriate allocation of costs among rate classes.  
 
Section 4 will consider the rate design criteria that are not primarily focused on the allocation of 
costs and consider whether an appropriate balancing of these criteria would result in any 
adjustments to the rates that would otherwise result from the determinations made in Section 3.  
 
Section 5 will consider the appropriateness of each of the proposed rate schedules. 
 
Section 6 deals with several miscellaneous matters considered during the proceeding and 
provides direction on these matters. 
 
 
3 COST OF SERVICE STUDIES 

3.1 Introduction 
The traditional principles and methods of rate design have been canvassed on numerous 
occasions by the Board, and are referred to more extensively in Section 4.1. Two such principles 
relate to the “fairness” in the apportionment of costs and the “avoidance of undue 
discrimination” in the rates charged by a utility to the various classes of customers in light of the 
costs allocated by the utility to each of the rate classes for the services provided. A COSS has 
been the traditional tool utilized by utilities to address these fairness criteria. 
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Gas Utilities Rate Design Inquiry Report No. E80100, dated July 31, 1980 (the GURDI Report), 
confirmed that a fully distributed COSS was the appropriate method of determining the costs to 
be allocated to the various customer classes as a guide to establishing reasonable rates.5 In 
Decision 2001-097,6 the Board determined that the business environment had changed 
substantially since the issuance of the directives in the GURDI Report in 1980, and that the 
application of the principles emanating from the GURDI Report since that time may need 
modification to adapt to the new circumstances being experienced by Alberta’s utilities.7 The 
Board went on to state at page 140 of Decision 2001-097 that it considered the direct assignment 
methodology adopted by ATCO in that proceeding to be more appropriate than rolled-in, fully 
distributed costing for the purposes of that proceeding.  
 
In this Application, AP characterized its COSS as a fully allocated cost of service study (AP’s 
COSS) and described the procedures and assumptions used in the process. The AP’s COSS 
suggests that an additional modification to the COSS methodology suggested by the GURDI 
Report is appropriate in the circumstances of this Application. The AP’s COSS in this 
Application provides for the reallocation of certain costs from two newly defined rate classes to 
the previously existing rate classes.  
 
The Board is prepared in the context of this specific Application, to generally accept the 
underlying allocation principles employed in the AP’s COSS. However, the Board considers that 
certain procedures and allocation factors used by AP for the direct assignment, cost allocations, 
income credits and cost reallocations in this Application require some adjustment to ensure they 
reasonably address the fairness criteria noted above. The Board’s findings are delineated in the 
following sections. 
 
3.2 Classes of Service 
In its COSS for each of the North and South8, AP included the three service classes, Distributing 
Company Deliveries, Industrial Deliveries and Producer Receipts (Primary Service Classes) that 
were included in the APS 2001/2002 GRA COSS plus two other service classes; Other Pipeline 
Deliveries (OPD) and Other Pipeline Receipts (OPR). In its COSS, AP proposed to initially 
allocate all system costs to all points on its system that either receive or deliver gas. 
 
AP defined Distributing Companies as those parties whose function was to receive gas from AP 
and to redistribute that gas to their residential and commercial customers. Distributing 
Companies include AG, Gas Alberta, AltaGas Utilities, Rate 5 customers and the Town of 
Wainwright in the North, and AG, Gas Alberta and AltaGas Utilities in the South.  
 
AP defined an Industrial customer as a party whose predominant requirement for gas was for 
processing or manufacturing use, or whose primary requirement for gas was for space or water 
heating, but where the operation was one of manufacturing or processing. 
 
AP defined a Producer as a party receipting gas from a gas well, battery or gas plant into the AP 
system, excluding gas first receipted to another pipeline. 

                                                 
5 Gas Utilities Rate Design Inquiry Report No. E80100, dated July 31, 1980, P 134 
6 Decision 2001-097, ATCO Pipelines South 2001/2002 General Rate Application Phases I and II, dated 

December 12, 2001 
7 Decision 2001-097, page 140 
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AP defined Other Pipelines as rate regulated pipeline (transmission) facilities not owned or 
operated by AP, which were used to deliver or receive merchantable quantities of gas to or from 
a facility owned or operated by AP. AP noted that Other Pipelines included Alliance, Many 
Islands Pipeline/TransGas (MIPL/TransGas) and NGTL. 
 
Views of the Applicant 
AP submitted that its proposal resulted in the allocation of all system costs to all "ons" and 
"offs", which formed the basis of its fully allocated COSS.  
 
AP submitted that a number of factors prompted the inclusion of all “ons” and “offs”, as follows: 

• The current inequitable exchange fee was essentially an "off" that was based on the 
variable costs of flowing volumes onto the NGTL system; 

• The "off" to NGTL did not currently include any AP system costs; and, 

• Gas received into AP’s system at gas plants close to interconnection points with NGTL 
paid an FSR rate, while gas received directly from the NGTL system has not historically 
paid a charge and facilities were required for both receipts. 

 
AP submitted that interveners either agreed to or were not opposed to the inclusion of all 
customer groups as identified by AP in the COSS, and argued that most of the issues were 
related to AP's proposal to reallocate these costs and the resulting rate design. 
 
With respect to Calgary’s comment that OPD and OPR were not customers as suggested by AP, 
AP submitted that OPD and OPR reflected a type of service provided to customers, just as the 
terms “Distributing Companies”, “Industrials” and “Producers” reflected types of service 
provided. AP indicated that the costs allocated to the Distributing Companies resulted in an FSU 
service rate and the costs allocated to the Industrial and Producer service classes resulted in an 
Firm Service Delivery (FSD) service rate and an FSR service rate, respectively. AP submitted 
that OPR and OPD customers consisted of such entities that use these services. 
 
AP disagreed with the Rate 13 Group (Rate 13)’s comments on the necessity of OPR service and 
its weighted average OPR/OPD solution, and FGA’s statement that only incremental and direct 
costs should be allocated to OPR and OPD. AP submitted that in a fully allocated COSS, it was 
important to identify and allocate costs to all services and argued that OPR and OPD were 
unique services with unique characteristics. 
 
AP submitted that its proposed service classes were reasonable and requested that the Board 
approve them as filed. 

Views of the Interveners 

CALGARY 
Calgary9 submitted that OPD and OPR were not really customers at all since they were neither 
'flesh and bones’ nor corporate entities. Calgary submitted that AP introduced two new classes of 
service (OPD and OPR) in its COSS analysis which were utilized to a greater or lesser degree by 
the traditional customer groups, Distributing Companies, Industrials and Producers. Calgary 
                                                 
9 The City of Calgary 
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submitted that AP elected to recognize OPD and OPR as two new classes for purposes of 
identifying cost responsibility. 
 
Calgary submitted that OPD and OPR should be treated on a stand alone basis, and that AP had 
provided all of the justification required to treat OPD and OPR as such, including the magnitude 
of the cost responsibility, the distinct nature of each service, their part of the totality of the intra-
Alberta delivery market and their distinct nature as service offerings.  
 
Calgary submitted that the Board should recognize the need to institute stand alone rates and 
terms and conditions for OPD and OPR services, and should direct AP to bring forth the required 
rates and terms and conditions of service. 
 
In the alternative, Calgary urged the Board to consider that, before any treatment of OPD and 
OPR services were embraced, other than on a stand alone rate basis, there should be a process 
engaged in whereby all the options were vetted and the best one clearly established. 
 
CCA 
CCA10 did not consider that AP’s criteria for an industrial customer should include any 
customers whose primary requirement was for space or water heating. CCA submitted that these 
customers should be considered commercial customers, whether or not their operations involved 
manufacturing or processing. CCA submitted that industrial rates were not appropriately 
designed for space heating loads and should not be used as such. 
 
CG 
CG did not object in principle to the allocation of costs to all receipt and delivery points as 
proposed by AP, but it was concerned with how costs allocated to receipt points from other 
pipelines were reallocated to other rates. 
 
Although CG did not recommend the establishment of stand alone rates for OPR and OPD 
services based on fully allocated costs, it did consider it appropriate to identify the costs 
associated with these services in order to provide an indication of the quantum of costs that may 
be involved in the TBO arrangement recommended in CG’s evidence. 
 
FGA 
FGA indicated that it had no objection to Rate 5 customers and Gas Alberta being included as 
part of the Distributing Company Deliveries class, as these customers incur costs on the AP 
system in a similar, but not identical manner to AG. FGA submitted, however, that there were 
sufficient operating differences among AG, Rate 5 and Gas Alberta to warrant distinct rate 
classes within the Distributing Company Deliveries class. 
 
With respect to the Industrial Deliveries and Producer Receipt classes, FGA considered that there 
was sufficient homogeneity in these classes that these classifications could be considered valid.  
 
FGA considered that the OPR and OPD classes were not valid customer classes. FGA submitted 
that both services could only be used by existing customer classes and argued that the OPR class 
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was inhomogeneous as the OPR rate could be used by both Industrial customers and Distributing 
Companies and the OPD class could be used by either Producer customers or marketers. 
 
RATE 13 

Rate 13 indicated that there seemed to be no benefit and no efficiency gained through an OPR 
rate. The OPR rate was significantly different from the Other Pipeline Delivery Commodity 
(OPDC) rate in terms of its potential impact on economic efficiency. The OPDC rate would have 
a significant impact on receipt customer decisions and consequently a direct impact on system 
costs. Rate 13 argued that the impact of the OPDC rate would start with the long-run decisions to 
connect to either AP or NGTL and continue to the short term decisions to sell on-system, store, 
or export gas to NGTL. 
 
However, Rate 13 argued that the same could not be said for the OPR rate because, if the 
physical supply on-system (including storage) could not serve the on-system market, gas would 
have to be nominated from NGTL. Therefore, the OPR rate should be zero. Rate 13 submitted 
that the cost allocation study should be run without an OPR service or alternatively, the costs 
allocated to OPR should be reallocated to the Industrial Deliveries and Distributing Company 
Deliveries customers on the same basis as the proposed reallocations except for the exclusion of 
the Producer Receipt class.  
 
Views of the Board 
The Board has reviewed this matter and, with some reservations, has concluded that the factors 
identified by AP for establishing the five classes of service are acceptable for this Application. 
The Board understands AP’s rationale for layering its physical reality of necessary operational 
interconnection with other pipelines with two new service classes (OPR and OPD), resulting in 
the five service classes it has proposed.  
 
However, the Board is not completely persuaded that OPR and OPD could not be treated as 
general system costs to be allocated in the COSS as such. The Board notes that most interveners 
were not opposed to the inclusion of the five service classes in the COSS. Despite the Board’s 
reservations, the Board accepts AP’s proposed service classes for the purpose of assigning and 
allocating costs and income credits in this case. Therefore, for present purposes, the Board 
considers that the five classes identified by AP should be characterized as service classes. The 
Board also understands Calgary’s position that OPR and OPD could be regarded as stand alone 
services with rates structured as separate services. However, such treatment was not proposed in 
the Application; rather AP proposed a reallocation methodology. The Board has addressed this 
issue further in Section 3.7.  
 
The Board agrees with CCA that the FSD rate was not designed for space heating loads. In order 
to confirm that AP’s industrial rates are appropriate for all customers within the Industrial 
customer class, the Board directs AP to file evidence in its next GRA to identify the number of 
industrial customers and associated load where the predominant requirement for gas is for 
processing or manufacturing use, and the number of industrial customers and associated load 
where the primary requirement for gas is for space or water heating, but where the operation is 
for manufacturing, processing or another industrial use.  
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3.3 Directly Assigned Costs 

AP described directly assigned costs as directly allocated costs that include Dedicated Assets and 
Other Directly Allocated Assets.  
 
Views of the Applicant 
AP submitted that Dedicated Assets were assigned directly to Producers or Industrials, as they 
were customer specific assets. AP submitted that Other Directly Allocated Assets were not 
considered to be dedicated as other customers or customer groups could use those assets if 
circumstances change.  
 
AP argued that its cost allocation methodology was consistent with the Gas Utilities Rate Design 
Inquiry (GURDI)11 and with good utility practice. AP submitted that direct assignment (direct 
allocation) only occurred where the facility was solely and entirely used by a particular customer 
group. AP indicated that within that customer group, however, there was no further direct 
assignment to individual customers or subset of customers. 
 
Where there were General Pipeline facilities downstream of the assets directly assigned to 
Distributing Companies, the downstream assets by definition were only being used by 
Distributing Companies. Further, those downstream assets were not included in Other Directly 
Allocated Assets, as the projects included in the Other Directly Allocated Assets were only for 
projects of $100,000 book value or greater. AP indicated that it provided details on how it 
allocated operating costs to direct projects by gross plant.  
 
AP noted that Calgary proposed to reduce the Distributing Companies' peak demand factor used 
to allocate General Pipeline costs by 206 TJ/day. AP indicated that both the Other Directly 
Allocated Assets and General Pipeline Assets were being used to serve these peak demand 
markets. AP argued that the Distributing Companies should be assigned these Other Directly 
Allocated Assets and allocated a share of the General Pipeline Assets.  
 
In response to Calgary’s claim that a direct assignment of costs followed by an allocation of a 
full share of mainline asset and operating costs, imposed duplicate costs to the Distributing 
Companies class, AP submitted that it was not duplicating any costs. AP argued that Other 
Directly Allocated costs were deducted from total pipeline costs, to arrive at General Pipeline 
Costs.  
 
Views of the Interveners 

CALGARY 
Calgary indicated that it supported the direct assignment of costs as long as there was full and 
complete recognition of all of the obligations that come along with direct assignment.  
 
Calgary submitted that when AP first introduced direct assignment of transmission costs to the 
Distributing Companies, dedicated transmission facilities were identified on a system map that 
did not connect to the AP mainline, but rather exclusively to the NGTL system. Calgary argued 
that these dedicated systems do not receive service from the APS mainline and should not be 
allocated costs related to the mainline. Calgary submitted that to do both a direct assignment of 
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asset and operating costs and then to allocate a full share of mainline asset and operating costs 
imposed duplicate costs to the Distributing Companies. Calgary indicated that it adjusted its 
COSS analysis by reducing the peak day demands by 206 TJ/day with respect to the allocation of 
General Pipeline asset and Operating and Maintenance (O&M) related expenses. 
 
CCA 
CCA supported the CG position on this issue. CCA disagreed with the AP definition of dedicated 
facilities. CCA argued that dedicated facilities should reflect usage and the customer who 
actually uses the facilities was a more reasonable indicator of whether the assets were dedicated. 
 
CG 
CG supported Calgary’s evidence and recommendations on the matter of directly assigned costs 
to the Utilities class of customers. CG submitted that Calgary’s evidence demonstrated that, 
while the concept of direct assignment of capital and operating costs may be appropriate, the 
application of this concept to the Utilities class of customers was fraught with practical 
difficulties. CG submitted that the Board should reject the AP proposal because it was not 
workable and would lead to further complications in future Phase I and II proceedings. 
 
FGA 
FGA argued that fairness and common sense should always overrule the rigidity that AP 
apparently wanted to build into COSS procedures. FGA submitted that there was evidence in this 
proceeding that challenged AP’s direct allocations of pipeline assets and that FGA provided 
Information Requests on the matter. Further, the AP panel was questioned on the matter of its 
dedicated assets. Thus interveners did address this issue in evidence, contrary to AP’s suggestion 
that they did not. 
 
Views of the Board 
The Board accepts AP’s method of identifying isolated systems and dedicated customer specific 
assets solely used by a customer class. The Board also considers that directly assigning the costs 
of these systems to the customer classes is a reasonable method. Furthermore, the Board accepts 
AP’s $100,000 threshold for assignment of Other Directly Allocated Assets as reasonable. 
 
With respect to the reduction of 206 TJ from the peak demand of Distributing Companies, as 
proposed by Calgary, to correct the “double counting” of isolated system costs and general costs, 
the Board agrees conceptually with Calgary that the methods of allocating peak demands for 
isolated systems and overall costs to customer groups should not result in attracting more general 
system costs to the customer group to which the isolated systems belong. However, the Board 
considers that the peak demand amount of 206 TJ/day includes a combination of the demand for 
isolated systems not connected to the AP mainline plus the demand for facilities dedicated to the 
utility class that are connected to the mainline. The Board considers that any adjustment to the 
total utility peak demand as advocated by Calgary to avoid double-counting of mainline costs, 
should have included only the peak amounts for isolated systems not connected to the mainline. 
Therefore, the Board does not accept Calgary’s recommended adjustment amount of 206 TJ/day 
as being representative of the peak demand for isolated systems.  
 
No evidence was presented to indicate a specific amount of peak demand that would be 
attributable to the isolated systems; however, the Board considers that the peak demand for 
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isolated systems would be insignificant due to the small number of customers being served from 
the isolated segments. However, for greater clarity in the future, the Board directs AP in its next 
GRA to remove the peak demand amount for all customer/service classes on “isolated systems” 
from the peak demand allocator used to allocate general system costs. 
 
3.4 Allocation of Costs to Functions 
AP directly assigned or allocated asset related expenses and operating and maintenance (O&M) 
related expenses to six functions12 and subsequently redistributed the administration expenses to 
the remaining five functions. 
 
Views of the Applicant 
AP submitted that there was no evidence provided by interveners that opposed its method of 
assignment of asset-related costs and O&M costs to the various functions. AP argued that its 
assignment was reasonable and it requested that the Board approve its cost assignment as filed. 
 
Views of Interveners 
No interveners provided comments. 
 
Views of the Board 
The Board considers AP’s assignment and allocation of asset related expenses and O&M related 
expenses to the six functions to be reasonable. The Board also considers the subsequent 
redistribution of administration expenses to be reasonable. 
 
3.5 Distribution of Function Costs to Service Classes 

AP directly assigned or allocated various expenses from five functions to the five service 
classes13 discussed in Section 3.2. The methodologies proposed by AP for the various expenses 
within each function are discussed in the following subsections. 
 
3.5.1 Marketing 

AP indicated that the marketing function was responsible for providing analysis of growth areas 
around the existing pipeline system in order to identify, evaluate and implement system 
expansion projects that provide an overall benefit to new and existing customers.  
 
AP proposed to allocate Marketing costs to customer groups based on the sum of all other costs 
excluding Natural Gas Supply, NGTL Firm Transportation – Alberta Delivery Service (FT-A) 
and Minimum Annual Volume (MAV) costs, and Oversupply Delivery Costs (ODC). 
 
Views of the Applicant 
AP stated that marketing costs included 70% of the Planning Group's system design and 
engineering efforts. Thus peak demands, including those of the Distributing Companies, drove 
AP’s marketing effort to some degree.  
 

                                                 
12 Administration, marketing, customer support, pipelines, compression and measurement and regulation. 
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AP submitted that its allocation method treated all customer groups fairly since it recognized 
both the effort being spent on all groups and the benefit, in the form of reduced rates, that all 
customer groups get from increased peak demand volumes on the pipeline system.  
 
AP submitted that the percentage used to allocate marketing costs to customer groups was very 
close to the four-hour peak allocation percentages used by AP to allocate the majority of costs, 
and was consistent with the methodology previously approved by the Board for predecessor 
companies of AP. 
 
With respect to the allocation of marketing costs, AP submitted that the amount of marketing 
effort spent on individual customers and customer groups can vary significantly from year to 
year and from customer to customer, making it difficult to forecast a direct or time estimate 
allocation of costs that also recognized the benefit that all customers derive from increased 
volumes, regardless of which customer group experiences the growth. 
 
AP submitted that FGA’s proposed allocation of marketing costs would allow it to receive all the 
benefits of marketing through a higher share of the benefit of the growing peak demands14 while 
only paying for a smaller share of marketing costs through an allocation based on throughput.15 
 
AP disagreed with FGA’s argument that AP did not improve the study of marketing expenses 
from the 2001/02 GRA. AP argued that it provided an allocation method that considered both 
where the marketing effort was being spent and who benefited from that effort, which was 
responsive to the Board’s direction in Decision 2001-097 to improve the study of marketing 
costs. 
 
AP submitted that its allocation method was simple and straightforward but, if the Board 
considered that a simplification of the allocation of marketing costs was required, the allocation 
should be done based on peak demand and not on throughput since increasing demand on the 
pipeline system was one of the primary goals of the marketing effort. The higher the demand, the 
higher the revenue and the greater the total peak demand volumes that could be used to allocate 
general system costs. However if throughput increased without increasing demand, there was a 
much smaller impact on revenues and on customers than if demand also increased.  
 
AP submitted that CG presented ill-defined and untested evidence on the allocation of marketing 
costs to customer groups based on the costs of business development and planning full-time 
equivalents (FTEs). AP argued that it was possible to allocate the Planning Group time to 
customer groups but it was very difficult to allocate marketing costs to customer groups. Further, 
CG’s allocation did not consider that an increase in peak demand volumes decreased all rates, 
not just the rates of the respective customer group.  
 
Views of the Interveners 

CALGARY 
Calgary submitted that the amount of marketing costs allocated to the Distributing Companies 
did not look reasonable given that it is AP’s affiliate, ATCO Gas South (AGS), that makes up 
98.5%16 of the Distributing Companies class on the APS system. Calgary argued that it was 
                                                 
14 33.0% in the North and 48.8% in the South 
15 14.1% in the North and 27.0% in the South  
16 Based upon billing demand 
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difficult to conceive how two affiliates, who used to be a single entity, require the expenditure of 
more than $500,000 for APS to market to AGS, given that the service to AGS was provided 
under an exclusive contract which prohibits AGS from receiving service from a competitor. 
Calgary submitted that the argument that all customers benefit from the marketing efforts of AP 
did not answer the question of proportion and did not justify the amount of marketing costs APS 
allocated to AGS. 
 
CCA 
CCA supported the CG position on this issue. 
 
CCA further considered that demand had no relationship to marketing expense for a pipeline 
company and argued that marketing expense should be allocated to the customer group where the 
marketing effort was placed. CCA submitted that little to no marketing effort was placed towards 
core customers and therefore no marketing costs should be allocated to them.  
 
CG 
CG argued that all customers do not benefit from marketing efforts in the same way. CG 
submitted that AP could and should have directly assigned marketing costs to the customer 
groups that use the service.  
 
CG submitted that all of the business development FTEs which were part of the marketing 
function should be allocated to the Producer, Industrial and Rate 13 customers on an all costs 
basis. In addition, AP did not demonstrate why any of the planning FTEs should be allocated to 
AG or other Distributing Companies, particularly since daily transportation planning for these 
customers was done by the control centre which was not part of the marketing function. 
 
With respect to the longer term system planning function, CG argued that, given there was little 
or no growth forecast for the distributing utilities, an allocation of 2 of the 7 FTEs of the 
Planning group, one to North and one to South, was appropriate. The remainder of the 5 planning 
FTEs could be allocated to the remaining customer groups on an all costs basis. 
 
FGA 

FGA submitted that marketing costs should be allocated by throughput and argued that a COSS, 
in the absence of direct assignment of costs, should allocate costs approximately in the manner in 
which they were incurred. 
 
FGA outlined a number of reasons for allocating marketing costs by throughput, including the 
following: 

• The marketing staff’s activities appeared to be directed towards the Industrial and 
Producer class; 

• There was not a lot of marketing done to the Distributing Companies; and 
• Allocating costs by throughput was a more stable method than allocation by the sum of 

all other costs.17 
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FGA noted that AP did not directly assign any business development staff specifically to 
marketing to the Distributing Companies and did not exhibit a viable transportation transition 
plan for sales to other Distributing Companies provided under Rate 5.  
 
FGA submitted that AP did not improve its study of marketing expenses as directed in 
Decision 2001-097 and argued that the method proposed by AP was a retrograde step from the 
estimation method by throughput, which was used in the APS 2001/2002 GRA Decision. FGA 
submitted that the Board should redirect AP to perform a study of marketing activities that would 
allow these costs to be directly allocated on the basis of the effort actually expended. 
 
Views of the Board 
In Decision 2001-097, with respect to the APS 2001/2002 GRA, the Board approved marketing 
costs allocated as estimated by APS, with a further sub-allocation to the Distributing Companies. 
The Board noted in that Decision that APS had little history available for use in projecting 
marketing expenses, and directed APS to improve its study of marketing expenses and file the 
results at its next GRA, when it would have a longer history of data with respect to these 
expenses.  
 
In theory the Board would support AP’s concept of using an allocation method that considers 
both the effort being spent on all customer groups and the benefit, in the form of reduced rates, 
that all customer groups receive from increased peak demand volumes on the pipeline system. 
Further, this concept could support an allocation being done based on peak demand, since AP 
indicated that increasing demand on the pipeline system was one of the primary goals of the 
marketing effort. 
 
However, the Board does not consider that AP has responded adequately to the Board’s direction 
in Decision 2001-097 to improve its study of marketing expenses based on actual past data. AP 
has not provided evidence to demonstrate that its marketing effort has resulted in increased 
producer or industrial peak demand and hence the claimed benefits. 
 
The Board agrees with AP that it would be very difficult to forecast a direct allocation or time 
estimate allocation of costs that also recognized the benefit that all customers derive from 
increased volumes, regardless of which customer group experiences the growth.  
 
Until such time as AP demonstrates that its marketing effort has resulted in the implementation 
of system expansion projects with increased demand (not just throughput), the Board believes it 
is appropriate to allocate marketing costs based on throughput. The Board considers that all 
customer groups should share some degree of marketing costs, particularly since system design 
efforts are included in these costs.  
 
The Board agrees with some of the reasons advanced by FGA for allocating marketing expenses 
based on throughput, and considers that a reasonable amount of costs are allocated to the various 
customer groups using throughput as an allocation factor.  
 
Therefore the Board directs AP to reallocate its marketing expenses in its Compliance Filing 
based on actual throughput for 2002.18 
                                                 
18 Excluding throughput associated with non-standard contracts. See Section 7.7 

EUB Decision 2004-079 (September 24, 2004)   •   15 



2004 GRA – Phase II  ATCO Pipelines 
 

 
3.5.2 Customer Support 
AP indicated that the Customer Support function was responsible for gas coordination between 
receipt and delivery customers, transportation measurement, contracts and billing, and 
communicating with customers regarding transportation services. 
 
AP proposed to allocate Customer Support expenses to the five service classes based on 2002 
actual throughput. 
 
Views of the Applicant 
AP submitted that its allocation method was reasonable since gas flows were an indication of 
transactions and time devoted to each customer by the Customer Support group. 
 
AP noted that, except for the issue of using 2002 actual data, no intervener provided evidence 
with respect to the allocation of Customer Support costs to the customer groups based on 
throughput.  
 
Views of the Interveners 

Interveners expressed concern with the appropriateness of using 2002 actual throughput data. 
This issue is discussed in Section 7.7. 
 
Views of the Board 
The Board considers that AP’s throughput allocation factor appears reasonable for the Customer 
Support function. In addition, as discussed in Section 7.7, the Board has also determined that it is 
appropriate for AP to use 2002 actual throughput in this situation. Therefore the Board directs 
AP to allocate Customer Support expenses in its Compliance Filing based on actual throughput 
for 2002. 
 
3.5.3 Pipeline 

AP proposed to directly assign or allocate pipeline function related asset and O&M expenses to 
the service classes as shown in Tables 1 and 2 for the North and South systems respectively.  
 
Table 1. AP Proposed Pipeline Expenses to Service Classes - North 
 $000’s 
Income Credit Distribution Industrial OPD Producer OPR Total Method 
Dedicated Assets  301  2,008  2,309 Direct 
Other Directly Allocated Assets 1,604  76 97  1,777 Direct 
Salt Cavern  4,857 2,434 330   7,621 Delivery Demand 
Non-Standard  379 190 25 259 295 1,148 Demand 
General System  13,188 6,609 898 9,015 10,243 39,953 Demand 
Industrial Facility   707    707 Direct 
TBO  1,032  600 118  1,750 Direct 
Totals 21,060 10,241 1,929 11,497 10,538 55,265  
Source: AP COSS, February 2, 2004, Table 2.6.1, lines 11-26 
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Table 2. AP Proposed Pipeline Expenses to Service Classes - South 
 $000’s 
Income Credit Distribution Industrial OPD Producer OPR Total Method 
Dedicated Assets  32  136  168 Direct 
Other Directly Allocated Assets 2,897     2,897 Direct 
Non-Standard  7 1  2 5 15 Demand 
General System  7,314 695  1,941 5,044 14,994 Demand 
Totals 10,218 728  2,079 5,049 18,074  
Source: AP COSS, February 2, 2004, Table 2.7.1, lines 11-19 
 
See Section 3.5.3.1 for a discussion on Salt Cavern expenses. 
 
Views of the Applicant 
AP indicated that Other Directly Allocated Assets were assigned to the service class currently 
using those assets. AP noted that no intervener addressed this issue in argument and AP made no 
further comments. 

Views of the Interveners 
No customers commented specifically on the methods used by AP to directly assign or allocate 
pipeline related expenses to the five service classes. 
 
Views of the Board 
The Board notes that the views of all parties with respect to Salt Cavern expenses and non-
standard expenses are included in Sections 3.5.3.1 and 7.2 respectively. 
 
With respect to the other pipeline function related expenses, the Board considers AP’s 
assignment and allocation methodology to the five service classes to be reasonable. Given the 
Board’s direction to revise some of the peak demands for the service classes in the North and 
South, the Board notes that the final amount allocated to the five service classes in AP's 
Compliance Filing should be slightly different than the amount proposed by AP in Tables 1 
and 2. 
 
3.5.3.1 Salt Cavern Expenses 

AP indicated that Salt Cavern expenses were allocated to North Distributing Companies, 
Industrials and Other Pipeline Deliveries based on peak demand. 
 
Views of the Applicant 
AP indicated that the purpose of the Salt Cavern peaking facility was to provide increased 
peaking delivery capability in the North and that it was typically required to flow during periods 
of cold weather when AG demand increases and, on occasion, when industrial power plants 
come on suddenly. AP indicated that it had contractual obligations to deliver to the Distributing 
Companies, Industrials and Other Pipelines. 
 
AP also indicated that the Salt Cavern peaking facility creates a demand on the North pipeline 
system during the gas injection phase that occurs between April and June each year.  
 
AP submitted that the peak demands of the customer groups best represent the cost causation of 
providing Salt Cavern deliverability. 
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With respect to IGCAA’s proposed allocation of Salt Cavern costs, based on the one-hour peak 
demand of Distributing Companies, AP submitted that IGCAA’s proposal should be rejected 
because AP designs its system, including Salt Caverns, to meet the four-hour and not the one-
hour peak for all customer groups. AP submitted that the difference between the four hour and 
one hour peak was primarily met by line pack. 
 
With respect to IGCAA’s proposal to allocate a portion of Salt Cavern costs to the Producer 
class, AP argued that IGCAA’s estimated volumes injected during the April to June period were 
overstated and the dollar impact of its allocation to producers was immaterial. AP submitted that 
IGCAA's allocation to producers, using an average injection rate of 40 TJ/day for the three-
month period, was $50,000. AP submitted that there was no evidence in this proceeding that the 
Salt Cavern costs provided any further benefit to producers.  
 
In response to IGCAA’s statement that the Straddle Plant peak demand should not be included 
when allocating Salt Cavern costs to the Industrial class as these costs were not included in the 
Straddle Plant rate, AP submitted that, if AP excluded the Straddle Plant peak demand from the 
Industrial four hour peak demand, the Straddle Plant revenue would have been allocated to all 
customer groups based on four hour peak demand. AP argued that all customers would then 
share revenues and costs of Straddle Plant service and the net result would be an Industrial rate 
of $1.947/GJ/Month that would remain unchanged. AP submitted that IGCAA acknowledged 
that it was economically indifferent whether these costs were included in the Industrial peak 
demand. 
 
Views of the Interveners 

CG 

CG supported the allocation of Salt Cavern costs as proposed by AP. 
 
IGCAA 
IGCAA submitted that Salt Cavern peaking costs should be allocated to receipt and delivery 
services in accordance with the purpose and use of the Salt Caverns. IGCAA argued that 
allocations to delivery services should be based on the one-hour peak demand for Distributing 
Companies and should exclude the 53 TJ of Straddle Plant demand deemed for the Industrial 
class. 
 
IGCAA submitted that, since AP allocated Salt Cavern costs based on peak demand, AP over 
allocated $136,00019 to the Industrial class because Straddle Plant demand20 was included within 
the industrial demand. IGCAA argued that Salt Cavern peaking benefits do not exist for Straddle 
Plants since AP indicated that Salt Cavern expenses were excluded from extraction, given that it 
could control Straddle Plants and by-pass them if operationally necessary during peak demand 
periods. 
 

                                                 
19 IGCAA submitted that excluding straddle plant demand from industrial peaks on lines 12 and 19 of Table 2.6-1 

in AP’s COSS results in an allocation of $1,802,000 instead of $1,909,000 and $496,000 instead of $525,000 
respectively.  
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IGCAA submitted that, since AP admitted that Salt Cavern storage reduced ODC, which would 
otherwise be incurred on its system, producers on the system would also benefit. IGCAA argued, 
however, that the benefit the producers received would not be reflected in a cost allocation based 
on peak demand where producer injections reach a high of 40 TJs per day.  
 
IGCAA submitted that if the Board accepts the logic of allocating costs based on benefits, all 
Salt Cavern costs would have to be allocated as general system costs. 
 
Views of the Board 
The Board accepts AP’s submission that the Salt Cavern peaking facility is required to meet its 
contractual obligations to deliver to Distributing Companies, Industrial customers and Other 
Pipelines. The Board considers that the use of peak demand associated with the delivery service 
classes to be a reasonable basis on which to allocate the Salt Cavern expenses. 
 
However, in the Compliance Filing, the Board expects AP to remove the 53 TJ/day of Straddle 
Plant demand from the demand established for the Industrial class as directed in Section 7.1, 
Peak Demand for Cost Allocation and Rate Design. 
 
In addition, in its next GRA, the Board directs AP to address the reasonableness of revising the 
peak demand numbers of the delivery service classes for the purposes of allocating Salt Cavern 
expenses. The Board considers that the peak demands associated with Distributing Companies 
and Industrial customers on isolated pipeline systems may not directly cause the requirements of 
the Salt Cavern peaking facility. 
 
With respect to IGCAA’s proposal to allocate Salt Cavern expenses based on the one-hour peak 
demand of Distributing Companies, the Board agrees with AP that this proposal should be 
rejected given AP’s claim that it designs its system to meet the four-hour peak for all customer 
groups. 
 
3.5.4 Compression 
With respect to compression function expenses, AP directly assigned or allocated21 the expenses 
to the five service classes.  
 
Views of the Applicant 
AP indicated that it allocated compression costs to the service classes based on the same 
allocation that it used to allocate pipeline costs, except that there were no Salt Cavern costs, 
industrial facility or TBO costs. 
 
Views of the Interveners 
No interveners provided comments. 
 
Views of the Board 
The Board considers AP’s assignment and allocation of compression function expenses to the 
five service classes to be reasonable. Given the Board’s direction to revise some of the peak 
demands for the service classes in the North and South, the Board notes that the final amount 

                                                 
21 AP used four-hour peak demand to allocate some compression function expenses. 
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allocated to the five service classes in AP’s Compliance Filing should be slightly different than 
the amount proposed by AP in the Application. 
 
3.5.5 Measurement and Regulation 

AP proposed to directly assign or allocate measurement and regulating (M&R) function related 
asset and O&M expenses to the service classes as shown in Table 3 and Table 4 for the North 
and South systems respectively.  
 
Table 3. AP Proposed Measurement and Regulating Expenses To Service Classes - North 
 $000’s 
 Distribution Industrial OPD Producer OPR Total Method 
Dedicated Assets  514  4,825  5,339 Direct 
Custody Transfer Meter – 
50% 1,100     1,100 

Direct 

Custody Transfer Meter – 
50% 155 312 83 448 103 1,100 

Throughput 

Other Directly Allocated 
Assets   465   465 

Direct 

Non-Standard  428 214 29 292 333 1,296 Demand 
General System 3,041 1,525 208 2,079 2,363 9,215 Demand 
Totals 4,725 2,565 784 7,644 2,797 18,515  
 
Table 4. AP Proposed Measurement and Regulating Expenses To Service Classes - South 
 $000’s 
 Distribution Industrial OPD Producer OPR Total Method 
Dedicated Assets  205  1,515  1,720 Direct 
Custody Transfer Meter – 
50% 1,174     1,174 

Direct 

Custody Transfer Meter – 
50% 317 129 139 505 84 1,174 

Throughput 

Other Directly Allocated 
Assets   253   253 

Direct 

Non-Standard  116 11  31 80 239 Demand 
General System  2,783 265  739 1,919 5,705 Demand 
Totals 4,390 610 393 2,790 2,083 10,266  
 
The discussion on the allocation of general system (GS) expenses and Unaccounted for Gas 
(UFG) custody transfer meter (CTM) expenses are included in sections 3.5.5.1 and 3.5.5.2 
respectively. 
 
Views of the Applicant 
AP indicated that its allocation of M&R costs to all customer groups was based on the same 
allocation that it used to allocate pipeline costs except that there were no Salt Cavern costs, 
industrial facility or TBO Costs. 
 
Views of the Interveners 
No customers commented specifically on the methods used by AP to directly assign or allocate 
the other M&R related expenses to the five service classes. 
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Views of the Board 

With respect to the other M&R function related expenses, the Board considers that AP’s method 
employed to assign and allocate these costs to the five service classes is reasonable. In 
Section 7.1 following, the Board has determined that revisions to the four-hour peak demand for 
the Distributing Company class in the North and South are required. Therefore, the Board notes 
that in AP’s Compliance Filing, the final amount allocated to the five service classes should be 
different from the amounts proposed by AP in Tables 3 and 4 above.  
 
3.5.5.1 Allocation of General System M&R to Utilities 

AP proposed to allocate GS M&R related expenses22 to the service classes in the North and 
South based on four-hour peak demand. 
 
Views of the Applicant 
AP submitted that GS M&R expenses were calculated by taking the total M&R expenses and 
deducting dedicated M&R expenses, other directly allocated M&R expenses, UFG CTM 
expenses and non-standard M&R expenses. AP indicated that CTM expenses formed only a 
small part of GS M&R expenses. AP submitted that GS M&R expenses included expenses 
related to general system facilities upstream of the CTMs that were necessary to operate the 
pipeline system. AP argued that all customer groups benefited from these facilities. 
 
With respect to the Distributing Companies' share of M&R expenses related to non-standard 
contracts, AP submitted that FGA's analysis was inconsistent in that it eliminated the 
Distributing Companies' share of non-standard M&R expenses but did not make any adjustment 
to the Distributing Companies' share of revenues associated with non-standard contracts.  
 
With respect to FGA’s calculation of the asset-related costs for the CTMs that were proposed to 
be sold to Gas Alberta, AP submitted that, while FGA was correct in its calculation of return on 
these assets, it excluded the costs of depreciation and income taxes related to these assets. In 
addition, AP submitted that FGA did not provide a calculation of O&M expenses. AP submitted 
that the total cost should have been $150,000 and argued that these costs were not directly 
allocated to Gas Alberta in its rate. AP submitted that these costs were included in GS M&R 
expenses23 that were allocated to all customers based on peak demand. The costs of the CTMs 
that were allocated to Gas Alberta based on Gas Alberta's share of peak demand was only 
$2,00024 and other customers were allocated the other $148,000. 
 
AP submitted that contrary to what FGA stated, CTMs were only a small part of the GS M&R 
expenses. AP argued that the cost of service of FGA’s CTMs was only $150,000 while the total 
2004 year end cost of service of GS M&R expenses was $9.215 million.25  
 
In response to FGA’s submission that the value of the CTMs proposed to be sold to Gas Alberta 
should be removed from rate base, AP submitted that the sale has not yet occurred and there was 
nothing on the record to support that this sale would in fact take place in 2004. AP argued that 
the setting of rate base was a Phase I matter that was decided upon in Decision 2003-100, and it 

                                                 
22 General asset-related expenses and general operating and maintenance expenses. 
23 Exhibit 002-01(p) - Revision to Refiling – 2004 COSS, North, Table 2.6-1, lines 41 and 49. 
24 $148,000 * 48/4,002. 
25 Exhibit 002-01(p) - Revision to Refiling – 2004 COSS, North, Table 2.6-1, lines 41 and 49. 
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was not appropriate to open up previously decided rate base calculations to selectively include a 
revised capital expenditure forecast. 
 
AP submitted that industrials and producers did not object to paying for a share of GS M&R 
expenses even though their CTM expenses were directly assigned to them as part of dedicated 
assets. 
 
AP submitted that FGA's M&R proposals should be rejected by the Board since they were not 
fair to other customer groups. AP argued that it was not appropriate for the FGA to evade 
responsibility for M&R expenses simply because its participants own or plan to own the CTMs. 
 
Views of the Interveners 

FGA 
Gas Alberta submitted that it should not be allocated any GS M&R expenses on the basis that it 
owns or will own and operate all the CTMs at the custody transfer points with AP. 
 
FGA did not agree with AP’s assertion that Gas Alberta should pay GS M&R expenses because 
they were GS M&R expenses. FGA submitted that the annual capital cost of the $500,000 
estimated book value of the meters that Gas Alberta intended to purchase almost equals the GS 
M&R expenses allocated to Gas Alberta in the AP COSS and argued that any difference between 
the return on $500,000 and the allocated M&R expenses was likely due to depreciation on the 
meters. FGA submitted that the GS M&R expenses were insignificant relative to the CTMs that 
Gas Alberta would be removing from rate base. 
 
FGA submitted that, in the hearing, AP was unable to show how its COSS differentiated between 
these “system-wide” costs and the CTMs that Gas Alberta was purchasing and argued that it 
appeared that the most costly items were owned by Gas Alberta’s members and not in AP’s rate 
base. 
 
FGA submitted that Gas Alberta would pay an appropriate share of GS M&R expenses, if they 
were identified, quantified and appropriately allocated to Gas Alberta’s operations. However, 
FGA argued that such expenses did not appear to be either real or of sufficient significance to 
warrant functionalization in the COSS. 
 
FGA submitted that, instead of evading costs, Gas Alberta has already incurred costs and would 
be incurring its own costs through its ownership of the master meters and the data acquisition 
systems. FGA indicated that Gas Alberta would be assuming the cost of maintenance and 
replacement. FGA submitted that there was a program of data acquisition for the needs of Gas 
Alberta’s own members and the benefits of this program would accrue to AP and its customers at 
no cost. 
 
With respect to AP’s submission that FGA wanted all the benefits of non-standard revenues but 
none of the non-standard M&R expenses, FGA indicated that it would gladly forgo the benefits 
of a non-standard contract, such as the Calpine contract, if the corresponding costs were not 
allocated to rates paid by Gas Alberta and Rate 5. 
 
In response to AP’s assertion that FGA’s calculation, with respect to asset-related costs for the 
CTMs to be sold to Gas Alberta, was incomplete and misleading, FGA agreed that the 
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calculation was incomplete but not in the direction represented by AP. FGA argued that the 
purpose of its simplified calculation was to illustrate that the return portion of the net CTM costs 
was almost equal to the cost allocated to Gas Alberta, based on a level of demand that AP had 
already accepted in the hearing.  
 
FGA provided a revised calculation and submitted that, if the missing capital costs were included 
and only correctly calculated asset-related costs were compared to the asset-related costs26, it 
would put the existence of GS M&R expenses in doubt. FGA submitted that, by including 
depreciation and income taxes, it appeared that Gas Alberta had been contributing to far more 
costs27 than it should have been allocated28, to the benefit of all other customers on the system.  
 
Views of the Board 
The Board notes that GS M&R expenses allocated to all classes were determined from the total 
M&R expenses less dedicated and other directly allocated M&R costs, UFG CTM and non-
standard M&R expenses. The Board accepts that the remaining costs are GS facilities upstream 
of the CTMs and are necessary for the pipeline system operation. Therefore, the Board agrees 
with AP that the remaining costs in the GS M&R account should be allocated to all customer 
groups based on four-hour peak demand. 
 
In Section 7.8.1, the Board addresses FGA’s request for a separate reduced rate within the 
Distributing Companies service class to compensate Gas Alberta for owning and operating costs 
of the metering and other equipment.  
 
3.5.5.2 UFG Custody Transfer Meters 

AP proposed to allocate 50% of the UFG CTM asset-related expenses and O&M related 
expenses to the five service classes based on throughput and to assign the remaining 50% of 
these expenses to the Distributing Company Deliveries class.  
 
Views of the Applicant 
AP submitted that the 50% allocation of UFG CTM costs to all service classes, based on 
throughput, was reflected in the Board's rulings in Decisions 2001-097 and 2003-100, whereby 
the Board indicated that, since all customers benefit from the installation of these meters, this 
cost should be allocated to all customers. 
 
AP argued that its 50% direct allocation to Distributing Companies also recognized that these 
meters provided the same physical function and served the same purpose as dedicated CTMs that 
were directly assigned to Industrials and Producers.  
 
With respect to CAPP’s submission that the UFG CTM costs should be allocated 100% to the 
Distributing Companies Deliveries class, AP argued that its 50/50 allocation proposal provided a 
balancing of interests. 
 
In response to FGA’s assertion that there were no direct benefits of reduced UFG/Fuel to 
delivery customers with AP’s proposed reallocation of UFG/Fuel, AP submitted that shifting 

                                                 
26 AP Application Table 2.6-1, line 41 
27 $66,528 
28 $48,251 
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UFG/Fuel to receipt volumes would result in UFG/Fuel being allocated to all customer groups. 
AP indicated that, in Decision 2001-097, the Board approved the allocation of UFG CTM costs 
to both receipts and deliveries when the UFG/Fuel cost was being charged solely on deliveries.  
AP requested that the Board approve its proposed allocation method as filed. 
 
Views of the Interveners 

CALGARY 
Calgary submitted that the Board should continue to enforce Decision 2001-97 and direct AP to 
allocate the cost of the UFG CTMs using the ratio of volume throughput to each customer class. 
Calgary submitted that AP’s proposal was effectively an implicit review and variance request of 
the Board’s decision. Calgary submitted that AP provided no evidence or business case for 
overturning the Board’s decision and argued that the underlying foundation for the Board’s 
decision remains the same today. Calgary argued that if the parties did not like what the Board 
said in 2001-097, it was always open to those parties to seek a review and variance application.  
 
CAPP 
CAPP submitted that the costs related to UFG CTM should be charged 100% to Distributing 
Companies since the meters serve the same function as CTMs used by and charged directly to 
the producer and industrial customer groups respectively. CAPP also noted that AP agreed that 
the meters for all three customer groups were necessary for accurate calculation of UFG. 
 
In response to AP’s assertion that its proposal provided a balancing of interests, CAPP submitted 
that AP did not define what these interests were. CAPP argued that undefined interests should 
not negate the fundamental ratemaking principle of cost allocation according to cost causation.  
 
With respect to the CG’s contention that CAPP’s argument was faulty because it was not 
possible to segregate exactly which assets were direct assigned versus allocated to these 
customer classes, CAPP submitted that this assertion was irrelevant because there should not be 
different treatment for assets that perform the same function. 
 
CCA 

CCA supported the CG position on this issue. 
 
CG 
CG supported AP’s proposed methodology for allocating UFG CTM costs and noted that it 
agreed with AP’s rationale that all customers benefit from the installation of the meters and that 
the proposal provided a balancing of interests. 
 
CG submitted that it was not possible to segregate exactly which assets were directly assigned 
versus allocated to these customer classes and therefore, CAPP’s argument that utilities’ 
customers should pay for all of the costs associated with UFG CTM was faulty. 
 
FGA 
FGA noted that for the UFG CTMs that were first installed on the APS system, the Board 
determined that the capital and O&M costs should be allocated 100% by throughput to all users. 
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FGA submitted that the basic rationale for the allocation was related to the purpose of the meters, 
which was for the determination of gas sold to AG and a more precise determination of UFG. 
 
FGA submitted that AP consistently agreed that the meters were required by AG to determine 
the correct allocation of UFG between the AG distribution network and the AP transmission 
system and to provide AP and AG with the ability to accurately identify and be accountable for 
their own UFG. FGA submitted that the evidence was abundantly clear that these CTMs were 
needed only because of the reorganization of the former Northwestern Utilities Limited (NUL) 
and CWNG utility corporations into AG and AP. FGA argued that the purpose of the UFG 
CTMs was to measure gas delivered to the customers of AG, not to measure gas delivered to any 
other customer.  
 
FGA indicated that Gas Alberta and Rate 5 delivery points have always had CTMs and have 
been accurately measured and, similarly, Industrial and Producer customers have also always 
been accurately metered. FGA submitted that since AG was the only AP customer requiring the 
UFG CTMs, the project should be charged solely to that customer. 
 
IGCAA 
With respect to UFG CTM costs, IGCAA supported the CAPP position, which IGCAA 
submitted was based on the principle of cost allocation based on cost causation. IGCAA argued 
that the cost of UFG CTMs was caused by the provision of service to distribution utilities at 
delivery points.  
 
IGCAA submitted that the Board should not consider its Decision 2001-97 to be a precedent 
regarding the issue of proper allocation of UFG CTM costs to distribution utilities because the 
decision related to UFG CTM costs in 2001 and was made in the context of reviewing the COSS 
that had been filed for the limited purpose of determining whether costs allocated to AG were 
generally fair. IGCAA also indicated that the industrials, producers and the FGA reached 
settlements with AP and although IGCAA had intervened in the proceeding, it was for the 
limited purpose of establishing an interim UFG allocation methodology pending the installation 
of meters.  
 
Views of the Board 

The Board considers that the use of the UFG CTMs in the test years is for the purpose of 
determining UFG for distribution and transmission using measurement data rather than the 
allocation procedure, thereby providing a more accurate determination of the transmission and 
distribution UFG.  
 
The Board considers that throughput associated with the various receipts and deliveries remains 
a reasonable proxy for allocating the UFG CTM costs. Therefore, the Board directs AP, in its 
Compliance Filing, to allocate 100% of the UFG CTM asset related and O&M related expenses 
to the five service classes based on actual 2002 throughput29.  
 
However, it appears that in future test periods, the UFG CTMs might be used to support load 
balancing and the monitoring function for any proposed FSU penalty provisions. Therefore, the 
Board considers that it would be appropriate to reevaluate the purpose of the CTMs and review 
the cost allocation methodology at the next GRA. 
                                                 
29 Excluding throughput associated with non-standard contracts. 
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With respect to the arguments raised by FGA, please refer to Section 7.8.1. 
 
3.5.6 Other Costs 

The subsections included in this section discuss the expenses that were not directly assigned or 
allocated to the five main functions. 
 
3.5.6.1 Natural Gas Supply 
AP allocated natural gas supply expenses to the Distributing Companies service class and the 
Industrial service class in the North. AP also allocated the corresponding gas cost revenues to the 
same service classes. There were no natural gas supply expenses or revenues for South 
customers. 
 
Views of the Applicant 
AP indicated that natural gas supply expenses were allocated directly to the service classes that 
benefit from AP’s natural gas supply service. AP submitted that the net result of the expense and 
recovery allocations was a flow-through item that was not included in the net revenue 
requirement used to develop Phase II rates. 
 
AP submitted that there was no evidence provided by the interveners with respect to the 
allocation of natural gas supply expense and revenue. AP argued that its allocation was 
reasonable and requested that the Board approve it as filed. 
 
Views of Interveners 

CCA 
CCA supported the CG position on this issue. 
 
CG 
CG recommended that existing sales customers should be provided with a choice of continuing 
on sales rates and indicated that, if this recommendation was accepted, some modification to this 
expense category might be required by AP in its Compliance Filing. 
 
Views of the Board 
The Board considers AP’s proposed allocation methodology for natural gas supply expenses and 
revenues to be reasonable and approves it as filed. The Board notes that the issue of continued 
sale services is discussed in Section 7.4. 
 
3.5.6.2 Taxes Other than Income – Rider A & B 
AP allocated tax other than income tax (property tax), to the Distributing Companies service 
class and Industrial service class in the North and South. AP also allocated the corresponding 
Rider A30 and B31 revenues to the same service classes.  
 

                                                 
30 Municipal Franchise Fee 
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Views of the Applicant 

AP indicated that the net result of the allocation of expenses and revenues associated with 
Property Tax was a flow-through item that was not included in the net revenue requirements 
used to develop Phase II rates. 
 
AP submitted that there was no evidence provided by the interveners with respect to the 
allocation of these expenses and revenues. AP argued that its allocation was reasonable and 
requested that the Board approve it as filed. 
 
Views of Interveners 
No interveners commented on AP’s proposed allocation methodology. 
 
Views of the Board 
The Board agrees with AP that its allocation methodology with respect to Property Tax results in 
no impact upon the net revenue requirements used to develop Phase II rates. Therefore, the 
Board considers that AP’s proposed allocation methodology for Property Tax expense and 
revenue is appropriate. 
 
3.5.6.3 NGTL Charges – FT-A and Facility Connection Service (FCS) MAV 
AP proposed to directly allocate NGTL FT-A and FCS MAV charges to the OPR service class 
and the 2004 forecast with respect to these charges is shown in Table 5. AP also proposed to 
include the NGTL FT-A and FCS MAV expenses in the OPR deferral account as discussed in 
Section 7.3.  
 
Table 5. 2004 Forecast NGTL FT-A and MAV Charges 

Item 
APN 

($000s) 
APS 

($000s) 
FT-A 2,36032 1,49433 

MAV 1,020 680 
Total 3,380 2,174 

Source: IR BR-AP-11 (c) 
 
Views of the Applicant 

AP submitted that NGTL FT-A and MAV costs were part of the cost of delivering gas onto the 
AP system from the NGTL system and were directly allocated to the OPR service class. AP 
argued that its allocation was reasonable and requested that the Board approve it as filed.  
 
Views of Interveners 
No interveners objected to the initial allocation of these costs to the OPR service class. 
 

                                                 
32 157.3 PJ x 1.5 cents/GJ. 
33 99.6 PJ x 1.5 cents/GJ. 
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Views of the Board 

The Board has accepted OPR as a class of service for this GRA. Since these costs are associated 
with receiving gas from NGTL onto the AP system, the Board considers that AP’s proposed 
allocation of the NGTL FT-A and FCS MAV costs to this service class is appropriate. 
 
3.5.6.4 Oversupply Delivery Costs 
AP noted that ODC were the costs of physically delivering gas to another pipeline system when 
the supply exceeded the demand (market) on the AP system. AP proposed to allocate these costs 
to all customer groups based on four-hour demand.  
 
Views of the Applicant 
AP submitted that, currently, there was a mismatch between customer groups who receive the 
benefit of additional on-system producer receipts and customer groups who pay the costs related 
to these excess receipts. Therefore, AP proposed to allocate ODC to all customer groups because 
AP submitted that they benefit from the additional receipts. 
 
AP noted that by choosing to contract higher receipt volumes than required to meet the base 
summer load, gas had to flow to NGTL and this resulted in ODC. AP submitted that these extra 
receipt volumes, above the summer baseload, provided revenue that exceeded incremental costs. 
 
AP submitted that the costs of system bottlenecks, such as at Monarch, need to be allocated 
appropriately and argued that the requirement to flow gas to NGTL arises from a combination of 
these system bottlenecks and excess supply over market requirements. AP submitted that the 
costs of flowing excess supply to NGTL at Monarch was a more cost effective solution than 
building a pipeline to the Calgary market which AP argued would be a general system cost. 
 
With respect to IGCAA’s proposal to add ODC to the OPD customer group, AP submitted that it 
effectively ignored the matching of ODC with revenues/benefits. AP noted IGCAA’s claim that 
it was hard to understand where those benefits were, but AP submitted that it made these benefits 
clear. AP argued that the increase in the receipt volumes resulted in a reallocation of costs from 
the delivery customer groups to the producer customer group because of the larger receipt 
demand base, so all customer groups benefit through a decreased unit cost (lower toll per GJ). 
 
AP submitted that the fundamental issue was whether AP’s proposal resulted in an appropriate 
matching of costs and benefits of ODC. AP argued that, under its proposal for ODC, the benefits 
of producer volumes over the minimum summer load were matched with the ODC associated 
with these volumes while, under the interveners’ proposals, all customer groups get the benefit of 
these producer receipt volumes over the minimum summer load, while producers or OPDC 
shippers were solely responsible for the ODC. AP submitted that this was not fair to producers or 
OPDC shippers and did not provide the proper price signal to producers.  
 
AP submitted that its proposed ODC allocation (where all parties sharing the benefits share the 
associated costs) provided a more appropriate matching of costs to benefits than the existing 
Exchange Fee Mechanism. AP requested that the Board approve its proposed allocation of ODC 
as filed. 
 

 
28   •   EUB Decision 2004-079 (September 24, 2004) 



2004 GRA – Phase II  ATCO Pipelines 
 

Views of the Interveners 

CALGARY 
Calgary submitted that ODC was part of providing OPD services and should be part and parcel 
of the OPD cost center. Calgary also submitted that ODC should be included in developing 
appropriate rates for this service.  
 
Calgary subscribed to the proposition that rates for service provided by regulated utilities should 
be cost based, not value based. Calgary further supported the proposition that, where service was 
a cost based service, it provided appropriate price signals to the market place that would enable 
the market to manage costs. 
 
With respect to shipper benefits from ODC, Calgary submitted that industrial and utility 
customers’ tolls have not gone down, notwithstanding the doubling of receipts. Calgary argued 
that receipts equal volumes, which do not reduce tolls. Only increased contract demand provides 
revenue. 
 
CAPP 
CAPP agreed with AP’s proposal to charge ODC to all customer groups because ODC was 
incurred in the course of bringing additional receipts onto the AP system and these additional 
receipts benefit all shippers. In addition, CAPP submitted that the costs were caused, not by a 
service provided to one particular customer group, but by the mismatch between overall on-
system supply and on-system markets. CAPP argued that it was neither the markets nor the 
supply that was causing ODC but rather the net difference between the two.  
 
CAPP disagreed with Calgary’s characterization that ODC was part of providing OPD services. 
CAPP argued that OPD service could be offered without incurring any ODC and, on the APS 
system, some ODC was incurred due to system bottlenecks where no OPD service was provided. 
CAPP submitted that ODC was cost incurred in order to bring the benefits of incremental 
receipts to all shippers on the AP system.  
 
CAPP disagreed with IGCAA’s submission that ODC was caused by the shippers who put gas 
onto the AP system in excess of market demand. CAPP argued that ODC was caused because 
AP encouraged additional receipts onto its system in order to bring the benefits of lower tolls 
than they otherwise would be. CAPP also disagreed with IGCAA’s assertion that it should not be 
responsible for any portion of the ODC because industrial customers have relatively flat load 
factors. CAPP argued that industrial load factors were relatively flat but could and do drop 
during the summer months. 
 
With respect to IGCAA’s assertion that there was no reliable evidence on the record quantifying 
the extent of the benefits, CAPP directed the Board to Exhibit 035-27 and argued that, combined 
with other aspects of the proposed AP rate design, ODC allocated only to producers would result 
in receipt volumes declining to the bottom of the summer demand trough.  
 
With respect to Rate 13’s claim that receipt customers have a choice between connecting to AP 
or NGTL and to sell on-system, store or export gas to NGTL, CAPP argued that on-system 
buyers have precisely the same menu of choices. CAPP submitted that both groups face the fact 
that, on the AP system at certain times of the year, the NGTL system needs to be used for 
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“swing”. CAPP submitted that it was self-serving and disingenuous of Rate 13 to simultaneously 
argue for a zero OPR rate and for an increased OPD Commodity (OPDC) rate.  
 
CCA 

CCA did not consider that core customers were responsible for providing other customer groups 
markets for their products. CCA submitted that core customers pay a premium for the purchase 
of natural gas in the winter because of their low load factor and argued that core customers 
should not be required to subsidize producers because they have no market to sell their gas in the 
summer. CCA submitted that economics demand that the net effect price should drop when 
supply exceeds demand and rate design should not be used to offset proper economic functioning 
of markets. CCA argued that the costs of moving natural gas to market must be borne by the 
party who caused the costs and receives the benefits and costs of ownership and, in the case of 
ODC, this should be the producer. 
 
CG 
CG submitted that ODC was made up of NGTL receipt and fuel charges caused by producer 
customers when no exchange service was available.  
 
CG indicated that its preferred approach for addressing the issue of ODC was to have these costs 
effectively absorbed by NGTL through NGTL offering a summer TBO on AP or expanded to a 
two way TBO. CG also noted, however, that it recognized that implementation of this TBO 
solution could not be achieved as part of the present proceeding. 
 
With respect to ODC, CG submitted these costs should be recovered from the producer class 
given the variable nature of these costs. CG argued that the benefit argument for reallocating to 
all other classes was less defensible for variable costs that must be attributed and recovered from 
the class that was causing the cost. 
 
IGCAA 
IGCAA noted that currently the EDA was the mechanism for managing NGTL costs and the AP 
UFG/Fuel costs associated with delivering gas off the AP system. IGCAA submitted that AP was 
proposing to resolve the EDA problem by renaming the EDA as ODC and spreading these costs 
out amongst all shippers on its system.  
 
IGCAA submitted that AP’s proposal departed from the principle that cost allocation should be 
driven by cost causation in order to achieve both fairness and efficiency. IGCAA argued that the 
most important reason for allocating costs based on causation was that it provided the 
appropriate price signals to the marketplace and promoted efficiency.  
 
In order to provide a proper price signal, IGCAA submitted that these shippers must be directly 
accountable for the costs associated with putting gas onto the NGTL system, including NGTL 
receipt charges and fuel. By failing to provide proper price signals in the OPDC rate, IGCAA 
submitted that shippers on the AP system would make inefficient service choices, create a 
significant risk of construction of unnecessary facilities and distort gas pricing on the AP system.  
 
IGCAA submitted that ODC was caused by the shippers who put gas onto the AP system in 
excess of market demand and argued that it made no sense to blame the seasonality of demand 
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on the system as the cause of ODC. IGCAA submitted that it was receipt shippers who choose to 
put gas on the system, notwithstanding the lack of system market, that directly trigger ODC.  
 
IGCAA also submitted that, even if CAPP’s position regarding the core market causing ODC 
had merit, it would not provide a basis for allocating ODC to high load factor industrial 
customers who have little, if any, seasonality associated with their demand.  
 
IGCAA submitted that the only way that it could be said that all shippers on the AP system 
benefited from incurring ODC was if the ODC, for which they were made responsible, resulted 
in incremental receipt revenue that would not otherwise be received by the system. However, 
IGCAA argued that there was no evidence on the record that tied ODC to incremental receipts 
and to the contrary, all of the evidence on the record suggested that receipt revenue would not 
change. 
 
With respect to the ODC matter, IGCAA submitted that AP was proposing to make all producer 
receipts on its system the same as the non-standard PanCanadian/EnCana volumes in the south. 
IGCAA argued, however, that there was no evidence that AP stands to lose any receipt volumes 
unless it makes all producer receipts on its system non-standard by putting exchange costs into 
the system and, in fact the evidence was to the contrary.  
 
IGCAA submitted that AP stands to lose no forecast receipt revenue in the south and, as a result, 
there was no benefit to system shippers by incurring this $4.7 million in ODC. IGCAA submitted 
that instead, AP’s proposal reduced the amount of revenue it recovers from receipt shippers that 
was attributable to the provision of service to those shippers. IGCAA argued that receipt shipper 
revenue was in effect decreased by the amount of the ODC incurred. 
 
IGCAA was concerned with assigning ODC to general system costs because of the uncertainty 
associated with managing these costs. IGCAA submitted that CAPP admitted that quantifying 
benefits of additional receipt revenue was almost impossible because it had no idea how shippers 
would react to AP’s new rate design.  
 
IGCAA noted that AP indicated that certain ODC was incurred on its system because of 
bottlenecks and that incurring this ODC was less expensive than building pipeline transmission 
facilities required to transport on-system supply to on-system markets. IGCAA indicated that, in 
principle, it had no difficulty making ODC general system costs to the extent that AP could 
establish that these costs were incurred to avoid adding pipeline facilities. IGCAA stated, 
however, that, since AP did not take this limited approach to make ODC general system costs, it 
was difficult to quantify what portion of ODC in the south could properly be made general 
system costs. IGCAA submitted that AP should be directed by the Board to take this approach in 
its next GRA.  
 
Rate 13 
With respect to AP’s assertion that ODC was the result of having higher receipt volumes on its 
system, Rate 13 disagreed with AP’s characterization of the cause of oversupply costs. Rate 13 
submitted that ODC occurred only as a result of having higher receipt volumes relative to 
delivery volumes and argued that higher volumes were needed such that supply exceeded 
demand. 
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Rate 13 submitted, that in this context, ODC was NGTL receipt costs charged to AP for the 
transfer of gas from the AP system to NGTL and argued that it was obvious that those customers 
who ship their gas to NGTL via AP using the OPDC service impose these costs. 
 
With respect to AP’s argument that all customers should pay for those costs because all 
customers benefit from the higher receipt revenues, Rate 13 submitted that AP’s logic appeared 
flawed because this argument completely ignored cost causation and the fact that gas leaving the 
system causes those costs. In addition, Rate 13 submitted that AP was attempting to make some 
value judgment that other customers should pay higher rates because of the overall system 
benefit from higher receipts. Rate 13 noted that the Application indicated that there were 
significant shortfalls in the past (and proposed) collection of ODC from the exchange fees/OPDC 
rate. Rate 13 submitted that increases to average customer rates were proposed to cover these 
shortfalls. 
 
In addition, Rate 13 submitted that AP did not demonstrate that a subsidy was required such that 
all customers should share oversupply costs. Rate 13 submitted that only under special and 
relatively unique circumstances should a customer receive a subsidized rate and argued that AP 
did not demonstrate any type of special circumstance applies in this instance. Rate 13 submitted 
that if it was not economic for receipt customers to pay the full cost of their service, then they 
should seek other economic transactions. 
 
Rate 13 submitted that AP should be directed to allocate ODC 100% to the OPD customer class. 
 
Views of the Board 
The Board notes that AP submitted that NGTL FT-A and MAV costs were part of the cost of 
delivering gas onto the AP system from the NGTL system and were directly allocated to the 
OPR service class. On a similar basis the Board considers it reasonable to allocate the ODC to 
the OPD service class since the ODC is part of the cost of delivering gas to the NGTL system 
from the AP system. The Board considers that the OPD service class most directly causes the 
costs and should be responsible for them.  
 
With respect to AP’s argument that certain ODC was incurred on its system because of 
bottlenecks, the Board notes that AP indicated that the main occurrence of pipeline capacity 
restriction was on the East Mainline Pipeline system and that pipeline capacity restrictions on the 
remainder of the integrated pipeline system were short term, unplanned and infrequent events 
resulting in little or no impact to ODC. The Board notes that AP also provided estimated costs 
incurred for flowing East Mainline producer receipts to NGTL due to pipeline capacity.34  
The Board agrees with IGCAA that, to the extent that AP could establish that certain ODC 
would be incurred to avoid adding pipeline facilities, the Board would consider making those 
ODC general system costs. Therefore, the Board directs AP, in its next GRA, to provide further 
evidence with respect to pipeline facility costs that were avoided through ODC as the least cost 
alternative (LCA) and to provide a forecast of the associated ODC for the appropriate test years.  
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3.6 Income Credits 

AP proposed to directly assign or allocate income credits to the five service classes in the North 
and South as shown in Tables 6 and 7 respectively. For the income credits that were allocated, 
AP proposed to use four-hour peak demand as the basis for allocation. 
 
Table 6. AP Proposed Income Credits to Service Classes - North 
 $000’s 
Income Credit Distribution Industrial OPD Producer OPR Total Method 
Fixed Revenue  694    694 Direct 
Non-Standard Revenue 1,046 524 71 715 813 3,170 Demand 
IT & OR Revenue 835 418 57 571 648 2,529 Demand 
Commodity/Other Revenue 75 1,633    1,708 Direct 
Lease and Other Revenue 460 231 31 315 357 1,394 Demand 
Totals 2,416 3,500 159 1,601 1,818 9,495  
Source: AP COSS, February 2, 2004, Table 2.6.1, lines 61-65 
 
Table 7. AP Proposed Income Credits to Service Classes - South 
 $000’s 
Income Credit Distribution Industrial OPD Producer OPR Total Method 
Fixed Charge  167    167 Direct 
Agrium Carseland FSD 
Rebate 

   (523)  (523) Direct 

Non-Standard Revenue 1,161 110  308 801 2,381 Demand 
IT & OR Revenue 361 34  96 249 740 Demand 
Totals 1,522 311  (119) 1,050 2,765  
Source: AP COSS, February 2, 2004, Table 2.7.1, lines 51-54 
 
Tables 8 and 9 show the forecast billing determinants and associated forecast revenue for various 
services that have commodity charges in the North and South respectively. 
 
Table 8. AP Forecast Billing Determinants and Revenue for Commodity Charges - North 
Revenue Item Service Class Credited Forecast Quantity 

(TJ’s) 
Forecast Revenue 

($000’s) 
Wainwright (Jan to June) Distribution 340 75 
Producers IT/OR (Oct – May) Producer 32,862 1,906 
Producers IT/OR (Jun – Sep) Producer 8,540 623 
Straddle Plant Service Industrial 19,392 834 
Industrial Overrun Industrial 1,288 90 
Rate 6 Power Plants Industrial 20 1 
Industrial Facility Industrial  708 
OPDC OPD 44,734 2,371 
OPR Commodity OPR 157,300 2,360 
Non-standard Industrial Commodity All 106,299 2,360 
FBA Cost of Service All 2,742 773 
Total  373,517 12,101 
Source: Information Response Attachment IGCAA-AP02-1 (a) 
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Table 9. AP Forecast Billing Determinants and Revenue for Commodity Charges - South 
Revenue Item Service Class Credited Forecast Quantity 

(TJ’s) 
Forecast Revenue 

($000’s_ 
Producers IT/OR (Oct – May) Producer 10,453 606 
Producers IT/OR (Jun – Sep) Producer 1,830 134 
Industrial Overrun Industrial 461 23 
OPDC OPD 53,397 2,243 
OPR Commodity OPR 99,600 1,494 
Non-standard Industrial Commodity All 650 22 
Agrium Carseland Rebate Producer 21,780 (523) 
Total  188,171 3,999 
Source: Information Response Attachment IGCAA-AP02-1 (a) 
 
Views of the Applicant 
AP submitted that there was no evidence provided by the interveners with respect to the direct 
assignment or allocation of the income credits. 
 
AP argued that its methodologies were reasonable and AP requested that the Board approve the 
direct assignment and allocations of income credits as filed. 
 
Views of the Interveners 

No interveners provided comments on the income credits. 
 
Views of the Board 
The Board considers that the proposed direct assignment and allocation methods for the various 
income credits appear reasonable except for the proposed allocation of IT revenue, OR revenue 
and the direct assignment of straddle plant revenue to the Industrial service class in the North, 
which is included in the Fixed Revenue and Commodity/Other Revenue categories. 
 
Given that the revenue associated with the fixed charges, for FSD service, and commodity 
charges, for industrial OR service, was directly credited to the Industrial service class, the Board 
considers it appropriate to directly credit the IT and OR revenues associated with on-system 
receipt service to the Producer service class. 
 
As noted in Section 7.1, Peak Demand for Cost Allocation and Rate Design, the Board has 
directed AP to remove the straddle plant demand from the Industrial class demand. Therefore, 
the Board considers it appropriate to treat the revenue associated with the SPD service in a 
similar fashion to non-standard revenue and allocate the revenue as an income credit to all 
service classes (before reallocation of OPR and OPD revenues and expenses) based on four-hour 
peak demand. The Board directs AP to allocate the revenue resulting from SPD service to all 
service classes based on a four-hour peak demand. 
 
The Board expects that the final amounts for each service, for items allocated based on peak 
demand, will change in the Compliance Filing since some of the peak demand numbers to be 
used for cost allocation purposes have been changed by the Board. This matter is discussed in 
Section 7.1, Peak Demand for Cost Allocation and Rate Design. 
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Allocation methods with respect to OPD and OPR commodity revenues are discussed in Section 
3.7 below. The Board recognizes that forecasts of income credits requires the use of forecast 
billing determinants such as throughput. With respect to the North and South billing 
determinants used to derive OPR commodity and OPDC revenue forecasts, please refer to 
Section 7.7, 2002 Versus 2004 Data. 
 
With respect to the other North and South billing determinants used to derive revenue forecasts 
for income credit items, the Board considers that the forecast billing determinants outlined in 
Tables 8 and 9 appear reasonable. Therefore, the Board approves the numbers as filed. 
 
The Board directs AP to file in its next Phase II application a North and South schedule similar 
in concept to the response to IGCAA-AP02-1 (a). 
 
3.7 Reallocation of OPR and OPD Expenses and Revenues 
AP allocated OPDC revenue to the five service classes based on four-hour peak demands. AP 
then reallocated revenues and expenses, which were initially allocated to the OPD service class, 
to the four remaining service classes35 based on four-hour peak demands.  
 
AP then allocated OPR revenue to the service classes based on 2002 exchange receipt 
nominations. AP subsequently reallocated revenues and expenses allocated to the OPR service 
class, including the reallocation from the OPD service class, to the three remaining service 
classes36 based on 2002 exchange receipt nominations. 
 
Views of the Applicant 
AP submitted that the OPD costs and the majority of the OPR costs were system costs. AP 
agreed with Calgary that ideally the OPR and OPD system costs should be developed into stand 
alone demand rates, but AP argued that rate design must consider other factors in addition to cost 
causality in determining fair and reasonable rates. 
 
AP submitted that stand alone OPR and OPD demand rates, where the rates include all costs 
allocated to the OPR and OPD customer groups, were inappropriate due to fundamental gas 
market liquidity concerns. AP argued that liquidity was largely dependent on customers' options 
to move to or from the NGTL Inventory Transfer (NIT) market. AP submitted that demand rates 
for transactions between AP and NGTL would require delivery customers to commit to the 
sources of gas, and would require receipt customers to commit to either on-system or off-system 
markets a year in advance. AP argued that this would significantly impair the liquidity of gas on 
its system.  
 
AP submitted that a stand alone commodity rate to collect system or demand type costs would 
send inappropriate price signals because load factors could result in very high commodity rates. 
AP also submitted that a stand alone commodity rate could also result in competitive responses, 
including bypass. If OPR system costs were collected through a full or even partial commodity 
rate, the on-system gas price, driven by the NGTL NIT price and the variable rates on AP to and 
from NGTL NIT, would become unreasonable and result in uncompetitive delivered costs to the 
customers who have bypass options. AP submitted that a North OPR commodity rate would be 
about 19¢/GJ and a South rate would be about 30¢/GJ. 
                                                 
35 Distribution Company Deliveries, Industrial Deliveries, Producer Receipts and Other Pipeline Receipts. 
36 Distribution Company Deliveries, Industrial Deliveries, Producer Receipts. 
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In addition, AP submitted that the use of a commodity rate to collect both OPR system and 
variable costs would result in a large portion37 of total revenue requirement being collected on a 
base (nominations) that was not stable from year to year. AP argued that, although the 
percentage allocations of nominations were fairly consistent, the absolute values could vary 
significantly from year to year to reflect changes in commercial transactions. AP requested that 
the Board not approve blended rates, which would combine demand and commodity rates, to 
collect OPR and OPD system costs.  
 
AP submitted that since a demand rate for OPR and OPD was not practical for its system, the 
second best alternative was the reallocation of these system costs to the other customer groups as 
proposed.  
 
With respect to OPD system costs, AP submitted that peak demand was a more appropriate 
reallocation factor since this was consistent with the allocation of ODC, which result from 
increased on-system receipts that benefit all customers. AP submitted that its proposal to 
reallocate OPD system costs and OPDC revenues based on four-hour demands provided a fair 
and reasonable allocation.  
 
With respect to OPR system costs, AP submitted that since nominations reflect the usage of OPR 
facilities by the customer groups, the use of nominations to reallocate the OPR facilities into the 
demand rates for Distributing Companies, Industrials and Producers was appropriate. AP argued 
that the use of nominations reflected the fact that OPR facilities were used primarily to receipt 
gas from NGTL to meet the gas requirements of the Distributing Companies’ core customers, 
particularly in the winter months. 
 
AP did not support IGCAA's proposal to include ODC with the OPD system costs that AP 
allocated to this customer group, and to reallocate the total to the other customer groups based on 
nominations. AP submitted IGCAA's proposal was inconsistent with the matching of costs and 
revenues/benefits of increased producer volumes and of non-standard contracts. 
 
AP submitted that Rate 13’s OPR and OPD unit cost calculation was flawed because it started 
with a revenue requirement, which was comprised of costs that were either directly assigned or 
allocated based on four-hour peak demand, and divided it by throughput volumes. AP argued 
that different load factors would yield different results just as they would for Distributing 
Companies and Industrials. AP also submitted that Rate 13 was correct when it noted that there 
was no peak demand for NGTL deliveries because there were currently no firm customer 
commitments for deliveries to NGTL, whereas there were to Alliance and MIPL/TransGas. 
 
AP noted the CG’s proposal to reallocate OPR plant related costs and associated O&M on the 
basis of peak demand. AP also noted the CG’s position that producers should pay a portion of the 
general system costs associated with providing OPR service because they get the benefit of 
exchange service as a result of the incremental volumes coming onto the system. AP argued that 
OPR volumes provide little benefit to exchange capacity in the summer, when it was needed the 
most. 
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With respect to IGCAA’s comments on TBO, AP indicated that the TBO costs that were 
assigned to the OPD customer group were part of the $1.166 million of Other Directly Allocated 
Costs incorporated into the calculation of the OPDC rate. AP submitted that if it had not entered 
into the TBO, but instead built facilities, AP would have directly assigned these assets to OPD. 
 
Views of the Interveners 

CALGARY 
Calgary submitted that, historically, the costs associated with OPD and OPR services have not 
been specifically identified and, to the extent that these costs existed in the past, they have been 
treated as general system costs and, as such, allocated to all classes of service recognized in the 
COSS. 
 
Calgary argued that the Board must determine whether OPD and OPR should stand alone as 
defined services or whether the costs attributed to these services should be re-allocated to the 
three primary customer classes. 
 
Calgary submitted that once a class of service has been identified, it should stand on its own 
merits and service should be provided under defined rate schedules and defined terms and 
conditions of service.  
 
Calgary argued that AP selected OPD and OPR as stand alone service offerings for cost 
allocation purposes and they should either be priced on a stand alone basis or treated as system 
costs and dealt with using the 2002 Board approved COSS methodology.  
 
Calgary argued that the subsequent reallocation of revenue requirements to other classes, after 
identification of a class and its related share of the revenue requirement, defeats the entire COSS 
process and the regulatory processes. Calgary emphasized that this was especially true when the 
classes of service were of the size and complexity of OPD and OPR. Calgary submitted that the 
OPD and OPR classes represent about 33 to 40 percent of the total AP revenue requirement, and 
this alone mandated that they stand on their own merits. Calgary argued these services were 
unique and constitute an AP identified cost centre.  
 
Calgary submitted that AP provides numerous services and maintains discrete rates for each 
service and, while not identified for costing purposes as classes of service, Interruptible, Over 
Run and Non-standard contracts all have stand alone individual rates for service. 
 
Calgary submitted that, absent a full and complete market analysis, there was no foundation for 
the Board to accept AP’s liquidity position. Calgary argued that no buyers or sellers of gas on the 
AP system came forward to support AP’s position. With respect to AP’s comment that demand 
rates would require customers to commit to either on-system or off-system markets a year in 
advance, Calgary submitted that such a condition was self-imposed by AP and self-imposed 
impediments were not candidates for meaningful evaluation, but rather tended toward a pre-
disposed view. 
 
Calgary noted that, while AP acknowledged that a commodity rate would solve the liquidity 
problem, AP also argued that it would make the services uncompetitive. Calgary submitted that, 
if the commodity rate turns out to be uncompetitive, it was not appropriate to shift the costs and 
bury them in some other rate or rates. Calgary argued that such a rate was demonstrative of the 
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lack of competitiveness on the part of AP in providing that service and cost control was 
appropriate, not cost shifting. 
 
Calgary submitted that CG’s arguments on by-pass and liquidity were speculative and that stand 
alone rates for OPR service would neither cause by-pass nor reduce the liquidity on the AP 
system. Calgary argued that where by-pass might have a real potential, which could be 
demonstrated, it could then be addressed. Calgary submitted that APS currently serves AGS 
under an exclusive Transportation Service Agreement (TSA), which does not expire until 
December 31, 2008 and therefore, the concept of by-passing the APS system was more than four 
years in the future. With respect to the potential of by-pass of industrial customers, who were not 
dually connected, Calgary submitted that this would require the building of pipe to these 
customers that would have to come before the Board for ultimate disposition. 
 
In response to the CG assertion that the lack of liquidity of stand alone OPR tolls could also 
hinder exchange volumes, Calgary submitted that the toll was the price for the service. Calgary 
submitted that the toll does not have liquidity nor does the service. Calgary argued that liquidity 
was a function of the supply and demand for the commodity in conjunction with the related cost 
of moving the commodity. Calgary argued that natural gas was a commodity that was traded 
recognizing all market conditions including transportation tolls.  
 
Calgary submitted that the reallocation of OPR and OPD costs to Distributing Companies 
resulted in a level of cost shifting that was unconscionable, did not result in just and reasonable 
rates and was contrary to long established costing and rate design principles. Calgary submitted 
that the Board should recognize the AP proposal to reallocate OPD and OPR costs as an attempt 
to burden the end use ratepayer with costs that were formally regarded as system costs. 
 
Calgary argued that the reallocation moved 95.6% of the costs associated with OPR service to 
the Distributing Companies. In addition, AP proposed to reallocate the majority of the OPD costs 
to the Distributing Companies class. Calgary argued that the reallocation was simply an attempt 
to saddle the Distributing Companies class with an excessive rate increase through the 
manipulation of traditional costing techniques. 
 
Calgary noted that AP used nominations as the basis to reallocate OPR costs. Calgary submitted 
that, if it was appropriate to reallocate on nominations, it was equally appropriate to use 
nominations for the development of appropriate stand alone rates for OPR service.  
 
Calgary submitted that, absent the Board’s acceptance of OPD and OPR as stand alone service 
offerings, the Board’s costing and rate design guidelines established in Decision 2001-097 form 
a solid foundation for costing and related rate designs for the APS system. 
 
Calgary disagreed with CG’s recommendation that the reallocation of OPR system costs to 
Utilities, Industrials and Producers be based upon the use of peak demand. Calgary argued that 
there was no developed framework that supported the reallocation of the costs to serve one class 
of service to other classes. Calgary indicated that this same argument applied for both OPR and 
OPD. 
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costs on peak demand. Calgary argued that both AP and the CG proposed to allocate costs, not in 
proportion to actual use, as the Calgary proposal would accomplish, but to pre-assume a level of 
use through their respectively proposed reallocation schemes. Calgary submitted that the cost of 
providing OPD and OPR services should be borne by the users of the service and, from a 
practical standpoint, the Calgary proposal would place the cost of using the OPD and OPR 
services out in the open for the benefit of the marketplace using cost based and transparent 
prices.  
 
Calgary submitted that if stand alone pricing for OPD and OPR services was to have negative 
impacts on AP, then the issue could be clearly examined to determine if solutions were available, 
or if the negative impact was truly due to the AP cost structure being outside the marketplace; 
and, what the market would pay for the services. Calgary argued that, conversely, melding the 
costs of OPD and OPR into other costs would never allow the marketplace to evaluate 
competitive alternatives for these services.  
 
Calgary indicated that it appeared that FGA was proposing that no system costs would be 
allocated to OPD and OPR, thus reverting back to the 2002 methodology, except for the 
inclusion of the incremental cost of providing OPD and OPR, which would be included in the 
OPD and OPR stand alone rates. Calgary submitted that such a proposition was a compromise 
position between AP and Calgary and should only be accepted by the Board as an inferior result 
to Calgary’s recommendation. 
 
In response to Rate 13’s claim that a reasonable fix to the cost allocation problem for AP’s 
system costs would be to combine the system costs allocated to both OPR and OPD, and to 
allocate the combined amount to each service based on forecast volume,38 Calgary indicated that 
this analysis was a new costing and rate design theory, which no one had the opportunity to test 
and evaluate. Calgary indicated that, while there might be some merit to the Rate 13 argument, in 
reality AP proposed to cost OPD service on an incremental concept; i.e. no pipeline costs. 
Calgary argued that the concept of adding the two cost centres together and dividing by two to 
establish rates failed to meet either the concept of cost causation or cost based transparent rate 
design. 
 
CAPP 
In response to the CG recommendation that, absent a TBO arrangement, the fixed system costs 
of OPD service should be allocated back to all customer classes and the variable costs should be 
allocated to producers as a group, CAPP submitted that CG neglected to describe on what basis 
the fixed costs should be allocated to all customer classes and therefore, this proposal lacked 
sufficient detail to be adopted. CAPP also indicated that CG’s other proposal was based on the 
false premise that ODC (variable costs) should be allocated to producers. CAPP argued that 
ODC was cost incurred on behalf of all shippers to bring the benefits of increased receipt 
volumes. 
 
CCA 
CCA supported the CG position on this issue. 
 
                                                 
38 The Rate 13 evidence showed unit costs of $0.084/GJ for OPD and OPR in APS and $0.112/GJ for OPD and 

OPR in APN where the revised revenue requirement was equal to the aggregate cost per GJ multiplied by the 
forecast volume for each service. 
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CG 

With respect to Calgary’s proposal that OPR and OPD should be stand alone services, CG 
indicated that this might not be practical because of the physical realities of the AP system. CG 
submitted that, even if someone saw the price signal and tried to respond by buying less gas on 
NGTL, it simply meant that someone else would have to buy gas from NGTL. 
 
CG submitted that under a strict cost causation approach, stand alone OPR and OPD rates might 
appear to make sense. However, under the cost causation standard, CG argued that the OPR and 
OPD system related costs must be recovered by way of demand rates, not by way of 
nominations. CG believed demand related rates would not be practical and would curtail 
liquidity on the system. CG was also concerned that the Calgary proposal may lead to bypass 
opportunities. 
 
With respect to a blended rate in which the direct users of OPD and OPR services would pay 
some of the system costs included under the OPD and OPR classes, in addition to variable costs 
attributed to these classes with the remainder of the system costs reallocated to various customer 
classes, CG confirmed such an approach would be feasible subject to the constraint that it did not 
result in bypass opportunities. Also, the Board must weigh the Calgary proposal against the 
particular circumstances of AP and the dual tolling issue with NGTL. CG submitted that, 
currently, the dual tolling between AP and NGTL was largely mitigated by the existence of 
significant exchange volumes at NIT and argued that increasing OPD or OPR rates by the 
inclusion of some or all system-related costs could potentially negatively impact the volume of 
gas exchanged on the NIT system. Therefore, CG submitted that the OPR rates should reflect 
only the variable cost component, namely the pass through of FT-A charges from NGTL. 
 
CG argued that, given the impracticality of demand related stand alone rates, system related OPR 
and OPD costs should be reallocated based on peak demand. In both instances, CG 
recommended that the allocation of fixed system costs made to OPR and OPD in the AP COSS 
should be allocated back to all customer classes and variable costs should be allocated to the 
customers who cause them.  
 
CG believed the allocation of costs related to NGTL FT-A and MAV charges on the basis of 
nominations would be consistent with cost causation. However, CG submitted that the allocation 
of AP’s plant related costs and associated O&M on the basis of nominations was not consistent 
with cost causation.  
 
CG submitted it was appropriate to reallocate system related OPR costs to all classes on the basis 
of coincident peak demand to reflect cost causation39 and to reflect the benefit received by 
producers through exchange service.40 CG recommended that the Board direct AP to refile its 
COSS using this approach.41 
                                                 
39 CG submitted that the system was planned to meet the demand requirements of primarily the distribution 

companies and the industrial customers.  
40 CG submitted that a producer customer would pay the FSR plus the other pipelines' delivery costs plus fuel and 

UFG in order to access another pipeline, and even after paying those tariffs, the producer's costs would be lower 
than those of accessing NGTL directly. CG argued that there was a certain benefit, and as a result of its 
allocation of some of the system costs to the producer group, there was still that benefit, although somewhat 
reduced by approximately a cent. 
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CG indicated that AP was proposing that ODC, which was primarily incurred in summer months, 
be reallocated to all customer classes based on peak demand. CG argued that there was no cost 
causation link between incurrence of ODC in the summer months and the peak demands used to 
allocate costs to distribution and industrial classes. CG noted that AP’s rationale for these 
reallocations was that OPD and ODC provided system benefits. 
 
CG submitted that, if it was considered appropriate to reallocate system related OPD costs to all 
classes based on peak demands to reflect the system benefits generated by OPD services, the 
same principle should apply to reallocation of system related OPR costs. CG argued that the 
existence of exchange benefited all customer classes and that OPD and OPR services were 
required for the efficient functioning of exchange service. CG submitted that, while it was 
recognized that exchange service provided benefits to all classes through the avoidance of dual 
tolls, it was not possible to trace these benefits to one class or another. CG also submitted that it 
was also not possible to measure the benefit of OPR service based on nominations, as implied by 
AP’s suggestion, since exchange service, made possible by OPR, benefits all customers through 
its impact on the volumes entering the AP system, the netbacks to producers and on-system gas 
prices on the AP system. CG noted that it was this exchange benefit that justified non-standard 
rates to industrial and producer customers. CG submitted that these customers would bear their 
fair share of system costs if there were no benefits from the additional on-system volumes 
attributable to these customers. Therefore, CG argued that it was fair and reasonable to reallocate 
system related OPD and OPR costs to other classes in the same way they were initially allocated 
to these classes, namely peak demand. 
 
With respect to IGCAA’s statement that CG could not identify the benefits producers received 
from other pipeline receipts, CG submitted that exchange service provided a benefit to all 
customer classes as reflected in the on system gas prices. CG submitted that on-system gas prices 
were a reflection of the sharing of benefits resulting from avoidance of dual tolls among 
producers, industrials and distribution companies. 
 
CG submitted that, consistent with its recommendation concerning reallocation of system related 
OPR costs, the system related OPD costs should be reallocated to other customer classes on the 
basis of coincident peak demand, as proposed by AP. 
 
In the case of OPD, CG submitted that the variable costs that should be allocated back to the 
customers causing them should be the variable ODC. CG did not believe individual producer 
customers could be identified and recommended that these variable costs should be allocated to 
producers as a group. 
 
FGA 

FGA supported the position of CG and Calgary with respect to reallocation of OPR and OPD 
costs. FGA submitted that the customer who incurs the cost was the one who must bear the cost 
and the reallocation of OPR and OPD costs was needlessly complicated and distorted the cost of 
providing service to all customer classes.  
 
FGA suggested that, should the Board agree with the creation of these classes of service, the 
COSS should be reconstructed so that the OPR and OPD rates bear only their incremental costs. 
With respect to the OPR rate, the FGA submitted that the incremental charges would consist of 
the NGTL delivery and MAV charges, for gas received from NGTL, and the direct costs of 
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metering the flows on to the AP system. With respect to the OPD rate, FGA submitted that the 
incremental charges would consist of any NGTL receipt charges, the costs of metering the flows 
off the AP system and any direct compression costs. FGA submitted that, if AP could identify 
any other direct costs of providing OPR and OPD service, these should be included in the rate. 
 
FGA submitted that costing these services incrementally would likely result in a rate that was 
economic to provide without reallocating a portion of the cost arbitrarily to other customers. 
FGA argued that the need for these rates might disappear if the joint pipeline module resulted in 
a TBO solution that allows the seamless transfer of gas between the AP and NGTL systems. 
 
IGCAA 
IGCAA indicated that it found the stand alone allocation of costs as advocated by Calgary to be 
principled. IGCAA also indicated that, although it did not necessarily agree that the stand alone 
allocation of OPR costs would have liquidity problems, IGCAA appreciated that stand alone 
OPR tolls could give rise to by-pass threats. Therefore, IGCAA indicated that it could accept the 
blended approach to OPR reallocation applied for by AP where OPR costs were put back to 
customer classes based on nominations. 
 
With respect to AP’s submission that a stand alone commodity rate to collect system or demand 
type costs sends inappropriate price signals because load factors could result in very high 
commodity rates, IGCAA agreed that this may be true for an OPR commodity rate. However, 
IGCAA submitted that no evidence was given that demonstrated that including ODC in the 
OPDC commodity rate would result in high commodity rates giving inappropriate price signals. 
Therefore, IGCAA submitted that all ODC should be recovered in the OPDC commodity rate. If 
there was such evidence, IGCAA indicated that it would support allocating ODC among 
customer groups based on the nominations of those groups. 
 
IGCAA submitted that all costs associated with deliveries to other pipelines should be recovered 
in a stand alone OPDC charge. However, IGCAA indicated that if there were liquidity or 
competitiveness concerns, it could accept a reallocation of OPD costs based on customer group 
nominations. Therefore, IGCAA noted that this would treat both OPR costs and OPD costs in the 
same manner.  
 
IGCAA did not support reallocation of OPR and OPD costs among all customer classes as 
proposed by CG because the allocation of OPR costs across all customer classes was the same as 
allocating ODC as general systems costs. IGCAA submitted that the reallocation methodology 
did not accord with the principle of cost causation and was fraught with the peril of attempting to 
match benefits or values with costs incurred. As with ODC, IGCAA submitted that the witnesses 
for CG could not quantify the benefits producers received from other pipeline receipts. In 
addition, IGCAA submitted that witnesses for CG could not indicate how they would adjust the 
allocation of OPR charges in the event that exchange capability was somehow reduced through 
the facilitation of FT-P service. 
 
In the North, IGCAA submitted that AP inappropriately reallocated TBO costs to industrials 
through OPD reallocations and argued that TBO costs should not be directly allocated to 
industrials because industrials do not cause any of these costs. IGCAA submitted that the 
appropriate treatment for allocating TBO costs would be to directly allocate all of them to 
producers and distributing companies.  
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NGTL 
NGTL noted that AP’s OPD service was not restricted to deliveries to the Alberta System 
through its NIT account and would also apply to export deliveries from AP’s system to Alliance 
and MIPL. NGTL indicated that AP proposed to provide export delivery service to Alliance and 
MIPL at a zero rate for shippers using OPDM service.  
 
NGTL submitted that it appeared that AP’s competitive position relative to NGTL was a 
significant factor in AP’s determination to reallocate costs associated with the provision of its 
OPR and OPD services to other customer groups. 
 
NGTL was concerned about AP’s consideration and use of competition as a factor in 
determining its tolls for situations other than customer-specific circumstances. NGTL indicated 
that, in the past, the Board considered the impacts of competition as a factor in establishing 
specific non-standard contracts and load retention services for itself and AP. However, NGTL 
suggested the Board has not commonly accepted and considered the competitive position of a 
regulated utility relative to another regulated utility, where both were under its jurisdiction, as a 
significant factor in determining the rates for a general class of utility service.  
 
NGTL requested that the Board, in its decision on AP’s proposed OPR and OPD service rates, 
clearly establish whether competition with another regulated utility under its jurisdiction was a 
legitimate basis on which a regulated utility may reallocate actual costs for a class of service, and 
how it specifically considered and applied this factor in determining the just and reasonable rates 
for OPR and OPD services, if ultimately approved.  
 
NGTL also indicated that, if the Board accepts that competition between regulated utilities was a 
legitimate basis for the reallocation of costs and determination of rates, it would like the Board to 
provide guidance on whether this factor equally applied to the determination of rates for other 
regulated utilities under the Boards’ jurisdiction, and, namely, NGTL. 
 
NGTL submitted that, if the Board decided to allow AP to continue to exchange dual connected 
volumes to the Alberta System under OPD service, the Board should at least require the parties 
using the OPD service to pay the full costs associated with it. NGTL argued that AP should be 
prohibited in these instances from reallocating any of the costs it incurs in providing OPD 
service to other customer groups, as proposed in the Application. NGTL submitted that this 
requirement would ensure that parties at dual connected stations receive proper price signals for 
the service, and it would prevent inappropriate cross-subsidization from other AP customers. 
NGTL argued that it would also assist in leveling the “playing field” for any continued 
competition between NGTL and AP in these circumstances. NGTL suggested that this was an 
appropriate requirement to specifically impose on parties whose volumes are dually connected, 
because these parties have options not available to single connected parties. 
 
Rate 13 
Rate 13 submitted that the OPDC rate must not be subsidized for proper and orderly economic 
development of the AP system to occur. Rate 13 argued that a highly subsidized OPDC rate 
would disturb proper economic signals and would act to increase costs to system users. 
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Rate 13 indicated that it prepared the analysis in Exhibit 035-13 to demonstrate that AP’s 
revenue forecast from the OPDC rate was significantly lower than the actual costs to provide the 
service. Rate 13 changed the Applicant’s data, first, to allocate ODC to OPD and, second, to 
remove the revenue and cost reallocations. Table 10 compares the OPD service costs and OPDC 
revenues as determined by Rate 13. 
 
Table 10. OPD Service Costs versus OPDC Revenues 

Item 
APN 

($/GJ) 
APS 

($/GJ) 
Data Source 

AP Proposal 0.053 0.042 Table 2.6-1 & 2.7-1 

Actual Cost 0.090 0.122 Ex. 035-13 (a & b) 
 
Rate 13 submitted that the fully allocated cost to provide the OPD service was nearly double the 
proposed OPDC rate in the North and nearly triple the proposed rate in the South. Rate 13 argued 
that the firm receipt and delivery rates would significantly and materially cross subsidize such 
transactions, with the result being unjust and unduly discriminatory rates for firm receipt and 
delivery customers. 
 
Rate 13 submitted that a significantly subsidized OPDC rate might result in uneconomic 
transfers to NGTL where other alternatives, such as storage, could be accessed at a lower total 
cost. Rate 13 submitted that injecting into storage in the summer may become much more 
attractive if the alternative was to pay a cost-based OPDC rate, rather than a significantly 
subsidized rate. 
 
Rate 13 also submitted that the Board should give strong consideration to the impact of a low 
OPDC price on system prices because it was very concerned that the discounts would disappear 
or reduce significantly. Rate 13 argued that this would not be in the public interest because there 
should be strong incentives for on-system production to be sold to on-system markets. Rate 13 
submitted that, if there was little or no incentive for suppliers and customers to find each other, 
then it was likely that less economically efficient shipments to NGTL would result, with 
potentially higher overall costs for customers. 
 
Instead of AP’s proposal, Rate 13 submitted that a much better mechanism would be to charge 
proper costs to the firm receipt rate and also to charge a full cost OPDC rate. In this way, Rate 13 
argued that customers could make up their own mind as to whether it was economic for them to 
connect to AP or instead to NGTL or elsewhere. 
 
Rate 13 submitted that the OPD rate should be structured as a variable rate with deferral 
accounts. Rate 13 argued that the OPDC service was basically a service used on an as-needed 
basis and was not a service where long-term commitments (generally underpinning investment in 
local facilities) were warranted. 
 
Rate 13 indicated that Calgary’s approach to the OPD proposal was philosophically consistent 
with Rate 13’s approach. However, Rate 13 submitted that a firm demand rate for OPD as 
proposed by Calgary would not be in the public interest given that the Board does not have 
evidence on the impact of demand charges for OPD and OPR on the on-system price of gas. In 
addition, Rate 13 had additional concerns about demand charges for OPD and OPR with respect 
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to rules around capacity utilization that it argued have not been fully defined in the Calgary 
proposal.  
 
Rate 13 questioned the necessity for the OPR service. In addition, Rate 13 submitted that it 
appeared that there was a significant discrepancy between the unit cost of OPR and OPD in 
regard to the system costs allocated between OPR and OPD. Rate 13 submitted that its evidence 
showed that the unit cost of OPR was significantly higher than OPD42 and argued that there was 
no logical reason why AP system costs should vary so dramatically simply by the change in 
direction of flow.  
 
Rate 13 submitted that inclusion of the peak demand created by the volumes shipped to NGTL in 
the allocation of system costs would be more correct than AP’s proposal to ignore demands from 
volumes shipped to NGTL.  
 
Rate 13 submitted that more study on this issue was required in future rate hearings to address 
the shortfalls identified. Rate 13 argued that, for this proceeding, a reasonable fix to the cost 
allocation problem for AP’s system costs would be to combine the system costs allocated to both 
OPR and OPD, to calculate a total average cost, and to allocate the combined amount to each 
service based on forecast volume.43 Rate 13 submitted that, in this way, the system unit cost for 
OPR would equal the system unit cost for OPD and would reflect the fact that AP’s system costs 
do not materially change when the direction of flow between NGTL has changed.  
 
Views of the Board 
As discussed in Section 3.2, the Board determined, with some reservation, that it was appropriate 
to use five service classes to assign and allocate expenses in the COSS. In this section, the Board 
believes the first question it should address is whether two of the service classes, OPR and OPD, 
should be fully cost based services with stand alone rates or whether the two services should be 
designed to recover only a portion of the allocated and assigned costs with the balance being 
reallocated. 
 
The Board is sympathetic towards Calgary’s view in principle that, if OPR and OPD are separate 
service classes, then they should stand alone as proper services with defined rate schedules and 
terms and conditions of service. In theory either demand rates or commodity rates would be 
established.  
 
However, the Board notes that AP and others have argued against the approach of creating stand 
alone rates for OPR and OPD, and have raised concerns with respect to basing such rates on 
either a demand or commodity basis. 
 
With respect to structuring stand alone OPR or OPD rates on a demand basis, AP submitted that 
stand alone OPR and OPD rates, where the rates include all costs allocated and assigned to the 
OPR and OPD service classes, would be inappropriate due to liquidity concerns. However, the 
Board does not consider AP’s argument to be completely convincing.  

                                                 
42 The Rate 13 evidence showed that unit costs of OPD and OPR were $0.039/GJ and $0.108/GJ respectively in 

APS and $0.074/GJ and $0.123/GJ respectively in APN. 
43 The Rate 13 evidence showed unit costs of $0.084/GJ for OPD and OPR in APS and $0.112/GJ for OPD and 

OPR in APN where the revised revenue requirement was equal to the aggregate cost per GJ multiplied by the 
forecast volume for each service. 
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The Board agrees with Calgary’s view that liquidity is related to the trading, buying and selling 
of gas on the AP system and that liquidity is a function of supply and demand for gas in 
conjunction with related costs such as transportation. The Board considers that, in the context of 
the natural gas business, liquidity is related to the degree to which natural gas can be bought or 
sold in the market without affecting the price. Generally a high level of trading activity 
accompanies liquidity.  
 
The Board considers that buyers and sellers of gas on the AP system would be in the best 
position to comment on the issue of liquidity on the AP system and potential threats or impacts 
to it. The Board notes that two key entities involved with performing the gas Default Supply 
Provider (DSP) function, namely AG as a previous provider and Direct Energy Regulated 
Services (DERS) as a current provider, did not participate in the proceeding. In addition, CAPP 
was silent on the issue and IGCAA did not necessarily agree that the stand alone allocation of 
OPR costs would cause liquidity problems. Therefore the Board considers that threats to liquidity 
were not well substantiated in this proceeding. 
 
With respect to AP’s comment that demand rates would require customers to commit to either 
on-system or off-system markets a year in advance and that this would significantly impair the 
liquidity of gas on its system, the Board agrees with Calgary that such a condition is self-
imposed by AP in its own customer contract provisions. In addition, the Board also notes that AP 
acknowledged that the day market on its system was fairly small and that most gas was acquired 
on annual terms.44 
 
The Board notes that the DSP acquires gas on a variety of terms. The Board considers that it 
might be possible for AP to structure short-term demand type OPR services with various terms 
(seasonal, monthly), similar in concept to its short-term receipt services, that could accommodate 
the needs of its customers. Further, it might be possible for AP to structure short-term demand 
type OPD services in a similar fashion. The Board also considers that it might be appropriate for 
AP to consider a two-part rate (demand and commodity) for the costs assigned and allocated to 
the OPR and OPD service classes. 
 
The Board agrees with the CG that the physical realities of the AP system require physical gas 
supplies from the NGTL system during certain times of the year. The Board notes that AP 
indicated that industrial customers acquire most AP on-system gas supply. The Board considers 
that, if AP were to design a stand alone rate for OPR, consultation with DERS and other parties 
that acquire gas for distributing company customers on the AP system could provide a 
reasonable estimate of NGTL gas supply requirements throughout a given year and therefore, 
OPR service requirements for this market segment. 
 
With respect to structuring stand alone OPR or OPD rates on a commodity basis, the Board 
generally agrees with AP’s submission that stand alone commodity rates to collect system or 
demand type costs would probably send inappropriate price signals because load factors could 
result in very high commodity rates. The Board also agrees that a commodity rate would not be 
an appropriate billing method to recover fixed costs such as those allocated to the OPR service 
class. 
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With respect to AP’s submission that a stand alone commodity rate could also result in 
competitive responses, including bypass by industrial customers, the Board agrees that this is 
hypothetically possible. However no evidence was submitted indicating the likelihood of bypass 
in this instance. The Board agrees with Calgary that a specific bypass proposal would require an 
application for Board consideration. 
 
Overall, the Board considers that there may be merit in stand alone services, but the present 
record is unclear as to whether the potential benefits of stand alone OPR and OPD services, 
assuming such services could be suitably structured, would be worth the effort required to 
develop them.  
 
Given the timing of this Decision and the follow-up Compliance Filing, the Board does not 
believe that AP would have enough time to discuss potential OPR and OPD services with its 
customers in order to establish stand alone OPR and OPD services for 2004. The Board is 
prepared to accept AP’s position that OPR and OPD services should not be stand alone services 
at this time. The Board directs AP to confer with its customers to determine whether stand alone 
OPR and OPD services are practical and cost effective and to address this matter in its next 
GRA.  
 
In addition, if stand alone OPR and OPD services do not appear to be appropriate or achievable 
on reasonable terms, the Board believes that the fundamental question of whether OPR and OPD 
should be treated as service classes or simply as system costs, should be addressed in a the next 
GRA. 
 
Given that fully cost based OPR and OPD services with stand alone rates will not be established 
for this proceeding, the next question is to determine what costs should be recovered by OPR and 
OPD services. 
 
With respect to the OPR service class, the Board notes that AP proposed to charge a commodity 
toll to recover only NGTL’s FT-A expense. The Board notes that other parties have proposed 
that, in addition to the NGTL FT-A expense, other expenses could be recovered through an OPR 
commodity rate. At this time, the Board is prepared to accept AP’s proposal to continue to only 
recover NGTL’s FT-A expense through the OPR rate. 
 
With respect to the OPD service class, the Board notes that AP proposed the OPDM service and 
a commodity rate service (OPDC). As discussed in Section 5.5.2, OPDC, the Board is currently 
prepared to accept AP’s proposed methodology for establishing the OPDC rate.  
 
Given that the Board has accepted AP’s proposals with respect to the OPR and OPD commodity 
rate methodologies, the Board must now examine AP’s proposed reallocation methodologies for 
the income credits and expenses assigned and allocated to the OPR and OPD service classes. The 
Board notes that a reallocation methodology is neither a traditional approach nor a preferred 
approach for dealing with expenses assigned or allocated to a service class. 
 
With respect to reallocations for the OPR service class, AP proposed to use 2002 
exchange receipt nominations as the basis for reallocating the income credits and 
expenses, on the grounds that nominations reflect the usage of OPR facilities by the 
customer groups. Further, AP argued that the use of exchange receipt nominations 
reflected the fact that the OPR facilities were used primarily to receipt gas from NGTL 
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to meet the service requirements of the Distributing Companies’ core customers, 
particularly in the winter months. 
 
CG submitted that the allocation of costs related to NGTL FT-A and MAV expenses on the basis 
of nominations would be consistent with cost causation, but that the allocation of AP’s plant 
related costs and associated O&M on the basis of nominations would not be consistent with cost 
causation. CG also argued that, since AP allocated plant related costs on the basis of peak 
demand in its initial allocation, it should use the same method to reallocate OPR costs, excluding 
those related to NGTL FT-A and MAV charges, to the Primary Service Classes.  
 
The Board has considered the arguments put forth by parties on this matter and agrees with AP 
that exchange receipt nominations are appropriate for the reallocation of all expenses and income 
credits allocated and assigned to the OPR service class. In addition, at this time, the Board also 
considers it appropriate to allocate the OPR commodity revenue to the Primary Service Classes 
based on exchange receipt nominations.  
 
The Board considers at this time that usage is an appropriate factor for reallocating income 
credits and expenses determined for the OPR service class.  
 
In this case, the Board considers that it is reasonable to base the reallocation on actual historical 
usage. Therefore, the Board directs AP in the Compliance Filing to use 2002 actual exchange 
receipt nominations45 made by the Primary Service Classes to reallocate the income credits and 
expenses determined for the OPR service class.  
 
With respect to the reallocation of OPD income credits and expenses, AP submitted that peak 
demand was an appropriate reallocation factor for OPD system costs because this factor was 
consistent with its proposed allocation factor for ODC. The CG supported the AP proposal on the 
basis of consistency with the CG reallocation proposal. However, with respect to OPD variable 
costs, the CG submitted that the ODC should be allocated back to the customers causing them, 
specifically, to the producers as a group. 
 
The Board notes IGCAA’s submission that all costs associated with deliveries to other pipelines 
should be recovered in a stand alone OPDC charge. However, if there were liquidity or 
competitiveness concerns, IGCAA could accept a reallocation of OPD costs based on customer 
group nominations. This would treat both OPR costs and OPD costs in the same manner. 
 
AP did not support IGCAA's proposal to include ODC with the OPD system costs and to 
reallocate the total to the other customer groups based on nominations, on the basis that 
IGCAA's proposal was inconsistent with the matching of costs and benefits of increased 
producer volumes and of non-standard contracts. The Board notes that in Section 3.5.6.4, AP 
was directed to assign the ODC costs to the OPD service class in the Compliance Filing.  
 
The Board has considered the arguments put forth by various parties with respect to the 
reallocation of OPD income credits and expenses and agrees with IGCAA that other pipeline 
delivery nominations are appropriate for the reallocation of all expenses and income credits 
allocated and assigned to the OPD service class including ODC. In addition, the Board also 
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considers it appropriate to allocate the OPD commodity revenue to the Primary Service Classes 
based on other pipeline delivery nominations. As noted above, with respect to OPR reallocations, 
the Board considers that usage would be an appropriate factor for reallocating income credits and 
expenses of the OPD service class.  
 
In this case, the Board considers that it is reasonable to base the reallocation on actual historical 
usage. Therefore, the Board directs AP in the Compliance Filing to use 2002 actual other 
pipeline delivery nominations made by the Primary Service Classes to reallocate the income 
credits and expenses determined for the OPD service class. Section 7.7, 2002 Versus 2004 Data 
provides Board directions with respect to the 2002 actual other pipeline delivery data. 
 
With respect to the TBO reallocation issue identified by IGCAA, the Board considers that its 
OPD reallocation determination should mitigate this concern. 
 
The Board directs AP to describe in the Compliance Filing its process for assigning a particular 
nomination (other pipeline receipt and other pipeline delivery) made by a given customer to one 
of the Primary Service Classes.  
 
With respect to AP’s forecast of OPR and OPD commodity revenue, the Board discusses this 
issue further in Section 7.7, 2002 Versus 2004 Data. 
 
3.8 Adjustments to COSS Components 

The Board has made a number of adjustments to components of the COSS in each of the North 
and South. Appendices 4 and 5 show the Board’s adjustments. Included are changes to the OPR 
commodity rates and the straddle plant (SPD) rate in the North. Appendix 6 shows the services 
and respective charges that the Board expects will be changed in the Compliance Filing due to 
the Board’s determinations outlined in Appendix 4 and 5. 
 
 
4 RATE DESIGN 

4.1 Rate Design Criteria  
As discussed in Section 2.2 a Phase II decision will consider and determine how to apply the 
appropriate rate design criteria for the determination of just and reasonable rates to collect the 
utility’s approved revenue requirement, determine the rates for the proposed services and 
establish the appropriate terms and conditions for these services. Section 3.1 considered the cost 
related rate design principles in reviewing the AP’s COSS. Section 4 will first consider and 
balance other applicable rate design criteria in reaching conclusions on just and reasonable rates 
and then determine if any adjustments are appropriate in light of these principles. 
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The Board refers to Professor Bonbright’s criteria or rate structure attributes 46 which were 
summarized and commented on by the Board in Decision U9605547 in the following words: 
 

The Board agrees with parties that the basic attributes of an appropriate rate design 
include simplicity, understandability and public acceptability; freedom from controversy; 
effectiveness in achieving revenue sufficiency and in providing revenue and rate stability; 
fairness in the apportionment of total costs and avoidance of undue discrimination; and 
the encouragement of efficiency. The weight to be given to each of these characteristics 
will depend largely on the desired balance between various goals, objectives and 

                                                 
46 Principles of Public Utility Rates (2ed), James C. Bonbright, Albert L. Danielsen and David R. Kamerschen 

Public Utilities Reports, Inc., 1988 at P 383-384 
 
Revenue-related Attributes: 

1. Effectiveness in yielding total revenue requirements under the fair-return standard without any socially 
undesirable expansion of the rate base or socially undesirable level of product quality and safety.  

2. Revenue stability and predictability, with a minimum of unexpected changes seriously adverse to utility 
companies.  

3. Stability and predictability of the rates themselves, with a minimum of unexpected changes seriously 
adverse to rate-payers and with a sense of historical continuity. (Compare “The best tax is an old tax.”) 

 
Cost-related Attributes: 
 

4. Static efficiency of the rate classes and rate blocks in discouraging wasteful use of service while promoting 
all justified types and amounts of use: 

(a) in the control of the total amounts of service supplied by the company; 

(b) in the control of the relative uses of alternative types of service by ratepayers (on-peak versus off-
peak service or higher quality versus lower quality service). 

 

5. Reflection of all of the present and future private and social costs and benefits occasioned by a service’s 
provision (i.e., all internalities and externalities).  

6. Fairness of the specific rates in the apportionment of total costs of service among the different ratepayers so 
as to avoid arbitrariness and capriciousness and to attain equity in three dimensions: (1) horizontal (i.e., 
equals treated equally); (2)vertical (i.e., unequals treated unequally); and (3) anonymous (i.e., no 
ratepayer’s demands can be diverted away uneconomically from an incumbent by a potential entrant).  

7. Avoidance of undue discrimination in rate relationships so as to be, if possible, compensatory (i.e., subsidy 
free with no intercustomer burdens). 

8. Dynamic efficiency in promoting innovation and responding economically to changing demand and supply 
patterns.  

Practical-related Attributes: 

9. The related, practical attributes of simplicity, certainty, convenience of payment, economy in collection, 
understandability, public acceptability, and feasibility of application.  

10. Freedom from controversies as to proper interpretation.  

See also Gas Utilities Rate Design Inquiry Report No. E80100  dated July 31, 1980, P 53 
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interests. The Board does not believe that there exists a rate design which will 
accommodate all interests and satisfy each and every individual shipper.  

 
Professor Bonbright acknowledged, however, that his list of criteria is ambiguous, overlapping 
and fails to offer any rules of priority in the event of conflict. 48 There is a need to strike a 
balance in order to meet the interests of all stakeholders. The Board also recognizes that the 
circumstances for each application are different from other applications and therefore, the 
weighting and prioritization for the criteria may vary for each application.  
 
With respect to this Application, the Board believes that two of the non-cost rate design criteria 
are of particular importance: 
 

(i) stability and predictability of rates which has as its main objective the avoidance of 
rate shock and, 

(ii) the practical attributes of simplicity, certainty, convenience, understandability and 
public acceptability.  
 

The Board believes that consideration of these two criteria in particular will assist in achieving 
an outcome which balances cost causation as reflected in the AP’s COSS (as adjusted by the 
Board’s directions provided in Section 3), and rate impacts to the respective classes.  
 
The next section of this Decision will apply the above two rate design criteria in considering the 
impact to the respective rate classes of the rates that would otherwise result from the adjusted 
AP’s COSS.  
 
4.2 Rate Impact 
The Board has traditionally reflected cost causation as a primary rate design principle by 
endeavoring to approve rates which result in revenue/cost ratios within a 95 – 105% range. 49 
However, in Section 4.1 above the Board identified two non-cost rate design criteria of particular 
importance in the circumstances of the present Application, namely stability of rates and the 
practical considerations of simplicity, understandability and public acceptability. These two rate 
design criteria to a large extent relate to the impact of change to existing rates which may work 
to temper the Board’s targeted revenue/cost 95 – 105% range for rates.  
 
It has been recognized in various Board decisions50 that extenuating circumstances may be taken 
into account, particularly if adjusting rates to achieve the desired 95 – 105% range leads to 
possible rate shock. In such situations, the Board may limit or cap a rate adjustment to some 
acceptable level, even if the result falls short of achieving the target revenue/cost range. 
 
In this case, the Board notes that in the North, adjusting the Distributing Companies demand rate 
(FSU) to achieve at least a 95% revenue/cost ratio, would result in a significant rate increase. 
This situation is in part a by-product of not having a litigated rate case based upon a full COSS 
since 199351. It would appear from the AP’s COSS, as adjusted by the Board earlier in this 
                                                 
48 Principles of Public Utility Rates (2ed), James C. Bonbright, Albert L. Danielsen and David R. Kamerschen 

Public Utilities Reports, Inc., 1988, P 384 
49 See for example Decision 2003-019, Aquila Networks Canada (Alberta) Ltd. 2002/2003 Distribution Tariff, 

dated February 28, 2003 at P 117. 
50 EUB Decisions U99034, 2003-019, 2001-097 
51 Decision E93098 
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Decision, that Producers in the South would also receive a significant rate increase, attributable 
in part, to the fact that there has only been one litigated GRA with a partial COSS since 1993.  
 
The Board notes that AP indicated in AUMA/EDM/PICA-AP 11(b) that it considered that in the 
present Application there was no reason to introduce “gradualism”, or a phase-in of rate shifts, 
for its applied-for rates. The Board does not agree with this position. Given: 
 

(a) the length of time between litigated rate cases, and the reallocation of costs 
among rate classes, 

(b) the Board’s findings in Section 3 on the AP’s COSS, and 

(c) a review of the rate impact considerations discussed in Section 4.1 above,  
 

the Board considers that some degree of gradualism is appropriate. The Board considers that 
limiting the rate increase to 25% above the rates existing in January 2003, the latest rates set by 
the Board for AP South and those determined through the negotiation process for the North, 
would strike a reasonable balance between moving rates to fall within the target range and 
limiting rate shock. The Board expects that AP’s next GRA will provide an opportunity to 
further graduate the affected classes to within the 95 – 105% revenue /cost range. 
 
The Board notes that percentage impact calculations by themselves are most meaningful when 
considered in the context of the actual monetary impact of such adjustments. It would appear that 
a large percentage impact to rates with respect to AP customers may have less impact on a per 
unit basis on a customer bill than a similar percentage rate increase for some other utilities. 
Accordingly, in determining an appropriate cap on rate increases, it is difficult to make a 
meaningful comparison between utilities based on potential percentage increases alone. In 
absolute terms, a 25% rate increase is more than the Board would ideally prefer. The Board notes 
for example the 10% cap utilized in Decision U99034 for ATCO Electric. However, the Board 
notes that the increase in the transmission rate will likely result in a only a moderate increase in 
the context of the total delivery charges for customers of the Distributing Companies. This 
consideration of the combined impact of transmission and distribution demand charges on 
ratepayers is consistent with the Board’s approach in the recent Aquila distribution tariff 
Decision 2003-019.  
 
Accordingly, the Board directs AP to ensure in the Compliance Filing, that the rates are 
increased by no more than 25% for any customer class in both the North and the South above the 
rates that were in place as of January 1, 2003.52  
 
The Compliance Filing should recalculate rates on the basis of: 

(a) a 100% revenue/cost ratio and the resultant increase/decrease in rates from the January 1, 
2003 rates; and  

                                                 
52  

 North South 
2003 Rates Prior to Interim Adjustment $/GJ Demand $/GJ Demand 

FSU 1.806 1.605 
FSD 1.610 1.500 
FSR 3.497 2.250 
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(b) the implementation of a 25% cap on the results obtained in (a) above. The residual 
revenue requirement not collected from a capped rate shall be redistributed proportionally 
between the two remaining customer classes based on billing demand, such that, upon 
redistribution, the rate increase for any class shall not exceed 25%.  

 
Given that the Board approved the rate relationships proposed by AP with respect to the FSR 
demand and OR rates and FSR demand and interruptible receipt transportation (ITR) rates, the 
Board recognizes that as AP’s shifts Net Revenue Requirements to/from the Producer Receipt 
service class, the FSR OR revenue and IRT revenue will be impacted. The Board directs AP to 
take this revenue impact into account when establishing the Net Revenue Requirements for the 
Producer Receipt service class. 
 
4.3 North/South Rate Integration 
Parties provided views on the possibility of using a weighted average rate for both the North and 
South systems given the restructuring of the systems under common ownership and the 
increasing separation of transmission and distribution. 
 
Views of the Applicant 
AP described differences between the transmission systems in the North and South. AP indicated 
that the distances required to deliver gas to on-system markets were different as were the flows 
within, onto and off of the systems as noted.53 AP submitted that the distance to deliver gas to the 
core customers was greater in the North than in the South and AP argued that these system 
differences resulted in cost differences. Further, AP indicated that the allocation of total costs of 
each system was also different due to many factors, including the respective composition of 
customers.54 
 
AP submitted that the Board approved separate North and South Revenue Requirements in 
Decision 2003-100 under the expectation that separate rates would be retained for the North and 
South in Phase II.55 However, AP indicated that if the North and South rates for individual 
customer groups were within 5% of each other at the time of preparing the Compliance Filing, it 
intended to use the same weighted average rate for both the North and South.56  
 
Views of the Interveners 

CG 
The CG disagreed with AP’s proposal to use the same weighted average rate for both the North 
and South if the North and South rates for individual customer groups were within 5% of each 
other at the time of preparing the Compliance Filing. 
 
The CG submitted that separate cost of service studies were filed and that separate rates were 
proposed. The CG argued that it was inappropriate to change this direction in the compliance 
filing. Moreover, the CG submitted that AP should still be required to report separate North and 
South rates for each customer class, irrespective of their differences. 

                                                 
53 AP 2003/2004 Phase I Application, Exhibit 002-02(a)-Response to AUMA/EDM-AP-2, System Map. 
54  Exhibit 002-02(d-1) – AP Response to BR-AP-19(a). 
55  Exhibit 035-07 – Response to Undertaking regarding the allocation of marketing expenses, given by 

Mr. Rochon to Mr. Bryan at T1 page 139. 
56  Exhibit 002-01(e) – Application, Section 3, Rate Schedules, page 1, lines 11-15. 
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Views of the Board 
At this time, the Board is of the view that the rate differential due to system differences between 
the North and the South is of a magnitude that would not permit the use of a province wide 
weighted average rate. Therefore the Board directs AP to submit separate North and South rates 
for each customer class in its Compliance Filing.  
 
 
5 SERVICES AND RATE SCHEDULES 

With respect to the Rate Schedules, the Board directs AP to file an updated version of all 
schedules in the Compliance Filing based on Board determinations in this Decision. 
 
5.1 On-System Receipt Transportation Service 
AP proposed that receipt transportation service would be available to customers who physically 
receipt gas onto the AP pipeline system at an on-system point of receipt. 
 
AP proposed that a customer could select firm or interruptible receipt transportation service. AP 
also proposed that overrun OR service be considered interruptible service. 
 
AP proposed that it would not be obligated to design its pipeline system or to receive, at the 
point of receipt in any one hour, a quantity of gas in excess of 1/24 of the contract demand. 
 
5.1.1 FSR 
AP proposed to maintain the existing structure of the demand portion of the FSR rate, while 
revising the structure of the OR portion of the rate. AP’s current receipt OR rate has a single 
commodity charge (higher than the commodity equivalent rate of the firm receipt demand rate) 
and AP proposed to offer OR service with different rates for two periods57 in a year.  
 
AP submitted that the FSR demand rate was designed to collect the costs allocated in the COSS 
to the Producer service class. AP proposed that the FSR rate would have a demand charge 
applied to the customer’s contract demand and an OR charge by which a commodity rate would 
be applied to the monthly flows in excess of the contract demand. 
 
Views of the Applicant  
For the months of June through September, AP proposed that OR charges would be priced at a 
commodity rate equivalent to the FSR demand rate, plus the estimated NGTL receipt and fuel 
charges to be incurred by AP58. 
 
For the months of October through May, AP proposed to price the OR charge at a commodity 
rate equivalent to the FSR demand rate, less the avoided NGTL FT-A delivery toll.59 AP also 
proposed that the October to May OR charge would remain at a 1.5¢/GJ discount even if NGTL's 
FT-A rate was increased.  
                                                 
57 October to May and June to September. 
58 AP estimated the NGTL receipt and fuel charges to be 14.7¢/GJ and 17.0¢/GJ in the South and North 

respectively. 
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AP submitted that increasing on-system OR receipt volumes for the months of October through 
May would directly reduce FT-A charges. 
 
AP considered the Producer receipt service offering provided in the FSR Rate Schedule to be just 
and reasonable. 
 
Views of the Board 
The Board notes that no interveners objected to AP’s proposed FSR rate structure. The Board has 
reviewed AP’s proposed FSR rate schedule and the proposed demand and OR components and 
considers them to be reasonable. The actual level of the FSR demand rate and associated OR rate 
will have to be revised based on directions in this Decision. 
 
At this time, the Board is prepared to approve AP’s proposed October to May OR charge at a 
commodity rate equivalent to the FSR demand rate, less the avoided NGTL FT-A delivery toll of 
1.5¢/GJ. The Board accepts that the amount of this discount will remain static and will not 
fluctuate with changes in the approved NGTL FT-A toll from time to time, unless and until this 
rate and the associated discount are revised in a GRA decision or in a negotiated rate settlement.  
 
With respect to the June through September OR charge, please refer to Section 5.1.5 of this 
Decision for further discussion. 
 
5.1.2 FSRS 

Relative to the current firm short-term receipt transportation service (FSRS), AP proposed to 
revise the structure of the demand and OR services in the short-term firm receipt transportation 
service (FSRS) rate. AP currently offers short-term service with different demand rates for two 
periods in a year and a receipt OR service with a single commodity rate (higher than the 
commodity equivalent rate of the winter firm receipt demand rate) for the entire year.  
 
AP proposed to offer an FSRS rate from November 1 through March 31 with a demand charge 
less than the demand charge associated with FSR. AP also proposed to offer a short term OR 
service with a commodity rate for the same period. AP proposed that the demand charge would 
be applied to the customer’s contract demand and an OR charge based on a commodity rate 
would be applied to the monthly flows in excess of the contract demand. 
 
Views of the Applicant 
AP submitted that the FSRS rate components were designed to encourage incremental receipt 
volumes during the winter period. In addition, AP indicated that the FSRS rates were 1.5¢/GJ 
lower than commodity rate equivalent to the FSR demand rate in order to reflect the fact that for 
the colder months, during which FSRS would be offered, short term on-system receipts would 
offset receipts otherwise required from the NGTL system. AP also indicated that the FSRS rates 
would remain at a 1.5¢/GJ discount even if NGTL’s FT-A rate was increased. 
 
Like the October to May OR charge associated with FSR, AP proposed to price the FSRS OR 
charge at a commodity rate equivalent to the FSR demand rate, less the avoided NGTL FT-A 
delivery toll. 
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Views of the Interveners 

CG 
The CG supported the rate as filed. 
 
Views of the Board 
The Board agrees with AP that offering a discounted FSRS rate as proposed from November 1 
through March 31 should encourage incremental receipt volumes, which would result in reduced 
FT-A toll charges. The Board has reviewed AP’s proposed FSRS demand and OR rate 
components and the relationship between these rates and the FSR rates and considers them to be 
reasonable and consistent with the purpose of offering this service. The Board notes that the 
FSRS demand charge on an annual equivalent commodity rate basis is equal to the OR charge 
under the FSRS rate and also equal to the October to May FSR OR charge. The Board approves 
the FSRS rate in principle, and notes that it will have to be revised based on directions in this 
Decision. 
 
As with the FSR OR rate, the Board accepts that the amount of the FSRS demand and OR 
discount will remain static and will not fluctuate with changes in the approved NGTL FT-A toll 
from time to time, unless and until this rate and the associated discount are revised in a GRA 
decision or in a negotiated rate settlement.  
 
5.1.3 ITR 

AP proposed to replace the current receipt interruptible service (Rate TIS), which offered a 
single commodity rate throughout the year, with interruptible receipt transportation ITR service. 
 
AP proposed that ITR service would have commodity rates for the October to May and June to 
September periods. AP also proposed to maintain a minimum annual charge.  
 
Views of the Applicant  

For the months of June through September, AP proposed that ITR charges would be priced at a 
commodity rate equivalent to the FSR demand rate, plus the estimated NGTL receipt and fuel 
charges to be incurred by AP. 
 
For the months of October through May, AP proposed to price the ITR charge at a commodity 
rate equivalent to the FSR demand rate, less the avoided NGTL FT-A delivery toll60. AP 
submitted that increasing on-system IT receipt volumes for the months of October through May 
would directly reduce FT-A charges. AP indicated that the October to May ITR charge would 
remain at a 1.5¢/GJ discount even if NGTL's FT-A rate was increased. 
 
Views of the Interveners 

IGCAA 
IGCAA submitted that AP’s proposed winter rebate, which IGCAA stated to be 1.8 cents, was 
inconsistent with AP’s stated objective of encouraging interruptible transportation to convert to 
firm transportation. Further, the amount of this rebate was inconsistent with AP’s proposed 
treatment of ODC. IGCAA submitted that with respect to ODC, AP was proposing to match 
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costs and benefits but with respect to the winter rebate, AP indicated that if the NGTL FT-A rate 
went up to 8 cents, it would not increase the rebate to the full amount of the FT-A rate and 
instead, would hold the rebate at 1.8 cents. 
 
Views of the Board 
The Board notes that AP’s current interruptible receipt services in the North and South have 
commodity rates that are constant throughout the year while in the Application, AP proposed to 
establish different rates for two periods. 
 
While the Board acknowledges that AP’s proposed ITR winter rebate would appear to be 
inconsistent with AP’s objective of encouraging interruptible transportation to convert to firm 
transportation, the Board considers that, in theory, increasing on-system IT receipt volumes for 
the months of October through May should reduce FT-A charges. Even though the precise 
reaction by producers to this proposed service is unknown at present, given the supply and 
demand dynamics of the AP system, the Board considers it acceptable for AP at this time to 
structure services and associated rates in order to optimize use of its system.  
 
The Board has reviewed AP’s proposed October to May ITR rate and its relationship with the 
FSR demand rate and considers them to be reasonable at this time. Therefore, the Board is 
prepared to approve AP’s proposed October to May ITR charge at a commodity rate equivalent 
to the FSR demand rate, less the avoided NGTL FT-A delivery toll of 1.5¢/GJ. As with the FSR 
OR rate and FSRS rates, the Board accepts that the amount of this discount will remain static and 
will not fluctuate with changes in the approved NGTL FT-A toll from time to time, unless and 
until this rate and the associated discount are revised in a GRA decision or in a negotiated rate 
settlement.  
 
Given the rate relationships between the October to May ITR rate and the FSR rates, the Board 
notes that the October to May ITR rate will need to be revised based on directions in this 
Decision. 
 
With respect to the June through September ITR charge, please refer to Section 5.1.5 of this 
Decision for further discussion. 
 
5.1.4 AGRIUM CARSELAND REBATE 
The Agrium Carseland Rebate was negotiated as part of a non-standard contract intended to 
protect from bypass certain volumes supplied by Encana Corporation (EnCana) to the Agrium 
Carseland industrial complex. AP proposed to adjust the Agrium Carseland Rebate from 5¢/GJ 
to 2.4¢/GJ for producers who declared to AP that their South zone, on-system receipts were 
designated for transfer to the Agrium Carseland customer account. AP proposed that the rebate 
would apply to South zone on-system receipts only and was limited to a maximum of the actual 
consumption at the Agrium Carseland complex. 
 
Views of the Applicant 
AP stated that it could not support maintaining the current rebate of 5¢/GJ and submitted that the 
proposed 2.4¢/GJ rebate provided a reasonable balance between retaining the rebate of 5¢/GJ 
and eliminating it altogether. AP argued that eliminating the rebate would encourage Agrium 
Carseland to continuously pursue competitive alternatives. AP submitted that the return to the 
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pre 2001 rebate level of 2.4¢/GJ to on-system producers (receipt shippers) provided Agrium 
Carseland with an effective toll equivalent to both pre 1999 and pre 2001 tolling levels.  
 
AP indicated that prior to February 1, 1999, Agrium Carseland was served under a point-to-point 
agreement with a rate of 10¢/GJ plus UFG. This rate was considered effective in addressing the 
risk of by-pass. AP submitted that the Industrial and Producer (I/P) Settlement, effective 
February 1, 1999, effectively maintained that rate through a standard receipt rate (FSR) at 
7.4¢/GJ, plus a standard delivery rate (FSD) at 5.0¢/GJ, less a 2.4¢/GJ rebate to on-system 
producers who sold to Agrium Carseland. 
 
AP submitted that the I/P Reopener Settlement, effective January 1, 2001, increased the rebate to 
5.0¢/GJ. AP submitted that the UFG/Fuel rate, applied to the significantly higher gas prices at 
that time, resulted in an effective charge that was in the order of 16¢/GJ, or three times the FSD 
rate. AP indicated that in this Settlement, AP also agreed to pursue UFG/Fuel differentiation 
between AP and AG. AP noted that since that date, AP received Board approval61 for an 
allocation of UFG/Fuel between AP and AG. 
 
AP noted that IGCAA took issue with the linkage between the reduction in the Agrium 
Carseland Rebate and the UFG reduction included in the I/P Settlement. AP submitted that a 
settlement by its very nature was a compromise and issues were not normally linked. However, 
AP argued that both issues go to the competitiveness of AP’s industrial rates and Agrium 
Carseland was the largest South industrial. 
 
Views of the Interveners 

IGCAA 
IGCAA requested that the Board deny AP’s proposal to reduce the Agrium Carseland Rebate for 
the following reasons: 

• It would be unfair and discriminatory because the basis for the reduction was a by-pass 
option that led to EnCana obtaining a non-standard contract; 

• It would be unfair and discriminatory to allow EnCana to continue to benefit if it 
continues to supply Agrium Carseland, while taking away the increased rebate that had 
been given to Agrium Carseland on account of the same by-pass option; 

• It would not necessarily result in a benefit to any party other than EnCana; 

• It would unnecessarily increase renewed threats of by-pass. 
 
IGCAA indicated that the Agrium Carseland Rebate started out at 2.4¢ in February of 1999 and 
in early 2000, PanCanadian Petroleum (now EnCana) approached AP threatening to build a by-
pass pipeline directly to Agrium Carseland. IGCAA indicated that AP then negotiated a non-
standard contract with PanCanadian for a 10 year term which was justified on the basis that, but 
for the non-standard contract, AP was at risk of losing the EnCana and Agrium Carseland 
volumes.  
 
IGCAA noted that in addition to obtaining approval for the increased Agrium Carseland Rebate, 
in Decision 2001-097, AP was successful in its application to reallocate UFG in the South. In 
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addition, IGCAA argued that the reduction in the large industrial rebate by 2.6 cents was 
disproportionate to shifting one cent in UFG charges to receipt point shippers where that cost 
would likely be shared as part of the gas price.  
 
IGCAA argued that while AP submitted that all of its customers would benefit as a result of the 
reduction in the Agrium Carseland Rebate, AP failed to consider that its non-standard contract 
with EnCana still provided EnCana with a 5 cent rebate if it supplied Agrium Carseland. IGCAA 
submitted that in proposing the rebate reduction, AP gave no consideration to the competitive 
advantage it might give to EnCana and whether this competitive advantage would negate any 
possible benefits to other customers on its system. IGCAA submitted that, not only was it unfair 
and discriminatory to continue to provide EnCana with the rebate, this further competitive 
advantage for EnCana brought with it the risk that there would be no benefit to others as a result 
of reducing the Agrium Carseland Rebate.  
 
IGCAA argued that while AP conceded that the reduction of the rebate increased the risk of by-
pass threats from Agrium Carseland, AP believed it could deal with the risk of increasing by-
pass threats because it hoped that in the face of such by-pass threats, the Board would follow its 
Fort Saskatchewan decision and not allow the construction of duplicate facilities. IGCAA 
submitted that the Board should not allow AP to encourage by-pass threats on this basis.  
 
Views of the Board 
The Board notes that Agrium Carseland was served prior to February 1, 1999 with a rate 
intended to compete with direct by-pass options. This rate of 10¢/GJ plus UFG was essentially 
maintained following the I/P Settlement by incorporating a 2.4¢/GJ rebate to the FSD charge.  
 
The increase in the rebate to 5¢/GJ came about at a time when increased gas commodity prices, 
in concert with a blended UFG rate, produced an effective charge substantially higher than the 
10¢/GJ rate. Following separation of the blended UFG rate between AP and AG in Decision 
2001-097, the specific UFG rate for transmission was reduced from 1.39% to 0.59% including 
compressor fuel. The Board considers that the benefit to industrials as a result of the change in 
UFG rate justifies examining the need to maintain the full 5¢/GJ rebate. The Board has often 
considered that a by-pass type rate should be no more attractive than required to address the by-
pass threat. The Board accepts AP’s submission that the 2.4¢ GJ rebate is a reasonable balance to 
retain the original approximation of the competitive by-pass option.  
 
5.1.5 Summer IR/OR Receipt Surcharge 
Currently, customers using AP’s receipt transportation interruptible service or overrun receipt 
service pay a commodity rate that does not vary during the year. AP proposed to include a 
summer surcharge to its commodity rate for interruptible receipt transportation service and 
overrun service, related to its firm receipt service.  
 
Views of the Applicant 
The proposed components of AP’s summer commodity rate design is shown in Table 11. 
 

EUB Decision 2004-079 (September 24, 2004)   •   59 



2004 GRA – Phase II  ATCO Pipelines 
 

Table 11. Summer Interruptible/Overrun Receipt Tolls 

June 1 to September 30 
Commodity rate equivalent to FSR 

plus 
Estimated NGTL receipt and fuel charges incurred by AP 

Source: Application, Section 2, p. 6 of 32 
 
AP proposed that the revenue generated by the surcharge component (estimated NGTL receipt 
and fuel charges) of the summer Interruptible/Overrun receipt rate (IT/OR) tolls would be 
credited to the proposed North and South OPD deferral accounts. 
 
AP submitted that during October 1 through May 31, increasing on-system IT/OR volumes 
directly reduced NGTL FT-A charges. During the warm months when firm receipts exceed 
markets (June 1 through September 30), AP submitted that incremental IT/OR receipts cause 
incremental ODC.  
 
AP stated that dual connected shippers would have the option of paying the IT/OR rate or 
shipping volumes off to another pipeline in the summer. 
 
AP indicated that it proposed to increase the summer IT/OR to prevent cross-subsidization of 
IT/OR by other customers. AP argued that IT/OR should be priced such that the incremental 
IT/OR revenue exceeded the incremental (marginal) IT/OR costs, that IT/OR pricing should not 
discourage firm service, and that IT/OR pricing should promote additional supply onto AP in 
colder months. 
 
AP submitted that the current receipt IT/OR pricing, 110% of the fully utilized firm rate, has 
provided an insufficient signal to producers to contract for firm service. AP indicated that nine of 
the top ten IT/OR customers average 55% of their flow as IT/OR. AP argued that these shippers 
did not provide the same commitment to the system as firm receipt customers and they were not 
covering the incremental cost of flowing volumes to NGTL. 
 
AP submitted that CAPP’s proposal to price receipt IT/OR year-round at 100% of firm was 
insufficient to provide the appropriate price signals or to recover the incremental costs in the 
warmer months. AP argued that CAPP had previously agreed that IT/OR should be priced to 
recover incremental variable costs, and had stated that IT service, as the marginal service, was 
appropriately priced through a bid process using a floor based on the marginal cost of providing 
IT.  
 
With respect to CAPP’s comment that AP decided to avoid expanding its system, AP argued that 
it agreed with its customers’ desire to pursue this alternative. AP submitted that while this 
supported AP’s argument that ODC should be considered to be system costs, it did not detract 
from the need for IT/OR to at least cover its incremental cost and also to pay a share of general 
system costs.  
 
In response to CAPP’s assertion that AP risks driving supply down to the bottom of the demand 
trough, AP indicated that, while this was always a risk, this contradicted CAPP’s evidence that 
interruptible volumes have made a commitment to the system.  
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With respect to CAPP’s comment that IT/OR shippers have made a commitment by connecting 
to the AP system, AP noted that Producers still have a choice about whether to use firm or 
interruptible service to ship their gas, and the interruptible shipper has not provided the same 
level of commitment to AP’s system, especially at dual connected plants. AP submitted that with 
12 months notice, customers with service at dual connected plants could decontract and leave the 
AP system.  
 
With respect to CG’s statement that increased volumes of receipt gas were beneficial in reducing 
costs paid by all rate classes, AP submitted that this was not true for volumes over a threshold 
receipt level.  
 
In response to IGCAA’s statement that the market would respond to the price signals and choose 
the optimal level of receipts if the ODC were included in the OPDC rate, AP stated that such an 
increase to OPDC rates would significantly benefit delivery customers through lower on-system 
gas prices, leading to the type of rate instability that has been a significant problem in recent 
years with exchange fees.  
 
Views of the Interveners 

CAPP 
CAPP argued that AP's proposal to charge a surcharge on interruptible receipts in the summer 
was unfair and unjustified. CAPP did not agree with AP’s assertion that the surcharge was 
needed to control oversupply of gas in the summer.  
 
CAPP submitted that it was unfair to penalize the supply that made the commitment of attaching 
to the AP system in response to AP’s goal of ensuring supply availability on an annual basis. 
CAPP argued that AP risked driving supply to the bottom of the demand trough. 
 
CAPP submitted that AP’s proposal sent a contradictory signal to interruptible shippers by 
discounting winter interruptible rates below the equivalent firm rate, because sound resource 
conservation practices dictated that winter production not be shut in during the summer.  
 
CAPP submitted that AP’s proposal for a summer IT/OR receipt surcharge should be rejected 
and argued that if any change to the calculation of the IT/OR rates was needed, it should be 
100% of the firm service rate year round. 
 
With respect to AP’s submission that IT/OR should at least cover its incremental cost, CAPP did 
not agree with the characterization of ODC as a marginal or incremental cost of the IT/OR 
service. CAPP submitted that ODC were properly viewed as supply/demand imbalance costs 
wholly unrelated to whether the supply of gas comes on to the AP system under a firm 
transportation agreement or IT/OR transportation. CAPP argued that AP itself implicitly 
supported the concept of ODC being a supply/demand imbalance cost when it proposed that 
ODC costs be allocated to all customer groups.  
 
With respect to AP’s suggestion that the incentive to firm up volumes was insufficient because 
nine of the top ten IT/OR customers average 55% of their flow as IT/OR, CAPP argued that this 
would be inconclusive if those nine customers were in areas where the risk of interruption was 
minimal. 
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CAPP disagreed with AP’s assertion that differential IT/OR rates would encourage additional 
supply onto its system during colder months. CAPP noted that AP agreed in argument that 
IT/OR receipt volumes were essentially flat throughout the year. CAPP argued that this flat 
profile was a result of production practices; it was not and would not be, to any significant 
degree, driven by transportation prices.  
 
CAPP noted IGCAA’s argument that ODC costs would “skyrocket” just as the EDA did if ODC 
costs were general system costs and there was no summer IT/OR surcharge. CAPP submitted 
that this hyperbole ignored the commitment by AP to manage the supply on their system to 
ensure that the benefits of additional receipts onto their system exceeded the costs of bringing 
those receipts on. 
 
CAPP noted that Rate 13 preconditioned their objections to the summer IT/OR surcharge on 
ODC being included in the OPDC rate. CAPP submitted that Rate 13’s argument was based on 
the erroneous assumption that ODC were caused by receipts. CAPP argued that ODC were more 
accurately described as being caused by the overall supply/demand balance. 
 
CCA 
The CCA agreed that the surcharge was appropriate if TBO was not implemented, but argued 
that TBO was a better solution than the surcharge. 

 
CG 
The CG supported the principle that increasing the volumes of receipt gas brought onto the AP 
system was beneficial, in the sense that the additional revenues act to reduce the costs paid by all 
rate classes. The CG argued that the surcharge proposed by AP would send the wrong signal to 
producers and would unnecessarily discourage receipt supply. The CG supported the 
recommendations of CAPP for IT/OR tolls which would be consistent on a year round basis at 
the equivalent of a 100% load factor firm toll. 
 
The CG indicated that its preferred solution would be to have NGTL provide a summer TBO 
service to receive the excess summer supply from AP.  
 
IGCAA 
IGCAA submitted that the IT/OR summer receipt surcharge would likely be unnecessary if ODC 
were included within the OPDC commodity charge. IGCAA argued that if the market was given 
the appropriate price signal, producers themselves would respond to these price signals and 
choose the optimum level of receipts to put onto the AP system. In addition, if ODC were paid 
based on nominations, rather than on whether the producer held firm or interruptible service, 
IGCAA submitted that CAPP’s concerns over market allocation between firm and interruptible 
shippers would be addressed.  
 
IGCAA submitted that it would be unacceptable to go soft on the issue of the IT/OR rate, and at 
the same time make ODC general system costs. IGCAA submitted that ODC costs would sky 
rocket just as the EDA account did in the past and all AP’s shippers would be left paying the bill 
and at the same time paying an artificially high gas price on the AP system. IGCAA argued that 
this result would be neither fair nor efficient and cannot be accepted by the Board.  
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Rate 13 

Rate 13 submitted that not all summer production incurred costs attributable to the OPDC service 
because a producer could choose to sell its gas to an on-system market, store the gas, or transfer 
the gas to NGTL. Rate 13 argued that a high summer IT rate did not reflect that a producer has 
these options and AP’s proposal deemed all summer IT receipted gas to be the gas transferred to 
NGTL, when this was not the commercial reality. 
 
Rate 13 submitted that, if the OPDC rate was properly cost based, the receipt volumes actually 
sent to NGTL would properly pay the OPDC costs. Rate 13 submitted that, if the Board 
approved a full cost OPDC rate, the Board should not approve AP’s summer IT rate and the IT 
rate should be structured as it has been historically. 
 
Views of the Board 
The Board notes that AP has proposed a surcharge for summer IT/OR receipts to apply when the 
summer supply exceeds the summer on-system demand, whereas the current rate structure for 
IT/OR transportation service is a commodity rate that does not vary during the year.  
 
The Board is concerned that an insufficient summer IT/OR rate may result in an under-collection 
of ODC in the OPD deferral account and result in substantial swings in transportation rates.  
 
The Board considers that IT/OR transportation service can be used by a shipper as a short term 
or seasonal offering, wherein the shipper would provide no commitment to AP’s longer term 
supply requirements. In such a case AP could not rely on IT/OR volumes as a firm revenue 
source for forecasting purposes. The Board notes that AP, appropriately, does not design 
facilities to provide firm capacity on a year-round basis for IT/OR volumes. Neither can these 
volumes be relied upon to determine the supply/demand balance points referred to in Section 7.5.  
 
The Board considers that IT/OR volumes are beneficial to the system during times when the 
demand exceeds the on-system supply. However, when supply exceeds demand, IT/OR volumes 
may result in an ODC in excess of the revenue provided through FSR. Therefore, the Board 
considers that a summer IT/OR surcharge is appropriate to discourage excess ODC costs and to 
collect summer NGTL charges from IT/OR shippers who have not committed to the system 
through firm contracts, which could offset these summer charges with firm revenue throughout 
the year. The level of the surcharge should be set from time to time to equal the summer ODC 
costs, which should include the estimated NGTL receipt charges plus fuel charges. The 
surcharge would be applicable to IT/OR volumes delivered in the period June 1 to September 30, 
in each year. 
 
The Board approves AP’s proposal that the revenue generated from the summer IT/OR surcharge 
shall be credited to the proposed OPD deferral accounts. The Board has addressed the 
requirement for AP to provide information with respect to deferral accounts in Section 7.3 of this 
Decision. 
 
5.2 OPR 
AP proposed an OPR commodity rate that was modeled after the OPR commodity rate approved 
by the Board in Order U2003-401, dated November 7, 2003.  
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In Order U2003-401, the Board accepted AP’s proposal to include the revenue associated with 
the OPR rate in North and South deferral accounts with NGTL FT-A and FCS MAV expenses. 
At the same time, the Board also accepted AP’s proposal to revise the OPR rate if circumstances 
changed on AP’s system such that deferral account balances carried forward from prior years or 
changes in the relationship between nominated and physical flows were forecast to result in a 
surplus or deficit of over $1 million in either the North or South deferral accounts by year end. 
Further, the Board accepted AP’s proposal that it might also present an application for 
adjustment to the OPR rate when NGTL changed its FT-A rate. 
 
Views of the Applicant 
AP proposed to charge a commodity toll that would recover only the NGTL FT-A expenses 
assigned to the OPR service class, instead of establishing stand alone services to recover all the 
expenses allocated and assigned to this class. The initial OPR commodity rate was established in 
October 2003 and prior to establishing this toll, gas receipted onto AP from the NGTL system 
was not tolled. The current rate for this service in the North and South was 1.4¢/GJ and AP 
proposed to increase the rate to 1.5¢/GJ.  
 
AP proposed that after approving a customer’s nomination request for OPR service, the 
customer’s gas would be allocated through AP’s NIT account to the customer’s account on the 
AP system. 
 
AP noted that while NGTL would bill AP based on physical deliveries to the AP system, AP’s 
business practices were designed to reflect exchange (paper) receipts from NGTL to AP through 
its exchange service. AP proposed to charge its commodity rate on volumes nominated from 
NGTL to AP through AP’s NIT account.  
 
AP submitted that the proposed OPR commodity rate was fair and reasonable since it was 
designed to collect the variable FT-A costs. AP noted that the IGCAA and the CG supported the 
proposed OPR commodity rate. 
 
In response to Calgary’s statement that either the OPR rate should reflect AP’s proposed 8¢/Mcf 
rate or the proposed reallocation should be eliminated, AP indicated that it would apply to the 
Board to increase the OPR rate to reflect any approved increased in the NGTL FT-A rate. 
 
Views of Interveners 

Calgary 
Calgary submitted that from a consistency standpoint, AP should either advocate the inclusion of 
an 8¢/Mcf rate, which AP proposed in the NGTL 2004 Phase II proceeding, in the NGTL receipt 
charge or eliminate its proposed reallocation proposal for identified system costs for OPD and 
OPR services. 
 
CG 
The CG agreed that the OPR rate should pass through the NGTL FT-A expenses but 
recommended that only Rider D charges of 50% of UFG/Fuel should be added to the OPR rate. 
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NGTL 

NGTL submitted that AP was effectively the gatekeeper of all volumes that entered and left its 
system at interconnections with the NGTL Alberta System. NGTL argued that AP achieved this 
status by taking commercial control of all gas volumes coming on and going off its system, and 
by refusing to allow others to make any physical nominations on or off its system at 
interconnections with the NGTL Alberta System. 
 
NGTL submitted that AP’s gatekeeper status was presently functionally embodied in section 13 
of its Business Policy and Practices (BP&P) and argued that under this provision, parties that 
wanted to move gas to AP’s system from the NGTL Alberta System must use AP’s NIT account. 
 
NGTL noted that AP advised that it was not seeking Board approval in this proceeding of its 
BP&P generally, or section 13.3 specifically. NGTL argued, however, that AP requested Board 
approval of a provision that it proposed in each of its OPR and OPD service rate schedules that 
would, if approved, achieve the same practical result.  
 
NGTL requested that the Board specifically deny AP’s proposed provisions in section A of its 
OPR rate schedule which mandate that its customers use AP’s NIT account to access AP’s 
systems. NGTL submitted that these provisions should not be allowed to stand, as they were 
competitive barriers that indirectly prevented customers from using an approved NGTL service. 
 
Views of the Board 
As noted in Section 3.7, Reallocation of OPR and OPD Expenses and Revenues, the Board 
determined that a fully cost based OPR service with stand alone rates would not be established 
for this proceeding. At this time, the Board is prepared to accept its previous findings in Order 
U2003-401 that support AP’s proposal to recover NGTL’s FT-A expenses through the OPR 
commodity rate.  
 
The Board notes that the current OPR rate in the North and South is 1.4¢/GJ as approved in 
Order U2003-401. The Board also notes that AP’s commitment to revise the OPR rate in order to 
reflect any increase in the NGTL FT-A rate, appeared to be stronger in this proceeding than 
previously indicated in the application related to Order U2003-401. 
 
With respect to AP’s proposed increase in the OPR rate, the Board does not consider that AP has 
provided sufficient evidence to justify the proposed increase given the criteria established in 
Order U2003-401 with respect to OPR rate adjustments. Therefore, the Board considers that the 
existing OPR rate in the North and South should remain in place. However, the Board is 
prepared to vary its position, if AP files evidence in the Compliance Filing that establishes that 
on a forecast basis, the balance in the North and South OPR deferral accounts is projected to be 
greater than $1 million on December 31, 2004. 
 
With respect to NGTL’s request to deny AP’s proposed provision in its OPR rate schedule which 
mandates that customers use AP’s NIT account to access AP’s system, the Board is prepared to 
accept this provision at this time. However, the Board considers that this matter could be 
explored in the Competitive Proceeding if parties requested it to be considered as an issue. 
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5.3 FSD 

AP proposed that delivery transportation service would be available to industrial customers who 
physically take gas off of the AP system at an on-system point of delivery (Rate FSD). AP also 
proposed that term-differentiated rates would be available for customers selecting a longer 
minimum term date.  
 
Relative to the current firm delivery transportation service, AP proposed to maintain similarly 
structured demand and OR service rates. AP’s current firm delivery transportation service has 
different demand rates for three possible ranges of contract terms and an associated OR service 
rate, which is priced at 110% of the commodity rate equivalent to the 3 or 4 year FSD demand 
rate. 
 
Views of the Applicant 
AP proposed that the charge for an average daily flow in a month that fell between 90% and 
110% of the nominated demand (billing demand), would be the FSD demand charge applied to 
the average daily flow in that month plus the fixed charge. Further, if the average daily flow in a 
month exceeded 110% of the nominated demand, an OR charge would be applied to the 
difference between the total flow in the month and 110% of the nominated demand (billing 
demand) times the number of days in the month. AP also proposed that if the average daily flow 
in a month was less than 90% of the nominated demand, the charge would be the demand charge 
applied to 90% of the nominated demand (billing demand) plus the fixed charge. 
 
AP proposed that it would not be obligated to design its pipeline system or to deliver in any one 
hour at the point of delivery, a quantity of gas in excess of 1/24 of the nominated demand. 
 
In response to IGCAA’s statement that AP should be willing to reduce the FSD OR charge 
below the firm service rate in the summer if it was going to offer a rebate to encourage IT/OR 
volumes during the winter, AP submitted that IGCAA did not present any evidence that 
Industrials would respond to such a price signal, especially as it was somewhat inconsistent with 
the current 90%/110% feature.62 
 
Views of Interveners 

CG 
The CG agreed with this rate as proposed subject to the addition of Rider D, which would 
include charges for 50% of UFG/Fuel. 
 
IGCAA 
IGCAA submitted that if AP was going to provide a rebate to encourage receipt volumes to come 
onto its system in the winter months, it was equally logical to reduce FSD OR charges below the 
firm service rate in the summer because increased summer demand on the AP system would 
reduce ODC.  
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Views of the Board 

The Board notes that AP proposed that the FSD OR service rate would be set at 110% of the 
commodity rate equivalent of the 3 or 4 year FSD demand rate, similar to AP’s current rate 
offering. The Board has considered the positions of the parties with respect to the proposed FSD 
demand and OR rates and agrees with AP that the rates appear to be reasonable. The Board also 
believes that the derivation of the billing units for this rate by AP appears appropriate.63  
 
The Board notes that the FSD demand rate itself and the associated OR rate will have to be 
revised by AP based on directions in this Decision. 
 
The Board will therefore approve the FSD demand rate and associated OR rate in principle, 
subject to the necessary revisions to be made in the Compliance Filing. 
 
With respect to IGCAA’s claim that FSD summer OR charges should be lowered to encourage 
summer demand in order to reduce ODC, the Board considers that this argument appears to have 
merit. However the Board agrees with AP that evidence has not been introduced as to the details 
and impacts of this proposal, and considers that parties have not had an opportunity to consider it 
properly. Therefore, at this time, the Board is not prepared to approve such a rate reduction to 
OR charges for the summer months.  
 
5.4 FSU 

AP proposed to provide delivery transportation service to Distributing Companies who 
physically deliver gas off of the AP system (Rate FSU). AP proposed that gas would be allocated 
to the Distributing Companies’ delivery account on AP’s system and would be available to 
transfer to other customer accounts.  
 
AP also noted that as selected by the customer and approved by AP, the delivery transportation 
service for Distributing Companies was firm service. 
 
With respect to billing, AP proposed to apply a demand rate to the customer one hour peak 
demand nomination. 
 
5.4.1 FSU versus Separate Services for Distributing Companies 

AP proposed to offer one firm delivery transportation service (FSU) to all Distributing 
Companies with a common FSU demand rate.  
 
Views of the Applicant 
AP submitted that the expenses allocated to the Distributing Companies group should not be 
further segregated to individual customers because this protects smaller Distributing Companies 
from unwarranted and unjustifiable variations in rates. 
 
AP submitted that the FGA agreed with the position of having a common rate for all utilities in 
the 2001/02 GRA.64  Further, AP noted that the 2001 Memorandum of Understanding (MOU) 
between AP and the FGA stated that FGA would buy the CTM in the South, even with a 

                                                 
63 AP Response to IGCAA-AP-15(d). 
64 Transcript, Vol. 4, page 368, lines 14-25; Decision 2001-097, page 130. 
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common rate for all utilities.65 AP indicated that the Board also agreed with the evidence of AP 
and FGA in Decision 2001-097.66 
 
With respect to FGA's evidence that it should not pay any M&R costs, AP submitted that FGA’s 
proposed adjustment was not valid and should not be used when reviewing the reasonableness of 
the FSU rate for Gas Alberta. 
 
In response to FGA’s contention that the FSU rate schedule does not describe the services 
received by Gas Alberta or Rate 5 customers, AP submitted that this contention was without 
merit. AP argued that the FSU rate schedule was a new rate schedule and the FSU rate, when 
approved, would apply to all Distributing Companies, including Gas Alberta and those customers 
currently administered under the Rate 5 rate schedule. AP submitted that the FGA did not present 
any evidence with respect to what services do not apply. 
 
AP submitted that there were three specific examples that the Board should consider when it 
reviews the reasonableness of the FSU rate for Gas Alberta and Rate 5 customers. AP submitted 
that these examples reflected situations where an allocation directly to Gas Alberta or Rate 5 
customers, rather than to all Distributing Companies, would result in a substantial variation in 
rates for Gas Alberta and Rate 5 customers: 
 

• No allocation of UFG CTM to Gas Alberta67;  
• Direct allocation of Gas Alberta CTM costs to Gas Alberta;68  
• Direct allocation of Smoky River Crossing Project to Rate 5.69 

 
In response to FGA’s submission that providing separate rates for Gas Alberta and Rate 5 
customers would not be administratively burdensome, AP submitted that this was not the issue 
but instead, the issues were whether the services provided were significantly distinct, whether 
separate rates could be justified through the COSS, and whether there would be a distortion in 
cost assignments which would result in unwarranted and unjustifiable variations in the rates. 
 
AP stated: “FGA’s position for Gas Alberta and Rate 5 falls under the saying “Be careful what 
you wish for, it might come true” in that not all consequences have been considered. ATCO’s 
proposal to charge one rolled in rate for all Distributing Companies protects smaller Distributing 
Companies from unwarranted and unjustifiable variations in rates.”70 
 

                                                 
65 Decision 2001-097, p. 143. 
66 Page 141 
67 AP submitted that 50% of the UFG CTM were directly allocated to distributing companies and the impact of 

not charging these costs to Gas Alberta in the North would be a rate reduction of $0.068/GJ/Month (2.7% of the 
North FSU rate of $2.494/GJ/Month) and in the South  $0.086/GJ/Month. (or 4.3% of the South FSU rate of 
$1.992/GJ/Month). 

68 AP indicated that the Gas Alberta CTM were currently included in the North general or system-wide 
measurement and regulating costs and they were allocated based on peak demand. AP submitted that if they 
were directly allocated to Gas Alberta, it would have increased the Gas Alberta rate by $0.26/GJ/Month (or 
10.4% of the North FSU rate of $2.494/GJ/Month). 

69 AP indicated that this project was allocated to all distributing companies and if the project was directly 
allocated to Rate 5, since it was identified as serving Rate 5 only, it would have increased their rate by 
$0.58/GJ/Month ($77,000 divided by 11 TJ/day divided by 12 months) (or 23.2% of the North FSU rate of 
$2.495/GJ/Month).69 
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AP requested that the Board approve its proposal as filed. 
 
Views of the Interveners 

CALGARY 

For the South, where only two utility customers exist, Calgary submitted that the use of separate 
rates, which existed for 2001 and 2002, did not appear necessary. However, Calgary indicated 
that it would leave this issue for the FGA to pursue.  
 
CCA 

The CCA supported the CG position on this issue. 
 
In addition, the CCA did not support separate FSU rates. The CCA submitted that no distinction 
between the service provided by AP to AG or other distribution utilities could be found. The 
CCA argued that the FGA did not meet the onus to justify further paring down of AP’s existing 
or proposed customer classifications. 
 
CG 
The CG submitted that a single FSU service in terms of its structure and terms and conditions of 
service was appropriate for all Distributing Companies. However, the CG argued that a rate 
charged for FSU service to AGN and AGS should continue to be individually established as 
proposed by AP. 
 
FGA 
The FGA submitted that it would be difficult to reflect the operational differences among Gas 
Alberta, Rate 5 customers and AG if the Board approved a rate that was suited to the operations 
of only AG, with credits or surcharges for certain optional services. If the Board approved 
different rates for the three rate classes within the Distributing Company customer class, the 
FGA submitted that this would facilitate the offering of services unique to each rate class. 
 
The FGA submitted that returning the meters to AP would resolve the financial inequities of 
maintaining one rate for Distributing Companies, but it would not reap the full operational 
benefits for Gas Alberta’s customers. The FGA submitted that, with respect to Gas Alberta, the 
Board should look beyond the financial aspects of a rate and recognize that not all utilities were 
created the same and that Gas Alberta’s members provided clear evidence that they wish to 
operate differently from AG. 
 
With respect to Rate 5 customers, the FGA submitted that the ownership and operation of the 
delivery stations was a mixed bag71 and that logically, this meant that Rate 5 customers required 
a different rate from AG. The FGA argued that Rate 5 customers should also have a different rate 
from the rate offered to Gas Alberta, where both the stations and meters were owned and 
operated by the shareholder member. 
 
The FGA suggested that a Rate 5, or any successor rate , should provide the various options to 
reflect the customer’s choice of operation including but not be limited to, owning and operating 

                                                 
71 FGA-AP02-25 (c) 
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the delivery station, owning the metering and data acquisition devices and the option of taking 
gas at the delivery station, for at least an appropriate transition period. 
 
The FGA submitted that since AP provided a greater number of rates for its Industrial and 
Producer customer classes through its non-standard contracts and was not burdened by this 
number, there was no logical basis for one single rate, FSU or otherwise, for the different types 
of distributing companies served by AP. 
 
The FGA suggested that the Board should approve a rate for AG and separate rates for Gas 
Alberta and the Rate 5 customers. 
 
In response to AP’s submission that there were three specific examples that the Board should 
consider when it reviews the reasonableness of the FSU rate for Gas Alberta and Rate 5, the 
FGA indicated that the second example72 was exactly what the FGA proposed in its evidence.73  
 
With respect to AP’s third example74, the FGA submitted that the AP proposal appeared to 
constitute new evidence that should not have been put forward in argument and argued that the 
Board should ignore this discussion.  
 
Views of the Board 
The Board notes that AP proposed one firm delivery transportation service to all Distributing 
Companies with a common FSU demand rate.  
 
The Board also notes the FGA argument that Gas Alberta and Rate 5 customers required rates 
different from AG due to Gas Alberta owning certain metering equipment and Rate 5 customers 
owning and operating delivery stations.  
 
The Board considers that dividing the Distributing Companies Deliveries service class into 
discrete service classes may result in distortion in cost assignment and result in unwarranted and 
unjustifiable variations in rates and/or revenue to cost ratios. At this time, the Board believes that 
being part of a larger service class results in an averaging of costs such as general system and 
administrative expenses across the class, thereby potentially conferring a benefit to small 
Distributing Companies when compared to rates that could result if these costs were allocated 
separately to these customers on a cost causation basis. The Board believes that a postage stamp 
approach results in reasonable rates for all customers in the service class, particularly for those in 
more remote areas. Therefore, the Board is not persuaded at this time that separate rates are 
appropriate for Gas Alberta and other Distributing Companies. The Board considers that the FSU 
demand rate is just and reasonable for all utilities in the class. The Board tends to agree with 
AP’s comments that creation of separate rates for the smaller Distributing Companies would 
likely result in rate increases for those customers. 
 
Accordingly, for the above reasons and the reasons provided in Section 7.8.1, the Board declines 
to approve a reduced rate for Gas Alberta at this time. 
 

                                                 
72 Direct allocation of Gas Alberta CTM costs to Gas Alberta. 
73 Exhibit 011-04, page 6, line 7 – page 7, line 8 
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5.4.2 Peak Demand Notice and Curtailment 

For Delivery Transportation Service to Distributing Companies (Rate FSU), AP proposed that 
the Billing Commencement Date75 would be January 1 of each year.  
 
AP proposed that twelve months in advance of the Billing Commencement Date, a Distributing 
Company must advise AP of its peak demand at each point of delivery for AP’s approval. If the 
Distributing Company does not provide the required advance notice, AP proposed that the peak 
demand for the current year would be carried forward. 
 
AP proposed that should the actual flow at any point of delivery in any one hour period exceed 
the peak demand at that point of delivery, the Distributing Company would be invoiced an 
additional charge equaling the difference between the actual one hour flow and the peak demand 
at that point of delivery multiplied by 24 months. In addition, the peak demand for the remainder 
of the year would be increased by that amount and would form the minimum peak demand for 
the next five year period at that delivery point.  
 
Views of the Applicant 
AP submitted that the incremental charges for actual flow exceeding peak demand and the 
increase to the customer's peak demand were intended to prevent Distributing Companies from 
under forecasting their peak demand requirements. AP argued that Distributing Companies 
would be motivated to understate their peak demand requirements until such time as they had 
exceeded their nominated one hour peak demand. AP was concerned that since Distributing 
Companies may not encounter a peak day each year (due to temperature dependence), they could 
be motivated to understate their peak demand requirements.76 
 
AP indicated that should a customer exceed its peak demand at one delivery point but stay within 
its overall peak demand in the immediate area, AP would review certain factors including 
whether the difference would have impacted the facility design and whether other customers 
were curtailed. 
 
AP submitted that the five year forward peak demand increase provision was fair because 
Distributing Company growth rates would limit the impact of the penalty to the customer to the 
first few years.  
 
AP indicated that although CG, CCA and FGA argued that the proposed incremental assessments 
were onerous compared to the FSD rate, FSU service was provided the highest service priority 
available on the AP system. FSD customers can be curtailed to 1/24th of their nominated demand 
on an hourly basis and are subject to further curtailment due to a lack of system capacity, which 
included FSU customers’ actual flows exceeding their peak demand.  
 
AP noted that Calgary was asking for the benefits of the 90-110% FSD billing demand treatment 
without accepting the lower service priority granted to FSD. AP indicated that an FSD customer 
nominated its peak demand requirement with the understanding that AP was not obligated to 
design its system to deliver volumes of gas in excess of 1/24th of the nominated contract demand. 
 
                                                 
75 Billing Commencement Date means the commencement date for invoicing the tariffs and charges set forth in 

Article 10 of the Transportation Service Regulations. 
76 Response to BR-AP-12 (e). 

EUB Decision 2004-079 (September 24, 2004)   •   71 



2004 GRA – Phase II  ATCO Pipelines 
 

AP submitted that the alternate penalty proposals provided by CG and Calgary were not 
sufficient incentives for Distributing Companies to accurately forecast their peak demands. AP 
argued that peak demand nominations provided on the basis of Distributing Company system 
design should be based on the same parameters as the Distributing Companies use to design their 
own systems, taking into account projected impacts of weather. 
 
In regard to Calgary’s argument that there was no historical experience to provide the basis for a 
need for penalty charges, AP provided a historical context by noting the difficulty in reaching 
agreement with the FGA on peak demand and the fact that actual measurement was not 
previously available.  
 
With respect to Calgary’s submission that the five year forward ratchet was also out of line with 
the reality of the TSA, AP submitted that the evidence on the record of this proceeding does not 
support Calgary's claim. AP indicated that Article 9.1 of the TSA stated that “ATCO Gas shall 
pay...the tariffs and charges as determined by ATCO Pipelines and approved by the Board”. AP 
also indicated that this article incorporated the potential for greater detail and amendments into 
the Agreement as approved by the Board. AP argued that this concept was consistent with AP's 
intentions for the treatment of this Agreement, as described in the 2001/2002 GRA. AP indicated 
that it would integrate the service provided to AG into the Rate Schedules and Transmission 
Service Regulations proposed in the Application upon approval by the Board.  
 
With respect to the requirement for Distributing Companies to nominate their annual one hour 
peak demands by individual delivery point one year in advance of flow, AP submitted that this 
was required so that AP can ensure that any incremental facility requirements can be designed, 
built and commissioned prior to the commencement of each contract year. 
 
While AP indicated that Distributing Companies should have a higher level of service priority 
than other delivery rates and that deliveries to Distributing Companies should not be curtailed, 
AP argued that its capability to deliver gas to Distributing Companies was limited to its system 
design. Therefore, in its proposed FSU rate schedule, AP indicated that it was not obligated to 
design the pipeline system or deliver, in any one hour at any point of delivery, a quantity of gas 
exceeding the peak demand established for each point of delivery.  
 
AP argued that it was critical to have Distributing Companies’ facilities operational for the 
coldest/peak demand part of the contract year whereas Industrial customers’ delivery timelines 
were not dependent on temperature but on commercial arrangements. 
 
AP disagreed with FGA’s assertion that Distributing Companies were unlikely to be responsible 
for delivery curtailment since 70% of APN throughput was attributable to the Industrial and 
Producer groups and any increase in demand would most likely come from these groups. AP 
stated that pipeline systems were designed to meet the peak demand requirements of its 
customers, not throughput requirements. AP indicated that the APN Distributing Companies 
were accountable for 1,321 TJ of the 2,073 TJ total delivery peak demand, or 64%.  
 
AP indicated that it could not find any evidence on the record of this proceeding to support 
Calgary’s statement that on the AP system, ATCO Gas has the right to a maximum of 300,000 
GJ/day of withdrawal capacity and in an emergency the full 600,000 GJ/day of Carbon capacity.  
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Views of the Interveners 

CALGARY 
Calgary submitted that the ratchet provision to adjust the billing demand retroactively 
represented a penalty for an event that never occurred in the prior billing period. Further, the 
concern expressed by AP was only hypothetical since there have been no historical problems 
associated with AGS’ forecasts. In addition, with the obligation to provide an annual forecast in 
advance of the billing year, the five year forward ratchet was out of line with the reality of the 
TSA.  
 
Calgary submitted that a 12 to 24 month forward ratchet by delivery point with a minimum 2% 
tolerance would provide a more reasonable ratchet provision and argued that such a constraint 
would impose the discipline that AP requires, would provide a baseline for the AP 
reasonableness check and would not unduly penalize the Distributing Companies class.  
 
Calgary indicated that if the Board accepted that all class demands for billing and cost allocation 
should be developed on the same basis, the one hour ratchet would not be applicable if the Board 
adopts the twenty-four hour standard for all classes. Calgary submitted that under the twenty-
four hour standard, the tolerance levels expressed in the FSD rate would also be appropriate for 
the FSU rate.  
 
Calgary indicated that the CG’s ratchet proposal was not far from Calgary’s proposal, although 
the CG’s position that the ratchet end with the next forecast period made sense. Calgary 
submitted, however, that there should be no retroactive imposition and ratchets should be 
forward looking. 
 
Calgary submitted that the curtailment issue appeared to be more of a red herring than a practical 
reality. Calgary submitted that curtailment would only occur due to a shortage of gas supply or 
the lack of pipeline capacity. With respect to a shortage of gas supply, Calgary submitted that 
AGS has indicated that the Carbon Storage facility was no longer needed for operational 
purposes because AGS can buy all the gas it needs at any time. Given this position, Calgary 
submitted that there would not be an opportunity to curtail other loads in order to serve the 
Distributing Companies.  
 
With respect to a lack of pipeline capacity, Calgary submitted that provincial policy requires the 
Alberta load to be served before gas was exported from the province. Calgary submitted that 
absent a classic force majeure related to pipeline capacity or loss of supply, there appeared to be 
very little opportunity for curtailment ever to occur on the APS system.  
 
CCA 
The CCA did not support incremental charges for actual flow exceeding peak demand for FSU 
rates and argued that the demand allocations already over allocate costs to customers of the 
Local Distribution Company (LDC) utilities. The CCA argued that if the charges for exceeding 
peak demand were borne by customers, AP would have excess earnings and if the charge 
remains with the distribution utility, it would encourage the distribution utility to over forecast 
expected demand to minimize the risk of incremental non-recoverable charges. The CCA 
considered that utilities should be responsible for forecast risk. 
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The CCA submitted that AP has the capability to challenge billing determinants provided by AG 
or other distribution utilities in order to determine reasonableness. The CCA argued that it was 
inappropriate for AP to charge penalties that might simply be based on an extreme weather 
condition that exists for a short period of time. The CCA submitted that the weather driven load 
of the LDC was clearly outside of their control and should not result in a potential for additional 
costs to consumers. 
 
CG 
The CG submitted that the proposed charge was very onerous compared to the overrun charges 
under the FSD rates. The CG indicated that it accepted the evidence of AP that service to utilities 
could not be practicably curtailed and that, accordingly, firm service to utilities had a greater 
degree of reliability than firm service to other classes of customers.  
 
Therefore, the CG indicated that FSU overrun charges should directionally be somewhat more 
rigorous than FSD overrun charges but not to the degree proposed by AP. The CG submitted that 
an immediate 12 month charge for the overrun amount77 would be ample.  
 
The CG submitted that the twelve month penalty charge would protect AP from any loss in the 
current period from any utility having low balled its estimate at a particular delivery point, and 
argued that the continuation of the higher peak demand and charge on a forward basis, until the 
time of the next estimate to be provided by the utility for that point, would also protect AP. 
 
The CG submitted that it was not reasonable to automatically lock in the customer utility to the 
higher demand rate for a further five years. The CG argued that if AP was exercising due 
diligence in reviewing the forecasts it receives, the utility in question would have to provide 
strong rationale to AP if it forecast a lower demand again at a delivery point that had overrun in 
the past twelve months. 
 
With respect to AP’s comment that the growth over time at FSU delivery points would limit the 
impact of the penalty to the first few years, the CG accepted that the aggregate of deliveries 
under the FSU rate would likely grow slowly, but they also argued that there was no guarantee 
that each and every FSU delivery point would experience growth and in some cases, smaller 
towns or villages in rural areas might decline. 
 
FGA 
The FGA agreed that a distributing company was in the best position to provide AP with its 
needs for service, however, the FGA submitted that the planning horizon set out by AP was 
excessively long and unresponsive to reasonable changes that may be realized within a 
distributing company on a year to year or month to month basis. The FGA submitted that in 
effect, a distributing company would be applying for growth in service two years in advance of 
the actual need.  
 
The FGA submitted that AP had not considered an adjustment mechanism within the FSU rate to 
reflect the loss of load that a distributor may face. The FGA argued that the notice requirements 
and punitive overrun provisions did not properly serve a distributing company’s planning cycle, 
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nor did they fit with the construction season for new facilities. The FGA noted that there was no 
such advance notice required of industrial customers. 
 
The FGA submitted that it would be more appropriate for the distributing companies to provide 
their requirements at a reasonable interval before the beginning of the gas year or other 
milestone. The FGA requested that the Board direct AP to develop planning procedures with the 
distributing companies that would satisfy the needs of both the distributing companies and those 
of the transmission company. 
 
The FGA submitted that in its experience, AP had chosen to exaggerate or highball peak day 
demand as determined by the FGA, with an obvious benefit accruing to AP for over billing 
throughout 2003 and 2004 year-to-date.  
 
The FGA submitted that the proposed FSU rate was designed to over-recover rather than recover 
costs and argued that the proposed two year retroactive penalty was so onerous that customers 
may be compelled to continuously nominate excess demand and therefore pay too much in 
demand charges rather than risk an onerous penalty. The FGA submitted that provisions must be 
allowed for periodic adjustments, both upwards and downwards, to ensure that both AP and its 
customers are each assured of equitable treatment.  
 
The FGA submitted that curtailment might be necessary when a transportation system cannot 
meet the coincident demand placed on that system by all of its customers. With respect to the 
impact on system operations, the FGA submitted that based on existing usage and apparent focus 
of the AP marketing efforts, the greatest potential for additional demand and therefore, cause for 
curtailment, would be the Industrial and Producer markets rather than the core served by 
Distributing Companies.  
 
The FGA indicated that security of supply was actually an issue for the Distributing Company. 
The FGA submitted that Distributing Companies ensure their security of supply through a 
number of means and the best assurance of a secure supply of gas would be for a distributing 
company to arrange for default supply itself and to deal only with reputable retailers. The FGA 
argued that if there was an issue with AP’s inability to transport sufficient gas supply arranged 
by the distributing company, then this reflected on the transporter’s ability to plan for both its 
industrial and distributing company’s transportation requirements. 
 
Views of the Board 

Peak Demand Notice and Billing Commencement Date 
The Board considers that AP requires a reasonable time period for notice of changes in peak 
demand requirements (Peak Demand Notice) at each location where it delivers gas to its 
Distributing Company customers, in order to provide for adequate time to plan and reconfigure 
its transmission system to accommodate the changes.  
 
The Board notes that AP proposed that the Billing Commencement Date should be January 1 of 
each year and that the Distributing Companies did not comment on this proposal. At this time, 
the Board is prepared to accept AP’s proposal for the Billing Commencement Date.  
 
With respect to timing of the Peak Demand Notice, AP requested notice 12 months prior to the 
Billing Commencement Date, while FGA argued that it would be more appropriate for the 
Distributing Companies to provide their requirements at a reasonable interval before the 
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beginning of the gas year or other milestone. At this time, given no specific alternatives, the 
Board considers that a 12-month period for Peak Demand Notice, prior to the Billing 
Commencement Date, is reasonable.  
 
With respect to FGA’s submission that provisions should be allowed for periodic adjustments to 
the peak demand quantity, the Board notes that no evidence was presented with respect to the 
number and magnitude of such possible adjustments. While the Board would expect that these 
adjustments would be infrequent, it would appear reasonable that such provisions should exist.  
 
The Board agrees with FGA that AP should develop planning procedures with the Distributing 
Companies that would satisfy the needs of both the distributing companies and AP. Therefore the 
Board directs AP to discuss this matter further with the Distributing Companies and to file a 
proposal in its next GRA. It appears to the Board that the details on such a proposal could be 
included in AP’s BP&P. 
 
Peak Demand, System Design and Curtailment 
As stated in Section 3.0 of AP’s BP&P, AP may restrict or curtail service in excess of a 
customer’s contract demand or nominated demand if such excess cannot be accommodated due 
to pipeline operating conditions. In addition, AP will not curtail firm service except in certain 
instances, which includes the necessity to ensure gas service to temperature sensitive customers. 
The Board considers that on the peak day, AP’s curtailment procedures would provide an 
appropriate framework to deal with the priority of service to its customers.  
 
The Board notes that while AP indicated that Distributing Companies should have a higher level 
of service priority than other delivery services and that deliveries to Distributing Companies 
should not be curtailed, AP also indicated that its capability to deliver gas to Distributing 
Companies was limited to its system design. For Distributing Companies, the FSU rate schedule 
provides that AP is not obligated to design the pipeline system or deliver, in any one hour at any 
point of delivery, a quantity of gas exceeding the peak demand established for each point of 
delivery.  
 
The Board accepts that AP operates to provide a higher level of service to Distributing 
Companies in that it would endeavour not to curtail them, but as its obligations are currently 
structured, it is reliant on the proper peak demand values for design and delivery purposes to 
these customers. The Board therefore considers that the Distributing Companies must provide 
accurate peak demand requirements at each delivery point.  
 
Incremental Penalty Charges for Exceeding the Nominated Demand 
With respect to AP’s proposal that Distributing Companies should pay incremental charges for 
actual flow exceeding peak demand nominations, AP stated that since Distributing Companies 
may not encounter a peak day each year (due to temperature dependence), they could be 
motivated to understate their peak demand requirements.  
 
The Board considers that AP has not fully justified its proposal for a 24 month charge equaling 
the difference between the actual one hour flow and the nominated peak demand at the affected 
point of delivery, plus a five year forward minimum peak demand value at the new actual peak 
level.  
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Interveners were generally not in favour of the level of the proposed penalty. The Board notes 
that two of AP’s Distributing Company customers78 did not provide comment on this matter, 
which could have been useful, particularly with respect to the mechanics of how the level of 
nominated demand would be chosen, whether or how retailers would be involved in the demand 
forecasts, and how the proposed penalty would be passed onto customers for payment. 
 
The Board considers that the record is not completely clear on when a Distributing Company 
would be motivated to intentionally understate its delivery requirements from the AP system, 
particularly where the Distributing Company might require incremental distribution facilities to 
meet its own load forecast.  
 
The Board tends to agree in principle with the CG’s submission that if a Distributing Company 
did “low ball” its estimate at a particular delivery point, an immediate 12 month penalty charge 
would motivate Distributing Companies to provide adequate demand forecasts, and that the 
continuation of the higher peak demand and charge on a forward basis, until the time of the next 
estimate to be provided by the Distributing Company for that point, would also be appropriate.  
 
The Board would be sympathetic to AP’s need for a penalty clause with reasonable parameters to 
ensure sound forecasting practices by Distributing Companies. However, as indicated above, the 
Board is not clear on the probable degree of underforecasting by Distributing Companies at this 
time. The Board has further concerns with respect to the administration and practical 
implementation of AP’s proposal, including how the penalty provision would be determined and 
how AP would decide whether to trigger such a charge when the peak demand at one delivery 
point was exceeded but the overall peak demand in the immediate area was not exceeded. 
 
Therefore the Board will not approve AP’s proposed penalty charges associated with the FSU 
rate at this time.  
 
5.5 OPDM and OPDC 

In response to its North and South system settlements, implemented in 1998 and 1999 
respectively (North Settlement and South Settlement), AP implemented an exchange service, 
under which it used its NIT account to provide gas exchanges between its system and the NGTL 
Alberta System. AP proposed in the Application to replace the exchange service with an OPD 
service. 
 
Views of the Applicant 
AP proposed to replace the current exchange fee mechanism, which was priced at the difference 
between AP and NGTL tolls, with delivery transportation service to customers who deliver gas 
to other pipelines from the AP system. AP proposed two rate options (OPDM, being an OPD 
Must Flow rate and OPDC, being an OPD commodity rate) for deliveries to all other pipelines 
including NGTL, Alliance and MIPL/TransGas.  
 
With respect to CCA’s claim that AP was expropriating the core customers’ and other 
customers’ exchange revenues and using these to subsidize producers’ costs, AP submitted that 
exchange revenues were not being expropriated because the core customers and other customers 
did not own them. AP indicated that it proposed to allocate OPDC revenues to customers based 

                                                 
78 ATCO Gas and AltaGas. 
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on peak demand. AP also submitted that the benefit of exchange service that CCA referred to 
was a reduction to ODC, which AP proposed to allocate to customer groups based on peak 
demand. AP argued that it was treating all customers fairly. 
 
Views of the Interveners 

CCA 
With AP’s proposal to eliminate the EDA and replace it with an OPD rate, the CCA argued that 
core customers should still be entitled to revenue credits as originally contemplated in the North 
Settlement. 
 
The CCA submitted that exchange capacity was created by nominating shippers79 and should be 
available to be used by nominating shippers as they saw fit. The CCA considered that exchange 
revenues should benefit the party doing the exchange and core customers should benefit and not 
subsidize AP sourced producers. The CCA submitted that the subsidy was becoming so 
significant that it was affecting natural gas pricing on the AP system.  
 
Views of the Board 

With respect to the CCA’s claim that exchange capacity was created by nominating shippers and 
that it should be available to be used by nominating shippers as they saw fit, the Board considers 
that many factors including the core demand profile, the industrial demand profile and the 
producer supply preferences have all influenced AP’s current situation with respect to exchange 
capacity. With respect to the CCA’s submission that exchange revenues should benefit the party 
doing the exchange and core customers should benefit and not subsidize AP sourced producers, 
the Board considers its determinations in this Decision, with respect to the allocation of expenses 
and income credits to the OPD service class and subsequent reallocation, to be reasonable and 
fair to all customers.  
 
5.5.1 OPDM 
AP proposed that a “must flow” (OPDM) rate would be available to deliver gas to NGTL, 
Alliance and MIPL/TransGas. AP proposed that the rate would incorporate 100% load factor 
deliveries to the other pipelines. Under this rate, AP proposed that the customer must pay all tolls 
and fuel to access the other pipelines. AP indicated that the OPDM rate was designed on the 
model provided by the current FSDA rate for Transportation Firm Service to Alliance Pipeline. 
 
Views of the Applicant 
AP indicated that it might direct a customer to reimburse AP for other pipeline charges80 incurred 
by AP when the AP system was available to effect delivery of the nominated demand and such 
nominated demand was not fully utilized by a customer. AP indicated that the customer would 
incur these charges if the customer failed to deliver the must flow volumes during a period that 
ODC to NGTL were incurred. AP proposed that the revenue from any such charges would be 
credited against the ODC in the OPD deferral account. 
 

                                                 
79 Including LDC core customers since gas is purchased on their behalf. 
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AP proposed that customers holding OPDM service would have first priority to the customer’s 
pro-rated share of incremental delivery capacity in excess of the nominated demand as it became 
available on the other pipeline. AP also proposed that if the excess capacity was still not fully 
utilized, the remaining capacity would be available to those customers holding OPDC service on 
a “first come, first served” basis. 
 
AP proposed that an agreement would be required by shippers contracting for OPDM and the 
nominated demand would be established at the time the agreement was executed and would 
generally be for a one year minimum term.81 AP also indicated that the OPDM service was 
firm.82 AP also proposed that at its sole discretion, monthly OPDM terms might be approved. AP 
also proposed that either a customer or AP could terminate must-flow agreements by providing 
12 months written notice to the other party. 
 
AP also proposed to provide North and South overrun charges for OPDM service at a 
commodity rates equal to the OPDC rates in the North and South respectively. 
 
AP submitted that the no charge demand rate reflected the fact that the “must flow” resulted in a 
market for on-system receipt volumes for a full year and resulted in a reduction in volumes 
required to flow to NGTL in the warmer months.83 
 
AP indicated that if it was past a level of supply/demand balance on its system that it could 
economically deal with, customers would be required to enter into other arrangements such as 
OPDM service.84 
 
AP indicated that under OPDM service to NGTL, as long as there was exchange capability, the 
customer would not incur penalty costs in no flow conditions.85 AP indicated that if a customer 
that elected OPDM service failed to flow off to the other pipeline on a given day and AP 
determined that there was a physical oversupply problem that the customer had compounded on 
that day, and incremental flow was required to NGTL, the customer would incur a charge. On a 
practical basis, AP submitted that if a customer failed to delivery in January, they would not 
likely incur the charge while if the customer failed to deliver in July, they would probably incur a 
charge.86 AP also indicated that while the OPDM service was available for delivery to NGTL, 
Alliance and TransGas, it did not expect shippers to elect the service to NGTL in the short term 
because of more attractive netback options.87 AP also indicated that it expected that all producers 
would be using the OPDC service to access NGTL.88  
 
CG 
The CG supported the rate as filed. 
 

                                                 
81 IR AIPA-8 (d) 
82 Transcript, page 592, lines 3 – 4. 
83  Transcript, Vol. 6, page 583, lines 19-23. 
84 Transcript, page 268, line 13 to page 269, line 3. 
85 Transcript, page 732, lines 2 – 10. 
86 Transcript, page 733, lines 4 – 14. 
87 Transcript, page 737, lines 7 – 17. 
88 Transcript, page 737, lines 18 – 25. 
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Views of the Board 

In reviewing the evidence on the OPDM service, the Board agrees with the concept of the 
service in principle, but is concerned that certain aspects of the service have not been clearly 
defined. At this time, the Board is prepared to accept the concept of a zero demand charge with 
penalty provisions for no flow conditions, and is also prepared to accept that the North and South 
OPDM overrun charges would be equal to the respective North and South OPDC rates. 
However, at this time, the Board is not prepared to approve other aspects of the OPDM service 
until AP provides updated rate schedules that clearly describe the OPDM and OPDC services 
and how these services relate specifically to the three other pipelines (NGTL, Alliance and 
MIPL/TransGas). 
 
The Board is concerned that AP’s proposed rate schedule is written somewhat generically for 
“other pipelines” while also including specific references to system specific items such as the use 
of AP’s NIT account. 
 
With respect to the OPDM service, it appears to the Board that the customer would commit to a 
nominated demand upon execution of a minimum one-year agreement, but AP’s obligations with 
respect to this nominated demand are not clear and it appears that they depend upon whether the 
nominated demand is for NGTL, Alliance or MIPL/TransGas. The Board also notes that AP 
proposed that at its sole discretion, monthly OPDM terms might be approved, but it is not clear 
whether AP would accept the nominated demand for each day in the period upon execution of 
the agreement or whether this acceptance would be decided daily. In addition, it would appear 
that under certain circumstances (such as the amount of NGTL exchange capacity) and 
depending upon the selected delivery pipeline, a customer would still incur incremental charges 
even if they were prepared to meet their nominated demand. 
 
Therefore, the Board directs AP to refile the rate schedule for Delivery Transportation Service to 
Other Pipelines (Rates OPDM and OPDC) as part of its Compliance Filing in such a way that the 
OPDM and OPDC services are clearly defined and that the service provisions and service 
requirements with respect to the other pipelines (NGTL, Alliance and MIPL/TransGas) are 
clearly distinguished for both OPDM and OPDC. The Board requests that unique aspects of the 
OPDM and OPDC services with respect to each connecting pipeline be clearly defined.89 The 
rate schedules should also clearly indicate the responsibility of the customer with respect to 
charges from the other connecting pipelines. 
 
5.5.2 OPDC 
AP proposed that a commodity rate (OPDC) would be available to deliver gas to NGTL, 
Alliance and MIPL/TransGas and that the commodity rates would be applied to nominated 
volumes. 
 

                                                 

 
80   •   EUB Decision 2004-079 (September 24, 2004) 

89 For example, how the OPDM penalty provisions would work for each respective interconnecting pipeline. 



2004 GRA – Phase II  ATCO Pipelines 
 

Views of the Applicant 

AP established the OPDC rate by taking certain expenses and revenues that were assigned or 
allocated to the three delivery service classes and dividing by the demand for the three services, 
and then dividing by 365 to establish a daily equivalent rate.90  
 
In the case of NGTL, AP proposed that this rate would result in access to the NGTL system at 
the NIT point in much the same manner as payment of the current exchange fee. AP proposed to 
continue to utilize the exchange mechanism provided by two-way flows to enable access to NIT. 
 
AP proposed that for Alliance and MIPL/TransGas, the shipper would pay the toll and fuel to 
access either system because the exchange mechanism would not work (no two way flow). 
 
AP proposed that separate agreements for OPDC were not required and nominations could be 
made daily as required by the customer.91 
 
AP submitted that the average delivery general system cost rate was determined as a fair and 
reasonable commodity rate because there were no direct variable costs on which to base a 
commodity rate. AP also submitted that the OPDC rate was a 100% load factor rate based on a 
full allocation of general system delivery costs that would provide a proper price signal. 
 
AP indicated that on a given day when a customer wanted to move gas to NGTL, the customer 
would pay the OPDC rate (whether exchange capacity was available or not) and any ODC 
incurred would go into the OPD deferral account92. 
 
AP indicated that the OPDC rate was not intended to underpin customer specific facilities. 
 
Views of the Interveners 

CG 
The CG supported the rate as filed. 
 
IGCAA 
IGCAA submitted that ODC should form part of the OPDC charge. IGCAA argued that a 
blended approach could be used where there was a discrete OPDC charge, and any remaining 
costs could be allocated back to customer groups based on delivery nominations. IGCAA also 
submitted that there was no evidence placed on the record regarding market problems associated 
with including AP system charges and ODC in the OPDC commodity charge. 
 
Views of the Board 
As noted in Section 3.7, Reallocation of OPR and OPD Expenses and Revenues, the Board has 
determined that a fully cost based OPD service with stand alone rates would not be required at 

                                                 
90 North: General Asset Related Expense, General O&M Expenses, Custody Transfer Meters, Salt Cavern 

Expenses, Other Directly Allocated Expense, Oversupply Delivery Costs and Lease/Other and IT/Overrun 
Revenue. 

 South: General Asset Related Expense, General O&M Expenses, Custody Transfer Meters, Other Directly 
Allocated Expenses, Oversupply Delivery Costs and IT and Overrun Revenue. 

91 IR AIPA-8 (d) 
92 Transcript, page 737, line 23 to page 738, line 12. 
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this time. At present, the Board is prepared to accept AP’s proposed methodology for 
establishing the OPDC rate. However the Board considers that the rate will have to be updated 
by taking into account the revisions to AP’s cost allocations as reflected in this Decision. 
Therefore the Board directs AP to recalculate the OPDC rate for the North and South as part of 
the Compliance Filing. The new OPDC rate should be established by using the same expense and 
revenue categories93 that AP used in its proposed methodology, but the values assigned or 
allocated to the three delivery service classes for these expense and revenue categories will have 
to be updated based on the Board’s revised allocation and assignment methodologies described 
in this Decision. 
 
With respect to the Delivery Transportation Service to Other Pipelines rate schedule, the Board 
has provided its views and directions in Section 5.5.1. 
 
5.6 SPD 
AP proposed that delivery transportation service for straddle plants (Rate SPD) would be 
available to customers who physically take gas off of the AP pipeline system at a point of 
delivery to a straddle facility (liquids extraction plant) in the North. The rate was not required in 
the South. AP proposed that the commodity rate associated with this service would be applied to 
the total energy removed in the straddle plant. AP also proposed a monthly fixed charge for this 
service. 
 
Views of the Applicant 
AP indicated that the straddle plant rate was equal to OPDC rate less the impact of removing Salt 
Cavern Costs and Other Directly Allocated Expenses.94 
 
In response to the CCA statement that the SPD rate should be higher to take into account a 
percentage of the volumes that move through the plant, AP submitted that the CCA’s proposal 
was unsupported and incomplete. The CCA did not state what percentage of volumes should be 
used. AP argued that the Board should reject CCA’s proposal because it would effectively result 
in gas volumes moving through the plant being charged twice for delivery service, once through 
the SPD rate and again through the ultimate delivery rate (FSU, FSD or OPD).  
 
Views of the Interveners 

CCA 
The CCA considered that the SPD rate was too low because straddle plants receive a higher level 
of service than simply an amount of energy removed from the gas stream. The CCA argued that 
straddle plants remove valuable components from the gas stream and therefore, greater costs 
should be allocated than the energy removed. The CCA submitted that energy removed plus 
some percentage of volumes moved through the plant would be more appropriate. 
 

                                                 
93 North: General Asset Related Expense, General O&M Expenses, Custody Transfer Meters, Salt Cavern 

Expenses, Other Directly Allocated Expense, Oversupply Delivery Costs and Lease/Other and IT/Overrun 
Revenue. 

 South: General Asset Related Expense, General O&M Expenses, Custody Transfer Meters, Other Directly 
Allocated Expenses, Oversupply Delivery Costs and IT and Overrun Revenue. 
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CG 

The CG supported the rate as filed. 
 
Views of the Board 
The Board considers that straddle plant service generally has little impact on the transmission 
service of AP, and that AP has the option of bypassing the straddle plants if operationally 
necessary. Furthermore, straddle plant service creates no demand upon the AP system to move 
contracted quantities into the plant gate, as would other industrial customers. The straddle plants 
merely take gas volumes available, extract various products out of the gas stream, recompress the 
residual gas and redeliver it to the AP system without loss of pressure and only a slight reduction 
in heating value. Therefore, the Board considers that the straddle plant operation is relatively 
benign to the operation of the pipeline transmission system.  
 
The Board notes AP’s recommended straddle plant rate as the OPDC rate less the impact of 
removing Salt Cavern and Other Directly Allocated Expenses. The Board accepts AP’s 
submission that straddle plant service has the attributes of delivery service to other pipelines. 
Therefore the Board accepts that the OPDC rate would be an appropriate rate for straddle plant 
service. However the Board does not believe that AP has provided adequate reasons to remove 
from the SPD rate the costs associated with Salt Caverns and the Other Directly Allocated 
Expenses. 
 
Therefore, the Board directs AP, in the Compliance Filing, to revise the SPD rate to the OPDC 
rate without deductions and to effect the required changes in the income credit allocation section 
of the rate design. 
 
5.7 MAS 
AP proposed that a Market Account Service (MAS) would be available to customers who wish 
to make account transfers on the AP system. AP also proposed that a customer’s market account 
must be balanced to zero at all times and that the account would not allow physical receipt and 
delivery transactions. AP proposed a fixed monthly fee of $1,000 for this service. 
 
Views of the Applicant 
AP indicated that the MAS would be available to customers that do not require the ability to 
receive or deliver physical quantities of gas on the AP systems but require the ability to purchase 
and sell gas to other account holders through account transfers. AP submitted that the MAS 
provided a forum for pure buyers and sellers to trade gas and therefore, increase gas market 
liquidity. AP indicated that the COSS did not include an assignment of costs to the MAS since 
there were no separate identifiable costs to provide the service.  
 
In response to CCA’s suggestion that the MAS rate should be eliminated in order to improve 
AP’s system market liquidity, AP argued that no party presented evidence indicating that the 
existence of the MAS rate was a concern in this regard. AP indicated that market liquidity was an 
important consideration for its systems and after further analysis, AP might apply in future to the 
Board for a variance in this rate. At this time, however, AP considered the rate to be fair and 
reasonable. 
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Views of the Interveners 

CCA 
The CCA considered that the MAS rate should be eliminated because the rate acts as a barrier to 
small retailers or small commercial or industrial customers who wish to operate an account on 
the AP system. The CCA argued that anything that discouraged parties from operating accounts 
on the AP system should be eliminated. 
 
CG 
The CG supported the rate as filed. 
 
Views of the Board 
The Board notes that the current North and South rate for MAS is a fixed charge of $300 per 
month and that AP proposed to increase the rate to $1000 per month. 
 
In respect of the CCA concern, until some evidence is provided that demonstrates to what extent 
the monthly fee may present with the MAS rate, a barrier to smaller customers use of the 
account, the Board does not consider the rate to be unreasonable. Therefore, the Board approves 
the MAS rate schedule as proposed by AP. However, the Board directs AP to file a market 
barrier analysis on the MAS rate when it applies for any future variance in the rate, which may 
be on a stand alone basis or as part of its next Phase II GRA.  
 
5.8 Rate Riders 
AP provided a general description of eight rate riders applicable to its rate schedules and 
included rate schedules for three of the riders, Rider D (UFG/Fuel), Rider J (2001/2002 South 
EDA Deficit Recovery) and Rider K (2003/2004 South EDA Deficit Recovery).95 Rider D is 
discussed separately in the section below. 
 
Views of the Applicant 

AP indicated that rate riders would be applied for, separate and apart from this proceeding, as 
required. 

Views of the Interveners 
No interveners commented on the rate riders. 
 
Views of the Board 
The Board notes that subsequent to AP’s filing of the South Rider K schedule in this proceeding, 
the Board approved Rider K in the North,96 for the 2004 exchange deferred account, which will 
remain in effect until October 31, 2004.  
 
The Board considers it appropriate for AP to apply for rate riders as required, separate and apart 
from this proceeding. However, for completeness, the Board directs AP to include the current 
rate rider schedules for both the North and South in the Compliance Filing. 
 
                                                 
95 IR Attachment IGCAA-AP02-1 (b), pp. 35-38 
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5.8.1 Unaccounted-for-Gas/Fuel Shift to Receipt Services 

AP proposed to recover unaccounted for gas and transmission system compressor fuel 
(UFG/Fuel) through transportation receipt services including FSR, FSRS, ITR and OPR. 
 
Currently, AP recovers UFG/Fuel through transportation delivery services, excluding gas 
delivered to the NGTL system via exchange service.  
 
Prior to 1998 in the North and 1999 in the South, UFG was included in the “Old World” point-
to-point tolls and was effectively charged to both receipt and delivery customers. In the North 
Settlement, UFG/Fuel was allocated to delivery customers. A similar approach was adopted in 
the South. 
 
AP proposed to continue to recover UFG/Fuel “in-kind” from each customer account. 
 
Views of the Applicant 
AP submitted that UFG/Fuel was a system cost and therefore should be a shared cost. AP 
submitted that placing the UFG/Fuel on receipts would result in the UFG/Fuel impact being 
negotiated into the on-system trading price by receipt and delivery customers. 
 
AP indicated that the trading price on the APN and APS systems was determined in the 
marketplace. AP submitted that buyers and sellers look at the "bookends" and then negotiate 
from those positions. AP indicated that prior to October 1, 2003, the higher bookend was NIT97 
with the lower bookend being NIT less a full exchange fee.98 
 
AP submitted that, under its proposal, the high bookend would shift to NIT plus the OPR rate 
plus the full UFG/Fuel charge while the lower bookend would become NIT less the OPDC rate. 
AP indicated that placement of UFG/Fuel on the receipt side would have the side effect of 
increasing the AP on-system trading price by roughly half of the value of the UFG/Fuel charge. 
 
AP submitted that by moving the UFG/Fuel to the receipt side, it would be consistent with its 
interconnecting pipelines (Alliance, MIPL/TransGas and NGTL) and would make it easier to 
understand and eliminate the UFG/Fuel competitive mismatch with other pipelines due to 
varying gas prices. 
 
In response to CAPP’s statement that AP’s continued primary focus was on deliveries to core 
and industrial markets, AP submitted that while its primary focus was on the core and industrial 
markets when it was an integrated gas utility, it has evolved into a gas transmission pipeline 
serving both receipt and delivery markets.  
 
With respect to the CG’s proposal to share the UFG/Fuel between receipts and deliveries, AP 
submitted that placing the UFG/Fuel on deliveries has not resulted in UFG/Fuel being shared 
between receipt and delivery customers, and if 50% of the UFG/Fuel was allocated to deliveries 
it was unlikely to enter the price negotiation. AP argued that the net result of the CG proposal 
would be that 50% of the UFG/Fuel might end up being shared equally between receipt and 
delivery shippers, which could effectively result in a sharing of UFG/Fuel of 25% to receipt 

                                                 
97 Gas delivered to AP from NGTL incurred no AP charges and NGTL did not charge for Intra-Alberta deliveries. 
98 Reflecting the seller's option to pay an exchange fee to transfer gas onto NGTL at the NIT point. 
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shippers99 and 75% to delivery shippers.100 AP argued that it was better to allow the market place 
to negotiate the full UFG/Fuel rather than try to directly assign costs in the manner proposed by 
CG. 
 
Views of the Interveners 

CALGARY 
Calgary supported AP’s UFG/Fuel proposal given its claim that the North American pipeline 
industry has had a long standing policy that each shipper was responsible for its share of 
UFG/Fuel. Calgary argued that by imposing UFG/Fuel at the receipt point each shipper would be 
responsible for its proportional share. 
 
CAPP 
CAPP submitted that it was appropriate to recover UFG/Fuel on the delivery side because AP 
had not provided a cost or benefit based justification for shifting UFG/Fuel to the receipt point.  
 
CAPP did not agree with AP that UFG/Fuel should be shifted to receipt services in order to be 
consistent with interconnecting pipelines such as NGTL because AP was not like NGTL. CAPP 
argued that AP was developed as a system for deliveries to core and industrial markets and this 
primary focus had not changed. 
 
CAPP submitted that Calgary, IGCAA and Rate 13 supported AP’s proposal while also agreeing 
that UFG/Fuel was properly a system cost which should be shared by all shippers. CAPP argued 
that these parties were all looking for a shift in costs from the delivery customers to the receipt 
customers for their own benefit. CAPP submitted that there was no support for Rate 13’s 
statement that the competitive mechanism would better allocate costs among end-use customers 
than would regulation. 
 
CCA 
The CCA supported the movement of UFG/Fuel to receipt services. 
 
CG 
The CG submitted that UFG and compressor fuel costs were created by both delivery service and 
receipt service, and that the point of recovery of UFG/Fuel was a matter that clearly has 
competitive impact. 
 
The CG argued that measurement error was a major contributor to UFG, therefore both receipt 
and delivery meters would be points of cost causation for UFG. Similarly, leakage or fugitive 
emissions, another source of UFG, occurred at points throughout the physical facilities of AP. 
 
With respect to compressor fuel, the CG noted that AP allocated compression costs to both 
receipt and delivery service in its COSS. The CG argued that the provision of fuel to run those 
compressors should also be allocated to both services. 
 

                                                 
99 One-half of 50%. 

 
86   •   EUB Decision 2004-079 (September 24, 2004) 

100 50% plus one-half of 50%. 



2004 GRA – Phase II  ATCO Pipelines 
 

The CG agreed with AP that negotiations on the UFG/Fuel costs would occur in some instances. 
The CG submitted that while these negotiations might occur on longer-term gas purchase 
arrangements, more typically for high load factor customers, the CG questioned the practicability 
of these negotiations occurring for the short-term purchases that were more representative of 
core market purchases. In any event, given that UFG/Fuel costs resulted from both receipt and 
delivery services, the CG argued that UFG/Fuel recovery should be directly allocated equally to 
receipt and delivery services rather than depend on the uncertain results of sharing that might 
occur through the negotiation process. 
 
FGA 
The FGA indicated that it was indifferent to AP’s UFG/Fuel proposal. The FGA submitted that 
delivery customers, whether on-system or off-system, ultimately pay for all costs of the system 
and argued that they either pay directly through their delivery charges or through the cost of gas 
purchased on the system. The FGA submitted that UFG/Fuel would be recovered by producers 
through their sales to the ultimate customers. 
 
IGCAA 
Based on cost causation, IGCAA submitted that it did not make sense for delivery customers to 
bear 100% of UFG/Fuel costs. Rather than attempting to allocate UFG/Fuel charges between 
receipt and delivery points based on what would likely be an arbitrary cost allocation 
methodology, IGCAA supported moving UFG/Fuel to receipt points where producers can 
recover an appropriate share of these costs as part of the gas price on the AP system. 
 
Rate 13 

Rate 13 supported AP’s proposal to charge UFG/Fuel on receipts and agreed with its rationale. 
Rate 13 supported the desirability of negotiating the UFG/Fuel component of the producer’s cost, 
rather than having these costs directly allocated. Rate 13 submitted that this competitive 
mechanism would better allocate costs among end-use customers than would regulation. 
 
With respect to CAPP’s comments, Rate 13 argued that AP was much more than a pipeline 
delivering to on-system markets, and therefore the UFG/Fuel cost allocation should reflect the 
commercial realities that several other transactions acted to reduce pressures on the system, 
notably transfers to interconnecting pipelines. 
 
Views of the Board 
The Board notes that there are various ATCO UFG related issues currently before the Board or 
expected to come to the Board in the near term.  
 
In this proceeding, the Board must determine how AP should recover transmission UFG and 
compressor fuel from its customers. The Board notes that a number of parties support AP in its 
proposal to shift recovery to receipt services. CAPP prefers the status quo (recovery through 
delivery services), the FGA is indifferent and the CG suggests recovering UFG/Fuel equally 
between receipt and delivery services. 
 
The Board agrees with AP that UFG/Fuel is a system cost. Further, the Board considers there is 
some appeal in principle to the CG’s UFG/Fuel recovery concept. However it does not appear 
that this concept and its potential ramifications on negotiated gas prices has been fully 
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considered by all parties. While the CG proposal may have merit for future consideration in 
greater depth, for the present time the Board considers that consistency between interconnecting 
pipelines is a positive objective. Therefore, the Board will accept AP’s proposal to move 
UFG/Fuel recovery to its receipt services.  
 
With respect to the shift of UFG/Fuel recovery to receipt services, the Board agrees with the CG 
that there is uncertainty with respect to how sharing of the UFG/Fuel charge between gas buyers 
and sellers would occur. The Board directs AP to file an application by November 1, 2004 
outlining its proposal for recovering UFG/Fuel (Rider D) from transmission transportation 
customers for implementation on January 1, 2005.  
 
The Board agrees with CG that the point of UFG/Fuel recovery has a competitive impact, and 
believes the issue could usefully be discussed in the Competitive Proceeding, where both 
regulated pipeline companies and interveners could debate the appropriate recovery mechanism 
and whether consistency between pipelines is a key factor.  
 
Other UFG issues are outstanding and before the Board, a brief background on which follows. 
 
The Board notes that in November 2003, AG101 submitted Rider D rates applicable to 
transmission transportation service customers in the North and South and retailer delivery service 
customers in the North and South. These Rider D rates were to be implemented January 1, 2004. 
AG subsequently withdrew its application pending further review of the quantity of imbalances 
that are used in the UFG calculation. On May 31, 2004, AG refiled Rider D rates and 
Application 1347869 is currently before the Board. The current Rider D rates for transmission 
transportation customers and retailer delivery service customers have been in place since 
January 1, 2003 in the South and July 1, 2003 in the North. 
 
The issue of UFG allocation to the AG distribution system and AP transmission system was dealt 
with in Decision 2001-97 for the South and Decision 2003-042 in the North. In Decision 
2003-042, the Board indicated that the method for allocating UFG between distribution and 
transmission for the North system would apply in all future Rider D applications for APN until 
such time as metering hardware was installed between APN and AGN and the resulting metered 
data yielded separate and adequate UFG data for APN and AGN. The timing for the conversion 
from the allocation methodology to the separate UFG obtained from measurement between APN 
and AGN would be determined in future Rider D applications. 
 
In the hearing, AP indicated that it would expect to make a decision in summer 2004 on whether 
the data received from the UFG meters in the South would be reliable enough to move to a 
physical basis for UFG or whether one more year would be required using the allocation method. 
AP indicated that results in the North would be two years behind the South results because the 
UFG meters were installed later. With respect to the South, the Board directs AP to file its plans 
for determining UFG on a physical basis as part of the November 1, 2004 application required by 
the Board above. 
 
The Board notes that there does not appear to be any information on the record outlining AG’s 
position with respect to recovering the distribution portion of UFG from its distribution 
transportation customers. In addition, AP has not outlined its plans, if any, with respect to 
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removing the requirement for the DERS DSP customers to take the residual impact of Rider D 
inaccuracies. Therefore, the Board directs AP to work with AG so that the November 1, 2004 
application noted above also outlines AG’s proposed mechanism for recovering distribution 
UFG and the impact to the DERS DSP customers. 
 
5.9 Non-Compliance/ Unauthorized Service  
AP included a consequence for Non-compliance/Unauthorized Service in its General Conditions 
which apply to rate schedules. AP noted that the Non-compliance / Unauthorized Service charge 
was to be used in situations where a customer failed to comply with either a service curtailment 
notification or an account tolerance restriction notification.  
 
AP indicated that after it advised a customer to reduce transportation service to a specific 
nomination and a subsequent non-compliance notice was issued, the charge on the Non-
Compliance Quantity102 would be five (5) times the NGX/AECO Intra-Alberta previous gas day 
trading instrument daily high, or if this price was not available, the charge would be based upon 
the industry recognized daily reference price for the previous day. 
 
Views of the Applicant 
AP submitted that the Non-compliance/Unauthorized Service provision was the last step 
available in a process of enforcing a service curtailment action. AP submitted that customers 
who failed to meet the requirements of a service curtailment could seriously jeopardize the 
operation of AP’s pipeline system as well as the ability of AP to meet the peak demand 
requirements of Distributing Companies. AP submitted that this charge was just and reasonable 
and indicated that this condition of service was previously approved by the Board in the form of 
Rate 7 B (ii) and Rate 8 B (ii). 
 
Views of the Interveners 
No interveners provided comments. 
 
Views of the Board 

The Board notes that no Interveners commented on the proposed Non-compliance/Unauthorized 
Service provision. 
 
AP referred to the current Rate 7 B (ii), Emergency Service, Unauthorized Sales in the South and 
current Rate 8 B (ii), Emergency Service, Unauthorized Sales in the North, in connection with 
the proposed Non-Compliance/Unauthorized Service charge. The Board notes that the current 
Rates 7 B (ii) (South) and 8 B (ii) (North), provide for a daily fixed charge for these services and 
an energy charge of five (5) times Rider F (GCRR), with a minimum price of the highest cost of 
gas purchased on the day. 
 
Although the Board considers that the purpose and circumstances surrounding the current 
unauthorized emergency sales services to be different than the enforcement mechanism of AP’s 
proposed Non-compliance / Unauthorized Service charge, the Board considers that AP’s 
proposed enforcement mechanism is reasonable in consideration of its obligation to operate a 

                                                 
102 Non-compliance quantity means the quantity of gas, in each day, by which a customer exceeds the quantity of 

gas contained in an instruction given, upon notice, by AP. 
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safe and reliable gas pipeline system. Therefore, the Board approves AP’s proposed Non-
compliance / Unauthorized Service provision as filed.  
 
5.10 Closed Rates 

AP proposed that a number of rates would expire upon approval by the Board in this Decision.  
 
Views of the Applicant 
Sales rates were classified as closed rates because AP proposed to only offer sales service until 
October 31, 2004. In Abcom/CCG-AP-1, AP submitted that they were proposing to cease all 
sales rates because providing a sales service (buying and reselling the gas commodity) was not a 
service typically provided by gas transmission entities. AP also argued they only had a small 
number of sales customers in 2004. AP noted that they had no sales customers in the South and 
that the ones left in the North were progressively moving to transportation only. 
 
The following are the rates that AP proposed to close, as they were set out in the Application103.  
 
(a) Rates Currently in Use  
 

(i) North 
Rate 4 - Large Use Sales Service (expired October 31, 2004) 
Rate 5 - Sales to Other Distribution Companies (expired October 31, 2004) 
Rate 6 - Sales to Power Plants (expired October 31, 2004) 
Rate 7 – Sales to Gas Alberta (expired October 31, 2003) 
University of Alberta (expired October 31, 2003)  
Rate 10 - Transportation Service (expired October 31, 2004) 
Town of Wainwright (expired June 30, 2004)  

 
(ii) South 

Rate No. TFS - Transportation Firm Service Large Industrial 
 

(b) Rates Not Currently in Use 
 

(i) North 
  Rate No. TFS - Transportation Firm Service Agrium/Dow 

Rate 8 – Standby, Peaking, and Emergency Sales (expired October 31, 2004) 
Rate 50 – Balancing Service 
Rate 30 – Firm Transportation Receipt Service 
Rate 31 – Firm Transportation Receipt Service (1-year) 
Rate 33 – Firm Transportation Receipt Service (3-year) 
Rate 34 – Interruptible Transportation Receipt Service 

 
 

(ii) South 
Rate 4 – Optional Sales Special Transmission (expired October 31, 2004) 
Rate 6 – Sales to Gas Alberta 
Rate 7 – Standby, Peaking, and Emergency Sales (expired October 31, 2004) 
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Rate 9 – Transportation Rate for Natural Gas (expired October 31, 2004) 
Rate 20 – Firm Delivery Transportation Service 
Rate 21 – Firm Delivery Transportation Service (1-year) 
Rate 22 – Firm Delivery Transportation Service (2-year) 
Rate 23 – Firm Delivery Transportation Service (3-year) 
Rate 24 – Interruptible Delivery Transportation Service 
Rate 30 – Firm Receipt Transportation Service 
Rate 31 – Firm Receipt Transportation Service (1-year) 
Rate 32 – Firm Receipt Transportation Service (2-year) 
Rate 33 – Firm Receipt Transportation Service (3-year) 
Rate 34 – Interruptible Receipt Transportation Service 

 
Views of the Interveners 
No interveners commented on or objected to the proposed rate closures with respect to the rates 
that were not currently in use. With respect to the positions of parties regarding the proposed 
closure of Rate 5, please refer to Section 7.4 of this Decision. Other than with respect to Rate 5, 
no interveners commented on the closure of any current rates as proposed by AP. 
 
Views of the Board 
With regard to the rates that are not currently in use, the Board notes that no party took issue 
with these rates being permanently closed. The Board agrees with AP that it appears appropriate 
to close these rates at this time.  
 
With respect to the proposed closure of current rates, the Board notes that with the exception of 
Rate 5, which is specifically dealt with in Section 7.4 of this Decision, no parties objected to the 
closure of these rates. The current rates to be closed are generally sales rates. The Board agrees 
with AP that a transmission service provider would not typically provide sales rates. Therefore, 
the Board agrees with the closure of these current rates. The Board is of the view that these 
current rates should expire and be replaced with new transportation rates as determined in this 
Decision and as a result of the Compliance Filing.  
 
5.11 Daily Customer Account Balancing 
The Board varied its Decision 2003-035 in order to permit a negotiation of Daily Customer 
Account Balancing conditions starting in September 2004. 
 
Views of the Applicant 
AP indicated that the Application included the currently approved General Conditions Applying 
to Rate Schedules – Section 4 Settlement of Monthly Imbalance Quantity. AP also indicated that 
a modification to the General Conditions to incorporate a new Settlement of Imbalance 
Quantities would be made in 2005 upon Board approval of the submission resulting from the 
customer negotiations on this matter. 
 
Views of the Board 
In its letter of April 24, 2004, the Board approved the amendment to the Application to withdraw 
the proposed changes to Item 4 of the Rate Schedules and Article 6 of the Transportation Service 
Regulations, related to Settlement of Monthly Imbalance Quantity and Balancing of Customer 
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Account, respectively. In that letter, the Board permitted the initiation of negotiations of the 
issues related to these matters.  
 
The Board expects that AP will file a settlement agreement for Board consideration or, by 
January 31, 2005, AP will file a separate application to address these matters. 
 
 
6 TRANSPORATION SERVICE REGULATIONS 

6.1 Revisions 
AP proposed the following revisions to the currently approved Transportation Service 
Regulations.  

• Quality of Gas (Article 3.1) 
o A change in the Gas specifications from 36.5 megajoules per cubic meter to 36.0 

megajoules per cubic metre. 
• Quantity of Gas (Article 5.5) 

o Customers requesting heated Gas will have to provide the line heater fuel in kind. 
In the past, the fuel was part of UFG/Fuel. 

 
• Balancing of Customer Account (Article 6.5) 

o Customers required to balance daily with provision to settle daily through buys 
and sells at prices included in the Rate Schedules. In the past, the requirement to 
settle was monthly. 

 
Subsequent to filing of the Application, the customer account balancing provision was 
eliminated from the scope of the Application as discussed in Section 5.11. 
 
Views of Applicant 
AP noted that in Decision 2001-097, the Board directed AP to discuss the compatibility of gas 
specifications used by AP and NGTL. AP submitted that differences in gas quality specifications 
between the two companies might create confusion and uncertainty for customers since AP 
receives gas from and delivers gas to NGTL.  
 
AP submitted that its heat value specification could be changed from 36.5 megajoules per cubic 
metre to 36.0 megajoules per cubic metre to match NGTL’s specification while its sulphur and 
H2S specifications could not be changed to match NGTL specifications due to AP's delivery 
obligations to Distributing Companies. AP argued that the reduction in heat value specification 
would reduce confusion for customers with gas receipts at dual connected plants without 
negatively impacting delivery customers. 
 
AP considered its proposed heat value reduction to be just and reasonable and requested that the 
Board approve the heat value of 36.0 megajoules per cubic metre as filed. 
 
With respect to line heater fuel, AP submitted that the current practice was to recover this fuel 
for customer specific facilities through Rider D (UFG and Fuel). AP submitted that this fuel 
should be recovered from the customers causing the costs and not through Rider D.  
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Views of the Interveners 

FGA 
FGA submitted that gas quality was a concern to customers and argued that the cost implications 
of this issue had not been fully vetted in these proceedings due to other initiatives of AP that had 
drawn more attention. With respect to AP’s submission that differences in gas quality 
specifications between AP and NGTL may create confusion and uncertainty for customers, the 
FGA submitted that the supposed customer confusion was undocumented. The FGA argued, that 
since this appeared to be a problem only at the AP/NGTL interfaces, the change in heat value 
was a matter that should be deferred for discussion at the Competitive Proceeding. 
 
Views of the Board 
The Board agrees with AP that the proposed heat value reduction from 36.5 megajoules per 
cubic metre to 36.0 megajoules per cubic metre to match NGTL’s specification is appropriate in 
order to maintain uniform base heating values with NGTL and to reduce confusion for 
customers. Thus, the Board approves the heat value of 36.0 megajoules per cubic metre as filed. 
 
With respect to AP’s request to directly charge line heater fuel to customers who desire their 
delivered gas to be heated, the Board notes that no interveners provided comment on this issue. 
The current practice is to recover this fuel for customer specific facilities through Rider D. The 
Board notes that, in addition to customers that incur Rider D charges, DSP customers would also 
pay for such line heater fuel. While the Board supports the concept that customers should pay for 
costs they cause, in this situation, the Board does not consider that AP has provided sufficient 
information with regard to the scope of this proposal and the cost to measure the line heater fuel. 
Therefore, the Board is not prepared to grant approval at this time and directs AP to file evidence 
including a detailed cost/benefit analysis with respect to this matter in its next GRA. 
 
6.2 Integration of Business Policy and Practices into Board Approved Documents 
AP noted that its BP&P were filed with the Application for acknowledgment. 
 
AP requested specific approval of the following portions of the BP&P and movement of these 
provisions into the proposed TSR and/or Rate Schedules (RS):   
 
1. Section 2.0, Investment Policy should be moved to the proposed TSR and RS. 

2. Section 2.1 General; Section 2.2 Investment for Customer Specific Facilities; Section 2.4 
Demand and Term Stacking; and Section 2.5 Customer Specific Facility Charges should 
be moved to the TSR. 

3. Section 2.3 Contract Term should be moved to the RS, specifically the General 
Conditions Applying to RS, with corrections to the availability of Short Term Summer 
Service.104 

4. The definition of customer specific facilities should be included in the TSR by 
substituting the words 'Customer Specific' in place of 'lateral' and 'General System' in 
place of 'mainline'. 

 

                                                 
104 AP proposed that FSRS would only be available in the winter. 
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AP indicated that, with the exception of credit policies, the remainder of the BP&P generally 
related to the administration of the TSR and/or RS. AP did not propose to move these 
administrative and procedural issues to the TSR and RS. 
 
Views of the Applicant 
AP submitted that given the level playing field issues that have emerged with NGTL’s entry into 
the delivery pipeline business, Board approval of the fundamentals of investment policy and 
accountability are required for both AP and NGTL.  
 
AP submitted that the NGTL Products and Pricing Decision 2000-6 altered NGTL’s investment 
policy with respect to laterals and NGTL’s Fort McMurray and Fort Saskatchewan applications 
caused AP to express concerns with respect to NGTL’s approach to cost allocation, cost 
accountability, and the LCA. AP argued that while NGTL’s cost accountability did not have to 
be identical to AP’s cost accountability, it should be based on the same principles.  
 
AP indicated that customers should be required to make a contractual commitment for a service, 
such that the term and rates for that service equal the cost of the customer specific facilities. AP 
submitted that strong cost accountability policies prevent other customers from subsidizing poor 
capital investment decisions.  
 
AP indicated that the following key elements were part of its cost accountability policy: 

• AP would invest in facilities to meet customer needs; 

• Whether facilities are customer specific or general system determines whether customer 
accountability was required; 

• General system facilities were installed to meet the aggregate needs of customers as per 
the function definition; 

• Customer specific facilities require that the customer sign for a primary term, which, 
under a demand based rate, ensures that the customer was directly committed to pay 
sufficient revenue to equal the customer specific facility cost, on a present value basis; 

• The investment and cost accountability described above was for producer and industrial 
assets. The investment and cost accountability for Distributing Company assets were 
specific to the agreement between the customer and AP, primarily the TSA with AG; and,  

• For accounting purposes, industrial and producer customer specific facilities were classed 
as ‘dedicated’. These facilities were depreciated at two times contract life, which ensured 
the revenue requirement associated with dedicated facilities was recovered during the 
normal service life of industrial or producer customers. The revenue requirement 
associated with dedicated assets was directly assigned to either the industrial or producer 
customer group for cost of service and rate making purposes. 

 
AP submitted that its investment and cost accountability policies have been discussed in four 
proceedings since 2001 and have received little criticism. 
 
AP indicated that no intervener presented evidence in this proceeding on these issues and 
submitted that, while the Competitive Proceeding could certainly engage these issues, it was 
important that the Board provide focus to NGTL, AP and the industry through policy decisions 
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in the NGTL and AP GRAs. In particular, AP stated that it would like the Board to make some 
policy decisions through the Phase II proceedings in each application. 
 
AP proposed that the Board deal with the following issues: 

• What facilities require accountability (customer specific); 

• The definition of customer specific facilities; 

• That accountability must derive directly from the rates paid for the applicable service; 

• The level of accountability required; and, 

• Board approval of investment policy, cost accountability and customer specific facilities 
definitions. 

 
AP indicated that it could not support CCA’s recommendation that the BP&P be included in the 
Terms and Conditions of Service. AP submitted that with the movement of the investment policy 
to the TSR and the removal of the exchange fee mechanism, the remainder of the BP&P was 
operational in nature, essentially providing the detailed operating procedures for the policy, 
which translate the TSR into day to day operations. AP noted that changes to AP’s BP&P were 
subject to customer consultation, and were filed with the Board for acknowledgement. AP 
argued that requiring Board approval for all changes in its BP&P, such as nomination practices, 
would unnecessarily constrain AP’s ability to operate its pipeline system and to respond to 
changes in the natural gas industry or requirements of the Gas Industry Standards Board. AP 
submitted that to adopt the CCA recommendation “holus bolus” without a sound rationale and 
without an examination of the individual items to be moved to the BP&P or an assessment of the 
impact that such an approach would have on the pipeline company and its customers, was 
arbitrary. 
 
Views of the Interveners 

CALGARY 
Calgary submitted that these issues would be better examined in a Competitive Proceeding, 
where a complete analysis of these issues in tandem with NGTL (and any other pipelines) could 
be made, so that the Board could render an informed decision. 
 
CCA 
CCA considered that the investment policy and cost guidelines must be included in the terms and 
conditions of service. CCA submitted that it was inappropriate that AP or any utility have 
flexibility to adjust investment policies and practices and, therefore, placement into the terms and 
conditions of service was critical. CCA argued that neither AP nor NGTL should be able to 
adjust investment policies and cost guidelines without explicit Board approval.  
 
CCA submitted that all BP&P should be included in the terms and conditions of service. 
 
CG 
CG recommended that the investment policy and LCAs be determined in the respective Phase II 
decisions of NGTL and AP.  
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CG agreed that AP should move its investment policy to the TSR and indicated that the Board 
should approve the investment policy. 
 
Views of the Board 

The Board notes that AP’s current Investment Policy and Contract Term Section 2.0 in AP’s 
BP&P includes procedures to deal with issues related to investment for customer specific 
facilities, contract term, demand and term tracking, and customer specific facility charges. 
 
The Board views that the item related to contract term will be an integral requirement of the 
revised schedule of rates approved in this Decision. Therefore, the Board directs AP, in its 
Compliance Filing, to include the issue of contract term, currently Section 2.3 of the BP&P, into 
the appropriate sections of its RS. 
 
Regarding the remaining items in Section 2.0 of the current version of the BP&P, the Board 
considers that these items would best be examined in the Competitive Proceeding.  
 
The Board also directs AP to file updated TSR in the Compliance Filing based on Board 
determinations in this Decision. 
 
7 OTHER MATTERS 

7.1 Peak Demand for Cost Allocation and Rate Design 
AP indicated that it used two types of peak demands for the purpose of the Application, namely 
the four-hour peak demand and the one-hour peak demand. AP noted that the four-hour peak 
demand was used for system design and cost allocation purposes and the one-hour peak demand 
was used only for the purpose of calculating rates (billing units) for Distributing Companies.  
 
Table 12 for Distributing Companies shows: 

• the existing demand based methodology for system design, cost allocation and rate 
design/billing 

• AP’s proposed demand based methodology for system design, cost allocation and rate 
design/billing  

• Interveners’ proposed demand based methodology for system design, cost allocation and 
rate design/billing  

 
Table 12.  Application of Peak Demand for Distributing Companies 

 System Design 
TJ/day 

Cost Allocation 
TJ/day 

Rate Design 
and Billing 

TJ/day 
Existing Methodology 
(Decision 2001-097) 

4-hour peak 4-hour peak 24-hour peak 

ATCO Proposed 4-hour peak 4-hour peak 1-hour peak 
Calgary Proposed 4-hour peak  24-hour peak  24-hour peak 
CG Proposed 4-hour peak 24-hour peak 24-hour peak 
CCA Proposed  50% Non-coincident 

peak demand and 
50% energy 
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Table 13 shows AP’s forecast of 24-hour, four-hour and one-hour demands for 2004.  
 
Table 13. Delivery Peak Demand  

ATCO Pipelines 
24-Hour Demand 

TJ/day 
4-Hour Peak Demand 

TJ/day 
1-Hour Peak Demand 

TJ/day 
Total Distributing Companies South 1041 1115 1137 
Total Distributing Companies North 1216 1321 1343 
Total Distributing Companies North 
and South 2257 2436 2480 
Total Industrials 768 768 768 
Total Other Pipeline Deliveries 90 90 90 
Total System Demand 
 North and South 3115 3294 3338 
 
Views of the Applicant 
AP submitted that four-hour demand was its primary allocation factor because, as the basis of 
system design to virtually all facilities, except in a few cases for the facilities directly upstream 
of Distributing Company facilities, it was the best measure of cost causation. 
 
AP submitted that four-hour demand was used to allocate costs to all five customer groups: 
Distributing Companies; Industrials; Other Pipeline Deliveries; Producers and Other Pipeline 
Receipts. 
 
AP submitted that the four-hour period for pipeline system design reflected customer demand 
profiles and significant operating experience. AP indicated that Distributing Company or FSU 
customers typically have a four-hour peak beginning by 7:00 a.m., Industrial customers typically 
have steady within day flow rates and Producer customers have a relatively flat profile. 
Therefore, AP submitted that the allocation of general system facilities to customer groups 
utilized a four-hour basis.  
 
AP also submitted that the one-hour peak demand was used for rate calculation purposes for 
Distributing Companies because it was the design service requirement in the current TSA 
between AP and AG and was the basis of Rate FSU.  
 
With approval of the Application as filed, AP indicated that the twenty-four hour billing demand 
would no longer be required. 
 
AP submitted that whether a four-hour peak demand or a one-hour peak demand basis was used 
for the FSU billing determinant, the result would only be a change to the FSU rate, as the 
revenue collected from Distributing Companies would not change. 
 
With respect to FGA’s submission that a four-hour peak demand was not a design criterion but 
instead an operational concern, AP submitted that this comment was inconsistent with statements 
made by FGA on the record of this proceeding where FGA acknowledged that the "point by 
point" demand data was essential for system design, and that the one-hour and four-hour peak 
demand data could be accepted if it was applied universally to all customers and rate classes. AP 
also submitted that FGA further acknowledged during the hearing that a pipeline company 
should design its system to meet the peak hour demand of all its customers, including 
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Distributing Companies. Finally, AP submitted that FGA acknowledged that cost causation was 
an appropriate basis to allocate costs.  
 
With respect to FGA’s submission that a four-hour peak demand was not a design criterion since, 
at worst, it was merely the product of the one-hour peak multiplied by four, AP submitted that 
FGA was incorrect. AP argued that it had demonstrated what the differences were between the 
four-hour and the one-hour peak demands for Distributing Companies. AP indicated that its 
general facilities were designed to a four-hour peak demand and that larger pipe could utilize line 
pack to deliver the larger one-hour peak demand. AP also indicated that the formula to calculate 
four-hour versus one-hour peak demand was provided in Exhibit 002-07(c) – AP response to 
Supplemental BR-AP-27.   
 
AP submitted that FGA attempted to link the proposed balancing of accounts on a daily basis 
with the four-hour and one-hour peak demand. AP argued that these issues were not related and 
that account balancing can be on a monthly, daily or hourly basis regardless of the pipeline 
design criteria. 
 
In response to FGA’s submission that there was an inconsistency between the peak demands 
filed in the Phase I Application and those in Phase II, AP submitted that billing units were 
properly a Phase II matter. AP argued that the billing units in the Phase I Application properly 
utilized the rates and bases previously approved by the Board in Decision 2001-097 and 
subsequent compliance filings. AP indicated that it included the AG one-hour peak demands as 
information in its Phase I Application.105 AP also indicated that it filed the TSA between AG and 
AP, which dealt with the change to one-hour peak demand. AP also noted that in Decision 2003-
100, the Board confirmed that it would address the change to a one-hour peak day design (for 
billing purposes) as part of the Application.106 
 
In regard to FGA’s statement that the OPR peak demand was an inconsistent blend of daily 
Industrial and one-hour Distributing Companies peak demand, AP submitted that it demonstrated 
that the four-hour peak demand was consistently used for all customer groups for cost allocation 
purposes. AP argued, that since the calculation of OPR was based on the four-hour peak 
demands of Distributing Companies, Industrials and Producers, OPR peak demand was also a 
four-hour peak demand forecast, and not an inconsistent blend of peak demands as suggested by 
FGA. 
 
With respect to FGA’s claim that the one-hour peak demand supplied by AG was a theoretical 
number based on an arbitrary gross up of daily demand by 10%, AP submitted that this was not 
arbitrary and argued that the Distributing Company peak demand evidence demonstrated an 
actual one-hour peak demand that was 10% greater than daily demand.  
 
With respect to FGA’s suggestion that Distributing Companies line pack would reduce their peak 
demand requirements from one-hour peak demand, AP submitted that FGA failed to present any 
quantification of the impact of line pack. AP argued that the Distributing Companies understand 
their system design and it was incumbent on them to incorporate their line pack adjustments into 
their one-hour peak demand requirements provided to AP.  
 

                                                 
105  Phase I Application, Section 5.1. 
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In response to FGA’s claim that the load profile of rural delivery stations was unlikely to match 
that of an urban, primarily residential, delivery station, AP submitted that FGA declined to 
provide its within-day diversity107 and provided no evidence in this proceeding to support a 
within day diversity for Distributing Companies serving rural customers that was different from 
those serving urban deliveries. AP argued that the only evidence on the record on the within day 
diversity for Distributing Companies was that provided by AG.  
 
In response to CCA’s submission that it was appropriate to design a transportation system on the 
basis of forecast non-coincident peak, AP submitted that CCA presented no evidence to support 
its recommendations and did not file information requests or cross-examine the AP panel on 
these issues. AP argued that it was obligated to honor the peak demands of all customers by 
designing and operating its pipeline systems to meet their coincident peak design requirements.  
 
With respect to CCA’s recommendation that costs be allocated based on a maximum of 50% 
weighting of non-coincident peak demand and at least 50% energy, AP submitted that the 
coincident four-hour peak demand design of the pipeline system and cost causation were an 
appropriate basis for the allocation of costs to customer groups in the COSS. In addition, AP 
argued that CCA’s illustrations108 regarding transmission assets were not relevant to this issue of 
cost causation. 
 
With respect to CCA’s comment that the use of –40 degrees was excessive, AP submitted that 
this comment was misdirected toward AP. AP argued that it does not design its systems to a 
specified temperature and that individual Distributing Companies typically use temperature for 
system design. AP indicated that it only required one-hour peak demand nominations from its 
Distributing Companies customers. 
 
In response to CCA’s submission that AP has complicated Distributing Companies peak demand 
when describing the 27% load factor as a rule of thumb that was used to calculate demand, AP 
indicated that the CAL-AP-2(a) Addendum showed that the 27% load factor was used to 
estimate throughput from known peak demand values for directly assigned Distributing 
Company assets and not the reverse, as described by CCA. 
 
In regard to CCA’s assertion that it was inappropriate to calculate demand on a point specific 
basis, AP submitted that the nomination of peak demand by individual delivery point was a 
fundamental requirement for pipeline design and a requirement that transcends all customers and 
all customer groups. AP argued that CCA’s request to have Distributing Companies provide peak 
demand on a pooled basis was contrary to efficient pipeline design and good utility practice. AP 
submitted that the total peak demand should also equal the sum of its parts, otherwise it was 
meaningless and impossible to verify. 
 
AP submitted that the four-hour peak demand should be used to allocate costs to all customer 
groups. AP requested that the Board approve this allocation methodology as filed, for cost 
allocation purposes. AP also requested approval of a one-hour peak demand as the billing unit 
for Distributing Companies. 
 

                                                 
107  Exhibit 011-02 – FGA response to AP-FGA-8(a); T10 page 1079, line 20 to page 1081, line 9. 
108 CCA Argument, p. 6, commencing at line 3. 
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AG Peak Demand  

With respect to the AG peak demand, AP indicated that AG provides only a one-hour peak 
demand to AP. 
 
AP submitted that the Distributing Company demand typically has two peaks in its within day 
demand; one occurs in the morning period around 7 a.m. and the other occurs in the early 
evening around 6 p.m. AP submitted that the morning demand was generally the largest demand 
seen throughout the day and in its peak hour was approximately 10% higher than the average 
daily demand.  
 
AP noted that AG provided the base data and calculation methodology used to determine the 
2004 peak demand values at one North and South high pressure tap. AP also noted that further 
examples showing the peak days of Edmonton and Calgary for the past three winters were 
provided and one example showed a one-hour demand that exceeded the 24-hour demand by 
greater than 10%. 
 
Industrial and Producer Demand 
With respect to industrial and producer demand, AP submitted that these customers contract for 
their daily demand requirements. AP argued that the four-hour peak demands for Industrials and 
Producers was proportional to their 24-hour peak demand. 
 
In response to Calgary’s comments on AP’s use of 130 TJ/day of Carbon storage deliverability, 
AP argued that the 130 TJ/day Carbon to Calgary flow was relevant to the OPR calculation 
because it represented the peak volumes that have been received on AP’s system from Carbon 
storage or NGTL through the Carbon to Calgary pipeline, to satisfy the peak demand of South 
delivery customer groups, as indicated in actual peak day flows for each month over the last four 
winters. AP submitted that there was no basis for Calgary’s requested adjustment to the peak 
demand.  
 
AP disagreed with Calgary’s claims that it was inconsistent in its approach for allocating costs 
amongst the customer groups. AP also disagreed with Calgary’s claim that costs should be 
allocated to the Distributing Companies customer group based on the Distributing Companies 
24-hour peak demand. 
 
AP noted that Calgary derived industrial and producer annual load factors but AP did not agree 
with its conclusion that annual load factors equate to within day demand diversity for these 
customer groups. AP submitted that it provided evidence that indicates industrials' and producers' 
services flow at relatively steady rates. 
 
AP disagreed with Calgary's claim that AP did not provide data that would allow a calculation of 
one-hour and four-hour peak demands for other customer groups beyond the Distributing 
Company and submitted that the four and one-hour demand for Industrial and Producer customer 
groups were 4/24 and 1/24 of their 24-hour demand.  
 
AP indicated that Industrials and Producers were subject to curtailment and therefore bear the 
risks of any under-estimating for hourly requirements.  
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AP argued that the Board should disregard Calgary's attempt to shift costs to other customer 
groups by requesting a reduction to the peak demand for distributing companies. AP submitted 
that Calgary's proposal was not fair to other customer groups. AP requested that the Board 
approve the four-hour demand basis for cost allocation for all customer groups. 
 
FGA Peak Demand 
AP submitted that the use of 24-hour demand for FGA would go against the same rate design 
principles that FGA agreed to during the hearing and should be denied by the Board, as it was 
not fair to other customers.  
 
AP argued that it was not appropriate for FGA to evade their responsibility for a fair share of 
cost by using a 24-hour peak demand for cost allocation purposes while all other customers use a 
four-hour peak demand. 
 
AP requested that the Board approve 2004 one-hour peak demands of 44 TJ/day in the North and 
15.4 TJ/day in the South for Gas Alberta as provided by FGA, using AP's factors. AP indicated 
that this one-hour peak demand was calculated based on 24-hour peak demands agreed to by AP 
and FGA. AP submitted that, while FGA does not agree with the one-hour peak demand number, 
it did not provide any other four-hour or one-hour peak demand information. AP argued that this 
estimate of the one-hour peak demand was more accurate and fairer to other customers than the 
24-hour peak demand that FGA proposed. AP indicated that the four-hour peak demands for Gas 
Alberta that would be used for cost allocation purposes were 43.2 TJ/day for the North and 15.1 
TJ/day in the South based on the formula provided in Exhibit 002-07(c) – AP response to 
Supplemental BR-AP-27.  
 
AP noted that it agreed that the 24-hour peak demands proposed by Gas Alberta (North and 
South) were reasonable as a base to calculate the four-hour and one-hour peak demands and, 
upon approval by the Board, AP indicated that this would be reflected in the AP Phase II 
Compliance Filing. 
 
Straddle Plant Peak Demand 
AP indicated that peak demand for Industrials included 53 TJ/day for straddle plants based on 
average daily volumes. AP submitted that IGCAA was the only intervener that disagreed in 
principle with including the 53 TJ/day in the Industrial peak demand but it provided no reasons 
for the disagreement in principle. AP argued that IGCAA acknowledged that it was economically 
indifferent whether these volumes were included in the Industrial peak demand.  
 
AP submitted that revenue from SPD was directly allocated to Industrial customers and 
therefore, there was no impact on the Industrial demand rate. AP submitted that the inclusion of 
the 53 TJ/day of straddle plant demand with the industrial peak demand was reasonable and AP 
requested approval by the Board. 
 
Views of the Interveners 

CALGARY 
Calgary noted that AP professes to design its system on a four-hour basis; yet it continues to use 
24-hour integrated demands for cost allocation and billing for Industrial and Producer classes as 
compared to four-hour demands for a portion of the Distributing Companies class for cost 
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allocation and one-hour demands expanded to 24 hours for the AGS billing demand. Calgary 
argued that if the AP system is driven by four-hour demands, then four-hour demands should be 
used for all classes for all purposes. If AP desires to retain the currently used 24-hour billing 
demands, Calgary submitted that it should recognize the intra-day diversity for all classes of 
service in determining the billing demand and use the 24-hour demand for billing and cost 
allocation purposes. Calgary submitted that the importance of this discrepancy was manifested in 
a cost shift of $4.734 million for the Distributing Companies class. 
 
Calgary submitted that the calculated utility billing demand was overstated when compared to 
demonstrated performance and the use of the diversified daily demands of the Industrial and 
Producer classes.  
 
Calgary submitted that the Distributing Companies class should be treated the same as the 
Industrial and Producer classes with the same demand being used for both cost allocation and 
rate design because both fairness and equity demand that all classes be treated equally.  
 
Calgary submitted that AP’s determination of the OPR demand was inaccurate because AP only 
accounted for 130 TJ of Carbon deliverability instead of the amount approved in Decision 2004-
022.109  
 
CCA 
CCA submitted that the use of peak demand was an inappropriate method to allocate all costs of 
a transmission system. CCA indicated that it was appropriate to design a transportation system 
on the basis of forecast non-coincident peak since it was unlikely that all customers or customer 
groups would peak at the same time. CCA submitted that the use of energy reflected usage of the 
transmission system. CCA submitted that a weighting of energy and non-coincident peak 
demand was a more appropriate method of allocating joint system costs and therefore, costs 
should be allocated based on a maximum of 50% weighting of non-coincident peak demand and 
at least 50% energy. 
 
CCA submitted that it was not appropriate for AP to use a “rule of thumb” to determine a load 
factor to calculate demand and was concerned that AP and/or AG over-forecast the distribution 
peak demand. CCA submitted that AP used this to attempt recovery of additional costs 
associated with the low load factor or high peak. 
 
CCA considered that the use of -40 degrees was excessive to determine demand to allocate costs 
and noted that it was not appropriate particularly for the Southern system where temperatures 
were generally milder than the Northern system. 
 
CCA submitted that it was inappropriate to calculate demand on a point specific basis and argued 
that demand, if utilized, should be calculated on a total basis for the utility based on a non-
coincident peak because any other method would simply result in an excessive amount of costs 
being allocated to distribution customers.  
 
CCA supported the position of the CG on its proposals to adjust the load factor for industrial and 
producers. 
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CCA submitted that AP should be directed to analyze the degree to which local distribution 
company line pack was available to assist in any concerns around the low load factor of the LDC 
utilities. 
 
CG  
The CG noted Calgary’s statement that the demand measure AP used to allocate system costs to 
distribution companies was different from that used to allocate system costs to other rate classes. 
In response to Calgary’s identification of annual load factors for industrials (79%) and producers 
(88%), CG indicated that in its assessment, less than a 100% load factor means a 24-hour 
demand for industrial and producer companies would likely be lower than a four-hour demand.  
 
CG submitted that the four-hour peak demand should be used for allocation of system related 
costs to all customer classes because this demand was the basis for system design purposes. 
Given that four-hour peak demand information for all customer classes may not be available for 
this proceeding, CG supported Calgary’s recommendation that the allocation of system costs 
should be consistent for all classes which means use of the 24-hour peak demand for all classes 
for the purposes of this proceeding. 
 
CG indicated that transmission system planning should reflect the coincident peak demand and 
submitted that the Compliance Filing should ensure that the data for all classes are on a 
coincident peak basis. 
 
CG noted that AP uses the one-hour peak demand as the billing determinant for the FSU rate 
class which reflected the basis on which nominations are made by the distribution companies. 
CG submitted that this use of nominations does not recognize diversity between distribution 
company customers in relation to system coincident peak.  
 
With respect to the billing determinant, CG considered that the use of nominations versus the use 
of a coincident peak demand was an intra class issue. CG indicated that given the temperature 
sensitive nature of distribution company loads, it assumed there would be little intra class 
diversity between different distribution company customers within this class, with the exception 
of seasonal customers such as irrigation service. Therefore, the CG did not object to the AP 
proposal as long as the coincident peak demand used as the distribution company billing 
determinant reflected the contribution to this coincident peak by each utility customer class. CG 
submitted, however, that AP should be directed to address the appropriateness of using 
nominations as the billing determinant for this class, in light of peak demand diversity within the 
class, at the time of its next GRA. 
 
FGA  
FGA submitted that the four-hour and one-hour peak demands were inconsistent measures to 
perform a COSS and then to bill customers according to the COSS. FGA argued that this 
inconsistency would generate an error in recovering revenue requirement in favour of AP.  
 
FGA submitted that a four-hour peak demand was not a design criterion since, at worst, it was 
merely the product of the one-hour peak multiplied by four. FGA submitted that the four-hour 
peak was an operational concern, intended to balance receipts and deliveries of physical volumes 
on NGTL or other pipeline systems flowing through the AP system. FGA submitted that 

EUB Decision 2004-079 (September 24, 2004)   •   103 



2004 GRA – Phase II  ATCO Pipelines 
 

performing a COSS using one measure of demand (four-hour peak) and then billing by an even 
more stringent demand (one-hour demand) would result in over-recovery of allocated revenue 
requirement from the Distributing Companies class.  
 
FGA submitted that the four-hour and one-hour peak demands were also inconsistent with the 
manner in which customer classes other than the Distributing Companies class were currently 
billed, and how their costs were allocated within AP’s COSS. FGA argued that, if the Board 
allows this inconsistency in peak demand to creep into AP’s COSS, this would have the effect of 
shifting costs to the Distributing Companies class without any increase in the responsibility of 
these customers for these costs, in terms of cost causation. 
 
Although the matter of load balancing has been deferred to negotiations, FGA submitted that the 
Board should not approve a billing demand that was different from and more stringent than the 
operating procedures being proposed by AP for balancing these same accounts. 
 
FGA submitted that there was further inconsistency in that the peak demands filed in the AP 
Phase I proceedings were daily peak demands and revenues were based on those demands. FGA 
submitted that, if Phase I was premised on daily demand figures, Phase II should proceed on that 
basis as well. 
 
FGA noted that AP stated that the reason for using the one-hour peak was because its system was 
designed to deliver gas at the hourly peak demand. FGA also noted that AP stated it allocated 
costs to the OPR class of service based on the sum of four-hour demands at NGTL receipt points. 
FGA also noted that Industrial customers and Distributing Company customers could also 
nominate gas from the NGTL system. Therefore, FGA submitted that the OPR demand must be 
an inconsistent blend of daily Industrial demands and one-hour Distributing Company demands. 
FGA submitted that, since the NGTL receipt facilities were, presumably, designed on the same 
basis as the rest of the system in order to physically transport gas to customers on the AP system, 
AP was inconsistent in applying its design criteria only to the Distributing Company class. 
 
FGA submitted that contradictions abound in the use of daily, four-hour and one-hour peaks in 
the ATCO system. FGA submitted that ATCO Gas actually provided daily demands grossed up 
by an arbitrary 10% factor and asserts that these are one-hour peaks. FGA indicated that Gas 
Alberta also measures only daily peaks, although Gas Alberta may be able to measure hourly 
peaks. 
 
Whatever the rationale for the one-hour peak, FGA submitted that AP measures only daily peaks, 
not hourly peaks and argued that the one-hour peak was currently a theoretical number, not an 
actual measurement at any delivery point. FGA submitted that AP has used a rule-of-thumb 
conversion factor of 110% (or 1.1) to convert the 24-hour peak to a one-hour peak based on 
support from SCADA readings taken at its Calgary Gate station.  
 
FGA indicated that it did not consider that the 1.1 factor was an appropriate estimation of one-
hour demand for the distributing companies it serves because the measurement at Calgary’s gate 
stations, whatever the accuracy of these measurements may be, was not applicable outside 
Calgary. FGA also submitted that the load profile of rural delivery stations was unlikely to match 
that of an urban, primarily residential, load delivery station due to the presence of livestock and 
poultry production. FGA indicated that these agricultural operations were a temperature sensitive 
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load but were not set back at night like residential load, resulting in a more stable daily load 
profile for the rural distribution system. 
 
FGA also submitted that the peak hour demand on FGA systems was also affected by the 
available line pack within LDC transmission and distribution systems located downstream of the 
AP delivery facility. 
 
IGCAA 
IGCAA indicated that, from a principle point of view, it did not believe it was appropriate to 
include the deemed demand110 for straddle plant service with the peak demand for the Industrial 
service class. IGCAA indicated that, while in the current case it might be economically 
indifferent between AP’s proposal and AP’s suggestion that straddle plant revenue should be 
allocated to all service classes if straddle plant demand is excluded from the Industrial class 
demand, it was not clear that this would always be the case. 111 
 
Views of the Board 
Peak demand for various customer groups is used for system design, cost allocation, rate design 
and billing purposes. The Board notes that AP used a four-hour peak demand for system design 
and cost allocation purposes and a one-hour peak demand for calculating rates and billing units 
for Distributing Companies. In Decision 2003-100, the Board indicated that it would address the 
change to a one-hour peak day for billing purpose as part of the Phase II proceeding 
 
The Board recognizes that customer groups use different starting points to determine their 
individual peak demands. In the utility group, AG has nominated peak demand for each tap using 
a one-hour maximum throughput forecast, whereas FGA has forecast the peak demand for each 
tap based upon an extrapolation of daily readings during a cold period of time. The peak demand 
forecast for the Industrial class was based upon the nominated demand (twenty-four hour daily 
demand).  
 
System Design and Cost Allocation Demand  
The Board notes that general system facilities are designed to deliver the average four-hour peak 
demand and that the line pack available in the larger diameter pipe can usually supply a larger 
one-hour peak for distribution customers. The Board accepts the evidence of AP that its pipeline 
system must be designed and built to deliver the average four-hour peak demand to meet the 
service reliability requirements of all of its customers. Therefore, the Board considers that, 
generally, the four-hour peak demand is the appropriate basis to design the integrated system 
pipelines. Accordingly, it would also be the appropriate cost driver for allocating general system 
costs, non-standard expenses and revenues, Salt Cavern expenses, and some of the income 
credits.  
 
Rate Design and Billing Demand for Distribution Companies 
For Distributing Companies, the Board notes that AP proposed to use a one-hour peak demand 
for rate design and billing purposes. The Board is of the view that use of the one-hour peak 
demand for rate design and billing purposes is not necessary and creates added complexity and 
confusion among parties when analyzing rates and costs. Therefore, for purposes of simplifying 
                                                 
110 53 TJ/day 
111 IGCAA Opening Statement. 
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the approach and providing clarity, the Board considers that the four-hour peak demand as 
determined for the system design and cost allocation purposes, should also serve in future as the 
rate design and billing determinant for the Distribution Deliveries service class.  
 
The Board recognizes that, in the TSA between AG and AP, the parties agreed that the one-hour 
peak demand would be used for billing purposes. AP indicated in its evidence112 that the TSA 
was clearly dependent on tariffs and changes approved by the Board, and was a high level 
document not intended to be outside Board approved terms and conditions. Therefore the Board 
considers that the TSA should be revised to reflect the change to the use of a four-hour peak for 
billing purposes. 
 
The Board also accepts AP’s evidence, as discussed below, that the average four-hour peak is in 
the range of eight percent higher than the average 24-hour demand on a peak day. Therefore, the 
Board directs AP, in its Compliance filing, to revise the billing peak to equal the system design 
peak as adjusted for use of a four-hour demand period, for all members of the Distribution 
Companies Deliveries service class, and to further reflect other changes determined by the Board 
for Gas Alberta and the OPR revised peak as set forth below. 
 
Determination of Four-hour Demand for Service Classes 

Utilities 

AG 

AP proposed that the four-hour and one-hour peak demand for AG in the North and South zones 
should be based upon the one-hour nominated demands provided by AG as shown in BR-18 
Addendum, the derivation of which was detailed in Supplemental BR-26 Addendum.  
 
In addition, AP presented evidence in Exhibit 35-18, listing the throughput for a single day in 
January for each of the years 2002, 2003 and 2004 for each of the North and South zones. On the 
basis of Exhibit 35-18, the Board accepts AP’s recommendation that the average four-hour peak 
is in the range of eight percent higher than the average demand on a twenty-four hour peak day. 
The Board notes that the data supplied in Exhibit 35-18 is based upon single point observations 
for one day in each of three years for each of the North and South zones. Despite the limited 
nature of this data, for the purposes of this Decision, the Board will accept the results of the data 
and considers that, for utility type consumption patterns, the average four-hour peak demand 
appears to be eight percent above the 24-hour average peak demand.  
 
However, the Board is not satisfied that a comprehensive study and adequate data was provided 
to fully support the peak demand relationships provided in this Application. Therefore, the Board 
directs AP, in its next GRA, to file a comprehensive study with adequate data to support the peak 
demand relationships for all customer classes. 
 
With respect to AG peak demand data, the Board expects that AP will request such data and back 
up study to justify the peak demand nominations provided to it and file that data in its next GRA 
to provide the justification for the peak demands used for cost allocation and rate design 
purposes. 
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Gas Alberta 

The Board notes that the evidence of Gas Alberta indicates that its load factors are somewhat 
different from the AG load factors.113 Despite the differences in load factor, the Board considers 
that Gas Alberta customers are generally heating load customers served through a distribution 
network and, therefore, Gas Alberta should be included in the Distributing Companies service 
class. The Board considers that AP will use updated daily load consumption data in its 
comprehensive study to be filed in the next GRA that will include Gas Alberta consumption 
patterns, and that the resulting update will properly reflect the weighted average consumption 
patterns for the Distributing Companies service class as a whole. For the purposes of this 
Decision, the Board accepts the peak demand amount supplied by Gas Alberta in Exhibit 011-05 
and agreed to by AP114 for the twenty-four hour demand. However, for the purposes of system 
design and billing demand, the twenty-four-hour demand shall be increased by eight percent to 
an equivalent four-hour peak demand. For the purposes of establishing a peak demand for the 
test years 2003/2004, the Board has determined that the four-hour peak demand for system 
design, rate design and cost allocation purposes shall be as shown in Table 14 as follows: 
 
Table 14. Gas Alberta Peak Demand 2003/2004 
 Gas Alberta North Gas Albert South 
Twenty-four hour peak demand supplied by Gas Alberta115  (TJ/day) 40.0  14.0 
Factor to convert twenty-four hour to four-hour 1.08 1.08 
Gas Alberta Demand for system design, cost allocation and rate 
purposes (TJ/day) 43.2 15.1 

 
Industrial Peak Demand 
AP proposed that the peak demand for Industrial customers served under FSD should be the sum 
of the nominated demand. AP provided an intra-day demand profile for APS FSD customers116. 
AP noted that the BP&P permit AP to curtail the demand of industrial customers to their 
nominated demand. 
 
The Board accepts AP’s 24-hour peak demand for FSD customers (excluding non-standard 
contracts) as the sum of the nominated demands. The Board also accepts AP’s position that the 
Industrial customers generally exhibit stable flow rates. Due to the curtailment provisions, which 
limit the demand to the nominated demand, the Board agrees that the average 24-hour demand 
and average four-hour demand stated on a 24-hour basis should be the same amount. Therefore, 
no increase is required in calculating a four-hour demand amount for the industrial demand to 
account for intra-day peak variations. For these reasons, the Board considers that the use of the 
24-hour demand for billing purposes for the Industrial class will not cause a shift in cost 
responsibility nor generate errors in recovery of revenue requirement. Therefore, the Board 
considers that the continued application by AP of 24-hour billing demand for the Industrial class 
remains appropriate, including the billing methodology described in the proposed FSD rate 
schedules.117 
 

                                                 
113 Exhibit 011-04 P18 & 19 
114 Exhibit 002-010 P27 
115 Exhibit 011-05 
116 CAL-AP02-23 
117 GRA Application Section 3.0 Rate FSD 
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Producer Peak Demand 

As with the Industrial class, the Board accepts AP’s position that the Producers generally exhibit 
stable flow rates, and that their four-hour demand for design and cost allocation purposes will be 
the same number as their 24-hour contract demand. For this reason, the Board considers that the 
continued use by AP of the 24-hour contract demand for billing purposes for the Producer class 
should not cause a shift in cost responsibility nor generate errors in recovery of revenue 
requirement. Therefore, the Board considers that the continued application by AP of 24-hour 
contract demand for the Producer class remains appropriate as requested in this Application. 
 
OPR 
The Board accepts, for the purposes of this Decision, AP’s peak demand deliverability amount of 
130 TJ/day118 as the amount that is available through the Carbon to Calgary pipeline and the 
amount of 530 TJ/day as the amount available from Salt Cavern storage. Therefore, the amount 
delivered from NGTL though other pipeline receipts would provide the residual requirements to 
balance deliveries and supplies.  
 
OPD Demand 

For the North system, the Board accepts the amount of 90 TJ/day for OPD as being the contract 
demand for Alliance and MIPL. 
 
Straddle Plant Peak Demand 
With respect to the inclusion of the deemed demand for straddle plant service with the peak 
demand for the North Industrial service class, the Board agrees with IGCAA that in principle, it 
was not appropriate. Even though AP proposed to allocate the SPD revenue to the Industrial 
service class, the Board does not consider it appropriate to increase the expenses allocated to the 
Industrial service class by including a deemed demand for straddle plant service if the straddle 
plants would not pay the resulting FSD demand rate. The Board notes that AP proposed to set the 
SPD rate equal to the OPDC rate less the impact of removing Salt Cavern expenses and Other 
Directly Allocated expenses. Therefore, the Board directs AP to reduce the Industrial four-hour 
peak demand by 53 TJ/day. Given this determination, the Board does not consider it appropriate 
to allocate the SPD revenue to the Industrial class directly. Therefore, the Board also directs AP 
to allocate the revenue resulting from SPD service to all service classes based on four-hour peak 
demand. The Board’s determination with respect to the SPD rate is discussed in Section 5.6. 
 
Peak Demand Summary 
Table 15 shows the Board’s peak demand determination for the various customer groups to be 
used for purposes of design, cost allocation, and billing purposes. 
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Table 15. Peak Demand 
Distributing Companies 4-Hour Peak North Demand TJ/day  South Demand TJ/day  
ATCO Gas  1233.8 1097.3 
Gas Alberta  43.2 15.1 
AltaGas Utilities119 22.0  
Rate 5 11.0  
Wainwright 6.0  
Total Distributing Companies 4-hour peak 1316.0  1112.4  
   
Industrials (Standard) FSD 24 hour peakNote 1 609  106.0 
Other Pipeline Deliveries OPD 24 hour peak 90.0 0 
   
Subtotal Delivery 2,015  1218.4 
   
Non-standard contracts 24 hour peak120    386.0 57.0 
   
Total Delivery Demand 2,401  1275.4 
   
Other Pipeline Receipt OPR 968  766.4 
Producers FSR  903.0 296.0 
Non-standard Receipt  83.0 
Delivery from Storage 530.0 130.0 
Total Receipt  2,401  1275.4 
Note 1 – The billing demand for the Industrial class will be determined as described in the Rate Schedules (Rate FSD Pages 9 – 
11 of 38). The billing demand for 1, 3 and 5 year contracts amounts to 599 TJ/day. 
 
7.2 Non-Standard Contracts 
In Decision 2003-100, the Board approved seven121 new non-standard contracts filed by AP, in 
addition to the four122 existing non-standard contracts. In this proceeding, AP proposed that all 
customers would share the net benefit of non-standard contracts.  
 
Views of the Applicant 
In the Application, AP proposed to allocate expenses and revenues associated with the non-
standard contracts to the five service classes based on four-hour peak demand.  
 
AP submitted that its justification for non-standards, including the rates, was approved in the 
Phase I Application. AP argued that as long as the incremental revenues exceeded incremental 
costs, there was a benefit to all customers. 
 
AP provided two examples where there was currently a mismatch between the customer groups 
that receive the revenues/benefits and the customer groups that pay the costs of the non-standard 
contracts. AP submitted that with the EnCana non-standard contract, the ODC went to the EDA 
and the benefit of reduced rates went to other customers, while with the Calpine non-standard 

                                                 
119 FGA-AP02-21 
120 Table 2.6-1 and 2.7-1 Pages 6.1 
121  North - Agrium Fort Saskatchewan and Redwater, ATCO Power Valleyview, Dow Chemical Fort 

Saskatchewan, Shell Fort Saskatchewan, Sherritt Fort Saskatchewan and TransGas FSD (replaced with OPDM). 
South - Calpine Calgary Energy Centre. 

122 North - Devon Grizzly Bear Creek. South - Dow Chemical Chain Lakes (Prentiss), EnCana Agrium Carseland 
and NOVA Chemicals Joffre (expires October 31, 2003). 

EUB Decision 2004-079 (September 24, 2004)   •   109 



2004 GRA – Phase II  ATCO Pipelines 
 

contract, benefits of an increased on-system market went to the EDA through reduced ODC and 
the asset related and O&M costs were allocated to other customer groups. 
 
AP submitted that the benefits of non-standard contracts should be appropriately shared by all 
customers, and that the appropriate sharing of the benefits cannot occur if the costs of non-
standard contracts were only allocated to the Industrial and Producer service classes as proposed 
by CG, or included in a separate service classes as proposed by the FGA. In addition, if costs 
were allocated to a separate service class, AP submitted that the net shortfall would still have to 
be allocated to all service classes, so that revenue generated from rates would equal the approved 
revenue requirement. AP argued that the net result would be the same as AP’s proposed method. 
AP submitted that the sharing of the benefits of non-standard contracts by all customers should 
be the same for all non-standard contracts.  
 
In response to FGA’s comment that non-standard costs should not be charged to Distributing 
Companies, AP submitted that it was not clear whether this removal also applied to the income 
credit for non-standard revenues. AP argued that FGA was seeking all the benefits of non-
standard revenues but none of the non-standard costs. 

In response to FGA’s statement that AP has not provided any evidence that the benefits are 
related to allocated costs, AP submitted that this was incorrect and contrary to the evidence 
provided on the EnCana and Calpine non-standard contracts. 
 
AP submitted that there was no basis for the FGA’s request to re-evaluate the Calpine contract, 
in that the exchange service mechanism was not being phased out (being the rationale for re-
evaluation in Decision 2003-100). AP indicated that the OPDC rate would be charged on 
nominations that were transferred to NGTL through AP’s NIT account in the same manner as the 
exchange fee. 
 
With respect to IGCAA’s suggestion that all firm Producer receipts would be converted to non-
standard contracts if ODC were allocated as general system costs, AP submitted that this 
suggestion was illogical since on-system receipts were related to a receipt service while ODC 
were related to a delivery service to other pipelines. AP indicated that non-standard contracts 
were contracts at rates that were not included in AP’s standard schedule of rates and which 
require specific Board approval. AP argued that the FSR rate was a standard rate and therefore, 
should not be considered as a non-standard rate. 
 
AP submitted that its proposed methodology matched the benefits and costs of the non-standard 
contracts and all customer groups would share the net benefit.  
 
Views of the Interveners 

CALGARY 

Calgary indicated that it continued to support the Board’s findings on non-standard contracts as 
set forth in Decision 2003-100. Calgary also indicated that, for the purposes of the AP Phase II 
proceeding, it has accepted the revenue credit concept to the COSS as proposed by AP for the 
non-standard contracts.  
 
However, Calgary urged the Board to direct AP to provide, in a Compliance Filing or in its next 
GRA, a COSS that included the non-standard contract as a stand alone class of service or as part 
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of the Industrial/Producer classes. Calgary submitted that, by including the non-standard 
contracts in the COSS process, a fair and transparent evaluation of the costs and benefits of non-
standard contracts can be undertaken, and only through this process can the real validity be 
established for the use of the revenue credit concept as compared to a full COSS process for non-
standard contracting.  
 
CCA 
CCA supported the CG position on this issue. 
 
CG 
CG submitted that if the FSR or FSD rates, excluding the non-standard contracts, do not recover 
allocated and direct assigned costs, then AP was, by default, proposing rates that were less than 
unity. CG argued that, given AP’s proposal to recover costs through the rates at 100%, any 
shortfall in FSR or FSD costs caused by non-standard contracts, should be “absorbed” by the 
respective customer classes, not all other customer classes. 
 
CG submitted that, while AP argues that the “net benefit” would be shared by all customer 
classes, the contra was that any “net costs” would also be shared. CG argued that AP’s example 
of the Calpine contract demonstrated AP’s convoluted approach to this issue.  
 
CG supported the Calgary recommendation that the Board should direct AP in its Compliance 
Filing to have a separate rate class for non-standard contracts or include the non-standard 
contracts in the respective Producer/Industrial rate classes. 
 
FGA 
FGA submitted that AP did not provide any evidence that benefits of non-standard contracts 
were directly related to allocated costs, and argued that there were several problems associated 
with AP’s allocation of non-standard costs: 

• The COSS was unnecessarily complicated and masked the true cost of service for any 
customer; 

• There was a disconnect between costs in the COSS and the benefits of a particular 
service;  

• FGA’s view was that the Board did not direct the sharing of all non-standard costs among 
all customers but rather the benefits for a limited number of non-standard contracts; 

• Since the distributing companies have no non-standard contracts123, AP’s COSS with its 
plethora of reallocations, has the effect of moving costs out of the Industrial and Producer 
classes of service to the distributing companies. 

 
With respect to the Calpine contract, FGA submitted that exchange service was being phased out 
and the rationale for the Board acceptance of this contract had disappeared.  
 
FGA submitted that the only way to resolve all the identified problems was to remove the 
redistribution of the non-standard contract costs from the COSS and determine the actual costs of 
providing service to each customer class. 

                                                 
123 FGA-AP-18 
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IGCAA 
IGCAA agreed that non-standard contracts provided a net benefit to all shippers on the AP 
system and therefore the costs and the revenue attributable to non-standard contracts should be 
allocated to all shippers.124 
 
However, IGCAA indicated that the same logic used to allocate the benefits and costs of non-
standard contracts should not be used to allocate oversupply delivery costs as general system 
costs, as there was no evidence that the receipt revenue associated with incurring ODC would not 
otherwise be received by AP. IGCAA submitted that if AP allocated ODC as general system 
costs, it would be converting all firm producer receipts on its system to non-standard contracts. 
 
Views of the Board 
The Board notes that in Decision 2003-100 it approved certain non-standard contracts for the 
reasons stated therein, including that they provided a net benefit to the AP system. The Board 
continues to rely on the original submissions related to each non-standard contract wherein the 
data and results indicated that an overall net benefit would accrue to all shippers on AP’s system 
from having the non-standard contract volumes on the system. The Board notes Calgary’s 
continued support of the non-standard contracts and IGCAA’s position that the non-standard 
contracts provide a net benefit to all shippers on the AP system and therefore the costs and the 
revenues attributable to non-standard contracts should be allocated to all shippers. The Board 
agrees and is prepared to approve the allocation of costs of the non-standard contracts to all 
service classes as proposed by AP in its COSS. The Board also approves the allocation of 
revenues associated with the non-standard contracts to all service classes, as proposed by AP in 
its COSS.125 
 
The Board considers that the benefits of non-standard contracts can alter over time, and agrees 
with Calgary and the CG that a COSS which includes the non-standard contracts as a stand alone 
class of service is the only way to observe the specific impacts of these contracts on the system 
and on all customer groups. Therefore, the Board directs AP in its next GRA, to provide a COSS 
which isolates the impact of non-standard contracts by including them as a separate class of 
service. Further the Board directs that AP address the impact and differences in results in the 
COSS if the non-standard contracts were specifically included within the Industrial and Producer 
classes.  
 
7.3 OPR and OPD Deferral Accounts 
AP proposed to use deferral accounts for OPR and OPD in both the North and South. Within the 
OPR deferral accounts, AP proposed to include actual less forecast (variance) numbers for the 
components shown in Table 16. Within the OPD deferral accounts, AP proposed to include 
actual less forecast (variance) numbers for some of the components and actual numbers for other 
components as shown in Table 17. 
 

                                                 
124 Transcript Vol. 11, page 1277. 
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Table 16. Other Pipelines Receipts Deferral Account 
Item Category 
OPR Commodity Revenue (actual less forecast) 
NGTL FT-A Cost (actual less forecast) 
NGTL MAV Cost (actual less forecast) 
Source: Application, Section 2, p. 31 of 32 
 
Table 17. Other Pipelines Deliveries Deferral Account 
Item Category 
Summer126 IT/OR Receipt Toll in Excess of 100% FSR Toll Revenue (actual) 
OPDC Toll Revenue (actual less forecast) 
NGTL Receipt Toll and Fuel Charges Collected from OPDM Revenue (actual) 
Oversupply Delivery Costs127 Cost (actual less forecast) 
Source: Application, Section 2, p. 32 of 32 
 
With respect to the OPR deferral accounts, AP proposed to include the same components 
approved in Order U2003-401. In Order 2003-401, the Board also approved the following 
process to be followed for administration of the OPR deferral accounts: 
 

Forecast FT-A and FCS MAV charges approved by the Board for 2003 and 2004 with 
respect to the 2003/04 General Rate Application (GRA) Phase I compliance filing will be 
credited to the deferral account. Forecast OPR revenue for 2003 and 2004 approved by 
the Board in the GRA Phase II compliance filing will be debited to the deferral account. 
 
Actual FT-A and FCS MAV charges will be debited to the deferral account and actual 
OPR revenue will be credited to the deferral account. The difference between the 
approved costs and revenues and the actual costs and revenues will result in a surplus or 
deficit at the end of 2004. This balance would be carried forward, resulting in an 
adjustment to subsequent rates. 
 
ATCO will provide a draft report to interested parties by April 30th of the following year 
which would include the forecast and actual amounts for each of the FT-A charges, FCS 
MAV charges and OPR revenue. A final report will be provided to the Board by June 30th 
of that following year. If there are any unresolved issues, these will be presented with the 
report to the Board for resolution. 
 
Since the 2003 period is only three months and finalization of this rate in a Phase 2 
Decision is unlikely until mid 2004, ATCO proposes that 2003 be included with the 2004 
report.128 

 
In the Application, AP proposed that the balance in the OPR deferral accounts at year-end would 
be brought forward to a future test year and allocated to customer classes based on OPR 
nominations.  
 

                                                 
126  June to September 
127 Oversupply Delivery Costs are the costs of physically delivering gas to another pipeline system when the supply 

exceeds the demand (market) on the AP system. 
128  Letter from ATCO Pipelines, dated October 20, 2003 
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AP proposed that the balance in the OPD deferral accounts at year-end would be brought 
forward to a future test year and allocated to customer classes based on four-hour peak demand. 
 
In the Application, AP proposed to discontinue the current exchange fee mechanism in the North 
and South as of October 31, 2004 and through other proceedings129, the Board has approved rate 
riders130 to supplement current exchange fees131 in order to target zero balances in the associated 
EDAs on October 31, 2004. The components in the North and South EDA are shown in Tables 
18 and 19 respectively. 
 
Table 18. North 2004 Exchange Deferral Account 

Item Category 
Rate Rider K Revenue 
Exchange Revenue - Standard Revenue 
NGTL IT Toll Cost 
NGTL Fuel Cost 
ATCO UFG Cost 
Contingency Cost 
Source: Application 1343401, dated April 23, 2004 

 
Table 19. South 2004 Exchange Deferral Account 

Item Category 
Rate Rider K Revenue 
Exchange Revenue - Standard Revenue 
NGTL Firm Toll (Monarch) Cost 
NGTL IT Toll Cost 
Reverse 2003 Carbon Storage Credits Cost 
Credit for Carbon to Calgary Flows Cost 
NGTL Fuel Cost 
ATCO UFG Cost 
Contingency Cost 
Source: Application 1343401, dated April 23, 2004 

 
In Application 1333099, AP proposed that any EDA balances outstanding at October 31, 2004, 
would be carried forward to be collected/refunded in a future period. In Decision 2004-023, the 
Board noted that parties did not comment on the proposal for the treatment of significant 
outstanding balances in the EDA after November 1, 2004, and the Board approved AP’s 
proposal, commencing on November 1, 2004, to charge /credit the EDA balances when the total 
balances were in excess of $500,000 at a financing charge rate using the most-recently Board 
approved weighted average cost of capital for either the North or South as applicable.  
 

                                                 
129 Application 1333099, Decision 2004-023 dated March 9, 2004 and Application 1343401, Board letters dated 

April 29, 2004 and June 30, 2004. 
130 North Rider K, 0.9 cents/GJ and South Rider K, 3.6 cents/GJ. 
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Views of the Applicant 

AP submitted that the OPR and OPD deferral accounts were being proposed due to the difficulty 
in forecasting the items that it argued should be included within the respective accounts. 
 
With respect to the annual allocation of the balance of the OPD deferral account to customer 
groups, AP submitted that this allocation was consistent with its proposed allocation of costs to 
be charged to this account. 
 
AP disagreed with Calgary’s assertion that deferral accounts for OPD and OPR service would 
not be necessary if demand based rates were determined to be appropriate and argued that there 
was a significant risk that actual OPD or OPR revenues would be materially different from any 
revenue forecast, due to circumstances beyond the control of AP. 
 
In response to IGCAA’s suggestion that AP should be made responsible for any ODC in excess 
of its forecast, AP submitted that there were many factors (other than incremental receipts) 
outside of AP’s control that influence actual ODC, including industrials shutting down for 
market reasons, abnormal weather, the AP UFG/Fuel rate, the NGTL Fuel rate, the price of gas 
and NGTL receipt tolls.  
 
Views of the Interveners 

CALGARY 

Calgary recognized that the OPR and OPD rates proposed by AP would require deferral accounts 
due to the estimated volumes being subject to large variances.  
 
Calgary indicated that to the extent the Board adopted Calgary’s position that OPD and OPR 
services should be offered as fully cost based services with stand alone rates, Calgary would 
support the use of deferral accounts. Calgary indicated that under its OPD proposal, as being a 
fully cost based service provided under stand alone rates and collected on a demand, energy or 
combination basis, a deferral account should be in place at least until the next GRA when further 
evaluations could be conducted. 
 
Calgary submitted that, recognizing that ultimate rates for 2004 would not be determined until 
late 2004, the use of deferral accounts to reconcile costs and revenue for OPD and OPR services 
represented a relatively painless process to true up the revenue requirement to revenue collection. 
 
CCA 
The CCA supported the CG position on this issue. 
 
CG 
The CG submitted that this was another issue that would simply disappear if the receipt and 
delivery of inter-system gas between NGTL and AP were resolved through the use of TBO. If 
that situation did not come about, then in principle, the CG would support the use of deferral 
accounts for these costs since they clearly were difficult to predict. 
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IGCAA 

IGCAA submitted that OPR costs attributable to NGTL FT-A charges and MAV charges were 
approved by the Board in AP’s Phase I decision, and that proceeding did not approve any 
amount of ODC. IGCAA submitted that AP was asking the Board to recover over $5 million in 
ODC that were not even considered during its Phase I proceeding. In addition, IGCAA argued 
that AP was asking for the establishment of a deferral account just in case it experiences the 
same problem that it previously had with the EDA. 
 
In the event that the Board accepted IGCAA’s request that responsibility of ODC be assigned to 
nominating shippers or at least allocated to customer groups based on delivery nominations, 
IGCAA indicated that it would take no position on the deferral account. However, if ODC were 
made general system costs, IGCAA argued that it would be essential that AP be responsible for 
any ODC in excess of forecast, given that AP benefits from additional receipts on its system.  
 
IGCAA submitted that AP was inconsistent in its desire not to have a deferral account on the 
revenue side, but to insist on a deferral account on the cost side where ODC were related to 
whether AP met or exceeded its revenue requirement. IGCAA argued that if AP wanted the 
benefit of excess revenue, it should also accept the risk of additional costs incurred in obtaining 
that revenue. 
 
Views of the Board 

OPR Deferral Accounts 
The Board notes that AP proposed to maintain the same components in the OPR deferral 
accounts as approved in Order U2003-401. The Board also notes that AP continued to propose 
that the OPR rate only recover NGTL FT-A charges, that actual less forecast NGTL MAV 
expenses would go in the OPR deferral account, and that forecast NGTL MAV expenses would 
be recovered as part of the demand charges for FSU, FSD and FSR. The Board also notes that 
AP proposed to credit the revenue from the OPR rate in the COSS in order to lower the resulting 
demand charges. It also appears that AP has proposed to continue with the administration 
process it outlined in the application that resulted in Order U2003-401. Therefore, at this time, 
the Board is prepared accept the OPR deferral account and related administration process as 
filed, and as previously approved in Order U2003-401.  
 
The Board agrees with AP that the balance in the OPR deferral accounts at the end of 2004 
should be allocated to service classes based on OPR nominations. The Board expects that AP 
will discuss the approach for recovering or crediting the balance with its customers after AP files 
its draft report with customers, but prior to the submission of the final report to the Board, which 
should occur by June 30, 2005. 
 
In order to maintain transparency with respect to the OPR deferral account, the Board directs AP 
to include the most current actual monthly balances and end-of-year forecast balances for the 
North and South on its website and to update the information on a monthly basis.  
 
The Board considers that it may be more appropriate to establish a stand alone process for 
dealing with the OPR deferral components and to establish an OPR commodity rate that recovers 
all cost components in the deferral account. Therefore, the Board directs AP to file, as part of its 
next GRA, such a stand alone proposal so that parties can express their views. The Board is also 
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interested in receiving parties’ submissions with respect to alternative mechanisms to adjust the 
OPR rate that would balance rate stability with larger deferral account balances.132 The Board 
notes that this concern may not be an issue if AP files evidence in its next GRA indicating that 
stand alone OPR services are practical and cost effective as discussed in Section 3.7, 
Reallocation of OPR and OPD Expenses and Revenues. 
 
OPD Deferral Accounts 
With respect to the summer IT/OR receipt revenue in excess of the 100% equivalent FSR toll, 
the Board notes that this revenue is only included in the OPD deferral account and has no impact 
on the demand charges derived in the COSS. AP proposed that this revenue would go to the OPD 
deferral account in order to offset NGTL charges (NGTL receipt toll and fuel charges) if there 
was a requirement to flow gas onto the NGTL system because of incremental IT/OR volumes in 
the summer.133 
 
Further, AP proposed to credit the revenue from the OPDC rate in the COSS in order to lower 
resulting demand charges. The Board has not accepted AP’s proposed allocation method with 
respect to OPDC revenues,134 but its determination with respect to this matter has resulted in 
lower demand charges to parties who nominated for delivery to other pipelines in 2002.  
 
AP proposed that the forecast ODC would be recovered as part of the demand charges 
established in the COSS. The Board has approved this process, but the allocation of the ODC and 
subsequent reallocation process of the OPD service class have been revised by the Board as 
outlined in Section 3.7.  
 
The Board notes that the forecast ODC were not approved as part of the revenue requirements in 
Phase I. AP proposed to manage the supply versus demand balance on the North and South 
systems through decisions to accept incremental firm receipts, in order to have greater control of 
ODC.  
 
AP proposed that the revenue related to the NGTL receipt toll and fuel charges collected from 
OPDM customers would go to the OPD deferral account in order to offset the NGTL charges if 
there was a requirement to flow gas onto the NGTL system.135 
 
The Board would prefer not to see the same experiences with the OPD deferral account as were 
encountered with the EDA. Given the above measures (summer IT/OR, OPDM with FSR and 
supply/demand balance management program) that AP has proposed and that the Board has 
approved, the Board is prepared to accept AP’s proposed OPD deferral account.  
 
With respect to AP’s proposal to bring the year-end balance in the OPD deferral accounts 
forward to a future test year and to allocate the balance to customer classes based on four hour 
peak demand, the Board directs AP to allocate the balance based on delivery nominations to 
other pipelines consistent with the Board’s findings in Section 3.7, Reallocation of OPR and 
OPD Expenses and Revenues. 

                                                 
132 For example, an OPR commodity rate could be established and revised monthly or quarterly using a forward 

12-month rolling forecast period. 
133 BR-19 (c) 
134 As discussed in Section 3.7, Reallocation of OPR and OPD Expenses and Revenues 
135 IR AIPA-8 (f) 
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Although the administration process related to the OPD deferral account was not discussed to 
any great extent in this proceeding, for the time being, the Board directs AP to follow a process 
similar to the process approved for the OPR deferral account. In particular, the Board expects 
that AP will discuss the approach for recovering or crediting the end-of-year balance with its 
customers on an annual basis. Given that the OPD deferral account is only expected to be in 
place for two months in 2004 (November and December), the Board directs AP to include the 
2004 balance in the 2005 OPD deferral account and to begin formal reporting to its customers by 
April 30, 2006 with subsequent reporting to the Board by June 30, 2006.  
 
The Board also directs AP to file, as part of the Compliance Filing, its plans with respect to 
booking forecast and actual ODC expenses in the EDA and OPD deferral accounts for 2004. In 
addition, the Board directs AP to provide, as part of the Compliance Filing, its forecast of OPDC 
revenues for the period November 1, 2004 to December 31, 2004.  
 
In addition, the Board directs AP to discuss with its customers an approach for modifying the 
OPD deferral account components (OPDC rate adjustment, Summer IT/OR rate adjustment or 
other measures) if the forecast balance as of December 31, 2005 is greater than $1 million. 
 
In order to maintain transparency with respect to the OPD deferral accounts, the Board directs 
AP to include the most current actual monthly balances and end-of-year forecast balances for the 
North and South on its website and to update the information on a monthly basis. 
 
As with the OPR deferral account, the Board considers that it may be more appropriate to 
establish a stand alone process for dealing with the OPD deferral components and to establish a 
stand alone OPDC rate that is adjusted as such, in order to target a zero forecast balance in the 
account. Therefore, the Board directs AP to file, as part of its next GRA, such a stand alone 
proposal so that parties can express their views. The Board is also interested in receiving parties’ 
submissions with respect to alternative mechanisms to adjust the OPDC rate that would balance 
rate stability with larger deferral account balances.136 The Board notes that the above matter may 
not be an issue if AP files evidence in its next GRA indicating that stand alone OPD services are 
practical and cost effective as discussed in Section 3.7, Reallocation of OPR and OPD Expenses 
and Revenues. 
 
With respect to the EDA, the Board still expects that any EDA balances outstanding at 
October 31, 2004, would be carried forward to be collected/refunded in a future period. The 
Board expects AP to discuss an approach with its customers and to file an application with the 
Board by May 1, 2005 with respect to disposition of the balances. 
 
7.4 Possible Elimination of Existing Sales Service 
AP currently provides sales service to nine sales customers in the North137, while in the South, 
sales service is not currently provided to any customers. AP proposed to discontinue its provision 
of sales service effective October 31, 2004.  
 

                                                 
136 For example, a OPDC rate could be established and revised monthly or quarterly using a forward 12-month 

rolling forecast period. 
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7.4.1 Elimination or Continuation 

Views of the Applicant 
AP submitted that its primary function was that of a gas transmission company and argued that 
sales138 was not a service typically provided by a gas transmission entity. Provision of sales 
service was not viable for a gas transmission company like AP and was not consistent with the 
Alberta government's legislated deregulation.  
 
AP also submitted that there was no legislative requirement for a transmission company to 
provide a sales service.  
 
AP submitted that parties, including DERS, provide such services and there was no reason for 
AP to be the middleman. If an AP customer desires such a service, whether it be purchasing, 
billing, or regulatory submissions, the customer should approach DERS or another service 
provider itself. AP submitted that it should provide only a delivery transportation service to 
Distributing Companies (FSU service). 
 
AP submitted that Section 51 of the Gas Utilities Act, R.S.A. 2000, c. G-5 (GUA) prevented a 
person from discontinuing the provision of gas "by reason of or pursuant to any other contractual 
obligations in respect of the furnishing or supplying of gas". AP indicated that the 
Abcom/CCG139 was not suggesting that AP was proposing to discontinue sales service by reason 
of or pursuant to any other contractual obligation with respect of the furnishing or supplying of 
gas.140  
 
AP submitted that the inquiry into Section 51 only occurs, and the Board’s jurisdiction to prevent 
AP’s proposed discontinuance of sales service is only invoked, if the proposed discontinuance of 
gas supply is being proposed “by reason of or pursuant to” other contractual obligations. AP 
argued that there was no evidence that it was proposing to discontinue providing sales service 
because of a contractual obligation and therefore, there was no basis in fact or law for the 
Montana Band's purported reliance on Section 51 of the GUA. 
 
For these reasons, AP did not agree with the Band’s suggestion that the proposed “Terms and 
Conditions” and rates constitute an “other contractual obligation” upon which the Board could 
invoke Section 51 of the GUA. Furthermore, AP submitted that such an interpretation would 
always invoke Section 51 and render meaningless the stipulation that discontinuance be by 
reason of another contractual obligation. 
 
AP submitted that in the circumstances, the Board does have the jurisdiction to allow AP to 
discontinue sales service, and that there was no impediment to the discontinuance of sales 
service. 
 
AP submitted that in order to continue to provide sales service to the Montana Band and other 
similar customers in the North it would require incremental resources and systems to provide 
procurement, risk management, credit analysis, accounting, alternate supply plans upon failure of 
supply, balancing and regulatory filings related to establishing and reconciling the sales rate. AP 
estimated its incremental internal cost for continued sales service to be $75,000 and submitted 
                                                 
138 AP noted that sales service includes the buying and reselling of the gas commodity. 
139 Montana Band (Aboriginal Communities) and Care Centre Group (Abcom/CCG) 
140 Transcript, page 1181, lines 19-23. 
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that this was five times the current estimated FSU for the Montana Band. In addition to the 
estimated $75,000 internal cost, AP indicated that the charge for sales service would include the 
actual gas commodity costs and the FSU rate. AP submitted that the costs for the provision of 
sales service should be paid by those customers who utilize the service. 
 
AP submitted that it was not in the public interest to incur the significant costs that would be 
required for the continued provision of a sales service, particularly where there was only one 
customer requesting continued service and that one customer had not even decided whether it 
would use the sales service if it was offered, particularly given its likely cost.  
 
In the hearing, AP indicated that in the transition of the DSP function from AG to DERS, DERS 
was willing to continue to provide sales service to AP until October 31, 2004. AP also indicated 
that the only cost from DERS to AP would be the cost charged through the deferred gas account 
(DGA). AP also indicated that it had not gone forward to ask DERS for a proposal for an 
ongoing sales service.141 
 
Views of the Interveners 

Abcom/CCG 
Abcom/CCG submitted that the proposed Terms and Conditions of Service and the rates 
resulting from the Application together would constitute new or “other contractual obligations” 
within the meaning of Section 51 of the GUA. Therefore, Abcom/CCG argued that the Board did 
not have the jurisdiction to allow AP to terminate sales service. Section 51 of the GUA provides 
as follows:  
 

Notwithstanding the terms of any contract, a person or company furnishing or supplying 
gas by retail or wholesale either directly or indirectly to or for the public or any member 
of the public shall not discontinue the furnishing or supplying of the gas by reason of or 
pursuant to any other contractual obligations in respect of the furnishing or supplying of 
gas. 

 
Abcom/CCG submitted that in recent years the provincial government has promoted customer 
choice as being beneficial to customers, and any attempt to diminish the choices available to a 
customer was contrary to this policy. Abcom/CCG also questioned whether any legislation in 
Alberta gives rise to an implication that gas service can be discontinued or substituted to 
accomplish the government’s legislation on deregulation. It was their understanding that 
deregulation was to encourage additional options and competition, not to create an avenue for 
suppliers to avoid contractual responsibilities. 
 
Abcom/CCG submitted that AP indicated that it cannot unilaterally discontinue gas supply 
without the order or concurrence of the Board and whether that position was supportable by the 
legislation without more, may be debatable. Abcom/CCG argued that such service could not be 
unilaterally adjusted by way of notice, no matter how much notice was given. 
 
Abcom/CCG noted that it was not proposing that Rate 5 be preserved in its current form and that 
a demand rate would be appropriate for the transportation component of the service.  
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Abcom/CCG acknowledged that the Band would be prepared to pay for the sales rate based on 
the reasonable cost of service but the Band did not require or expect all of the services outlined 
by AP. Abcom/CCG argued that if the Band could procure gas for $13,000 per year, AP should 
be able do so at a lower cost. 
 
Abcom/CCG submitted that AP could easily make arrangements with its affiliates for 
procurement of the small amount of gas that the remaining sales customers require at the daily 
wholesale market price (the AECO C price) adjusted as necessary for transportation. 
Alternatively, Abcom/CCG submitted that AP could continue the existing arrangements with 
DERS to provide the gas at the regulated default price or the Gas Cost Recovery Rate (GCRR). 
 
CCA 
The CCA did not support the elimination of sales service to those customers who request it and 
indicated that the costs for these services should be prudent and paid by those customers who 
utilize the service. 
 
CG 
The CG submitted that in a generic sense, all existing sales customers on the AP system, who 
were indirect customers of AG for purposes of their gas supply, should all have the same 
opportunities (or not) to remain customers purchasing gas from regulated supply, now 
administered by DERS, as if those AP customers were customers of AG. The CG argued that this 
seemed reasonable given that these customers originally commenced their sales service contracts 
with AP when AP was part of a single predecessor company (NUL or CWNG) that functioned as 
an integrated transmission/distribution utility. The CG indicated that if the Board agreed with 
this principle, it should direct AP to negotiate the necessary arrangements with DERS and bring 
forward those negotiated arrangements with DERS for approval as part of the Compliance Filing 
in this proceeding. 
 
FGA 
The FGA submitted that sales service should not be discontinued as of October 31, 2004, since 
there was no apparent burden on AP to provide the service. 
 
In addition, the FGA submitted that AP’s role in providing sales service was merely as a billing 
agent, passing through the AG GCRR. With the sale of retail to DERS, the FGA argued that 
nothing changed and instead of AG, DERS, would be responsible for the procurement, risk 
management, credit functions, accounting, contingent supply plans, balancing and regulatory 
filings. The FGA submitted that the AP sales customers were still eligible for the Default Supply 
Tariff since, presumably, they were transferred along with other retail customers. The FGA 
argued that AP only needed to pass through DERS’s charges and treat DERS as any retailer 
transporting gas on its system. 
 
The FGA also submitted that improper notice and inadequate transition should prevent AP from 
discontinuing sales service.  
 
Views of the Board 
The Board notes that the deregulation process conducted by the Government of Alberta in both 
electricity and gas markets and the restructuring of the ATCO group of utilities has been under 
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way for quite some time. The segmentation of previously vertically integrated utilities into 
separate regulated service providers and the evolution of a competitive retail market has been a 
number of years in the making.  
 
Within the restructured markets the Board considers that, without compelling reasons to the 
contrary, it is not generally appropriate for transmission service providers to offer sales service, 
which is otherwise provided by gas suppliers through both the DSP function and on an 
unregulated basis.  
 
In the present case, the Board accepts AP’s evidence that sales service is not a viable option for it 
without taking on additional costs associated with procurement, risk management, credit 
analysis, accounting, contingency supply plans, balancing, regulatory filings and rate 
reconciliations. The Board considers that AP’s estimate of $75,000 per year to perform this type 
and amount of work is likely in the right range. The Board notes that Abcom/CCG indicated that 
it did not believe it needed all these service components and that AP should be able to provide 
sales service to the Band for a much lower price. The Board considers that the record is not 
satisfactory as to which components associated with sales service could be stripped from the 
service or the rate. Nevertheless, in any event the Board agrees with FGA that DERS is now the 
party responsible for these same activities in association with the regulated gas supply. In 
addition, other retailers and gas suppliers besides DERS are active in the market.  
 
Given the changes in the market and the existence and functions of DERS and other suppliers, 
the Board believes that it is not cost effective for AP to undertake the type of work associated 
with sales service. If AP did undertake this work, the Board considers that it should be paid for 
by the customers that would cause this work to be undertaken.  
 
The Board agrees with AP that Section 51 of the GUA prevents a person from discontinuing the 
provision of gas "by reason of or pursuant to any other contractual obligations in respect of the 
furnishing or supplying of gas". The Board does not believe the existence of another contractual 
obligation causing the discontinuance of gas provision has been made out. The Board does not 
agree with Abcom/CCG that the rates and terms and conditions of service of a utility constitute 
such “other contractual obligations” in the context of the legislation. Such an interpretation 
would not be in keeping with the general powers of the Board to fix just and reasonable rates 
which involve the consideration of tariff modifications, and rate closures, over time. 
 
Having concluded that Section 51 of the GUA does not prevent the discontinuation of the sales 
service, that the provision of such a service would not be within the customary activities of AP, 
and that the provision of such a service would create additional costs going forward, the Board 
agrees with AP that it should cease to provide the sales service to Rate 5 customers. The Board 
considers that the Rate 5 customers should receive FSU service on a demand rate basis as 
proposed by AP. Where a demand figure has not been settled between a Rate 5 customer and AP, 
or otherwise determined, the Board considers that AP’s forecast of customer demand should be 
used for the test years, since no evidence was submitted to the contrary on this point. However, 
as discussed in Section 7.8.1, for refund purposes to Samson Band and Redwater, the Board has 
directed AP to use the maximum daily quantity shown for these Rate 5 customers in the FGA 
Argument. AP’s forecast demand number should be adjusted as necessary to reflect the Board’s 
direction in Section 7.1 that the four-hour peak demand be used for billing purposes. 
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What remains to be considered is the question of notice, and related questions as to the 
appropriate time for the gas sales service to terminate and an appropriate amount of 
compensation, if any.  
 
7.4.2 Notice and Compensation 

Views of the Applicant 
AP submitted that its proposed October 31, 2004 date for discontinuance of the sales rate service 
was appropriate and provided sufficient notice for its customers. 
 
AP indicated that it provided customers with notice that it would be proposing to discontinue 
provision of the Rate 5 sales service in its Phase I 2003/04 GRA Application that was filed on 
February 14, 2003. AP noted that the Band filed an intervention in that Phase I proceeding by 
letter dated March 25, 2003. AP also indicated that the issue of discontinuance of Rate 5 was 
raised in the oral portion of that Phase I proceeding by the FGA.142 
 
Given the advance notice already provided pursuant to the Phase I and Phase II AP filings and 
proceedings, AP suggested a decision allowing 30 days notice of discontinuance of sales service 
should be sufficient. 
 
AP submitted that the Band had not presented any evidence to suggest that it would be unable to 
obtain an alternative gas supply by October 31, 2004, rather that the Band had provided evidence 
that an alternate gas supply could be arranged in short order.143 AP submitted that the Band did 
not see the situation as urgent and had not considered contingency plans or contacted other 
suppliers or marketers.144 AP submitted that the Band's inaction should not serve to delay AP’s 
proposed discontinuance of sales service. 
 
AP agreed with the CG that the issue of compensation should be determined on the facts and 
based on the merits of the particular situation, rather than trying to land on some overall 
compensatory principle.145 In the circumstances, AP submitted that no compensation should be 
paid to the Band for transition costs for the discontinuance of the sales service given that there 
was no evidence to support the Band’s request for compensation, nor was there any basis for the 
generous quantum which the Band had suggested. AP argued that the Band’s own inaction in 
seeking out a gas supply should not invoke compensation for the Band, or otherwise impact other 
Rate 5 customers who have taken appropriate measures to investigate their options for gas 
supply. 
 
With respect to FGA’s request for financial assistance to Rate 5 customers through a rate 
adjustment, AP submitted that it provided adequate notice to its Rate 5 customers and that no 
compensation should be payable in the circumstances. In addition, FGA presented no evidence 
regarding the amount of requested financial assistance.  

If the Board determined that compensation was payable, AP submitted that the costs of 
compensation should be payable by AP’s customers, as these costs would be no different than 
any other costs recoverable through rates. 

                                                 
142 See Transcripts, Phase I, page 342, lines 1-11 and lines 20-22. 
143 Transcript Vol. 11, page 1197, lines 23-24. 
144 Transcript Vol. 11, page 1198, lines 16-25. 
145  Transcript Vol. 12 page 1339, lines 4-6. 
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Views of the Interveners 

Abcom/CCG 
Abcom/CCG submitted that adequate notice was a fundamental principle of the judicial process, 
and that adequate notice was not provided and could not be provided until the Board made its 
determination on this issue. Abcom/CCG argued that a reasonable notice period was one year 
following any decision by the Board allowing AP to discontinue sales service. 
 
Abcom/CCG submitted that for 27 years the utility had provided a full service. Since the Band 
was now required to obtain or develop equivalent service Abcom/CCG argued that the utility 
should pay for the estimated cost of transition. 
 
Abcom/CCG submitted that the Application presented a parallel to the Board’s previous decision 
regarding the elimination of farm tap services. Abcom/CCG stated that Decision E90024 dated 
March 2, 1990, indicated that there must be appropriate legislative authority to discontinue 
service, and that transition costs would be paid by the pipeline company. 
 
Abcom/CCG indicated that the Band had expressed its desire to continue having the choice of 
taking sales service or transportation service and submitted that if sales service was discontinued, 
AP should provide compensation  to the Band for the expenses it would incur in procuring an 
appropriate gas supply. Abcom/CCG requested an amount of compensation of $20,000 initially 
plus $13,000 per year for four years, which would cover administration costs, which should 
assist the Band to develop the capability to manage its own gas supply. Abcom/CCG considered 
that the shareholders of AP should pay the compensation because it was AP and not its 
customers who wanted to terminate sales service.  
 
CCA 
The CCA considered that appropriate notice should be given, and any compensation provided 
should be at the expense of AP’s shareholders. 
 
CG 
The CG submitted that if sales service continued to be available as a choice for current AP sales 
customers, then the issue of compensation would not arise.  
 
The CG noted that, with the exception of the concerns expressed by the Band, it accepted the 
evidence of AP that it initially endeavored to provide notice of termination of sales service on a 
verbal basis in the spring of 2003 to all sales customers. The CG indicated that, since this notice 
was 18 months in advance of the proposed actual termination date, an adequate period of time 
had been provided to sales customers to make alternate arrangements and compensation to those 
customers would not be appropriate.  
 
The CG submitted that in the particular circumstances of the Band, the record indicates that there 
was no indication of this initial contact nor whether there was sufficient follow-up by AP to 
ensure that the necessary communication got through to the appropriate Band officials so that 
necessary decisions could be taken in a timely fashion. 
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If the Board decided that sales service should be terminated, the CG indicated that the record 
would support compensation for the Band. The CG also indicated that it would defer to the 
evidence and argument of Abcom/CCG as a basis for establishing the level of that compensation. 
 
FGA 
The FGA submitted that AP made no effort to negotiate a transportation contract with the 
Samson Cree Nation and has made no effort to contact the Rate 5 distributing companies to 
determine their requirements and to negotiate a peak demand as part of a planned transition to 
transportation service. 
 
The FGA submitted that the Board should enjoin AP from applying any punitive rates for 
providing gas supply after October 31, 2004. The FGA argued that AP should not be threatening 
customers with hefty penalties for a situation that the customer did not request, and may not be 
aware of or understand. 
 
The FGA submitted that Abcom/CCG have proposed a transition plan that incorporates proper 
notice and financial assistance to make the transition146. The FGA agreed that at least a year of 
joint planning between AP and the Rate 5 customers was required to effect a proper transition to 
transportation. 
 
Concerning the financial assistance to Rate 5 customers, the FGA indicated that its preference 
was that Rate 5 customers instead receive an adjustment of their rate to the actual cost of service. 
The FGA considered that this would better match the transition costs to the size of the customer. 
In addition, the FGA argued that a rate adjustment was more in keeping with regulatory 
precedent. 
 
The FGA submitted that should the Board decide to direct AP to discontinue sales service, this 
should only be done after suitable transition arrangements and an appropriate level of demand 
has been negotiated with the current sales customers. 
 
Views of the Board 
As indicated in Section 7.4.1, the Board considers that the deregulation process conducted by the 
Government of Alberta in both electricity and gas markets, including changes in legislation over 
the past several years, has been evolving for some time. The Board also concluded that it was 
appropriate for AP to discontinue sales service subject to the appropriate form of notice and/or 
compensation. 
 
With respect to a notice period for termination of sales service, the Board believes a significant 
amount of time has passed since the original filing of the Phase I 2003/04 GRA Application in 
February, 2003. The Board notes AP’s attempts in the spring of 2003 to provide verbal notice to 
sales customers of the termination of sales service. A complicating factor relates to the 
circumstances and effectiveness of the attempts to provide verbal notice to the sales customers.   
 
However, during the Phase II GRA process, the Montana Band entered submissions through 
Abcom/CCG on December 10, 2003, being the date of the filing of their information requests in 
the AP Phase II application. Therefore the Montana Band obviously had actual notice of AP’s 

                                                 
146 Transcript, page 1136, line 16 – 1164, line 10 
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intent to discontinue sales service since at least December 2003. Since December 2003, there has 
been ample opportunity for the parties to discuss termination and transition plans. Following the 
retail sale by AG to DERS, it now appears that DERS is providing the regulated retail service. In 
effect it appears that not only has actual notice been received but there has been some transition 
to a retail service provider.  
 
In these circumstances and for the reasons set out above, the Board is not willing to entertain 
compensating any of the Rate 5 customers, including the Band, for transition to a retail service or 
to DERS as the DSP.  
 
The Board notes that the arrangements undertaken between AP and DERS reference a 
continuation of the regulated supply service for sales customers until October 31, 2004. 
Although the Board is satisfied that Rate 5 customers have been aware of the potential need to 
make arrangements with a new retail service provider for a significant period of time, certainty 
with respect to this matter would not have been achieved until the release of this Decision.  
 
Accordingly, the Board believes it appropriate that the Rate 5 customers who have not notified 
AP that they have put in place alternative arrangements should continue to receive sales service 
for a period of six months from November 1, 2004, being the commencement of the 2004/2005 
gas year and the projected date for implementation of new rates pursuant to this Decision. The 
Board therefore directs AP to provide, or put in place necessary arrangements with DERS or 
another service provider to continue to provide, sales service until April 30, 2005, to those Rate 5 
customers that have not otherwise notified AP that other service arrangements have been 
secured.  
 
The Board will allow the recovery in revenue requirement of the costs associated with the 
provision of these sales services upon application by AP. 
 
7.5 Management of Supply/Demand Balance  
AP proposed to manage the supply versus demand balance on the North and South pipeline 
systems through accepting incremental firm receipts on each system to a maximum firm receipt 
threshold that would be revised from time to time when market demands and/or oversupply costs 
change. AP proposed to assess the revenue versus cost impacts of incremental firm receipt 
volumes and to offer unrestricted firm receipt service as an option, provided the forecast benefit 
exceeded the forecast cost. AP also indicated that it would provide other receipt service offerings 
including short term firm service (November 1 to March 31), IT/OR service and firm receipt 
service linked to an OPDM service. 
 
Views of the Applicant 
AP noted that deliveries of gas to other pipelines were required if receipts exceeded on-system 
deliveries and that generally, these deliveries occur in the warmer months when the temperature 
sensitive volumes for Distributing Companies’ markets are lower. AP submitted that these 
seasonal flows of gas are an integral part of how it operates its system, when it uses the physical 
capacity of its system to accept receipts that exceed the minimum market demands, thereby 
optimizing the system as long as the receipt revenues exceed the ODC.  
 
AP indicated that customers want proactive management of the ODC and in order to do this, AP 
submitted that it must manage the supply versus demand balance on each system (North and 
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South) through decisions to accept incremental firm receipts. AP indicated that it does not 
generally have termination rights under its FSR or FSD Contracts and service continuance was a 
customer choice. While AP can manage receipts onto its system, once on the system ODC were 
difficult to effectively manage due to factors beyond its control such as unplanned industrial 
turndowns and shutdowns and NGTL toll changes.  
 
AP indicated that it would manage supply and demand by establishing a maximum quantity that 
can contract for FSR transportation on each pipeline system. AP also indicated that this 
maximum FSR quantity (firm receipt threshold) would be determined for each of the North and 
the South by assessing the market demands that exist on each pipeline system, the revenue 
generated by incremental receipts, average customer specific facility costs of 4.3¢/GJ to tie-in 
new receipt points, and the costs to deliver the oversupply. AP submitted that the forecasted 
point at which an incremental GJ of FSR revenue ceases to exceed the cost to tie-in and deliver 
the resultant oversupply would identify the firm receipt threshold. AP indicated that this was the 
level where additional FSR quantity would no longer create a net benefit for all customers on the 
system.  
 
AP indicated that the current firm receipt thresholds were 1,067 TJ/day in the North and 
433 TJ/day in the South. AP also indicated that the firm receipt threshold was close to being 
reached in the south but additional firm receipt capacity was available in the north. AP submitted 
that there would be ongoing communications with industry on the firm receipt threshold. 
 
AP indicated that a queue for firm service, based upon this firm receipt threshold, would be 
maintained. 
 
In response to the CG’s statement that there was no basis to expect that AP would be sufficiently 
accurate in its forecast of supply and demand to implement such a policy, AP submitted that 
while no forecast could be completely accurate, the calculation would be based on the best 
information available. AP noted that for deliveries, it would use the last two April 1 to 
October 31 periods adjusted for known changes. For ODC, AP noted that it would use the 
current interruptible rates for deliveries of oversupplies to NGTL, the average fuel rate for the 
prior two April 1 to October 31 periods and the forward gas price for the next April 1 to 
October 31 period. For facility costs, AP noted that would utilize a historical average of 4.3¢/GJ. 
 
In response to CAPP’s recommendation that AP work with industry to develop additional 
mechanisms to ensure that AP remains open and accountable for decisions to limit access to FSR 
service for economic reasons, AP indicated that, if the Board approves AP’s proposal for 
management of supply, it would work with its customers to include the threshold calculation in 
AP’s BP&P and establish regular reviews on both the calculation and AP’s current level of 
receipts. 
 
With respect to the CG’s summer TBO proposal, AP submitted that it could be a refinement of 
the management of supply/demand principles that AP was proposing, and if presented and 
approved, could modify AP’s proposal. 
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Views of the Interveners 

CAPP 
CAPP submitted that AP proposed to implement a process that would limit access to full FSR for 
economic reasons unrelated to physical pipeline capacity and argued that such a process would 
be a significant departure from the normal pipeline practice of contracting firm service up to 
physical capacity. CAPP noted that customers have not had the opportunity to review the 
threshold limits nor the impacts of those limits. 
 
CAPP submitted that should the Board approve AP’s proposed process, AP should be directed to 
work with the industry to develop additional mechanisms that will ensure AP remains open and 
accountable for decisions to limit access to FSR service for economic reasons. 
 
CG 
The CG did not support AP’s proposal to try to manage incremental firm receipts in order to 
balance the cost/benefit of receipts on to the system.  
 
The CG submitted that there was no basis to expect that AP would be sufficiently accurate in its 
forecasts of supply and demand to implement such a policy. The CG argued that a summer TBO 
was a much more supply friendly approach to resolving the problem and would also be 
consistent with the principle of additional flow on the AP system being beneficial to all 
customers. 
 
IGCAA 
IGCAA submitted that there was no evidence before the Board to suggest that any incremental 
receipts will be attracted over and above those currently on AP’s system, especially in the South 
where receipt volumes have left the system and AP would still be close to the maximum amount 
of firm receipts it would propose to take on.  
 
IGCAA indicated that these artificial mechanisms to control receipts on the AP system would not 
be necessary if receipt shippers on the AP system had to pay the full cost of taking gas off the AP 
system. IGCAA argued that FSR volume caps were an imperfect substitute for allowing market 
signals to control the supply demand balance.  
 
IGCAA was concerned with the uncertainty around AP’s FSR rate cap methodology and 
submitted that AP only disclosed the methodology by way of an undertaking response at the end 
of the hearing and then admitted that its methodology would have to be discussed with its 
shippers. IGCAA submitted that areas of possible disagreement with its shippers include the 4.3¢ 
capital charge. IGCAA submitted that the Board cannot rely on AP’s methodology to control 
ODC.  
 
Rate 13 
Rate 13 was concerned that AP’s proposal to do a cost benefit analysis to manage incremental 
producer receipts was flawed and that the total costs would not be considered. 
 
Rate 13 submitted that AP would be provided with the Board-approved ability to discriminate 
between customers, and there may be instances where one customer was allowed and another 
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was not due to AP’s interpretation of benefits and costs, in spite of similar circumstances 
between both customers. Rate 13 argued that allowing this to occur would not be in the public 
interest. 
 
Views of the Board 
The Board notes that parties were not generally accepting of AP’s proposal to cap incremental 
firm receipts at a calculated balancing point. Some parties were concerned about AP’s ability to 
accurately forecast and control FSR volumes. CG recommended a summer TBO as an 
alternative.  
 
At this time, the Board will not entertain the establishment of a summer TBO, which the Board 
considers will be an issue for the Competitive Proceeding.  
 
The Board considers that management by AP of the FSR threshold is one key to the 
minimization of balances in the OPD deferral account. The Board accepts the concept that the 
threshold point is the incremental volume that creates a revenue stream equal to the costs to 
deliver the over-supply volumes and the cost to tie-in the new facility, if applicable, for the 
warmer months.  
 
The Board considers that producer receipts above the demand trough to the threshold point 
would generally provide a benefit to all customers. All customers would benefit from increased 
producer firm contract demand up to the threshold volumes since the revenue from firm receipt 
volumes for the full year would exceed the costs of summer over-supply. This would result in 
lower rates for all customer groups. The Board does not agree with CAPP that a normal practice 
for AP should be to contract FSR up to the physical capacity since this would entail receipt 
volumes above the threshold thereby, causing ODC costs in excess of receipt revenues.  
 
The Board considers that the concept of the maximum receipt threshold for each of the North and 
South zones, as proposed by AP, is reasonable and herein approves the concept as filed. The 
Board expects that AP will manage the threshold receipt amount to minimize the balance in the 
OPD deferral account. The Board agrees that AP should work with industry to develop 
mechanisms that will ensure an open and transparent process for setting and administering the 
threshold limits for each zone as described in Exhibit 35-021. 
 
Following consultation with stakeholders, the Board directs AP to file with the Board, for 
information, the mechanism and application guidelines it proposes to utilize to implement the 
firm receipt threshold in determining available FSR service, including support for the forecasted 
threshold levels and proposed implementation dates. The mechanism and forecasting 
methodology may be further reviewed by the Board at the next GRA or upon application by an 
interested party. 
 
7.6 NGTL FT-P Available from AP 
In Decision 2003-051, the Board approved the terms and conditions for NGTL’s firm 
transportation points-to-point service (FT-P). NGTL offered this service to provide intra-Alberta 
customers with the ability to transport gas from multiple receipt points on the NGTL system to 
one intra-Alberta delivery point, including AP/NGTL interconnections. However, NGTL 
customers have not been able to use this service if they want to deliver to AP/NGTL 
interconnections because AP has not accepted nominations at interconnections.  

EUB Decision 2004-079 (September 24, 2004)   •   129 



2004 GRA – Phase II  ATCO Pipelines 
 

The FT-P was a replacement service for NGTL’s firm transportation point-to-point service 
(P2P). FT-P has no access to NIT.  
 
Views of the Applicant 

AP noted that Decision 2003-051, wherein the Board approved NGTL’s FT-P, resulted from an 
opposed negotiated tariff settlement. AP submitted that it was not rational or fair to require that 
AP effectively amend its applied-for rate design and rates on the basis of an NGTL service that 
had not been approved by the Board for 2004. 
 
AP submitted that if the Board ordered it to allow customers to nominate gas onto its system at 
specified interconnections, its rate design would be undermined and its operational flexibility 
would be greatly impacted. 
 
AP noted that it contracts for standard receipt and delivery services with NGTL to receive and 
deliver physical volumes of gas between the pipelines as well as to transfer gas between its 
NGTL account and other NGTL shipper accounts. AP indicated that it requires that all customer 
receipt and deliveries with NGTL move through its NGTL account to facilitate the efficiencies 
associated with exchange and to allow AP greater operational flexibility of its pipeline system. 
This practice became an integral part of the North Settlement and South Settlement. AP and its 
customers agreed to change from a rate design based on physical point-to-point service to a 
system where buyers and sellers could transact. AP submitted that this change resulted in gas 
market liquidity being created on the AP system. The current practice of netting customers' 
receipt and delivery nominations with NGTL, through its NIT account, continued to be a 
fundamental requirement for AP’s rate design. 
 
AP indicated that it would not accept nominations at interconnects with NGTL due to its 
physical system being constrained.  
 
AP submitted that it was not appropriate for AP or its customers to adjust the business 
fundamentals, rate designs and applied for rates to accommodate NGTL’s FT-P service.  
 
AP submitted that use of its NIT account to net customer delivery and receipt nominations with 
NGTL created efficiencies that were realized in reduced rates for all customers. AP argued that 
allowing customers to nominate FT-P service at AP interconnections, to the potential amount 
identified by IGCAA, would diminish exchange capacity and dramatically increase the ODC 
costs, especially in the summer. All customers would be negatively impacted since these costs 
were allocated to all customer groups. AP submitted that IGCAA's proposal would result in the 
FT-P shipper getting all of the benefits of direct access to the AP system and all other shippers 
would pay the incremental costs. AP submitted that the negative impacts to all customers, 
including those not using the service, outweigh the value of the service.  
 
AP submitted that in order to complement FT-P service, the AP rate design would have to 
include a point to point service offering and this point to point service from a connecting pipeline 
might require facilities to accommodate the service. AP submitted that provision of a point-to-
point rate would entail increased tolls to customers and curtailment risks if the supply was not 
available at the designated point. AP submitted that NGTL provided no evidence substantiating 
its assertion that a matching point-to-point service on AP was not required to facilitate FT-P 
service. 
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AP argued that it requires operational flexibility to meet the demand requirements of its markets 
and this flexibility includes the ability to choose NGTL receipt points and volumes to meet 
changing operating parameters and hydraulic restrictions. AP indicated that the operating 
flexibility extended to the priority AP places on serving temperature sensitive markets as 
described in AP’s BP& P Article 3.1. As a result, AP submitted that FT-P nominations could not 
be confirmed at many AP interconnections with certainty throughout the year without 
incremental facilities. 
 
AP noted that NGTL designed the FT-P service as a point-to-point service but denied FT-P 
service holders the benefits of access to NIT. AP argued that IGCAA was essentially requesting 
that FT-P service enjoy the benefits of the AP market pool while FT-P service cannot enjoy the 
same benefits on the NGTL system. AP submitted that if NGTL had structured its FT-P service 
to allow NIT access, AP’s operational concerns regarding access to the service could have been 
avoided. 
 
With respect to NGTL’s request that the Board deny some of AP’s proposed provisions with 
respect to the use of AP’s NIT account, AP submitted that NGTL’s request presumed that this 
issue would be further considered in a timely way in the Competitive Proceeding. This 
presumption was inappropriate at this stage. 
 
AP requested that the Board approve the continued use of the AP NIT account for the movement 
of all gas receipts and deliveries between the AP and NGTL system, and thereby deny IGCAA’s 
FT-P proposal. 
 
Views of the Interveners 

CALGARY 

Calgary submitted that based on its review of the evidence, there appear to be some operating or 
structural barriers to having the FT-P rate available, including the AP insistence that all 
transactions involving gas moving from NGTL to AP must go through the AP NIT account.  
 
However, Calgary submitted that transactions may be able to occur on a case by case basis or 
that operating parameters may be developed to accommodate FT-P service from NGTL to AP. 
To the extent that the AP position hinders the development of a more competitive market, 
Calgary submitted that it was incumbent on AP to modify its process to accommodate market 
services.  
 
CAPP 
CAPP was concerned that making FT-P service available on a customer-by-customer basis, , 
would result in the erosion of AP’s operational flexibility.  
 
In addition, CAPP submitted that it would negatively impact AP’s ability to provide the OPD 
service under the OPDC rate because the provision of OPD service depends upon AP being able 
to execute a “paper” transaction to move gas simultaneously off and on to the NGTL system, 
commonly referred to as an exchange, through the NGTL NIT service. To the extent that the 
volumes moving through AP’s NIT account were diminished, AP’s ability to execute cost-free 
paper transactions would be diminished and in the short term, higher ODC would result, and in 
the long term reduced exchange capacity may result. CAPP submitted that reduced exchange 
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capacity would ultimately lead AP to restrict firm receipts on its system at even lower levels than 
currently contemplated, and thereby reduce benefits to all shippers. 
 
CG 

The CG submitted that AP was being unnecessarily rigid in rejecting any possibility of accepting 
FT-P deliveries from NGTL, and argued that discussion of this issue belongs in the Competitive 
Proceeding. In principle, a reasonable goal was the removal of limitations to access to all intra-
Alberta rates available from NGTL. 
 
The CG noted that, if customers on AP did have the ability to access the NGTL FT-P service, 
this would reduce the volume of gas moving through the AP NIT account on the NGTL system 
and in turn reduce the volumes available for use as exchange and could therefore potentially 
increase costs of moving excess gas supply from AP to NGTL. 
 
Notwithstanding this potential negative impact, the CG believed that all AP customers would be 
better served in the long run if access to alternate services available on NGTL were made 
available to those AP customers who could benefit from access to that rate. Gas prices on the AP 
system generally reacted to the prices of gas sourced on the NGTL system. The CG submitted 
that this was a matter of record in terms of pricing mechanisms in several of the AP non-standard 
contracts. These pricing mechanisms ensured that the delivered price of gas sourced from the AP 
system remained competitive with gas sourced from the NGTL system. 
 
The CG believed that the consumers it represented would indirectly benefit from the impact on 
the price of gas in the AP market, which the CG expected would follow from access to the FT-P 
rate. 
 
In addition, the CG submitted that, if the full TBO proposed by CAPP were to come to pass, this 
would eliminate the problem since the AP physical system would become a de facto part of the 
NGTL system. 
 
IGCAA 
IGCAA submitted that to some extent, the introduction of FT-P service addressed AP’s 
accountability criticisms of NGTL’s intra-Alberta rate design. IGCAA argued, however, that AP 
was only willing to accept changes to NGTL accountability if it believed itself to get a 
competitive advantage from them. Where there was no competitive advantage, or AP might 
experience a disadvantage through the loss of exchange capacity, AP resisted implementing rate 
design changes.  
 
IGCAA submitted that even if reduced exchange capacity were to occur, it was the nominating 
shippers who created exchange capability and who should be entitled to choose whether to trade 
through AP’s NIT account or to use FT-P service. IGCAA submitted that exchange capacity was 
not the property of AP or its shippers generally.  
 
IGCAA submitted that the physical constraint issues raised by AP were hypothetical. IGCAA 
argued that prior to the North Settlement and South Settlement AP accepted point-to-point 
receipts onto its system from NGTL without any evidence of undue burden. In the present 
circumstances, IGCAA submitted that AP did not provide any evidence of actual physical 
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constraints and under cross-examination admitted that on the basis of impacts to its exchange 
capability alone it would resist allowing FT-P receipts onto its system.  
 
IGCAA submitted that the requirement to exchange gas through AP’s NIT account expired with 
AP’s North Settlement and South Settlement and AP was now trying to introduce this 
requirement from its informal BP&P into its rate schedules, for Rates OPR, OPDM and OPDC, 
which it was asking the Board to formally approve. IGCAA submitted that this request should be 
denied.  
 
IGCAA submitted that there was no evidence introduced to support AP’s assertion that it would 
have to provide a point-to-point service in order to facilitate deliveries under the FT-P service. 
 
With respect to AP’s comment that FT-P gas should not be afforded access to AP’s market pool 
since NGTL does not allow FT-P service to access the NIT market, IGCAA did not understand 
why NGTL’s FT-P service requirements should affect the service AP’s customers should be 
entitled to under its tariff.  
 
IGCAA submitted that to the extent that AP was physically able to accommodate FT-P 
deliveries, the Board should require it to do so.  
 
NGTL 
NGTL submitted that none of AP’s reasons for refusing to allow direct nominations at 
interconnects were sufficient to justify AP’s position. 
 
NGTL argued that the North Settlement and South Settlement (the Settlements) had ended, as 
had any agreements to the exchange practices established under them. NGTL submitted that AP 
did not provide any evidence of any further agreements with its customers to continue its 
exchange practices and the “gatekeeper” status that it established under the Settlements. 
 
In response to AP’s suggestion that a point-to-point 100% load factor service from a connecting 
pipeline would logically require a corresponding point to point service response from AP, NGTL 
submitted that upstream and downstream pipeline services do not have to match or otherwise 
have the same attributes, and the service on the downstream pipeline needed to only 
accommodate the physical nominations.  
 
NGTL submitted that AP provided no analysis or evidence to support its claim that capacity 
constraints at interconnects further justified its refusal to allow direct nominations. In any event 
AP had conceded that it would refuse to accept deliveries at interconnects using FT-P service 
even if it had sufficient physical capacity on its system to accept them. 
 
NGTL requested that the Board direct AP to accept direct nominations at interconnects from 
NGTL customers that seek to use NGTL’s FT-P service. NGTL indicated that if AP determined 
that acceptance of a nomination in a particular case was not feasible due to physical capacity 
constraints on its system, then it should be required to define and communicate the nature and 
extent of the constraints to both the requesting customer and NGTL. This information would 
allow the customer, AP and NGTL to discuss how such constraints could be eliminated or at 
least acceptably managed. 
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NGTL also requested that the Board specifically deny AP’s proposed provisions in section A of 
its OPR rate schedule and reject section 13.3 of its BP&P, which mandate that its customers use 
AP’s NIT account to access AP’s systems. NGTL submitted that these provisions should not be 
allowed to stand as competitive barriers that prevent customers from using an approved NGTL 
service.  
 
Views of the Board 
The Board accepts AP’s position that its rate design would be undermined and its operational 
flexibility could be negatively impacted if it were required to allow customers to nominate gas 
onto its system at NGTL/AP interconnections specified by the customer at any given time. The 
Board considers that AP’s physical system would likely be unable to accommodate uncontrolled 
point-to-point service due to its physical size and operating constraints.  
 
At this time, the Board considers that all AP customer receipts and deliveries with NGTL should 
continue to be facilitated through the AP NIT account with NGTL, in order to continue to 
facilitate the exchange volumes and to provide enhanced operational flexibility of the pipeline. 
The Board is of the view that this method of operation reduces costs for all customers on the AP 
system. At present, the Board believes that any value received by certain customers from a point-
to-point service could be offset by increased ODC. Furthermore, it is possible that additional 
facilities would be required to accommodate point-to-point service between the AP system and 
NGTL interconnects.  
 
Therefore, the Board will not require AP to provide point-to-point service and accommodate 
FT-P receipts from NGTL at this time. The Board approves the continued use of the AP NIT 
account for the movement of all gas receipts and deliveries between the AP and NGTL systems. 
 
The Board notes that a number of parties indicated that a more detailed examination was 
warranted with respect to possible service offerings on AP with point-to-point accommodation to 
NGTL/AP interconnects. The Board considers that there would likely be some difficulties for 
point-to-point service on AP due to seasonal variations in flow and changes in receipt volumes at 
receipt point locations. However, the Board will be determining the scope of the Competitive 
Proceeding with the input of interested parties in the next few months. There may be merit in 
examining in that proceeding the possibility of selective locations or conditions for point-to-point 
service on the AP system with accommodation for NGTL FT-P deliveries. 
 
7.7 2002 Versus 2004 Data 
In its COSS, AP proposed to use 2002 actual throughput as the basis for allocating certain 
expenses and 2002 actual OPR nominations as the basis for reallocating OPR related expenses 
and revenues. The percentage of throughput for each service class (based on 2002 actual data) is 
shown in Tables 20 and 21 for the North and South respectively. The percentage of other 
pipeline receipt nominations (based on 2002 actual data) for each service class is shown in 
Tables 22 and 23 for the North and South respectively. 
 
Subsequent to its February 2, 2004 COSS, AP noted that its 2002 actual throughput and 2002 
actual other pipeline receipt nominations included throughput and nominations associated with 
non-standard contracts.147 AP provided revised throughput and receipt nominations in its Rebuttal 
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Evidence by excluding throughput and nominations associated with the non-standard contracts. 
AP also provided more recent throughput and other pipeline receipt nominations for the 12-
month period ending February 29, 2004. The adjusted and more recent numbers are also shown 
in the Tables 20 through 23. 
 
Table 20. Throughput Percentages - North 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 14.1 28.3 7.5 40.7 9.3 100 
2002 Actuals Adjusted  14.7 24.8 7.9 42.8 9.8 100 
2003/2004 15.9 20.9 6.9 44.5 11.8 100 
Source: AP Rebuttal Evidence, p. 36 
 
Table 21. Throughput Percentages - South 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 27.0 11.0 11.9 43.0 7.1 100 
2002 Actuals Adjusted  29.8 11.1 13.1 38.1 7.9 100 
2003/2004 32.5 8.9 11.2 34.7 12.7 100 
Source: AP Rebuttal Evidence, p. 36 
 
Table 22. OPR Nomination Percentages - North 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 80.0 10.3  9.7  100 
2002 Actuals Adjusted  81.6 8.5  9.9  100 
2003/2004 84.3 5.9  9.8  100 
Source: AP Rebuttal Evidence, p. 37 
 
Table 23. OPR Nomination Percentages - South 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 95.6 0.1  4.3  100 
2002 Actuals Adjusted  95.6 0.1  4.3  100 
2003/2004 93.8 0.0  6.2  100 
Source: AP Rebuttal Evidence, p. 37 
 
Table 24 shows 2002 other pipeline delivery nominations using 2002 actual exchange deliveries 
(nominations to NGTL) and 2002 adjusted numbers to account for gas flow under OPDC to 
Alliance Pipelines. Table 25 shows the corresponding percentages for each service class. 
 
Table 24. OPD Nominations - North 
 TJ By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals (1) 1,802 383  39,889  42,074 
2002 Actuals Adjusted (2) 1,802 383  42,549  44,734 
Source: (1) IR Attachment NGTL-AP-3 (d), p. 1 of 2 
 (2) IR Attachment NGTL-AP-3 (d), p. 1 of 2, BR-AP-4 (a) 

EUB Decision 2004-079 (September 24, 2004)   •   135 



2004 GRA – Phase II  ATCO Pipelines 
 

 
Table 25. OPD Nomination Percentages - North 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 4.3 0.9  94.8  100 
2002 Actuals Adjusted  4.0 0.9  95.1  100 
Source: IR Attachment NGTL-AP-3 (d), p. 1 of 2, BR-AP-4 (a) 
 
Table 26 shows 2002 other pipeline delivery nominations for the South using 2002 actual 
exchange deliveries (nominations to NGTL) and 2002 adjusted numbers to account for 
nominations associated with non-standard contracts. Table 27 shows the corresponding 
percentages for each service class. 
 
Table 26. OPD Nominations - South 
 TJ By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals (1) 3,413 165  80,465  84,042 
2002 Actuals Adjusted (2) 3,413 165  49,820  53,398 
Source: (1) IR Attachment NGTL-AP-3 (d), p. 1 of 2 
 (2) IR Attachment NGTL-AP-3 (d), p. 1 of 2, BR-AP-4 (a) 
 
Table 27. OPD Nomination Percentages - South 
 % By Service Class 
Methods Distribution Industrial OPD Producer OPR Total 
2002 Actuals 4.1 0.2  95.7  100 
2002 Actuals Adjusted  6.4 0.3  93.3  100 
Source: IR Attachment NGTL-AP-3 (d), p. 1 of 2, BR-AP-4 (a) 
 
Views of the Applicant 
AP submitted that its cost allocation proposal assigned costs directly to each customer group as 
appropriate and allocated costs (joint costs), which could not be directly assigned, using the 
allocation factors described in the COSS. 
 
AP indicated that it used 2004 forecast allocation factors where available and only used historical 
factors when forecasts were not available. AP indicated that it used 2002 actual results as its 
2004 forecast allocation factors for throughput and OPR nominations and argued that this was 
consistent with the method it used in its 2001/2002 GRA. AP submitted that these percentages 
were updated to exclude nonstandard volumes. AP indicated that it also used 2002 actuals as its 
forecast of OPR and OPD billing units. 
 
AP submitted that it used 2002 actuals as its best 2004 forecast given the uncertainty involved in 
providing a separate a 2004 forecast of throughput and OPR nominations. AP indicated that there 
were many factors associated with providing a throughput forecast including temperature, 
utilization of firm demand, industrial plant turnarounds and use of storage. AP submitted that 
these factors not only directly affected throughput to the three main customer classes but also 
indirectly impacted the throughput of OPR and OPD. AP also submitted that the forecast of OPR 
nominations was not only affected by the above noted factors but also by confidential 
commercial arrangements of customers. AP argued that the reasonableness of its forecast was 
confirmed by a review of the actual results for the 12-month period ended February 29, 2004. 
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Views of the Interveners 

CALGARY 
In its evidence, Calgary submitted that in the AP COSS, AP used a mix of 2002 and 2004 data in 
assigning cost responsibility to the customer classes. Calgary indicated that AP included 2002 
data in the COSS when it used 2002 Distributing Company throughput for UFG CTM expense 
allocation and 2002 volumes to allocate Customer Support expenses. Calgary indicated that the 
2004 revenue requirement was based on 2004 forecast data approved in Decision 2003-100. 
Calgary suggested that the Board compel AP in the Compliance Filing to conduct its analysis 
using either 2002 or 2004 data but not a combination of the two years. 
 
In its reply, Calgary submitted that, with respect to the use of data for cost allocation purposes, it 
seemed inherently sensible and logical to use data for the same year and consequently, Calgary 
urged the Board to require AP to provide consistent data in its Compliance Filing, which in this 
case ought to be 2004 data. 
 
CG 
The CG agreed with Calgary that either 2002 actual data or 2004 forecast data should be used for 
cost allocation purposes and not a combination of the two. The CG recommended that AP be 
directed to reflect this change in its Compliance Filing. 
 
IGCAA 
With respect to the allocation of OPR commodity revenue and OPR expense and revenue 
reallocation, IGCAA submitted that using nomination data for the last 12 months148 rather than 
2002 data would reduce the OPR allocation to industrials in the north by $700,000. IGCAA also 
submitted that there would be an additional $400,000 reduction for industrials related to using up 
to date throughput.  
 
IGCAA submitted that the Board should require a Compliance Filing based on the prior 12 
months to obtain the fairest cost allocation because of these considerable discrepancies and 
argued that 2002 data does not reflect the current situation closely enough for a fair cost 
allocation. 
 
Views of the Board 
The Board notes that some parties wanted AP to use either 2002 actual data or 2004 forecast data 
for cost allocation purposes in its COSS, while other parties wanted AP to use more recent data 
for allocation and reallocation of specific items in the COSS. For throughput and OPR 
nomination data, AP indicated that it preferred to use 2002 actual data as the basis for its 2004 
forecast given the uncertainty involved in providing a separate 2004 forecast. The Board notes 
that these alternatives would lead to different outcomes for each customer class. 
 
The Board considers it important to distinguish between data used to allocate costs within the 
COSS and data used for other purposes in this proceeding and the Phase I proceeding. In its 
COSS, AP proposed to use many factors149 to allocate costs to the functions and a few factors150 

                                                 
148 For the period ended February 29, 2004. 
149 Operations direct costs, number of employees, head office number of employees, labour expense, etc. 
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to allocate the functionalized costs to the service classes. With respect to its 2004 forecast 
revenue requirements, the Board notes that AP used various data to derive or support its forecast. 
In addition, AP was required to forecast billing determinants used to establish revenue forecasts 
for various services151 that were credited to the service classes in the COSS. 
 
With respect to data used for cost allocation purposes and the throughput example identified by 
Calgary, the Board notes that in the APS 2001/2002 GRA Phase II, it accepted actual 2000 
throughput for the purposes of allocating Customer Support expenses and UFG CTM expenses 
in 2002. Although the Board is sympathetic to IGCAA’s claim that more recent data would lead 
to a cost reduction to the industrial class, the Board considers that consistency in approach from 
one Phase II proceeding to another is an important factor to consider when using data for 
allocating expenses or income credits.  
 
The Board notes, that for cost and revenue allocation purposes, it is the relative share of each 
allocator that drives the allocation of the expense or revenue to the respective service classes and 
not the total amount of the particular allocator such as throughput. The Board considers that even 
if AP had provided a 2004 throughput forecast and split for each service class, most parties 
would have compared these forecasts to recent historical data in order to determine whether the 
forecasts were reasonable.  
 
In general, for items that are difficult to forecast in total and by service class, such as throughput 
and other pipeline receipt and delivery nominations, the Board considers that the use of historical 
actual data is a better method for allocating costs and revenues. In addition, as noted above, the 
Board considers that consistency between GRAs is important. Therefore the Board considers it 
appropriate in this case for AP to use 2002 actual data for throughput, other pipeline receipt 
nominations and other pipeline delivery nominations for purposes of cost allocation and income 
credit allocation for 2004. 
 
With respect to the billing determinants used to derive revenue forecasts for income credit items, 
the Board considers it appropriate to establish forecasts for these items, even if it is determined 
that the most appropriate forecast would be based on the numbers from a prior historical period. 
 
Although OPR nomination data was not considered in the APS 2001/2002 GRA Phase II, the 
Board notes that this data is required to forecast and allocate OPR commodity revenue and also 
for reallocating the expenses and income credits determined for the OPR service class.  
 
In addition, the Board notes that OPD nomination data is also required in this proceeding in 
order to forecast and allocate OPDC revenue and to reallocate the expenses and income credits 
determined for the OPD service class. 
 
AP indicated that it used 2002 actuals as its forecast for OPR and OPD billing units. However, it 
appears that AP used 2002 actual other pipeline deliveries152 for determining 2004 OPDC 
revenue while it used forecast other pipeline receipts153 (not 2002 actual other pipeline receipts154) 
                                                                                                                                                             
150 Peak demand, throughput, other pipeline receipt nominations, etc. 
151 OPDC revenue, OPR revenue, receipt overrun service, receipt interruptible service, etc. 
152  North example: 44,734 TJ, Line 114, Table 2.6.1, North COSS and response to NGTL-AP-3 (d) 
153 North example: 157,300 TJ, Line 114, Table 2.6.1, North COSS and response to BR-AP-32, 2003/2004 AP 

GRA Phase I. 
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for determining 2004 OPR commodity revenue. As a separate issue, it appears that AP used the 
2004 forecast of physical flows from NGTL as a substitute for 2004 forecast exchange receipt 
nominations.155 While the Board recognizes that it has accepted that OPDC revenue and OPR 
commodity revenue should be included in deferral accounts, the Board believes AP should still 
strive for accuracy in its forecasts. In this respect, the Board is concerned with the lack of 
consistency and presentation of data provided by AP in this proceeding. 
 
With respect to throughput data for the purposes of cost allocation, the Board considers it 
appropriate for AP to use the 2002 actual adjusted percentage data shown in Tables 20 and 21. 
This data excludes throughput associated with non-standard contracts. However, the Board is 
concerned that the throughput numbers156 that support derivation of the throughput percentages 
may not relate to other material filed in this proceeding and the Phase I proceeding. Therefore, 
AP is directed to reconcile the North throughput numbers for each service class to the receipts 
and deliveries shown on Attachment IGCAA-AP-17 (c) and to the throughput shown on 
Attachment AUMA-EDM-AP-7 (b)157 from the Phase I proceeding. AP is also directed to 
reconcile the South throughput numbers for each service class to the receipts and deliveries 
shown on Attachment IGCAA-AP-17 (c). The Board requests a full explanation of how the 
numbers relate to each other. The Board also directs AP to explain whether the actual 2002 
throughput numbers it identified for the OPR158 and OPD159 service classes were physical flows 
or nominations (paper flows). 
 
With respect to OPR nomination data for the purposes of cost and income credit allocation and 
OPR service reallocation, the Board directs AP to use the 2002 actual adjusted data shown in 
Tables 22 and 23. This data excludes nominations associated with non-standard contracts. 
 
The Board notes that in Section 3.7, Reallocation of OPR and OPD Expenses and Revenues, the 
Board directed AP to use other pipeline delivery nominations for allocating OPDC revenue 
(income credit) and for reallocating expenses and revenues assigned or allocated to the OPD 
service class. Therefore, the Board directs AP to confirm in the Compliance Filing that the 2002 
actual adjusted data shown in Table 24 does not include any delivery nominations associated 
with non-standard contracts and that the nominations for each service class are appropriate. If AP 
confirms this matter, the Board expects AP to use the data in Table 25 as directed in Section 3.7. 
If the data does include non-standard delivery nominations, the Board directs AP to adjust the 
data by excluding such nominations. With respect to the South, the Board also directs AP to 
ensure that the 2002 actual adjusted delivery nominations shown in Table 26 are appropriate for 
the service classes in order to respond to the directions of the Board in Section 3.7 with respect 
to this matter. 
 
With respect to forecast 2004 OPR commodity revenue and 2004 OPDC revenue, the Board 
considers it appropriate to use forecast billing determinants (receipt nominations and delivery 
nominations respectively). However, as noted above, it appears that AP used 2002 actual 
delivery nominations for purposes of deriving the OPDC revenue. The Board notes that AP has 

                                                 
155 North example: 157,300 TJ, Line 114, Table 2.6.1, North COSS and response to BR-AP-32, 2003/2004 AP 

GRA Phase I. 
156 Application, Table 2-9, Section 2, p. 19 of 32. 
157 p. 6 of 9 
158 North 79.3 PJ, South 30 PJ. 
159 North 63.9 PJ, South 50 PJ. 
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filed ODC forecasts that would have been based on physical flows to NGTL.160 Therefore, in the 
Compliance Filing, the Board directs AP to either adjust161 this forecast physical flow data as 
required to establish a delivery nomination forecast for 2004 or to use 2002 actual other pipeline 
delivery nominations as a substitute for 2004 forecast numbers. The Board requests that AP 
provide an explanation supporting its position on this matter. 
 
7.8 Interim versus Interim Refundable Rates 
AP proposed to adjust rates on a prospective basis and not to adjust the rates on a retroactive 
basis.  
 
Views of the Applicant 
AP considered that the interim rates approved in Decision 2004-023 were interim rates and not 
interim refundable.162 AP submitted that its customers, particularly industrials, producers and 
marketers, were not in favour of retroactive rate adjustments. 
 
AP stated that rates currently in place would recover the appropriate revenue requirement to 
October 31, 2004 so that all that would be left, at least on a forecast basis, subject to any 
adjustments to recover in the last two months, would be two months worth of charges. AP also 
indicated that any net shortfall or surplus at October 31, 2004 would be allocated to all 
customers. 
 
AP submitted that its proposal for adjustment to rates on a prospective basis was in the public 
interest, consistent with prospective rate making and in accordance with its customers' 
preferences. AP requested that the Board approve its proposal. 
 
AP noted that, as cited by the FGA, the Board’s authority with respect to rates is provided in 
Section 40(d)((i) and (ii) of the GUA and Section 91(1)(e) of the PUB Act. AP submitted that 
these provisions specifically empower the Board to determine the method by which and the 
period during which excess revenues received or revenue deficiencies incurred are to be dealt 
with.  
 
AP did not disagree with the proposition that interim rates can be made refundable. AP 
submitted, however, that just because rates were interim does not make them refundable. 
 
AP indicated that in Decision 2003-105163, the Board specifically emphasized that the 2004 
Interim Tolls were being approved on an interim and refundable basis.164 AP noted that the rates 
being set pursuant to Decision 2003-105 were being set prior to a determination of the NGTL 
Revenue Requirement, distinguishing the facts from the Application. AP submitted that in the 
noted decision, NGTL, the Board and all parties expected interim and refundable rates where 

                                                 
160 Response to CAL-AP02-20 (b) 
161 Including nominations to other pipelines in addition to NGTL. 
162 T1 page 80, lines 7-16; Alberta Energy and Utilities Board Decision 2004-023 (March 9, 2004) page 26. The 

one noted exception is rates with respect to AltaGas where there is a predetermined agreement in place with 
respect to retroactive rates: T4 page 355, lines 12-19. 

163 2004 Interim Rates for NGTL 
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revenue requirement had not yet been established. AP also noted the Board’s comments on the 
level of scrutiny with respect to the materiality and refundability.165  
 
AP requested that its proposal with respect to implementing its rates and rate design on a go-
forward basis be approved by the Board. AP submitted that this was also consistent with how 
NGTL implemented its 2003 final rates where rate design changes approved in 
Decision 2003-051, such as amendments to FT-P service and MAV charges, were introduced 
prospectively. AP also made submissions with respect to the issue whether FGA should have 
been on a transportation rate during 2003 and 2004, and what type of adjustment should be made 
to interim rates accordingly. These matters are addressed in Section 7.8.1 of this Decision.  
 
Views of the Interveners 

CALGARY 
Calgary submitted that rates for a test period should recover the revenue requirement allowed by 
the Board for that test year and argued that the fundamental end state of a Phase II proceeding 
was to develop rates which, when applied to billing determinants for the test year, collect no 
more and no less than the test year revenue requirement.  
 
As a result of the Board’s approval of interim rates, Calgary submitted that revenue collection for 
2004 would have to be adjusted to reflect final rates. Calgary submitted that AP should be 
allowed to collect the Board approved revenue requirement in 2004. To the extent that this 
process would require billing adjustments over the last month or months of 2004, Calgary argued 
that the adjustments must be made to assure that the revenue requirement was collected and the 
approved rates collect only the allowed revenue requirement. From a simplicity standpoint, 
Calgary submitted that end of year adjustments would meet this goal. However, if inter-
generational inequities were to be recognized, Calgary submitted that re-billing on approved 
rates from the beginning of the test period would be the only method that would recognize and 
reconcile inter-generational inequities.   
 
CAPP 

CAPP’s concern with respect to interim rates was related to the disposition of the recovery of the 
North EDA deficit for the years 2001/2002. CAPP submitted that recovery of these costs was 
clearly a responsibility of the producer and that it expected that the recovery of these costs would 
be included in the costs to be recovered from receipt revenues when the impact of the approved 
rate design was calculated. CAPP indicated that it expected that the calculation of over or under 
collection of costs would be done on a customer group basis such that, if producer revenues for 
2003 and 2004 exceeded the allocated costs, including the EDA deficit recovery costs for those 
years, any over collection would result in an adjustment to 2004 final producer rates or be carried 
over to 2005 producer rates. 
 
CCA 
The CCA considered that any rate change should only be on a go forward basis. The CCA was 
concerned that the applied for rate increases for transportation service to northern residential 
customers was significant and considered that an increase of as much as 62.4%166 constituted rate 

                                                 
165 Decision 2003-105, p. 4 
166 AUMA/EDM/PICA-AP-7 
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shock. The CCA argued that to include retroactive portions would only magnify such a rate 
increase and should not be permitted. 
 
CG 

The CG supported the concept of interim rates and indicated that AP would collect its revenue 
requirement for the 2003 and 2004 test years and therefore remain whole.  
 
The CG submitted that AP's rates in this proceeding were being designed on the basis of rates 
going forward into 2005 based on the 2004 revenue requirement. The CG submitted that the 
Board has generally not required the utility to retroactively go back to each rate class or 
individual customer and re-calculate the customers' bills for the test period. The CG argued that 
this exercise would be onerous and would not yield a significant benefit to customers, especially 
those who have made consumption decisions on the basis of the rates that were then in place. 
The CG submitted that the Board should determine appropriate rates to be put in place 
commencing January 1, 2005 and that no retroactive adjustment should be made to AP's rates, 
subject to any further adjustments required. 
 
FGA 
The FGA submitted that interim rates were refundable. The FGA noted that Mr. Vander Veen 
indicated that interim rates were interim and the outcome of the AP Phase II proceeding would 
be a revenue requirement, a cost allocation and rates for 2004 and to the extent that a true up was 
required, it should be done. The FGA submitted that Mr. Vander Veen’s comments were 
consistent with the nature of interim rates as understood by regulators and the courts in the realm 
of utility regulation.  
 
Furthermore, the FGA submitted that in section 40 of the Gas Utilities Act and section 91 of the 
Public Utilities Board Act, the Board in Alberta was given express powers to issue final orders 
that have the effect of adjusting for discrepancies between interim and final rates in order to 
achieve a just and reasonable end result. The FGA also submitted that the Board continued to 
routinely exercise these powers through recent decisions. 
 
The FGA submitted that neither the CG nor the CCA nor AP provided any legal authorities for 
“interim but not adjustable” rates while the FGA provided numerous legal authorities and 
precedents for its position. The FGA also submitted that these three parties have not provided 
any precedents or practices of this Board to support interim rates that were not subject to 
adjustment or “true-up”.  
 
The FGA made other submissions specific to its position as to whether FGA should have been 
charged a transportation rate by AP throughout 2003 and 2004 and how the interim rates for that 
period should be adjusted accordingly. These issues are dealt with in Section 7.8.1 of this 
Decision.  
 
IGCAA 
IGCAA submitted that the Board should not retroactively adjust interim rates by making them 
refundable. 
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Views of the Board 

The terms “interim rates” and “interim refundable rates” are used from time to time in various 
applications. The Board considers that interim rates are used in a situation where the revenue 
requirements are either not known or the billing determinants are not final, and therefore the 
proper forecast revenue cannot be determined. In the case of interim rates, the Board process 
typically involves measurement of the difference in revenue collected under interim rates and the 
final revenue requirement, when determined, and that difference is collected by the application 
of rate riders going forward. The Board does not typically require recalculations of what the final 
rates should have been for a past period, resulting in retroactive refunds or charges to customers.  
 
Only in exceptional circumstances would the Board consider it appropriate that the difference in 
revenue collected pursuant to interim rates and what would have been collected in respect of the 
finally approved revenue requirement under final rates had they been in place instead, should 
either be refunded or collected from customer groups through a determination based upon a 
retroactive billing calculation. 
 
The Board agrees with the AP and most interveners that the preferred approach is to make rate 
adjustments on a go-forward basis and not to use refundable rates requiring recalculations for 
past periods. The Board agrees that this exercise is onerous and in most cases would not yield 
significant benefits to customers, particularly where they have made consumption decisions on 
the basis of the rates that were then in place. 
 
With respect to the FGA’s position on an appropriate transportation rate that should have been 
applicable to it for the test years, and whether adjustments to the FGA rate should be retroactive, 
the Board has addressed this specific issue in Section 7.8.1 of this Decision.  
 
7.8.1 FGA 2003-2004 Rate Adjustment 
The FGA submitted that Gas Alberta North should have been billed on demand based 
transportation rates during the test years, not on commodity rates. The FGA argued that its rates 
should be considered interim and refundable and argued that the Board resolved this issue in 
Decision 2004-023167 when it stated: “Nonetheless the rates remained interim and, therefore, 
adjustable.” 
 
The Board has addressed the general issue of interim rates and interim refundable rates in 
Section 7.8 above. In this section, the Board will address whether there are special circumstances 
in respect to Gas Alberta, the Samson Cree Nation (Samson Band) and the Town of Redwater 
(Redwater)168 that would suggest a different treatment in respect of adjustments or refunds related 
to interim rates. The Board will also address the specific issue of the appropriate billing 
determinants (peak demand) and rates applicable to Gas Alberta for the test period and any 
necessary adjustments to the interim rates. This section also addresses similar issues related to 
the Samson Band and Redwater. 
 

                                                 
167 Decision 2004-023, March 9, 2004, 2003, 2004 Interim Rates 
168 Rate 5 sales customers. 
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Views of the Applicant 

With respect to FGA’s suggestion that AP’s proposal to proceed with rate adjustments on a 
prospective basis was inconsistent with utility regulation, Alberta legislation and prior Board 
decisions, AP disagreed.  
 
AP also disagreed with FGA’s position that Gas Alberta North should be placed on 
transportation demand rates retroactively to January 1, 2003. AP indicated that it administered 
Gas Alberta North as a stripped Sales Rate 7 customer in 2003 and early 2004 and submitted that 
a package deal to address recovery of the unbundled services was considered an essential part of 
the conversion to a demand based transportation service. AP argued that FGA supported this 
position for Gas Alberta South when it sought approval for its MOU with AP in AP’s 2001/2002 
GRA. In addition, AP argued that FGA requested that AP establish a mode of operation for Gas 
Alberta North similar to that for Gas Alberta South.  
 
With respect to FGA’s request for demand rate retroactivity for Sales Rate 5 customers, 
including the Samson Band and Redwater, back to the beginning of 2003, AP submitted that 
these customers had not requested AP to convert their service to a demand rate, nor had any peak 
demand been established for these customers. Furthermore, AP argued that Rate 5 was a Board 
approved rate and, therefore, could not be considered obsolete as suggested by FGA.169 
 
In response to FGA’s statement that Gas Alberta’s daily demand should be adjusted to 40 TJ in 
the North and 14 TJ in the South, AP agreed to those peak demands as reasonable 24-hour 
demand values for Gas Alberta’s current system but indicated that the one-hour peak demand 
remained in dispute. AP did not agree that the current 24-hour peak demand values represented 
the requirement of Gas Alberta’s system in 2003. AP indicated that in both the North and South, 
a portion of Gas Alberta’s peak demand was transferred to AltaGas Utilities in 2003 and any 
potential peak demand adjustments for demand rate retroactivity would have to reflect the higher 
peak demand required by Gas Alberta in 2003. AP stated that it did not have properly prepared 
Gas Alberta and Rate 5 forecasts for purposes of a reasonableness check. With respect to FGA’s 
assertion that its forecasts were provided on a consolidated basis derived from point by point 
data suitable for use in a COSS, AP submitted that the evidence on this record indicated that Gas 
Alberta did not provide any delivery point specific demand forecasts prior to February 2004. 
 
In regard to FGA’s conclusion that the original and final results for Gas Alberta’s North system 
peak demand were similar, AP submitted that although the absolute value of demand was 
similar, the basis for the demand was much different. AP argued that the original 39.484 TJ/day 
demand that FGA pointed to was the high end of a range of demand presented by Gas Alberta 
and the low end of that demand range of 35.356 TJ/day was substantially lower. In addition, AP 
indicated that the original Gas Alberta demand was based on a larger customer base as Gas 
Alberta lost delivery points to AltaGas in mid 2003. AP submitted that a greater number of Gas 
Alberta delivery points in 2003 than 2004 would suggest that a higher peak demand was 
reasonable for 2003 than 2004. AP also submitted that FGA failed to draw similar conclusions 
about its South system peak demand forecasts. AP argued that the Gas Alberta South evidence 
was indicative of the unreliable forecasts presented to AP by Gas Alberta. AP submitted that Gas 
Alberta South lost 750 GJ of demand to AltaGas in July 2003, and despite this loss of demand in 
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2003, Gas Alberta’s first forecast of 11.563 TJ/day in its October 9, 2002 letter170 was 
substantially lower than its 2004 forecast that AP accepted. 
 
AP noted that it had been concerned with Gas Alberta’s forecasts until a reasonable and 
verifiable point specific peak demand forecast was provided by Gas Alberta for its North system 
for January 27, 2004. AP argued that the evidence presented in reply argument and in AP’s 
Rebuttal Evidence were indicative of the veracity of Gas Alberta’s forecasts and AP’s inability to 
agree on a reasonable forecast with Gas Alberta. AP noted that it would not be fair to other 
customers to refile the COSS using Gas Alberta’s daily peak demand. AP submitted that the cost 
allocations in the COSS must be based on four-hour peak demand. 
 
AP submitted that, absent a reasonable and verifiable peak demand forecast from Gas Alberta, 
AP forecasted an appropriate level of demand for Gas Alberta in AP’s 2003/2004 Phase I and 
2004 Phase II Applications. In response to FGA’s statement that AP should have incorporated 
Gas Alberta’s forecast demand in its Phase I forecast, AP submitted that Gas Alberta did not 
provide a reasonable and verifiable point specific demand forecast for its North system until 
February 12, 2004 and until March 8, 2004 for its South system.  
 
In response to FGA’s claim that AP should have provided an appropriate demand rate in the 
North as of January 1, 2003, AP disagreed and indicated that the administration of Gas Alberta in 
the North was a stripped Rate 7 sales customer that was appropriate for the level of service 
provided by AP in 2003 and the first 2 months of 2004. AP submitted that Gas Alberta received 
a similar service level from AP in this 14 month period to that received in 2002.  
 
In response to FGA’s submission that “cash” refunds to Gas Alberta and Rate 5 customers for 
demand rate retroactivity to the beginning of 2003 would not impact other customers, AP 
disagreed and indicated that the revenue requirement for AP was established in the Phase I 
proceeding and subsequent compliance filing and any demand rate retroactivity would require an 
adjustment to the November 1, 2004 rate calculation that would ultimately result in rate 
adjustments to other customers. 
 
AP submitted that FGA agreed with the AP position that there were a number of issues171 
outstanding before Gas Alberta North could be transferred to a transportation demand rate. AP 
argued that any transportation demand rate retroactivity for Gas Alberta North or any other sales 
customer would have to be considered with respect to the costs incurred in 2003 and 2004 for 
meter and regulating station operation, odorant, and meter value. 
 
AP requested that the Board deny retroactive rate administration for Gas Alberta North and other 
sales customers. 
 
AP submitted that if the Board agreed with FGA that it should be a transportation customer in 
2003 for the purpose of setting a demand rate, FGA should also be considered to be a 
transportation customer for the purpose of eligibility for the Fort Saskatchewan/Beaverhill 
production asset proceeds. 
 

                                                 
170  Exhibit 011-04 (b) – FGA Evidence, Attachment 9. 
171 AP submitted that the outstanding issues in 2003 included the recovery of meter and regulating equipment 

operation expenses, odorant expenses, meter purchase value and peak demand.   
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With respect to FGA’s suggestion that the eligibility for proceeds of the sale of Fort 
Saskatchewan/Beaverhill production assets was pre-determined in Board Decision 2002-018, AP 
disagreed. AP submitted that the more relevant eligibility criterion for the disbursement of 
proceeds from Fort Saskatchewan/Beaverhill assets was the recognition of foregone future 
benefits of company-owned production. 
 
AP submitted that, in addition, the only AP customers to receive these proceeds were sales 
customers of record on February 21, 2003. AP argued that this matter should be revisited in this 
proceeding since FGA was requesting demand rate retroactivity to January 1, 2003 for Gas 
Alberta North and Rate 5. 
 
Views of the Interveners 

FGA 
For 2003 in the North, Gas Alberta requested an adjustment of its rate between the stripped fixed 
charge plus commodity charge to the $2.10/GJ/month demand rate that was filed in the Phase I 
proceeding. Gas Alberta also requested a further adjustment of its demand rate to the rate set for 
AG for 2003 since this would recognize that AP owned the meters at Gas Alberta’s delivery 
stations in 2003. Finally, Gas Alberta requested an adjustment of its billing determinants from 
the 48TJ/month to the 40TJ calculated in its evidence. The FGA noted that the North refund was 
subject to a settlement with AP for odorant and station operations and submitted by using the 
2003 placeholder for ATCO Gas of $1.806/GJ/month rate as an illustration, the North refund, 
when all these adjustments were made, would be $560,880. The FGA submitted that the over-
billing of Gas Alberta on the stripped sales rate would fund the major portion of this refund.  
Given that this over-billing was over and above the 2003 surplus, the FGA argued that the major 
portion of Gas Alberta’s refund would not affect other customers. 
 
For 2003 in the South, Gas Alberta requested an adjustment of its rate between the MOU 
demand rate of $1.95/GJ/month to $1.283/GJ/month. The FGA submitted that the rate proposed 
for Gas Alberta consisted of $1.605/GJ/month charged to AG in 2003 less the $0.322/GJ for 
master meters and UFG meters, and indicated that this recognized that Gas Alberta owned the 
master meters during 2003 and that the UFG CTM project was substantially completed that year. 
Gas Alberta requested a further adjustment of its billing determinants from the 16.5 TJ shown in 
AP’s Phase I filing to the 14 TJ calculated in its evidence. The FGA noted that an adjustment 
was made for the AltaGas tap172. Gas Alberta also requested a refund of $156,008 for 2003. 
 
The FGA indicated that for the first two months of 2004, AP continued to charge Gas Alberta the 
Rate 7 commodity rate in the North but in Decision 2004-023, the Board denied the interim rate 
proposal with respect to Gas Alberta and directed AP to place Gas Alberta on the same interim 
demand rate as AG. 
 
With respect to 2004 in the South, the FGA submitted that the Board continued the MOU rates 
and demands as placeholders for Gas Alberta. 
 
Gas Alberta proposed that its final rate be adjusted to the demands filed in its evidence and 
accepted by AP. Furthermore, the FGA submitted that Gas Alberta’s final rate should be 
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$0.293/GJ less than the AG rate to reflect the purchase of meters and that UFG CTM were not 
required to provide service to Gas Alberta 
 
For both the 2003 and 2004 adjustment, Gas Alberta requested a cash refund in order to ensure 
that Gas Alberta received exactly the amounts due and noted that it would forego any interest on 
these adjustments, if the adjustments were received in a timely manner through a cash refund. 
 
The FGA submitted that Rate 5 customers were also eligible for an adjustment to the actual cost 
of providing service from the beginning of the test period to the time of implementation of final 
rates. The FGA indicated that Rate 5 customers received an obsolete rate, which was the product 
of the five-year negotiated settlement with NUL, during 2003 and the first two months of 2004. 
The FGA submitted that this rate was not based on costs, as the settlement made it uncertain 
what the considerations were in setting this rate. 
 
The FGA further submitted that this non-cost-based rate should be ignored in setting a fair rate 
for service to Rate 5 during 2003 and 2004. The FGA indicated that a fair rate would be based on 
the rate for AG, less a $0.078/GJ adjustment for the UFG meters. The FGA indicated that AP 
owns the meters that serve both ATCO Gas and Rate 5 so the only difference between the two 
rates was that the Rate 5 customers have not incurred the cost for the UFG CTM. 
 
For 2003, the FGA prepared an illustration of the necessary refunds for Redwater173 and the 
Samson Cree Nation174 using the $1.806/GJ AG placeholder rate less the $0.078/GJ adjustment 
for the UFG meters. The FGA submitted that the refund should be adjusted for any difference 
between the $1.806 placeholder and the rate that is ultimately approved for AG for 2003. 
 
The FGA also requested that the Board direct AP to make a cash refund to Rate 5 customers for 
the same reasons as Gas Alberta requested a cash refund.  
 
The FGA indicated that it could not understand why AP’s 2003 interim rate application did not 
include a rate that recognized that Gas Alberta had already converted to transportation service 
November 1, 2002. The FGA argued that AP was informed that Gas Alberta required “an 
appropriate interim refundable demand rate” 6 months before the interim rate application. The 
FGA wondered why the strip rate was not recognized in Phase I revenues if the strip rate was so 
important as an incentive to make Gas Alberta come to terms on a package deal.  
 
In addition, the FGA submitted that the package deal was not communicated to Gas Alberta and 
in fact, the opposite was the case. The FGA argued that Gas Alberta’s evidence was that AP’s 
understanding was that it could not negotiate a “package deal” such as the 2001/2002 South 
MOU. 
 
The FGA submitted that any linkage between the proceeds of the sale of the Fort 
Saskatchewan/Beaverhill production assets should be dismissed out of hand given that the 
Board, in Decision 2003-018, determined that Gas Alberta, along with other transportation 
customers, was eligible for proceeds from this sale of assets. The FGA submitted that the Board 
used the sale of the Viking assets in Decision 2002-018 as the model for the Beaverhill/Fort 

                                                 
173  The 2003 illustrated refund for the Town of Redwater was $22,374. 
174  The 2003 illustrated refund for the Samson Band was $31,024. 
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Saskatchewan sale, that the matter was concluded and that AP was incorrect to revisit the matter 
in the AP Phase II proceeding.  
 
Views of the Board 
Adjustment for Gas Alberta North and South Interim Demand  
The Board notes FGA’s argument that the interim demand for revenue forecast purposes for the 
test years was stated in the Application as 48 TJ/month in the North, and 16.5 TJ/month for the 
period January through June 2003 and 15.75 TJ/month for the period July 2003 through 
December 2004 in the South. FGA argued that the agreed demand was 40 TJ/month in the North 
for the test years and 14.75 TJ/month for the period January through June 2003 and 14 TJ/month 
for the period July 2003 through December 2004 for the South, which would be the appropriate 
demands for Gas Alberta. 
 
In Section 7.1, the Board determined the appropriate four-hour peak demand for system design, 
cost allocation and rate design purposes for Gas Alberta. The Board considers that these new 
four-hour peak demand amounts175 for Gas Alberta are applicable to rates on a go-forward basis, 
and would apply commencing on the implementation date of the final rates to be approved 
subsequent to the Compliance Filing to this Decision. In addition, the Board also expects AP to 
use these new four-hour demand amounts when it updates its COSS with revised peak demand 
numbers for the Distributing Companies Deliveries service class in the North and South and 
derives FSU demand rates as part of the Compliance Filing. 
 
However, for the purposes of establishing a refund amount in the North (discussed below), the 
Board considers that for the period April 1, 2003 to the implementation date of the final rates, the 
interim demand amount of 48 TJ/day in the North is reasonable. The Board observes that the 
new 24-hour demands for Gas Alberta were determined from data acquired early in 2004. These 
new forecasts were agreed to by AP in April 2004. The Board does not consider that the new 
demand amounts should be applicable for billing purposes on a retroactive basis. In the normal 
course of nominating demand, the Board understands that the process would require a customer 
to nominate well in advance of the next contract year.   
 
Credit for Owning Meters 
As discussed in Section 5.4.1, it appears beneficial to smaller Distributing Companies to be a 
part of a larger service class. As part of a larger service class, smaller Distributing Companies 
may be insulated to a degree from potentially higher cost of service charges (and associated 
rates) reflecting the physical realities of providing service in geographically large areas with 
lower population densities. Although the Board appreciates FGA’s argument that ownership of 
certain metering facilities should directionally lower their overall costs, the Board considers that 
this is one element of many that the Board must consider when making its determination of 
whether or not the overall rates charged to FGA continue to be fair and reasonable. Accordingly, 
the Board has determined that Gas Alberta should not be billed on a rate separate and distinct 
from the rates for the Distributing Companies, and that there should not be a reduction in the rate 
related to Gas Alberta’s ownership of certain metering equipment. The Board declines to provide 
for a credit for meter ownership in the calculation of the refund owed to Gas Alberta by AP.  
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Adjustments to Gas Alberta North Service 

In Decision 2004-023, the Board considered that Gas Alberta was clear in its intention to switch 
to a transportation service and therefore required an appropriate demand based rate commencing 
on January 1, 2003.176 However, in that decision, the Board also noted that AP and Gas Alberta 
had not agreed upon a billing demand. In fact the record indicates that AP and Gas Alberta have 
been unable to agree on proper demand figures to be used for Gas Alberta for almost two years. 
The Board considers that both AP and Gas Alberta had available to them an opportunity to 
resolve their impasse regarding the billing demand before the Board but neither party chose to 
use it. Therefore, the Board must consider that both parties contributed to the lack of timely 
resolution of the billing demand for Gas Alberta.  
 
The Board notes Gas Alberta desired to change to transportation service effective November 1, 
2002 and later amended its request to commence transportation service on January 1, 2003. The 
Board also notes, that in some subsequent communications, Gas Alberta expressed its continued 
desire for transportation service and associated transportation rates. Notwithstanding that Gas 
Alberta had communicated its desire to switch to transportation rates on January 1, 2003, AP did 
not respond by changing Gas Alberta to a transportation rate on January 1, 2003. However in its 
Phase I application, filed in February 2003, AP forecast revenue from Gas Alberta on demand 
rates while continuing to bill Gas Alberta on commodity rates.  
 
As indicated, the Board received no application to resolve the lack of agreement between AP and 
Gas Alberta regarding a proper nominated peak demand and an appropriate transportation rate 
for Gas Alberta. The Board therefore considers that it should determine a date when it would 
have been reasonably expected that a demand figure for Gas Alberta should have been agreed to 
by AP for billing purposes or, failing an agreement, when AP should have provided an interim 
demand and interim transportation rates for Gas Alberta North as a result of an application to the 
Board on this issue.  
 
In examining the sequence of events leading up to the extension of 2002 rates into 2003 in the 
North, given the filing of the Phase I GRA in February, 2003 and the fact that AP was already on 
notice that Gas Alberta requested a transportation rate, the Board finds that April 1, 2003 would 
have been the earliest effective date that both parties, AP and Gas Alberta, should have achieved 
either a resolution to the differences or, after an application to the Board for adjudicating the 
differences, the Board would have made an order resolving the demand issue and commencing 
the application of demand rates. 
 
With respect to the demand rate for Gas Alberta North in the period April 1, 2003 to October 31, 
2004, the Board notes that for 2003, Gas Alberta requested a rate equal to the AG 2003 demand 
rate177 and for January and February 2004, Gas Alberta proposed that its rate would be equal to 
the AG 2003 demand rate discounted for meters and for the period March 1, 2004 to October 31, 
2004, the rate would be equal to the AG interim rate178 discounted for meters. FGA submitted 
that Gas Alberta’s final rate should be $0.293/GJ less than the AG rate to reflect the purchase of 
meters and that UFG CTM were not required to provide service to Gas Alberta. 
 

                                                 
176 Decision 2004-023 P9 
177 $1.806/GJ/month. 
178 $1.436/GJ/month. 
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For the period April 1, 2003 to February 29, 2004, the Board considers it appropriate that the 
demand rate for Gas Alberta North be set equal to the AG 2003 demand rate, and for the period 
March 1, 2004 to October 31, 2004, the demand rate should continue to be set equal to the AG 
interim rate. The Board does not consider it appropriate for Gas Alberta North to receive the 
requested discounts. The Board considers that the rationale provided above in respect of denying 
a credit for meter ownership, and the rationale provided in Section 5.4.1 in respect of a single 
rate and rate class for Distributing Companies, are equally applicable with respect to FGA’s 
request for a discount given that all members of the Distributing Companies class must share all 
class costs as they also share class benefits. Accordingly, all members should bear a share of the 
costs of UFG CTM. As noted above, the Board also considers that Gas Alberta should not be 
given a reduction in its rate related to Gas Alberta’s ownership of certain metering equipment. 
 
As indicated, the revenue forecast by AP for the 2003 and 2004 test years was determined on 
AP’s proposed demand rates for transportation service to utilities, including Gas Alberta. 
However, the actual billings to Gas Alberta for the period from January 1, 2003 to March 1, 2004 
were on commodity rates, which produced a higher amount of revenue. The Board considers that 
AP’s billings on commodity rates generated revenue in excess of the revenue forecast prepared 
on a demand basis. Therefore, the excess non-forecast revenue should be refunded to Gas 
Alberta without any adjustment to other revenue forecasts or other rates to recover the refund. 
The Board directs AP to calculate the refund as part of the Compliance Filing based on the 
findings in this Decision. 
 
With respect to the Fort Saskatchewan/Beaverhill production asset refund, the Board has 
determined that the effective date for Gas Alberta North switching to transportation rates would 
have been April 1, 2003. Since all sales customers of record on February 21, 2003 were eligible 
for the distribution of funds, the Board considers there is no issue regarding the appropriateness 
of the refund and amount. 
 
Adjustments to Gas Alberta South Rate 
The Board notes that, for 2003 in the South, Gas Alberta requested a rate of $1.283/GJ/month 
instead of the MOU demand rate of $1.95/GJ/month. Gas Alberta established the proposed rate 
by applying a discount to the AG demand rate because of its ownership of master meters and its 
claim that it should not contribute toward UFG CTM expenses. For 2003, the Board considers it 
reasonable that the MOU demand rate for Gas Alberta South should continue. The Board also 
notes that in 2002, Gas Alberta South was paying about 29.6 ¢/GJ more than AGS. The Board 
considers that for 2002 the Gas Alberta South MOU rate and the AGS rate were both approved 
as reasonable. The rate differential between the 2002 rates continued at approximately the same 
level in 2003 and 2004. Therefore the Board does not see a compelling reason to change the rates 
to decrease or eliminate the differential for 2003 and for the period in 2004 from January 1 up to 
the date new final rates commence pursuant to the Board’s decision on the Compliance Filing. 
 
In addition the Board does not consider that Gas Alberta South should receive the requested 
discount. As noted above, the Board considers that the rationale provided above in respect of 
denying a credit for meter ownership, and the rationale provided in Section 5.4.1 in respect of a 
single rate and rate class for Distributing Companies is equally applicable with respect to FGA’s 
request for a discount given that all members of the Distributing Companies class must share all 
class costs as they also share class benefits and accordingly all members should bear a share of 
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the costs of UFG CTM. As noted above, the Board also considers that Gas Alberta should not be 
given a reduction in its rate related to Gas Alberta’s ownership of certain metering equipment. 
 
For 2004, FGA submitted that Gas Alberta’s final rate should be $0.293/GJ less than the AG rate 
to reflect the purchase of meters and that UFG CTM were not required to provide service to Gas 
Alberta. As noted above, the Board considers that Gas Alberta should not receive the requested 
discount and as discussed in Section 5.4.1, for 2004, the Board determined that the South FSU 
demand rate was appropriate for Gas Alberta South. 
 
Town of Redwater and Samson Cree Nation  
With respect to FGA’s submission that the Samson Band and Redwater were also eligible for an 
adjustment to the actual cost of providing service from the beginning of the test period to the 
time of implementation of final rates, the Board notes that AP submitted that these customers had 
not requested AP to convert their service to a demand rate, nor had any peak demand been 
established for these customers. The Board also notes that FGA submitted that the Federation 
managed its anticipated transition from sales to transportation service by providing maximum 
daily operating demands for Redwater and the Samson Band to AP on September 24, 2003. FGA 
also indicated that AP did not explain why it did not include the demand numbers in its revised 
Phase II application, its Phase I compliance filing or its 2004 Interim rate application.179 
 
Similar to the Gas Alberta situation, the Board considers that both AP and the Federation had the 
opportunity to pursue the transportation service issue further. Therefore, the Board considers that 
all affected parties contributed to the lack of timely implementation of a suitable transportation 
service for the Samson Band and Redwater. The Board therefore considers that it should 
determine a date when it would have been reasonably expected that transportation service could 
have been implemented for these customers. 
 
Given the date of the submission of the billing demands for Samson Band and Redwater to AP, 
the Board considers that March 1, 2004 would have been the earliest effective date that AP, 
Samson Band and Redwater could have agreed upon appropriate billing determinants or, after an 
application to the Board for adjudicating the appropriate rate, the Board would have made an 
order commencing the application of demand rates. 
 
The Board notes that FGA indicated that a fair rate would be based on the rate for AG, less a 
$0.078/GJ adjustment for the UFG CTM. As noted earlier, the Board does not consider it 
appropriate to adjust the rates for the UFG CTM. Therefore, for the period March 1, 2004 to the 
date new final rates commence pursuant to the Board’s decision on the Compliance Filing, the 
Board considers it appropriate that the AGN interim demand rate180 should also be applied to 
service provided to the Samson Band and Redwater.  
 
As indicated, the revenue forecast by AP for the 2003 and 2004 test years was determined on 
AP’s proposed demand rates for transportation service to utilities, including Rate 5 customers. 
However, the actual billings to Samson Band and Redwater for the period from March 1, 2004 to 
the date of commencement of final rates in 2004 will have been on commodity rates, which 
produced a higher amount of revenue. The Board considers that AP’s billings on commodity 
rates generated revenue in excess of the revenue forecast prepared on a demand basis. Therefore, 

                                                 
179 FGA evidence, p. 4, lines 20 – 29. 
180 $1.436/GJ/month. 
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the excess non-forecast revenue should be refunded to Samson Band and Redwater without any 
adjustment to other revenue forecasts or other rates to recover the refund. The Board directs AP 
to calculate the refund as part of the Compliance Filing based on the findings in this Decision. 
 
With respect to demand billing determinants in the refund period, the Board directs AP to use the 
maximum daily quantity shown for Samson Band181 and Redwater182 in the FGA argument.183 
 
7.9 Dually Connected Stations 
NGTL requested that the Board prohibit AP from exchanging volumes to the NGTL Alberta 
System that it receives at dually connected receipt stations. 
 
Views of the Applicant 
With respect to NGTL’s claim that most of the volumes AP sent to NGTL were originally 
received at dually connected plants, AP submitted that the year 2002 was the last year that 
exchange fees were reduced for volumes attributed to dually connected plants and with the 
change in the exchange fees, the 2002 data used by NGTL could not be relied upon to reflect the 
current situation. 
 
AP submitted that in the North, where most of the dually connected plants are found, AP only 
physically flows volumes to NGTL for a few months of the year. 
 
AP submitted that the physical flows of volumes do not track the exchange (paper) flows of 
volumes on the AP system. AP also submitted that there were dually connected plants with firm 
contracts to deliver onto the AP system. AP argued that once the gas was on the AP system it 
could result in delivery transactions to an Industrial, a Distributing Company, a Marketer, 
another Producer, or onto an Other Pipeline. AP submitted that whether or not AP requested gas 
to physically flow to NGTL from that dually connected plant did not impact the paper 
transaction. AP argued that it utilized the most cost effective interconnections to physically flow 
excess gas to NGTL, which might include dually connected plants. Therefore, AP submitted that 
it was not simply a “middleman”, as alleged by NGTL, for dually connected plants to flow to 
NGTL. 
 
With respect to NGTL’s statement that AP accepts and has constructed facilities to accommodate 
volumes at dual connections which are destined to be sent to the NGTL Alberta System through 
exchange service, AP argued that it had the first pipelines connected to many of these gas plants, 
with NGTL constructing facilities to become the second connection. 
 
In response to NGTL’s request that the Board either prohibit AP from exchanging volumes to 
NGTL that it receives at dually connected stations, or require stand alone OPD rates, AP 
submitted that NGTL’s first request was not practical because of the disconnect between 
physical flows and paper transactions. With respect to NGTL’s second request, AP argued that it 
was inconsistent with AP’s rate design proposals. 
 

                                                 
181 2,230 GJ/day 
182 1,852 GD/day 
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AP submitted that parties did not have an opportunity to test NGTL’s proposals as presented in 
its argument and in addition, NGTL’s claims in support of its proposals were not valid. 
Therefore, AP requested that the Board deny NGTL’s proposals. 
 
AP noted that NGTL filed no evidence in this proceeding and stated that argument was not the 
appropriate place for NGTL to be making recommendations that would significantly impact 
customers and the operations of the AP system.  
 
Views of the Interveners 

IGCAA 
With respect to NGTL’s request to the Board to limit AP’s access to exchange capability at 
dually connected gas plants, IGCAA agreed that NGTL was directly affected by AP’s use of its 
NIT account. However, IGCAA did not believe that it would be appropriate for the Board to 
grant NGTL the relief it requested at this time because this issue was being raised for the first 
time in argument, and unlike IGCAA’s request regarding FT-P service, other parties did not have 
an opportunity to explore this relief requested by NGTL. IGCAA argued that the Board did not 
have a sufficient record before it to grant NGTL any relief on this point.  
 
IGCAA submitted that if NGTL wanted to pursue the exchange issue it should be done through 
an application to amend its own tariff by making a specific proposal as to exactly how it would 
limit AP’s exchange capacity. 
 
NGTL 
NGTL noted that AP’s systems are connected to receipt stations that are also connected to the 
NGTL Alberta System and that AP and NGTL compete to provide service to parties at these 
locations. 
 
NGTL submitted that a significant portion of the total volumes that AP ultimately exchanges to 
the NGTL system through its NIT account originate on its systems from dually connected 
stations. In 2002, NGTL indicated that more than 80% of all volumes exchanged from AP’s 
North system, and more than 35% of all volumes exchanged from AP’s South system, originated 
at dually connected receipt points. NGTL argued that in other words, most of the volumes AP 
sent to the NGTL system were originally received at dual connections. 
 
NGTL noted that some of the dually connected stations also serve as interconnects between AP’s 
system and the NGTL system. NGTL submitted that AP sometimes exchanges volumes from 
these stations directly to the NGTL system without the gas ever physically contacting the AP 
system. In these circumstances, NGTL submitted that AP simply nominates volumes directly to 
the NGTL system under its name through the connected plant operator and a commercial or 
paper transaction results, but no AP facilities are used for the physical transaction. NGTL 
submitted that AP collects a toll from its customer for notional receipt service that physically 
moves directly to the NGTL system and argued that there was no tenable reason for AP to play 
the “middle man” in these circumstances and extract a fee for it. 
 
NGTL objected to AP accepting, and having constructed facilities to accommodate, volumes at 
dual connections that are destined to be sent to the NGTL system through exchange service. In 
these cases, NGTL indicated that it might not receive a receipt toll for these volumes on a direct 
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one-to-one basis, because the volumes are netted against other volumes that AP may exchange 
through its NIT account to and from its system and the NGTL system. 
 
NGTL argued that shippers at single connected stations have no other existing physical options 
for production. NGTL indicated that if these shippers ultimately sought to be on the NGTL 
system, then their volumes would at least physically move through AP’s facilities before being 
exchanged to the NGTL system.  
 
NGTL submitted that producers have historically nominated to AP’s system rather than the 
NGTL system at dually connected stations because it represented their lowest cost alternative to 
ultimately get the gas on to the NGTL system, and argued that this historical behaviour may 
continue under the unusually low rates that AP proposed for its OPD services. 
 
NGTL requested that the Board prohibit AP from exchanging volumes to the NGTL Alberta 
System that it receives at dually connected stations. If producers at dually connected stations 
ultimately want to be on the NGTL Alberta System, NGTL argued that they should be required 
to contract directly with NGTL. 
 
Views of the Board 
The Board notes that NGTL raised this issue in argument. The Board agrees with AP and 
IGCAA that this issue should have been presented in evidence. The Board believes this matter is 
of sufficient weight that all parties should have had an opportunity to consider and test it. 
Therefore, the Board will decline to address NGTL’s request at this time.  
 
The Board considers that this matter may be an appropriate issue for the Competitive 
Proceeding. The Board will canvass parties in later months as to the issues to be dealt with in 
that proceeding. 
 
7.10 Pipeline Competition 

Views of the Applicant 
AP submitted that it did not adopt competitiveness or growth opportunities as principles of toll 
design.184 AP also submitted that its COSS was not driven by competitive concerns but was based 
on fully allocated costs to determine where the costs of its system come from.  
 
AP agreed, however, that competitive factors do come into play in some aspects of rate design, 
in particular with respect to the pricing impacts that a commodity OPR rate would have on the 
on-system price of gas.185 AP indicated that it does need to ensure that its rate structure does not 
have any inappropriate impacts on the price of gas.186  
 
AP submitted that the applied for rates and rate design have pluses and minuses and argued that 
there were aspects of the rates and rate design that detract from AP's competitive position.187 
 

                                                 
184  Exhibit 002-02(i-1) – AP Response to IGCAA-AP-6(b). 
185  T2 page 171, lines 8-19; T2, page 217, line 11 to page 218, line 13. 
186  T3 page 236, line 14 to page 237, line 9. 
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AP argued that in recent proceedings it has proposed the policies that it considered appropriate to 
level the playing field and the outcome of the NGTL and Competitive Proceedings would 
indicate whether AP was right regarding its policies. AP indicated that if the Board finds 
NGTL’s applied for rates and policies acceptable, and if major players demonstrate a willingness 
to tolerate NGTL’s practices, then this would impact AP’s future applications to the Board. 
 
With respect to the relationship between the Application and other proceedings, including the 
pipeline competition proceeding, AP submitted that delaying a decision on the Application was 
not appropriate, particularly since the scope of the Competitive Proceeding was uncertain, a 
hearing would not be likely until sometime in 2005 and a Board decision would logically be well 
into 2005. AP indicated that it was requesting 2004 final rates.  
 
AP submitted that a bigger picture or blanket TBO policy, such as that which NGTL had in place 
from 1980-84, and which AP took forward in the NGTL 1995 GRA, is not possible without 
Board intervention and resolution. Therefore, AP urged the Board to first deal with cost 
accountability, cost allocation and LCA policy (including the issue of pricing an LCA TBO) as 
the first step. AP argued that the issue of dual tolling has not disappeared as the 2001/02 EDA 
deficits and the current exchange fee volatility point out. AP submitted that NGTL’s current rate 
design does not facilitate the movement of gas between AP and NGTL in a manner that sends the 
correct intra-Alberta pricing signals and should NGTL retain their basic rate design, TBO will 
undoubtedly be an issue. 
 
Views of the Interveners 

CALGARY 
Calgary was concerned that AP’s proposal to reallocate the costs of OPD and OPR services to 
the general transportation rates would eliminate the price transparency required for the 
development of the overall competitive market. Calgary submitted that pipeline services should 
be transparently priced in order for the market place to fully evaluate service offerings.188 Calgary 
argued that inter-utility pipeline competition would be enhanced and a level playing field would 
be developed when pipeline rates for services were cost based, transparently priced and were 
provided under known terms and conditions for service.  
 
Calgary submitted that the Competition Proceeding should occur following the issuance of the 
Board’s Phase II decisions for both NGTL and AP, and argued that through the competitive 
hearing process or module, both entities could then propose changes to COSS methodology and 
rate design for consideration. Calgary indicated that all parties could then address whatever 
competitive inequities or equities were deemed to exist as a result of the Board’s decisions.  
 
CAPP 

CAPP submitted that the CG’s TBO proposal should not be considered in the AP Phase II 
proceeding. 
 
CCA 
The CCA submitted that AP was clearly attempting to compete with NGTL by lowering 
producer rates and moving costs to core customers, which was not in the public interest. The 

                                                 
188 T 9 Pages 984, 986, 988 and 1010 
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CCA submitted that this cost shift was a result of the failure of NGTL to provide TBO service to 
AP sourced natural gas and argued that the Board should reject the cost shifting as proposed by 
AP and order a TBO option instead, because TBO was a much fairer and favourable outcome 
than inappropriate cost shifting. 
 
The CCA also submitted that AP was continuing to capture exchange revenue from core 
customers and using it to subsidize AP sourced natural gas.  
 
The CCA considered it appropriate that other relevant matters that impact competitive issues 
between AP and NGTL be included in the joint Competitive Proceeding. The CCA submitted 
that key issues included rates, investment policies, mainline versus lateral definitions and TBO. 
 
CG 
The CG submitted that the competition influence of NGTL unquestionably had specific impact 
on the services, rate design and COSS that AP presented. The CG submitted that the 
identification and development by AP of new OPR and OPD cost centers was a response, at least 
in part, to the competitive situation. 
 
The CG submitted that it was not logistically possible for the Board to issue a final decision on 
the AP Phase II proceeding on the proposed new rate design and resultant rates without regard to 
the NGTL Phase II decision on rate design. In addition, the CG submitted that it was unlikely 
that the Board could then determine a final rate design for either utility without regard to the 
further matters that would be considered in the upcoming Competitive Proceeding. 
 
The CG submitted that TBO was the key issue to be considered in the Competitive Proceeding. 
The CG indicated that the record of this proceeding included what might be considered bookends 
of possible TBO approaches. The CG noted that the Phase II Applications of neither AP nor 
NGTL contained any recommendations for implementation of TBO and at the other extreme, the 
full TBO approach of CAPP would completely eliminate, for rate-making purposes, the facilities 
of AP. The CG submitted that the summer and winter TBOs proposed by the CG represented an 
intermediate position that would eliminate the need for OPR and OPD rates, at least as they 
apply to NGTL. 
 
IGCAA 
IGCAA submitted there were two obvious examples where competition between NGTL and AP 
had an influence on the rate design proposed in the AP Phase II proceeding:  
 

• Reallocation of OPR system costs based on nominations rather than implementation of a 
direct demand or a commodity charge, which IGCAA considered consistent with the 
promotion of fair competition between NGTL and AP; and 

• AP’s refusal to accept NGTL FT-P deliveries, which IGCAA submitted was unacceptable 
for reasons described in Section 7.6 of this Decision. 
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NGTL 
NGTL submitted that AP’s competitive position relative to NGTL appeared to be a significant 
factor in AP’s determination to reallocate costs associated with the provision of its OPR and 
OPD services to other customer groups and with respect to its toll levels for OPR and OPD 
services.189 Further, if the Board accepted that competition between regulated utilities was a 
legitimate basis for the reallocation of costs and determination of rates, NGTL stated that it 
would like the Board to provide guidance on whether this factor equally applied to the 
determination of rates for other regulated utilities, i.e. NGTL. 
 
NGTL suggested that AP’s access to, and use of, its NIT account provided AP with economic 
and operational advantages that worked to tilt the “playing field” in AP’s favour. Apart from 
specific concerns about the unavailability of FT-P service at interconnects, NGTL indicated that 
it was not currently requesting that the Board prohibit AP’s access to, or use of, its NIT account. 
Rather, this issue should be included and further considered in the Competitive Proceeding. 
 
Rate 13 
Rate 13 submitted that competitive concerns, primarily with the producers and to a lesser extent 
the industrials, appeared to drive AP’s rate proposal, rather than traditional cost causation. Rate 
13 argued that it was obvious that the distributing companies were the most captive of AP’s three 
real customer classes and it was therefore telling that AP proposed to load significant costs onto 
the distributing company rate, both indirectly and directly. AP chose to compete with NGTL by 
rate engineering, rather than competing by providing the most economic service to customers.  
 
Views of the Board 
The Board has reviewed the submissions of parties on competitive issues and the impact of 
competition on the development and design of rates in the Application. The Board considers that 
competition between the regulated pipelines is a very broad issue and can cover a number of 
aspects, including competition for existing receipts and deliveries (shifts between the pipelines of 
existing customer volumes), competition for new or incremental receipts and deliveries, TBO 
policies, costing practices and rate design practices. In addition, the Board deals with competitive 
matters in other areas, including load retention issues and facilities proliferation.  
 
NGTL requested clarification as to whether competitive concerns would apply equally to rate 
determination for all utilities under the Board’s jurisdiction. The Board notes that it considered 
competitive gas pipeline issues and their impact on the development of rates as early as 1993, as 
indicated in the following passage from Decision E93098: 
 

The Board notes that, in today’s marketplace, the presence of competition for natural gas 
utilities is a factor which cannot be ignored and which can appropriately be considered in 
designing rates.190  

 
The Board believes, generally speaking, that this view is still valid today. Because competition is 
a factor that cannot be ignored by any affected party, and because competitively motivated 
positions by the pipeline companies are to some degree inevitable, the Board considers that these 

                                                 
189 T171, l. 8 to T172, l. 25; and T579; NGTL Argument, P. 15-17 
190 PUB Decision E93098, page 61, dated December 30, 1993, Re CWNG 1992/93 GRA Phase II  
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motivations and their impacts on rates, where material, must be considered as they arise. This 
applies to AP and NGTL alike. 
 
In the present case the Board believes there are clear instances of competitive positions being 
brought forward from both AP and NGTL. Two examples are AP’s proposal to shift the 
collection of UFG/Fuel to receipts, which was explicitly proposed for consistency and 
elimination of competitive mismatches between AP and interconnecting pipelines191, and 
NGTL’s request that the Board require shippers at dually connected stations to nominate 
volumes directly to NGTL rather than through AP, so that NGTL would not forego receipt 
revenues.192 
 
The Board continues to recognize, as it has in the past, that the regulated pipeline utilities may be 
required to respond to a competitive environment and that an appropriate response can achieve 
benefits for all users of the system. For example, the Board has accepted AP’s non-standard 
contracts for loads obtained using competitive rates, on the basis that they have provided a net 
benefit to the system. Conversely the Board recognizes that competitively motivated proposals 
could result in detrimental effects overall. The Board believes at this time that balancing these 
effects will continue to be an issue, and that, broadly speaking, the Board should continue to 
focus on whether a particular proposal results in a net overall benefit to customers in total. 
 
With respect to this Application in the context of other proceedings, the Board tends to agree 
with IGCAA that the most efficient process is to make rate determinations in the respective AP 
and NGTL Phase II proceedings, and to use the Competitive Proceeding for AP, NGTL and their 
customers to react to the respective rate designs. At that time parties may propose further 
measures that might be necessary to address competitive issues between the two companies. 
 
As the Board recently indicated in Decision 2004-069 (NGTL 2004 GRA Phase I), the Board 
considers that there are a number of unresolved competitive issues, and confirms its intent to 
conduct a Competitive Proceeding involving the years 2005 and beyond. Following this 
proceeding it may be that further rate proceedings for either or both of AP and NGTL would be 
appropriate. The Board again confirms that it will canvass interested parties, likely in the fall of 
2004, to assist in developing the scope of the Competitive Proceeding. 
 
 
8 SUMMARY OF BOARD DIRECTIONS 

This section is provided for the convenience of readers. In the event of any difference between 
the Directions in this section and those in the main body of the Decision, the wording in the main 
body of the Decision shall prevail. 
 

1. The Board notes that AP identified amounts of $8.063 million (2003) and $30.529 million 
(2004) that were included in the revenue requirement as placeholders. The Board recognized 
that the 2003/2004 revenue requirements would be impacted by the outcome of various 
ongoing proceedings and benchmarking processes. ................................................................. 4 

                                                 
191 AP Argument, p. 63, lines 1-5. 
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2. The Board agrees with CCA that the FSD rate was not designed for space heating loads. In 
order to confirm that AP’s industrial rates are appropriate for all customers within the 
Industrial customer class, the Board directs AP to file evidence in its next GRA to identify 
the number of industrial customers and associated load where the predominant requirement 
for gas is for processing or manufacturing use, and the number of industrial customers and 
associated load where the primary requirement for gas is for space or water heating, but 
where the operation is for manufacturing, processing or another industrial use. ..................... 9 

3. No evidence was presented to indicate a specific amount of peak demand that would be 
attributable to the isolated systems; however, the Board considers that the peak demand for 
isolated systems would be insignificant due to the small number of customers being served 
from the isolated segments. However, for greater clarity in the future, the Board directs AP in 
its next GRA to remove the peak demand amount for all customer/service classes on 
“isolated systems” from the peak demand allocator used to allocate general system costs. .. 11 

4. Therefore the Board directs AP to reallocate its marketing expenses in its Compliance Filing 
based on actual throughput for 2002....................................................................................... 15 

5. The Board considers that AP’s throughput allocation factor appears reasonable for the 
Customer Support function. In addition, as discussed in Section 7.7, the Board has also 
determined that it is appropriate for AP to use 2002 actual throughput in this situation. 
Therefore the Board directs AP to allocate Customer Support expenses in its Compliance 
Filing based on actual throughput for 2002. ........................................................................... 16 

6. In addition, in its next GRA, the Board directs AP to address the reasonableness of revising 
the peak demand numbers of the delivery service classes for the purposes of allocating Salt 
Cavern expenses. The Board considers that the peak demands associated with Distributing 
Companies and Industrial customers on isolated pipeline systems may not directly cause the 
requirements of the Salt Cavern peaking facility.................................................................... 19 

7. The Board considers that throughput associated with the various receipts and deliveries 
remains a reasonable proxy for allocating the UFG CTM costs. Therefore, the Board directs 
AP, in its Compliance Filing, to allocate 100% of the UFG CTM asset related and O&M 
related expenses to the five service classes based on actual 2002 throughput. ...................... 25 

8. The Board agrees with IGCAA that, to the extent that AP could establish that certain ODC 
would be incurred to avoid adding pipeline facilities, the Board would consider making those 
ODC general system costs. Therefore, the Board directs AP, in its next GRA, to provide 
further evidence with respect to pipeline facility costs that were avoided through ODC as the 
least cost alternative (LCA) and to provide a forecast of the associated ODC for the 
appropriate test years. ............................................................................................................. 32 

9. As noted in Section 7.1, Peak Demand for Cost Allocation and Rate Design, the Board has 
directed AP to remove the straddle plant demand from the Industrial class demand. 
Therefore, the Board considers it appropriate to treat the revenue associated with the SPD 
service in a similar fashion to non-standard revenue and allocate the revenue as an income 
credit to all service classes (before reallocation of OPR and OPD revenues and expenses) 
based on four-hour peak demand. The Board directs AP to allocate the revenue resulting 
from SPD service to all service classes based on a four-hour peak demand. ......................... 34 

10. The Board directs AP to file in its next Phase II application a North and South schedule 
similar in concept to the response to IGCAA-AP02-1 (a)...................................................... 35 
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11. Given the timing of this Decision and the follow-up Compliance Filing, the Board does not 
believe that AP would have enough time to discuss potential OPR and OPD services with its 
customers in order to establish stand alone OPR and OPD services for 2004. The Board is 
prepared to accept AP’s position that OPR and OPD services should not be stand alone 
services at this time. The Board directs AP to confer with its customers to determine whether 
stand alone OPR and OPD services are practical and cost effective and to address this matter 
in its next GRA. ...................................................................................................................... 47 

12. In this case, the Board considers that it is reasonable to base the reallocation on actual 
historical usage. Therefore, the Board directs AP in the Compliance Filing to use 2002 actual 
exchange receipt nominations made by the Primary Service Classes to reallocate the income 
credits and expenses determined for the OPR service class. .................................................. 48 

13. In this case, the Board considers that it is reasonable to base the reallocation on actual 
historical usage. Therefore, the Board directs AP in the Compliance Filing to use 2002 actual 
other pipeline delivery nominations made by the Primary Service Classes to reallocate the 
income credits and expenses determined for the OPD service class. Section 7.7, 2002 Versus 
2004 Data provides Board directions with respect to the 2002 actual other pipeline delivery 
data.......................................................................................................................................... 49 

14. The Board directs AP to describe in the Compliance Filing its process for assigning a 
particular nomination (other pipeline receipt and other pipeline delivery) made by a given 
customer to one of the Primary Service Classes..................................................................... 49 

15. Accordingly, the Board directs AP to ensure in the Compliance Filing, that the rates are 
increased by no more than 25% for any customer class in both the North and the South above 
the rates that were in place as of January 1, 2003................................................................... 52 

16. Given that the Board approved the rate relationships proposed by AP with respect to the FSR 
demand and OR rates and FSR demand and interruptible receipt transportation (ITR) rates, 
the Board recognizes that as AP’s shifts Net Revenue Requirements to/from the Producer 
Receipt service class, the FSR OR revenue and IRT revenue will be impacted. The Board 
directs AP to take this revenue impact into account when establishing the Net Revenue 
Requirements for the Producer Receipt service class. ............................................................ 53 

17. At this time, the Board is of the view that the rate differential due to system differences 
between the North and the South is of a magnitude that would not permit the use of a 
province wide weighted average rate. Therefore the Board directs AP to submit separate 
North and South rates for each customer class in its Compliance Filing. .............................. 54 

18. With respect to the Rate Schedules, the Board directs AP to file an updated version of all 
schedules in the Compliance Filing based on Board determinations in this Decision. .......... 54 

19. The Board agrees with FGA that AP should develop planning procedures with the 
Distributing Companies that would satisfy the needs of both the distributing companies and 
AP. Therefore the Board directs AP to discuss this matter further with the Distributing 
Companies and to file a proposal in its next GRA. It appears to the Board that the details on 
such a proposal could be included in AP’s BP&P.................................................................. 76 

20. Therefore, the Board directs AP to refile the rate schedule for Delivery Transportation 
Service to Other Pipelines (Rates OPDM and OPDC) as part of its Compliance Filing in such 
a way that the OPDM and OPDC services are clearly defined and that the service provisions 
and service requirements with respect to the other pipelines (NGTL, Alliance and 
MIPL/TransGas) are clearly distinguished for both OPDM and OPDC. The Board requests 
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that unique aspects of the OPDM and OPDC services with respect to each connecting 
pipeline be clearly defined. The rate schedules should also clearly indicate the responsibility 
of the customer with respect to charges from the other connecting pipelines. ....................... 80 

21. As noted in Section 3.7, Reallocation of OPR and OPD Expenses and Revenues, the Board 
has determined that a fully cost based OPD service with stand alone rates would not be 
required at this time. At present, the Board is prepared to accept AP’s proposed methodology 
for establishing the OPDC rate. However the Board considers that the rate will have to be 
updated by taking into account the revisions to AP’s cost allocations as reflected in this 
Decision. Therefore the Board directs AP to recalculate the OPDC rate for the North and 
South as part of the Compliance Filing. The new OPDC rate should be established by using 
the same expense and revenue categories that AP used in its proposed methodology, but the 
values assigned or allocated to the three delivery service classes for these expense and 
revenue categories will have to be updated based on the Board’s revised allocation and 
assignment methodologies described in this Decision............................................................ 81 

22. Therefore, the Board directs AP, in the Compliance Filing, to revise the SPD rate to the 
OPDC rate without deductions and to effect the required changes in the income credit 
allocation section of the rate design........................................................................................ 83 

23. In respect of the CCA concern, until some evidence is provided that demonstrates to what 
extent the monthly fee may present with the MAS rate, a barrier to smaller customers use of 
the account, the Board does not consider the rate to be unreasonable. Therefore, the Board 
approves the MAS rate schedule as proposed by AP. However, the Board directs AP to file a 
market barrier analysis on the MAS rate when it applies for any future variance in the rate, 
which may be on a stand alone basis or as part of its next Phase II GRA.............................. 84 

24. The Board considers it appropriate for AP to apply for rate riders as required, separate and 
apart from this proceeding. However, for completeness, the Board directs AP to include the 
current rate rider schedules for both the North and South in the Compliance Filing. ............ 84 

25. The Board views that the item related to contract term will be an integral requirement of the 
revised schedule of rates approved in this Decision. Therefore, the Board directs AP, in its 
Compliance Filing, to include the issue of contract term, currently Section 2.3 of the BP&P, 
into the appropriate sections of its RS. ................................................................................... 96 

26. The Board also directs AP to file updated TSR in the Compliance Filing based on Board 
determinations in this Decision............................................................................................... 96 

27. Having concluded that Section 51 of the GUA does not prevent the discontinuation of the 
sales service, that the provision of such a service would not be within the customary activities 
of AP, and that the provision of such a service would create additional costs going forward, 
the Board agrees with AP that it should cease to provide the sales service to Rate 5 
customers. The Board considers that the Rate 5 customers should receive FSU service on a 
demand rate basis as proposed by AP. Where a demand figure has not been settled between a 
Rate 5 customer and AP, or otherwise determined, the Board considers that AP’s forecast of 
customer demand should be used for the test years, since no evidence was submitted to the 
contrary on this point. However, as discussed in Section 7.8.1, for refund purposes to Samson 
Band and Redwater, the Board has directed AP to use the maximum daily quantity shown for 
these Rate 5 customers in the FGA Argument. AP’s forecast demand number should be 
adjusted as necessary to reflect the Board’s direction in Section 7.1 that the four-hour peak 
demand be used for billing purposes. ................................................................................... 122 
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28. As discussed in Section 5.4.1, it appears beneficial to smaller Distributing Companies to be a 
part of a larger service class. As part of a larger service class, smaller Distributing 
Companies may be insulated to a degree from potentially higher cost of service charges (and 
associated rates) reflecting the physical realities of providing service in geographically large 
areas with lower population densities. Although the Board appreciates FGA’s argument that 
ownership of certain metering facilities should directionally lower their overall costs, the 
Board considers that this is one element of many that the Board must consider when making 
its determination of whether or not the overall rates charged to FGA continue to be fair and 
reasonable. Accordingly, the Board has determined that Gas Alberta should not be billed on a 
rate separate and distinct from the rates for the Distributing Companies, and that there should 
not be a reduction in the rate related to Gas Alberta’s ownership of certain metering 
equipment. The Board declines to provide for a credit for meter ownership in the calculation 
of the refund owed to Gas Alberta by AP............................................................................. 148 

29. As indicated, the revenue forecast by AP for the 2003 and 2004 test years was determined on 
AP’s proposed demand rates for transportation service to utilities, including Gas Alberta. 
However, the actual billings to Gas Alberta for the period from January 1, 2003 to March 1, 
2004 were on commodity rates, which produced a higher amount of revenue. The Board 
considers that AP’s billings on commodity rates generated revenue in excess of the revenue 
forecast prepared on a demand basis. Therefore, the excess non-forecast revenue should be 
refunded to Gas Alberta without any adjustment to other revenue forecasts or other rates to 
recover the refund. The Board directs AP to calculate the refund as part of the Compliance 
Filing based on the findings in this Decision........................................................................ 150 

30. As indicated, the revenue forecast by AP for the 2003 and 2004 test years was determined on 
AP’s proposed demand rates for transportation service to utilities, including Rate 5 
customers. However, the actual billings to Samson Band and Redwater for the period from 
March 1, 2004 to the date of commencement of final rates in 2004 will have been on 
commodity rates, which produced a higher amount of revenue. The Board considers that 
AP’s billings on commodity rates generated revenue in excess of the revenue forecast 
prepared on a demand basis. Therefore, the excess non-forecast revenue should be refunded 
to Samson Band and Redwater without any adjustment to other revenue forecasts or other 
rates to recover the refund. The Board directs AP to calculate the refund as part of the 
Compliance Filing based on the findings in this Decision. .................................................. 151 

31. With respect to demand billing determinants in the refund period, the Board directs AP to use 
the maximum daily quantity shown for Samson Band and Redwater in the FGA argument.
............................................................................................................................................... 152 
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9 ORDER 

IT IS HEREBY ORDERED THAT: 
 
(1) ATCO Pipelines shall comply with all Board directions in this Decision. 

 
(2) ATCO Pipelines shall refile its 2004 Phase II GRA (the Compliance Filing) as required 

by this Decision, on or before October 4, 2004, incorporating the findings and directions 
in this Decision. 

 
(3) In the Compliance Filing, ATCO Pipelines shall include all necessary supporting 

schedules for the Board to make its final determination respecting ATCO Pipelines’ 2004 
rates. The Compliance Filing shall be at a level of detail sufficient to reconcile with the 
original Application and to demonstrate compliance with the Board’s findings and 
directions in this Decision. 

 
 
Dated in Calgary, Alberta on September 24, 2004. 
 
ALBERTA ENERGY AND UTILITIES BOARD 
 
 
 
(original signed by) 
 
C. Dahl Rees 
Presiding Member 
 
 
 
(original signed by) 
 
B. T. McManus, Q.C. 
Member 
 
 
 
(original signed by) 
 
M. W. Edwards 
Acting Member 
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APPENDIX 1 – PARTIES PARTICIPATING IN THE PROCEEDING 

Principals and Representatives 
(Abbreviations used in Report) 

 
Witnesses 

ATCO Gas 
 L. Smith 
 

 G. Schmidt 

ATCO Pipelines 
 N. Gretener 
 M. Buchinski 
 

 D. Belsheim 
 E. Jansen 
 D. Rochon 
 R. Johnston 
 

Aboriginal Communities and Care Centre Group 
A. Ackroyd 
J. Graves 
 

 R. Bellows 

Alberta Irrigation Projects Association 
 H. Unryn 
 D. Hill 
 

 

AltaGas Utilities Inc. 
 J. James 
 R. Koizumi 
 R. Jeerakathil 
 L. Meyer 
 

 

BP Canada Energy Company 
 P. Raina 
 

 

Burlington Resources Canada Partnership 
 D. Fleming 
 

 

Canadian Association of Petroleum Producers (CAPP) 
 N. Schultz 
 R. Fairbairn 
 

 G. Stringham 
 R. Moore 

Cargill Power & Gas Markets 
 A. Bianchi 
 

 

Compton Petroleum Corporation 
 T. G. Millar 
 

 

Consumers Coalition of Alberta (CCA) 
 J. Wachowich 
 J. Jodoin 
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Principals and Representatives 
(Abbreviations used in Report) 

 
Witnesses 

Consumers Group (CG) 
 Alberta Urban Municipalities Association 

(AUMA)/City of Edmonton (EDM) 
  J. A. Bryan 
 
 Public Institutional Consumers of Alberta (PICA) 
  N. McKenzie 
 

 R. Liddle 
 R. Retnanandan 

Coral Energy Canada Inc. 
 K. McKnight 
 

 

Direct Energy Regulated Services 
 K. Miller 
 G. Newcombe 
 

 

EnCana Corporation 
 R. Powell 
 

 

Federation of Alberta Gas Co-ops and Gas Alberta Inc. 
 T. D. Marriott 
 
 

 D. Symon 
 D. Campbell 
 K. Dannacker 
 

Husky Energy Marketing Inc. 
 D. Danyliw 
 

 

Imperial Oil Resources 
 R. Moore 
 

 

Industrial Gas Consumers Association of Alberta 
(IGCAA) 
 B. Roth 
 

 N. MacMurchy 
 G. Sproule 
 K. Wazney 
 

Nexen Marketing 
 D. Cameron 
 S. Young 
 

 

NOVA Gas Transmission Ltd. 
 P. Keys 
 I. Berbekar 
 

 

Petro-Canada 
 R. Cameron 
 S. Miller 
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Principals and Representatives 
(Abbreviations used in Report) 

 
Witnesses 

Producers Marketing Ltd. 
 J. Gerwing 
 

 

Rate 13 Group 
 L. Manning 
 

 

Shell Canada Ltd. 
 R. Gall 
 

 

Talisman Energy Inc. 
 F. Basham 
 

 

The City of Calgary (Calgary) 
 B. Meronek 
  
 

 M. Lively 
 H. Vander Veen 
 

University of Alberta 
 P. Smith 
 N. Chymko 

A. da Silva 
 

 

Weyerhaeuser Company Limited 
 K. Logan 
 

 

Alberta Energy and Utilities Board 
Board Panel 
 
 C. Dahl Rees, Chair 
 B. T. McManus, Member 
 M. W. Edwards, Acting Member 
 
Board Staff 

 B. McNulty, Board Counsel 
 D. Popowich 
 M. Hagan 
 M. McJannet 
 A. Laroiya 
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APPENDIX 2 – ABBREVIATIONS 
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Abcom/CCG means Aboriginal Communities and the Care Centre Group 
AG means ATCO Gas 
AGN means ATCO Gas North 
AGS means ATCO Gas South 
AP means ATCO Pipelines 
APN means ATCO Pipelines North 
APS means ATCO Pipelines South 
AUMA/EDM means Alberta Urban Municipalities Association and The City of Edmonton 
Board or EUB means the Alberta Energy and Utilities Board 
BP&P means Business Policy and Practices 
CALGARY means The City of Calgary 
CAPP means Canadian Association of Petroleum Producers 
CCA means Consumers Coalition of Alberta  
CD means Contract Demand 
CG means the Consumer Group 
COSS means Cost of Service Study 
CTM means Custody Transfer Meter 
CWNG means Canadian Western Natural Gas Company Limited 
DERS means Direct Energy Regulated Services 
DGP means Delivered Gate Price 
DSP means Default Supply Provider 
EDA means Exchange Deferred Account 
FCS means Facilities Connection Service 
FGA means the Federation of Gas Co-ops and Gas Alberta Inc. 
FSD means Firm Service Delivery or Firm Delivery Transportation Service 
FSR means Firm Service Receipt 
FSU means Firm Service Utility or Firm Delivery Service for Distributing Companies  
FSRS means Firm Short-term Receipt Transportation Service 
FT-A means Firm Transportation - Alberta Delivery Service 
FTEs means Full-time Equivalents 
FT-P means NGTL’s Firm Transportation Point-to-Point Service 
GCRR means Gas Cost Recovery Rate 
GJ means Gigajoule 
GRA means General Rate Application 
GS means General System 
GUA means Gas Utilities Act, R.S.A. 2000, c. G-5 
GURDI means Gas Utilities Rate Design Inquiry 
IGCAA means Industrial Gas Consumers Association of Alberta 
I/P means Industrial and Producer 
IT means Interruptible 
ITR means Interruptible Receipt Transportation 
LCA means Least Cost Alternative 
LDC means Local Distribution Company 
LRS means Load Retention Service 
MAS means Market Account Service 
MAV means Minimum Annual Volume 
Mcf means Million cubic feet 
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MIPL/TransGas means Many Islands Pipeline/TransGas 
MOU means Memorandum of Understanding 
M&R means Measurement and Regulating  
NCP means Non-Coincident Peak 
NGTL means NOVA Gas Transmission Ltd. 
NIT means NGTL Inventory Transfer 
NUL means Northwestern Utilities Limited 
O&M means Operating and Maintenance 
ODC means Oversupply Delivery Costs 
OPDC means Other Pipeline Delivery Commodity 
OPD means Other Pipeline Deliveries 
OPDM means Other Pipeline Delivery – Must Flow 
OPR means Other Pipeline Receipts 
OR means Overrun 
PICA means Public Institutional Consumers of Alberta 
RS means Rate Schedules 
SPD means Straddle Plant demand 
TBO means Transportation by Others 
TCPL means TransCanada Pipelines 
TJ means Tera Joules 
TSA means Transportation Service Agreement 
TSR means Transportation Service Regulation 
UFG means Unaccounted for Gas 
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APPENDIX 3 – RELATED DECISION REPORTS/PREVIOUS BOARD DECISIONS 
REFERENCED 

Decision E90024 
 

Canadian-Montana Gas Company Limited 
Application by Canadian-Montana Gas Company Limited for an 
order of the Public Utilities Board pursuant to the Public Utilities 
Board Act declaring that Canadian- Montana Gas Company 
Limited is not an owner of a public utility, and pursuant to the Gas 
Utilities Act, declaring that Canadian-Montana Gas Company 
Limited is not an owner of a gas utility. 
Dated March 2, 1990 
 

Decision E93098 
 

Canadian Western Natural Gas 
1992/93 GRA Phase II 
Dated December 30, 1993 
 

Decision U96055 NOVA Gas Transmission Ltd.  
1995 General Rate Application - Phase II  
Dated June 12, 1996 
 

Decision U97096 
 

NOVA Gas Transmission Ltd.  
Application for Approval of a New Service Offering the Load 
Retention Service (LRS) Including Applicable Terms and 
Conditions of Service. 
Dated November 14, 1997 
 

Decision U99034 
 

Alberta Power Limited 
1996 General Rate Application – Phase II 
Dated August 10, 1999 
 

Decision 2000-6 NOVA Gas Transmission Ltd. 
1999 Products and Pricing 
Dated February 4, 2000 
 

Decision 2000-84 ATCO Pipelines North and South 
Transmission Transportation Service Interim Rates 
Dated December 22, 2000 
 

Decision 2001-53 ATCO Pipelines 
Approval of Rates, Tolls, Charges, and Transportation Service 
Regulations; Approval of Amendments to North and South 
Transmission Transportation Agreements 
Dated June 11, 2001 
 

Decision 2001-97 ATCO Pipelines South 
2001-2002 General Rate Application Phases I and II 
Dated December 12, 2001 
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Decision 2002-111 
 

ATCO Pipelines South 
2001/2002 General Rate Application, and Part A: Asset Transfer, 
Outsourcing Arrangements, and GRA Issues 
Dated December 17, 2002 
 

Decision 2003-019 
 

Aquila Networks Canada (Alberta) Ltd. 
2002/2003 Distribution Tariff 
Dated February 28, 2003 
 

Decision 2003-035 ATCO Pipelines North and South 
2003/2004 General Rate Application Phase I – Request for 
Approval to Commence a Negotiated Settlement 
Dated April 30, 2003 
 

Decision 2003-040 ATCO Group 
Affiliate Transactions and Code of Conduct Proceeding, 
Part B: Code of Conduct 
Dated May 22, 2003 
 

Decision 2003-051 
 

NOVA Gas Transmission Ltd. 
2003 Revenue Requirement and Tariff Settlement Applications 
Dated June 24, 2003 
 

Decision 2003-100 ATCO Pipelines 
2003/2004 General Rate Application - Phase I 
Dated December 2, 2003 
 

Decision 2003-105 NOVA Gas Transmission Ltd. 
Request for 2004 Interim Rates, Tolls, and Charges 
Dated December 16, 2003 
 

Decision 2004-003 ATCO Pipelines 
2003/2004 General Rate Application – Phase I 
Errata of Decision 2003-100 
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Dated March 9, 2004 
 

 
172   •   EUB Decision 2004-079 (September 24, 2004) 



2004 GRA – Phase II  ATCO Pipelines 
 

Decision 2004-038 ATCO Pipelines 
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APPENDIX 4 – BOARD ADJUSTMENTS TO AP COSS COMPONENTS – NORTH 

Item AP February 2, 2002 COSS Board Approved Section 
Reference 

Distribution Company Billing Demand 1 hour (1,343 TJ/day) 4 hour (1,316 TJ/day) 7.1 
Distribution Company 4 Hour Peak 
Demand 

1,321 TJ/day 1,316 TJ/day 7.1 

Marketing Expense Allocator Sum of all other costs 
excluding a few items. 

Throughput 3.5.1 

UFG CTM Expense Allocator 50% direct to Distribution. 
50% throughput 

100 % throughput 3.5.5.2 

ODC Allocator 4 hour peak demand Direct to OPD 3.5.6.4 
OPD Reallocation Allocator 4 hour peak demand OPD nominations 3.7 
OPDC Revenue Allocator 4 hour peak demand OPD nominations 3.7 
IT/OR Allocator 4 hour peak demand Direct to Producers 3.6 
OPR Nomination Allocator 2002 data including OPR 

nominations for non-standard 
contracts 

2002 data excluding OPR 
nominations for non-standard 

contracts 

7.7 

Throughput Allocator 2002 data including throughput 
for non-standard contracts 

2002 data excluding throughput 
for non-standard contracts 

7.7 

Industrial 4 Hour Peak Demand  
(for cost allocation) 

Included Straddle Plant 
demand (662 TJ/day) 

Excluded Straddle Plant 
demand (609 TJ/day) 

7.1 

Straddle Plant Revenue Allocator Direct to Industrial All classes based on 4 hour 
peak demand 

3.6 

SPD Rate OPDC rate less Salt Cavern 
expenses and Other Directly 
Allocated Expenses 

OPDC rate. 5.6 

OPR Rate 1.5 cents/GJ 1.4 cents/GJ 5.2 
OPR “Demand” 1,026 TJ/day 968 TJ/day 7.1 
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APPENDIX 5 – BOARD ADJUSTMENTS TO AP COSS COMPONENTS - SOUTH 

Item AP February 2, 2002 COSS Board Approved Section 
Reference 

Distribution Company Billing Demand 1 hour (1,137 TJ/day) 4 hour (1,112 TJ/day) 7.1 
Distribution Company 4 Hour Peak 
Demand 

1,115 TJ/day 1,112 TJ/day 7.1 

Marketing Expense Allocator Sum of all other costs 
excluding a few items. 

Throughput 3.5.1 

UFG CTM Expense Allocator 50% direct to Distribution. 
50% throughput 

100 % throughput 3.5.5.2 

ODC Allocator 4 hour peak demand Direct to OPD 3.5.6.4 
OPD Reallocation Allocator 4 hour peak demand OPD nominations 3.7 
OPDC Revenue Allocator 4 hour peak demand OPD nominations 3.7 
IT/OR Allocator 4 hour peak demand Direct to Producers 3.6 
Throughput Allocator 2002 data including throughput 

for non-standard contracts 
2002 data excluding throughput 

for non-standard contracts 
7.7 

OPR Rate 1.5 cents/GJ 1.4 cents/GJ 5.2 
OPR “Demand” 769 766 7.1 

 
 
 
APPENDIX 6 – OTHER RATE CHANGES DUE TO BOARD ADJUSTMENTS – 

NORTH AND SOUTH 

Item 
FSR Demand Charge 
FSR Overrun Charges 
FSRS Demand Charge 
FSRS Overrun Charges 
ITR Charges 
FSD Demand Charges 
FSD Overrun Charges 
FSU Demand Charge 
OPDM Overrun Charge 
OPDC Charge 
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ALBERTA ENERGY AND UTILITIES BOARD 
Calgary  Alberta 
 
 
ATCO ELECTRIC LTD. Decision 2007-086 
2008 DISTRIBUTION TARIFF PHASE II Application No. 1500878 
 
 
1 INTRODUCTION 

The Alberta Energy and Utilities Board (EUB or Board) received Application No. 1500878 (the 
Application) dated February 5, 2007 from ATCO Electric Ltd. (AE or the Company) requesting 
approval of AE’s 2008 Distribution Tariff (DT) Phase II Application. 
 
Notice of the Application was published in major Alberta newspapers, distributed by e-mail and 
posted on the Board’s website. In the Notice of Application, the Board set out the preliminary 
steps of a process to deal with these matters, which ultimately followed the schedule below: 
 
Process Step Deadline Date 
Application Registered February 5, 2007 
Notice Issued February 14, 2007 
Filing of Issues requiring Clarification at AE Technical Meeting February 28, 2007 
Statement of Intent to Participate March 6, 2007 
Preliminary Issues List March 7, 2007 
Technical/Information Meeting  March 9, 2007 
Filing of Additional AE Material Re: Technical Meeting (if any) March 16, 2007 
Comments on Issues List March 20, 2007 
Revised Issues List March 27, 2007 
Information Requests to Applicant April 3, 2007 
Intervener Budgets April 10, 2007 
Applicant Budget April 11, 2007 
Board Comments on Budgets  April 18, 2007 
Information Responses from Applicant April 24, 2007 
Intervener Evidence May 15, 2007 
Information Requests to Interveners May 28, 2007 
AAMDC/AFREA Intervener Evidence May 18, 2007  
Information Responses from Interveners June 11, 2007 
Rebuttal Evidence June 18, 2007 
Hearing – EUB Edmonton Office  
12th Floor, 10055 - 106 Street June 25, 2007  
 
A public hearing was convened in Edmonton, on June 25, 2007 before Board members 
Mr. A. J. Berg, P.Eng. (Presiding Member), Ms. L. J. Bayda (Acting Member), and 
Mr. M. W. Edwards (Acting Member). The oral evidentiary part of the process was completed 
on June 29, 2007. The Board set dates of July 23, 2007 and August 9, 2007 respectively for 
Argument and Rebuttal Argument.  
 
Accordingly, for the purposes of this Decision, the Board considers the record to have closed on 
August 9, 2007. 
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In reaching the determinations contained within this Decision, the Board has considered the 
record of this proceeding, including the evidence and argument provided by each party. 
Accordingly, references in this Decision to specific parts of the record are intended to assist the 
reader in understanding the Board’s reasoning relating to a particular matter and should not be 
taken as an indication that the Board did not consider other relevant portions of the record with 
respect to that matter. 
 
 
2 RESPONSES TO BOARD DIRECTIONS 

In response to previous Board directions in Decision 2005-025,1 AE undertook several studies 
and incorporated the results in its Terms and Conditions of Service, cost of service model, 
investment policy design and rate design. In this section the Board examines the results of 
studies for which issues arose in this proceeding and provides its findings on those issues. 
 
2.1 Power Factor Study  
In Decision 2005-025, the Board directed AE to undertake a comprehensive study with respect to 
the causes of poor power factor, the associated penalty and solutions to resolve the issues 
brought forward by interveners. AE engaged the services of RCGI Consulting (RCGI) to 
undertake all aspects of the study, including an analysis of the costs to provide service to sites 
with low power factor. As a result of this study, AE proposed to change the power factor tariff 
from 29.59¢ per kVA per day to 16.14¢ per kVA per day for customers on the large general 
service/industrial rates and from 29.59¢ per kVA to 37.12¢ per kVA per day for customers on 
AE’s oilfield rates.  
 
Stakeholder input sessions in the development of the study and in the preparation of the final 
report were provided and the input received from parties was reflected in the study. 
 
The Public Institutional Consumers of Alberta (PICA) noted that AE’s proposed power factor 
charges were based on system degradation costs at an 85% power factor, however, the study 
revealed incremental system capacity resulting from low power factor increases from 108% at a 
power factor of 85% to 115% and 124% at power factors of 80% and 75%. PICA submitted that 
for customers with power factors lower than 85%, the low power factor costs would be 
materially higher than the charges based on an 85% power factor. PICA questioned AE’s 
assumption that power factor charges based on an 85% power factor would reflect the average 
power factor for customers in all rate classes with low power factor.  
 
To address this uncertainty, PICA recommended that AE be directed to monitor the average 
power factors by rate class and propose any changes to the power factor charges necessary to 
recover low power factor costs at the average power factor for each class as part of its next DTA 
Phase II. 
 
AE submitted that there were several difficulties with PICA’s proposal. First, AE does not 
monitor “average power factor” for each rate class. Further, low power factor is not limited to 
any one class. Rather, it spans all rate classes as low power factor occurs where motors are 
                                                 

 

1  Decision 2005-025 – ATCO Electric Ltd. 2004 Phase II Distribution Tariff (Application 1349514) (Released: 
April 6, 2005) 

2   •   EUB Decision 2007-086 (November 8, 2007) 
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running lightly loaded. AE submitted that the proposed power factor charge was designed to 
address this situation. Second, the concept of “average power factor” for a rate class had no 
practical value, as a customer's power factor fluctuates as it turns motors on and off.  
 
AE submitted that there was no practical means of determining the aggregate power factor of all 
customers within a rate class at any point in time.  
 
2.1.1 Views of the Board 
The Board notes that AE’s power factor study reflected input from interested parties, and was not 
opposed by any party. The Board has reviewed the study and finds that it addresses the issues 
and concerns expressed by the Board in the last Phase II application. The Board finds that the 
changes AE proposed to its power factor tariff should be implemented in order to improve cost 
recovery from the customers that cause low power factor costs and to provide an incentive for 
those customers to improve their power factors.  
 
The refinements to the power factor study recommended by PICA, are not supported by any 
evidence respecting the usefulness or practicality of monitoring average power factor charges by 
rate class. From the record, the Board observes that aggregate total load is used for system 
planning and that AE works with individual customers to improve load factor. In this context, the 
Board questions the usefulness of a class average load factor. Further, AE suggests, that there 
would be significant costs involved in determining the average power factor of each rate class 
and refining the study in an attempt to determine an appropriate charge for each rate class. The 
Board is not convinced that such costs should be incurred at this time. Therefore the Board does 
not accept the recommendation made by PICA. 
 
Accordingly, the Board approves AE’s proposed power factor charges of 16.14¢ per kVA per 
day for customers on the large general service/industrial rates and 37.12¢ per kVA per day for 
customers on AE’s oilfield rates.  
 
2.2 Average Age Study and Investment Levels 
AE prepared an average age study2 (the Average Age Study) to determine the average age of 
customer facilities by rate class in response to Direction No. 48 from Decision 2005-025. AE 
indicated in the Average Age Study that it does not track asset ages by rate class, so it used 
yearly customer counts (net additions) as a proxy method to determine average age. AE indicated 
that this method was employed because it measures average age consistently across all rate 
classes. A copy of the information used for the derivation of the results was provided by AE in 
response to UCA-ATCO-2. 
 
AE explained that the Rural Capital Costs Assignment (RCCA) study results were not used by 
AE as part of this exercise, since the RCCA study only examined rural work orders, whereas 
approximately 75% of customers are non-rural based. 
 
AE stated that average ages were used in combination with additional factors to derive the 
maximum allowable investment per unit.  
 

                                                 
2  Application, Section 8, Attachment 5 
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Similar to the approach utilized by AE in the 2004 DTA, AE stated that the factors considered in 
the development of the proposed investment levels, include the average historical local extension 
cost per rate class, the calculated maximum allowable investment per unit from the study and the 
capping of the change in investment levels at 10%, in consideration of intergenerational equity.  
 
Based on a review of the Average Age Study and related information requests, PICA 
recommended that the study be accepted by the Board. 
 
The Office of the Utilities Consumer Advocate of Alberta (UCA) questioned AE’s contention 
that its proposed methodology measures average age correctly for all rate classes. UCA noted 
that a comparison of the two methods revealed that a RCCA Farm average age of 19 years as 
shown in UCA-ATCO-2(b) did not match the Average Age Study age of 29 years for that class. 
Similarly, the RCCA Industrial average age of 15 years did not match the Average Age Study of 
20 years. 
 
UCA also questioned the proxy method used by AE in the Average Age Study. The Average 
Age Study used a combined rural versus non-rural group of customers, and showed that oilfield 
customers had nearly the same average age excepting farm customers. Yet, the RCCA 
calculations in UCA-ATCO-2(b) showed nearly the same average age of all rural customer 
classes (i.e. approximately 18 years) with the exception of industrial customers who have an 
average age of 15 years.  
 
UCA noted that the RCCA study used specific work order information dating back a number of 
years, and that this information had been considered to be robust, therefore, this information 
should be reliable and useable.  
 
The UCA did not recommend any changes to the calculation of investment levels that utilized 
the average age of assets but recommended that the Board direct AE to further investigate the 
proxy method it has used in the Average Age Study. In particular, the UCA recommended the 
Board direct AE for its next GTA, to further split the Average Age Study into a rural versus non-
rural examination to determine the robustness of the proxy methodology when compared to the 
RCCA results shown in UCA-ATCO-2(b). 
 
AE noted that while the proposed investment levels for the industrial and farm rate classes may 
be reduced somewhat if the RCCA Study were utilized, the UCA was not recommending any 
changes in investment levels. AE submitted that the fact that the RCCA and proxy methods 
yielded similar results should provide additional comfort that the proposed proxy methodology is 
valid. 
 
2.2.1 Views of the Board 
The Direction in Decision 2005-0253 that triggered the Average Age Study was as follows: 
 

The Board also notes the issue raised by PICA that investment levels are tied in part to 
the average age of assets. The Board considers that for AE’s next Phase II application, it 
would be useful in assessing the investment level to have a study that determines the 
average age of assets. Therefore, the Board directs AE, in its next Phase II application, to 

                                                 

 
3  Decision 2005-025, pages 61-62 
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provide support for the average age of customer facilities by rate class used for 
calculating RCN (replacement cost) by rate class. (Parenthesis added)  

 
The Board considers that the Average Age Study used a consistent approach across all rate 
classes which would not be possible if AE used the RCCA study as that study only concerned the 
rural rate classes.  
 
While the Board notes that the UCA raised in Argument several seeming inconsistencies 
between the RCCA study and Average Age Study, the Board would have expected some 
differences in the results of the studies since they were conducted on entirely different bases.  
 
Nonetheless, the Board has some difficulty with the treatment of the negative customer numbers 
in the Average Age Study for Farm and Commercial Customers in UCA-ATCO-2 Schedule 1. 
The Board notes that using a negative number increases the average age of all customers in the 
class even though the average age of the customers leaving is unknown. It appears to the Board 
that if those numbers are set to zero in the study, then the average age for farm customers is 
reduced to 26 years. For this reason the Board would prefer to use 26 years as the average age for 
farm customers and notes that doing so will not affect AE’s investment levels for this proceeding 
since AE is already increasing its investment for farm customers by the 10% maximum.  
 
This change reduces the difference between the RCCA and Average Age Study from 10 years 
to 7 years (29-19 vs. 26-19). The Board does not consider that the changes in investment levels 
that would arise from differences of a few years in average class age would have significant 
impact on inter-generational customer class equity, even if the investment levels were 
determined based only on RCN generated maximum investment levels.4 Accordingly, the Board 
is not persuaded that the impact of changes in average class ages, even if they could somehow be 
reconciled or corrected as between the two studies, would be enough to warrant the costs of 
further study.  
 
The Board considers that AE has complied fully with the above direction by providing the 
Average Age Study which it used in assessing the investment levels proposed in the Application. 
 
2.3 Load research: Distribution Loss Study  
The Distribution Loss Study proposed by AE in the Application was based on a stratified sample 
of distribution feeders in the AE system. Each of the feeder systems was studied to analyze the 
customers and losses associated with that system. AE stated that the information from all of the 
sample feeder systems was then combined to produce an estimate for the entire distribution 
system. AE stated that the results of these studies, which extended back five years, were 
combined and used to forecast distribution system energy and demand losses and to allocate 
these losses to AE rate classes and subgroups.  
 
UCA submitted that AE’s calculation method using MW-mile, which kept loss factor constant, 
did not recognize the basis for electrical losses and therefore favoured customers closest to the 
point of delivery (POD). UCA proposed the use of I2R methodology on the primary system to 
allocate losses, which increases or decreases the loss factor with the loading on a line. 
 

                                                 
4  Application, Section 8, Schedule 8-B-4 
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UCA questioned the randomness of samples used in AE’s 2004 Loss Study and was concerned 
that detailed data on losses by segment was not used to allocate total losses to customer classes. 
UCA also argued that AE’s averaging of the results of the 2004 Loss Study with four previous 
loss studies did not satisfy its concerns with the lack of sensitivity in the 2004 Loss Study. UCA 
explained that AE had not provided the results of the standard industry method for assessing the 
results of the sample selection process or a sensitivity analysis regarding the average of the five 
loss studies. UCA urged the Board to direct AE to report on the appropriate industry standard 
means to assess the precision of results produced from a random sample in its next loss study. 
 
UCA also recommended the Board should direct AE to use the detailed loss data5 and the 
information by class6 to develop loss factors by class of customers, and that AE should be 
directed to use a different procedure in the next loss study. UCA recommended the Board should 
direct AE to work with UCA and other interested parties to develop other methods to improve 
the adequacy of loss determination for all customers. 
 
The Alberta Sugar Beet Growers and Potato Growers of Alberta (ASBG/PGA) was concerned 
with the supporting documentation provided by AE, and contended that the details of the model 
were a black box that did not allow interveners the opportunity to fully test and examine the 
underlying rationale of the results. ASBG/PGA disagreed with the AE method of using a 
kw-kilometer or kilometer basis for allocating losses to a customer class and submitted that 
losses were a function of I2R which would cause more losses in heavily loaded lines closer to the 
transmission POD than in more lightly loaded lines closer to the customer meter. 
 
ASBG/PGA further submitted that AE’s use of a flow program that simulates the distribution 
network at the winter peak conditions and then utilizes the same flow data for summer peak 
conditions overstates the amount of losses in the summer peak condition, as the summer peak 
was 90% or less than the winter peak. Instead, ASBG/PGA urged the Board to direct that 
irrigation services primary losses be based on the UCA study of 2.5%. In the alternative, if the 
UCA Study was not accepted, then ASBG/PGA recommended that the Board consider the 
decision made by the Board in the FortisAlberta Inc. (FAI) proceeding (Decision 2006-099,7 
page 54) where farm loss factors were limited to 5% and loss factors were prorated for all other 
rate classes to achieve the same forecast overall losses. A further alternative proposed for 
consideration would be to cap the primary losses at the mid-point of the AE and UCA studies at 
4.85% (average of 7.2% and 2.5%) pending a new study for the next GTA that takes into account 
the I2R factor in a transparent manner. ASBG/PGA recommended that, due to the need for a cap 
on the primary losses and potential overstatement of secondary losses, it would be more 
appropriate to limit the overall 2008 GTA irrigation losses to the 2004 GTA losses level being 
6.5%.8  
 
The Industrial Power Consumers Association of Alberta (IPCAA) was concerned that AE had 
not utilized the same level of detail in the allocation of secondary distribution losses as for 
primary losses. IPCAA submitted that secondary distribution losses were significantly 
misallocated under AE’s practice of allocating losses on the basis of energy sales and 

                                                 
5  Exhibit 002-16, AE Cover letter and Rebuttal Evidence, page 8 
6  Exhibit 002-13-06, ASBG/PGA-ATCO-8 Customer Details.xls 
7  Decision 2006-099 – FortisAlberta Inc. 2006/2007 Distribution Tariff Phase II and Other Matters (Application 

1434992) (Released: October 16, 2006) 

 
8  Technical Meeting, Slide 44 
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recommended that the Board direct AE to modify its secondary distribution allocation method to 
reflect a MW-mile approach for wires losses. IPCAA estimated that industrial secondary losses 
should be 1/3 lower (i.e. 2% rather than 3%) which would indicate an annual misallocation of $4 
million in energy costs to D31 customers. 
 
IPCAA stated that when allocating losses, the segment-by-segment approach suggested by UCA 
recognized the diseconomy of scale of the larger aggregate loads (and therefore higher current) 
on the conductor segments nearer the POD, whereas the MW-mile approach proposed by AE did 
not. In this way, the segment-by-segment approach could be said to better reflect cost causation. 
 
IPCAA submitted that an approach to allocating losses that recognized diseconomies of scale 
(such as the segment-by-segment approach advocated by the UCA) ought also to be properly 
balanced by recognizing the economies of scale in respect of the cost of the assets which are also 
present. Recognizing the economies of scale in respect of the assets requires the allocation of 
primary distribution costs to also be undertaken on a segment-by-segment basis.  
 
IPCAA requested the Board direct AE to:  
 

1. allocate primary distribution losses on a segment by segment basis, with recognition of 
larger conductor nearer the POD;  

2. allocate primary distribution costs on a segment by segment basis, with recognition both 
of the slightly higher costs of larger conductor nearer the POD and that customer classes 
nearer the POD use less conductor mileage; and 

3. modify its secondary distribution allocation method to reflect both lower losses 
associated with larger transformers and the shorter length of secondary distribution lines 
utilized to serve large customers. 

 
PICA recommended the loss percentages by rate class proposed by AE should be accepted by the 
Board, without change, for purposes of this proceeding. 
 
PICA noted the inconsistency in the allocation method of primary and secondary losses to rate 
classes under AE’s loss study, and recommended that comparable methods of allocation should 
be applied to both the primary and secondary lines for consistency. If the Board accepted UCA’s 
proposed segment by segment analysis, that analysis could be applied to both the primary and 
secondary portions of the sample feeders. PICA also recommended that AE should be directed to 
address and reflect, to the extent feasible, any refinements to the loss study resulting from the 
issues raised by UCA respecting segment by segment analysis of losses and to address PICA’s 
concern respecting the inconsistency in treatment of primary and secondary line loss allocations 
as part of its next DTA Phase II. 
 
AE explained that the current study was combined with the other four most recent studies 
making the sample size five times that incorrectly assumed by UCA. AE samples were selected 
using a random number generator.9 AE did not attempt to manipulate its sample selection 
process; it accepted the results of the sample selection process as they occurred.  
 
AE disputed ASBG/PGA’s assessment that the Distribution Loss Study model used was a black 
box. AE submitted that the basis upon which the Distribution Loss Study had been conducted 
                                                 
9  Transcript Volume 1, pages 118-119 
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was fully explained; and sufficient background information provided in order for parties to 
understand the manner in which AE’s model operated. Summer and winter peaks were not being 
mixed as alleged by ASBG/PGA. The model was the same because the line was the same, but 
the loading on the line was different for the summer and winter peak hours. AE confirmed that 
no overstating of summer peak hour losses occurred.  
 
AE also noted that a large portion of the secondary losses occur in transformers, which are not 
impacted by a distance factor, so that a MW-mile approach was simply not appropriate. AE 
explained that adopting a MW-mile approach for allocating the remainder of the losses would 
have a materially diminished impact on the overall end result. In addition to length of line and 
conductor size, the characteristics of the load being distributed must also be considered in the 
secondary loss allocation. 
 
AE maintained that its approach to allocating losses on the primary and secondary systems was 
appropriate. AE allocated secondary losses based on load (MW) only, as a large portion of the 
secondary losses are transformer losses, which are independent of distance. The secondary 
system differed from the primary system in that it contained all distribution transformers, the 
capacities were typically much smaller and it served a different function.  
 
AE stated that software enhancements costing approximately $100,000 would be required to 
implement the allocation of primary losses by line segment while spending in the order of 
$1,000,000 would be required to implement a similar Loss Study by component for the 
secondary system. AE submitted that incurring such costs would far outweigh any benefits that 
might potentially be derived as the net result of implementing a more detailed allocation 
methodology was expected to be insignificant.10  
 
The Consumers Coalition of Alberta (CCA) submitted that when AE corrected two deficiencies 
in the UCA loss study, the differences between the UCA study and AE’s 2004 Loss Study were 
marginal, and would have minimal impact on the Cost of Service Study (COSS) and rate design. 
Further, a more detailed allocation method for primary system losses was not appropriate without 
undertaking a similar study for the secondary system losses. 
 
CCA was concerned with the cost to pursue the distribution feeder loss alternative proposed by 
UCA and noted that any sensitivity associated with the use of a single year’s feeder results was 
mitigated when AE combined these results with the previous four studies to provide a more 
balanced, larger sampling of feeders. On this basis, CCA recommended the Board accept AE’s 
approach for determining primary system losses for each customer class. 
 
2.3.1 Views of the Board 
The Board considers there are several possible ways (kilometer basis, segment basis, I2R, 
postage stamp, etc.) to allocate distribution system losses. Selection of an approach must weigh 
accuracy against the potential costs associated with that approach.  
 
AE’s approach is based on a stratified sample of distribution feeders in the AE system and is 
consistent with the way in which losses have been allocated in the past. However, the Board 

                                                 

 
10  Transcript Volume 2, page 347 
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notes that several interveners have expressed concern with this approach and/or have suggested 
an alternative method for allocation.  
 
UCA expressed concerns with AE’s loss study regarding the randomness of the samples used 
and with available detailed data on losses by segment not being used to allocate total losses to 
customer classes.  
 
The Board notes from the evidence in the proceeding that a random number generator was used 
to select the samples.11 The Board considers the evidence also shows that all customer groups 
were adequately represented in the approximately 200 sample feeders.12 From this evidence, the 
Board finds that AE has developed a process that reasonably ensures the randomness of the 
samples used in the loss allocation study. 
 
ASBG/PGA indicated that it had difficulty in obtaining a fully working model for testing and 
that the method used was based on the kilometer basis rather than the I2R approach. Since the 
proposed loss factor impacts were material, ASBG/PGA wanted the overall 2008 irrigation 
losses capped at the 2004 GTA level of 6.5% rather than at the 7.2% level recommended by AE. 
The Board finds that the difference between these two loss factors is not material, particularly 
since that the Irrigation Distribution Revenue to Cost Ratio is about 26% using the 10% rate 
increase cap approved by the Board in this Decision.  
 
ASBG/PGA was concerned the proposed loss factor for irrigation, based on a flow program 
simulating winter and summer peak conditions used the same flow data, even though the summer 
peak was less than the winter peak. The Board finds the difference between the use of summer 
peak hours and winter peak hours for calculating annual energy losses is not material, being in 
the magnitude of 1% of the loss percent.13

 
ASBG/PGA had recommended that if the UCA Study was not accepted, then the Board should 
consider the recent FAI Decision14 where farm loss factors were limited to 5% and loss factors 
were prorated for all other rate classes to achieve the same forecast overall losses. The Board 
notes that the circumstances leading to that finding were different than the current evidence. The 
Board finds that AE’s method for allocating losses in the current Application is a consistent 
approach, which balances calculation cost and accuracy, and therefore the irrigation losses 
should not be capped as requested by ASBG/PGA.  
 
IPCAA disagreed with AE’s approach for allocation of primary and secondary feeder losses, and 
suggested that secondary distribution losses were significantly misallocated. IPCAA 
recommended that the segment by segment approach recommended by the UCA be used for 
allocating both primary and secondary feeder losses as it reflected better cost causation.  
 
Both PICA and CCA recognized that once AE adjusted the UCA loss study, the difference 
between the studies was small. On this basis, both PICA and CCA recommended that the Board 
accept AE’s proposed methods for allocating primary and secondary losses. PICA highlighted 

                                                 
11  Transcript Volume 1, pages 118-119 
12  Transcript Volume 1, pages 133-141 
13 Transcript, Volume 3, pages 447-450 
14 FortisAlberta Inc. Decision 2006-099, page 54 
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however, that the method used by AE was different for primary vs. secondary loss allocations. 
PICA recommended similar methods be used for both allocations. 
 
The Board finds that once AE adjusted the UCA loss study, the difference in accuracy of results 
between the studies was not material. However, the costs to implement UCA’s alternate loss 
allocation method appear to be significant. It is AE’s evidence that software enhancements 
would cost $100,000 to implement the allocation of primary losses by line segment. AE 
submitted that an additional $1,000,000 would be required to implement a similar loss study by 
component for the secondary system. The Board finds that UCA’s recommendation will not 
result in a cost effective change.  
 
The Board considers AE’s 2004 Loss Study to allocate primary and secondary system losses 
represents a reasonable balance between accuracy, cost and intergenerational equity. 
Accordingly, the Board approves AE’s 2004 Loss Study as filed.  
 
2.4 Load Research: Diversity Study  
AE prepared the Diversity Study, a study of rate class contributions to POD peaks, in response to 
Board directions from Decision 2005-025. The purpose of the study was to determine the class 
responsibility for POD non-coincident peak (NCP) demand and then calculate the diversity 
factors associated with class responsibility for POD NCP demand and class NCP demand for 
comparison purposes. 
 
AE stated that the intent of the Diversity Study was to determine class responsibility for the total 
POD NCP demands, not the class responsibility for each POD peak. In the study, AE utilized 
load research data to estimate the contribution of each rate class to the sum of the POD peak 
demands. In the Diversity Study, AE calculated the contribution to each monthly POD peak for 
each sample customer. These contributions were accumulated for each rate class (effectively by 
weighting them by annual energy consumption) and extrapolated to the entire rate class (based 
on annual energy consumption). 
 
AE stated that the averaging and extrapolation of contribution to POD peaks utilizes the same 
techniques as have been previously used to calculate rate class NCP demand. 
 
In this study, AE stated that class responsibility for POD NCP demand was determined for two 
different sets of time frames: 
 

1. Monthly. Class responsibility for POD NCP demand was determined for each month 
based on monthly POD peaks for each POD. These are appropriate cost of service 
allocators for demand transmission service (DTS) capacity charges if the Alberta Electric 
System Operator (AESO) was to bill them based on a 0% ratchet. 

2. Annually. Class responsibility for POD NCP demand was determined for a complete year 
based on the annual POD peak for each POD. This is an appropriate cost of service 
allocator for DTS capacity charges if the AESO was to bill them based on a 100% 
ratchet. 

 
AE stated that a blended class responsibility for POD NCP demand for each month was 
developed from the results for the two time frames to account for ratchets. The month by month 
results were weighted in proportion to the number of POD bills based on the POD peak in the 
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forecast year. AE stated that to this amount for each month was added a contribution from the 
annual results weighted in proportion to the number of POD bills based on a ratchet or a contract 
amount in the forecast year. 
 
ASBG/PGA expressed concern with the diversity results for the monthly and annual class 
responsibility for POD NCP demand and its calculation and applicability to seasonal services 
such as irrigation service (Rate D25). ASBG/PGA stated that AE’s proposed changes to the 
allocation of costs to irrigation services resulted principally from these class responsibility 
studies. ASBG/PGA highlighted that the Revenue Cost (RC) Ratio for irrigation service has 
decreased from 98.0% in the last DT proceeding to a forecast 46.5% in this proceeding.15 
ASBG/PGA argued that AE’s proposed approach to cost allocation was inequitable because it 
allocated costs to irrigation service for each and all months of the calendar year, including those 
months where irrigation service was disconnected from the system. 
 
ASBG/PGA submitted the basic problem with AE’s proposed methodology was not having the 
association of customers through feeders to the POD for the study.16 The utilization of only 
selected site sample data for determination of overall contributions to aggregate POD demands 
(class responsibility for total POD NCP demand) ignored the reality of all customer demand 
contributions to each specific POD (class responsibility for each POD peak) and the effect of 
diversity on these contributions.  
 
ASBG/PGA was concerned that, when determining the class responsibility for POD NCP 
demand, AE does not determine the class responsibility at each POD17 but allocates DTS 
capacity charges for all PODs combined to rate classes. However, ASBG/PGA stated that the 
AESO determines DTS capacity charges by POD. The cost driver is therefore the demands at 
each POD and further it is the rate class contribution to each POD demand that recognized this 
cost driver. With the AE proposed methodology, the cost driver was not explicitly recognized, as 
the rate class contribution was determined separately for each rate class and assumed this 
cumulative contribution to overall DTS demands.  
 
ASBG/PGA submitted that the AE proposed methodology was a concern for seasonal customers 
who only utilize a small number of PODs in the system, and that AE had not conducted any 
studies or analysis that demonstrated that the aggregate rate class contribution to POD NCP 
demand aligned with a proper rate class contribution to each POD. ASBG/PGA stated there 
should not be an irrigation contribution to POD NCP demand in the non-irrigation months as 
irrigation service was not utilizing the system for those months.  
 
ASBG/PGA argued that to account for diversity upstream of the customer meter at the POD 
level, all sites connected to the POD should be included to ensure a fair evaluation of all these 
sites as to their contribution to the class NCP at the POD. ASBG/PGA argued that AE only 
utilized data from sample sites without preparing a reconciliation of the total contribution to the 
POD peaks of all sites connected to that POD. ASBG/PGA argued that AE’s approach excluded 
all the remaining sites connected to the POD when these sites were not part of the sample. 
  

                                                 
15  Transcript Volume 2, page 368 
16  Transcript Volume 3, pages 436-437 
17  Exhibit 002-13, IPCAA-ATCO-7(e) 
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ASBG/PGA submitted that the lowest amount of load diversity was in the service lines which 
connect the individual customer. The secondary distribution system represents the next segment, 
and the load diversity was important since these lines connected the individual service lines with 
winter peaking and summer peaking. The primary distribution lines connect the secondary 
distribution lines and they have the largest amount of load diversity. 
 
Finally, ASBG/PGA submitted the sample size may not have been adequate to calculate the class 
responsibility for POD NCP demand given the small number of PODs sampled for irrigation 
service as the irrigation sample customers were connected to 9 PODs18 out of a total of 130 AE 
PODs or some 7%.  
 
PICA also expressed concern that AE reconciled total POD loads with the metered POD loads in 
only 2 out of the 60 months it sampled. PICA argued that reconciling and verifying the demands 
derived from the samples against metered demands was a fundamental step necessary to validate 
the reasonableness of the sampling, even though AE indicated reconciling each of the months 
would be time consuming.19  
 
PICA submitted that AE should be directed to validate its sample results for each of the sample 
months in its next DTA Phase II. PICA accepted using the proposed POD NCP demands 
estimated from the samples for purposes of the current proceeding. 
 
IPCAA filed evidence recommending that AE calculate a revision to the Diversity Study which 
would allocate monthly demand costs using a weighted average rather than a simple average.20  
 
AE accepted this recommendation and advised that it would reflect IPCAA’s refinement to its 
proposal as part of its Refiling if this were determined appropriate by the Board. While AE stated 
the impact of the proposed change would be minimal in the current proceeding, it conceded that 
the magnitude of such impact could change in the future.  
 
AE submitted that its sampling was reasonable, as it was derived on a random basis, in order to 
avoid inconsistency in the results over the 60-month sample period.21 AE stated any customer 
over 500 kW was interval metered and was therefore included in the sample.22 This included 400 
to 500 customers whose contribution to the POD peak was accurately calculated and were all 
included in the sample.23 AE submitted that the load factors calculated for classes with smaller 
customers are consistent over the years, even though they were obtained from more than one 
random sample. AE stated that the vast majority of PODs had sample customers connected to 
them, and the same calculation procedures are used for each month.  
 
AE stated that comparing the class responsibility for POD NCP demands for all classes to the 
sum of POD NCP demands for sample months for two historical months was an additional check 
on the results performed by it to confirm the reasonableness of the results.24  
 
                                                 
18  ASBG/PGA Argument, page 8 
19  Transcript Volume 1, page 76, line 13 
20  Exhibit 010-04, IPCAA Evidence, page 8 
21  Transcript Volume 1, pages 73-74 
22  Transcript Volume 1, page 75 
23  Transcript Volume 1, pages 75-76 

 
24 Transcript Volume 1, pages 76-77 
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In response to concerns regarding the adequacy of the irrigation class sample size, AE explained 
that hourly consumption was gathered on approximately 20% of the irrigation customers using 
Automatic Meter Reading (AMR) technology once it became available for this class. AE 
contended that this actual measured information averaged over two years was very good for a 
class of this size.25 As well, AE advised that no costs associated with the primary distribution 
system were assigned to the irrigation class, and that the Energy Demand and Loss Analysis 
(EDLA) Model showed that the previous and proposed cost allocators for DTS capacity charges 
do not differ materially for the irrigation rate class. Therefore, the proposed change in 
methodology will not have a material impact on the portion of costs allocated to the irrigation 
class. Last, contrary to ASBG/PGA’s view, AE indicated that DTS costs should be allocated to 
irrigation service for each and all months of the calendar year because irrigation customers 
contributed to annual POD peaks which set the POD ratchet that used in calculating DTS 
capacity charges for the next 12 months. 
 
2.4.1 Views of the Board 
AE prepared the Diversity Study to address Directions from Decision 2005-025. The purpose of 
the study was to determine class responsibility for POD NCP demand and to calculate the related 
diversity factors. The Board finds that the results of the Diversity Study are sound, and the 
proposed approach is superior to the information previously used by AE in prior Phase II filings. 
 
In regard to PICA’s concern that reconciliations should be prepared between the total peak loads 
estimated from sampling with the metered POD loads for all sixty months that were sampled, the 
Board accepts AE’s explanation that the reconciliations were prepared for two months as a 
reasonability check of the results only. Therefore, the Board will not require reconciliations for 
the remaining months in the sample period. 
 
The Board accepts AE’s explanation addressing the concerns raised by ASBG/PGA that the 
proposed methodology change will not have a material impact on the portion of costs allocated 
to the irrigation class. No costs associated with the primary distribution system are assigned to 
the irrigation class, and the EDLA Model shows that the previous and proposed cost allocators 
for DTS capacity charges do not differ materially for the irrigation class. 
 
The Board notes that ASBG/PGA requested that the Board direct AE to provide a working 
model of the diversity study to allow intervener testing. The Board finds that the calculation and 
use of the Diversity Study information represents an area suitable for technical meetings to 
address any misunderstandings through open questions and discussion. The Board directs AE, 
prior to the next Phase II proceeding, to provide to interveners a working model of the diversity 
study. AE shall organize a technical meeting which can include this area for discussion, and the 
working model should be provided sufficiently before the meeting allowing enough time for 
interveners to examine it and address their questions at the technical meeting. 
 
The Board notes that IPCAA, in its filed evidence, recommended a refinement to the Diversity 
Study in which the monthly demand costs would be allocated using a weighted average rather 
than a simple average. Further, AE supported this refinement. (See Section 3.1 Allocation of 
Certain AESO DTS Charges Using Ratcheted Blended Monthly Class NCP Demand). 
 

                                                 
25  Transcript Volume 3, pages 423-427 
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The Board accepts the Diversity Study with the refinement proposed by IPCAA, and the Board 
directs AE, in the Refiling, to include the revised Diversity Study. 
 
2.5 Brushing Study  
AE presented the Brushing Study26 it undertook in response to a Direction in Decision 2005-025 
The Brushing Study examined actual brushing costs for the years 2001 to 2005. The results of 
this study indicated that AE should adopt a 95%/5% rural/non-rural allocation of these costs, 
compared to the 70%/30% split used in AE’s 2004 DTA. In the 2004 DTA, brushing costs had 
been allocated to each rate class on the basis of total forecast mid-year gross plant in service for 
the test year.  
 
UCA supported the results of the AE Brushing study and the use of the results in AE’s COSS 
study and rate design. 
 
The Alberta Association of Municipal Districts & Counties/Alberta Federation of REA’s Limited 
(AAMDC/AFREA) submitted that the record does not support the approval of the AE brushing 
study and its results for the following reasons: 
 

• the percentage of coverage by the study sample size of the population was grossly 
overstated by AE, making the methodology unsound; and 

• the accuracy of the current proposal to change the Rural/Urban allocation to 95/5 from 
77/23 is a concern because such a large increase from a simple adjustment of the number 
of study locations indicates that the methodology is neither accurate nor robust. 

 
AAMDC/AFREA submitted two more issues should also be taken into account by the Board:  
 

1. The increases proposed to certain rate classes are significant. The REA Farm Rate D51 
will have brushing costs increased by 24% or $57,700 and the Farm Service Rate D56 
will experience an increase of 24% or $175,000. 

2. The response to Direction 17 appears to have a substantially different bearing as 
compared to the expectations of the Board that brushing costs associated with providing 
service to farm customers would likely be lower than brushing costs associated with 
providing service to oilfield customers, given that oilfield service is generally located in 
remote regions, while farm service crosses cultivated land.  

 
AAMDC/AFREA submitted that this study should be rejected by the Board. In the interim, 
AAMDC/AFREA proposed that the status quo 77/23 rural/non-rural allocation remain in place. 
AAMDC/AFREA further recommended that the Board should order this study to be redone at a 
time when the level of precision for data collection procedures for brushing costs reaches a level 
that justifies a location allocation. 
 
AE submitted that the fact that a number of geographic locations appeared more than once over 
the five year period does not reflect double counting, but simply means that different areas 
within the same geographic location were the subject of brushing activity over the brushing 
cycle. AE submitted that this did not diminish the legitimacy of including this information in the 
study. AE submitted that the suggestion that the population size is 1,615 was simply not 

                                                 

 
26 Application, Section 4, Attachment 3 
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supportable as AE has 323 available locations and it examined actual brushing costs for 149 
separate locations27 of those locations at least once.  
 
AE submitted that the fact that further refinement of results may be achievable in the future 
(when more detailed information is available) does not mean that the results of the current study, 
based on the information presently available, are not valid. AE stated that further refinement may 
be possible if it can be done on a cost effective basis.  
 
AE also submitted that the Board’s expression of an expectation, without any study or 
evidentiary basis, in the context of a past proceeding does not in any way diminish the validity of 
the results of the actual study examined.  
 
2.5.1 Views of the Board 
The Board has reviewed AE’s Brushing Study and AAMDC/AFREA’s criticisms of it.  
 
With respect to the concerns expressed about the sample size of the study, the Board finds that a 
study of 149 of the available 323 locations is a large enough sample to support the study’s 
conclusions. The Board also notes that, even if the locations where brushing occurred more than 
once were eliminated, and the Board is not convinced that is necessary, the results of the study 
are essentially unchanged.28  
 
This study of actual costs incurred has improved the allocation of the costs of brushing to rural 
and non-rural customers over the former method which allocated costs based on forecast 
mid-year gross plant in service for the test year. Given this finding, the Board does not accept 
AAMDC/AFREA’s suggestion that the reallocation of brushing costs should await a more 
precise study. Further, the Brushing Study indicates that under the existing allocation 
methodology the non-rural customers paid more than their fair share of brushing costs in the 
2001-2005 time period. A delay in the implementation of the study’s results would perpetuate 
that inequity.  
 
Accordingly, the Board accepts the Brushing Study.  
 
However, the Board notes that AE indicated that more precise results may be achievable in the 
future and in Decision 2007-07129 the Board directed AE to forecast its brushing costs by 
volumes to be brushed in its next GTA and to track the volumes brushed in 2008. The Board 
considers that the tracking of volumes brushed in 2008 should also include tracking the location 
of the brushing to facilitate more accurate allocation of brushing costs in future GTAs.  
 
Accordingly, the Board directs AE, in its next Phase II application, to submit the results of its 
tracking of the volumes brushed in 2008 and its views as to whether the allocation of brushing 
costs to customer classes should be adjusted. 
 
 

                                                 
27  Transcript Volume 3, page 416 
28  Transcript Volume 3, page 416 
29  Decision 2007-071 – ATCO Electric Ltd. 2007-2008 General Tariff Application - Phase I (Application 

1485740) (Released: September 22, 2007) 
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3 COST OF SERVICE STUDY: TRANSMISSION ACCESS COST  

3.1 Allocation of Certain AESO DTS Charges Using Ratcheted Blended Monthly 
Class NCP Demand  

AE proposed to allocate all non-energy related AESO DTS charges using a blended POD NCP 
approach as described in its Diversity Study. AE proposed to allocate DTS charges related to 
monthly POD peaks on the basis of contribution to monthly POD peak demands, and to allocate 
charges related to ratcheted peak demands or contract demands to rate classes on the basis of 
contribution to annual POD peak demands. 
 
AE utilized a blended weighting factor combining these two separate allocation methods (and 
then allocated costs in one step using this blended factor), rather than separately allocating costs 
to the DTS components that are related to annual and monthly POD peak demands. 
 
IPCAA filed evidence30 that recommended that the costs relating to each of the two types of 
demand charges be allocated separately and then combined after the allocation. IPCAA 
submitted that its approach reflected the fact that the majority of demand charges in the winter 
are based on monthly POD peak demands whereas the majority of demand charges in the 
summer are based on ratchets driven by annual POD peak demands or contract demands.  
 
IPCAA indicated31 that, the difference between the AE and IPCAA methods is sensitive to the 
relative proportion of AESO demand billing determinants paid by AE. The split of AESO 
determinants between monthly demand, demand ratchets and contract ratchets determinants is 
impacted by the status of the ratchet on bulk transmission charges in the AESO tariff32 as well as 
AE DTS contract levels. Therefore, IPCAA submitted that its approach was a more accurate 
allocation than the AE approach.  
 
AE filed rebuttal evidence characterizing IPCAA’s proposal as a refinement that accounted for 
the seasonality in class responsibility for monthly POD peaks by assigning weights to the annual 
and monthly POD NCP demands using the billing demand MW portions for contract, ratchet and 
peak for each month.  
 
AE indicated that it had the data to implement IPCAA’s approach in a cost effective way and 
that it would not be opposed to adopting it. 
 
AE agreed that while the difference between the AE and IPCAA allocations was relatively small 
under the present application, it would increase if either the AESO ratchet is not approved or AE 
continues to reduce DTS contract coverage.  
 
CCA submitted that given the insignificant difference, there was no need for further changes to 
the method proposed by AE to allocate the AESO’s DTS Charges. 
 
ASBG/PGA did not support AE’s proposed method or the proposed IPCAA modifications. 
ASBG/PGA recommended an allocator based on reduced irrigation monthly NCP demands. 

                                                 
30  Exhibit 010-04 
31  Transcript Volume 3, page 671, line 7 to page 672, line 9 

 

32  AE’s allocation is based on the AESO draft tariff that includes ratchets on bulk transmission charges. The 
existing AESO tariff does not include ratchets on bulk transmission charges.   
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Alternatively, it proposed that the existing allocation method should be continued for this DTA 
as it submitted that irrigation customers should not be charged for months when no irrigation 
service was required. 
 
PICA recommended that AE be directed to reflect IPCAA’s method in the Phase II Refiling. 
 
3.1.1 Views of the Board 
In Direction 8 of Decision 2005-025 the Board indicated that AE should bring a proposal 
forward that addresses ratchet provisions for irrigation customers. The Board finds that AE’s 
approach of using the blended class responsibility for POD NCP demand allocator to allocate 
DTS capacity charges addresses the ratchet provisions for irrigation customers, since using this 
approach results in the irrigation contribution to monthly POD peaks being appropriately 
accounted for.  
 
Further, the Board finds that IPCAA’s modification to AE’s proposed approach would more 
appropriately account for seasonality in both costs and class responsibility for monthly POD 
peaks. As such, IPCAA’s modification would provide a more accurate allocation of costs to the 
classes causing them than the other proposals put forward for consideration. The Board 
recognizes that this additional accuracy could result in a material change in results in future test 
years if circumstances change.  
 
The Board directs AE, in its Refiling, to use IPCAA’s modified approach to allocate DTS 
charges.  
 
3.2 Allocation of Certain AESO DTS Charges Using Energy 
AE proposed that bulk rate energy and DTS operating reserve costs be allocated to each rate 
class using monthly energy. AE indicated that this conformed to its past methodology and that no 
change had arisen that would warrant making a change at this time. 
 
In addition, with respect to DTS voltage control, AE proposed that these costs be allocated to 
each rate using monthly energy use because these costs are incurred as energy costs and, as such, 
it would be appropriate to classify and allocate them on the basis of energy. 
 
ASBG/PGA supported the allocation of AESO DTS charges that are energy related on the basis 
of rate class energy. ASBG/PGA submitted that AE should ensure in the Refiling that the rate 
class forecast monthly energy for the irrigation rate class pertains to the forecast months of 
consumption and not to a monthly average over each of the 12 months. In this way the seasonal 
customer cost responsibility corresponds to the consumption months. 
 
3.2.1 Views of the Board 
The Board finds that AE’s allocation of the AESO bulk rate energy, DTS voltage control and 
DTS operating reserve costs to each rate class using monthly energy is an appropriate reflection 
of cost causation and its use is approved.  
 
3.3 Incorporation of Final AESO Rates in AE’s Rates 
When the record closed on this proceeding, the Board’s Decision on the AESO’s 2007 GTA had 
not yet been issued.  

 
EUB Decision 2007-086 (November 8, 2007)   •   17 



2008 DT Phase II  ATCO Electric 
 

 
AE indicated that, in preparing its Application, it had to make an assumption regarding the 
outcome of the AESO 2007 GTA. AE structured the forecast AE rates on the basis that the 
AESO billing changes would be approved as filed. AE advised that should the approved AESO 
rates have a different structure from the rates that were applied for, no changes to the AE 
proposed rates would be made until the next AE DT Phase II Application as AE would not be 
able to update its COSS before its Refiling to incorporate any decision on the AESO’s 
application. AE indicated that it is practical and reasonable to flow through costs on the same 
basis they are incurred and that it would propose a practical approach to achieve this objective at 
the time of the disposition of its Transmission Access Payment deferral account for 2008. AE 
would conduct another COSS study using the appropriate AESO rates for its next Phase II DT 
application.  
 
ASBG/PGA submitted that any changes that may be required after the Board releases its decision 
on the AESO’s 2007 GTA should be reflected in a subsequent AE filing. 
 
PICA submitted that AE should be directed to provide an assessment of the impact of the 2007 
AESO tariffs on AE’s DT tariffs proposed in this application and AE’s proposal for changes to 
the DT tariffs in its Phase II Refiling. 
 
IPCAA indicated that AE’s T-31 (transmission connected industrial) customers pay transmission 
charges as a flow through of the AESO tariff in effect for the billing month. IPCAA submitted 
that having AE’s D-connected customers billed on the basis of the AESO’s draft rate proposal 
could lead to a disconnect, with some AE customers paying transmission charges on the basis of 
a CP based AESO tariff and others effectively paying on the basis of an NCP based tariff.33 
IPCAA noted that the DTS charges paid by AE on behalf of its D-connected customers are 
subject to deferral account treatment, but submitted that AE did not intend to settle the deferral 
account in a manner that would effectively charge rate classes as if the approved AESO tariff had 
been in place through the deferral period.  
 
IPCAA submitted that there would be no reason why the deferral account related to transmission 
service for D-connect customers could not be settled in a fashion that effectively flows through 
transmission charges to AE’s D-connected customers on the basis of the AESO’s final 2007 
tariff. IPCAA recommended that the Board direct AE to develop an approach that seeks to 
effectively pass through the approved AESO tariff at the time of AE’s application to settle its 
Transmission Access Payments deferral account to ensure that AE’s T-connected and 
D-connected customers are treated similarly.  
 
IPCAA supported PICA’s proposal on the basis that the proposal would appear capable of 
achieving a reasonable and fair result by incorporating the final AESO tariff into the AE rates in 
a timely fashion. Similar results could be achieved through a direction to AE to propose 
settlement of its transmission deferral account in a manner that would effectively pass through 
the actual AESO final 2002 tariff.  
 

                                                 

 
33  Transcript Volume 2, page 313, line 17 to page 314, line 6 
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3.3.1 Views of the Board 
The Board finds that given the anticipated timing of the release of the AESO’s 2007 GTA 
Decision, it is not possible to incorporate the final AESO tariff in the COSS at the time of AE’s 
Refiling. Accordingly, the Board directs AE to provide a summary of the approach and timing 
that AE proposes to deal with the changes, if any, required to reflect the final AESO tariff on as 
timely a basis as practical but no later than February 1, 2008.  
 
 
4 COST OF SERVICE STUDY: DISTRIBUTION COSTS 

4.1 Allocation of Primary System Distribution Costs 
AE proposed to classify all primary system (25 kV distribution system directly connected to the 
transmission POD) distribution costs as demand related because AE’s primary system is planned 
to meet the peak demand on the individual feeders. AE indicated that its predominant system 
planning criteria is to satisfy voltage requirements under peak conditions.34 AE also indicated 
that its system is predominantly rural and its primary system is a radial/open looped system that 
differs considerably from other utilities, particularly municipal utilities such as EPCOR.  
 
In past applications, AE used Class NCP as the allocator for the primary system distribution 
costs. The Class NCP was used as a proxy for peaks on the individual feeders. In response to 
Board Direction 14,35 AE studied the possibility of allocating primary system related demand 
costs using a POD NCP approach as discussed in its Diversity Study. AE reviewed the allocation 
methodology and concluded that annual class responsibility for POD NCP demand was a more 
appropriate allocator for the allocation of primary distribution assets but that class NCP demand 
remained the most appropriate allocator for the secondary distribution assets. 
 
AE explained that the annual class responsibility for NCP was appropriate for the primary 
system rather than the blended class responsibility used for AESO DTS charge allocation for two 
reasons: 
 

• unlike DTS capacity charges, no ratchet billing is associated with primary distribution 
system costs; and  

• the primary distribution feeders are designed to meet the feeder peak regardless of the 
month in which the peak occurs.  

 
As such, AE proposed to use annual class responsibility for POD NCP as the allocator for the 
Primary System distribution costs.  
 
AE advised that because it has the load research data necessary to implement the proposed 
allocation methodology, which may not be the case with other electric utilities, its approach is 
superior to those adopted by other utilities.36  
 
IPCAA noted that AE’s primary distribution loss allocation method allocates costs among rate 
classes based on a MW-mile approach recognizing the relative distance various rate classes’ 

                                                 
34  Transcript Volume 1, pages 58-59; Transcript Volume 3, page 465 and 469 
35  Decision 2005-025 
36  Transcript Volume 1, pages 58-59; Transcript Volume 3, pages 284-287, 297-298 
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loads are from the POD. IPCAA provided a table37 derived from AE’s distribution loss study38 
that it argued demonstrated the average distance that customers of various rate classes are located 
from the POD. 
 
IPCAA submitted that, since not all rate classes are equidistant from the POD, not all rate classes 
utilize primary distribution assets to the same extent per MW of load. For example, large (greater 
than 2 MW) industrial loads are significantly closer to the PODs, on average, than other rate 
classes. 
 
IPCAA questioned AE’s inability to use a MW-mile approach on the basis of unavailable cost 
data as IPCAA submitted that this explanation would only be true if cost allocation were going to 
be implemented on a vintage embedded cost basis for each segment of line.39 However, IPCAA 
submitted that such data was unnecessary as the usual practice using a MW-mile approach would 
be to utilize the average cost of all primary lines. IPCAA submitted that since all of AE’s 
primary lines are 25 kV three phase lines, averaging is an acceptable approach.  
 
IPCAA noted that the FAI allocation methodology utilizes what is, in effect, a MW-mile 
methodology for both primary and secondary distribution lines. FAI utilizes a uniform cost per 
unit of conductor (total costs are reconciled to the total rate base). IPCAA submitted that AE 
could employ a similar approach.40 IPCAA submitted that the Board should direct AE to also 
allocate primary distribution costs on a MW-mile basis or alternatively, that the Board should 
direct AE to adopt a segment-by-segment allocation for primary distribution costs (and primary 
distribution losses). IPCAA submitted that both the MW-mile and segment-by-segment 
approaches recognize the relative distance of loads from the POD. IPCAA submitted that the two 
approaches vary in that the MW-mile approach assumes costs and losses are linear with distance 
while the segment-by-segment approach recognizes that costs are not linear with load (for cost 
allocation) and losses are not linear with load (for loss allocation).  
 
ASBG/PGA submitted that the class NCP method used in the last proceeding should be used in 
this proceeding. It contended that AE’s proposed methodology does not adequately recognize 
customer class contributions to the POD peak and the diversity of load. This load diversity is 
particularly important in the consideration of seasonal load impacts on the primary system.  
An assumption of no load diversity is only applicable to high load factor loads and thus the 
contribution of low load factor loads to the minimization of primary distribution costs is not 
recognized in a MW-mile approach, which was advocated by IPCAA but which ASBG/PGA 
rejected. Last, ASBG/PGA submitted that AE had not provided the necessary supporting data to 
substantiate that the sample distances by customer classes are representative of the total class 
population. 
 
CCA supported AE’s proposed method because it recognized the diversity that exists in the 
primary system by taking the NCP demand of each rate class at POD’s, as opposed to taking a 
single NCP hour. The proposed method also recognizes POD peaks may occur in any month and 
at any hour of the day. Further, it recognizes the benefits of diversity provided by the lower load 
factor customers which do not have as much of a chance of contributing to the POD peak as 

                                                 
37  IPCAA Argument, page 5 
38  Derived from Exhibit 002-01, Section 10, Attachment 1, page 23 of 28, Table A-3 Average Distance for Energy 
39  As ATCO apparently assumes it would be. See Transcript Volume 2, page 340, line 20 to 25. 

 
40  ATCO acknowledged that an average cost could be utilized. See Transcript Volume 2, page 341, lines 15 to 16. 
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larger load factor customers who proportionately contribute more to such POD peaks. CCA 
submitted that the result was a closer reflection of usage and cost causation of AE’s primary 
distribution system since AE’s method gives specific recognition to classes which contribute to 
the NCP POD peaks. 
 
However, CCA noted AE indicated that the energy flows from a transmission POD may, or may 
not be, transmitted on a single primary distribution feeder circuit since, on average, AE’s electric 
distribution system contains approximately three feeder circuits per POD. AE’s use of the annual 
class responsibility for POD NCP demand to allocate primary distribution system costs makes no 
accommodation for this difference. Each of the feeders that make up a particular POD represent 
a large number of customers from each rate class, and the class contribution to the NCP peaks of 
these feeders may or may not be coincident with the class contribution to the NCP peak of that 
POD.  
 
To refine the allocation to the feeder level while containing the expense associated with the 
proposed refinement, CCA recommended that AE undertake a study using a sample of the 110 
PODs (and each of the feeders supporting the PODs in the sample) to determine the class 
responsibility for NCP demands at each of these feeder circuits. For the balance of the PODs not 
in the sample, it may be appropriate to continue with the proposed class responsibility for POD 
NCP demand. Given the five-year planning horizon for primary system, and the fact that it is the 
larger loads that appear to drive the need for new feeders, CCA submitted that AE should be 
directed to provide a study for its next GTA that provides an assessment of the rate classes that 
drive the need for new feeders. This study should identify all cases where the feeder is installed 
to serve just one rate class or primarily one rate class. As well, to the extent feeder peak load is 
designed for a five-year period, this study should incorporate an assessment of average excess 
capacity in the feeders and explain whether such excess capacity is related to demand or energy.  
 
PICA did not support AE’s proposed change in method of allocation of primary lines, and was of 
the view that AE had not carried out any analysis to substantiate AE’s conclusion that diversity 
characteristics of customer loads at feeder peaks are directionally similar to the diversity 
characteristics of customer loads at POD peaks. PICA argued that there is a significant shift in 
costs to Rate D31 from other classes as a result of the proposed change in allocation for primary 
lines advocated by AE. PICA noted that each POD has, on average, three primary lines 
associated with it and the diversity on each of these lines is also influenced by the downstream 
loads served by the lines. In PICA’s view, the further downstream from the POD a primary line 
segment is, the more likely it is to reflect the diversity of the downstream load than the diversity 
at the POD because, as load drops off along the length of the line, the remaining segments of the 
line would increasingly reflect the downstream loads.41 PICA submitted the further away a 
segment of primary line is from the POD, the more it will tend to resemble the secondary system 
in terms of load diversity.  
 
In that regard, PICA noted that AE uses the Class NCP method to allocate demand related 
secondary system costs. On that basis, PICA submitted that AE’s rationale was flawed because 
the diversity at each segment of each line will also be different based on the respective 
downstream loads. 
 

                                                 
41  See the diagram in Exhibit 013-002. 
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PICA also rejected AE’s proposed change because it was based solely on a consideration of 
diversity and did not give any consideration to cost causation due to distance. PICA submitted 
that if a refinement is to be made, other refinements, which may result in changes in costs going 
in the opposite direction, must also be considered.  
 
PICA submitted that while AE claimed to be different from the other utilities which classify a 
portion of primary system costs to customers because AE’s primary lines include only 25 kV 
lines while other utilities include lower voltage lines as part of the primary system, AE could not 
substantiate this claim.42 PICA submitted that AE has not demonstrated why an element of 
primary lines costs related to serving new customers in distant geographic areas should not be 
considered customer related, particularly for a radial system with relatively long lines as 
compared with more urban systems. PICA submitted that the allocation method for primary lines 
should not be changed without the benefit of solid evidence indicating why classification of a 
portion of primary lines costs to customers is inappropriate. 
 
PICA recommend AE’s proposed allocation of primary lines on the basis of POD NCP be 
denied. PICA submitted the class NCP allocation method used in prior proceedings provides a 
reasonable proxy for cost causation on primary lines since it reflects the downstream loads with 
due adjustment for diversity to the primary level. Although the class NCP method is not a perfect 
substitute for a method reflecting customer class contributions to primary line peak demands by 
segment; it is still a reasonable proxy in the absence of such data.  
 
PICA submitted that the best way to address the criticisms of AE’s proposed classification 
methods is by adopting an allocation method for the primary and secondary systems based on the 
MW-mile approach, as recommended by IPCAA. Any piecemeal adjustment of AE’s 
classification percentages without due consideration of a major cost driver, namely the distance 
of haul as measured in MW-miles, would not be appropriate nor fair to all customer classes. 
PICA submitted IPCAA’s recommendation be considered for adoption in ATCO’s next Phase II 
proceeding. PICA submitted that, for the purposes of these proceedings, AE’s proposed 
classification percentages, which reflect methods traditionally accepted for AE, be accepted by 
the Board. 
 
4.1.1 Views of the Board 
The Board recognizes that there are alternative approaches that can be used to allocate primary 
line costs and the Board has reviewed each of the alternative approaches advocated by the 
intervener parties. 
 
To begin, the Board does not agree with the suggestion that some portion of the 25 kV primary 
system should be classified as customer related. Several thousand small customers can be 
attached to each feeder. If one large customer that accounted for three-quarters of the peak 
demand and 999 small customers were attached to the same feeder, a customer based allocation 
would allocate the large customer responsibility for only 1/1000 of the costs of the feeder. The 
25 kV primary system is built to serve total load and its size is not based upon the number of 
customers to be served. Accordingly, the Board does not find that a customer-based allocation 
approach could be considered more equitable than the class responsibility for POD NCP 
approach.  

                                                 

 
42  Exhibit 013-017 
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While a distance-based approach may have some potential as an appropriate allocation 
methodology for a 25 kV primary system, the Board considers that there is insufficient evidence 
in this proceeding to support a direction from the Board to adopt this approach. The distance-
based proposal was introduced in Argument, which did not permit proper testing of this 
alternative approach.  
 
The diversity study that led to the new demand allocation proposed by AE was intended to refine 
AE’s demand-based allocation method for primary system costs. As a result of the study, annual 
class responsibility for POD NCP has been proposed as a more suitable allocator than class NCP 
demand which had been used in the past. Use of annual class responsibility for POD NCP as an 
allocator is premised on the assumption that all feeders connected to a POD peak at the same 
time, while the class NCP demand method was premised on the assumption that all feeders on 
the system peak at the same time.  
 
The Board finds the assumption that feeders connected to a POD peak at the same time to be 
more realistic. Further, the Board finds that the use of feeder peak loading criteria for feeder 
planning strongly supports the view that primary system cost causation is reflected by annual 
class responsibility for POD NCP.  
 
Accordingly, the Board approves use of annual class responsibility for POD NCP as an allocator 
for primary system costs. 
 
4.2 Classification and Allocation Factors  
Direction 13 of Decision 2005-025 required AE to refine the classification methodology for 
secondary overhead conductors. AE retained Mr. James Sarikas of Foster Associates, Inc. 
(Foster) to update the Classification Study from the 2004 AE DTA. Foster examined new data 
for the years 2004 and 2005, in addition to the historical data for the period 1995-2003 used in 
the prior Classification Study.43 The work completed by Foster which resulted in the 2006 study 
was a refinement and enhancement to Foster’s previous study and followed an approach that was 
consistent with the original study that had been accepted by the Board.  
 
The theory and logic of a customer/demand classification and the appropriateness of the 
Minimum Plant and Zero Intercept studies were again utilized by Foster in the context of this 
update. The approach adopted by Foster expressly attempted to respond to the issue of minimum 
costs not being lower than installed costs. 
 
AE further outlined in its Rebuttal Evidence44 that the Board had approved the customer-demand 
split to classify secondary distribution costs, and that this methodology was used throughout 
Canada.45

 
AE proposed to continue to use the previously approved allocator and submitted that it remained 
the most appropriate approach for allocating general plant. AE noted that it would update its 
study as appropriate in the future, but there was no need to repeatedly examine the same issue in 
successive Phase II applications.  
                                                 
43  Application Section 4 – 2006 Update of ATCO Electric’s Demand/Customer Classification Study 
44  Exhibit 002-16-01, page 21-27, Sarikas Rebuttal Exhibit 3 
45  Exhibit 002-16-01, page 21 
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AAMDC/AFREA was concerned with the increase in allocated and direct assigned costs to the 
streetlight rate class. AAMDC/AFREA considered that the Board must not rely on the Foster 
Report or AE’s cost of service study as any indication of AE’s actual cost of providing streetlight 
services. 
 
AAMDC/AFREA noted that AE based its classification of plant between demand and energy on 
a 50-50 average of the results of the minimum-system and zero-intercept methods.46 
AAMDC/AFREA submitted that both the minimum-system and zero-intercept methods 
overstated the percentage of costs that were driven by customer numbers and not by load, and 
noted several flaws in these methods and the application of these methods.  
 
AAMDC/AFREA argued that customer numbers did not drive area-spanning costs and 
considered that the development of alternative classification methods was an issue that must be 
addressed in order that the COSS accurately reflected how costs were caused on AE’s system.  
 
Further, AAMDC/AFREA considered that the Foster study incorrectly assigned the minimum 
cost or zero-intercept cost to every piece of equipment on the system, overlooking the effect of 
load growth on the number and type of units, as well as on their size.47

 
CCA raised a number of issues with respect to AE’s classification and allocation factors, as 
noted below: 
 

• General Plant 
• Transformers 
• Secondary Lines 
• Growth 
• Minimum System and Zero Intercept Methods 

 
CCA noted that there were a number of large balances in the General Plant account, and that 
these amounts were allocated based on the sub-total of all other gross PP&E. Given the 
significance of the amounts accumulating in the General Plant Account,48 CCA requested that 
the Board direct AE to study the allocation of such plant and determine first if there were any 
assets within the General Plant that were capable of being directly allocated. In addition, the 
study should provide a detailed assessment of any other allocation methodology other than the 
use of the sub-total of all other plant, including practices of other utilities with respect to such 
plant.  
 
With respect to transformers, CCA noted that AE had rounded up the result from the regression 
analysis to arrive at the customer portion of transformer costs.49 CCA submitted that the 
rounding up was arbitrary, and recommended that the Board direct AE to change the customer 
portion of the transformer costs as follows for the current COSS:  
 

                                                 
46  Exhibit 002-03, Section 4-Attachment 2, page 7 
47  Exhibit 003-07, page 28-30 
48  Per Exhibit 002-10-01, Schedule 4-B-23s, page 22 of 36 (223,969/1,838,112 = 12.2% of total Property Plant 

and Equipment) 

 
49 Exhibit 002-01, Foster Study, Tables 13.2 (page 13) and 13.5 (page 15) 
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Table 1. CCA Recommendation for Customer Portion of Transformer Costs 

Urban  From 60% to 55%  

Rural Assigned  From 45% to 45% (no change)  

Rural Non-Assigned  From 40% to 35%  
 
CCA noted that AE allocated secondary lines based on a 30/70 demand/customer allocation; 
however, Foster indicated that a number of utilities appear to use much lower ratios for the 
customer-component i.e. in the range of 33% to 51% except for BC Hydro which uses 75%.50  
CCA noted that no further analysis was undertaken to further understand why, when using 
similar zero intercept/minimum plant methods, there would be such divergence in classification 
results. CCA recommended that the Board direct AE to provide, at its next GTA, a detailed 
assessment of how and why AE’s classification results for secondary lines were different than 
the results of other utilities in Alberta.  
 
CCA noted that in AE’s classification studies, it was assumed that load growth was due to 
attaching new customers and not due to increased demand from existing customers. Further, AE 
had not studied the extent to which the increased load in the test years was due to new customers 
or, due to expansion of facilities of existing customers.51 CCA submitted that it was important 
that proper price signals be provided by recognizing whether the secondary facility costs were 
caused by demand or customers. CCA considered that most of such load growth comes from 
non-residential customers.52 Hence, while secondary facilities are built to serve both new 
customers and demand on the system, if over time, more and more of these facilities are used by 
larger customers as they experience organic growth, an adjustment should be made to reflect the 
fact that facility costs were more demand-related than customer-related. As a result, CCA 
recommended that the Board direct AE to study this matter further and provide results of the 
study at its next GTA.  
 
CCA considered that the greater the amount of costs AE was able to shift to the customer 
component, the more assured it was of recovering these costs compared to recovering these costs 
through the Energy Charge in the case of Rate D11.53 CCA noted that over the last two to three 
GTAs, AE had shifted a significant portion of its secondary system costs from being demand-
related to customer-related.54 

 
Based on these arguments, CCA recommended that the Board direct AE to adopt the 
recommendations of AAMDC/AFREA, or at a minimum, that the Board should relax its 
requirement that AE design rates with a revenue to cost ratio of unity by component.  
 
Finally, CCA requested that any direction the Board could provide AE to make its COSS simpler 
at its next GTA would be in the interests of all parties.  
                                                 
50  Exhibit 002-013, Response CCA-ATCO-13, Attachment 2, page 1 of 9 
51  Transcript Volume 3, page 616 
52  Transcript Volume 3, page 617 
53  As Rate D11 does not have demand charges, the demand-related costs are recovered through the Rate D11 

Energy Charge 
54  For example, Exhibit 002-01. Section 4, Attachment 1, Page15, Table 13.4 indicates the 2004 and 2006 

regressions result in 70% of poles, towers and fixtures as being customer-related whereas in the “prior study” it 
was only 55%. Likewise, Table 13.6 illustrates 70% of the Overhead conductors are classified as customer 
related in 2004 and 2006, compared to only 30% in the “prior study”. 
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PICA noted AAMDC/AFREA’s concern with respect to the zero intercept method, and 
submitted that these concerns were not new and have been raised before in other Board 
proceedings. PICA submitted that the approach to classification of secondary system assets 
adopted by AE was appropriate and should be accepted by the Board subject to the concerns that 
it had with regard to transformer costs. 
 
PICA noted that transformer costs were classified to demand and customer on the basis of the 
minimum system and zero intercept methods. The customer portions of the costs were then 
allocated on the basis of weighted customer numbers with the weights derived from the number 
of customers per transformer.55 Given that the customer related costs to which the weightings 
were applied represent a zero, or minimum size transformer, determined in the classification 
step, in theory, there should be no weighting once the cost applicable to a zero size transformer 
was determined. PICA submitted that the use of weighting factors based on number of customers 
per average size transformer by rate class to allocate customer related transformer costs was 
inconsistent with the minimum system/zero intercept concept, given that the customer portion of 
costs determined by this method represented a minimum, or zero size, transformer; not an 
average size transformer. A more consistent, method of allocating transformer costs would be to 
use the average transformer replacement cost per customer by customer class. A similar method 
based on average replacement cost was used by AE for allocation of services. PICA 
recommended that AE be directed to use the average transformer replacement cost per customer 
by customer class for allocation of transformer costs, as a refinement to its present transformer 
allocations as part of its next DTA Phase II. 
 
PICA also noted AAMDC/AFREA’s position that the development of alternative classification 
methods was an issue that must be addressed so that the COSS appropriately reflects how costs 
were caused on AE’s system. PICA submitted that the best way to address the criticisms of AE’s 
proposed classification methods was by adopting an allocation method for the primary and 
secondary systems based on the MW-mile approach, as recommended by IPCAA.56 Any 
piecemeal adjustment of AE’s classification percentages without due consideration of a major 
cost driver, namely the distance as measured in MW-miles, would not be appropriate nor fair to 
all customer classes. Therefore, PICA submitted that IPCAA’s recommendation be considered 
for adoption in AE’s next Phase II. For these proceedings, PICA submitted that AE’s proposed 
classification percentages, which reflected methods traditionally accepted for AE, be accepted by 
the Board. 
 
UCA reviewed AE’s proposed changes to classification and allocation factors and did not 
dispute the proposals of AE, with the exception of those related to Streetlight and Sentinel Light 
customers.  
 
UCA also noted the generic tendency to continue to split classifications and allocations between 
rural versus non-rural customers. UCA recommended that the Board direct AE, in its next GTA, 
to address the issue of whether the additional work and costs for all parties to examine rural 
versus non-rural classifications, allocations and direct assignments, was still appropriate. 

                                                 
55  For example, non rural residential transformers are weighted by a factor of .15, indicating there are 6.6 

customers per transformer; whereas small general service non rural transformers are weighted by a factor of 0.4, 
indicating there are 2.5 customers per transformer. (Exhibit 002-09-09, mif 3;Tab Misce Input) 

 
56  IPCAA Argument, pages 5-6 
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Alternatively, if the Board determined that there remained a need to conduct separate rural 
versus non-rural studies, allocations and direct assignments, UCA recommended that the Board 
direct AE to conduct a high level study to determine if separate rural versus non-rural rates may 
be required given different unit costs per customer associated with each. 
 
4.2.1 Views of the Board 
The Board notes interveners raised a number of issues with respect to the classification and 
allocation factors proposed by AE. In particular, AAMDC/AFREA was critical of the minimum 
system and zero intercept methods used to determine the classification of plant between demand 
and energy. CCA also agreed with the views of AAMDC/AFREA. 
 
The Board finds that the classification study undertaken by AE was a refinement of the 
classification study used in AE’s 2004 Ph II, and while some parties may be critical of AE’s 
approach, the minimum system and zero intercept methods are used to guide the expert in 
making a recommendation with respect to the allocation of costs. 
 
This refinement of the classification study was undertaken in order to address the concern that 
minimum cost should not be lower than the installed costs.57 AE reported that: 
 

This 2006 study has been refined and shows a $4.88 minimum plant (system) wire cost 
$0.37 above the minimum installed cost of $4.51.58

 
On this basis, the Board finds that the results of AE’s classification study are reasonable and is 
approved as filed. 
 
CCA also made a number of recommendations. First, CCA recommended that AE should be 
directed to examine the assets associated with General Plant in order to consider whether it 
would be possible to direct assign any of these assets. AE opposed this request on the basis that it 
would not support studies that had not been justified on an evidentiary basis. The Board agrees 
that recommendations should be supported by evidence, and in this case, finds that the current 
approach for allocating General Plant is sufficient. 
 
Notwithstanding, the Board is mindful of AE’s approach to direct assign costs and its practice of 
refining current approaches. As such, the Board suggests that AE review these and other costs 
that might have the potential for direct assignment but will leave it to AE to determine and report 
if any further direct assignment of costs are warranted. 
 
CCA also made a recommendation with respect to the rounding of the results of the transformer 
study to obtain the customer portion of the transformer costs. The Board has reviewed Table 
13.559 and notes that the customer portion of transformer costs for urban customers increased 5% 
while the regression results remained constant. The other two groups of customers, Rural 
Assigned and Unassigned customer portions remained constant at 2004 levels despite reductions 
in the regression results. While CCA argued that the rounding was arbitrary, the Board 
understands that professional judgment was used to determine the final allocations.  
 
                                                 
57  Decision 2005-025, Direction 13, page 17 
58  AE Application, Section 4, Attachment 2, page 6 
59  AE Application, Section 4, Attachment 2, page 15 
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Given the variation across the results, the Board does not see any value in attempting to recast 
the customer portion for allocating transformer costs. Therefore, the Board approves AE’s 
proposed recommendations as filed. 
 
CCA also recommended that AE be directed to assess the customer allocation of secondary lines 
in comparison to other utilities in Alberta. The Board considers that there is minimal value in 
comparing the allocation methods between utilities without also having a uniform system of 
accounts for the costs to be allocated. The Board therefore will not direct AE to complete this 
assessment at this time. 
 
CCA also argued that AE was shifting costs to the customer component to realize a greater 
assurance of cost recovery. The Board notes that for residential customers, the customer 
component of rates was proposed to go from 68.97¢ per day to 71.76¢ per day, which would 
amount to roughly an 83.7¢ per month increase for a 30 day month. The Board does not find this 
to be a significant shift to support a change to AE’s application. 
 
PICA recommended that AE be directed to use the average transformer replacement cost per 
customer, by customer class as a refinement to the transformer allocations as part of AE’s next 
application. The Board considers that there may be some merit in PICA’s recommendation 
however, there is insufficient evidentiary support in this proceeding to direct this change for the 
next GTA. Rather, the Board directs AE in its next Phase II to provide an analysis of PICA’s 
recommendation. 
 
With regard to PICA’s support of IPCAA’s suggestion that the criticism of its allocation system 
could be addressed by undertaking a MW-mile approach similar to that of FAI, the Board will 
only state that there would be considerable expense that would need to be fully justified before 
any such approach was undertaken. 
 
UCA noted the costs associated with testing AE’s allocation methodology and questioned 
whether the rural/non-rural split was still required. The Board notes that AE developed this 
methodology in part to address the issue of oilfield costs being allocated to farm customers, 
however, this methodology should not necessarily evolve into the creation of separate rural and 
non-rural rates. Whatever methodology AE’s management proposes to allocate costs, it should 
be transparent and fully explained. The Board finds that the rural/non-rural split is still 
appropriate for AE’s cost allocation methodology at this time. 
 
4.3 Streetlights 
In Decision 2005-025, the Board directed AE to directly assign streetlight costs and to study the 
definition of a streetlight customer and allocation of load settlement costs, as noted below: 
 

PICA also argued that the treatment of streetlights within the RCCA Study would likely 
result in misallocation of costs given that the costs for streetlights were in an unassigned 
pool and allocated on the basis of customer and demand. The Board notes that AE readily 
acknowledged this issue and was willing to conduct further work on this item for the next 
Phase II application. PICA stated that if the Board were to accept the RCCA Study, AE 
should be directed to address the assignment of specific costs for streetlights at the next 
GTA. The Board agrees with this approach, therefore, the Board directs AE, in its next 
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Phase II application, to update the RCCA Study in order to direct assign the costs 
associated with streetlights.60

 
 … 
 

Given that AE has noted that this area deserves further study, the Board accepts AE’s 
suggestion that a further study should be conducted into the subject of lights, in particular 
the definition of and the calculation of customer counts as they pertain to load settlement. 
Therefore, the Board directs AE, in its next Phase II application, to further study the 
definition and calculation of customer counts for Streetlight Rate D61 and Sentinel Light 
Rate D63 customers and the allocation of load settlement costs.61

 
AE engaged the services of Mr. James Sarikas of Foster Associates Inc. to assist in responding to 
these directions. Mr. Sarikas produced a report titled “2006 Responses to Directive Numbers 11, 
13, 14, 15, 20 and 24” (Foster Report or Streetlight Study). The distribution plant allocated to 
streetlights resulted in the following proposed revenue requirement amounts being assigned to 
streetlights, as shown in Schedule 5-B-1 and 5-B-2 of AE’s 2008 Distribution Tariff that was 
revised March 16, 2007. Included in these schedules was the revenue on proposed rates and 
revenue on existing rates as noted: 
 
Table 2. AE Summary of Streetlight Revenues and Costs 

 
Costs  
($000) 

Revenue on Proposed Rates 
($000) 

R/C on Proposed Rates 
(%) 

Customer  T  D  S 
 

TOTAL  T  D  S 
 

TOTAL  T  D  S 
 

TOTAL   
Rate Class          R/C  R/C  R/C  R/C   

Streetlight Rate D61 
 

240 
 

6,573 
 

1,087  7,900 
 

240 
 

4,091  677  5,008  100  62  62  63.4%  
 
 
Table 3. AE Summary of Revenues on Existing and Proposed Rates 

 
Revenue on 

Proposed Rates ($000) 

Revenue on Existing 
Rates 
($000) 

Existing vs. 
Proposed Rates 

(%) 

Customer    T    D    S   
 

TOTAL    T    D&S   
 

TOTAL    T    D&S    TOTAL   

 Rate Class          
 

Change   
 

Change   
 

Change   

 Streetlight Rate D61    240   
 

4,091   
 

677    5,008    375    4,178    4,553    -36%    14%    10.0%   
 
 
In order to mitigate the impact of its proposed rate changes, AE proposed that a 10% rate cap per 
rate class be imposed on its tariff design. 
 

                                                 
60  Decision 2005-025. page 15 
61  Decision 2005-025, pages 25-26 
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The Board will address these issues in the subsections that follow: 
 

• Direct Assignment and Allocation of Costs to Streetlight Customers, and  
• Definition and Calculation of Customer Counts for Streetlight Customers. 

 
4.3.1 Direct Assignment and Allocation of Costs to Streetlight Customers 
In response to a direction from the Board to directly assign costs to streetlights,62 collecting work 
orders covering the period 1950 through 2002. Work orders with some level of investment that 
was closed to streetlights Account 47-810 were selected.63 A total of 4, 475 work orders were 
selected. 
 
The work orders selected by AE were provided to Mr. Sarikas who, in turn, conducted a work 
order study; cleaned up the information to avoid double-counting; excluded costs that did not 
make sense, and statistically analyzed the information. As a result of this exercise, Mr. Sarikas 
eliminated two work orders that, based on his professional judgment, did not belong.  
 
Mr. Sarikas confirmed that all of the 4,475 distribution work orders identified contained some 
level of investment that was capitalized to Account 47-810. His analysis determined that 30% of 
these work orders contained only streetlight plant and did not require any additional allocation of 
secondary distribution system investment. He further determined that the remaining 70% of 
distribution work orders contained both streetlight and distribution system streetlight “related” 
plant investment that was capitalized to AE’s non-streetlight accounts (e.g. poles, conductors, 
conduits, underground services and transformers).  
 
The total value of the work orders in the study was $41.6 million. Of this total, the Account 
47-810 portion of the work orders was $30.7 million, while the non-streetlight account plant in 
the study was $10.9 million. Mr. Sarikas determined that all of the $41.6 million in the work 
orders studied should be directly assigned to streetlights.  
 
In other words, Mr Sarikas determined that 38¢ of secondary distribution system plant (i.e. non-
streetlight plant) should be directly assigned, for purposes of the COSS, to the streetlight class 
for every dollar of Account 47-810 investment.  
 
For 2008, AE estimated that the value of Account 47-810 would be $46.4 million. For purposes 
of the COSS, Mr. Sarikas developed the 2008 directly assigned secondary distribution system 
plant of $17 million on that basis (i.e. $46.4 million of Account 47-810 x 38% = $17 million 
directly assigned to streetlights). 
 
Additionally, a review of sample work orders showed that related secondary distribution system 
investment included in the work orders contained capacity that could be used to serve other rate 
classes in the future. Mr. Sarikas, also noted that metal davits do not serve as part of the 
secondary distribution; but rather only serve streetlights. For these reasons, he recommended that 
the billing determinants used to allocate secondary distribution system plant to streetlights be 
reduced by 50%.64  
 
                                                 
62  Decision 2005-025, page 14 
63  Transcript Volume 3, page 538, line 22 to page 540, line 5 

 
64  Exhibit 002-01, Foster Study, page 4-5 
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AE noted that investment in non-streetlight distribution system assets (meters, overhead services, 
land and land rights and substations) were less than 1% of the $10.9 million total non-streetlight 
investment. 
 
AE provided the following table showing how distribution plant was allocated to the streetlight 
rate class.65

 
Table 4. AE Derivation of 2008 Streetlight Rate Plant Investment 

 
Streetlight Function 
(direct assignment) 

($ Million) 

General Plant 
(allocated) 
($ Million) 

Streetlight 
Rate (D61) 
($ Million) 

Streetlight Plant (Account 47-810) 
Directly Assigned 46.4  46.4 

Secondary Distribution System 
(Non-Streetlight Plant)    

Directly Assigned 17.0  17.0 
Allocated 2.4  2.4 

Total Secondary Distribution System 19.4  19.4 
Total Distribution Plant 65.8  65.8 
General Plant (allocated)  9.1 9.1 
Total Gross Plant - Streetlight Rate 
(both Assigned and Allocated) 

  74.9 

 
AAMDC/AFREA argued that the explanation provided by Mr. Sarikas with respect to the direct 
assignment associated with streetlights was cursory and inappropriate for such a large change in 
the method of direct assignment. Further, the record did not support the direct assignment of 
100% of the non-streetlight investment in the work order study to streetlights.  
 
AAMDC/AFREA argued that a substantial number of work orders should have been excluded 
from the Streetlight Study based on the proportion of non-streetlight investment to streetlight 
investment Account 47-810 costs, and produced the following table to highlight this issue: 
 
Table 5. AAMDC/AFREA Work Order Comparison 

 
Work Order 

Streetlight Cost 
(Account 47-810) 

Non-Streetlight Cost 
(Non-Account 47810) 

 
Status 

C30111 4% 96% Excluded from the Study 
C9722-6 4% 96% Included in the Study 

 
AAMDC/AFREA argued that for 2008, the $17.0 million66 of secondary distribution system 
plant directly assigned to the streetlight class was substantially overstated, and that the $46.4 
million67 of Account 47-810 was also overstated because if more work orders had been properly 
excluded from the Streetlight Study, the costs of the streetlight assets (Account 47-810) inherent 
in those work orders would not have been directly assigned to streetlights.  
 
AAMDC/AFREA argued that the Streetlight Study had not adequately documented the basis for 
the 50% adjustment to secondary distribution system plant allocators,68 and provided no support 
                                                 
65  AE Rebuttal Evidence, page 11 
66  Exhibit 002-16-01, Rebuttal Evidence, Appendix 1, p.11 
67  Exhibit 002-16-01, Rebuttal Evidence, Appendix 1, p.11 
68  Exhibit 003-07, pages 21-25 
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for the claim that the 50% reduction was sufficient to address the large amount of non-streetlight 
assets already directly assigned to streetlights and the sharing of streetlight plant by other rate 
classes. Further, the 50% adjustment did not correct the direct assignment because any 
adjustment for an excess direct assignment should be applied to the direct assignment, not to the 
allocators of secondary distribution system plant. The effect of the 50% reduction in allocators 
was probably too small to reflect the amount of streetlight-assigned plant that serves other 
classes and services.  
 
AAMDC/AFREA noted that the possibility of double counting plant existed given the 
replacement of some facilities and argued that the double counting problem arising from 
replacements in the work order database had not been addressed appropriately.  
 
AAMDC/AFREA took issue with AE’s assessment that because the actual amount of non-
streetlight assets in the work orders was only 1% of total distribution plant, that it would have a 
negligible effect on the direct assignment. AAMDC/AFREA considered that although 1% was 
only a small portion of the system total, it was a substantial portion of the plant directly assigned 
to streetlights. 
 
AAMDC/AFREA also noted that Contributions In Aid of Construction (CIAC) appeared to 
cover a large portion of Account 47-810 and other plant dedicated to streetlights. While 
Mr. Sarikas indicated that CIAC was allocated to streetlight customers in the COSS, 
AAMDC/AFREA indicated that it was not able to track this credit in the COSS. 
 
AAMDC/AFREA also noted that in response to Board Direction 24 from Decision 2005-025, 
Mr. Sarikas developed customer weighting factors for transformers, service drops, and meters. 
However, for streetlights, weighting factors were derived only for transformers, since streetlights 
were not allocated any share of meters and non-assigned service drops.69 Having reviewed the 
methodology for allocating transformer costs, AAMDC/AFREA submitted that the relative 
weighting factor for streetlights was unreliable, for three reasons:70

 
1. Mr. Sarikas provided limited documentation of the derivation of the factors; 
2. The assignment of particular transformers to particular customer groups was not tied to 

how the system actually works. Mr. Sarikas simply assumed that certain types of 
customers are served by certain sizes of transformers. A large transformer can serve a 
cluster of residential customers; a bank of smaller transformers can serve one large 
customer, and a single transformer can serve a mix of customer types; and  

3. Mr. Sarikas chose to group streetlights, the smallest of loads, with the large demand-
metered customers, including the Large General Service customers. Mr. Sarikas 
computed a single hypothetical ratio of customers per transformer for this extremely 
heterogeneous group. As a result, the smallest customers were assumed to use as much of 
a transformer as the largest customers. 

 
AAMDC/AFREA concluded that the Streetlight Study was flawed and should be rejected by the 
Board. In the interim, AAMDC/AFREA submitted that fairness required that the COSS must 
return to the 2004 DTA allocation of distribution plant, and that the Board should direct AE to 
recalculate the 2008 COSS using its 2004 DTA allocations. Further, AE should be directed to 

                                                 
69  Exhibit 003-07, pages 39-40 

 
70  Exhibit 003-07, pages 39-40 
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redo the Streetlight Study for their next DTA, this time setting out clear criteria, and 
implementing the study consistently with respect to which streetlight assets and secondary 
distribution system plant should be directly assigned to streetlights.  
 
PICA argued that the record did not support the direct assignment of 100% of the non-streetlight 
assets in the work orders, for the following reasons: 
 

1. As Mr. Sarikas acknowledged, some of the 1950-2002 non-streetlight plant served a mix 
of customers and functions when installed, or has since come to serve such customers and 
functions. Mr. Sarikas explained that he made an adjustment “prior to the allocation of 
related secondary distribution” to account for shared plant, but this adjustment was never 
identified.71 

2. Some of the work orders may include replacements of plant installed in previous work 
orders, resulting in double-counting. There is no indication that Mr. Sarikas corrected his 
data base for these replacements. 

3. CIAC appear to cover a large portion of Account 47-810 and other plant dedicated to 
streetlight. Mr. Sarikas indicated that CIAC was allocated to streetlight customers, but 
this allocation seemed to be driven by plant in service. From the work-order database, it 
appears that CIAC for plant dedicated to streetlights was a higher percentage of plant 
investment than for the same type of plant (e.g., poles) in general service. Mr. Sarikas 
may have greatly overstated the net plant investment for streetlights. 

 
PICA submitted that while there were a number of adjustments made to the recorded streetlight 
costs, AE did not explain how these adjustments impact the three issues identified above.  
 
PICA recommended that AE be directed to address the concerns noted above with the streetlight 
assignment and allocations in the next DTA Phase II application. Given the 10% cap on rate 
increases proposed by AE for streetlights, PICA recommended that the filed COSS assignment 
and allocations be accepted by the Board for purposes of this proceeding. 
 
PICA also submitted that streetlight costs as a percentage of total investment may be influenced 
by a number of factors, including service territory and system growth. To the extent feasible, AE 
should provide streetlight cost per fixture information for comparable utilities and explain any 
material differences in cost per fixture at the next DTA Phase II. 
 
UCA supported AAMDC/AFREA’s position that the detail provided in the Streetlight Study was 
inadequate to properly assess its reasonableness. UCA agreed with AAMDC/AFREA that the 
direct assignment of streetlight costs was inaccurate and over-stated. 
 
UCA also noted that the streetlight work order exclusions72 further demonstrated that the 
Streetlight Study, while large in nature, had not been properly constructed and conducted. UCA 
submitted that AE and Mr. Sarikas’ conclusions and recommendations should be rejected and 
that the work be completed in a more appropriate manner for the next GTA. 
 
CCA noted that AE had recognized a certain portion of the work orders’ non-streetlight 
investment in the secondary distribution system may be used by other rate classes, and removed 

                                                 
71  PICA Argument, page 20 
72  Exhibit 002-16-01, page 14 
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50% of the secondary distribution system plant allocation from the streetlight rate class. CCA 
submitted that on balance, in light of the increase in costs to the streetlight rate class proposed in 
this GTA, the 50% adjustment appears appropriate, even though there may be a case that this 
adjustment should be somewhat lower.73

 
4.3.1.1 Views of the Board 
Having reviewed the issues raised by interveners, the Board makes the following findings with 
respect to the Streetlight Study and related distribution plant direct assignments and allocations.  
 
The Board finds that the Streetlight Study filed in AE’s Application was not well documented. 
Further, a clear and understandable methodology was not established in the initial filing. The 
Board still has concerns whether more work orders should or should not have been excluded 
from the work order study. If the Streetlight Study had been well-documented, the Board 
considers that it would have been easier to test whether the amounts of streetlight plant and 
secondary distribution system plant directly assigned were reasonable. 
 
The Streetlight Study caused confusion and misunderstanding for interveners and resulted in 
some in-efficiencies in the hearing process. The Board will further consider this matter in the 
cost award process.  
 
In spite of those inefficiencies, the Board considers that the evidence that was eventually placed 
on the record will result in a fair allocation of costs to streetlight customers as follows: 
 
Table 6. Board Approved Allocation of Streetlight Plant Investment 

  
Account 

AE 
Proposed 

Board 
Approved 

Streetlight Plant (Account 47-810) 
Directly Assigned  

streetlight plant 
(Account 47-810) 46.4  

46.4 
Secondary Distribution System  
(non-Streetlight Plant) 

non-streetlight plant 
(non-Account  

47-810) 
 

 

Directly Assigned  17.0 8.5 
Allocated   2.4 4.8 

Total Secondary Distribution System  19.4 13.3 
Total Distribution Plant   65.8 59.7 

 
When costs are directly assigned to a rate class, the costs should be 100% caused by that rate 
class. Accordingly, if a portion of the secondary distribution system cost directly assigned to 
streetlights by AE relates to equipment that will, over time, serve customer classes other than 
streetlights, then that portion should not be directly assigned to streetlights. Accordingly, the 
Board finds that the 50% reduction was incorrectly applied to the secondary distribution system 
(Allocated costs) rather than the secondary distribution system (Directly Assigned costs) as set 
out under “AE Proposed” in Table 6 above.  
 
To correct for this excess direct assignment, the Board agrees with AAMDC/AFREA that it is 
the secondary distribution system direct assigned costs that must be reduced by 50% as set out 
under “Board Approved” in Table 6 above.  

                                                 

 
73  Transcript Volume 3, pages 607-608 
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As a consequence, the Board finds that the 50% proposed reduction to the allocators for the 
secondary distribution system (Allocated costs) should not be applied. The Board considers that 
the allocation methodology AE uses for secondary distribution system (Allocated costs) costs 
already reflects an appropriate sharing between rate classes.  
 
The Board finds that the amount of secondary distribution system plant directly assigned to the 
streetlight class for 2008 should be reduced to $8.5 million (i.e. 50% of the $17 million). In other 
words, the Board finds that 19¢ of secondary distribution system plant should be directly 
assigned to streetlight for every dollar of Account 47-810 investment. In its determination of the 
50% reduction from the 38¢ used by AE, the Board took into account the:  
 

• treatment of pole attachment revenue offsets (see Section 4.3.2); 
• the portion of the secondary distribution system cost directly assigned to streetlights that 

will, over time, serve customer classes other than streetlights; and 
• other sharing of facilities and benefits set out below. 

 
The Board finds that it is reasonable for AE to assign/allocate most costs identified as Account 
47-810 directly to streetlights. While it is clear that the majority of the items that comprise 
Account 47-810 are streetlight costs, the Board considers that some items such as pavement 
work and sidewalk work may be costs that benefit other rate classes. However, the Board 
considers that the 50% reduction to the amount of secondary distribution system costs directly 
assigned to streetlights is sufficient to account for this possibility of sharing. 
 
The Board also makes the observation that provision of streetlights by the municipalities could 
be considered a public good as streetlights benefit all customers. Given the benefits associated 
with streetlights, the Board finds that it would be reasonable for all customers to share some of 
the costs associated with streetlights.  
 
Based on these findings, the Board directs AE in the Refiling, to: 
 

• Reduce the amount of secondary distribution system directly assigned to the streetlight 
rate class in the COSS by 50%, and to reallocate these amounts to all rate classes using 
the same allocators used to allocate other secondary distribution system plant.  

• Increase the amount of secondary distribution system plant allocators from the proposed 
50% level to the 100% level. 

 
The Board notes that a change in the definition of the streetlight customer numbers (see Section 
4.3.2), that will be effective as of January 1, 2009, will result in an appropriate reduction to the 
wholesale billing costs assigned to streetlight customers at that time. 
 
4.3.2 Definition and Calculation of Customer Counts for Streetlight Customers 
AE stated that it had derived its streetlight customer allocator so that it would be consistent with 
the way a customer was defined prior to the segregation of retail and wires functions. AE stated 
that the rationale attempted to mimic what would determine a new customer account being 
opened for a municipal or provincial streetlight customer.  
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To determine the relationship of lamps to customers, Mr. Sarikas used the May 2006 amount of 
lamps (e.g. 35,800 lamps) as the ratio's numerator, as it reflected the most up to date information 
available with respect to the number of lamps in service. This was combined with the 2002 
number of attachments in the denominator. Mr. Sarikas stated that this approach was intended to 
add a measure of conservatism to the determination of the ratio as it essentially assumed that the 
growth in lamps between 2002 and 2006 was not attributable to the growth in the number of 
unique customer attachments. Further, Mr. Sarikas stated that this approach was conservative in 
the amount of customer related secondary distribution system costs allocated to streetlights. AE 
also stated that the CIS data was only used as a cross check of reliability and was not used in the 
determination of the ratio.  
 
AE stated that it knew the number of wires customers it served, however this information did not 
provide specific insight into how these customers were being billed. As AE does not bill 
customers directly but rather provides bills to retailers, AE stated that it was difficult for them to 
know how any streetlight customers received bills.  
 
AE explained that the wholesale bill to retailers was by site and the monthly bill was presented 
on a light by light basis. AE stated that this detail was required for the administration of lights 
and in order to give information to customers and respond to inquiries and audits. AE explained 
that it used one system for administration and maintenance purposes and, even though it could 
aggregate the lights using a different system (with resulting incremental costs), it would still 
need to manage streetlights on an individual basis. AE explained that it needed a sophisticated 
system to manage the more than 40,000 streetlights on its system and to be able to explain the 
details to its customers.74  
 
AAMDC/AFREA submitted that AE and Mr. Sarikas had provided several inconsistent 
definitions of customer that were applied in various circumstances and for various purposes. 
AE’s first definition for a customer within its COSS was a “unique customer attachment.”75 
AAMDC/AFREA considered that this definition was a wide-ranging concept when applied to 
streetlight customers. AAMDC/AFREA submitted that using this definition would result in an 
inequitable and unreasonable allocation of distribution costs.  
 
For the purposes of allocating customer-related distribution costs, Mr. Sarikas computed that the 
average number of lamps per customer was 34.2. AAMDC/AFREA submitted that any 
secondary equipment added to serve a streetlight customer was already captured in the direct cost 
assignment. Therefore, AAMDC/AFREA submitted that there was no causal justification for 
allocating customer-related costs to streetlights in addition to directly-assigned costs.  
 
AAMDC/AFREA pointed out that streetlights do not incur any metering expenses, as streetlights 
have no meters. Further, the bookkeeping and collection expenses associated with streetlight was 
now the responsibility of the retailer, and the minimal cost of service wiring and installation and 
connection of streetlights was already captured in Mr. Sarikas’ study of work orders. On that 
basis, AAMDC/AFREA submitted that no customer costs should be allocated from the 
distribution plant to streetlight as a result of Mr. Sarikas’ study. 
 

                                                 
74  Transcript Volume 3, pages 481-483 

 
75  Exhibit 002-16-01 at page 33ff 
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Each streetlight was also defined as a customer for billing purposes. AAMDC/AFREA submitted 
that, as with the “unique customer attachment” definition, this definition of customer may work 
for metered and unmetered customers that take service at a unique point or even a limited 
number of points, but the lamp-site definition does not work for the streetlight customer. Unlike 
most customers, streetlight customers were responsible for a large number of devices that receive 
unmetered service over a dispersed area. Despite the large number of service points, there was 
only one responsible party who ordered the service and incurred billing costs on the system. 
 
AAMDC/AFREA considered that the unique customer attachment definition relied on 
Mr. Sarikas’ speculation as to how ATCO I-Tek handled the information that was passed on by 
AE. However, it was the customer’s load profile that was relevant to the energy consumed by the 
customer, which represented a cost relevant to the retailer, and not to the fixed costs of the wires 
provider. 
 
AAMDC/AFREA argued that AE’s application of the unmetered customer rate of $1.66 per site 
was unfair to municipal streetlight customers, as these customers would pay on average, 
34.2 times as much in I-Tek charges as the customer with a single point of service. Mr. Chernick 
testified that such an arrangement for billing streetlights was unknown in his experience.76

 
AAMDC/AFREA considered that FAI’s methodology of allocating load settlement costs was a 
fair method of allocation, and would also be fair for AE. AAMDC/AFREA submitted that the 
Board should direct AE to consolidate its streetlight sites/accounts to correspond to the actual 
customer who ordered the streetlights.  
 
Until the Benchmarking process was completed, AAMDC/AFREA recommended that the 
allocation of wholesale billing costs be based on the number of streetlight customers, consistent 
with the allocation of wholesale billing costs for other customer classes and with the allocation 
of wholesale billing costs as practiced by FAI. Further, the number of sites should be reduced by 
a factor of 34.2, and only $20,036 in wholesale billing costs should be allocated to streetlight 
customers. 
 
AAMDC/AFREA noted the 2008 forecast annual revenue from pole attachment was $708,000.77 
Further, as a result of the way AE accounted for pole attachments, customers could not 
determine whether these services recovered the appropriate amount of costs and if customers 
were being asked to subsidize the users of pole attachment services through their rates. 
Mr. Sarikas’ study did not allocate any cost of poles to pole attachment services. 
AAMDC/AFREA argued that the inequities of pole attachments should be dealt with by treating 
the pole attachment services as a separate class of services, and recommended that the Board 
provide a direction to AE that the COSS be altered to allocate and assign all costs and revenues 
to pole attachments as a separate rate class as it would to any other rate class.  
 
As a second-best solution, AAMDC/AFREA proposed that AE allocate its pole attachment 
revenue as a credit (revenue offset) to each rate class in proportion to their share of the 
distribution pole asset costs.  
 

                                                 
76  BR-AAMDC/AFREA-3(a) 
77  AAMDC/AFREA-ATCO-3(b) 
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PICA noted that the number of streetlight fixtures was divided by 34.2 to arrive at the number of 
streetlight attachments to the secondary distribution system for customer related cost allocation 
purposes. Similarly, the number of sentinel lighting fixtures was divided by 1.5 sentinel lights 
per customer to arrive at the number of sentinel lighting attachments to the secondary 
distribution system.78  
 
PICA noted the following comment from AE: 
 

The 35,800 lamps-sites used in the numerator overstated the ratio of the number of 
lamps-sites per unique customer attachment for all attachments and thereby under-
allocated customer-related secondary distribution system costs to streetlighting 
customers. To be conservative, I assumed the growth in lamps between 2002 - 2006 (e.g., 
6,811 lamps representing the difference between the 2006 figure and the lowest CIS 
result, Sum of Customer Count) was not attributable to growth in the number of unique 
customer attachments.79

 
Based on the foregoing, PICA understood that AE may have erred on the high side in estimating 
the number of fixtures per attachment. PICA also noted other evidence reviewed by AE, such as 
the CIS, may indicate a lower number of lamps per attachment. PICA submitted that AE should 
be directed to provide full validation of its estimate of the number of fixtures per attachment in 
its next DTA. However, for purposes of the current proceeding, PICA did not object to 
acceptance of the proposed number of fixtures per attachment for streetlights and sentinel lights. 
 
Subject to the results of the ATCO I-Tek customer care benchmarking studies being completed, 
UCA did not object to the allocations proposed by AE. 
 
4.3.2.1 Views of the Board 
The Board notes AE indicated that the definition of customer count required to properly allocate 
customer-related secondary distribution costs is different from the definition of customer count 
(e.g., one lamp-site equals one customer) used for billing purposes.80 AE uses a 34.2 streetlight 
sites per customer (35,800/1,046) for allocation of the customer-related secondary distribution 
costs. The Board considers that since the streetlight site attachment is at the secondary 
distribution level, it is appropriate that they have cost responsibility on the same basis as other 
customers that attach at the secondary distribution level. Accordingly, the Board accepts AE’s 
34.2 sites per customer as the appropriate definition for allocation of customer-related secondary 
distribution costs. 
 
The Board deals with the definition of customer count used for billing purposes below. 
 
In Decision 2005-025, the Board directed AE as follows: 
 

However the Board directs AE, in its next Phase II application, to provide an analysis 
regarding the possibility of aggregating streetlights within a town in some reasonable 
fashion; either by vintage, by number, by location or any other reasonable measure. For 
example, for the purposes of billing, all streetlight additions requested on a specified date 
would be considered as a site; or all streetlights on a specified street or streets are 

                                                 
78  Exhibit 002-01, Section 20 Attachment 2 Response to Direction No. 20 
79  Exhibit 002-16-01, Rebuttal Appendix 1, page 37 

 
80  Appendix 1 of AE Rebuttal pages 30-31 

38   •   EUB Decision 2007-086 (November 8, 2007) 



2008 DT Phase II  ATCO Electric 
 

considered to be a site. The Board expects that AE will address why it is necessary to 
continue to treat each individual streetlight as an individual site and to consider alternate 
options that reflect the cost of providing the service. The Board will not make any 
adjustment to the charge for connecting new streetlight sites at this time.81

 
The Board reviewed AE’s response: 
 

AE responded that a review of the connection process for lighting customers following 
the 2004 Phase II Distribution Tariff Application determined that the $10.00 connection 
fee was no longer required since streetlight accounts require far less setup than metered 
services. Thus, the grouping of lights for these purposes is not required. 
 
ATCO Electric proposes to continue with no initial connection charges for lights and will 
revise the Terms and Conditions for Distribution Service Connections to clarify.82

 
The Board finds that AE did not comply with the above Board direction.  
 
The Board notes the issue raised by AAMDC/AFREA regarding the definition of customer for 
allocating billing costs. The Board understands that each streetlight may receive associated 
customer charges and other charges beyond energy consumption from the retailer, in addition to 
charges from AE. These charges can be significant, particularly for municipalities. However, any 
charges that are related to the services provided by Direct Energy Regulated Services (DERS) or 
other retailers are not the subject of this proceeding. The Board is concerned, in this proceeding, 
with ensuring that customers are responsible for the costs that they cause AE to incur by 
providing service.  
 
AE’s evidence is that the definition of customer count for billing costs is one customer equals 
one lamp-site. AE indicated that it incurs billing charges and wholesale billing costs on an 
individual site basis while its current Master Service Agreement (MSA) with I-Tek is in effect. 
The Board is concerned with the costs incurred by AE. 
 
AE explained that the wholesale bill to retailers was by site and the monthly bill was presented 
on a light by light basis. The Board notes, however, that AE indicates that there are only 1046 
unique attachments to the distribution system for streetlight fixtures and 487 streetlight 
customers. Although it is possible that each of the 1046 attachments may require a separate load 
settlement activity, the Board does not accept that each of the 35,800 individual streetlight 
fixtures requires such settlement activity. AE has not provided any persuasive reason that 
streetlights should be treated differently from other equipment attached to the distribution system 
and it would appear that all other equipment requires load settlement only at the point of unique 
attachment to the distribution system, regardless of how many electrical devices are behind the 
unique attachment point.  
 
Accordingly, the Board directs AE at the time of its next GTA to adjust its definition of a 
streetlight customer for billing purposes so that one streetlight fixture does not equal one 
customer. The Board considers that the billing charges in AE’s revenue requirement should not 
reflect separate customer charges for each streetlight fixture, but rather only billing charges for 
the number of unique attachment points to the distribution system for streetlights. The charges 
                                                 
81  Decision 2005-025, page 51 
82  Application, Section 3, Attachment 1, page 6-7 
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for each unique attachment of streetlight fixtures can then be aggregated for each streetlight 
customer on that basis.  
 
AE indicated that site by site detail was also required for the maintenance and administration of 
streetlights and in order to give information to customers and respond to inquiries and audits. AE 
indicated that even though it could aggregate the streetlights using a different system than for 
billing, there would be incremental costs. However, the Board notes that FAI aggregates its 
lights for billing and therefore, the Board has not been persuaded by AE that these incremental 
costs would be significant.  
 
AAMDC/AFREA also recommended that AE be directed to assign revenues and costs to the 
category of pole attachment as a separate rate class or at least to allocate its pole attachment 
revenue as a credit (revenue offset) to each rate class in proportion to their share of the 
distribution pole asset costs. The Board considers that the evidentiary record cannot support such 
a change to AE’s current practice. The Board finds AE’s existing treatment of the revenues 
associated with third party pole use as a revenue offset that benefits all customers to be 
reasonable for the purposes of this proceeding given the Board’s findings in Section 4.3.1. 
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5 OVERALL TARIFF DESIGN PRINCIPLES 

The following table sets out the revenues and costs for each rate class under the rates AE proposed in the Application: 
 
Table 7. Summary of Proposed Revenues and Costs 

  
 

Costs 
($000)  Revenue of Proposed Rates 

($000)  R/C on Proposed Rates 
(%) 

                 
 Customer T D S TOTAL  T D S TOTAL  T D S TOTAL 
 Rate Class Costs Costs Costs Costs  Revenue Revenue Revenue Revenue  R/C R/C R/C R/C 
                
 Residential Rate D11  13,477 63,458 13,349 90,284  13,477 64,351 13,537 91,365  100 101 101 101.2 
 General Service Rate D21 8,671 25,026 2,550 36,247  8,671 25,420 2,590 36,681  100 102 102 101.2 
 Irrigation Rate D25 & D26 65 161 14 239  65 42 4 111  100 26 26 46.2 
 Industrial Rate D31 & D32 75,720 69,517 3,796 149,032  75,720 70,172 3,832 149,724  100 101 101 100.5 
 Opportunity Rate (D-connect) D33 0 0 0 0  0 0 0 0      
 T-Connect T31 & T33 21,544 775 301 22,620  21,544 825 522 22,891  100 106 173 101.2 
 Oilfield Rate D41 4,361 18,145 1,491 23,997  4,361 18,411 1,513 24,285  100 101 101 101.2 
 REA Farm Rate D51 (inc D52) 2,197 1,667 1,062 4,926  2,197 1,695 904 4,795  100 102 85 97.4 
 Farm Service Rate D56 3,745 10,183 1,895 15,823  3,745 10,354 2,103 16,202  100 102 111 102.4 
 Street Light Rate D61 240 6,573 1,087 7,900  240 4,091 677 5,008  100 62 62 63.4 
 Sentinel Light Rate D63 43 521 286 849  43 525 289 857  100 101 101 100.9 
                

 Total:           
130,063  

            
196,024  

               
25,831  

 
351,918              

130,063  
           

195,885  
          
25,970  

 
351,918   

100 
 

100 
 

101 
 

100.0 
 Source: Application, Schedule 5-B-1 as revised March 16, 2007            
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The following table sets out the increase in revenues by rate class (capped at a 10% maximum) as proposed by AE in the Application:
 
Table 8. Summary of Revenues on Existing and Proposed Rates 

 
Revenue on Proposed Rates 

($000)  
Revenue on Existing Rates 

($) 
 Existing vs. Proposed Rates 

(%) 
 

Customer T D S TOTAL  T D&S TOTAL  T D&S TOTAL 
Rate Class Revenue Revenue Revenue Revenue  Revenue Revenue Revenue  Change Change Change 
             

Residential Rate D11  13,477 64,351 13,537 91,365  15,721 72,090 87,811  -14 8 4.0 
General Service Rate D21 8,671 25,420 2,590 36,681  9,456  26,298  35,754  -8 7 2.6 
Irrigation Rate D25 & D26 65 42 4 111  30 71 101  116 -35 10.0 
Industrial Rate D31 & D32 75,720 70,172 3,832 149,724  74,062 62,050 136,112  2 19 10.0 
Opportunity Rate (D-connect) D33 0 0 0 0  0 0 0     
T-Connect T31 & T33 21,544 825 522 22,891  21,544 789 22,333  0 71 2.5 
Oilfield Rate D41 4,361 18,411 1,513 24,285  4,394 17,787 22,181  -1 12 9.5 
REA Farm Rate D51 (inc D52) 2,197 1,695 904 4,795  2,820 2,351 5,171  -22 11 -7.3 
Farm Service Rate D56 3,745 10,354 2,103 16,202  4,759 11,105 15,865  -21 12 2.1 
Street Light Rate D61 240 4,091 677 5,008  375 4,178 4,553  -36 14 10.0 
Sentinel Light Rate D63 43 525 289 857  67 712 779  -36 14 10.0 
             

Total: 130,063 195,885 25,970 351,918   133,228 197,432 330,660   -2 12 6.4 

Source: Application, Schedule 5-B-2 as Revised March 16, 2007          
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5.1 Maximum Rate Class Increase  
AE continued to rely upon the rate design principles and methodology previously accepted by 
the Board in the context of past DTAs. AE set transmission charges so as to recover 100% of the 
forecast demand related costs allocated to any rate class through a demand charge; and 100% of 
the forecast allocated energy related costs through an energy charge (with the exception of price 
schedules D11 and D22, since they do not contain demand charges and price schedules D61 and 
D63, since they do not contain energy charges). With respect to the distribution and service 
functions, AE deviated from the 100% recovery approach in order to provide flexibility in setting 
rates and to avoid rate increases that would exceed 10%.  
 
AE indicated that it attempted to maintain a 95% to 105% revenue to cost ratio band for all rate 
classes, but that this was not achievable for streetlights and irrigation customers, given the desire 
to limit a rate increase to 10%. AE proposed that other rate classes would absorb the relatively 
small amount needed to limit the increases for those classes. Since, the rate impact on other rate 
classes of this approach was small, AE submitted that it was appropriate to transition these rates 
to the desired revenue to cost ratio and not make changes of greater than 10% at this time.  
 
As the Board has utilized a rate cap of 10% for any increases in recent Board decisions, 
ASBG/PGA submitted that AE’s 10% cap was appropriate to mitigate rate shock for a particular 
year. However, AAMDC/AFREA submitted that based on its submissions, it was not clear that a 
significant change in the streetlight allocated costs was warranted or that the streetlight rate 
actually needed the 10% cap applied.  
 
CCA submitted that the proposal to limit the maximum rate increase to any one rate class to 10% 
was reasonable. 
 
UCA supported the use of a generic 10% maximum increase as proposed by AE. 
 
5.1.1 Views of the Board 
The Board finds that it is appropriate to limit the increase to any rate class to 10% for the rates 
arising out of this Phase II proceeding. The Board notes that the 10% rate cap will be applicable 
to the irrigation rate and possibly to the streetlight classes. Both of these rate classes are 
comparatively small and therefore the effect on keeping these two rate classes outside of the 
generally accepted revenue to cost range of 95% to 105% will be relatively minor to the other 
rate classes. 
 
Accordingly, the Board directs AE, in its Refiling, to use the 10% increase cap, as required.  
 
5.2 Transitioning of Rate Classes to 100% RC Ratios 
AE submitted that its proposal to transition all rate classes to the 95% to 105% revenue to cost 
ratio band using only Phase II proceedings was fair and appropriate, particularly given the minor 
nature of the impact on other rate classes. AE submitted that the use of other proceedings, such 
as Rider G Application is not warranted in the circumstances particularly since the revenue to 
cost ratio for all other classes still remains within the tolerance range discussed above. 
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As Table 6 of this Decision set out, AE proposed a RC ratio in this Application for Irrigation 
Rate Classes D25/26 of 46%; in the 2001/02 GTA and in the 2004 GTA, the RC ratios were 
100% and 98%, respectively. Likewise, the proposed RC ratio for Streetlight Rate Classes D61 is 
63% in this Application; in the 2001/02 GTA and in the 2004 GTA, the RC ratios were 100% 
and 96%, respectively. As such, the RC ratios for Rate classes D25/26 and D61 reflect a 
significant decrease from that approved by the Board in the prior two GTAs. In this Application, 
AE proposes to collect only 26% of the Distribution costs from the irrigation rate classes and 
62% of the Distribution Costs from the streetlight rate classes. 
 
The total subsidy to the irrigation and streetlight customers is approximately $3.0 million/annum. 
Of this, about a third, or $1.1 million, is provided by the Rate 11 customers. AE estimated that it 
may take more than one or two DTAs for the ratios for these rate classes to revert to the 95% to 
105% range in light of the 10% maximum rate increase constraint. 
 
AE submitted that annual increase in the rates for D25/D26 and D61 beyond the test years would 
not be effective and would only lead to further complications in the rate design for the following 
reasons: 
 

• AE’s experience is that distribution tariff applications occur every two to three years. In 
between, AE is required to submit yearly interim rate applications that may see an 
increase or decrease in customer rates based on changes to proposed/approved revenue 
requirements or other cost drivers (for example, AESO tariffs). Any adjustments to D61 
and D25/D26 would still have to be tempered with rate adjustments resulting from the 
interim rate applications. 

 
• AE submits yearly rider applications (Rider G) to help dispense of deferral account 

balances and true-up of previous approved riders. This rider is generally filed in the first 
or second quarter of the year for an effective period between August to December. An 
automatic annual increase of 10% to D25/D26 and D61 should be taken within the 
context of what impact Rider G will have on customer bills in order to minimize further 
rate shock. The timing of Rider G application and the interim rate application makes it 
difficult to determine whether further changes to D61 and D25/D26 are possible, while 
recognizing the maximum rate increase of 10%. 

 
• AE is concerned that adjusting rates without recognizing the effects of cost drivers may 

cause significant rate swings (by component and by function) from application to 
application to occur. For instance, if rates are increased by a maximum of 10% and a 
change in AESO rates occur this may pose a rate design problem in the following DTA 
when attempting to balance the changes in cost drivers for each of the transmission, 
distribution and service functions. 

 
• Considering that the impact to other customers in this application as a result of absorbing 

the revenue deficiency from rate classes D61 and D25/D26 is approximately 1%, AE is 
of the view that the overall impact is small enough that any benefits gained from this 
approach would be offset by the administrative difficulties incurred. 

 
Further, AE submitted that using other mechanisms, such as the Rider G or Interim Rate 
Applications, to implement further rate increases between Phase II DTAs was unnecessary given 
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the minor impact on other customer classes and the difficulty in assessing what will occur 
regarding cost drivers year over year. AE submitted that such an approach would significantly 
complicate what has become a rather straightforward Rider G (or Interim Rate) Application 
process and would not permit such a process to be completed in a timely manner, as is currently 
the case.  
 
CCA submitted that there is a significant and on-going annual subsidy to the irrigation and 
streetlight rate classes by all other rate classes which are proposed to have in excess of a 100% 
RC ratios and suggested that annual rate increases of 10% be applied in each of the intervening 
years between this GTA and the next GTAs until RC ratio for these rate classes have been 
brought into tolerance. 
 
CCA submitted that the disparity in the RC ratios between the irrigation and streetlights rates and 
those of the other rate classes could also become further exacerbated depending on the allocation 
of costs arising from AE’s yearly interim rate applications based on changes to proposed or 
approved revenue requirements or other cost drivers (for example, AESO tariffs or Rider G). As 
such, further true-ups may also be necessary based on the RC ratios proposed in AE’s next GTA. 
 
ASBG/PGA submitted that the maximum rate cap should apply for the test periods as there is no 
basis to assume the present proposed methodologies will endure in the future and it is 
inappropriate to lock-in any future R/C ratio increases without the benefit of a thorough 
examination in a future GTA Phase II proceeding.  
 
UCA supported transitioning to 100% revenue to cost ratios without rate increases between 
Phase II rate proceedings. UCA submitted that CCA’s approach, if properly conducted, would 
require the re-running or re-basing of the COSS to determine the revenue to cost ratios. This 
would be required on at least an annual basis, if not more frequently, depending on the number 
of true-up or reconciliation applications that are filed over the course of a year. In UCA’s view, 
re-basing rates with a COSS is not required on such a frequent basis and would be time 
consuming and costly for all parties. 
 
5.2.1 Views of the Board 
The Board recognizes that, in certain situations, there may be a long transition period to bring the 
revenue to cost ratios for a rate class that is outside the 95% to 105% band into the band using 
10% maximum increases after Phase II proceedings. However, the Board finds that rate changes 
to improve revenue to cost ratios outside of the 95% to 105% band should normally be approved 
only in the context of Phase II proceedings where current COSS and billing determinant 
forecasts may be fully tested. Therefore, the Board approves AE’s proposed transitional 
approach.  
 
 
6 INDIVIDUAL RATES AND RIDERS 

6.1 Billing Determinants 
AE explained that changes in the forecast billing determinants for the 2008 Test Year for the 
irrigation class resulted from AE’s improvements in tracking billing determinant actuals for this 
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rate class.83 AE now has the information available to it to be able to better track billing 
determinants and ensure that the irrigation rate class is paying an appropriate share of costs.84  
 
ASBG/PGA objected to AE’s position that the proposed methodology was the cause of the 
decreased irrigation revenue to cost ratio. ASBG/PGA argued the proposed methodology, class 
responsibility for POD NCP demand, provided billing determinants for irrigation service for 
each of the 12 months even when irrigation service was not connected. ASBG/PGA submitted 
this does not determine class responsibility on a POD basis and fails to consider seasonal load 
diversity. 
 
6.1.1 Views of the Board 
The Board notes ASBG/PGA’s concern that the decreased irrigation revenue to cost ratio 
resulted from higher cost allocations due to the changed methodology rather than the 
improvement in tracking of billing actuals as explained by AE. 
 
The Board notes that AE indicated that previously the irrigation class was being allocated a 
lower amount of costs than is now considered appropriate based on the improved billing 
determinant information currently available.85 In that regard the Board notes that the improved 
information is available due to the use of the AMR meter technology in 2004 and 2005.86

 
The improved information indicates that the irrigation rate class will pay approximately 
$100,000 less than its allocated costs (or 46% of its allocated costs) in 2008 considering the 
Board’s use of a cap in rate increases for a rate class of 10%. In addition the Board’s acceptance 
of AE’s proposal that adjustments should only be made in the context of the Phase II applications 
ensures that AE will have more actual billing determinant information for irrigation customers 
when it files its next GTA. 
 
Accordingly, for the purposes of this GTA, the Board accepts AE’s explanation that changes in 
the forecast billing determinants for the irrigation class resulted from improvements in the 
tracking of billing determinant information for the irrigation rate class. 
 
6.2 Oilfield Class D41 – Grandfathering and Customer Migrations to D31 
AE identified a concern with the current rate structure of Price Schedule D41 which has a low 
crossover between Price Schedules D41 and D31.87 It discovered this following a review that 
was conducted in response to Directive 29 from Decision 2005-025. With the existing rate 
structure in place, new oilfield customer additions with billing demand greater than 30 kW 
generally seek to be billed under Price Schedule D31, and are then billed at the minimum 
demand of 50 kW. The low cross-over has resulted in more of the higher cost customers seeking 
to be billed under a lower cost rate.  
 
As detailed in PICA-ATCO-11, certain customers are grouped together because they incur and 
share similar costs. Lower load oilfield customers are traditionally rural based, with larger and 
more expensive distribution facilities (on a per unit dollar/kilowatt basis). As well, as 
                                                 
83  Exhibit 002-01, Application, Section 5; Transcript Volume 2, page 367 
84  Transcript Volume 3, pages 370-371 and 439 
85  Application, page 5-9 
86  Transcript Volume 2, pages 424-426 
87  Application, page 5-13 to 5-14 

46   •   EUB Decision 2007-086 (November 8, 2007) 



2008 DT Phase II  ATCO Electric 
 
 

 

demonstrated in AE’s cost of service schedules and 2004 Loss Study, oilfield class customers 
tend to have longer primary distribution lines than industrial rate class customers. 
 
AE proposed that it would address interclass rate equity concerns by limiting the applicability of 
oilfield and pumping load services under the Rate D31 price schedule to only those operating 
loads above 50 kW. AE’s proposed that small oilfield and pumping power loads under or equal 
to 50 kW be required to be served under Price Schedule D41.88 AE submitted that a 50 kW cap 
will allow for a smooth transition to Price Schedule D31, which has a current rate minimum of 
50 kW. AE noted that its proposal is consistent with the companion rate schedule currently 
approved by the Board for FAI (Rate Schedule 45), which has a cap of 75 kW.  
 
AE proposed that it would grandfather existing customers who may not satisfy the new eligibility 
criteria for the price schedule if AE’s proposed cap is accepted by the Board. AE indicated that it 
has been its practice not to force customers from one price schedule to another in circumstances 
where they were eligible for service under the applicable price schedule at the time such service 
commenced. Additionally, AE explained that mandating an approach where current customers 
are forced to convert could be extremely disruptive for customers, as well as the utility. 
Customers would be required to buy-down remaining contracts and AE would have to determine 
an appropriate investment amount applicable to the new contract under the new price schedule. 
AE submitted that the administrative difficulties associated with such a disruptive process were 
simply not warranted.  
 
PICA noted that AE indicated Rate D41 was developed to recognize oilfield customers (below 
approximately 50 kW), on average, tend to have higher distribution costs than other customers. 
PICA noted that AE indicated that there was no cost causation basis for selecting 50 kW for the 
cut off for small oilfield versus large oilfield customers and submitted that there was no 
requirement for the Rate D41 cap to coincide with the rate minimum for Rate D31 because small 
oilfield service is a distinct service with distinct cost characteristics and can be identified as such.  
 
PICA submitted that, in absence of a cost causation basis, the proposed 50 kW cap must be 
evaluated against the rate offerings of other utilities providing similar service to oilfield 
customers. PICA noted the comparable cap on the oilfield rate offered by FAI is 75 kW.89 PICA 
submitted that, given the FAI cap of 75 kW has been approved by the Board, a similar cap on 
rate D41 for AE would provide a reasonable degree of comparability. PICA recommended 
oilfield customer with loads up to 75 kW should not be eligible for service under Rate D31.  
 
In response to AE’s intention to grandfather existing oilfield loads below the proposed cap 
within Rate D31, PICA noted that AE does not even know how many oilfield customers under 
50 kW are included in Rate D31.90 PICA was also surprised that AE, knowing the cost 
implications for Rate D31, had allowed a substantial number of high cost oilfield customers into 
Rate D31 over the years. PICA notes from Table A-3, provided as part of the loss study, the 
under 2 MW industrial class (Rate D31) has over 9 miles of primary distribution associated with 
it; whereas the small general service class (Rate D21) has about 6 miles associated with it.91 If 

                                                 
88  Response to PICA-ATCO-11 
89  Exhibit 002-01, Application, page 5-14 
90  Transcript Volume 1, page 121, line 13 
91  Application, Section 10 Attachment 1; page 23 of 28 
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not for oilfield customers; PICA questioned whether the under 2 MW sub class of D31 would 
still have shown primary line length significantly higher than for small general service.  
 
PICA submitted that AE appeared to confirm the assumption that, in the past, the contribution 
policy would make the company somewhat indifferent as to whether an oilfield customer was 
served under Rate D41 or Rate D31 because, although Rate D31 is a lower rate than D41, the 
company investment levels are lower for Rate D31 than for Rate D41.92  
 
PICA noted that Rate D31 customers are being called upon to continue to bear the burden of any 
higher costs resulting from the inclusion of smaller oilfield customers in Rate D31 through the 
proposed grandfathering of existing small oilfield customers into Rate D31.  
 
PICA submitted that AE should be directed to assess the feasibility of moving all oilfield 
customers with loads less than 75 kW from Rate D31 to D41 as part of the Phase II Refiling and, 
if feasible, propose a plan for moving oilfield customers with loads below 75 kW from Rate D31 
to Rate D41 and reflect the impact of this change on the cost of service and rates for Rate classes 
D31 and D41. 
 
AE indicated that, in AE’s 1998 DTA, it proposed to incorporate a rate minimum of 75 kW on 
rate D31 customers to assist in addressing the cross-over issue it had identified as far back as that 
proceeding (Decision U99034, page 67).93 AE noted that the Board did not approve its request in 
the context of that proceeding. AE indicated that it has never opposed a 75 kW cap and has 
attempted to address this issue for an extended period of time. 
 
6.2.1 Views of the Board 
Following its review conducted in response to Directive 29 from Decision 2005-025, AE stated 
that it had identified a concern with the current rate structure for the Rate D41 rate class. AE 
stated that the low cross-over has resulted in more of the higher cost customers from Rate D41 
seeking to be billed under a lower cost rate in Rate D31. The Board notes that both AE and PICA 
are in agreement that there should be a minimum customer size for new oilfield customers to be 
eligible to be served under Price Schedule 31.  
 
While AE had at one time proposed that the minimum customer size for oilfield customers to be 
served under Price Schedule 31 should be the 75 kW level, it now indicated that the 50 kW level 
would be appropriate. AE also indicated that it has never opposed a 75 kW cap. Given the 
concerns identified by AE about the rate structure, the concerns of PICA that Rate D31 
customers are bearing a burden of higher costs from the inclusion of smaller oilfield customers, 
and the lack of objection from AE or any other party, the Board finds that AE should use a 75 
kW minimum for new Price Schedule 31 oilfield customers. The Board notes that this 75 kW cap 
would also be consistent with FAI’s approach.  
 
Accordingly, the Board directs AE to maintain its current 50 kW minimum for non-oilfield 
customer and to use a 75 kW minimum for oilfield customers for determining eligibility for Price 
Schedule 31 commencing January 1, 2008 and to file a revised price schedule clearly setting out 
this change.  
                                                 
92  Transcript Volume 1, page 125, line 111 to page 126, line 10 
93  Decision U99034 –Alberta Power Limited 1996 General Rate Application - Phase II (Released: August 10, 

1999) 
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The Board agrees with AE, for purposes of this Phase II, that grandfathering existing oilfield 
customers that do not meet the 75 kW minimum is preferable to the disruptions and 
administrative difficulties of forced conversion and therefore the Board approves the 
grandfathering provisions AE proposed for all existing Rate D31 customers.  
 
However, the Board agrees with PICA that AE should be directed to assess the feasibility of 
moving all oilfield customers with loads less than 75 kW from Rate D31 to D41 and directs AE 
in the next Phase II application, to conduct the aforementioned assessment. 
 
 
7 AMENDMENTS TO THE TERMS AND CONDITIONS FOR DISTRIBUTION 

SERVICE CONNECTIONS 

7.1 Updates to Proposed Investment Levels  
The maximum investment level defines the amount that a distribution wires owner will invest 
when extending service to new customers. AE has requested some adjustments to its current 
investment levels based on an Investment Level Study which considered the effects of 
intergenerational equity, the maximum allowable investment, and the average historical local 
extension cost per rate class. AE’s proposal would hold changes within +/- 10% for the primary 
investment term of five years. The following table94 summarizes the changes: 
 

                                                 
94  Exhibit 002-01, Application, Section 8, page 8-4 
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Table 9. AE Proposed Investment Levels 
Rate 
Class 

Term 
Investment 

Existing 
Investment Level 

Proposed 
Investment level 

% 
Change 

D11 Residential  5  $890/site  $980/site  10%  
D21 General  5  $320/kW  $350/kW  9%  
Service      
D25 Irrigation  5  $65/kW  $65/kW  0%  
D31 Large  5  $350/kW first 500 kW  $365/kW first 500 kW  4%  
General Service /      
Industrial   $235/kW above 500 kW $245/kW above 500 kW 4%  
     
 4  $116/kW first 500 kW  $116/kW first 500 kW  0%  
  $78/kW above 500 kW $78/kW above 500 kW 0%  
      
 3  $90/kW first 500 kW  $90/kW first 500 kW  0%  
  $61/kW above 500 kW $61/kW above 500 kW 0%  
     
 2  $63/kW first 500 kW  $63/kW first 500 kW  0%  
  $42/kW above 500 kW $42/kW above 500 kW 0%  
     
 1  $33/kW first 500 kW  $33/kW first 500 kW  0%  
  $22/kW above 500 kW $22/kW above 500 kW 0%  
     
D41 Oilfield  5  $510/kW  $510/kW  0%  
 4  $205/kW  $200/kW  -2%  
 3  $160/kW  $156/kW  -3%  
 2  $111/kW  $108/kW  -3%  
 1  $58/kW  $56/kW  -3%  
D56 Company  5  $360/kVa  $395/kVa  10%  
Farm      
D61 Street Lights  5  $1,120/light  $1,230/light  10%  
  $280/light  $305/light  9%  
D63 Sentinel  5  $915/light  $915/light  0%  
Lights   $230/light  $230/light  0%  
 
AE submitted that the process used in the current Application to derive the maximum allowable 
investment per unit was the same as the process that had been used for the 2004 DTA but with 
the addition of 2004 and 2005 work order data. 
 
AE recommended that the investment levels proposed in the current Application be accepted by 
the Board because the criteria used had been previously accepted by the Board. Additional 
factors considered in the development of the proposed investment levels included the average 
historical local extension cost per rate class, the calculated maximum allowable investment per 
unit from the study and the capping of the change in investment levels at 10% to address 
intergenerational equity. 

UCA did not oppose the recommended investment levels of AE in this Application and was the 
only intervener to offer comments on this section. 
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7.1.1 Views of the Board 
The Board continues to monitor situations where intergenerational equity of investment levels 
could arise due to changes in policy or the level of investment or otherwise. The Board notes that 
AE has addressed this concern in their application by capping the change in investment levels at 
10%. The proposed increases, to some degree, represent the impact of inflation or construction 
costs since the last time changes were made for these classes. 
 
The Board finds that the proposed investment levels in the Application are reasonable, and the 
Board approves them as filed.  
 
7.2 Rate D11 Direct Funding to Developers 
CCA expressed concern that the maximum investment level is paid to subdivision developers 
instead of being credited to the individual home purchaser who is the end customer. 
 
CCA stated there was no transparency in whether these maximum investment levels paid to 
developers were in fact passed on to the ultimate end customer at the site since AE does not track 
whether the investment was passed on. 
 
CCA submitted that Rate 11 customers pay the costs associated with having these maximum 
investment levels amounts form part of rate base, but the related benefits are going to the 
developers who are in a different rate class. The CCA stated that AE’s current practice results in 
an inter-class subsidy.  
 
CCA recommended the Board direct AE to study Rate 11 direct funding to developers and to file 
at its next GTA, a mechanism where the maximum investment level amount is credited to the 
site directly rather than flowing to the developer initially. The CCA stated this option would keep 
the costs and benefits contained within the utility customer relationship and within the one rate 
class. 
 
UCA supported the conclusions and recommendations of CCA on this issue.  
 
AE rejected CCA’s position that AE should make the payment of contributions directly to 
residential customers. AE explained the contribution in aid of construction was paid to the 
person requesting service and this policy was administered consistently across all rate classes. 
AE confirmed that its practices are consistent with those of other Alberta distribution 
companies.95  
 
AE stated that when dealing with residential subdivisions it does not deal directly with the end 
use customer, unless the end use customer happens to be the developer. AE indicated that it has 
no ready way to track and monitor relationships between the developer, house builder and end 
use customer. Further complexities would arise when the type of dwelling is taken into 
consideration, including whether it was rented or owned.  
 
AE submitted the administrative complexities associated with attempting to track end use 
customers and ensure that they receive the contribution would not be workable, especially given 
the significant number of residential extensions. Each lot's meter and service cost, less the 
                                                 
95  Transcript Volume 1, pages 204-207 and 214 
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respective company investment, would need to be charged to the end use customer separately. 
Plus, a determination of whether the customer should contribute to its shared portion of the 
mainline costs would need to be made. Instead, AE relies upon the competitive operation of the 
marketplace to ensure that the benefits of such funding are passed through to end-use customers. 
 
7.2.1 Views of the Board 
Alberta distribution utilities credit the maximum investment level to the person requesting 
service. The Board recognizes the administrative difficulties that AE indicated would arise if 
utilities were required to track end use customers, given the significant number of residential 
extensions.  
 
The Board notes that no evidence was submitted to quantify the impact of any potential inter-
class subsidy raised by CCA nor were the costs of implementing procedures necessary for 
tracking under the CCA’s proposal identified. Given the amount of potential administrative work 
and cost that would be required to implement CCA’s recommendation, the Board rejects this 
proposal and is not persuaded that any further study on this matter is required by AE.  
 
7.3 Roles and Responsibilities of Utility to RRO Eligible and Non-eligible Customers 
UCA advised that it had been contacted by a number of customers who had been automatically 
switched from a Regulated Rate Service to Default Supply without sufficient advance warning 
that their estimated annual consumption requirements exceed 250 MW hours per year. 
 
UCA requested that the Board direct AE to amend its Terms and Conditions for Distribution 
Access Service to include a clause that clearly identifies the contractual responsibilities of the 
retailer to assess and determine the eligibility requirements of each customer on at least an 
annual basis, and that no less than 4 months prior written notification be given to each customer 
before any change or switch is made from eligible to non-eligible or vice-versa because of the 
250 MW hour per site threshold.  
 
AE determines Regulated Rate Option (RRO) eligibility upon the initial request for a connection 
or upon a change to a customer’s facilities. However, the responsibility for performing AE’s 
RRO functions has been transferred to DERS and as such, AE does not provide any forecast of 
customer consumption to any party for the determination of eligibility. AE does provide 
historical consumption for up to twelve months upon a specific request but given the segregation 
of roles pursuant to the current legislation, any review of a customer's eligibility subsequent to 
the initial determination is conducted by DERS. If DERS determines that the customer's 
eligibility has changed, AE will validate the change. AE argued that this matter should be 
pursued in the context of proceedings related to retailers and not in an AE Phase II proceeding. 
Moreover, for the very small number of sites whose eligibility changes after the initial 
connection, AE considers the current process is adequate and appropriate and that the Board 
should reject UCA’s suggested addition to the Terms and Conditions. 
 
7.3.1 Views of the Board 
The issue raised by UCA concerns those customers, who, but for the size of their load, would not 
be eligible to access a regulated rate but would either have to enter into a retail service contract 
for electricity services from a retailer or be served as a default customer.  
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Section 1(d) of the Regulated Rate Option Regulation (RRO Regulation) determines eligibility 
requirements for customers seeking to receive a regulated rate and defines an eligible customer 
as: 

 … 
(ii) any other customer, if the owner’s reasonable forecast of the customer’s annual 
consumption of electric energy at a site is less than 250 megawatt hours of electric energy 
at that site; 

 
As set out in this provision, it is the owner’s forecast that is used to determine a customer’s 
annual consumption therefore it follows that it is the owner’s responsibility to ensure RRO 
eligibility. 
 
Section 1(g) defines an owner as: 
 

(i)  the owner of an electric distribution system, or 
(ii) if the owner makes arrangement under which one or more other persons perform any 
or all of the duties or functions of the owner, the owner and those one or more other 
persons;  

 
It is the evidence of AE that it determines RRO eligibility upon the initial request for a 
connection or upon a change to a customer’s facilities but that DERS is responsible for 
determining a customer’s continuing eligibility. 
 
The Board finds that the statutory definition above supports the approach of AE and DERS. As it 
is DERS who is the RRO provider, the Board considers that the concerns of UCA would be more 
appropriately addressed in a DERS proceeding and the Board will not direct AE to amend this 
section of its Terms and Conditions. 
 
 
8 REFILING 

AE proposed to incorporate in its Refiling any changes to its 2008 revenue requirements 
resulting from the Board’s Decision with respect to its 2007/2008 GTA. Any true-ups taking 
place after the Refiling will be disposed of via future Rider applications.  
 
UCA submitted that, given the potential for significant changes as a result of the ATCO I-Tek 
benchmarking of Customer Care and Billing costs for streetlight and sentinel light customers, 
upon completion of the benchmarking if costs have changed significantly, a re-calculated COSS 
and rate design would be required. UCA submitted that the arguments on the specific issue of the 
ATCO I-Tek benchmarking process results can be dealt with once the results are known as part 
of a separate dispensation process. UCA does not oppose the treatment proposed by AE for this 
application on the remaining true-ups and placeholders. 
 
No party objected to the changes to AE’s terms and conditions of service that AE proposed. 
 
8.1 Views of the Board 
The Board considers that it would be premature to provide for any process at this time in regards 
to the ATCO I-Tek benchmarking proceeding. Upon completion of the benchmarking 
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proceeding, the Board expects parties to recommend a fair approach to incorporate the results of 
the benchmarking process into AE’s rates and riders. 
 
The Board directs AE to provide its Refiling to the Board and to all parties on or before 
November 29, 2007. Further, AE shall advise all parties that any comments on the Refiling are 
due on or before December 13, 2007. Further, AE shall advise all parties that reply comments are 
due on or before January 7, 2008. 
 
The Board notes that comments on AE’s Phase I Refiling ordered in Decision 2007-071 are due 
on or before, November 1, 2007. Given that the decision on AE’s final 2008 distribution revenue 
requirement is unlikely to issue prior to the Phase II Refiling, the Board directs AE to 
appropriately incorporate in its Phase II Refiling any changes to its 2008 revenue requirements 
that are reflected in its Phase I Refiling. Any further adjustments that arise out of the Phase I 
Refiling process should be handled via a future rider application.  
 
The Board directs AE, in the Refiling, to provide the rates that it considers would be appropriate 
for implementation effective January 1, 2008.  
 
Further, the Board directs AE, in its Refiling, to file the customary rate impact and comparison 
schedules/information showing the impacts of this Decision on customer bills for the various rate 
classes, including any proposed Riders for which AE is seeking approval. These comparisons 
should include updated Schedule 5-B-1 and Schedule 5-B-2. 
 
The Board intends to approve the refiled rates in a decision to be released shortly after AE’s 
Phase II Refiling is received to provide retailers with notice of the rates to be effective January 1, 
2008. The final determination on this matter will depend on the refiled rates and any other rate 
impacts that need to be addressed in a comparable time frame to minimize the number of rate 
changes communicated to customers from other factors such as deferral accounts. 
 
Accordingly, the Board directs AE, in its Refiling, or earlier, to advise the Board of other 
potential rate changes affecting customers, the estimated impact of those rate changes and the 
timing of submission, estimated Board decision date and notice period for implementation 
assuming normal processing times for parties and the Board. The Board would appreciate AE’s 
advice as to the implementation of new rates.  
 
The Board has reviewed the changes AE proposed to its terms and conditions of service. The 
Board finds the changes are appropriate. The Board directs AE to refile a clean version of its 
terms and conditions in its Refiling with a summary of any changes required to reflect the 
findings of the Board in this Decision. The Board intends to approve the refiled terms and 
conditions of service in a decision to be released shortly after AE’s Phase II Refiling is received 
to provide retailers and customers with notice of AE’s terms and conditions to be effective 
January 1, 2008. 
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9 ORDER 

For and subject to the reasons set out in this Decision, IT IS HEREBY ORDERED THAT: 
 
ATCO Electric Ltd. shall refile its 2008 Distribution Tariff Phase II to reflect the findings, 
conclusions and directions in this Decision by November 29, 2007.  
 
 
Dated in Calgary, Alberta on November 8, 2007. 
 
ALBERTA ENERGY AND UTILITIES BOARD 
 
 
(original signed by) 
 
 
A. J. Berg, P.Eng. 
Presiding Member 
 
 
(original signed by) 
 
 
Laurie J. Bayda 
Acting Member 
 
 
(original signed by) 
 
 
M. W. Edwards 
Acting Member 
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L. G. Keough 
A. Sears 

 
S. Pahar 
J. Janow 
K. Koenig 
B. Ramsay 
N. Palladino 
J. Sarikas 

 
Public Institutional Consumers of Alberta (PICA) 
 J. McKenzie 

 
 

 
Office of the Utilities Consumer Advocate of Alberta (UCA) 
 T. A. Shipley 
 R. Henderson 

 
H. Vander Veen 
M. Lively 

 
Alberta Association of Municipal Districts & Counties (AAMDC) and 
Alberta Federation of REA’s Limited (AFREA) 
 T. D. Marriott 

 
P. L. Chernick 

 
Consumers Coalition of Alberta (CCA) 
 J. A. Wachowich 

 

 
Industrial Power Consumers Association of Alberta (IPCAA) 
 M. S. Forster 

 
R. Mikkelsen 

 
Alberta Sugar Beet Growers (ASBG) and 
Potato Growers of Alberta (PGA) 
 J. H. Unryn 

 

 
Aboriginal Communities (ABCOM) 
 J. L. Graves 

 

 
 
Alberta Energy and Utilities Board 
Board Panel 
 A. J. Berg, P.Eng., Presiding Member 
 L. J. Bayda, Acting Member 
 M. W. Edwards, Acting Member 
 
Board Staff 

C. Wall (Board Counsel) 
B. Ploof 
D. Cherniwchan 
C. Burt 
A. Rabiu 
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APPENDIX 2 – SUMMARY OF BOARD DIRECTIONS 

This section is provided for the convenience of readers. In the event of any difference between 
the Directions in this section and those in the main body of the Decision, the wording in the main 
body of the Decision shall prevail. 
 

1. The Board notes that ASBG/PGA requested that the Board direct AE to provide a working 
model of the diversity study to allow intervener testing. The Board finds that the calculation 
and use of the Diversity Study information represents an area suitable for technical meetings 
to address any misunderstandings through open questions and discussion. The Board directs 
AE, prior to the next Phase II proceeding, to provide to interveners a working model of the 
diversity study. AE shall organize a technical meeting which can include this area for 
discussion, and the working model should be provided sufficiently before the meeting 
allowing enough time for interveners to examine it and address their questions at the 
technical meeting. ................................................................................................................... 13 

2. The Board accepts the Diversity Study with the refinement proposed by IPCAA, and the 
Board directs AE, in the Refiling, to include the revised Diversity Study. ............................ 14 

3. Accordingly, the Board directs AE, in its next Phase II application, to submit the results of its 
tracking of the volumes brushed in 2008 and its views as to whether the allocation of 
brushing costs to customer classes should be adjusted........................................................... 15 

4. The Board directs AE, in its Refiling, to use IPCAA’s modified approach to allocate DTS 
charges. ................................................................................................................................... 17 

5. The Board finds that given the anticipated timing of the release of the AESO’s 2007 GTA 
Decision, it is not possible to incorporate the final AESO tariff in the COSS at the time of 
AE’s Refiling. Accordingly, the Board directs AE to provide a summary of the approach and 
timing that AE proposes to deal with the changes, if any, required to reflect the final AESO 
tariff on as timely a basis as practical but no later than February 1, 2008.............................. 19 

6. PICA recommended that AE be directed to use the average transformer replacement cost per 
customer, by customer class as a refinement to the transformer allocations as part of AE’s 
next application. The Board considers that there may be some merit in PICA’s 
recommendation however, there is insufficient evidentiary support in this proceeding to 
direct this change for the next GTA. Rather, the Board directs AE in its next Phase II to 
provide an analysis of PICA’s recommendation. ................................................................... 28 

7. Based on these findings, the Board directs AE in the Refiling, to: 
• Reduce the amount of secondary distribution system directly assigned to the streetlight 

rate class in the COSS by 50%, and to reallocate these amounts to all rate classes using 
the same allocators used to allocate other secondary distribution system plant. 

• Increase the amount of secondary distribution system plant allocators from the proposed 
50% level to the 100% level. ............................................................................................ 35 

8. Accordingly, the Board directs AE at the time of its next GTA to adjust its definition of a 
streetlight customer for billing purposes so that one streetlight fixture does not equal one 
customer. The Board considers that the billing charges in AE’s revenue requirement should 
not reflect separate customer charges for each streetlight fixture, but rather only billing 
charges for the number of unique attachment points to the distribution system for streetlights. 
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The charges for each unique attachment of streetlight fixtures can then be aggregated for 
each streetlight customer on that basis.................................................................................... 39 

9. Accordingly, the Board directs AE, in its Refiling, to use the 10% increase cap, as required.
................................................................................................................................................. 43 

10. Accordingly, the Board directs AE to maintain its current 50 kW minimum for non-oilfield 
customer and to use a 75 kW minimum for oilfield customers for determining eligibility for 
Price Schedule 31 commencing January 1, 2008 and to file a revised price schedule clearly 
setting out this change............................................................................................................. 48 

11. However, the Board agrees with PICA that AE should be directed to assess the feasibility of 
moving all oilfield customers with loads less than 75 kW from Rate D31 to D41 and directs 
AE in the next Phase II application, to conduct the aforementioned assessment. .................. 49 

12. The Board directs AE to provide its Refiling to the Board and to all parties on or before 
November 29, 2007. Further, AE shall advise all parties that any comments on the Refiling 
are due on or before December 13, 2007. Further, AE shall advise all parties that reply 
comments are due on or before January 7, 2008. ................................................................... 54 

13. The Board notes that comments on AE’s Phase I Refiling ordered in Decision 2007-071 are 
due on or before, November 1, 2007. Given that the decision on AE’s final 2008 distribution 
revenue requirement is unlikely to issue prior to the Phase II Refiling, the Board directs AE 
to appropriately incorporate in its Phase II Refiling any changes to its 2008 revenue 
requirements that are reflected in its Phase I Refiling. Any further adjustments that arise out 
of the Phase I Refiling process should be handled via a future rider application................... 54 

14. The Board directs AE, in the Refiling, to provide the rates that it considers would be 
appropriate for implementation effective January 1, 2008. .................................................... 54 

15. Further, the Board directs AE, in its Refiling, to file the customary rate impact and 
comparison schedules/information showing the impacts of this Decision on customer bills for 
the various rate classes, including any proposed Riders for which AE is seeking approval. 
These comparisons should include updated Schedule 5-B-1 and Schedule 5-B-2................. 54 

16. Accordingly, the Board directs AE, in its Refiling, or earlier, to advise the Board of other 
potential rate changes affecting customers, the estimated impact of those rate changes and the 
timing of submission, estimated Board decision date and notice period for implementation 
assuming normal processing times for parties and the Board. The Board would appreciate 
AE’s advice as to the implementation of new rates. ............................................................... 54 

17. The Board has reviewed the changes AE proposed to its terms and conditions of service. The 
Board finds the changes are appropriate. The Board directs AE to refile a clean version of its 
terms and conditions in its Refiling with a summary of any changes required to reflect the 
findings of the Board in this Decision. The Board intends to approve the refiled terms and 
conditions of service in a decision to be released shortly after AE’s Phase II Refiling is 
received to provide retailers and customers with notice of AE’s terms and conditions to be 
effective January 1, 2008. ....................................................................................................... 54 
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APPENDIX 3 – SUMMARY OF BOARD APPROVALS  

This section is provided for the convenience of readers. In the event of any difference between 
the Approvals in this section and those in the main body of the Decision, the wording in the main 
body of the Decision shall prevail. 
 
 

1. Accordingly, the Board approves AE’s proposed power factor charges of 16.14¢ per kVA per 
day for customers on the large general service/industrial rates and 37.12¢ per kVA per day 
for customers on AE’s oilfield rates. ........................................................................................ 3 

2. The Board considers AE’s 2004 Loss Study to allocate primary and secondary system losses 
represents a reasonable balance between accuracy, cost and intergenerational equity. 
Accordingly, the Board approves AE’s 2004 Loss Study as filed.......................................... 10 

3. Accordingly, the Board accepts the Brushing Study. ............................................................. 15 

4. Accordingly, the Board approves use of annual class responsibility for POD NCP as an 
allocator for primary system costs. ......................................................................................... 23 

5. CCA also made a recommendation with respect to the rounding of the results of the 
transformer study to obtain the customer portion of the transformer costs. The Board has 
reviewed Table 13.5 and notes that the customer portion of transformer costs for urban 
customers increased 5% while the regression results remained constant. The other two groups 
of customers, Rural Assigned and Unassigned customer portions remained constant at 2004 
levels despite reductions in the regression results. While CCA argued that the rounding was 
arbitrary, the Board understands that professional judgment was used to determine the final 
allocations. .............................................................................................................................. 27 

6. Given the variation across the results, the Board does not see any value in attempting to 
recast the customer portion for allocating transformer costs. Therefore, the Board approves 
AE’s proposed recommendations as filed............................................................................... 28 

7. The Board agrees with AE, for purposes of this Phase II, that grandfathering existing oilfield 
customers that do not meet the 75 kW minimum is preferable to the disruptions and 
administrative difficulties of forced conversion and therefore the Board approves the 
grandfathering provisions AE proposed for all existing Rate D31 customers........................ 49 

8. The Board continues to monitor situations where intergenerational equity of investment 
levels could arise due to changes in policy or the level of investment or otherwise. The Board 
notes that AE has addressed this concern in their application by capping the change in 
investment levels at 10%. The proposed increases, to some degree, represent the impact of 
inflation or construction costs since the last time changes were made for these classes........ 51 

9. The Board finds that the proposed investment levels in the Application are reasonable, and 
the Board approves them as filed............................................................................................ 51 
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   AE 1996—Phase II 

1. INTRODUCTION AND BACKGROUND 

Alberta Power Limited (APL) provided its 1996 Phase II filing (the Application) to the Alberta 
Energy and Utilities Board (the Board) on 17 July 1998. Notice of hearing was published on 
30 July 1998 and served on the interested party list from APL’s 1996 General Tariff Application. 
 
On 6 May 1999, APL notified the Board that its name had been changed to ATCO Electric Ltd. 
(AE). In the remainder of this Decision the Board will refer to both AE and its predecessor APL 
as AE. 
 
The Board heard the Application and intervenor evidence at a public hearing held in Edmonton 
from 2 December to 11 December 1998 before B. T. McManus, Q.C., J. P. Prince, Ph.D., and 
H. Jainarine, Acting Member. The applicant and intervenors were required to provide written 
argument on 11 January 1999 and written reply on 25 January 1999. Interested parties 
participating in the proceedings have been listed in Appendix 1. 
 
Most of AE’s existing customer retail rates had been approved on an interim basis commencing 
1 January 1996 in Order E95121, dated 21 December 1995. In Decision U97154, dated 
19 December 1997 the Board approved an interim across the board rider which allowed AE to 
collect its 1996 revenue requirement on a forecast basis. Other interim across the board riders 
(based on negotiated settlements and approved by the Board in Order U98027, dated 30 January 
1998 and Order U98081, dated 19 May 1998) allowed AE to collect its 1997 and 1998 
distribution revenue requirements on a forecast basis. 
 
AE submitted the Application as a 1998 Phase II filing, since the retail rates proposed in it were 
based upon AE’s 1998 distribution revenue requirement (the transmission, power purchase and 
distribution costs forecast to be incurred by AE’s distribution company [DISCO]) negotiated 
with customers and approved in Order U98081. In the Application AE requested approval of 
new rates to be effective 1 April 1999.  
 
AE significantly revised its Application on 30 September 1998, and again filed amendments on 
19 November 1998.  
 
AE requested that its amended Application, subject to further changes agreed upon at the 
hearing, be approved. AE also requested that the Terms and Conditions (T&C) contained in the 
Application be approved as filed, subject to being later updated for those aspects specifically 
made the subject of a negotiated settlement process.1  
 
In this Decision the Board summarizes the relevant positions of parties and sets out the reasons 
for the Board’s findings on significant matters regarding the Application. Two matters were dealt 
with in other Decisions; conversion of Pool Opportunity Rate (POR) service to firm service as 
dealt with in Decision U99006, dated 25 January 1999 and Temporary Direct Access Tariffs 
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(TDAT) dealt with in Decision U99014, dated 8 February 1999 (the TDAT will cease to be 
available to new customers as of the date of issuance of this decision, as noted in Section 4(h)). 
A third matter, those aspects of the T&C subject to the ongoing negotiated settlement process, 
remains outstanding. 
 
Also, in this Decision the Board finalizes AE’s interim retail rates in effect from 1 January 1996 
until 31 December 1998. The Board also sets out a process to arrive at new customer retail rates, 
tolls and charges forecast to generate total revenues based on the 1999 distribution revenue 
requirement included in a negotiated settlement for 1999/2000 as approved by the Board in 
Decision U99046, dated 10 May 1999.  
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2. COST OF SERVICE 

(a) General 
In its Phase 1 proceeding AE forecast that it will incur certain costs to serve its customers (in 
total the DISCO’s revenue requirement). The purpose of a cost of service study (COSS) is to 
analyze the costs forecast to be incurred by the DISCO and to allocate those costs to the 
customers or customer classes expected to cause them. The COSS enables rates to be designed 
which fairly pass through the forecast costs to the appropriate customers.  
 
This section will review AE’s methodology used in its 1998 COSS. 
 
AE first separated the costs making up its DISCO’s revenue requirement by function: 

Generation Costs 
Transmission Costs  
Distribution Costs 
 

Second, AE classified the functionalized costs as: 

Customer related  
Demand related and  
Energy related  

 
Third, AE allocated the classified costs to its customer classes by using allocation factors based 
on the number of customers, demand contributions (kW) of classes of service and energy sales 
(kWh) by classes of service. Customer related costs are costs that vary with the number of 
customers served. Demand related costs are costs that vary with kW demand. Energy costs vary 
with the kWhs of energy used. 
 
(1)  Appropriate Cost and Pool Price Data for the Cost of Service Study  
AE indicated that the COSS was based on the 1998 distribution revenue requirement (the 
forecast costs to AE’s DISCO of transmission, power purchases and distribution) as approved by 
the Board in Order U98081. The AE DISCO revenue requirement of $518.4 million was 
increased to $524.2 million to reflect the increase in total pool payment required by an increase 
in sales volume agreed to in the 1998 Negotiated Settlement.2 The forecast total revenue on the 
proposed rates was $524.15 million.3 AE’s distribution costs were not explicitly set out in the 
negotiated settlement of AE’s 1998 DISCO revenue requirement. The transmission and 
generation costs were explicitly set out. The distribution costs were the residual remaining after 
subtracting transmission and generation costs from the negotiated 1998 DISCO revenue 
requirement.  

                                                 
2 Phase II Filing, Revenue Requirement p.2 
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In allocating its distribution related revenue requirement, AE used 1997 actual closing balances 
of gross assets, accumulated depreciation and customer contributions. AE adjusted distribution 
costs to 1998 forecast levels to determine most of the costs to be allocated to customers. 
However, it used a 1998 pool price forecast for the purpose of developing time-of-use (TOU) 
differentials. To derive the shares of forecast 1998 Transmission Administrator (TA) billings, AE 
used actual energy use and transmission losses for 1995 in conjunction with forecast 1998 
demands.  
 
Several intervening parties argued that AE’s COSS was flawed since it used potentially out of 
date costs and allocation factors. Parties questioned the appropriateness of a pool price forecast 
based on information that was several years old, particularly given the consideration that pool 
prices had risen dramatically since 1997 and customer loads had changed since 1996.  
 
Board Findings 
The Board recognizes that the forecasts of pool prices, energy, demand and number of 
customers, reflected in the COSS, were open to examination by intervenors in AE’s 1998 Phase I 
Negotiated Settlement. However, in Decision U98081 the Board approved the negotiated 
settlement in its entirety without examination of specific cost components. The Board’s last 
examination of all of the components of AE’s distribution revenue requirement was for the 1996 
test year.  
 
The Electric Utilities Act, R.S.A. 1995, c.E-5.5 (the EU Act) came into force in May 1995, 
setting the stage for gradual and significant restructuring of Alberta’s electric industry. As a 
result, the 1996 Phase I proceeding and the current Phase II proceeding take place in a period 
when the electric industry is in transition toward a competitive market. The restructuring in the 
electric industry has led to many changes, with potential changes yet to occur; the current period 
is truly unique and represents more of an exception rather than the norm. 
 
Consequently, the Board shares intervenors’ concerns that the magnitude of costs and their 
appropriate allocation among customer classes has changed substantially since 1996 and will 
continue to change. The Board sets out its view on how these changes should be dealt with in 
Section 3(a).  
 
The graph, on page 9, demonstrates the extent of the increases in the pool price since 1997. With 
respect to the significant increases in pool prices and changes in TOU differentials, the Board 
considers that pool price signals must be the basis for appropriate market responses. AE provided 
a forecast for 1998 that was prepared well before the end of 1998. The Board considers that the 
actual 1998 pool price record and loads (see Section 3(b)) would provide a more appropriate 
basis for forecasting the annual average cost of energy for 1999 fixed rate classes including the 
TOU classes.  
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The Board therefore directs AE to use actual 1998 pool prices for the purpose of determining the 
cost of pool purchases used in the refiling. The actual 1998 pool price record should be utilized 
in the calculation of pool purchases, Unit Obligation Values (UOVs), TOU rates and annual 
average energy costs. (See also Section 3(b)) 
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(b)  Allocation of Generation-Related Costs 

Background 

The transition to competition implicitly defined in the EU Act provides for the recovery of costs 
related to generation using three components: the pool price, the reservation price, and the UOV. 
The allocation of these generation-related components to distributors was prescribed in a way 
that attempted to ensure the DISCO ultimately paid the fixed plus variable costs of generation 
(paralleling the demand component and energy component of traditional regulation).4 The 
EU Act allows the possibility that the method of allocating these costs to end-use customers may 
differ from the method by which they were allocated to distributors. However, the allocation 
must include the legislated hedges:  reservation payment (RP) and UOVs.  

                                                 

 

4 The RP approximately covers fixed costs. Pool Receipts minus the UOV yields variable generation costs 
(for sales up to the UOA). This is discussed in detail in the Phase 1 Decision U97065, and will not be dealt with in 
detail here. 
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AE proposed to allocate UOVs to end-use customers in a manner similar to that used to allocate 
entitlements to distributors in that it was based on forecast hourly energy use by customer class. 
Parties generally accepted that approach for UOVs, but there were differences in their views of 
the details appropriate to the allocation. 
 
AE proposed to use a method to allocate the RP to end-use customers that differed only slightly 
from the method used to allocate the RP to distributors. The company proposed to allocate the 
RP on a 3 winter/9 non-winter (3W/9NW) demand basis.5 IPCAA and IPPSA/SPPA also 
proposed methods using 3W/9NW demand allocation. 
 
The FIRM Customers submitted that the allocation of the RP to customers should be based on 
the forecast UOV refund allocated to each customer class. The UOV allocation was to be based 
on forecast energy use.6  
 
AE’s Allocation Methods 

The hourly cost of pool purchases was allocated to each rate class based on its share of the total 
energy forecast to be purchased by the DISCO in the hour. The sum of the obligation value 
refunds for all generating units in each hour was allocated to each rate class based on its share of 
the total energy forecast to be purchased by the DISCO in the hour less POR and Rate 38 energy. 
 
AE split its forecast RP into a demand cost and energy cost pool based on the total Alberta 
Integrated System (AIS) fixed demand and fixed energy cost pools used in the modeling of the 
reservation price shares. Then the fixed demand costs were allocated to each rate class based on 
its share of 3W/9NW demand, excluding the demand of Class III interruptible load. The fixed 
energy costs were allocated to each rate class based on its share of the annual energy usage.  
 
AE maintained that this RP allocation method represented the manner in which fixed costs are 
actually incurred by AE with respect to the regulated generating units. In the process used to 
determine DISCO RP shares, total AIS generation costs had been split into fixed demand cost, 
fixed energy cost and variable energy costs pools. Then the fixed demand and energy cost pools 
were allocated to AE based on its share of 3W/9NW demand and energy usage at what was the 
Electric Energy Marketing Agency (EEMA) interface.  
 
Some intervenors suggested that such allocation was no longer appropriate given the manner in 
which AE’s system operates today. The expert witness for the FIRM Customers, Mr. Marcus, 
acknowledged that neither the pool price nor the maximum AIS load affect the RP payable by 
AE DISCO. AE stated that when one views this issue from a “cost causation” point of view, the 
                                                 

5 Reservation payments had been allocated to distribution companies, under the EU Act, using the similar 
EEMA demand allocation. 

 

6 The allocation method was to be that proposed by TransAlta in its 1996 Phase II Application and would 
be done on an hourly basis for each customer class. 
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continued use of the 3W/9NW demand approach remains appropriate. It represents both the way 
the existing generating units were planned and built and the way the costs were allocated to the 
entitled distributors. AE submitted that its approach was just and reasonable and should be 
accepted by the Board.  
 
On “bumplessness,” AE noted that prior to the EU Act, the level and structure of retail rates 
changed frequently, as utility costs changed and newer rates were developed and refined. This 
continues to be particularly true in the context of unbundled rate options. AE’s proposed rate 
design and cost allocation lead to just and reasonable tolls and, therefore, do not offend any 
consideration regarding “bumplessness.” 
 
Position of the Parties 

FIRM Customers 
The FIRM Customers opposed AE’s approach to allocating generation costs, preferring the 
energy based approach TransAlta Utilities Corporation (TransAlta) had used. The FIRM 
Customers submitted that TransAlta’s approach was forward looking, reflected current cost 
causation, provided customers with the hourly pool price signals, was consistent with market 
pricing of hedges and would create a smooth transition towards the new market structure.  
 
Section 38(1) of the EU Act refers to costs “not significantly different” for “entitled electric 
distribution systems.” It does not apply to cost allocations between customer classes or 
individual rates. The restructuring has resulted in many changes including a significant portion of 
DISCO transmission payments now being based on energy. There can be no guarantee of a 
“bumpless cost” allocation to customer classes.  
 
Following three years of “bumpless” restructuring, the Board should consider new goals and 
alternatives in customer rate design to support the creation of a new, competitive market rather 
than duplicating the past. TransAlta’s generation allocation reflects the costs and recognizes the 
flatter loads that are being experienced. TransAlta’s approach provides hedges at the same price 
per kilowatt-hour hedged for all customers.  
 
The FIRM Customers submitted that the 3W/9NW demand allocation method AE uses was not 
valid for allocation of RP and UOV since it does not reflect current market conditions. Unlike 
TransAlta’s method, the demand method does not recognize the value of a hedge to the 
customer. The UOV can be viewed as providing a hedge against the pool price to the customer, 
with the value of the hedge related to the energy hedged and the difference between the hedged 
and unhedged price. This value should be reflected in the price paid for the hedge by the 
customer. The cost of the hedge is the RP, representing the fixed costs paid to obtain the hedged 
energy. TransAlta’s proposal was consistent with market pricing, since kilowatt-hours are to be 
hedged at the same per unit price for all customers and value is aligned with cost. 
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In contrast, the 3W/9NW allocation method would result in high load factor customers paying 
less to hedge a certain amount of energy than lower load factor customers. It would be 
unsustainable for one group of customers to pay the same amount for a hedge as another group 
of customers, but be allowed to hedge twice as much energy. The industrial approach is only 
sustainable under regulation and represents a barrier to the development of a true competitive 
market. Similarly under the stranded cost/residual value (SC/RV) method, the residual value 
benefits from the embedded system would be disproportionately allocated to high load factor 
classes. It is not logical that firm, low load factor customers who have disproportionately paid for 
the system’s fixed costs should not realize its benefits in a significant manner.  
 
The 3W/9NW allocation method is no longer appropriate due to the high load factor of the 
Alberta system, the relatively even monthly peaks and the spread of unreliability (as represented 
by high pool prices) into many periods across the year. The 3W/9NW demand no longer reflects 
the cost structure of the Alberta generation system since there is no significant “load valley” 
created by the Alberta winter peak. For the 12 months from September 1997 to August 1998 the 
average difference in on-peak loads between the three winter and nine non-winter months was 
only eight percent or 554 MW. The only remaining “load valley” was in April and May.  
 
When generation capacity is short, power pool prices reach high levels. The data provided by 
Mr. Marcus demonstrated that high pool prices can occur throughout the year, not predominantly 
in winter months and not just at the peak hour of the month. Power shortages and capacity cost 
incurrence are no longer coincident with monthly peak loads and occur over large numbers of 
peak hours over the year. 
 
Even without restructuring, this analysis supports a shift towards a broader measure of capacity 
cost allocation. TransAlta’s allocation of RP in proportion to UOV ensures a higher allocation of 
RP to all high pool price hours. Such allocation better reflects prevailing flatter load conditions.  
 
However, the FIRM Customers submitted that if the Board approves allocation of RP using a 
demand-based allocator, then UOVs should also be allocated using the same demand-based 
allocator. This would effectively allocate the same number of hedged kilowatt-hours per kilowatt 
to each customer, resulting in a more market-oriented hedge. On-peak energy use (the GSS 
allocator) should be the demand allocator, since it is a better measure of the need for capacity on 
the Alberta system. The 3W/9NW demand allocator no longer represents the current distribution 
of unreliability across the Alberta Interconnected Electric System. 
 
In response to TransCanada’s submission that the monthly winter peaks of 1997-98 were non-
representative because of El Nino, the FIRM Customers noted that monthly peaks were related to 
conditions on a single day of the month and cold days occur even in winters which are mild 
overall.  
 
The FIRM Customers considered that the reduction in DISCO RP that occurred due to Class III 
interruptible loads was captured and shared appropriately by AE. The Class III customers no 
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longer exist and the benefits should be shared amongst all firm loads, rather than just amongst 
Rate 31 customers as IPCAA proposed. Otherwise, a disproportionate benefit would arise to 
Rate 31 customers simply because it was the rate class where the interruptible loads used to 
reside. 
 
Parties Supporting the 3W/9NW Allocation Method 
IPCAA, TransCanada and IPPSA/SPPA generally supported AE’s allocation methods. These 
parties were concerned that TransAlta’s method departed from the demand intensive approach to 
generation cost allocation by adopting an energy intensive method. Under TransAlta’s allocation 
of generation supply costs on an energy basis there would be little difference in total per kWh 
generation cost between classes. This was very different from the past, even though the nature of 
overall provincial generation costs had not significantly changed since restructuring and 
legislated hedges were established to preserve this reality at the DISCO level. The parties 
supported methods that essentially tied the allocation of the RP to the levels of demand 
associated with customer classes and advocated the 3W/9NW demand allocation accepted in 
recent EEMA proceedings. A summary of each party’s significant argument follows. 
 
IPCAA 
IPCAA agreed with AE that generation costs should be allocated the way in which they were 
incurred. The point of contention was what “causes” RP. TransAlta’s “energy only” allocation of 
legislated hedge costs ignored the underlying fundamentals on which the hedges were designed. 
The manner in which DISCOs pay for generation costs from existing plants had not changed in 
nature. The DISCO’s variable cost was equivalent to energy purchases at pool prices less UOV 
refunds. Fixed costs were represented by the RP.  
 
To the extent that the overall make-up of costs had remained unchanged, it was reasonable to 
allocate the fixed costs and variable costs in keeping with the past. The way the DISCO has 
incurred these costs was a result of the way the reservation price and the legislated hedges were 
designed and that’s what should be taken into account in the Phase II cost study. Legislated 
hedges were designed to carry the cost structure of existing, regulated generation into the New 
World of electricity restructuring wherein other generation costs can be guided by the market.  
 
TransAlta’s new method ignored how generation and transmission costs were incurred by the 
DISCO. Since the nature of fixed costs and variable costs have remained unchanged it was 
logical to continue to allocate RP using the 3W/9NW demands. The way DISCOs pay for costs 
from existing generation has not changed in nature.  
 
IPCAA’s detailed analysis indicated that DISCO RP shares were within roughly 10% of 
generation 3W/9NW demand shares. The 10% difference was a result of setting the DISCO RP 
shares to maintain each DISCO’s total generation and transmission costs as they would have 
been under EEMA. The original allocation of RP shares was based on 3W/9NW with the 
“bumplessness” adjustment. The RP shares were reset based on the same principle in 1997 to 
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offset transmission cost reallocation among DISCOs due to the TA rate design. IPPCA submitted 
that, if there is a cost-causative method to allocate the RP among customer classes, it should be 
based on maintaining total generation and transmission costs for each class as they would have 
been under EEMA. 
 
The share of RP allocated to the DISCOs is fixed so changes in usage by customers will not 
influence the shares. DISCOs do not incur RP on the basis of hourly energy usage. Hence, it 
would be inappropriate to allocate RP in terms of hourly price signals. 
 
IPCAA submitted that legislated hedges were designed to accomplish a specific purpose, and not 
to reflect commercial terms as the FIRM Customers suggested. Otherwise there would have been 
no need to create them by a piece of legislation. Mr. Marcus acknowledged in cross-examination 
that there was not a market in which commercial terms for hedges could be established. It would 
also be inappropriate to send a price signal to customers that is different from the one being sent 
to the DISCOs themselves; particularly since most end-use customers will continue to purchase 
energy from the DISCO while those rates are in effect.  
 
The FIRM Customers’ submission that the old 3W/9NW approach would have changed even 
without restructuring ignores both the past and the future. Mr. Drazen indicated that legislated 
hedges were designed to be in place during the period extending from surplus generation to 
load/resource balance. Load/resource balance appears to be occurring during the 1998-1999 
period. Thus, the hedges were designed to coexist with changing supply/demand conditions in 
the electricity market. As a result of new generation coming on stream, the load/resource 
situation will be quite different two years hence. Mr. Marcus did not claim that the load pattern 
in the province is any “flatter” than was expected when the hedges were designed. In fact, utility 
and provincial load factors have not changed significantly and are lower than expected. The 
Board has not followed similar recommendations from Mr. Marcus in past proceedings, even 
when the non-winter demands were a higher percentage of winter demands. 
 
The “fixed-variable” methodology advocated by AE is similar to the “bumpless” method 
supported by IPCAA. The difference between the two is that the “bumpless” methodology takes 
into account the need to adjust the allocation of generation costs to offset the shift of 
transmission costs from 100% demand-related to partly on-peak energy related. Also the benefit 
of 73 MW of Class III load not attracting generation demand costs for AE DISCO in the 
allocation of RP to DISCOs should be allocated to Rate 31 only and not across all rate classes as 
AE proposed. In a previous Phase II AE had allocated all of that benefit to Rate 31, the class in 
which Class III load resided. 
 
IPPSA/SPPA 
IPPSA/SPPA submitted that legislated hedges represented a measurement of SC/RV. SC/RV was 
equal to the RP less the UOV credit. The SC/RV represented the difference between the costs 
that the utilities would be allowed under regulation and the costs that they can potentially recover 

 
Decision U99034 Page 14 10 August 1999  



2. COST OF SERVICE  AE 1996—Phase II 

in the market. No causal basis exists in the restructured world for allocating SC/RV since it is not 
caused by any identifiable characteristics of demand or customers. Instead allocation and rate 
design for SC/RV should rely on fairness, value of service and historical considerations.  
 
Various jurisdictions in the U.S. are pursuing similar restructuring wherein customer classes are 
being asked to continue to carry the costs allocated to them when restructuring commenced. 
Similarly in Alberta, equity and consistency suggested that SC/RV should be allocated such that 
total generation costs for each class approximated cost allocation results from the pre-
restructuring fixed-variable scheme. Each class’ SC/RV would then be the difference between 
allocated generation costs under the previous EEMA method and the market generation costs 
allocated each class using hourly 1999/2000 pool prices. 
 
The FIRM Customers ignored the fact that the costs being recovered were incurred when 
generation planning did reflect 3W/9NW considerations. Absent industry restructuring the 
3W/9NW methodology would most likely have been carried forward. Further, no generation 
planner would base his analysis on only 12 months history, a warmer than average period with 
dampened winter peaks, and pool prices tainted by the impact of market power and the 
regulatory structure imposed on generators. Absent that flawed analysis there was no credible 
evidence that 3W/9NW allocation was inappropriate.  
 
IPPSA/SPPA agreed with the FIRM Customers that the legislated hedges would impede the 
development of a competitive market and that was precisely why IPPSA/SPPA had proposed the 
SC/RV method of dealing with the legislated hedges. With no market for hedges, there was not a 
market basis on which to view the legislated hedges as the FIRM Customers do. 
 
TransCanada 
The FIRM Customers’ argument that the need for generating capacity, as measured by high pool 
prices, no longer occurs primarily in the winter months was made on one year of non-normalized 
data and that year was a mild “El Nino” weather year. Further, the FIRM Customers’ assumption 
was that unreliability was directly related to high pool prices, but to the extent that pool prices 
may be influenced by market power and units down for maintenance, they are only rough 
indicators of generating capacity. 
 
TransCanada emphasized that the RP is related to the recovery of those fixed costs related to 
generating plants added to rate base prior to 1996. In prior Board Decisions over many years, the 
Board has repeatedly considered and approved the modified fixed variable method, with the 
result that fixed costs have been classified as demand related and allocated based on demand in 
prior cost of service studies. The Board has also indicated that it places “a heavy historical 
perspective on cost causation”7 and that “embedded costs are the result of several decades of 

                                                 
7 Decision E88080, p.35 
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decision making based on historical planning and operational considerations.”8 In light of those 
well established principles, the 3W/9NW demand allocation should continue to apply. 
  
TransCanada submitted that the legislation was designed to prevent attempts, such as that by the 
FIRM Customers, to shift to low load factor customers the value of benefits previously assigned 
to high load factor customers. Hence, argument that there was an inequity in treatment of hedged 
energy was without merit. 
 
Board Findings 
The parties directed much of their attention to the question of how and why the allocation of the 
RP and the UOV to distributors was done in the way that it was, and whether or not the 
allocation to end-use customers should mirror that approach. The Board found this discussion 
useful, but after considerable reflection on the objectives of restructuring, the Board has 
concluded that a forward-looking approach to allocation is more appropriate. In particular, the 
Board has attempted to identify the desired end result of restructuring and places considerable 
weight on making specific decisions that would assist in achieving that result. The rationale for 
adopting an energy-based allocation approach includes the considerations set out below. 
 

• In evaluating the view of some parties that the Board should emphasize a “bumpless” 
transition, the Board reviewed its position taken in Phase I, Decision U97065, dated 
31 October 1997. The conclusion in Phase I was that the act assigned responsibility 
for that issue to the legislature and left the Board free to emphasize other principles. 
That conclusion is reaffirmed here.  

 
The Board considers that its Decision should reflect efficient cost 
causation and encourage economic decision-making by customers to the 
greatest extent possible subject to the provisions of the EU Act. . . . . In 
allocating costs among functions, the Board will continue to have regard 
to factors that reflect efficient cost causation and encourage economic 
decision-making. The Board also considers that the cost allocations it may 
ultimately approve in the design of customer rates are not constrained by 
any bumpless principle.9 

 
• The EU Act established legislative hedges to ensure the low embedded costs of existing 

generation were passed on to customers during the transition to a competitive 
environment. The resulting framework was necessarily somewhat distorted in allocating 
fixed and variable costs to distributors because of steps taken to minimize the potential 
“bump” in overall generation and transmission costs and preserve each DISCO’s costs as 
they would have been under EEMA. Over time, since the framework was put in place, the 

                                                 
8 Decision E87100, p.122 
9 Decision U97065 Pages 76-77, 31 October 1997 
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distortion has increased.10 Therefore, the relationship to cost-causation is increasingly 
tenuous, and the Board is concerned that allocating costs to customers under some 
adaptation of this historical framework, which would likely require significant 
assumptions and compromises, could result in an unfair allocation. 

 
• Restructuring has altered the nature of the benefits that flow to customers. For example, 

the new system provides a less reliable expectation that power will always be available. 
Previously the system ensured, through a planned minimum surplus, that there was 
always adequate supply to handle the foreseeable level of demand. In future, the 
availability of power will depend on the efficient functioning of the market. The 
achievement of balance in supply and demand, in the short term, may require some 
response by customers to high prices to bring the market into equilibrium through 
reducing quantities demanded.11 Since customers no longer get the specific benefits 
associated with planned reserve capacity normally sufficient to meet peak demands, there 
is no justification for allocating costs related to that capacity as is done through a 
differential demand charge. As well, there is no longer a guarantee that power will be 
provided at approximately the embedded costs of generation. The market determined 
price will increasingly dominate the actual cost of power to consumers, and, at least in 
the short term, the market price may exceed the embedded costs of generation. 

 
• The province is in the third year of its five-year transition from regulated generation to 

competitive generation. As the transition has proceeded, the relevance of demand-based 
cost allocation methods has declined.12 In a competitive market, all costs are variable in 
the long term and demand-based allocation would be inappropriate. The only costs 
incurred for generation will be reflected in the pool price. In fact, continuing to use a 
demand-based approach to allocation might involve a degree of unfairness to some 
customers.  

 
• The method of allocating costs of generation through the RP, and the associated UOV, 

should not conflict with the operation of the power pool as a competitive market. That 
means the method of allocation should not interfere with the pool price signal being 
passed through to customers. This implies that the method should not allow the allocation 
of the UOV to vary with pool prices. Ensuring that the pool price signal is the essential 
cost of energy seen by customers will help ensure that market prices work to provide 

                                                 
10 The increase is attributable to the changes in transmission cost allocation and DISCO loads relative to the 

forecasts used in the initial allocation.   
11 In the long term, imbalance, even potential imbalance, in the market will provide an incentive for the 

development of new sources of supply. 

 

12 To the extent entitlements exceed load, there is more support for allocating them according to historical 
allocation methods. However, as demand has grown in the province, the use of entitlements has increased until each 
DISCO’s load will exceed its entitlements in most hours. The benefits of existing low-cost generation are now 
essentially fully used by customers. Therefore, new load will affect DISCO costs in the same way regardless of class 
and arguments related to historical cost-causation have less force.   
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maximum incentives for efficient behavior on both the supply and demand sides of the 
market. The method of allocating costs should also fairly allocate the hedges among 
existing and new customers. Discrimination against new customers is not consistent with 
competitive markets, historically accepted criteria of fairness, or with one of the key 
purposes of the EU Act of 1996.13 Similarly, discrimination or differentiation in pricing 
based on load factor is no longer appropriate since load factor does not affect the 
generation costs incurred by the DISCO to serve incremental load. 

 
In brief, the desired end result of restructuring is a competitive market for selected electrical 
services . There are at least two implications important to this Decision, relating to generation 
costs, that follow from that: 
 

• First, historical approaches to allocating generation costs (to either DISCOs or end-use 
customers) will not be relevant once a competitive market is fully developed. At that 
time, costs will have to be recovered through market prices. In the short term, some 
energy may be sold at prices that do not cover all costs. But in the long term such an 
anomaly cannot continue. Generators who cannot cover their costs through market prices 
will exit from the market.14 

 
• Second, there should be no difference in the price charged any customer for a kWh 

purchased from the pool by the DISCO in a given hour.  
 
The transition from the Old World has advanced to the point where the Board believes demand-
based allocation of generation costs is no longer appropriate. There is a need at this time to align 
the emerging system with the requirements of a competitive marketplace. That requires that both 
RP and UOV be allocated based on energy use and in a manner that ensures they do not diminish 
the strength of the connection between market-determined prices and customer behaviour. The 
pool price will be the implicit basis of allocation when a functioning market is fully developed. 
The Board believes it would enhance the transition to accept that reality and implement a parallel 
approach now. That is another reason why the Board is not willing to accept the demand-based 
approach proposed by AE, IPCAA and IPPSA, which would inevitably postpone the time at 
which players must directly engage the market.  
 
However, the Board does not fully support TransAlta’s RP allocation method as proposed by the 
FIRM Customers either. Although TransAlta’s approach of allocating on an energy basis does 
                                                 

13 The EU Act section 6(a)(i) reads as follows:  “The purposes of this Act are (a) to establish a framework 
that replaces the Electric Energy Marketing Act so that averaging of generation costs is phased out as regulated 
generating units are removed from regulated service and new arrangements are made so that (i) the benefits of and 
responsibilities for costs associated with electricity produced by regulated generating units are shared by all 
consumers of electricity in Alberta, and,…” 

 

14 This is the theoretical result of competitive markets but is somewhat unlikely in the current 
circumstances. If it were to happen, the generating units involved could continue to operate since new owners would 
be likely to purchase them at a significant discount, in effect reducing their cost to the system. 
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more closely approximate a market result, the method introduces a distortion to the price signal 
by linking the allocation of RP to the allocation of the UOV. The distortion occurs because the 
UOV is higher during periods of high prices, leading to a higher allocation of RP to high pool 
price hours.15 In consequence, the variation in the net hourly energy cost seen by a customer 
would differ from the variation in the pool price (as illustrated in Appendix 4). The signal that 
should be seen by customers is the pool price. Only pool price signals will generate the 
appropriate market response since they alone reflect the relation of demand and supply that exists 
in the market during any given period.  
 
Moreover, under AE’s and TransAlta’s method of allocating the UOV refund, customers forecast 
to use energy in a particular hour of the year would get the benefit of the called entitlements 
available to reduce the net cost of energy in that hour. For those customers, the result would be to 
reduce the effective pool price in that hour. Such a result was appropriate at the DISCO level, 
given the initial objective to ensure power was priced at its embedded costs. However, for 
purposes of moving toward a competitive market, the Board believes it is not appropriate to 
effectively hold the net price the customer sees at the level of the UOP. This is particularly 
relevant for actual pool price DAT customers, who are intended to be exposed to the full 
variation of the pool price.  
 
Therefore, the Board considers the annual forecast UOV refund should be treated as a benefit 
that is spread equally across forecast annual DISCO energy use. That will ensure that the benefit 
related to existing low-cost generation is equitably shared by customers while also allowing 
customers to be exposed to the full pool price variation (see Appendix 5). Similarly, the Board 
considers that the variation of the pool price signal will not be distorted if the RP is spread 
equally across forecast annual DISCO energy use. Therefore, in the COSS the Board considers 
that the cost allocated to customer classes for each kWh should be the hourly pool price adjusted 
by a constant factor “H”, which captures the net amount of the legislated hedges for each 
kilowatt hour of energy use. H is defined as the net amount calculated by deducting the annual 
total UOV from the annual total RP and dividing the result by annual energy use. The resulting 
allocation can be summarized as follows: 
 
Cost allocation/kWh = cost of energy purchased from the pool  +  H, 
 
 Where H = forecast annual DISCO RP – forecast annual total of DISCO UOV refunds 
 Forecast DISCO total annual energy use 

 
 H is the same constant amount for  all customer classes. 
 

                                                 

 

15 The Board acknowledges the concerns raised by intervenors regarding the potential for the exercise of 
market power. While the Board does not necessarily accept that market power has been exercised, it views the 
prevention of that result in future as being a matter for other bodies and/or proceedings. It would not be efficient to 
address that possibility through the allocation process under discussion here. 
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This approach to allocation will cause variation in the hourly total generation cost to match the 
variation in pool price for all customer classes, thereby ensuring that the pool price signal will 
begin to influence customer energy use. For rate design purposes, pass through of the pool price 
the DISCO faces may be on a forecast basis for fixed rate customers or on an actual basis for 
pool price flow-through customers. For fixed rate customers, consumption will not be affected in 
the short term by the actual hourly pool price. Changes in their patterns of use will occur 
gradually. However, variable rate Direct Access Tariff (DAT) customers will clearly see, and be 
able to respond to, the variation in the actual hourly pool price.  
 
The Board considers that the H factor will provide the fair allocation, required by the EU Act, of 
the value and cost of the legislated hedges among all future users of electric energy in Alberta. 
The demand based allocation methods would have given some customer classes a greater share 
of, or right to the net benefits of the legislated hedges, even though the DISCOs incur the same 
cost, the pool price, for incremental energy to serve customers in any class. 
 
The DISCO should allocate the same cost for each kWh of energy to be consumed by a customer 
in an hour regardless of the customer’s rate class. There should no longer be any demand-based 
charges in the generation component of the rate. The charges in each rate to pass through the 
average cost of energy purchased from the pool and allocated costs of the legislated hedges 
should be as follows: 
 

• For fixed rate classes the separate charges per kWh would be H and the forecast class 
annual average pool price; 

 
• For actual pool price DAT classes (see Section 4(h)) the separate charges per kWh 

would be H and the actual hourly pool price; and 
 
• For TOU classes the separate charges per kWh would be H and the forecast average 

annual pool price in each TOU period (presumably a different value for each TOU 
period) 

 
Each class’s annual average cost of energy and the DISCO H component should be separated in 
each applicable rate schedule. Ideally the rates would reflect a tested forecast for the year they 
are in effect. For fixed rate classes, forecast hourly load profiles developed from the hourly total 
energy forecast, load research data and load growth statistics would provide hourly energy usage 
characteristics for each customer rate class. Then hourly pool price forecasts and hourly load 
profiles would be used to determine each fixed rate class’s annual average cost of energy. 
Similarly, the H component would reflect current forecast annual DISCO RP, forecast total 
DISCO annual UOV refund and forecast DISCO annual energy use. The Board sets out how the 
cost of energy and the H component will be determined for the rates arising out of this Decision 
in Section 3(a).  
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(c)  25 kV Reclassification 
AE’s Application included costs, associated with the 25 kV plant, as distribution costs. During 
the proceeding, most intervenors supported reclassifying 25 kV facilities and costs to 
transmission on an estimated basis. AE estimated the affects of the reclassification in a revised 
cost of service filed as Exhibit 79. 
 
Position of AE 
AE stated that it intended to recognize the reclassification of 25 kV costs from distribution to 
transmission as reflected in the amendments to the applicable legislation. However, AE did not 
incorporate this proposal into the original filing as the costs had not been finalized and, therefore, 
further refinements would be required. During the proceedings, AE conceded that sentiment 
appeared to support a reclassification of 25 kV costs even if done on an estimated basis. AE 
subsequently refiled, as Exhibit 79, a revised cost of service study reflecting this change in 
classification. 
 
AE proposed to make the necessary revisions in the refiling following the decision on the 
Phase II application and to incorporate the final adjustments once the final numbers were 
available from the TA.  
 
AE stated the increase to the transmission access payments was based on the TA’s revised rates 
effective 1 October 1998. AE submitted that the TA’s rates, then, included a charge to both GIS 
and GSS rate schedules. AE submitted that TransCanada’s position on transmission payment 
allocation was more properly debated during the ESBI Alberta Limited rate proceeding and not 
during the AE Phase II proceeding. 
 
Position of the Intervenors 
The MI indicated that although AE had not included 25 kV costs as transmission, AE had 
proposed to flow the changes through to the distribution tariffs via an across-the-board 
adjustment rider at a later date. MI submitted that the change proposed by AE and filed as 
Exhibit 79 should be recognized in the cost allocation of any subsequent rate design the Board 
may direct AE to conduct. 
 
The MI requested the Board to convene a mini Phase II proceeding to reflect the changes in cost 
based rates subsequent to AE’s anticipated refiling. The MI noted that AE concurred since AE’s 
refiling would incorporate all Board decisions as well as the impact of other settlements and 
matters on the final rates. 
 
The MI opposed TransCanada’s suggestion that the reclassified transmission costs be deferred 
and dealt with at the time of the TA’s tariff proceeding. The MI suggested that a decision might 
not be available until the year 2000 and that the submission by AE in Exhibit 79 was a better 
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approximation of cost causation than ignoring the legislative change until a decision on 
transmission rates. 
 
AIPA/AAMDC/REA stated that AE had divided the property between rural and non-rural 
elements and allocated costs using a split between customer and demand costs. 
AIPA/AAMDC/REA criticized this approach as contrary to previous practice whereby the 
property was considered to be demand-related on a system basis. As well, AIPA/AAMDC/REA 
criticized AE for not following the law when AE allocated 25 kV costs to farm and irrigation 
customers. 
 
AIPA/AAMDC/REA further stated that AE had not reflected the transfer of substation assets 
back to transmission required by recent legislation. AIPA/AAMDC/REA agreed with AE’s 
Exhibit 79, not to allocate costs to farm customers and to reclassify 25 kV substation costs to 
transmission. 
 
TransCanada suggested that AE had “mechanistically” appeared to reclassify the 25 kV 
substation costs to transmission. TransCanada further submitted that AE had not reviewed the 
allocation method for the costs being allocated and that only “some of the 25 kV costs” were 
adjusted. TransCanada submitted that the mechanistic and piecemeal approach to adjusting the 
cost of service should not be used for rate design. 
 
TransCanada stated AE did not provide the impact that reclassifying the proposed 25 kV costs to 
transmission would have on transmission rates. TransCanada submitted that all 25 kV substation 
costs should appear in the Grid Interconnection Service (GIS) charge to provide consistency with 
Decision U97065. TransCanada challenged the appropriateness of AE’s “across-the-board” 
assumption on the TA’s rates when AE reclassified 25 kV costs to transmission. TransCanada 
asserted that the COSS provided in Exhibit 79 did not just deal with an issue of classification 
between transmission and distribution but also between rate classes. TransCanada submitted that 
the treatment of the reclassified 25 kV facilities should be resolved in the tariff proceeding of the 
TA. 
 
Board Findings 
The Board, in Decision U97065, directed the Utilities to identify the 25 kV facilities between the 
low-voltage terminals of the step down transformer and the substation fence and to reclassify the 
costs of these facilities from transmission to distribution. The Board, in Part 1 – General, Section 
5(c) of Decision U97065 further directed the Utilities to reclassify the 25 kV facilities to the 
distribution function for 1996 refiling purposes. The Board notes AE has designed customer rates 
using a COSS based on the 1998 Board approved revenue requirement. 
 
However, the Board notes that section 2(b) of the Electric Utilities Amendment Act amended, for 
purposes of tariffs that have effect in and after 1998, the definition in subsection (1)(dd) to the 
extent that subclause (v): 
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includes all equipment in a substation that is used to transmit electric energy 
 
(a) from the low voltage terminal referred to in subsection (1)(dd), and 
 
(b) to the electric distribution system lines that exit the substation and are 

energized at 25,000 volts or less. 
 
The Board considers that the applicable legislation takes precedence over Decision U97065 for 
rates effective in 1999.  
 
Therefore, the Board considers that 25 kV facilities should be classified as transmission costs. In 
Exhibit 79, AE provided the cost of service based on certain assumptions after the inclusion of 
25 kV costs in transmission. In Section 3(b) the Board directed AE to prorate the 1998 
distribution cost allocations (as adjusted for the removal of the 25 kV costs from distribution) in 
the Application to the 1999 residual in the refiling to determine a level for the DISCO Services 
components in the refiled rates. 
 
The Board recognizes that removal of these costs from the distribution function, means these 
costs must be recovered in the TA’s rates. The Board notes TransCanada’s comments on AE’s 
“across-the-board” assumption on how the TA would incorporate the additional transmission 
costs into the transmission rates. However, in Section 3(b) the Board directed AE to update its 
1998 forecast transmission costs using the TA’s interim 1999 rates which are adjusted for the 
effect of reallocating the 25 kV plant to transmission. Therefore, the Board considers that AE’s 
per kWh and kW charges to recover TA Billings will be appropriately adjusted for the effect of 
reallocating the 25 kV plant to transmission. 
 
 
(d)  Allocation of Transmission Administrator Billings 
The TA Billings charged the DISCO by the TA must be allocated to customers. The TA’s GIS 
charge recovers the cost of system support services and the cost of the local portion of the 
transmission system required to meet the non-coincident peak (NCP) demand of the local area 
load. The TA’s Grid Standard Service (GSS) charges recover the bulk portion of the 
transmission system required to meet the coincident peak of the local area loads.  
 
AE allocated GIS payments on the monthly NCP.16 On-peak Transfer charges (GSS)17 were 
allocated based on the on-peak energy of each rate class. On-peak Losses and Off-peak Losses 
charges were allocated based on estimated losses during on-peak hours and off-peak hours by 

                                                 
16 Schedule 3.B-5 and 3.B-6 
17 Schedule 3.B-7 and 3.B-10 
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rate class.18 The Grid Import Opportunity Service/Grid Export Opportunity Service (GIO/GXO) 
charges and the Interim Adjustment Rider were allocated on the sub-total of GIS.19  
 
Customers expressed concerns with the way the Grid Interconnection Services (GIS) and the 
Grid Standard Service (GSS) charges were allocated (Section 4(h)).  
 
(1)  Grid Interconnection Service  
AE’s transmission rate was structured to include recovery of the cost of the TA’s GIS billings. 
AE allocated the 1998 forecast monthly GIS payments based on the monthly NCP of each rate 
class. 
 
Position of the Intervenors 
Mr. Marcus, on behalf of the FIRM Customers, stated that customers who are served at 
transmission voltage should receive an allocation of costs based on customer NCP (the sum of 
customer loads) rather than class NCP. These customers are served from a single delivery point 
subject to ratcheted demand charges. There are 14 substations where a single customer represents 
100% of the load, where a customer-based allocation would be appropriate. Mr. Marcus also 
stated that customers served at 25 kV distribution voltage through either a dedicated substation 
or a substation where they are the principle customer, should also be allocated costs based on 
customer NCP.  
 
IPCAA noted that AE allocated the monthly GIS payments to rate classes based on the monthly 
NCP of each rate class. The TA bills the DISCOs on a point of delivery (POD) basis utilizing 
(annual) contracted POD demand. IPCAA concluded that the AE cost allocation method does not 
reflect how the cost is incurred. Further, IPCAA considered that, if a POD serves a single 
customer, the TA charges can and should be explicitly defined. IPCAA stated the DISCOs 
should pass through the TA costs as accurately as possible. 
 
The FIRM Customers noted that GIS demand costs are charged to distribution utilities based on 
ratcheted demands at transmission/distribution substations. The FIRM Customers agreed with 
Mr. Marcus that loads served at transmission voltage should receive an allocation of costs based 
on customer NCP rather than class NCP. The FIRM Customers stated that AE’s method does not 
allocate adequate amounts of costs to certain industrial customers.  
 
The FIRM Customers recommended that the Board adopt the customer NCP allocation of GIS 
transmission costs for any single customer that represents 100% of the load at a delivery point as 
a conservative first step in this proceeding. The FIRM Customers noted that IPCAA and 
IPPSA/SPPA agreed that large industrials served at transmission voltage or dedicated substations 
should pay for transmission on a customer non-coincident basis.  

                                                 
18 Schedules 3.B-8, 3.B-9 and 3.B-10 
19 Schedules 3.B-11 and 3.B-12 
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Position of AE 

AE noted the proposal of Mr. Marcus was another reasonable approach, but cautioned that 
Mr. Marcus’ approach mixes average and incremental approaches while AE’s proposal fully 
averages all GIS costs across all PODs. AE submitted that its proposal is the fairest and most 
reasonable treatment in the circumstances and should be adopted. 
 
Board Findings 
In Decision U97065, at page 624, the Board stated that the TA’s GIS rate should be structured to 
recover the costs of the local portion of the transmission system required to meet the NCP 
demand of the local area load, without regard to the overall system coincidence. The TA’s billing 
for GIS service to AE is based on a ratcheted demand metered at each POD. The Board notes 
that AE has used the NCP method to allocate total forecast GIS demand charges to customer rate 
classes. The Board considers that the NCP method is appropriate.  
 
However, the FIRM Customers and IPCAA recommended that if a POD serves a single 
customer a customer-based NCP allocation should be used rather than the NCP of the class.  
 
Generally, to speed the unbundling during the transition to competitive markets, the Board 
considers that where a more accurate allocation of costs can be determined the more accurate 
method should be used. Specifically, the Board considers that pass through of customer specific 
TA Billings will help ensure that more accurate unbundled costs to serve customers arise out of 
this proceeding and the Distribution Tariff proceeding. Therefore, since in Section 2(c), the 
Board finds that 25 kV costs should now be in transmission, the Board directs AE to pass 
through the actual TA Billings to every customer served at 25 kV or higher who is the only 
customer at a POD.  
 
Further, in Section 3(b), the Board directs AE to use its actual 1998 TA invoiced kWh and kW 
and actual customer and class NCP and usage to determine its kWh and kW charges relating to 
TA Billings in its refiling. Using this method, a forecast of excess billings is not required to 
ensure appropriate allocation of TA Billings to customers and classes.  
 
(e) Classification and Allocations 
Using each 1997 actual distribution asset account, AE classified and allocated the costs as 
customer-related, demand-related or both based on the customer/demand splits approved by the 
Board in Decision E95102, dated 20 October 1995. The customer-related portion is to recognize 
that portion of distribution facilities related more directly to the number of customers served than 
to demand or energy. To allocate the costs, the demand related portion of 1997 assets were 
allocated to each rate class on the forecast 1998 NCP demand of that rate class. The customer-
related portion of assets was allocated based on the 1998 forecast number of customers. For the 
allocation of meters, services, and the customer-related portion of line transformers, a weighted 
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customer count was used. This resulted in weighted gross assets, weighted net assets, weighted 
gross rate base, weighted net contributions and weighted net rate base.20 Gross distribution assets 
were used to allocate General Plant assets. Customer contributions were assigned to the customer 
groups from which they were collected. 
 
AE provided a summary of the allocated distribution related costs, excluding franchise taxes, on 
Schedule 3.B.14. A summary of the allocated franchise taxes was provided on Schedule 3.B-27. 
To allocate downstream Operation and Maintenance (O&M) costs, AE included the distribution 
assets of those REAs endorsing the pooling contract. Distribution O&M was allocated to each 
rate class as follows:  
 

• Distribution brushing O&M was allocated on the basis of 1997 actual gross balances 
of Poles, Towers and Fixtures, and Overhead conductors; 

• Street and sentinel lights were directly assigned; and 
• Other Distribution O&M was allocated on the basis of weighted gross distribution 

assets. 
 
Marketing O&M expense was allocated 15% based on the number of customers, and 85% based 
on energy sales. 
 
Customer Accounting O&M expense was allocated 98% on the number of customers and the 
remaining 2% on kWh sales. Some customer accounting O&M was allocated to street and 
sentinel lights by using the number of bills issued for street and sentinel lights as a proxy to 
represent the number of customers.  
 
General Plant O&M was allocated on the basis of weighted gross General Plant Assets. 
 
Administrative and General (A&G) Expense was allocated using the Service Cost Allocation 
Method.  
 
Secondary depreciation expense was allocated based on weighted net secondary assets. The 
primary depreciation expense was allocated on the basis of the total weighted net primary assets. 
Amortization of contributions was allocated on the basis of contributions. The general plant 
depreciation expense was allocated in proportion to the gross general plant assets. 
 
Return and Income tax was allocated on the basis of weighted rate base. Franchise taxes were 
allocated on the basis of 1997 actual Rider A-1 revenue collected by rate class.21 Revenue offsets 
were allocated based on the sum of all service costs excluding A&G. 
 

                                                 
20 Schedules 3.B-21 to 3.B-25 
21 Schedule 3.B-27 
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During the proceeding several parties questioned certain classifications and allocations used by 
AE. The parties were concerned with both the methodology and the factors used to classify or 
allocate costs as customer related and demand related. These concerns are addressed in this 
section. 
 
Position of the Intervenors 
The CCA noted that the distribution cost classification factors were classified as “customer 
related” versus “demand related” based on a 1990 Phase II COSS. The CCA also noted that AE 
indicated a willingness to examine the appropriate distribution cost allocation factors. 
 
The CCA stated that because of the growth in the distribution system, it could be expected that 
the distribution classification factors would change from an analysis done some eight years ago. 
The CCA submitted that AE should undertake, for purposes of its next Phase II Rate Filing, 
minimum system and/or zero intercept studies and use the results of these studies in its next 
Phase II General Rate Application (GRA). 
 
The CCA noted that AE allocated customer accounting costs using the Board approved factor of 
98% customer and 2% energy from Board Decision E95102. The 2% weighting for energy 
recognized that higher costs are incurred to serve large customers, which are hand billed by 
billing clerks. The CCA also noted that AE acknowledged the 2% weighting was based on 
judgement. 
 
The CCA submitted that the Board should direct AE to provide a detailed study, on the extent of 
manual billing involvement and costs incurred to serve large industrial customers, for the next 
GRA. 
 
IPCAA considered that AE’s allocation of distribution cost was imprecise because the 
distribution revenue was simply determined on a residual amount, the residual amount was 
prorated based on 1996 data, the allocation of distribution marketing cost was inappropriate and 
it used assumptions regarding the effect of reclassifying 25 kV facilities back to transmission. 
IPCAA recommended that the COSS should not be used for revenue reallocation and rate design 
purposes and that AE be required to prepare a COSS for its next Phase II application that 
corrects the deficiencies identified by IPCAA. 
 
The MI agreed with AE’s use of the 1997 actual closing balances of gross assets, accumulated 
depreciation and customer contributions in the allocation of the distribution related revenue 
requirement. MI considered this to be a reasonable approach since there was no specific 
agreement on forecast 1998 capital additions in the negotiated settlement. The MI noted that the 
classifications were last approved in Board Decision E95102 and that the classification factors 
are unchanged from the 1989/90 Phase II proceeding. 
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The MI considered that the costs AE classified as customer related are substantially higher than 
those derived in a survey of utility practices, those used by TransAlta, or those in alternatives 
presented by Mr. Marcus. The MI submitted that AE’s classification method appears to overstate 
the costs classified to customer, a fact that the Board should take into consideration when 
approving final rates following the filing of an updated COSS. 
 
The MI noted AE’s statement that minimum height requirements for poles, towers, and fixtures 
are necessary regardless of the number of customers served. The MI considered that this 
statement, in itself, suggests that the 56% weighting to customer may be too high.  
 
The MI noted that AE’s allocation of marketing costs has been based on a specific analysis of its 
Marketing Department conducted in 1993. AE proposed to disregard this analysis and allocate 
marketing costs on a purely arbitrary method which allocates these costs based 15% on number 
of customers and 85% on energy sales, notwithstanding the evidence has indicated “the functions 
are basically the same today.” The MI was concerned that AE had abandoned a fairly detailed 
analysis of marketing costs in favour of the arbitrary 15%/85% method. The MI considered that 
the changes in the role of the Marketing Department would cause relatively minor changes in the 
classification of costs, whereas the new method produces significant changes compared to the 
detailed analysis of 1993 marketing expenses. 
 
The MI submitted that the percentages of marketing costs allocated to rate classes in 1993 would 
be a better allocator for 1998 than the arbitrary 15%/85% used by AE. The MI recommended 
that AE use the 1993 percentages to update its COSS.  
 
The MI noted that PICA stated that the classification of primary distribution assets should be 
based on AE’s filed method which assumed “that maybe the primary system was taking on some 
characteristics of the secondary system.” What PICA failed to mention was that AE recognized 
that the 100% demand classification was a reasonable alternative. AE indicated that it is prepared 
to recognize this change in its revised COSS. 
 
PICA noted that AE indicated the higher customer allocation for poles, towers and fixtures is 
appropriate and consistent with cost causation.  
 
PICA did not agree with the AIPA/AAMDC/REA that small customers would be charged twice 
when a minimum system is used for customer costs without a deduction for the demand per 
customer. PICA stated that the aggregate demands of small customers may or may not be less 
than that of larger customers served on the same secondary system. Further, it is the aggregate 
demands of customers served by the system that are relevant; not the individual customer 
demands. PICA noted that there did not appear to be any evidence to indicate the sizing of poles, 
towers and fixtures was driven any more by large customer demand than by aggregate small 
customer demands. PICA submitted that the claim of double charging was unsupported by the 
evidence. 
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PICA submitted the safety requirements elaborated by AE make the mechanical interpretation of 
any minimum system study meaningless. For example, it is very likely that the minimum height 
and minimum clearance requirements may vary by service territory. As a result, classification 
percentages in different jurisdictions may not necessarily be comparable. PICA recommended 
AE’s classification for poles, towers and fixtures be approved. 
 
AIPA/AAMDC/REA noted that AE’s 1993 study showed that only 32% of the cost of poles are 
customer-related based on a minimum intercept study conducted at that time. Based on the 
current cost of poles, Mr. Marcus calculated that a zero intercept method using today’s data 
would classify 100% of the cost of poles as demand related. Mr. Marcus also updated the 
minimum system calculation using the current costs provided by AE, and found that a minimum 
system would classify only 50% of the cost as customer-related instead of the 75% used by AE 
since 1989. 
 
Further, AIPA/AAMDC/REA noted that Mr. Marcus pointed out that a minimum system method 
double-charges small customers where a zero intercept method does not. When a minimum 
system is used for customer costs, and no deduction is made for the demand per customer carried 
by the minimum system, small customers are double-charged. They are charged for demand 
costs based on their total demand, even though much of their demand is carried on the minimum 
system, which is already charged to them on a customer basis. 
 
The AIPA/AAMDC/REA recommended that the Board use TransAlta’s 35–65 split for all 
secondary distribution equipment or use a 30% customer 70% demand basis for poles, towers, 
and fixtures.  
 
AIPA/AAMDC/REA noted that AE’s treatment of secondary distribution costs between 
customer and demand is very different than the mainstream opinion in North America. AE 
classifies 52% of secondary distribution costs as customer-related, the survey provided by AE 
shows the average is 24% customer-related. Further, TransAlta classifies its secondary system as 
35% customer-related and 65% demand-related.  
 
The AIPA/AAMDC/REA also submitted that the split of secondary distribution assets between 
rural/non-rural for determining the allocation of distribution costs results in an unfair allocation 
of costs to the Company Farm rate class (Rate 56). In response to BR-AE.14, AE explained that 
the revenue cost ratio of 68% was set at that level because of the results in the COSS. The 
AIPA/AAMDC/REA recommended the Board direct AE to take steps to rectify the deficiency in 
the current COSS. 
 
The AIPA/AAMDC/REA noted that AE’s cost allocation method for customer accounting costs 
is based 98% on the number of customers and 2% on total revenue. The AIPA/AAMDC/REA 
considered that AE failed to recognize that some customer classes, including REA’s, have lower 
meter reading and billing frequency than average. The AIPA/AAMDC/REA recommended that 
the Board revise AE’s cost study to consider billing and meter reading frequency.  
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AIPA/AAMDC/REA stated that AE’s COSS erroneously overstates costs to company farm 
customers and noted that TransCanada demands major increases in farm rates based on this 
erroneous study. AIPA/AAMDC/REA submitted that the best way to get rid of the errors would 
be try to resurrect the property records system. Otherwise farm customers’ rates should be 
benchmarked to the property and associated O&M costs per customer of REA farms.  
 
IPPSA/SPPA considered that revenue-to-cost ratios should migrate to 100% for each customer 
class. Put another way, inter-class and intra-class subsidization should be minimized as the 
industry moves towards retail competition. 
 
IPPSA/SPPA noted that the myriad of changes proposed by AE and other parties would likely 
lead to a COSS different than that filed to date. IPPSA/SPPA submitted the revenue-to-cost 
ratios should be 100% for Rate 31 and Rate 41. Further, with the changes resulting from industry 
restructuring and changes to cost of service methodology, there is an excellent opportunity to 
move all customer classes to a revenue-to-cost ratio at unity. 
 
TransCanada noted that AE indicated that several intervenors preferred that primary distribution 
costs be allocated 100% to demand. AE stated it was prepared to recognize this change and 
incorporated the 100% demand allocation into the revised COSS. AE had originally allocated a 
portion of primary distribution assets to customers because some customers were served directly 
from these facilities. 
 
TransCanada considered that the 100% demand classification method may not be any more 
accurate than AE’s and agreed with PICA’s position that the Board should approve AE’s original 
proposal since some customers are served directly from the primary distribution system. 
 
Position of AE 
AE stated that it did not propose customer and demand classifications different from that used in 
the 1993 GRA. AE looked at this issue, but did not find any basis which would warrant a 
departure from the 1993 methodology. AE maintained the view that the approach is reasonable 
and should be accepted by the Board. 
 
AE noted that certain parties disagreed with AE’s allocation of costs related to poles/towers/ 
fixtures of 75% to customers and 25% to demand. AE’s method was compared to methodologies 
in use by other utilities. AE cautioned that its circumstances may or may not be comparable to 
such other utilities. AE stated that its proposed methodology is reflective of considerations like 
the minimum height requirements for poles etc., which are required regardless of the number of 
customers served or the maximum demand of those customers. AE submitted that the proposed 
allocation is fair and appropriate and requested that the Board approve its proposal. 
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AE submitted that the evidence of Mr. Marcus, which relies on the conduct of certain zero 
intercept studies, demonstrates that the results (being that the regression line intercepts the y-axis 
at a negative value) do not in any way support a zero percent customer related share of the poles, 
towers and fixtures account. AE submitted that the results are unreliable and, quite possibly, 
based on a flawed hypothesis. 
 
AE noted that the Argument of AIPA/AAMDC/REA suggested that AE had not done a new 
analysis of this issue since 1989. AE stated it had conducted various studies to test the continued 
appropriateness of the 1990 approach, did not trust the results and, therefore, did not propose any 
change in the context of these proceedings.  
 
AE responded to the AIPA/AAMDC/REA’s suggestion that AE employ the use of location 
codes to achieve a more precise allocation of assets between rate classes. AE stated that the use 
of location codes is currently being examined and is prepared to adopt the use of location or 
customer class usage codes on a “go forward” basis. AE submitted that while these codes may be 
accurate at the beginning of the useful life of any asset, in terms of identifying customer class 
usage, the accuracy and usefulness of these codes will likely be eroded over time. When change 
in usage occurs, some sort of allocation method will have to be adopted to allocate costs to 
customer classes.  
 
AE also submitted that to use location codes for existing plant would render very inaccurate and 
imprecise results. As well, the suggestion that AE simply divide its existing distribution assets 
according to rate class usage would oversimplify the problem, and would not yield reliable 
results. AE requested that the Board approve the current split it has adopted, with the 
understanding that AE will attempt greater precision through the use of the location or customer 
class usage codes in the future. 
 
AE stated it had changed the allocation of marketing costs from the 1993 approach previously 
utilized. The change was made because there was no agreement on specific amounts in the 1998 
Negotiated Settlement and AE’s investigations determined that the 1993 study would no longer 
provide accurate or reliable results. AE stated that the proposed allocation in the current 
Application is superior to a continuation of a methodology that would not yield appropriate 
results. AE urged the Board to approve the allocation of marketing costs as put forth in its 
Application. 
 
AE submitted that the use of AE’s 1993 study put forward by the MI respecting the allocation of 
marketing expense is another reasonable approach that could be used. However, AE noted its 
concern that since the size and role of the marketing department has changed somewhat since 
1993, that using the percentages from the 1993 study may not give an accurate and reliable 
allocation of marketing expenses in 1998. AE recommended that the 85%/15% customer/energy 
allocation of marketing expense be accepted. 
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Board Findings 
The Board notes that AE used actual 1997 closing asset balances as the basis for allocating 
distribution related revenue requirement. Ordinarily, the Board would consider a mid-year 
calculation for asset balances as the preferred basis to allocate revenue requirement. However, 
since the revenue requirement was determined through the negotiated settlement process and 
there was no detail contained in the settlement to calculate a 1998 mid-year asset balance, the 
Board accepts AE’s use of the 1997 closing asset balances for the purposes of the COSS.  
 
The Board notes that AE used the same customer and demand classification in this proceeding as 
was originally approved in Decision E90050. AE stated that matters related to rate design and 
cost allocation are not a precise science and that a COSS is an effort to allocate a common pool 
of costs in a reasonable and fair manner. AE considered that using the classifications from 
Decision E90050 in this proceeding was a reasonable approach. Several parties did not agree 
with AE’s conclusion. The CCA stated that, because the analysis is eight years old and the 
distribution system has grown over that period, one could expect classification factors to change. 
The MI submitted that the classification method appears to overstate the costs classified to 
customer. The AIPA/AAMDC/REA noted that AE uses a very different method to classify costs 
between customer and demand than most of North America.  
 
The Board notes that AE stated it was prepared to use location codes on a go forward basis. AE 
also cautioned that the accuracy of the codes would erode over time and some sort of allocation 
method will have to be adopted to allocate costs to customer classes.  
 
The Board considers that the customer and demand classifications are an important step in 
creating a COSS that can be used to allocate costs on a reasonable basis to customer classes. The 
classifications need to fairly represent the principle of cost causation, reflect changes over time, 
and adjust for changes in the mix of customers as the distribution system grows.  
 
In Decisions E90050, E93035 and again in E95102, the Board accepted the classification of costs 
to demand and customer as filed by AE. Further, the Board agrees with AE that the comparisons 
made of AE’s classifications to other utilities might not reflect AE’s situation. The Board also 
considers that use of the TransAlta factor would be arbitrary and not supported by the evidence.  
 
The Board considers that AE’s offer to use location or customer class usage codes on a “go 
forward” basis would not be helpful in the classification of costs to customer and demand. The 
mix of identifiable costs and existing costs that have a mix of usage would only make a 
determination of current usage more complex. 
 
The Board notes that AE used a classification factor of 75% to customer and 25% to demand for 
the costs related to poles, towers and fixtures account. Intervenors considered that a customer 
factor of 75% was excessive when compared to other utilities and proposals made by other 
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parties. Most parties considered that a factor of 30% to 35% would be a more reasonable 
classification for AE.  
 
Therefore, the Board directs AE to provide, at its next GRA, a study that applies the principle of 
cost causation, reflects changes in asset use since Decision E90050, and considers changes in the 
mix of customers in the customer and demand classifications. The Board is not persuaded that 
there is sufficient reason to change the classification factor in this proceeding and, therefore, 
accepts AE’s customer and demand classifications as filed. 
 
In respect of the classification of primary distribution assets the Board notes that PICA and 
TransCanada agreed with AE’s classification because it recognized the primary system was 
taking on some characteristics of the secondary system. AE stated that the 100% allocation to 
demand was a reasonable alternative and was prepared to recognize this change in this 
proceeding. 
 
The Board accepts AE’s 100% allocation to demand for the primary system in this proceeding. 
 
The Board notes that AE used 85% customer, 15% energy, to allocate marketing expense to 
customer classes rather than the detailed study used in the 1993 proceeding. AE stated that using 
the detailed study would not produce reliable results but conceded the study would be a 
reasonable approach. The Board notes the MI considered that using the 85%/15% is arbitrary and 
that the 1993 detailed study is preferred since AE indicated that the functions of the marketing 
department are basically the same today. 
 
The Board considers that a detailed study is preferable to an arbitrary percentage allocation. The 
Board, therefore, directs AE to incorporate the 1993 study for marketing expenses into this 
proceeding. The Board also directs AE to update its marketing expense study for future Phase II 
applications.  
 
The CCA considered AE’s allocation of customer accounting costs using a 2% weighting for 
energy to be based on judgement. The AIPA/AAMDC/REA submitted that the allocation did not 
account for meter reading frequency and fewer bills for certain customer classes, including 
REA’s.  
 
The Board directs AE to include meter reading and billing frequency as part of the allocation of 
customer accounting costs and to undertake a study to assess the reasonableness of the 2% 
weighting to energy, for its next Phase II proceeding. 
 
The Board notes IPPSA/SPPA recommended that all rate classes should migrate to a 100% 
revenue-to-cost ratio. The Board has stated in the past that the revenue-to-cost ratio should 
migrate to 95% to 105% revenue to cost over time. The Board considers 95% to 105% is still a 
valid target for rate classes during the transition to 2001.  
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3. RATE DESIGN 

(a)  Design of Proposed Rates 

Position of AE 
AE indicated that the proposed rate schedules had been designed based on the 1998 distribution 
revenue requirement. AE indicated that prior to developing new tariffs, it had consulted with 
customers and intervenor groups about issues and preferences regarding tariff and product 
design. Customers supported functionalization of charges, minimization of cross-subsidization 
and cost reflective rates. Some requests and suggestions were accommodated, but others were 
too complex or inconsistent with the rate design criteria used by AE. AE stated that the rate 
design criteria of previous filings were still valid since it was still providing its customers with 
fully bundled service. The criteria were 
 

• Recover total revenue requirement including required increases or decreases in 
revenue, together with the allocation of increased or decreased revenue to each class 
of customer. 

 
• Recognize the cost of service as determined by cost studies and the cost of existing 

and future facilities required to provide service. 
 

• Promote efficient and cost effective usage of power and discourage wasteful or 
inefficient usage and where possible, promote desired behavior through price signals 
built into the rate structure. 

 
• Recognize the value of service provided, specifically, competition with alternative 

sources of energy services and the price sensitivity of different consumer groups. 
Recognition of the value of service provided or market prices of customer alternative 
may suggest pricing levels above or below those based on embedded cost of service. 

 
• Avoid undue discrimination between and within customer classes. 
 
• Consider the rate levels, structures and policies of other utilities, particularly those 

with similar load and service conditions. 
 

• Promote ease of understanding and acceptance by customers, as well as ease of 
administration and economy of billing. 

 
• Recognize the level and structure of existing rates and their historical development. 

 
AE indicated that the rates were appropriate for traditional rate classes and allowed AE to start to 
manage the costs and risks of the distribution function more directly. To facilitate further 
unbundling, distinct charges were presented to indicate the various component costs (i.e. explicit 
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charges for generation, transmission and distribution) of the bundled tariff but they may or may 
not be appropriate for a distribution access tariff. AE’s ability to match the associated cost 
causation was generally mitigated by historical rate structure and levels. AE considered the 
application an intermediate step in the move from fully integrated, bundled services to a more 
competitive environment.  
 
AE set the revenue-to-cost ratios (by generation, transmission and distribution) as close as 
possible to the 95%–105% range established by the Board (with the exception of company farm 
rate), while still recognizing the other rate design principles that may impact upon the 
development of specific rates. Noting suggestions that greater refinements be made to the 
revenue-to-cost ratios to move them closer to 100%, AE stressed rate design is not a precise 
science. AE further submitted that there is little basis to justify establishing rates with greater 
precision than falling within the range of 95%–105%.22 
 
AE indicated that it would incorporate various changes (either as a result of data that was not yet 
finalized or due to rulings of the Board) into its COSS and Rate Design. AE submitted that the 
most expeditious way to deal with any rate revisions arising from its revised COSS would be to 
reconvene a one day proceeding to examine the relevant issues, following issuance of a Board 
Decision. A package of revised revenue-to-cost ratios, sample bill comparisons and price 
schedules would be provided for review by all interested parties. 
 
AE submitted that the scope of questioning at the reconvened proceeding must be limited only to 
items that have changed as a result of the Board’s Decision. The appearance of AE witnesses 
should not be an opportunity to re-examine all issues.  
 
Position of the intervenors 
The MI and AIPA/AAMDC/REA all supported the concept of a mini-hearing after AE’s refiling. 
IPCAA also supported the concept if all parties were afforded opportunity to question AE 
witnesses and make submissions to the Board on relevant issues. 
 
Dr. Rosenberg supported unbundled rates based on the cost of service. Generation rates should 
be embedded cost based until full competition sets their levels. In particular standby rates must 
be cost based to ensure economically efficient decisions on new generation to supply Alberta’s 
power needs and fairly compete with existing generation companies.  
 
Mr. Drazen supported rates which convey the proper signals and information to allow customers 
to respond effectively. A properly designed DAT would result in more price responsive load 
alleviating the need for curtailable load and brownouts. Since there is a provincial generation and 
transmission market, the DAT rate and the generation service charge must be consistent among 
DISCOs.  

                                                 
22 Argument, p.8 
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Mr. Drazen contended that the focus should be on redesigning AE DISCO’s rates to facilitate 
price responsive load and real competition. The transmission component should reflect the actual 
costs incurred from the TA to serve each rate class or the individual customer at single customer 
substations. The generation component should be separated into the forecast pool price, UOV 
Refund and RP. This would alert customers to the likely pool price and resulting hedge value. 
Each DISCO rate component would vary for each year the rates were to be in effect (i.e. 1998 
and 1999). The rate components would also be adjusted each year for sales growth and changes 
in pool price, UOV credits and RP. Contracts should also be unbundled into the functional 
components of generation, transmission and distribution. 
 
Mr. Drazen relied on the COSS for re-allocation of revenue responsibility between rate classes 
for four reasons. Restructuring was supposed to be “bumpless” and not shift revenue 
responsibility among DISCO’s or among customers. The underlying generation and transmission 
costs have not changed substantially. The allocation of legislated hedges AE proposes is on a 
different basis than upon which those hedges were designed. Lastly the costs and usage data in 
AE’s study are out of date 1996 data while the rates would be in effect in 1999. Mr. Drazen 
noted that while overall revenue is reduced by only 0.1% from existing rates, the proposed rates 
impact on rate classes ranges from a decrease of 9.0% for REA Farm Customers to an increase of 
27.4% for customers on the POR.23 Mr. Drazen further noted that, since the1998 Negotiated 
Settlement did not explicitly set out the distribution function’s revenue requirement, AE 
determined it as a residual by subtracting generation and transmission costs from the total 
DISCO revenue requirement. Mr. Drazen submitted that existing rates should be unbundled with 
no cost reallocation in response to revenue-to-cost ratios which vary from unity.  
 
Mr. Drazen also wanted a more current and a more detailed analysis of the distribution charge 
which separates costs of the wires function and retailing functions including metering, customer 
accounting and customer services. Neither customers nor future competitors would receive 
accurate information on the current cost of distribution service from a 1998 distribution revenue 
requirement determined on a residual basis and prorated to component costs based on the 1996 
distribution component costs. 
 
IPCAA considered that reallocation of revenue responsibility among rate classes was 
unnecessary and inappropriate. The primary focus should be on unbundling. The costs are to a 
great extent those “inherited” from the Old World. The COSS suffers from allocation method 
problems. IPCAA submitted that rate unbundling was essential and should lead to a form of rates 
which are consistent with and contribute to the development of a competitive market open to all 
customers. Customers must be able to choose to pay for energy at a fixed price or a price which 
varies with the pool price. Current customers must able to choose whether to use the distribution 
system. Future customers must be able to choose their supplier of energy, metering and billing. 
The Board should promote the development of a competitive market by directing that unbundled 
                                                 

23 Drazen Evidence, p.18 
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information be made available to customers. AE had unbundled by function but should further 
unbundle generation to into pool price, RP and UOV components and distribution into “wires” 
and retailing. 
 
IPPSA/SPPA also recommended unbundling generation charges into market and RP/UOV 
components. 
 
To the extent that the Board unbundles generation charges into market and RP/UOV 
components, a relevant pool price forecast is necessary. Since these rates will go into effect in 
1999 and presumably remain in effect through 2000, IPPSA/SPPA submitted that common sense 
dictates that the market generation charge be based on expectations for that period. Moreover, 
IPPSA/SPPA noted that the EU Act required AE to submit a pool price forecast a part of its 
DAT, “during the period in which the tariff is to be in effect.”24 Since AE is required to prepare 
such a price forecast, it makes sense to use that forecast for developing the market generation 
charge. To send reasonable price signals, the market generation charges should be based on 
expectations for that period.  
 
TransCanada acknowledged AE’s unbundling efforts. However, TransCanada supported even 
further unbundling of generation charges as IPPSA/SPPA advocated. Separating the components 
would provide useful price signals and customer education benefits.  
 
TransCanada strongly objected to the use of the “95%–105%” as a blanket defense of a rate 
design that results in cross-subsidization. In the absence of other mitigating rate design criteria, 
such as rate shock, TransCanada submitted that revenue-to-cost ratios for all rate classes should 
be set equal to 100%. Failure to do so would result in two obvious rate design defects: 
perpetuation of cross-subsidies and potential for discrimination. In the interest of fairness, where 
a customer class has had revenue-to-cost ratios either over (below) unity for a period of time, the 
Board should direct AE to balance revenue-to-cost ratios for that customer class proportionally 
below (over) unity for a reciprocal period of time. Alternatively, TransCanada submitted that the 
Board should direct AE to set revenue-to-cost ratios equal to 100% for all rate classes where it is 
possible to do so without violating other rate design principles. 
 
Board Findings 
The Board notes that distribution rates based on Old World generation cost allocation methods 
have been in effect for the first three years (1996–1998) of the five year transition to deregulation 
in 2001. Across-the-board rate riders were agreed to in the 1997 and 1998 Negotiated 
Settlements. The Board does not consider that it would be appropriate to revise those rates 
retroactively and accordingly deems the interim rates in place from 1 January 1996 to 
31 December 1998 to be final rates. 
 

                                                 
24 Section 31.6(3)(b) 
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In this first phase II proceeding in the New World the Board must determine an appropriate form 
and level for customer rates during the remainder of the transition to fully competitive markets in 
2001. As in the allocation of generation costs, the Board considers it important to look ahead in 
performing that role.  
 
A major objective of the EU Act is to separate the integrated utility’s costs by function as much 
as possible in order to provide distinct functional segments in a competitive world. 
 
As discussed in Decision U97065: 
 

Section 48(1)(a) of the EU Act provides, in part, that an owner of an electric 
utility shall keep books, records and accounts in a manner that provides a 
reasonable understanding of the operation of the electric utility, including keeping 
track separately of the costs of regulated generating units, transmission facilities 
and electric distribution systems, as well as of common costs, in accordance with 
rules established by the Board.25 

 
In Decision U97065, the Board further directed the utilities: 
 

…to develop a method of accounting for regulatory purposes that keeps track 
separately of the gross revenues and costs pertaining to the operation of the 
GENCO, TRANSCO and DISCO functions and to file these revenues and costs at 
the next GRA.26  

 
Thus, the direction of the EU Act is very clear in regards to the separation of costs by function at 
the integrated utility level. The DISCO’s revenue requirement is the distribution function’s 
portion of the integrated utility’s costs.  
 
The DISCO’s revenue requirement must also be unbundled. AE “functionalizes” the costs in its 
DISCO’s revenue requirement into generation, transmission and distribution. The Board 
considers that it would be clearer if the revenue requirement were unbundled by cost source 
since the source of the costs are not necessarily well described by those functional categories. 
The cost sources to be used in the refilings and rate unbundling are: Energy Supply (currently 
including the benefits of legislated hedges and later the balancing pool cost/benefit), TA Billings 
and DISCO Services.  
 
However, the Board considers that the separation of distribution costs by cost source is only the 
first step in the move towards customer choice in 2001. Customers supported functionalization of 
charges, cost reflective rates, and minimization of cross-subsidization. The Board agrees and 
notes that the new industry structure allows for competition in many areas commencing in 2001. 

                                                 
25 Part 1 – General, section 5(a) p.78 (Functionalization section) 
26 Part 1 – General, section 5(a) p.81 (Functionalization section) 
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The pass through of more realistic costs to customers will allow them to begin considering and 
responding to market conditions. The Board considers that the second step is to ensure each rate 
has a separate component charge representing any separable component cost which may be 
subject to competition for the DISCO or which customers might benefit from seeing. The third 
step is to ensure the component charges are equal to the component costs. 
 
The first step towards cost pass through is the unbundling of the DISCO’s costs by cost source. 
Moving the DISCO’s revenue-to-cost ratio to 100% for each cost source will also allow for 
easier adjustment of rate levels as required by any new DISCO cost levels arising out of the TA’s 
rate proceeding and the distribution tariff proceeding. Therefore, the Board directs AE to set its 
DISCO’s overall revenue-to-cost ratios to 100% for each cost source. 
 
The second step is to separate component charges within each rate to pass through each 
identifiable component cost within the cost sources. The cost sources are defined to contain the 
component costs as follows: 

• Energy Supply costs include the cost of energy purchases from the pool, the legislated 
hedges, pool trading fees and commercial hedges; 

• TA Billings costs include the separable portions of the charges the DISCO pays the TA; 
and  

• DISCO Services costs include separable costs related to the wires function, metering, 
customer accounting and customer services.  

 
Separate cost of energy charges and legislated hedge values would help customers choose 
between the pool price, TOU rates and other fixed price rates and also to assess market hedging 
possibilities. Cost reflective unbundled charges would help customers understand and minimize 
the transmission charges they cause the DISCO to incur from the TA.  
 
The third step is to move each component charge to a level equal to the component cost from 
which it arises. The Board considers that the cost components in Energy Supply and TA Billings 
may be unbundled and set to appropriate levels at the present time.  
 
Customers also indicated that they would like to see unbundled delivery charges to help them 
choose between connection at the distribution or transmission level and future customer choice 
options. However, the distribution tariff proceeding is the appropriate forum for setting 
component charges which reflect the level of the component costs of DISCO Services. The 
information is not required for retail customer choice until 2001 and more current component 
costs will be available for consideration in the distribution tariff proceeding. At any rate, use of 
1996 distribution costs, or the residual or prorated distribution costs from the recent negotiated 
settlements, would not necessarily result in unbundled charges reflecting current DISCO 
Services component cost levels. Further, customer evaluation of the differences between 
connection at the distribution or transmission level may also be impacted by the TA’s rate 
redesign.  
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Therefore, at this time the Board considers that the primary focus in the design of rates should be 
to provide cost reflective charges for the separable component costs of Energy Supply and TA 
Billings and to recover the DISCO’s total 1998 revenue requirement. This will require that the 
portion of revenue requirement attributed to DISCO Services be a residual. The revenue-to-cost 
ratios for total DISCO revenue from each cost source should also be set at 100%.  
 
Customers would then see rates which reflect current cost levels and, if a new cost level for any 
one cost source arises from a future proceeding, it may be efficiently incorporated into customer 
rates without the need to examine the other cost sources. Theoretically, rate stability, energy 
conservation, value of service, historical development, and customer acceptance concerns should 
not prevent either customers or future competitors from beginning and continuing to receive the 
accurate cost information they require to make market driven choices. Practically, the Board 
recognizes that rate stability concerns and shortcomings of record keeping systems may in 
specific instances require overall rate class revenue-to-cost ratios other than 100%. In those 
cases, to keep the signals from Energy Supply and TA Billings clear and since the DISCO 
Services component is a residual at any rate, the DISCO Services components should be adjusted 
as required. 
 
To ensure some degree of rate stability in moving to accurate cost signals, the Board directs that 
in the refiling, the DISCO keep any overall increase in revenue arising from the rate redesign at 
less than 10% for any rate class. The revenue-to-cost ratio for both the Energy Supply and TA 
Billings components of each rate should be moved to exactly 100%, with the DISCO Services 
component (which is a residual) adjusted to ensure the overall increase in revenue is less than 
10% for every rate class. The Board notes that individual customers may see more than a 10% 
increase if their usage characteristics warrant. 
 
In summary the Board directs AE to design rates so that: 
 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO 
Services are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% 
for every rate class; and to the extent possible the revenue-to-cost ratios for 
Energy Supply and TA Billings are each set at 100% for individual customers; 
and 

• the overall increase in revenue over that collected from existing rates is kept at 
less than 10% for every class, by adjusting as required the “residual” DISCO 
Services amount to be recovered from customer classes. (The Board notes that 
individual customers may see more than a 10% increase if their usage 
characteristics warrant.) 
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(b)  Rate Levels for 1999 
The Board considers that the most appropriate basis upon which to set 1999 rate levels for the 
Energy Supply and TA Billings cost sources would be tested 1999 forecasts broken down by 
component cost. Unfortunately, tested 1999 forecasts broken down by component costs are not 
available at this time. The 1999/2000 Negotiated Settlement only provides the 1999 and 2000 
total DISCO revenue requirements. 
 
For the market to function as efficiently as possible in line with the findings above, the Board 
also considers that the charges reflecting 1999 Energy Supply costs and TA Billings in the rates 
should be as representative as possible of the 1999 component costs. The rates should also be 
easy to adjust for changes in TA rates. 
 
Customer response to pool price improves the efficiency of the market and the Board is 
particularly concerned that there should be no artificial incentives to keep customers on fixed 
rates if they prefer the actual pool price DAT or the TOU DAT. The Board considers that all 
relevant values27 should reflect the best forecasts available for 1999 for fixed rate customers who 
are eligible to take DAT rates. Then DAT customers who do respond to the pool price will more 
likely be better off than customers on fixed rates. DAT customers must be allowed to respond to 
the hourly variation in pool prices without being overcharged because of the difference between 
forecast and actual average pool price. With proper forecasts the DAT rates will provide a benefit 
on a forecast basis for customers who assume that they will respond to the TOU rate (See 
Section 4(h)).  
 
The Board notes that AE used actual 1995-1996 load data to derive the forecast 1998 customer 
numbers, hourly class loads and billing determinants. Then AE used the 1998 class data along 
with forecast 1998 hourly pool prices to calculate the 1998 sales and cost data used in the 1998 
Negotiated Settlement and the Application.  
 
The Board considers that the 1998 forecast levels of transmission and generation costs AE 
proposes to incorporate in rates are not necessarily reflective of the current costs arising from the 
Energy Supply and TA Billings cost sources. Considering the increase in pool prices since early 
1998, the class annual average cost of energy and AE “H” as calculated from the 1998 data AE 
used in the Application may be quite different than current levels. In light of its findings in this 
Decision, the Board considers that use of the Application’s 1998 forecast data would not 
necessarily result in rates reflecting 1999 costs and the Board has no component cost breakdown 
for 1999/2000.  
 
In the absence of tested 1999 forecast data broken down by component costs, the Board 
considers that the 1998 forecast hourly pool prices should be updated. The Board directs that AE 
apply the actual 1998 hourly pool price record to AE’s actual 1998 class load data in AE’s 
                                                 

 

27 The annual average cost of energy for each class, the DISCO annual reservation payment, total annual 
UOV refund, H amount (see Section 2(b)) and total annual load.  
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refiling. The Board directs AE to apply its actual metered class hourly load to the actual 1998 
hourly pool price record to determine a more appropriate annual average cost of energy for each 
fixed rate class. Similarly, the Board directs AE to use the average actual pool price in each TOU 
period in 1998 as the cost of energy components in the TOU rates. The Board directs AE to use 
the fixed amount “H” charge calculated using the 1998 pool price record and total 1998 AE 
DISCO annual energy usage. This approach will, in the Board’s view, provide appropriate levels 
for each class’s annual average cost of energy and AE’s “H” component. The Board considers 
that the resulting 1999 rates will provide better market signals than would rates based on the 
1995-1996 load data and 1998 pool price forecasts in the Application. This approach will, in the 
Board’s view, provide more appropriate levels for each class’s average annual pool price and 
AE’s H component.  
 
The Board also considers AE’s 1998 forecast transmission costs based on 1995-1996 load data 
outdated and therefore inappropriate for use in the rates arising out of this proceeding. The Board 
directs AE to use the TA’s interim 1999 rates (as approved in Order U99018, dated 11 February 
1999) and AE DISCO’s actual 1998 TA invoiced kWh and kW to determine updated TA 
Billings. The allocation to rate classes and transmission served customer classes should use 
actual 1998 hourly class load and NCP data to determine the kWh and kW charges. AE’s per 
kWh and kW charges to recover TA Billings will then reflect the 1999 TA rates which are 
adjusted for the effect of reallocating the 25 kV plant to transmission (See Section 2(c)). The 
Board also directs AE to indicate the separate charges for the TA Billings and DISCO Services 
components on each rate schedule. 
 
The total Energy Supply cost and the updated TA Billings will be different from AE’s 
transmission and generation costs in the Application. AE is directed to deduct the resulting total 
updated 1998 forecast costs of Energy Supply and updated TA Billings from AE DISCO’s 1999 
negotiated revenue requirement (as approved by the Board in Decision U99046) and use the 
resulting 1999 residual as the cost of AE’s DISCO Services in the refiling. This will keep the 
price signals from the Energy Supply and TA Billings cost sources accurate, while allowing AE 
to recover the 1999 DISCO revenue requirement negotiated with its customers. The Board 
directs AE to prorate the 1998 distribution cost allocations (as adjusted for the removal of the 25 
kV costs from distribution) in the Application to the 1999 residual in the re-filing to determine a 
level for the DISCO Services components in the refiled rates. The Board further directs AE to 
attempt to confine the entire effect of any riders arising out of the 1999/2000 settlement 
agreements to the DISCO Services components of the rates. For those customers served at the 
transmission level the effect of any riders should be confined to the TA Billings components. 
 
While the foregoing procedure is not ideal with respect to determining appropriate DISCO 
Services costs, the Board considers that more accurate unbundled Energy Supply costs and TA 
Billings are available and should appear as unbundled charges in customer rates at this time. The 
DISCO Services cost is a residual and cannot be entirely cost reflective if AE is to recover the 
1999 and 2000 DISCO revenue requirement negotiated with its customers. 
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The Board directs AE to refile its COSS and rates on 1 September 1999. To confirm compliance 
to the Board’s directions, the Board directs AE to supply tables setting out revenue-to-cost ratios 
for each rate by cost source (Energy Supply, TA Billings and DISCO Services) and to confirm 
that overall DISCO revenue-to-cost ratios by cost source are at 100%.  
 
(c)  Distribution Function Management of Risk 
AE categorized management of the risks arising from the new structure under: market structure, 
purchase power costs, transmission tariffs and suspension of generator UOVs. 
 
A change in the structure of the Alberta electricity market might necessitate changes in the 
distribution rates proposed to alleviate any new distribution function risk arising. Examples of 
significant changes were the removal of the pool price cap and changes in the accountability or 
obligations of generators, transmission owners, service providers or distribution companies.  
 
Risk related to purchase power costs arises with load growth as the distribution function’s energy 
purchases from the pool exceed its legislated hedges and the excess is subject to the volatility of 
the pool price. Mitigation strategies include purchase of additional hedges or flowing through 
pool price to customers through tariffs such as the direct access tariff and pool opportunity rate. 
 
AE pays transmission tariffs and contracts with the TA for transmission service at each POD. In 
order to terminate or reduce contract demand AE would have to pay the TA for any unrecovered 
investment and/or provide notice of reduced load at a POD. To mitigate the associated risks, AE 
proposed unbundling of its customers’ contracts and investment terms and explicit definition of 
the commitments and obligations for each service.  
 
Most of these issues were to be dealt with in the negotiations pursuant to Exhibit 51. 
 
AE was also concerned that suspension of a generator’s UOVs might result in changes in the cost 
of power purchased from the pool. AE proposed a generator adjustment rider to mitigate risk 
from any suspension  
 
Position of the Intervenors 
IPCAA noted that such a rider had not been contemplated in the 1996 Phase I, would shift risk to 
customers, and amount to an automatic increase in revenue requirement. IPCAA submitted that 
the 1999/2000 Phase I was a more appropriate forum to consider such issues. IPCAA considered 
that approval of such a rider would place an obligation on AE to intervene in any GENCOs 
temporary suspension application to minimize costs to customers. 
 
IPCAA requested that the Board reject the proposed generator adjustment rider on the basis that 
it would have the effect of shifting risks to customers.  
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Position of AE 
AE submitted that there was no evidence on the record of these, or for that matter of other 
proceedings, which supported the view that AE’s distribution function should bear the risk of 
increased cost due to the temporary suspension of obligations of the owner of a generating unit. 
That argument should be dismissed by the Board. 
 
Board Findings 
The Board notes that the operation of the rider AE proposes has not been fully explained in this 
proceeding. The Board requested that AE fully explain the working of the rider but, in its 
response to BR-APL-10, AE indicated only that the rider “would likely be applied on an across-
the-board basis to all applicable base rates, riders and options that contain a fixed generation 
component.”  
 
The Board is not convinced that there is a need for an automatic adjustment rider since AE 
would be able to apply for an adjustment to its rates in the event a plant has its obligation 
temporarily suspended. The Board considers that issues relating to an appropriate adjustment 
level and method would be clearer at that time.  
 
Therefore, the Board will not approve an automatic generation adjustment rider for AE in this 
Decision.  
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(a) Residential 

(1) Price Schedule 11 – Standard Residential Service 
AE is proposing this Price Schedule for use by single and separate households, throughout the 
territory served by the company, for single-phase electric service at secondary voltage to a single 
meter. This Price Schedule would not be applicable to any commercial or industrial use. 
 
Price Schedule 11 would include the following components: 

• a generation charge of 3.304/kWh for all energy consumed; 
• a delivery charge of 3.664/kWh for all energy consumed, and 
• a monthly customer charge of $16.10. 

 
This replaces the rate currently in place: 

• An energy charge of 7.484/kWh, and 
• A monthly customer of $11.90. 

 
AE’s proposed residential rate would recover $20.2 million, or 29% of revenue, from fixed 
demand/customer charge and $49.3 million, or 71% of revenue, from the energy component.  
 
AE’s revised COSS indicated the revenue-to-cost ratio for the combined Price Schedule 11 and 
Price Schedule 18 to be 101%. 
 
Position of the Intervenors 

CCA 
The CCA argued that increasing the fixed monthly charge for residential customers implied that 
a greater proportion of revenues from residential customers is assured of recovery. The CCA 
further argued that if fixed charges were maintained at $11.90 per month, there would only be a 
slight reduction in the percentage of the customer charge recovered. They noted that only three 
utilities in Canada have a customer charge in excess of $16 per month.  
 
The CCA noted that the proposed reduction in energy charge reduces the total bill of the more 
energy intensive residential customers. As 62% of the customers in this rate class consume less 
than 700 kWh per month, the proposed rate is punitive. The higher the fixed charge component 
of the customer bill, the less incentive there is to conserve energy. The design of Price 
Schedule 11 has historically been set to recover a portion of the customer cost through the energy 
charge, because the rate does not contain a demand charge.  
 
The CCA argued that AE should be indifferent as long as it recovers its revenue requirement and 
the rate has customer acceptance. Finally the CCA submitted that there is no need to change the 
fixed charge component of Price Schedule 11. 
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MI 
The MI stated that AE’s revised COSS does not reflect all of the changes proposed by the FIRM 
Customers’ consultant or by the MI. Therefore, the revised revenue-to-cost ratio would likely be 
in excess of 105%. On that basis, the MI argued that the residential rate class should be entitled 
to a significant decrease. 
 
Position of AE 
AE stated that it is seeking to increase the customer charge components of its residential rates, to 
better reflect the cost causation for this rate class. Even with this higher customer charge, much 
of the fixed charge component of a customer’s costs would be recovered through the energy 
charge. AE argued that, even though there may not be significant negative consequences for AE 
if this change is denied, the new charge is a step towards true cost causation. 
 
Board Findings 
The Board notes that AE’s proposed residential rates would recover less than the costs allocated 
to the rate class for the fixed components (demand and customer). Conversely, the rate would 
recover more from the energy component than the energy costs allocated to the rate class. Had 
AE designed a residential rate that would have recovered costs according to the proportions of its 
COSS, the fixed component of the rate would have been significantly higher than the fixed 
component in its proposed residential rates. By recovering more costs from energy and less costs 
from demand/customer charges, AE designed a residential rate that has a fixed monthly charge 
of only $16.10 but the rate nevertheless represents a cross-subsidy of the fixed components from 
the energy component. 
 
The Board recognizes the possibility that, in the future, wire ownership may be separated from 
energy sales, billing and metering activities. These latter functions may be carried out by an 
affiliate of the DISCO or by independent retailers selling directly to consumers. In either event, 
AE DISCO’s wire cost may be largely recovered as a fixed component in the customer bill. 
Therefore, AE’s proposed increase in the fixed charge of its residential rate might be justified as 
an appropriate price signal to prepare customers to accept future rates that directly reflect costs. 
Currently, AE DISCO still carries out the functions of buying energy from the pool, selling 
energy to consumers, metering, and billing customers. Therefore, as a multi-function DISCO, 
AE can still cross-subsidize costs within its functions as long as such cross-subsidizations result 
in rates that are just and reasonable. 
 
In this particular case, the Board notes that the proposed fixed monthly charge of  $16.10 
represents a 34% increase over the current residential rate’s monthly charge of $11.90. Although 
this is a large increase to implement all at once, given the likelihood that future industry 
restructuring will lead to higher fixed charges, the Board considers the increase to be appropriate 
at this time.  
 
The Board, therefore, approves AE’s proposed monthly fixed charge of $16.10.  
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In Section 3(a), the Board directed AE to design rates so that  

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
(2) Price Schedule 18 – Lloydminster Residential Service 
Price Schedule 18, Lloydminster Residential Service, was a special rate developed to ensure 
price competitiveness with residential customers in Lloydminster served by SaskPower 
Corporation (SaskPower). 
 
AE proposed withdrawal of Price Schedule 18, Lloydminster Residential Service and transfer of 
all residential customers to Price Schedule 11, Standard Residential Service. The price 
differential between SaskPower’s applicable residential rate for Lloydminster and the proposed 
Price Schedule 11 has narrowed. AE considered that the differential between Rates 11 and 18 
was acceptable. 
 
Position of the Intervenors 
None of the intervenors took issue with the proposal to withdraw Price Schedule 18. 
 
Board Findings 

The Board accepts AE’s proposal to withdraw Price Schedule 18 – Lloydminster Residential 
Service and to offer service to Lloydminster residents under Price Schedule 11. Given the 
narrowing differential between Rates 18 and 11, the Board considers that Lloydminster 
residential customers should pay the same rate as other AE residential customers.  
 
For further details on other issues around AE residential rates see Section 4(a)(1), Price 
Schedule 11. 
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(b) Farm and REA 

(1) Price Schedule 51 – REA Farm Service 
This rate is for use by bona-fide farming operations served by an REA. The intent of the price 
schedule is unchanged. 
 
AE proposed a customer charge and a demand charge in place of the monthly O&M charge on 
the previous rate schedule, as follows: 
 

• the energy charge is reduced from 5.26¢/kWh to 4.3¢/kWh for all energy; 
• the Customer charge is reduced from $11.05/service to $9.00/service, for REA farms 

in O&M Pool; and 
• the demand charge is increased from $1.98/kVA to $2.45/kVA (for farms outside of 

O&M Pool, the demand charge is $0.50/kVA). 
 
Proposed Conditions: If AE determines that a 25 kVA breakered service may be overloaded, AE 
may require replacement of the breaker with a demand meter and modification of service 
facilities in accordance with the T&C. 
 
For non-breakered REA farm services of 25 kVA or greater, the kVA capacity for billing 
purposes is the greater of: (i) the highest metered kVA demand during the billing period; (ii) the 
estimated demand; or (iii) 25 kVA. 
 
Position of AIPA/AAMDC/REA  
AIPA/AAMDC/REA recommended that REA rates be established at 100% revenue-to-cost ratio 
to ensure competitiveness. They noted that if REAs are over-charged, AE can make REAs 
appear less competitive relative to company farm customers.  
 
AIPA/AAMDC/REA argued that the revenue-to-cost ratio rises to 116.1% in Mr. Marcus’ 
updated cost study. They also noted that Exhibit 95 indicated that the distribution component of 
AE’s proposed REA farm rates were 140% of costs after the changes in 25 kV line cost 
allocation. The AIPA/AAMDC/REA proposed a rate design that would have 100% revenue-to-
cost ratio for REA farm customers both for generation and transmission and for distribution 
service. The rate would have generation and transmission components identical to those for 
Company Farm customers.  
 
The distribution rates proposed by AIPA/AAMDC/REA were $7.15/customer/month with 
demand charges of $1.30/kVA.  
 
Board Findings 
The Board considers that AIPA/AAMDC/REA’s concerns are addressed, since in Section 3(a) 
the Board directed AE to design rates so that: 
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• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and 

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
The Board considers that those findings address concerns regarding the level of the distribution 
related charges in AE’s proposed REA rates. 
 
(2) Price Schedule 56 – Farm Service 
The Farm Service rate is designed for all bona-fide farming customers served directly by AE. 
The intent of the price schedule is unchanged.  
 
AE proposed a customer charge and a demand charge in place of the monthly O&M and capital 
recovery charges on the previous rate schedule. To ensure correct billing and prevent overload 
damage to the company’s facilities, a provision has been added to the price schedule to allow AE 
to install demand metering on 25 kVA breakered services. 
 
The proposed price schedule is as follows: 
 

• the energy charge is reduced from 5.26¢/kWh to 4.30¢/kWh for all energy, 
• the customer charge is reduced from $18.62/service to $17.08/service, and   
• the demand charge is increased from $3.85/kVA to $4.40/kVA. 

 
The refiled revenue-to-cost ratio for this Price Schedule was approximately 76%.  
 
Position of AE  
AE defended the proposed design of this rate by stating that in this instance, circumstances 
warrant a departure from trying to achieve a 100% revenue-to-cost ratio. The increase in gross 
distribution assets in its rural service area has largely been due to increases in industrial and 
oilfield sites, yet farm services were allocated a portion of these costs. Fairness dictates that an 
“offset” be included in the rates to this customer class to reflect this anomaly. Company farm 
customers fall into the rural category with virtually all of the oilfield and industrial customers.  
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AE stated that it was examining the use of location codes to achieve a more precise allocation of 
assets between rate classes and was prepared to adopt the use of location or customer class usage 
codes on a go forward basis. It further stated that although these codes may be accurate at the 
beginning of the useful life of any asset, over time the usefulness of those codes would likely be 
eroded. Some sort of allocation method will have to be adopted to accurately reflect the customer 
classes making use of the assets. Attempts to use location codes for existing plant would render 
inaccurate results.  
 
AE requested that the Board approve current allocation of asset splits, with the understanding 
that AE will attempt greater precision in the future. 
 
Position of the Intervenors 

TransCanada 
TransCanada argued that AE has not explained why its proposed rates provide a revenue cost 
ratio of 66% (which was later revised to 76%), when the revenue-to-cost ratio for this rate 
previously was 82%.28 TransCanada further argued that as generation and transmission 
components are a significant part of the cost of service and the change was not attributed to 
them, it believes that AE was more concerned with being competitive with REA’s. TransCanada 
submitted that AE should increase Farm revenues above 82% and apportion the revenues to 
classes with revenue to cost above 100%. 
 
AIPA/AAMDC/REA  
The AIPA/AAMDC/REA recommended the Company Farm Rate 56 be established using the 
revenue proposed by AE. It argued that AE’s cost of service data provided no reliability given 
the rural growth pattern in recent years. However, it accepted the overall rate proposed by AE as 
being within the range of reasonableness.  
 
Nevertheless, AIPA/AAMDC/REA proposed rates somewhat different from AE’s. Using energy 
based allocation of generation costs prepared by their consultant, their recommended generation 
rates were 0.5¢/kWh below AE’s. Transmission rates were 0.07¢/kWh higher than AE’s. The 
remaining 0.43¢/kWh that AE would collect as generation costs were proposed to be collected as 
distribution costs in their rate design, raising the charge per kVA from $3.90 to $4.72. 
 
AIPA/AAMDC/REA noted that AE admitted that its COSS overstated the cost to serve company 
farm customers. AIPA/AAMDC/REA stated that other parties were advocating significant 
increases in farm rates based on this erroneous study. AIPA/AAMDC/REA argued that the best 
way to rectify this situation was to try to resurrect the property record systems of AE, and if that 
could not be done, then company farm customers’ rates should be benchmarked to the property 
costs and associated O&M costs per customer for REA farms. The property records for REAs do 
not suffer from the problems of misallocation of distribution assets between rate classes. AE 

                                                 

 
Decision U99034 Page 50 10 August 1999 

28 Decision E95102 



4. INDIVIDUAL TARIFFS  AE 1996—Phase II 

should be directed to bring forward property records into its next GRA. Otherwise, the costs of 
company farm customers should be explicitly based on a benchmark to REA costs. 
 
IPPSA/SPPA  
IPPSA/SPPA submitted that it is possible that some of the cost growth for distribution assets was 
related to replacing and upgrade of obsolete assets that serve farm customers. IPPSA/SPPA 
agreed with AE that direct assignment of specific assets is extremely complex. IPPSA/SPPA 
considered it a common practice for utilities and regulators to adopt investment policies and 
customer cost or contribution policies to address the problems in this rate class.  
 
IPPSA/SPPA noted that AE can not accurately allocate cost to its Rate 56 customers and to 
compensate for this inability, set the revenue-to-cost ratio for Rate 56 at 68%. IPPSA/SPPA 
noted that as a result, the rate would see an average reduction of 4.9%. 
 
AE has tried to justify the costs allocated to Rate 56 by calculating unit capital costs spent on 
REA assets and applying them to the company farm load (Tr. p.344, ll.6-26). The result of this 
study was a Rate 56 revenue-to-cost ratio of about 93 to 94%, which presumably was acceptable 
to AE. AE also claimed that the Rate 56 class has had “little to no load growth” (Tr. p.343, ll.21-
22) while BR-APL.14 indicated that the Rate 56 class has had a simple annual load growth of 
2.0%.  
 
IPPSA/SPPA submitted that the appropriateness of AE's solution and the assumptions made in 
setting the level of Rate 56 is are not clear. Based on Exhibit 36, the average decrease is 1.0% 
(col. G, line 15, including Rider J). It seems inappropriate to give Rate 56 an average 4.9% rate 
decrease, almost five times the company average, when based on the evidence the “derived” 
revenue-to-cost ratio is 93 to 94%. In the absence of any solid evidence, IPPSA/SPPA proposed 
that Rate 56 should be given a rate decrease equal to that of AE DISCO in aggregate. The 
precedent for this is Rate 31 A, where in the absence of better data, Rate 31 A was given the 
average rate decrease.  
 
With subsequent revisions to AE's application, the resulting average reduction may change and 
the final approved average rate reduction should be used.  
 
The alleged cost increases caused by load growth in the oilfield sector have been deemed to be 
acceptable by the Board, and shared with existing ratepayers in accordance with existing 
investment policy. IPPSA/SPPA expressed the view that a quantitative cost allocation study is 
preferable to vague qualitative assertions. IPPSA/SPPA submitted that there was no need for 
special considerations for Price Schedule 56 so the rate class should not be assigned a rate 
decrease greater than system average. The rate decrease should be the average decrease for the 
AE DISCO. 
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TransCanada 
TransCanada stated that it is not surprising that AE is forced to propose a reduction in the farm 
revenue-to-cost ratio to address the problem in the AE COSS. TransCanada did not acknowledge 
the magnitude of the disproportionate industrial/oilfield growth that has occurred since the last 
Phase II proceeding. 
 
TransCanada noted that in setting the POR, AE expressed a reluctance to deviate from the 
optimal 100% revenue/cost ratio. However, in this instance AE has defended its decision to 
maintain company farm class revenue cost ratios well below unity. Where customer classes had 
revenue-to-cost ratios over or below unity for a period of time, TransCanada suggested that AE 
be directed to balance revenue-to-cost ratios for that class proportionately below or above unity 
for a reciprocal period of time. Alternatively, AE should be directed to set revenue-to-cost ratios 
equal to 100% for all rate classes where it is possible to do so without violating other rate design 
principles. 
 
Board Findings 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and 

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
However, the Board accepts that distribution capital costs caused by rapid growth in the oilfield 
sector have been unfairly allocated to farm customers. Moreover, the Board considers that 
IPPSA/SPPA’s method of adjustment is fairer than AE’s. On that basis, the Board directs AE to 
refile company farm rates that reflect, in their DISCO Services component, the average change in 
the DISCO Services component of AE rates. 
 
The Board notes the concerns of the AAMDC/REA with respect to the property record system of 
AE. The Board considers that the lack of proper records are a deterrent to being able to properly 
establish fair Farm Service and REA rates. Therefore, the Board directs AE to confer with the 
REAs to attempt to establish an appropriate level for the distribution wire and metering costs for 
company farm rates based on a benchmark of REA farm costs, prior to the Preliminary 
Distribution Tariff (PDT) hearing. 
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(c) Small General Service 

(1) Price Schedule 21 – Standard Small General Service 
Price Schedule 21 is for all customers throughout AE’s territory served with single or three phase 
electric service at secondary voltage. The Price Schedule is not available for any service in 
excess of 500 kW.  
 
The intent and application of this price schedule is unchanged from previous Rate Schedule 21 
B, demand and energy pricing option.  
 
The proposed Price Schedule would consist of: 

• Demand Charge of $7.00/kW of billing demand, 
• Energy Charge of:  

• 5.044/kWh for first 200 kWh per kW of demand 
• 3.354/kWh for all energy in excess of 200 kWh 

 
The previous rate was comprised of: 

• Demand charge of $4.05/kW of billing demand, 
• Energy charge of: 

• 7.534/kWh for first 200 kWh per kW of demand 
• 3.384/kWh for all energy in excess of 200 kWh 

 
The minimum monthly bill is the demand charge, but not less than $35.00. An 85% demand 
billing ratchet applies to demand in excess of 150 kW. 
 
Position of AE  
Proposed Price Schedule 21 provides for gradual transition to the fully ratcheted Large General 
Service Price Schedule 31. As in Price Schedule 31, the charges have been weighted more 
heavily towards demand in order to better reflect cost causation. 
 
Position of the Intervenors 
The MI submitted that the proposed Price Schedule 21 has a revenue-to-cost ratio of 109%. 
Therefore, the  MI argued that this price schedule should receive an above-average decrease.  
 
Board Findings 
The Board notes that no specific issues were raised with respect to the proposed rate, except for 
concerns regarding its overall revenue-to-cost ratio. 
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In Section 3(a), the Board directed AE to design rates so that: 
• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 

are unbundled, with the revenue-to-cost ratio for each set at 100%; 
• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 

every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
(2) Price Schedule 22 – Standard Small General Service-Energy Only Option 
Price Schedule 22 is available to all customers throughout AE’s territory served with single or 
three phase electric service at secondary voltage. Price Schedule 22 is not available for any 
service in excess of 500 kW.  
 
The intent and application of this price schedule is unchanged from previous Rate Schedule 21 
A, energy only option.  
 
The proposed Price Schedule 22 would consist of 

• Energy Charge of  
• 24.0¢/kWh for first 50 kWh per kW of demand 
• 6.0¢/kWh for all energy in excess of 50 kWh 
• The minimum annual charge is $420.00 

 
The previous rate was 

• Energy Charge of  
• 16.0¢/kWh for first 50 kWh per kW of demand 
• 8.0¢/kWh for all energy in excess of 50 kWh 
• The minimum annual charge was $243.00 

 
This price schedule provides small general service customers with an option to avoid demand 
charges. 
 
Board Findings 
The Board notes that no specific issues were raised with respect to the proposed rate, except for 
concerns regarding its overall revenue-to-cost ratio. 
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The Board expects rates to reflect the costs incurred to serve the customers. The Board also 
recognizes that some customers may want the option to pay entirely variable charges instead of 
fixed demand or customer charges. If AE is willing to provide such a rate and there is no 
evidence of cross-subsidization between rate classes, the Board considers it appropriate to 
approve such a rate. 
 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
Therefore, AE should design the energy charge(s) to collect all of the TA Billings, Energy 
Supply and DISCO Service costs to be recovered from Rate 22 customers. 
 
(3) Price Schedule 25 – Irrigation Pumping Service 
Price Schedule 25 is applicable to separately metered irrigation pumping services, less than 150 
kW, for service between 1 April and 31 October. 
 
The proposed Price Schedule would consist of: 

• Seasonal service charge of $29.20/kW of billing demand,  
• Energy charge of 3.98¢/kWh, and 
• A minimum seasonal service charge of $146.00. 

 
This replaces the rate currently in place comprised of: 

• Seasonal service charge of $27.60/kW of billing demand, 
• Energy charge of 3.70¢/kWh, and 
• A minimum seasonal service charge of $138.00. 

 
The intent and application of this Price Schedule is unchanged. The service charge and a 
minimum seasonal charge has been increased to bring the revenue-to-cost ratio for this schedule 
closer to 100%. 
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Position of the Intervenors 
The AIPA/AAMDC/REA argued that, as Price Schedule 25 is a rural service, the same 
disproportionate allocation of distribution assets would occur for this servi1ce as for Farm rate 
Price Schedule 56. AE acknowledged that this is likely.  
 
With respect to transmission cost allocation, the AIPA/AAMDC/REA supported the general 
approach of the FIRM Customers for GIS allocations in exhibit 95, schedule 4, as a first step in 
adjusting the AE COSS. The AIPA/AAMDC/REA stated that, however, the ratcheted demand 
GIS allocation provides a full annual cost allocation to irrigation service although the service is 
only connected to the system for the summer season. This would tend to overstate the allocated 
costs to irrigation customers and is inconsistent with AE’s approach to other partial services, 
such as standby service. 
 
The AIPA/AAMDC/REA further noted that AE’s application of its design criterion does not 
provide a comparison to the natural gas alternative or neighboring utilities’ irrigation rates. The 
AIPA/AAMDC/REA recommended that the irrigation revenue-to-cost ratio be no higher than 
farm rate Price Schedule 56, and that the AE irrigation pumping rate be set no higher than the 
similar rate by TransAlta. 
 
Board Findings 
The Board notes the position taken by AIPA/AAMDC/REA that the irrigation revenue-to-cost 
ratio be no higher than Farm Price Schedule 56, and that AE’s irrigation pumping rate be set no 
higher than the similar rate by TransAlta. The Board notes that the revenue-to-cost ratio 
proposed for Price Schedule 25 is 81% (BR.APL-7) and has increased from 68% (Decision 
E95102). The revenue-to-cost ratio at the existing rates would be 73%. The Board does not 
accept that TransAlta’s revenue-to-cost ratios should influence AE’s rate levels. 
 
The Board concurs with the design criteria and methodology used by AE to ensure that an 
appropriate share of capital costs be borne by all customers, including irrigation customers. The 
Board is of the view that since irrigation customers use existing distribution infrastructure they 
should pay appropriate distribution capital and O&M costs. 
 
The Board accepts that rapid oilfield and rural industrial growth would likely cause the same 
disproportionate allocation of distribution assets to this service as for Farm Price Schedule 56. 
However, assuming 100% recovery of transmission and generation costs, the Rate 25 revenue-to-
cost ratio of 80% implies that 66% of the distribution costs allocated to Rate 25 customers would 
be recovered from them.29 This may be compared to only 44% recovery of distribution costs 
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allocated to Rate 56.30 AE should account for any such difference in the refiled Rate 25 and 
Rate 56. 
 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and 

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
(4) Price Schedule 26 – Irrigation Pumping Service (REA Farm Services) 
Price Schedule 26 applies to irrigation pumping services for REA farm customers. It is available 
throughout the service territory of AE between April 1 and October 31 for seasonal irrigation 
pumping loads of REA customers and individual cooperative and colony farms with their own 
distribution systems. It is not applicable for any service in excess of 150 kW. 
 
Proposed Rate Level  Previous Rate Level  
    
Customers in the REA O&M pool 
Energy Charge: 3.98¢/kWh Energy Charge: 3.70¢/kWh 
Seasonal Service Charge:  $11.55/kW Seasonal Service Charge: $11.20/kW 
    
Minimum Season Charge  $57.75 Minimum Season Charge  $56.00 
 
Customers outside the REA O&M pool 
Energy Charge: 3.98¢/kWh Energy Charge: 3.70¢/kWh 
Seasonal Service Charge:  $3.70/kW Seasonal Service Charge:  
 Plus REA    
 specific charges   
    
Minimum Season Charge  $18.50 Minimum Season Charge $56.00 
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Proposed Conditions: Billing demand may be estimated or measured and will be the greater of 
the following: (i) the highest metered demand during the billing period; (ii) the estimated 
demand; (iii) the contract demand and (iv) 5 kW. 
 
For non demand metered services, demand shall be estimated based on equipment named plate 
ratings as follows: (i) Billing Demand = kW Name plate Rating and (ii) Billing Demand = Name 
plate hp x 0.746 
 
When a customer’s power factor is found to be less than 90%, the company may require the 
customer to install corrective equipment 
 
One half of the Season Minimum Charge will be billed before service connection in the spring 
but no later than July 1; the balance of the charges will be billed following service disconnection 
in the fall. 
 
In the event the service remains idle for two consecutive seasons, the company may remove its 
facilities, unless the customer pays the minimum charge for the upcoming season prior to 
December 31, of the preceding year. 
 
The following price option may apply: Option H, Service for Non-standard Transformation and 
Metering Configurations 
 
Board Findings 
The Board notes that no specific issues were raised with respect to the proposed rate, except for 
concerns regarding its overall revenue-to-cost ratio. 
 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
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(d) Lighting 

(1) Price Schedule 61 – Street Lighting Service 
Price Schedule 61 is applicable for street and highway lighting, but is not available for private 
lighting. The intent and application of Price Schedule 61 is unchanged. The price schedule 
retains the two existing options, and AE proposed a new option for customer owned lighting. 
The charges have been increased overall in order to bring the revenue-to-cost ratio closer to unity 
for this rate class.  
 
Option 61(A) 
AE proposed to reinstate Part 1 of Price Schedule 61, and rename this as Investment Option 
(61A). AE applied for one customer charge of $6.40 per fixture and one demand charge of 
3.60¢/watt of billing demand.  
 
Option 61(B) 
AE proposed to retain Part 2 of Price Schedule 61 where the customer pays the full cost of 
installation, and to rename this part as No Investment Option (61B). For Decorative Lamps, the 
customer charge was $4.50 per fixture and the demand charge was 3.60¢/watt of billing demand. 
For all Other Lamps, the customer charge was $3.30 per fixture, with a demand charge of 
3.60¢/watt of billing demand. 
 
Option 61(C) 
AE proposed a new option for lighting supplied, installed, owned and maintained by the 
customer, the Distribution Investment Option (61C). This option included installation and 
maintenance by AE of distribution facilities up to, but not including light fixtures. It was 
intended to allow customers the freedom to choose any type of light fixture from any supplier, 
while AE would still provide and maintain the associated distribution facilities. The charges for 
this option consisted of a customer charge of $4.00 per fixture and a demand charge of 
3.60¢/watt of billing demand. 
 
Position of the Intervenors 
The MI noted that AE’s revenue-to-cost ratio for Price Schedule 61 was 81%, but based on the 
analysis conducted by Mr. Marcus, the revenue-to-cost ratio was 132%. The MI noted that AE 
has proposed a 7.1% increase in this rate, and submitted that a significant decrease in this rate is 
in order. 
 
Board Findings 

The design and the intent of this rate was not challenged by any of the participants. The Board 
notes the MI’s suggestion that the actual revenue-to-cost ratio was considerably higher than the 
81% stated by AE. 
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In Section 3(a), the Board directed AE to design rates so that: 
• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 

are unbundled, with the revenue-to-cost ratio for each set at 100%; 
• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 

every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
(2) Price Schedule 63 – Private Lighting Service 
This Price Schedule is applicable for private off street and summer village sentinel lighting. Five 
price options were proposed: 
 
Price Schedule 63A—Investment Option 

For private sentinel lighting fixtures installed by AE 
 
Proposed Rate Level  Previous Rate Level  
    
Customer Charge: $5.22/fixture Customer Charge: $5.80/fixture 
Demand Charge: 3.60¢/watt Demand Charge: 2.95¢/watt 
 
Price Schedule 63B—No Investment Option 
For customers who pay the full cost of lighting installation 
 
Proposed Rate Level  Previous Rate Level  
    
Customer Charge: $2.77/fixture Customer Charge: $3.17/fixture 
Demand Charge: 3.60¢/watt Demand Charge: 1.90¢/watt 
 
Proposed Conditions: Available for new installations only. For standard lighting fixtures 
installed by AE. Includes maintenance only. 
 
Price Schedule 63C—Distribution Investment Option 
For lighting supplied, installed, owned, and maintained by the customer. This option includes 
installation and maintenance of distribution facilities up to, but not including, light fixtures 
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Proposed Rate Level  Previous Rate Level 
   
Customer Charge: $3.40/fixture Not applicable 
Demand Charge 3.60 ¢/watt  
 
Price Schedule 63D—Summer Village Option 
For seasonal use only (six-month minimum period) by Municipal Corporations in summer 
villages 
 
Proposed Rate Level  Previous Rate Level  
    
Customer Charge: $10.70/fixture Customer Charge: $10.23/fixture 
Demand Charge: 2.60¢/watt Demand Charge: 2.95¢/watt 
 
This option remains closed with no change to its intent or application.  
 
Price Schedule 63E—Metering Option 
For service through the customer’s meter 
 
Proposed Rate Level  Previous Rate Level  
    
Customer Charge: $4.39/fixture Customer Charge: $5.91/fixture 
Demand Charge: 3.60¢/watt Demand Charge: 1.90¢/watt 
 
This option remains closed with no change to its intent or application.  
 
Board Findings 
Neither the design nor the intent of these rates was challenged by any of the participants. 
 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customer; and  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
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(e) Large General Service / Industrial 

(1) Price Schedule 31 – Large General Service / Industrial 
Price Schedule 31 is a rate intended for larger commercial enterprises, including large oilfield 
customers.  
 
Minimum billing demand for the rate is 50 kW. Minimum billing demand for oilfield customers 
was to be increased to 75 kW. Charges on this Price Schedule are collected through energy and 
demand charges. 
 
Current Rate Level 

Demand Charge 
 

1st block 500 kW @ $16.88/kW 
2nd block 1500 kW @ $15.11/kW 
All consumption over 2000 kW @ $11.79/kW 

 
Energy Charge 
 

1st block 400 kWh per kilowatt of demand @ $0.0193 
All consumption over 400 kWh per kilowatt of demand @ $0.015 

 
Proposed Rate Level 

 
 Demand Charge Energy Charge 
 First 500 kW 

 of billing 
demand 
( per kW) 

All billing 
demand over 
500 kW 
(per kW) 

First 400 kWh 
per kW of  
billing demand 
(per kWh) 

All energy in excess 
of 400 kWh/kW of 
billing demand 
(per kWh) 

     
Generation $1.41 $1.41 2.424 2.304 
Transmission $1.77 $1.77 0.584 0.704 
Distribution $1.67 $2.40 - - 
Service $1.73 - - - 
     
Total Price $7.58 $5.58 3.004 3.004 
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(A)  Rate Design and Overall Cost Levels 

Position of AE 
The proposed Price Schedule 31 continues to reflect the AIS average incremental energy costs as 
previously approved. The price for energy is set in accordance with the 1998 pool price forecasts 
used in the 1998 Negotiated Settlement.  
 
Price Schedule 31 now includes explicit charges for generation, transmission, and distribution 
services. The proposed rate provides a realistic, incremental energy price signal, resulting in the 
recovery of a much greater proportion of the costs via the energy charge rather than the demand 
charges when compared to historical rates. The increase to the energy charges results in a 
decrease to the demand charges, so forecast revenues continue to match total costs allocated to 
the rate. 
 
The charge levels have been adjusted to more appropriately collect costs from customers of 
various sizes. This was done by analyzing the costs associated with various sizes of customers 
within the class, and redistributing the weighting of the charges to more appropriately collect 
costs where they are incurred. The revenue-to-cost ratio for Price Schedule 31 in aggregate was 
targeted to be near 100%.  
 
The cost-reflective distribution charge allows AE to free those customers who do not utilize 
distribution facilities from paying average distribution costs.  
 
A time of use rate is not proposed, as experience shows the customers do not greatly change their 
consumption patterns with changing prices. Customers who opt for time differentiated rates can 
use the proposed DAT.  
 
Position of the Intervenors 

In direct evidence, the ACC noted that AE proposed to increase the revenue-to-cost ratio of Price 
Schedule 31 from the historical level of just under 100% to 104%. The ACC considered it 
neither necessary nor appropriate to go beyond the 100% revenue-to-cost level. It recommend 
that AE design rates to produce a revenue-to-cost ratio of 100% for each function separately.  
 
IPPSA/SPPA agreed with the ACC that the revenue-to-cost ratio should be 100% to the 
maximum extent practical. IPPSA/SPPA noted that Price Schedule 31 serves as the customer 
alternative for direct access, oilfield, and standby customers.  
 
IPPSA/SPPA argued that the generation charge should be segregated into market generation, RP, 
and UOV components. RP and UOV components should be recovered in a demand charge based 
on a 3W/9NW demand allocation. Further, generation charges should be a time of use rate like 
that proposed by TransAlta. Finally, IPPSA/SPPA suggested that the energy transmission 
charges should be time of use rates. It argued that the proposal from AE penalized high load 
factor customers. 
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IPCAA provided its own proposal for Price Schedule 31, in direct evidence from the Drazen 
Consulting Group, Inc. (DCGI). It noted that Price Schedule 31, as proposed by AE, shifts 
charges from demand to energy. IPCAA argued that this ignores that AE’s energy purchases are 
almost totally hedged. IPCAA expressed concern that customers are not able to get “realistic” 
pool prices because of a concentration of market power in the Alberta electrical generation 
market. 
 
IPCAA responded to criticism by the MI and PICA. IPCAA reiterated that it was inappropriate 
for the DISCO to pass on a flow-through of the Pool price to customers for every kWh, when the 
price signal to the DISCO is based on embedded cost for nearly all of its load. IPCAA was also 
concerned with how closely the Pool price forecast from the 1998 Negotiated Settlement would 
approximate the incremental energy costs in 1999. 
 
The FIRM Customers, PICA, and the MI were concerned with the IPCAA proposal. The FIRM 
Customers argued that the IPCAA rate design would constitute a move away from the 
competitive market prices expected to occur in 2001 and would make any changes to DISCO 
rates at that time even more difficult to implement. 
 
PICA argued that revenue-to-cost ratios for small and midsize customers within Price 
Schedule 31 should be brought closer to unity. They also agreed with Mr. Knecht that 
transmission voltage customers should pay full GIS demand charge in the transmission 
component of the rate, while distribution level customers should be credited for diversity. 
 
Board Findings 
In Section 3(a), the Board directed AE to design rates so that  

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%. 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers.  

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
The revenue-to-cost ratio for the DISCO Services charges for this rate and Price Schedule 41 
should be set above the 100% revenue-to-cost level to the extent required to adequately 
compensate customers on Price Schedule 56 for the unfair allocation of distribution assets to 
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their rate class caused by the rapid growth in the rural oilfield sector (see Section4(b)(2), Price 
Schedule 56).  
 
(B)  Totalization of Multiple Demand Meter Readings 
Demand charges are typically payable based on a customer’s peak monthly demands over an 
extended period of time, usually one year. This is called a ratcheted demand. A customer with 
two or more demand-metered services must pay based on the peak demands on each service, 
even if those peak demands are set at different times. However, customers with multiple 
demand-metered services downstream of a single of POD only cause transmission and 
distribution costs to be incurred by the DISCO based on the combined peak demands of all of 
those services. Totalization would allow these customers to be charged based on that combined 
peak demand. 
 
Position of the Intervenors 

IPPSA/SPPA  
IPPSA/SPPA proposed that meter totalization should be allowed on a case-by-case basis and 
proposed a Totalization Rate Rider (TRR) to this effect. It argued that this would result in a win-
win situation where costs are reduced for the customers and for AE. It also argued that although 
there may be difficulties in isolating customers for totalization, there are technical means to 
accomplish this now.  
 
IPPSA/SPPA stated that the goal of totalization is to reduce the coincident peak demand, which 
is the same goal as Option T, the DAT, and the Pool Opportunity Rate. It argued that its proposal 
would lead to production optimization, increased life of oil and gas reserves, and environmental 
and economic benefits of flare gas generation. IPPSA/SPPA argued that its case-by-case TRR 
would be similar to AE’s existing buy-down policy and the determination of costs related to 
“system” versus “customer.” 
 
In reply to the AE argument that a TRR would shift costs to other customers, IPPSA/SPPA 
stated that its proposed TRR would be calculated such that revenues prior to totalization will 
equal revenues after. 
 
IPPSA/SPPA argued that customers with multiple service points should be allowed to optimize 
their use of the system. Currently, a customer with multiple sites served from the same POD can 
reduce load at one site and increase load at another site then receive a double charge through 
ratchets for generation and transmission service even though AE’s upstream costs are 
unchanged.  
 
TransCanada 
TransCanada agreed with IPPSA/SPPA, that calculating a TRR on a case-by-case basis, will 
ensure that all customers are kept whole as a result of this process. The proposed Rider would 
only reduce costs to a customer if the customer made changes to its operation that resulted in an 
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upstream cost reduction for AE. TransCanada stated that the evidence does not indicate that 
totalization undermines rate class averaging as AE alleged. TransCanada submitted that the 
Board should approve the TRR, as outlined by IPPSA/SPPA. 
 
Position of AE 
AE opposed a TRR. The proposed rates were designed assuming non-totalized loads. Allowing 
totalization would require the rates to be redesigned. Demand charges for oilfield customers were 
intended to recover distribution costs for remote services.  
 
AE argued that by totalizing loads, the billing demand would no longer be representative of the 
sum of individual distribution requirements. Totalization would arguably result in inequities 
since certain customers have multiple service points while others do not.  
 
With regards to the specific proposal by IPPSA/SPPA that individual TRRs be calculated based 
on customer costs, AE argued that it is impractical to design customer specific rates. All 
customers whose incremental costs are less than the average would request an incremental rate, 
all others would prefer the average approach.  
 
Board Findings 
The Board considers approval of IPPSA/SPPA’s proposed TRR would give oilfield customers, 
who currently may have several accounts/meters servicing their oilfield facilities, the right to 
approach AE and negotiate a rate resulting in a single account/meter servicing collective oilfield 
facilities. The Board notes that under the proposal a single account/meter would translate into 
oilfield customers paying less demand/fixed transmission and distribution charges but they 
would pay an additional negotiated rate-rider to AE such that the utility would recover the same 
fixed/demand charges as without totalization. 
 
Such a TRR might encourage oilfield customers to modify their pattern of consumption of 
electric power towards a more efficient use. At the same time, the TRR would keep the utility 
whole, as the rider would compensate the utility for the decreased demand/fixed charges due to 
totalization. 
 
The Board, however, is concerned that approval of the proposed TRR, which requires case-by-
case negotiation between the utility and oilfield customer, may impose an administrative burden 
on AE, because of the number of oilfield accounts that may be totalized. Since the Board has 
accepted generation charges which are purely energy based, generation costs are effectively 
totalized and any saving arising from totalization would be from TA Billings and DISCO 
Services components only. 
 
Accordingly, the Board will not direct AE to provide for the totalization of meters and a TRR as 
requested by IPPSA/SPPA. 
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(C)  Minimum 75 kW Demand for Oilfield Customers. 

Position of AE 
Price Schedule 31 is proposed to be unavailable to oil and gas production loads less than 75 kW. 
Price Schedule 41 is designed for loads less than 75 kW to recognize their higher distribution 
costs. All oil and gas customers should be on Price Schedule 41, however the limit is set at 75 
kW to provide for a gradual migration to Price Schedule 41. It would not be appropriate to shift 
all oilfield customers currently on Price Schedule 31 onto Price Schedule 41 since the COSS was 
based on the current customers by rate class. 
 
Position of the Intervenors 
IPPSA/SPPA proposed that the Price Schedule 31 demand minimum of 75 kW should apply to 
all accounts, not just oilfield accounts, if the minimum should be changed. However, it preferred 
the minimum be left at 50 kW. Existing Price Schedule 31 accounts of less than 75 kW should 
not be required to move to Price Schedule 41. 
 
TransCanada supported IPPSA/SPPA’s recommendation that the Board leave the Rate 31 
minimum at 50 kW. If the Board should allow AE to increase the Rate 31 minimum to 75 kW for 
all customers, TransCanada requested that the Board direct AE to quantify the impact of revenue 
migration in its rate design. 
 
Board Findings 

In establishing rate classes, the goal must be to group customers with similar service cost 
characteristics to the greatest extent practical. It will almost always be the case that some 
variation in cost of service will occur amongst customers in a rate class. 
 
In this instance, AE has proposed to change the conditions of service for one subgroup, oilfield 
customers, within the rate class. While these customers may be more remote than the average in 
the rate class and require more expensive distribution facilities to serve them, the Board is not 
persuaded that changing one condition of the Price Schedule is a fair method to address any cost 
misallocation. In Section 4(f)(1)(A) the Board directed AE to provide a study which recommends 
an appropriate rate class or classes for oilfield customers based on the costs to serve them. 
Therefore, the Board does not approve increasing the minimum demand level for Price Schedule 
31 to 75 kW for oilfield customers at this time. 
 
(D)  Meter Reading Frequency 

Position of the Intervenors 

IPPSA/SPPA 
IPPSA/SPPA proposed that AE should read oilfield meters every two to three months as this will 
reduce meter reading costs. 
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Position of AE 
AE argued that a proposal on frequency of meter reading was micro-management of the utilities 
operation and that this request should be denied. 
 
Board Findings 

The Board is not persuaded that there is sufficient reason to require a change in AE’s policy with 
respect to meter reading frequency.  
 
(2) Price Schedule 32 – Standby 
Price Schedule 32 is a charge for standby service used by customers with on-site generation and 
to provide for a default price schedule where a customer otherwise on Price Schedule 33 has 
contracted for insufficient capacity and exceeds the contracted amount. The Price Schedule 
under consideration was the third version of this rate to be submitted by AE during the 
proceeding. 
 
The proposed rate included separate demand charges for transmission, distribution, and service 
costs. Energy charges were included for generation costs and transmission costs incurred from 
GSS and GIS charges of the TA. Energy charges for generation were set as the hourly pool price.   
 
The following definitions were used in setting rates for this Price Schedule: 
 
• Base Demand: the demand level supplied on another Price schedule (i.e. Price Schedule 31 or 

39) 
• Standby Capacity: the difference between the customer’s forecast maximum demand and the 

Base Demand 
• Distribution Contract Demand: the contract demand level specified in the initial customer 

contract, this demand level is used to determine Company capital contributions for 
distribution plant. 

 
Proposed Rate Level  
Demand Charges 
 
Transmission:  A monthly demand charge of $2.20/kW for the greater of 
 (1) the nominated Standby Capacity; and 

(2) the highest metered demands minus the Base Demand for the twelve 
 month period including and ending with the billing period 
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Distribution: A monthly distribution charge of $2.67/kW for the first 500 kW of and 
$2.40/kW for the remaining kW for the greatest of  
(1) the nominated Standby Capacity; 
(2) the highest metered demands minus the Base Demand for the  
 twelvemonth period including and ending with the billing period; and 
(3) the Distribution Contract Demand. 

  
Service: A monthly service charge of $1.73/kW for the first 500 kW for the greatest 

of 
(1) the nominated Standby Capacity; 
(2) the highest metered demands minus the Base Demand for the twelve 
 month period including and ending with the billing period; and 
(3) the Distribution Contract Demand. 

 
 
The Base Demand is exempt from the otherwise applicable distribution and service demand 
charges on the associated Price Schedule (i.e. Price Schedule 31 or 39), since these charges will 
be covered within the distribution and service demand charges for Price Schedule 32. 
 
Energy   
Generation: All kWh above the Base Demand level are charged the Hourly Pool Price. 
   
Transmission: (1) All On-Peak kWh above the Base Demand level are charged at 

0.181¢/kWh. 
 (2) On-Peak energy above the Base Demand level and in excess of 41 kWh 

per kW of Transmission Billing Demand is charged at 1.06¢/kWh. 
 (3) All Off-Peak kWh above the Base Demand level are charged at 

0.123¢/kWh. 
 
Additional Charges and Penalties 
Annual Load Factor Penalty:  If the average demand consumed on Price Schedule 32 (kWh/8760 
hr) over the 12 month period, including and ending with the billing period, divided by the 
maximum billing demand as determined for the Transmission Demand Charge exceeds 15%, 
then the Generation Demand Charge on Price Schedule 39 multiplied by the billing demand will 
apply during the last billing period of the 12 month period and will continue until the Annual 
Load Factor is less than or equal to 15%. 
 
Noncompliance with Curtailment Directive: Load supplied under this Price Schedule is 
curtailable only when there is a generation supply contingency. The first instance of 
noncompliance with such a curtailment directive in a 12 month period will result in a penalty 
charge equal to six times the Reservation Demand Charge on Price Schedule 39 multiplied by 
the billing demand. Each subsequent instance of noncompliance in a 12 month period will result 
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in a penalty charge equal to twelve times the Reservation Demand Charge on Price Schedule 39 
multiplied by the billing demand. 
 
Position of AE  
The proposed rate replaces all other existing standby options. AE considered that standby is a 
higher value service that requires firm transmission to be planned and available. It is arguable 
that standby customers expect a level of reliability at least as high as firm load. Price Schedule 
32 was designed for a small group of customers who have unpredictable loads. AE has four 
customers on this rate, all of whom are directly connected to the transmission system. 
 
AE acknowledged that the proposed rate may not be adequate for distribution-connected 
customers, as there was no diversity considered in the transmission charge. Its proposal would be 
revised to reflect this. Incremental cost allocation was used in this rate design.  
 
AE submitted that an unhedged energy charge is appropriate for this type of use. The proposed 
rate recognizes that the outage of a large generator could affect the occurrence of a high pool 
price. In particular, AE was concerned that this rate could be used as a hedge for a large, 
regulated generating station in its service territory. It argued that a revenue-to-cost ratio based on 
an embedded COSS is not meaningful in the context of this standby rate and that an embedded 
cost rate would not recognize the actual incremental cost incurred at a POD when standby power 
is used. AE incorporated the fact that the TA does not have a specific standby rate.  
 
The rate would be applicable only to customers with onsite generation. AE maintained that with 
its proposed adjustments, to be brought forward in the anticipated refiling, the proposed Standby 
Rate would appropriately reflect the nature of this service and the benefits derived. 
 
In response to the ACC, AE submitted that the changes between the original and revised version 
of Rate 32 did not constitute a change in rate design philosophy. The charge for transmission did 
not change. The energy charge in the original proposal was set at the average forecast pool price 
of three cents/kWh and the second block was set such that the rate “backs into” the embedded 
cost of service for Rate 31 by crossing over at a 15% load factor. The difference between the 
original and revised proposal was that the revised energy rate is a full flow through of pool price. 
The revised revenue forecast for Rate 32 is in fact lower than the revenue forecast on the original 
rate.  
 
In response to IPCAA, AE stated that the generation demand charge on Price Schedule 32 was 
set to engage at 15% load factor so that customers with significant load factors are given a price 
signal to move to a full service rate. Loads with significant load factors should share in the long 
term fixed costs and benefits of existing generation and not simply continue to pay incremental 
costs. This concept has been approved in previous Board decisions regarding standby route 
design. 
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Position of the Intervenors 

ACC 
In direct evidence for the ACC, Dr. Rosenberg argued that cost of service should be a primary 
consideration for the design of standby service. Anything else would send false price signals to 
customers requiring standby service. Further, an artificially high standby rate would discourage 
what would otherwise be an economic self-generation project, and customers would remain 
dependent on more expensive GENCO units. 
 
Dr. Rosenberg considered Price Schedule 32 service would generally have a much lower 
coincidence factor than Price Schedule 31 service. Since customers with higher coincidence 
factors impose higher demand related costs, standby users, and particularly reliable self-
generators, would require less generation reserve than full service customers. Price Schedule 32 
users should pay less than Price Schedule 31 users with the same load factor.  
 
Dr. Rosenberg proposed that the following charges be included in Price Schedule 32: 
 
Generation and Distribution Charges 
 

Demand Charge $0.15/kW  
Energy Charge  
First 70 hrs $0.03/kWh 
Next 40 hrs $0.0455/kWh 
Over 110 hrs $0.0242/kWh   

 
Transmission Charges 
 

Demand Charge $0.96/kW  
Energy Charges  
All On Peak Energy 1.241¢/kWh 
All Off Peak Energy 0.123¢/kWh 

 
The ACC noted that Price Schedule 32 is the only service provided to customers that rely 
primarily on competitively sourced electricity, making them characteristically different from full 
requirement customers. In all, 35 states and provinces have separate identifiable rates for that 
purpose. It argued that AE had changed the basis of Price Schedule 32 from the embedded cost 
rate first proposed. AE claimed that the standby rate would also apply to regulated generating 
units. The ACC argued that regulated units do not need protection from the Board.  
 
The ACC found that Price Schedule 32, as proposed, discriminated against standby customers. It 
was the only rate schedule with a revenue-to-cost ratio over 200%. The transmission demand 
charge proposed was 24% higher than the transmission demand charge for Price Schedule 31. 
The ACC also noted that standby was the only class of service which would not have protection 
of the regulatory hedges.  
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The ACC argued that the use of a different standard for standby service would be discriminatory. 
Self-generating customers must make investment and usage decisions. False price signals would 
lead to economically inefficient decisions. Imposing artificially high standby charge would 
frustrate potential competition, stop the building of additional generation, and raise costs for all 
customers. 
 
The ACC stated that AE has a clear profit motivation to deter and discourage onsite generation 
by developing a Standby rate that is too expensive. AE made no pretense that its rate has any 
relationship to the cost or providing service. AE stated that the standby rate use is of “high 
value,” however, this does not justify monopoly rents.  
 
TransCanada 
TransCanada noted that the revenue-to-cost ratio for this rate is 244%. The proposed rate design 
is no longer based on embedded costs. TransCanada agreed with Dr. Rosenberg that the Board 
should direct AE to base its standby power rate design on embedded costs and design the rates so 
as to achieve a revenue-to-cost ratio in the range of 95 to 105%. It noted that the transmission 
demand charge for Price Schedule 32 was proposed to be higher than the transmission charge for 
Price Schedule 31 whereas these should be consistent. TransCanada agreed with Mr. Knecht that 
AE should offer fully hedged and pool price exposed options for generation charges in its 
standby design 
 
TransCanada supported the position of the ACC and recommended that the AE provide a rate for 
Price Schedule 32 that would reflect 100% revenue-to-cost ratio for the rate class. 
 
IPPSA/SPPA 
IPPSA/SPPA argued that the proposed standby tariff would discourage the development of new 
co-generation projects. It agreed that AE’s proposal, that Price Schedule 31 be used as a hedged 
standby rate, has some merit. However, it noted that the demand charges would be very 
expensive.  
 
IPPSA/SPPA recommended that both AE and TransAlta should offer a pool price charge and a 
flat or time of use energy charge. Price Schedule 32 should include residual values/stranded cost 
credits and charges the same as Price Schedule 31. This would fairly and efficiently allocate 
values to generators.  
 
AE proposed that transmission demand in energy charges be structured such that they reflect the 
15% minimum on peak load factor specified in the TA’s GSS tariff. This would only be 
appropriate for customers attached at transmission voltage and which represent a single POD for 
billing purposes. IPPSA/SPPA argued that demand rates for distribution voltage customers 
should be lower than for transmission voltage customers. AE recognizes lower load factor 
customers have lower coincidence factors. IPPSA/SPPA were of the view that this cost saving 
should be reflected as a credit in the incremental generation attachment tariff.  
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In an embedded cost rate for distribution-connected customers there should be a deep discount to 
the transmission demand charge in the standby rate to recognize diversity. Since distribution 
voltage standby customers would not comprise the total demand of any POD for transmission 
billing purposes, the 15% on peak load factor minimum should not apply. The demand charge 
should match Price Schedule 31 distribution customers. The energy charge should be consistent 
with on peak energy charge in the TA’s tariff. 
 
Board Findings 
The Board notes that much of the diversity in parties’ positions results from the very broad set of 
circumstances which are addressed by this Price Schedule. On the one hand, the Company is 
concerned that this Price Schedule may be taken up by large, transmission-connected generators. 
On the other hand, the intervenors are concerned that the Price Schedule, as proposed, will 
seriously affect the economics of small, distribution-connected generators. Even consumption by 
Price Schedule 33 customers which exceeds their contracted amount is addressed. 
  
The Board considers that this one Price Schedule cannot accommodate all of these 
circumstances. The Board directs that Price Schedule 32 should be modified to work exclusively 
for small distribution-connected generators in conjunction with Price Schedule 91. The Board is 
of the view that the actual pool price DAT would be the appropriate schedule to meet the standby 
power requirements of very large distribution-connected or transmission-connected generators 
and Price Schedule 33 customers whose consumption exceeds their contracted amount.  
 
The Board recognizes the unpredictable nature of providing backup supply to generators. To the 
extent that the shutdown of large generators may influence the pool price, AE would bear a 
disproportionate risk if it provided a fixed rate for energy supply for standby service. Further, 
generators who are scheduling outages for maintenance can reduce their exposure to high energy 
prices by conducting maintenance during low-price periods. If a generator is large enough to 
affect the pool price by an outage, any increase in the pool price will act as an incentive for the 
owner to reduce the outage duration.  
 
Therefore, the Board considers that the energy charges should flow through the pool price on 
Price Schedule 32 and that transmission-connected generators should only be eligible for the 
actual pool price DAT. Accordingly, the Board directs that AE incorporate the same Energy 
Supply charges as established for the actual pool price DAT in its refiled Price Schedule 32. 
 
The Board is persuaded by the evidence and argument presented by the ACC that the 
transmission charges proposed for Price Schedule 32 are inappropriately high for the 
distribution-connected generators it will now apply to. However, there was insufficient evidence 
adduced in this proceeding to set an exact peak demand coincidence factor for distribution-
connected generators at this time. The Board’s findings in Decision U97065 (p.628) were based 
on more substantial evidence. 
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The Board notes Gridco=s [the previous TA] position that the 15% minimum on-
peak load factor applies only during the month that a peak-period energy transfer 
occurs and that the charge would have minimal effect on standby customers. The 
Board considers the minimum 15% on-peak load factor to be appropriate, given 
that at low-load factors the probability of coincidence is much higher than the 
actual load factor.31  (Square brackets added) 

 
Therefore, the Board directs that AE design a TA Billings component consistent with a 15% 
peak demand coincidence factor for distribution-connected generators. These demand charges 
are to be levied on the standby portion of the customer’s load, not on Base Demand. Base 
Demand should be billed on the applicable underlying Price Schedule. On-peak and off-peak 
energy charges should mirror the TA charges. 
 
Under Price Schedule 91 distribution-connected generators will be required to pay for all 
upgrades to the distribution system required for their service. Therefore, the Board directs that 
DISCO Services charges only be levied on demand above the Base Demand plus the demand 
contracted under Price Schedule 91. The DISCO Services charges should be the same as for the 
applicable underlying Price Schedule. 
 
The Board has determined that it is inappropriate to allocate generation related costs via a 
demand charge or discriminate between customers on the basis of load factor in charges related 
to Energy Supply. Therefore, the Board considers that it would not be appropriate to include an 
annual load factor penalty in Price Schedule 32. 
 
AE proposed a noncompliance with curtailment directive penalty. The Board considers it would 
be inappropriate to charge standby customers a penalty for not curtailing load when customers on 
other rate schedules that provide firm energy are not charged a penalty. Therefore, the Board 
considers that it would not be appropriate to include a noncompliance with curtailment directive 
penalty in Price Schedule 32. 
 
(3) Price Schedule 33 – Pool Opportunity Rate  
This Price Schedule was proposed to be applicable only to customers who, as determined by AE, 
would not have purchased the additional energy under any other rate schedule. 
 
In order to be on this Price Schedule a customer must demonstrate that it requires the TA’s Grid 
Opportunity Service (GOS) and/or a discount on DISCO services in order to operate. The POR 
was a new offering in 1997 designed for customers on Rate Schedule 33 and Rate Schedule 35. 
Several former Rate 33 customers subscribed as of 10 March 1997, and Westcoast Energy 
Inc./Canadian Utilities Power (WESCUP) as of 3 November 1997. 
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The POR was designed to recover all incremental costs and make a contribution to fixed costs 
equivalent to that collected under existing Rates 33A, 33B, or 35. The POR incorporates the TA 
charges for opportunity service (i.e. GOS). 
 
The POR was the sum of: 
 

• Access Charge – a negotiated demand charge, 
• A flow-through of applicable TA charges to recover all incremental transmission 

costs, 
• An energy charge based on actual pool price, and 
• A flow-through of the trading charge from the Power Pool Administrator. 

 
Proposed Rate Level 
 
 Transaction 

Charge 
Demand 
Charge 

Energy 
Charge 

Energy Loss 
Charge 

     
Generation Power Pool 

Trading Charge 
Negotiated 
$/kW per 
month 

Power Pool 
Hourly price 
For all energy 
 

 
- 

Transmission $200/month - 0.34/kWh Hourly Pool Price 
X loss factor 
 

Service $200/month - - - 
 
Proposed Conditions: 
 1. The POR is available only when AE determines that there is sufficient generation 

and transmission capacity. Energy purchases may be curtailed for system security 
reasons. 

 2. The POR is available only to customers who meet the approved eligibility 
requirements and terms and conditions established by the TA for this type of 
service (i.e. GOS). 

 3. AE will work with eligible customers to qualify their loads for GOS. 
 4. The POR is available throughout the territory served by AE from the AIS for 

eligible loads greater than 1,000 kW. 
 5. The POR is applicable to WESCUP (In addition a monthly charge of $53,545, for 

WESCUP’s transmission facility, is part of the Rider E Schedule.)  
 
AE sought to stop POR customers from converting to firm service with its 19 November 1998 
revision. In Decision U99006 the Board found that it would be unfair to treat an existing POR 
customer any differently than other customers seeking new or expanded Rate 31 service in a 
similar circumstance. However, the Board accepted that the proposed revisions to the POR were 
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acceptable, since they did not stop conversion, and indicated that the Board would approve the 
revisions in its Phase II Decision. 
 
Position of the Intervenors 

IPCAA 
IPCAA submitted that because the POR is available only when AE determines that there is 
sufficient generation and transmission capacity, the company still views itself as an integrated 
utility. IPCAA argued that the DISCO has no role in determining generation capacity and the TA 
should determine the adequacy of transmission capacity. 
 
IPCAA noted that Price Schedule 33 can be more expensive than Price Schedule 31. The purpose 
of Rate 33 is to make possible sales that would not otherwise occur on regular retail rates. At 
present, all users are treated as DISCO customers, even if they take service from the TRANSCO.  
 
IPCAA stated that the POR serves two purposes: load retention and fuel switching. The rate 
proposed by AE should more properly be called “DISCO Opportunity Service.” It is a rate that 
applies whenever a customer is served from the distribution system, but can be interrupted for 
distribution system constraints. As a result it does not impose incremental costs other than losses. 
AE should only qualify customers on the distribution system for opportunity service.  
 
IPCAA argued that there is no reason for the distribution function to extract additional charges 
from the POR customer, especially in light of the high-level of pool prices. The POR distribution 
charge should be lower. AE should negotiate opportunity rate service with customers, but the 
maximum charge should be lower than the firm distribution service charge in Rate 31. POR 
charges should receive the same Rider J reduction as all other rates. 
 
TransCanada 

TransCanada supported IPCAA’s position on this issue and recommend that AE adopt the 
changes to Price Schedule 33 as outlined in IPCAA’s argument. 
 
Board Findings 
The Board considers that it is reasonable to have a POR to encourage full use of the AE system 
and to avoid stranded costs. 
 
The Board notes that the TA’s GOS rate includes a Transfer Charge32 which is based on a 50/50 
sharing between the TA and the DISCO of margin the DISCO negotiates with the end-use 
customer, but cannot be less than $0.0030/kWh. The Board, therefore, considers that the DISCO 
is negotiating on behalf of the TA and Alberta customers to maximize the contribution towards 
the fixed costs of both the distribution system and transmission system. Therefore, the Board 
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does not accept IPCAA’s position that the demand charge negotiated should not exceed the 
DISCO Service charges under refiled Price Schedule 31 in some circumstances. 
 
As the total charges payable by customers under the POR are negotiated, the Board considers 
that it would be inappropriate to change the overall rate level payable under this Price Schedule 
by including the H credit in the Energy Supply charges or a Rider J reduction. However, in light 
of the Board’s intent in this Decision to remove all demand charges related to Energy Supply, the 
Board directs that the negotiated demand charge included under generation costs in the AE rate 
schedule be included instead under DISCO Service charges in the refiling.  
 
In respect to the conditions of service under this rate, the Board also agrees with certain of the 
points raised by IPCAA. The availability of generation services is determined by the market and 
since the rate flows through the pool price there is no risk to AE with respect to Energy Supply 
to POR customers. Further, while AE should work with eligible customers to qualify their loads 
for Grid Opportunity Service (GOS), ultimately, the availability of transmission opportunity 
service should be determined by the TA. Therefore, the Board directs AE to consider only 
distribution related constraints when its customers otherwise qualify for the POR. 
 
Therefore, the Board directs AE to adopt the following conditions for Price Schedule 33: 

• The POR is available only when the TA determines that there is sufficient transmission 
capacity. Energy purchases may be curtailed at the TA’s request for transmission system 
reasons. 

• The POR is available only when the TA determines that there is sufficient distribution 
capacity. Energy purchases may be curtailed at TA’s request for distribution system 
security reasons. 

• The POR is available only to customers who meet the approved eligibility requirements 
and terms and conditions established by the TA for this type of service (i.e. GOS). 

• AE will work with eligible customers to qualify their loads for GOS. 
• The POR is available throughout the territory served by AE from the AIS for eligible 

loads greater than 1,000 kW. 
• The POR is applicable to WESCUP (In addition a monthly charge of $53,545, for 

WESCUP’s transmission facility, is part of the Rider E Schedule.)  
 
The Board considers that it would be appropriate to approve Price Schedule 33 at the same time 
that it approves AE’s other rates, after the refiling. 
 
(4) Price Schedule 36 – Rainbow Lake Gas Processing Plant 
AE stated that the design of Price Schedule 36 was based on Board directives contained in 
Decisions E91074 and E92039 that define the Rainbow Lake Gas Processing Plant as a full-
requirements customer, and specify that the Rainbow Lake Gas Plant must effectively receive a 
bill based on Price Schedule 31 with separate arrangements for the fuel gas supplied to AE. 
 
Parties did not comment on proposed Price Schedule 36. 
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Board Findings 

The Board reiterates its view that it is fair for the Rainbow Lake Gas Processing Plant to be 
treated as a full-requirements customer. The Board finds that Price Schedule 36 should continue 
to be based on Price Schedule 31, including all changes as directed by the Board. 
 
(5) Price Schedule 38 – Short Term Energy 
Price Schedule 38 is available to customers also taking service under Price Schedule 31, Price 
Schedule 32, or the DAT to provide short-term energy which is not part of day-to-day operations 
(i.e. planned maintenance of customer generating equipment or testing of motor drives). It is 
available only when requested in advance and the Company determines that there is sufficient 
generation and transmission capacity available. This Price Schedule is available at the 
Company’s discretion and may be curtailed for system security reasons in order to perform 
emergency transmission maintenance. Customers on this Price Schedule must have revenue-
approved time of use metering installed. The customer is responsible for the costs of time of use 
metering. 
 
Charges for generation services are the Power Pool trading charge plus pool price. 
 
Charges for transmission are $200/month plus 4.0¢/kWh for all energy consumed in on-peak 
periods and 2.0¢/kWh for all energy consumed in off-peak periods. The on-peak period is from 
08:00 to 21:00 Monday through Friday inclusive, with the exception of statutory holidays. 
 
The transaction charges and energy transfer charges will be the approved charges established by 
the Power Pool Administrator and the TA and will be revised in accordance with the Power Pool 
and TA’s charges (i.e. Grid Temporary Service). 
 
Short Term Energy Demand must be established in a contract with AE. Charges for this Price 
Schedule will be measured above the highest demand recorded in the last six months for Price 
Schedule 31 or 39 and any reservation capacity associated with Price Schedule 32. Minimum 
charges are equal to 75% of Short Term Energy Demand times the number of hours in the 
contract period times the applicable energy charges for the contract period. 
 
When a load curtailment directive is given, the customer’s load must not exceed the Price 
Schedule 31 or DAT Base Demand. If the customer fails to curtail all load served under Price 
Schedule 38 for the entire interruption period, they will be charged in each instance a surcharge 
of $25/kW for each incremental kW of Short Term Energy which was not curtailed. 
 
Parties did not object to the proposed Price Schedule 38. 
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Board Findings 
The Board finds it reasonable to have a Short Term Energy Rate to serve temporary customer 
needs for energy. The Board considers that the customers who require temporary energy can 
reduce their exposure to high energy prices by taking energy during low-price periods. AE 
should not be exposed to the risk of providing a fixed rate for temporary energy customers. 
However, as with most other rates, the Board considers that Rate 38 customers should share in 
the costs and benefits of the legislated hedges when they use energy. Therefore, the Board directs 
AE to incorporate the same Energy Supply charges as established for the actual pool price DAT 
in the refiled Price Schedule 38. 
 
Because this is not a firm rate and results in lower overall costs than taking service under a firm 
rate, the Board approves the proposed noncompliance charge.  
 
(6) Fletcher Challenge Energy Canada Inc. Bypass Tariff 

Fletcher Challenge Energy Canada Inc. (FCE) operates an oil battery and five well pads in the 
Consort area and has been served by AE since 1991. FCE determined that it was technically and 
economically feasible to construct its own distribution facilities to serve its well site and battery 
load using onsite flare gas generation. FCE indicated that they would proceed with construction 
unless an equivalent pricing arrangement could be negotiated with AE. 
 
AE determined that FCE’s claims were credible and negotiated a bypass pricing arrangement 
with FCE in order to prevent the construction of duplicate distribution facilities and minimize the 
resulting revenue impact on other customers. The terms of the bypass tariff are as follows: 
 

1) Service to the well pads continues under the standard AE tariff; 
 
2) The supply contract for battery load was terminated, exit fees were paid by FCE; 

 
3) The battery load is supplied by local generation with net generation being sold to 

the Power Pool; 
 
4) Standby and maintenance rates are applied to the battery load when the FCE 

generator is off-line; 
 

5) AE agreed to pay FCE 3.25¢/kWh minus pool price for all net generation supplied 
to the Power Pool to a maximum of the kWh consumed at the well sites. 

 
Parties did not object to the proposed FCE Bypass Tariff. 
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Board Findings 
The Board accepts that the best interest of customers is served by avoiding stranded investments 
through allowing the FCE Bypass Tariff. Therefore, the Board approves the FCE Bypass Tariff 
as proposed. 
 
 
(f) Oilfield 

(1) Price Schedule 41 – Small Oilfield and Pumping Power 
Price Schedule 41 applies to the energy requirements for production in the petroleum and natural 
gas industries, including related operations. The proposed structure of the rate has been 
simplified in aggregate and now contains one demand block of $12.01/kW and one energy block 
of 3.10¢/kWh. The energy charges were increased to reflect marginal energy costs. AE is also 
introducing a new time of use option for oilfield customers, Price Schedule 49 – Direct Access 
Tariff for Oilfield customers. 
 
AE proposed to reduce the demand charge from $16.88/kW to $12.01/kW. The current energy 
charge of 1.93¢/kWh for the first 400 kWh/kW of billing demand and 1.5¢/kWh for all 
remaining kWh would be replaced by a single charge of 3.10¢/kWh for all energy.  
 
Where it is impractical to meter a customer’s service, the Company may bill on the basis of 
estimated maximum demands. In such a case, the monthly bill shall be the demand charge 
applied to the estimated demand, plus a flat rate of $12.40 per kilowatt in lieu of the charge for 
energy. 
 
(A)  Rate Level and Structure 

Position of AE  
AE submitted that the evidence presented in the proceedings clearly indicated that the costs 
incurred to serve Price Schedule 41 customers differ significantly from those of other general 
rate classes. It countered that IPPSA/SPPA provided a flawed assessment of the revenue-to-cost 
ratio for this rate class.  
 
Position of the Intervenors 

IPPSA/SPPA  

IPPSA/SPPA argued that the revenue-to-cost ratio for this rate class should be moved to 100% to 
the maximum extent practical. 
 
IPPSA/SPPA argued that AE should be required to perform a detailed study of the need for a 
separate oilfield customer class. The results of this study should be filed in the next AE GRA. It 
suggested that a General Service Urban and General Service Rural categorization be considered. 
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According to IPPSA/SPPA the demand ratchet should be based on 85% of the highest billing 
demand in the previous 11 months, to be consistent with Rate 31. In its opinion, this would 
encourage customers to upgrade meters. AE could adjust the rate levels as appropriate to account 
for this change. It noted that Price Schedule 41 is the only rate with a 100% demand ratchet and 
that Price Schedule 21 has eliminated the demand ratchet altogether. 
 
IPPSA/SPPA submitted that to promote energy management practices and to reflect that an 
increasing number of Price Schedule 41 accounts are getting demand meters, the Price Schedule 
41 demand ratchet should be reduced to 85%. AE noted that the reason for an 85% Price 
Schedule 31 demand ratchet is that there will be diversity in loads. IPPSA/SPPA argued that 
Price Schedule 41 accounts, being smaller, would exhibit even greater diversity. IPPSA/SPPA 
noted AE’s statement that plans are in place to convert all Price Schedule 41 accounts to demand 
meters over the next four years. IPPSA/SPPA argued that, because of this, a change in demand 
ratchet is appropriate at this time. As a result of this change, revenue requirement from Price 
Schedule 41 would be reduced by 4%. 
 
MI  
MI disagreed with IPPSA/SPPA that the oilfield rate class could be amalgamated with other rural 
rate classes. The MI stated that Oilfield customers tend to have higher distribution costs relative 
to farm and general service customers. The MI submitted that there is no basis for rolling costs 
up to average across a larger customer base. AE proposed a lower revenue-to-cost ratio for farm 
customers, compared to the 1993 Phase II application, to reflect that the high load growth in the 
industrial and oilfield customer classes has resulted in a disproportionate share of distribution 
capital assets being allocated to the company farm rate class.  
 
Board Findings 
The Board notes IPPSA/SPPA’s concerns that Rate 41 customers face a 100% ratchet. Since the 
Board has determined that all generation costs will be allocated on an energy basis, the demand 
ratchet will apply to a much smaller portion of a customer’s total bill. However, the Board 
considers that a demand ratchet of 100% is only required for customers taking service at the 
transmission level to appropriately pass through the TA’s rates. In light of the load diversity that 
exists at the distribution level the Board considers a demand ratchet of 85% to be more 
appropriate for the TA Billings component of the rate for customers taking service at the 
distribution level. For such customers an 85% demand ratchet would also seem more appropriate 
for the DISCO Services components of the rate, since those components charge for marketing, 
metering and other DISCO Services not related to the size and cost of the distribution facilities. 
The Board directs AE to change its Price Schedule 41 ratchet to 85% for those customers served 
at the distribution level.  
 
IPPSA/SPPA also questioned the need for a separate oilfield customer class. The Board notes 
that issues have arisen concerning the higher rate of growth of oilfield customers compared to 
other rural customers and the question of cost causation between oilfield and other rural 
customers. Therefore the Board considers that a study of the appropriateness of a separate 
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oilfield customer class could be beneficial. The Board considers that such a study would 
determine whether or not the cost of oilfield facilities should be allocated to other customer 
groups because of benefits they receive. The Board therefore directs AE to include a study, with 
its PDT filing, that examines the commonalties and benefits shared between, oilfield, general 
service and farm customers and recommends an appropriate rate class or classes for these 
customers based on the costs to serve each customer type. 
 
In Section 3(a), the Board directed AE to design rates so that: 

• the DISCO’s total charges related to Energy Supply, TA Billings and DISCO Services 
are unbundled, with the revenue-to-cost ratio for each set at 100%; 

• the revenue-to-cost ratios for Energy Supply and TA Billings are each set at 100% for 
every rate class; and to the extent possible the revenue-to-cost ratios for Energy Supply 
and TA Billings are each set at 100% for individual customers; and 

• the overall increase in revenue over that collected from existing rates is kept at less than 
10% for every class, by adjusting as required the “residual” DISCO Services amounts to 
be recovered from customer classes. (The Board notes that individual customers may see 
more than a 10% increase if their usage characteristics warrant.) 

 
The Board also directed AE to include a table showing the revenue-to-cost ratios for each cost 
source (Energy Supply, TA Billings and DISCO Services) for each rate class. 
 
(B)  Harmonic Effects – Accuracy of Proposed Electronic Demand Meters 

The presence of harmonic effects leads to the possibility that new electronic demand meters read 
higher peak demand on services that power variable frequency electric motors than would the 
older standard electromechanical demand meters. Variable frequency motors use high capacity 
electronic controllers to change the frequency of the electric current sent to the motor to improve 
energy efficiency at different output levels. This type of equipment generates significant 
harmonic currents, which can be registered on the new demand meters but would not be 
registered on the older type. IPPSA/SPPA contended that, as billing determinants have been 
established using data from the old meters, changing to the new meters could over-charge 
customers. 
 
Position of the Intervenors 
IPPSA/SPPA submitted that when AE upgrades its meters, the measured demands from the new 
meters are higher because of the new meters’ abilities to register harmonic currents. The higher 
measured demand results in increased revenues without an associated change in costs. 
IPPSA/SPPA submitted that a 20% increase in measured demand should be taken into account. 
IPPSA/SPPA noted that TransAlta accepted the influence of harmonic currents on billing 
determinants and proposed a conversion factor to account for the effect.  
 
AE stated that it had not conducted any studies to show the effect of harmonic currents on 
different metering technologies. Due to AE’s reluctance to provide the required date, 

 
Decision U99034 Page 82 10 August 1999 



4. INDIVIDUAL TARIFFS  AE 1996—Phase II 

IPPSA/SPPA submitted that AE should prepare a study on this issue at the time of the next Phase 
II submission. 
 
Position of AE 
Although IPPSA/SPPA submitted that studies by TransAlta and SaskPower contradicted the 
evidence presented by AE, these studies were not entered as evidence. The submissions by 
IPPSA/SPPA on this matter should be disregarded. 
 
Board Findings 
The Board finds that there is insufficient evidence on this matter to determine an appropriate 
adjustment to AE’s rates at this time. The Board is concerned that changing meter types without 
changing billing determinants would unduly discriminate against demand-metered customers. 
Therefore, the Board directs AE to provide a comprehensive review of the effects of changing 
demand meter types prior to the PDT hearing. 
 
(C)  Assumed Load Factor for Unmetered Accounts 
IPPSA/SPPA noted that AE assumed a 400 kWh/kW for Price Schedule 41 unmetered accounts 
based on the expected average load factor for the class. 
 
IPPSA/SPPA noted that AE admitted that the average load factor for the class is about 325 
kWh/kW33 and that Exhibit 68 indicated that the 400 kWh/kW factor had been used since 1969. 
 
IPPSA/SPPA submitted that the average load factor for unmetered accounts could be 
approximated using the evidence from Exhibit 14 which provided the average load factor by size 
category and Exhibit 54 which provided the number of unmetered accounts in each size 
category. Then with the assumption that the unmetered accounts have a load factor equal to the 
average, the weighted average load factor for unmetered accounts would be 177 kWh/kW (24%). 
As noted in the SPPA Evidence, small oilfield facilities tend to have relatively constant loads and 
are the accounts that usually do not have a meter and 88% of the unmetered accounts are in the 
smallest size category. 
 
IPPSA/SPPA submitted that unmetered Rate 41 accounts will typically have load factors 
significantly less than the proposed 400 kWh/kW (55%), less than the average 325 kWh/kW 
(45%) and more likely in the 200 kWh/kW (27%) size range. IPPSA/SPPA submitted that Price 
Schedule 41 should be revised to reflect an assumed 200 kWh/kW load factor for unmetered 
accounts. 
 
Board Findings 
The Board is not persuaded by IPPSA/SPPA’s analysis, which contains some assumptions, that a 
27% load factor would be appropriate. However, the Board notes that AE indicated that the 
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325 kWh/kW was more accurate at the time of the hearing and the Board has directed that in 
most cases the actual 1998 values be used to determine cost of service for the rates arising out of 
the refiling. Therefore, the Board directs AE to use the 325 kWh/kW for Price Schedule 41 
unmetered accounts in its refiling. 
 
(D)  Meter Totalization 
The issue of meter totalization relating to oilfield accounts is discussed under Price Schedule 31. 
(See Section 4(e)(1)(B)) 
 
 
(g) Distribution Use for Generators 

(1) Price Schedule 91 – Distribution Connected Generators 

AE proposed a new rate, Price Schedule 91, applicable to generators connecting to the 
distribution system. Generating capacity was to be contracted for minimum of five years. 
Demand charges or proposed to be $3.07/kW for the first 500 kW and $1.20/kW for all capacity 
above 500 kW. 
 
AE proposed to charge generators for distribution services at a rate of 50% of the average 
distribution charges, plus the service charge allocated to large general service customers (i.e. 
Price Schedule 31). The TA tariff applicable to existing generators for use of the transmission 
system has a similar basis, but the share of average costs is only 10%.  
 
This allocation was AE’s attempt to acknowledge that generators will tend to have a more 
significant effect on a distribution system than on transmission. The transmission system is 
‘deeper’ with more diverse loads and generation, and therefore is more stable. On the other hand, 
a rate less than 100% of full distribution cost was deemed appropriate since generators are 
assumed on average to offset local loads, possibly reduce line losses, and possibly defer 
distribution facility upgrades.  
 
In conjunction with the proposed rate, AE proposed to invest in distribution extensions for 
generators. For a minimum 5 year contract period, the investment level is $165/kW for the first 
500 kW of generating capacity plus $105/kW for all additional kW. 
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Proposed Rate Level: 
Demand Charge 
 

 For the first 500 kW of 
Generating Capacity 

For all Generating 
Capacity over 500 kW 

     
DISTRIBUTION $1.34/kW $1.20/kW 
    
SERVICE $1.73/kW - 
    
TOTAL PRICE $3.07/kW $1.20/kW 

 
Position of AE 
AE argued that its approach to developing a stable rate was appropriate as the uncertainty 
associated with incremental pricing over time poses difficulties to new generators in their 
economic evaluations. Rate 91 suitably reflects the use of the entire distribution system and not 
just the local interconnection and other incremental costs. AE submitted that the proposed rate 
was consistent with accepted rate design and will provide a stable pricing signal for potential 
generation developers. AE also argued that the accompanying investment may provide a 
significant benefit to the potential generators as it would remove up-front connection costs. 
 
Position of the Intervenors 

IPPSA/SPPA 
IPPSA/SPPA argued that to be consistent with TransAlta and the TA, the generator should be 
assigned all costs (and savings) associated with connecting to the system. No capital recovery 
charges would apply. It added that if self-generator load is served on a retail rate then AE 
investment can be applied to the retail load and that Price Schedule 91 should only apply to 
capacity in excess of on-site load. 
 
IPPSA/SPPA recommended that all distribution level generators should be assigned all 
incremental capital costs/savings associated with connecting to the system, including the present 
value of loss credits or costs. No incremental investment in wires would be required to serve a 
generator and no ongoing wires recovery charge should be assigned.  
 
IPPSA/SPPA stated that AE’s embedded cost rate approach does not send efficient price signals 
in this instance. Under the proposed Price Schedule, generators which locate at or near load sites 
will pay the same as remote generators. IPPSA/SPPA submitted that an incremental cost tariff 
would provide for more efficient locating of new generators.  
 
IPPSA/SPPA submitted that AE’s tariff design would serve to reduce interest in competitive 
generation to the benefit of AE. AE acknowledged that a distribution connected generator in its 
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service area will face different charges than a transmission connected generator or generator 
connected to TransAlta. 
 
IPPSA/SPPA noted that AE has forecast no revenue from Price Schedule 91. Therefore any 
revenue received would be for the benefit of AE shareholders. IPPSA/SPPA submitted that an 
incremental cost tariff is not a subsidy. As long as the tariff paid equals or exceeds the 
incremental cost, no costs are assigned to other customers. Customers would benefit from 
increased competition in generation.  
 
TransCanada 
TransCanada argued it was inappropriate for AE to ask for approval of a non-incremental tariff 
when AE has only one distribution connected generator. TransCanada submitted that it would 
not encourage a fair and competitive market if AE is allowed a different tariff from other 
DISCO’s in Alberta. TransCanada also noted that regulators for other utilities do not consider 
charging only one party in a transportation arrangement to be unfair. TransCanada recommended 
that the Board reject AE’s proposed Price Schedule 91 and direct AE to develop an incremental 
tariff as outlined by IPPSA/SPPA. 
 
AIPA/AAMDC/REA 
The AIPA/AAMDC/REA argued that the Board should not unduly burden generators located 
anywhere, whether on the transmission or distribution system. The Board should not discourage 
distributed generation by adopting an embedded cost rate such as AE’s.  
 
The AIPA/AAMDC/REA submitted that generators should pay up-front costs as a contribution 
for incremental costs incurred on the AE system. These costs should include any cost required to 
upgrade portions of the distribution system beyond the interconnection. Generators should also 
pay the future O&M costs on an ongoing basis for that incremental plant (similar to the 
operations and maintenance charge contained in AE’s Rider E). AE should provide the option to 
finance payment for the facility over time on a basis similar to Rider E.  
 
The AIPA/AAMDC/REA noted that the usual treatment in the U.S. was that loads, not 
generation, paid for embedded distribution costs. The AIPA/AAMDC/REA recommended that 
the distribution tariff should be zero for embedded capital, and operations and maintenance costs. 
Loads, not generation, should pay for embedded distribution costs.  
 
The AIPA/AAMDC/REA recommended that, for projects under 5 MW, charges/credits for 
losses be zero and that the party proposing to change charges for losses from zero should pay for 
a specific local engineering study. For projects over 5 MW a study funded by the generator 
should be required. Such a study could also show loss credits for generators in the event that a 
generator pays to increase the capacity of a distribution line and, as a result, reduces distribution 
losses to customers. 
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The AIPA/AAMDC/REA argued that IPPSA’s request to pay credits to generators for avoidance 
of distribution costs should be rejected. Avoidance of distribution costs is so site specific that it 
should be assumed zero for general tariff applicability and this was the common method in the 
U.S.  
 
However, the AIPA/AAMDC/REA recommended that AE be allowed to negotiate agreements in 
unusual cases providing some kind of payment, (e.g.: if AE recognizes that a generator can avoid 
a significant distribution investment by locating in a particular area, and a generator otherwise 
would not build there).  
 
Board Findings 

The Board finds much of the position put forward by AIPA/AAMDC/REA persuasive. The 
Board considers that it achieves an appropriate balance between the problem of providing the 
correct economic incentives for the location of distribution connected generators and the 
practical difficulties of estimating the value of the location credits for small generators.  
 
Therefore, the Board directs that AE require each generator to pay all of the incremental cost 
required to allow it to use the distribution system. All costs of connection, and any costs required 
to upgrade upstream distribution facilities, will be payable by the generator. The Board directs 
AE to provide an option to allow generators to pay the costs of interconnection to AE over time, 
in the manner similar to Rider E. 
 
The Board also considers that each generator should be responsible for incremental operation 
and maintenance costs caused by any distribution upgrades it requires. The Board also directs 
AE to propose an appropriate charge for these incremental costs based on the operation and 
maintenance charges in Price Schedule 31. 
 
The Board further directs AE to set location credits or charges to zero for all generators less than 
5 MW. If the generator or AE believes that losses are significantly affected by the location of a 
generator, the party seeking the change shall be responsible to pay for a local engineering study 
to calculate the effect of their operation on line losses. All proposed generators of capacity 
greater than 5 MW will be responsible to pay for a local engineering study, by a party agreed 
upon by the generator and AE, to calculate the effect of their operation on line losses. The Board 
directs AE to provide all information required for these studies and to reflect the results of the 
study in the particular generator’s rate. 
 
Location credits or charges will be payable on a monthly basis based on the expected generator 
output and the results of the local engineering study. Reductions or increases to expected losses 
will be assigned a value equal to the average pool price. At the end of each year the credits or 
charges payable should be adjusted to reflect the actual output of the generator. 
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(h) Direct Access Tariff 
Section 31.4 (1) of the EU Act requires AE to prepare a DAT. A DAT is a rate option to be 
provided to large energy users that would allow customers to have access to the pool price and, if 
they so desire, to settle with the power pool for their energy purchases. Section 31.6 of the EU 
Act and sections 4, 5(2), and 6 of AR 168/98 of the EU Act, the Distribution Regulation, set out 
the requirements in designing a DAT. Section 4(1) of AR 168/98 states: 
 

4(1) Instead of setting out a charge for the rate referred to in section 31.6(1)(c) 
of the Act, the direct access tariff required under section 31.4(1) of the Act must 
set out a charge that represents a fair and reasonable allocation to direct access 
customers of the costs of operating the electric distribution system. 

 
Section 4 of the Distribution Regulation requires that the DAT have a fair and reasonable charge 
for RPs and a fair and reasonable credit for entitlements. The Distribution Regulation also 
requires that the DAT be designed to encourage customers to respond to the pool price.  
 
A further requirement is that customers be allowed to elect to pay one of two charges for the 
purchase of energy where each charge is based on the prevailing pool price. One election is to 
pay a charge equal to the actual hourly pool price (actual pool price DAT). The other election is 
to pay a charge based on the forecast average pool price in TOU period the energy is used (TOU 
DAT). The Distribution Regulation34 requires that a DAT customer give six months notice of the 
effective date of the change if it elects to be billed pursuant to another tariff offered by the 
distributor. 
 
AE proposed a DAT in the Application to be effective 1 April 1999. On 30 September 1998 AE 
revised its application including the proposed DAT. The proposed DAT was submitted to 
comply with the EU Act regulation, Section 31.6 would replace the Pool Access Rate. The DAT 
was based on a common understanding between TransAlta, EP and AE on the principles used to 
derive the components of the tariff. 
 
AE submitted that its DAT rates were designed to pose no additional risk or benefit to either the 
customer or AE as compared to standard rates. AE used the transmission, distribution, and RP 
charges it proposed for Price schedules 31 and 41 the fixed price rates serving the large industrial 
and oilfield customers who are expected to be users of the DAT. The RP was allocated to rate 
classes based on 3W/9NW demands. The entitlement credit was to be the average actual unit (per 
kWh) received by AE in the billing period. This mirrors the way the entitlement value is received 
by the utilities, and retains the relative pool price signal for customers on Option 1 or 2. 
 
AE proposed a DAT consisting of three Options. Options 1 and 2 charge for energy on the basis 
of hourly pool price with Option 1 customers settling directly with the power pool for the energy 
they purchase. Option 3 charges fixed on- and off-peak forecast TOU energy rates.  
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The Board issued Decision U99014 dated 8 February 1999 approving AE’s proposed DAT as a 
TDAT pending a final Decision on the Application. The Board considered that implementation 
of some form of DAT might reduce the potential supply shortage on the Alberta system by 
providing a mechanism that would allow customers to reduce or curtail load in response to pool 
price 
 
Position of Intervenors 

FIRM Customers 
The FIRM Customers submitted that a DAT should be designed according to the legislative 
requirements, consistent with the cost of service and cost causation in the New World. Any 
resulting DAT rate should be consistent with the design criteria for all rates. 
 
The FIRM Customers noted that AE’s DAT assumed that only Industrial customers (embedded 
Rate 31) and Oilfield customers (embedded Rate 41) are interested in using the DAT Rate. RPs 
are allocated on a demand basis, whereas UOV credits are allocated on an energy basis. Lower 
load factor customers are discriminated against as high load factor customers are allocated lower 
RPs and receive relatively higher UOV credits. The Board should adopt the TransAlta’s method 
of allocating RPs in proportion to the UOV credits. The Board should approve a consistent DAT 
for AE based on the TransAlta DAT which is the simplest and fairest design. 
 
Option 3 could be useful to smaller customers if AE would arrange a financial hedge for these 
customers and pass the cost of the hedge through to the customers. 
 
The FIRM Customers recommended that the Board reject the Knecht proposal. The Knecht 
proposal would allocate RPs and UOV credits on a demand basis using the 3W/9NW method 
and adjust the UOV credit each month to approximate the actual UOV received by AE. Use of 
the 3W/9NW demand allocation is not consistent with the concept of legislated hedges for an 
hourly pool price. The demand-based allocation does not recognize hourly variations in the value 
of legislated hedges. UOV credits based on demand would be a disincentive to curtail load on an 
hour to hour basis since the customer would receive the UOV whether he curtails or not.  
 
The FIRM Customers did not support either Drazen proposal. 
 
Under the first Drazen proposal the UOV would be set on a forecast basis for a two-year period. 
Customers would receive the UOV to the baseline whether they take energy or not. The customer 
would not pay the pool price when load is curtailed but would still receive the UOV according to 
the baseline. The Drazen proposal assumes that entitlements are always freed up when a DAT 
customer curtails load. Entitlements may or may not be available which can add risk to the 
DISCO and can have adverse impacts on non-DAT customers. In comparison, the AE method 
does not pay the UOV when load is reduced. 
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Further, the baseline may be difficult to establish due to data availability and customer 
confidentiality. Another concern is how to ensure that the DAT customer becomes unhedged at 
the same rate as the DISCO. While the Drazen proposal includes a strike price component to 
ensure this happens, this method would be complex, difficult and contentious. Additionally, the 
method provides a disproportionate incentive to contract new load to lock-up entitlements to the 
detriment of non-DAT customers. 
 
The second Drazen proposal is similar to the first except that the customer would pay the regular 
rate for the contract demand and contract energy. Then if the actual energy taken in an hour were 
less than the contract energy, the customer would be paid the pool price for the difference. If 
actual energy taken exceeds contract energy the customer pays the pool price for the excess. The 
second proposal also requires that a baseline be determined. Also, there could be a shift in risk 
between the DISCO and the DAT customer, since the method would force the DISCO to 
purchase the curtailed load whether or not it needs the energy. 
 
The FIRM Customers supported on-going dialogue on the DAT design issue. However, the 
dialogue should include interested parties, including non-DAT customers, as well as the utilities 
and the industrial customers.  
 
IPCAA 

DCGI provided an alternative DAT rate design. The design reflected their recommendation that 
all rates be unbundled into generation, transmission and distribution components. DAT 
customers would purchase at the hourly pool price. The UOV refund for each hour would be the 
difference between a base energy cost and the pool price, where the base energy cost AE’s net 
energy cost. The RP would be calculated ($/kW) on the basis of contract amount. 
 
Mr. Drazen submitted a second DAT that was mathematically equivalent to the initial proposal, 
but composed somewhat differently. Under the second DAT the customer would pay the regular 
rate (e.g., Rate 31) for the contract demand and contract amount of energy each month. If the 
actual energy use were greater than the contract amount, the customer would be charged the pool 
price; if the actual energy taken in any hour were less than the contract energy, the customer 
would be paid the pool price. This method would expose the customer to the incentives provided 
by the pool price.35  
 
IPCAA submitted that its evidence was the only evidence to address the question of whether 
AE’s DAT would work and whether customers would sign on to the proposed DATs. IPCAA 
stated that customers would not use the AE DAT if the Board approved it, but customers would 
use Drazen’s proposed DAT. 
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IPCAA was surprised that AE had difficulty in obtaining a better understanding of the DCGI 
proposal. However, IPCAA was appreciative that AE recognized the potential merit in the 
proposal.  
 
IPCAA proposed that AE discuss DAT structure with IPCAA. IPCAA submitted that including 
all parties in the discussion of a DAT structure would make the process more complicated and 
cumbersome. IPCAA stated that any resulting DAT would be presented to the Board for final 
approval and all parties could have their say at that time. 
 
IPCAA recommended that the Board approve Drazen’s DAT for AE customers. 
 
IPPSA/SPPA 

Mr. Knecht proposed a version of a DAT that varied from AE’s and IPCAA’s DAT. The UOV 
credit be should be demand-based, with an adjustment factor computed monthly as the ratio of 
actual AE UOV for each month divided by the forecast UOV for the month, rather than based on 
actual average UOV per kWh received by AE. When a DAT customer curtails load AE does not 
lose entitlements since a DISCO’s entitlement is not based on actual usage but on a pre-set 
amount. Further, an increase in load does not provide any additional legislated hedges. Therefore 
entitlements and obligations should be limited to existing customers and existing load. 
 
The important questions around the DAT are the level of unbundling, the amount of RP and 
UOV for each rate class, and whether demand or energy should be used to recover the RP and 
UOV. 
 
IPPSA/SPPA submitted that forecast generation charges should be combined with forecast 
SC/RV charges in the regular rate tariff and actual market generation charges should be 
combined with actual UOV credits in the DAT. The SC/RV charges should be as fixed as 
possible. The DAT rate as proposed will not attract customers under the current proposal. 
 
IPPSA/SPPA also submitted that transmission charges in AE’s DAT should more closely follow 
the actual tariff of the TA. 
 
To achieve consistency in the AE and TransAlta DAT there must also be consistency in their 
allocation of the RP and UOV. More of AE’s customers would adopt AE’s DAT than would 
adopt a DAT like TransAlta’s. 
 
IPPSA/SPPA opposed AE’s position that its DAT rate was the only viable option at this time. 
The key objective of the DAT is to develop price responsive load. Customers will not fully 
utilize AE’s proposed DAT. Changes must be made to the AE DAT to provide the customer with 
the incentive to respond to the price responsive load. Knecht’s proposal requires only a relatively 
simple modification to the AE proposal to be implemented quickly. Further, AE did not 
challenge the Knecht proposal in rebuttal evidence or cross-examination. DAT legislation was to 
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allow a customer exposure to the pool price without interference from its distribution company to 
allow for transition to a competitive market. AE has frustrated this objective. 
 
IPPSA/SPPA agreed with TransCanada that proposed Option 3 provides much less incentive to 
shift load from on-peak to off-peak than presently exists with Option T. IPPSA/SPPA expected 
that many Option T customers will opt for embedded rate service. 
 
Option 3 should be further unbundled into market generation, RP and UOV charges parallel to 
that of the DAT. Mr. Knecht noted that the EU Act states, the DAT tariff must contain a pool 
price forecast for the period in which the tariff is to be in effect. The Option 3 rate is inconsistent 
in that it uses 1998 forecast values for market generation, RP, and market hedge costs with a 
1999/2000 UOV actual credit. Since the market based generation charges are not based on the 
forecast period for which the tariff is in effect, the tariff would violate the letter of the law. 
 
TransCanada 
TransCanada submitted that the legislation indicates that the DAT should be designed to 
encourage customers to alter their consumption of electric energy as the pool price changes. 
There is an immediate need for price responsive load in Alberta due to a supply shortage in 
Alberta. Further, there is a need for customers to shift consumption from on-peak periods to off-
peak periods. 
 
Option 3 has merit as it is a fully hedged, unbundled tariff with separate energy charges for on-
peak and off-peak consumption. This option could provide an incentive to shift consumption that 
may not exist in a standard tariff. However, AE’s Option 3 is priced too high. 
 
TransCanada supported the DAT proposed by Drazen. Apart from the need for establishment of 
a customer base line, AE does not appear to provide any reason that the Drazen approach is 
unworkable. 
 
Position of AE 
AE had submitted that it was not practical to have a DAT that is consistent for AE and TransAlta 
on an interim basis. AE’s DAT would be different in regards to the difference in the distribution 
wire charges and the difference in the allocation of RPs between the two utilities. AE was 
amenable to a DAT that has a consistent methodology in the long term. 
 
AE noted that the Drazen DAT proposal for AE was the same as that proposed for TransAlta. AE 
submitted that the Drazen proposal required significant additional development, including the 
negotiation of baseline contract amounts, before it could be workable. AE considered that there 
might be merit in pursuing the underlying approach of the Drazen DAT, but opposed the Drazen 
DAT at this time. AE submitted that its DAT was fair to all rate payers regardless of whether or 
not IPCAA’s members would use it. 
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AE agreed that its DAT would be more attractive to high load factor customers although this was 
not the intended outcome. This result, however, may be the proper result as these are the 
customers that would be on peak when the pool price is high. The customer has the choice to 
curtail load to avoid the high pool price.  
 
AE noted that its current filing was for the 1998 test year and therefore did not require a 
1999/2000 pool price forecast. AE submitted that the Knecht proposal of limiting obligations and 
entitlements to existing customers was discriminatory and contrary to the EU Act. 
 
AE agreed with TransCanada that its DAT does not hold the promise of an equivalent price for 
the majority of customers nor a discount versus embedded rates. The rate is not intended to 
include a subsidy for assuming exposure to the pool price.  
 
Board Findings 

Although a new DAT will not be available until after the Board’s review of AE’s refiling, the 
Board considers it inappropriate for the Temporary DAT approved in Decision U99014 to 
continue to be available to new customers under terms that differ from the new DAT. Therefore, 
the Board directs that AE close the Temporary DAT to new customers as of the date of this 
Decision.  
 
To the extent that DAT customers reduce load in the highest price hours, the pressure on the 
interconnected system will be relieved to the benefit of all customers and the DISCOs which 
supply them. There will be a downward pressure on the cost of energy, particularly at very high 
pool price times. The demand response of customers will thus enhance the efficiency of the 
market. Therefore, the Board considers that a properly designed DAT is important to the 
interconnected system. The Board does not consider that the DAT should be applicable to 
customers served by isolated generation since the costs incurred by the DISCO to serve them 
may be significantly different from the Energy Supply costs on the AIS. 
 
To improve the efficiency of the demand side of the market, the Board would prefer that all large 
customers move to the actual pool price DAT and be exposed to the actual hourly variation in 
pool price. The advantage to the actual pool price DAT is that customers would see and might 
respond to actual short term spikes in the pool price. However, the Board recognizes that some 
customers may not be prepared to move away from fixed rates at this time. 
 
The Board considers that there is a clear differentiation in average pool prices between the TOU 
periods and also notes the differentiation in TA rates (TA Rate GSS) between on-peak and off-
peak periods. Therefore, TOU rates embody a price signal to customers by reflecting the 
typically higher costs during peak hours and lower costs in off-peak hours and seasons. The 
Board considers that a properly designed TOU DAT will provide superior price signals as 
compared to the single fixed rate. A single fixed rate can only reflect the forecast average cost of 
energy throughout all of the year for the entire class based on forecast average class consumption 
patterns. The TOU rate can reflect the average expected variation in pool price with the season, 
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day of the week and time of the day and allows customers the opportunity to vary their actual 
consumption to take advantage of lower energy cost periods. The Board considers market 
efficiency will be enhanced if customers who would have been on a non-TOU fixed rate 
subscribe to TOU DAT rates. 
 
In determining an appropriate design for the DAT, the Board must look at the appropriate 
charges for the Energy Supply, TA Billings and DISCO Services. The Board considers that the 
DAT should be designed so that DAT customers make a decision on when they will take energy 
based on the prevailing pool price. The DAT should not include a discount or incentive payment 
relative to fixed price rates.  
 
The Board agrees with parties that the Power Pool of Alberta hourly price is the appropriate 
Energy Supply price signal that should be seen by DAT customers. To eliminate any incentive or 
disincentive which is not related to pool price, the Board considers that the TA Billings, DISCO 
Services and any other ancillary charges should be the same for DAT as for firm fixed price 
rates. The Board notes that AE’s proposed DAT was designed so that its non-generation charges 
for proposed Rates 31 and 41 also apply to the DAT. 
 
Section 4 of the Distribution Regulation requires that the DAT have a fair and reasonable charge 
for RPs and a fair and reasonable credit for entitlements. The Board finds that a fair and 
reasonable charge and credit is reflected in the “H” amount which is derived as described in 
Section 2(b). Using the same per kWh fixed amount “H” for DAT and fixed rate customers 
should, on a forecast basis, leave TOU DAT customers with typical usage characteristics no 
worse off than if they had chosen fixed price rates. The TOU DAT will provide a benefit on a 
forecast basis for customers who plan to respond appropriately to the TOU energy price 
differentials. As a result of the energy-based allocation of RP even customers with low load 
factors who are able to shift load in response to pool price will benefit from the DAT.  
 
The Board agrees with AE that DAT Option 3 is the appropriate tariff for use by customers who 
can benefit from TOU rates. However, the Board is not convinced that AE’s proposed charges 
under Option 3 are appropriate. AE adds a premium to the forecast pool price under its proposed 
Option 3. The EU Act 31.6(2)(b) specifies that the charges to apply for certain hours reflect an 
expected average cost calculated using only a forecast of pool prices for those hours. As a 
general principle the Board does not consider that there should be any premium over forecast 
costs in any rate the DISCO charges its customers. The risk that those costs may be higher or 
lower should be the DISCO’s risk, unless the customers agree to assume some of the risks or the 
Board determines a risk premium is appropriate. The risk to the DISCO of pool price variance 
from forecast on load exceeding the DISCO’s entitlements was considered as part of the 
DISCO’s risk in Decision U97065. Therefore, the Board is not persuaded that there should be 
any risk premium inherent in the DISCO’s TOU DAT rates or for that matter any other fixed rate 
arising out of this proceeding.  
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Board concludes that the forecast for rates arising out of this proceeding should be based on the 
actual 1998 pool price record. The Board also considers that the TOU option should pass through 
to customers the variation with TOU in the TA’s charges to AE. The TA’s rates have separate 
off-peak and on-peak energy transfer charges. Therefore, the Board directs AE to design its TOU 
DAT rate with the following separated components: 

• the average actual pool price in each TOU period in 1998 representing  the cost of energy 
components in the TOU rates; 

• the fixed amount “H” charge calculated using the 1998 pool price record and 1998 total 
AE  DISCO annual energy usage; and 

• TA Billings charges which pass through the TOU charges in the TA’s rates. 
 
The Board considers that actual pool price DAT customers should also see TA Billings charges 
which pass through the TOU charges in the TA’s rates. All DAT customers should see separate 
TA Billings and DISCO Services charges mirroring those charged under the fixed rate which 
would otherwise serve them.  
 
The Board considers that the “H” factor works well for the fixed TOU charge DAT option 
intended for customers who are able to shift their loads to off-peak periods. The response of such 
customers is unaffected by the variation in the actual pool price from forecast. However, for the 
actual pool price DAT customer, the Board recognizes that if the “H” factor is used, with no 
adjustments, the risk of an extended period of pool prices above forecast might be so large as to 
bias customers against the option of taking the actual pool price DAT. The Board considers that 
the actual pool price DAT is the DAT that will lead to the greatest market efficiencies. 
Therefore, an adjustment to the H factor is required to protect actual pool price DAT customers 
from any significant increases in the average levels of pool prices over the 1998 prices used in 
the calculation of “H” (as set out in Section 3(b), the actual 1998 pool prices are to be used in the 
calculation of H).  
 
If actual future pool prices tend to be higher than those forecast using the 1998 actual pool price 
record, the adjustment should leave customers who choose the actual pool price DAT generally 
no worse off than customers who choose fixed price rates or TOU DAT. If the actual total UOV 
received by the DISCO during each billing month is used to calculate the monthly refund or 
credit due each actual pool price DAT customer, then the changes in the overall UOV would 
generally offset the changes in overall pool price level. Then, if pool prices move markedly 
higher, actual pool price DAT customers will not automatically be worse off than customers on 
fixed rates. DAT customers who do respond to the pool price will more likely be better off than 
customers on fixed rates. DAT customers must be allowed to respond to the hourly variation in 
pool prices without being overcharged because of the difference between forecast and actual 
average pool price. Therefore, the Board considers that the appropriate monthly adjustment per 
kWh billed in the month would be defined as: 
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 Adjustment = billing month’s total actual DISCO UOV refund – 1998 month’s total DISCO UOV refund 
                                               1998 DISCO monthly energy use 

 
 
The Board considers that the adjustment should only be passed on when it is positive and 
benefits actual pool price DAT customers. Otherwise, when the adjustment is negative (i.e. pool 
prices are lower than forecast), a DAT customer might end up worse off than fixed rate 
customers even if the DAT customer were reducing load during high pool price periods. In the 
case of lower than forecast prices, the impact on the DISCO of providing the adjustment is 
minimal since the DISCO will likely have saved more than the amount of the adjustment through 
lower than forecast purchase costs for other customers. Also the DISCO will potentially benefit 
from the downward pressure on the cost of energy. In the case of higher than forecast prices the 
DISCO would pay the extra at any rate if all customers remained on fixed rates.  
 
Therefore, the Board directs AE to design its actual pool price DAT rate with the separated 
components which follow: 

• the actual pool price in each hour less the adjustment amount if the adjustment is positive 
as the cost of energy component; 

• the fixed amount “H” charge calculated using the 1998 pool price record and 1998 total 
AE  DISCO annual energy usage; and 

• TA Billings charges which pass through the TOU charges in the TA’s rates. 
 
The Board also considers that the viability of the DAT will be enhanced if a customer is able to 
take all or only part of its service under the DAT rate. In other words, a customer must also have 
the option to take a portion of its energy on the DAT after taking some set amount on another 
rate.  
 
The Distribution Regulation (EU Act Sec 31.6 (8)(9)(10)) requires that a DAT customer give 6 
months notice of the effective date of the change if it elects to be billed pursuant to another tariff 
offered by the distributor. However, the Board considers that the risk to the DAT customer of 
inaccurate pool price forecasts is much reduced by the adjustment and stacking. Further, the 
Board considers it evident that a customer could choose to take a DAT rate in a low pool price 
season and revert to an averaged rate when pool prices are expected to be high, taking advantage 
of seasonal price fluctuations to the detriment of the DISCO and/or other customers. Therefore, 
the Board considers it appropriate to direct that DAT rates include the provision that notice can 
be given only after a customer has been on the rate for six months. The Board will only shorten 
the notice period if the direct access customer satisfies the Board that financial arrangements 
have been entered into by the customer that compensate the distributor and its other customers 
for any costs resulting from the shorter notice period.  
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(i) Options 

(1) Price Option F – Idle Service 
This option is intended for customers who will not require electric service for extended periods, 
but wish that the facilities remain in place as there is a reasonable expectation of future use. The 
intent of the idle service charge is to lessen the cost burden of idle services carried by other 
customers in the same rate class and to encourage the salvage of services remaining idle for 
extended periods. 
 
Proposed Rate Level 
Price Schedule 11:  the idle service charge is the price schedule minimum monthly charge 
 
Price Schedules 51 or 56:  the idle service charge is one-half the total customer and kVA charges 
applicable to a 3 kVA service 
 
Price Schedules 21,22,31,39, 41 or 49:  the idle service charge is the greater of the rate minimum 
or the contract minimum, where the rate minimum is the greater of 

 
(1) the minimum of the schedule on which the service was billed immediately prior to 

becoming idle, and  
 

(2) the minimum of the schedule under which the service was billed during the 
majority of its service life (If the last Price schedule change occurred at least two 
years previously, the minimum is as per the most recent schedule.) 

 
Price Schedule 61:  the idle service charge is 75% of monthly customer and demand charge for 
company installed lighting, 35% for installations paid by customer 

 
Charges based on demand ratchets are excluded from the minimum charge unless the service is 
reconnected within twelve months. If a service is reconnected within the twelve months of 
disconnection, the reconnection charge will include an amount to recover the ratcheted demand 
charges for each month that the service has been idle. 
 
Proposed Conditions 

This price option will apply to services that are disconnected for more than twelve months. 
Services that are disconnected for less than 12 months are covered in T&C 4.19. 
 
The following customers are exempt from paying idle service charges: 

• Residential Price Schedule 11 and Small General Service Price Schedules 21 and 22 
customers within cities, towns, villages, Hamlet’s, Indian reserves and Metis 
settlements 

• private lighting Price Schedule 63 
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Board Findings 

The Board notes that no specific issues were raised with respect to the proposed price option. 
The Board finds that this is an appropriate service offering to maintain customer service options. 
 
The Board expects that AE will examine the Board’s findings in this Decision and make any 
changes necessary to the idle service price option in its refiling. 
 
(2) Price Option H – Service for Non-Standard Transformation and Metering 
 Configurations 

Option H has various forms of credits and charges for service rendered under Price Schedule 21, 
22, 31, 32, 36, or 39 where metering and/or delivery voltage are non-standard. 
 
Price Option H(a) 

The purpose of Option H(a) will be to reimburse customers who have supplied their own 
transformation. As the distribution charges associated with those price schedules recover average 
transformation costs, those customers who have supplied their own transformation should be 
reimbursed for the portion of the charge relating to those costs. With the new feature proposed in 
Price Schedule 31 which would absolve transmission connected customers from paying 
distribution charges, the option H(a) credit is no longer needed for those customers. 
 

Proposed Rate Level Previous Rate Level 
  
$0.80/kW $0.50/kW 

 
 
Price Option H(b) 
Option H(b) is for service which has primary or higher voltage delivery metering which is 
desirable for the convenience of AE or to improve accessibility. In this case, demand and energy 
measurements are reduced by 1% so as to approximate secondary voltage delivery conditions. 
 
Price Option H(c) 
Option H(c) is for when primary or higher voltage delivery is made to a customer owned sub-
station, but metering is at secondary or utilization voltage for AE’s convenience. In this case, 
demand and energy measurements are increased by 1% so as to approximate primary or 
transmission voltage delivery conditions and the discount, as specified in Option H(a) shall 
apply. 
 
Price Option H(d) 
AE proposed a new option, Option H(d) for customers connected directly to a transmission sub-
station, who are utilizing transformation facilities (to receive service at 25 kV), but who do not 
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supply their own transformation. Option H(d) is proposed to be a surcharge equivalent to the 
credit under option H(a). 
 
 Proposed Rate Level 
 
 $0.80/kW 
 
AE submitted that its estimate of transformer loss factors was reasonable contrary to the 
positions of IPPSA/SPPA and TransCanada.  
 
Position of the Intervenors 

TransCanada  
Transformer losses are lower than calculated by AE, for example: a 15 MVA transformer loaded 
75% at 100% power factor has 0.41% losses compared to 1% assumed by AE. This would cost 
an additional $1,500 per month. TransCanada suggested that the wording of Option H should be 
modified to add: “At the request of the customer, the loss percentage of 1% may be replaced with 
actual transformer loss data provided by a transformer supplier for typical loading conditions in 
relation to the specific transformer.” IPPSA/SPPA agreed with TransCanada. 
 
Board Findings 
The Board notes that although, in the example provided by TransCanada, customers may be 
slightly over-charged for energy services, other customers under Price Option H(b) would 
receive a slight benefit from the same assumed 1% transformer loss factor.  
 
The Board is not convinced that striving to achieve this level of accuracy for one portion of the 
rate setting process is worth the administrative burden that TransCanada’s request would create. 
The Board notes that the one percent is used as a reasonable estimate of actual transformer 
losses. The Board is not satisfied that a study of transformer loss data done at one point in time 
will provide a sufficient indication of transformer losses over time. The Board considers that the 
one percent adjustment, represents a reasonable estimate of actual transformer losses for all 
customers. Therefore, the Board accepts AE’s proposal to maintain the 1% transformer loss 
factor. 
 
The Board also accepts the other modifications to Price Option H as proposed by AE. 
 
The Board expects that AE will examine the Board’s findings in this Decision and make any 
changes necessary to idle service price option in its refiling. 
 
(3) Price Option N – Plant Commissioning Energy 
This option is intended to be used by customers for up to three months when they are starting and 
testing new equipment. Price Option N modifies the billing demand such that demand charges 
are less onerous during a customer’s commissioning phase. AE proposed that the billing demand 
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calculation under Option N be adjusted in order to better reflect the charges AE incurs from the 
TA for peak demand set during the customer’s commissioning phase. 
 
Proposed Rate Level Previous Rate Level 
  
Billing demand equal to 150% of average  Billing demand equal to 125% of average 
hourly energy during the billing period hourly energy during the billing period 
 
Position of the Intervenors 
The CCA submitted that the period of three months relief may be excessive. No other Alberta 
electric utility offers a program similar to Option N, and the use of the option is rare. The CCA 
recommended that the period of discount be limited to four weeks and at the next GRA the need 
for this rate offering should be reviewed. 
 
TransCanada argued that contrary to the argument of the CCA, AE states that “new facilities 
could require a month to six weeks in the testing mode of operation.” TransCanada submitted 
that it is unclear how long new facilities will require for testing operations, but some facilities 
may require a longer period than six weeks. Although the CCA argues that none of the other 
Alberta electric utilities provide a similar rate offering, if the proposed AE Option N meets its 
intended objective, other utilities may consider adding such a rate. TransCanada supported AE’s 
proposal as filed. 
 
Board Findings 
The Board notes that both AE and TransCanada recommended a longer time period than CCA 
suggested should be available for this price option. As these parties have experience in 
commissioning new equipment and facilities, the Board is persuaded to accept the time period 
allowed for this price option. 
 
The Board also notes that, although this is not entirely a cost based option, AE has endeavored to 
make this price option more cost reflective by increasing the billing demand charge by 20%. The 
Board accepts Price Option N as filed, but directs AE to provide justification if it wishes to 
continue pricing this Option below cost in its next Phase II proceeding. 
 
(4) Price Option P – REA Distribution Price Credit 

This option is available to REA Farm customers and is intended to provide pooled O&M REA 
Farm customers who wish to take service under Price Schedule 21 or 31, a credit to reflect the 
costs of distribution facilities already recovered in these Price schedules. 
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Proposed Rate Level Previous Rate Level 

For REA farm customers electing to take 
service under Small General Service Price 
Schedule 21, a credit adjustment of 23% will 
be applied to the base bill 
 

For REA farm customers electing to take 
service under Small General Service Price 
Schedule 21, a credit adjustment of 14% will 
be applied to the base bill 

For REA farm customers electing to take 
service under Large General Service Price 
Schedule 31, a credit adjustment of 6% will be 
applied to the base bill 

For REA farm customers electing to take 
service under Large General Service Price 
Schedule 31, a credit adjustment of 7% will be 
applied to the base bill 

 
Board Findings 
The Board notes that no specific issues were raised with respect to the proposed price option. 
 
In light of the findings regarding the allocation of the costs of transmission and distribution 
facilities, the Board directs AE to refile the Price Option P credit with any adjustments required 
to reflect the revised allocations. 
 
(5) Price Option T – Off Peak Demand 
This Price Option is a time of use differentiated rate, applicable to customers whose off peak 
demand was expected to exceed their on peak demand 
 
AE proposed to withdraw Price Option T. Option T was offered in conjunction with existing 
Rate 21 and 31. There were no Price Schedule 21 customers using the option. Price Schedule 31 
customers may be served under Price Schedule 39 (Direct Access Tariff). 
 
Position of AE 

AE indicated that while this option was had been useful for “off peak” valley filling, in today’s 
environment it is more effective to decrease usage during peak periods. AE submitted that the 
significant decrease in demand charges for Price Schedule 31 mitigates the benefits of Option T. 
AE also stated that, based on its experience customers have not been able to get the benefits 
associated with this rate. 
 
AE also noted that the differential between on and off peak demand costs has shrunk with respect 
to both generation and transmission and, therefore, greater costs must be recovered off peak than 
compared to when Option T was introduced. Since, proposed Price Schedule 31 has been 
modified with a much higher energy rate and a much lower demand rate compared to the existing 
Rate 31, adding Option T to the proposed Price Schedule 31 may not provide a cost reflective 
outcome.  
 
For these reasons, AE submitted that Option T should be discontinued. 
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Position of the Intervenors 

TransCanada  
While AE proposed that the DAT would replace Option T, TransCanada argued that Option T 
provides a proven means of reducing peak load. TransCanada submitted that AE had not 
provided documented evidence to support the assertion that it is “more effective to simply 
decrease usage during peak periods, as opposed to shift usage to non-peak periods.” There was 
no evidence that a DAT would be more effective at providing peak load reductions than Option 
T. Further, although AE argues that the decrease in demand charges for Rate 31 reduces the 
customer benefits of Option T, Exhibits 49 and 50 indicate that AE’s proposed Price Schedule 31 
with Option T provides better incentive to shift load to off peak periods than Price Schedule 31 
alone. Lastly, AE’s proposed DAT will not have a significant impact on reducing peak load 
because of its poor market appeal. 
 
TransCanada submitted that Exhibit 94 refuted AE statement that its experience has been that 
customers are not able to shift their loads to take advantage of this option. Exhibit 94 indicates 
that Option T provided 1,491 kW of peak load reductions. The Board should not be persuaded 
that the existing Option T price sensitive load should lose its off peak incentive. 
 
TransCanada concluded that option T should be retained. 
 
IPPSA/SPPA  
IPPSA/SPPA submitted that Option T should not be replaced with the proposed DAT. In the 
current shortage of supply, it is inappropriate to replace Option T with a DAT rate which would 
provide less incentive to encourage reduction of consumption during peak hours. A TOU option 
for Price Schedule 31 would be a better substitute for Option T. 
 
Board Findings 

In Section 4(h), the Board finds that the DAT provides an appropriate TOU rate with the correct 
incentives for customers to reduce consumption during peak periods. The Board will allow AE to 
withdraw this Price Option when the Board approves a final TOU DAT. The Board directs AE to 
keep Option T in effect until that time. In Section 5(b)(1) the Board examines issues related to an 
unapproved tariff AE termed a “modified Option T.” 
 
(6) Price Option U – Ratchet Buydown 
This Price Option is intended for seasonal loads, and is an alternative pricing arrangement to 
Price Schedule 31. It replaces the standard demand ratchet with a surcharge on metered demand 
such that monthly bills follow consumption patterns more closely. Due to a shifting of charges 
from the demand to the energy components in the proposed Price Schedule 31, AE proposed to 
increase the demand surcharge on Option U from 20% to 75%. 
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Proposed Rate Level Previous Rate Level 
  
Demand charge: 175% of billing demand Demand charge: 120% of billing demand 
 
Billing demand will be the greatest of  

• the highest metered demand during the billing period   
• the estimated demand  
• the contract demand  
• 50 kW 

 
Proposed Conditions 
This Option is available for a minimum period of 12 months and 12 months notice is required to 
discontinue billing under the provisions of this Price Option. Furthermore, discontinuation is 
permitted only upon the anniversary of the Option U contract anniversary date. It is not available 
for use as supplemental, maintenance, or standby power to customer owned generation facilities. 
 
Board Findings 
In Section 2(b), the Board determines that costs of Energy Supply should be recovered entirely 
through energy charges. Therefore, the Board directs AE to refile Price Option U adjusted as 
required to reflect this and other findings in the Decision. 
 
 
(j) Additional Charges (Riders) 

(1) Rider A-1 – Municipal Assessment 
This Rider is used to collect amounts for municipalities in accordance with individual municipal 
franchise agreements. The following are exempt from the surcharge: (a) Farm customers Price 
Schedules 51 and 56 (b) Irrigation pumping Price Schedule 25 (c) Customers within Indian 
reservations (d) Rainbow processing plant Price Schedule 36 (e) Rider E, special facilities. 
 
The proposed charges are unchanged from the previous Municipal Assessment Rider. 
 
Board Findings 
The Board notes that this Rider is modified and adjusted from time to time in accordance with 
any changes in the agreements between AE and the municipalities. No change is proposed in the 
Application.  
 
(2) Rider A-2 – Isolated Service 
This Rider is applied to higher than typical energy usage in isolated areas and is intended to 
discourage wasteful energy consumption where the isolated generation costs substantially exceed 
AIS generation costs. This surcharge would apply after the first 600 kWh of monthly energy 
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consumption for residential customers and after the first 4,500 kWh of monthly energy 
consumption for general service customers. 
 
Proposed Rate Level Previous Rate Level 
  
Residential: 4.0 cents/kWh Residential: 4.2 cents/kWh 
Commercial: 4.0 cents/kWh Commercial: 4.2 cents/kWh 

 
Proposed Conditions 
Special arrangements will be required to supply loads exceeding 20 kW in these areas. 
Electric service will not be offered for electric eating purposes. 
 
Position of the Intervenors 
IPPSA/SPPA argued that even though proposed Rider A-2 will collect less than 50% of the fuel 
related cost for isolated customers, AE proposed a 4.76% reduction in the level of Rider A-2. It 
argued that a rate decrease is not appropriate and that in the interest of fairness a 10% increase 
for RiderA-2 would be appropriate. 
 
Board Findings 
Throughout this decision, the Board has moved to align rates more closely with costs. Therefore, 
the Board agrees with IPPSA/SPPA that it is inappropriate to reduce the level of this Rider while 
costs still exceed the rate charged. 
 
In light of the findings in Section 3(a), the Board directs AE to redesign Rider A-2 to collect an 
additional 10% in overall revenue. 
 
(3) Rider E – Special Facilities Charge 

This Rider is to collect monthly charges for the capital costs of industrial distribution facilities. 
The fixed monthly charge of  $53,545 for the WESCUP transmission facility has been added to 
Rider E schedule 
 
No intervenors argued against this proposed charge. 
 
Board Findings 
The Board finds that this Rider continues to be appropriate and approves the Rider as submitted. 
 
(4) Rider G – Temporary Refund Rider and Rider J – Interim Adjustment Rider 
These riders arose from the rate reduction specified in Order U98081. In the initial filing, the 
riders applied to electric service bills rendered up to 31 December 1998 as per Order U98081. In 
the refiling by AE on September 30, 1990, these riders were left to serve as generic riders 

 
Decision U99034 Page 104 10 August 1999 



4. INDIVIDUAL TARIFFS  AE 1996—Phase II 

applicable to all electric service throughout the service territory served by the Company when a 
change or refund is approved by the Board. 
 
Board Findings 
The Board notes that although these riders were included in the Application, these riders have 
expired and the Board does not approve of their continuation. The Board prefers to approve new 
refund or adjustment riders when required. 
 
(5) Rider R – Generator Adjustment Rider 
AE proposed that Rider R be applied if the owners of a regulated generating unit temporarily 
suspended their obligation to pay the UOV for a regulated generating unit and in the event that 
changed the cost of power purchased from the Power Pool of Alberta.  
 
Board Findings 

In Section 3(c), the Board provides reasons why it will not approve a generation adjustment rider 
at this time. 
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5. TERMS AND CONDITIONS OF SERVICE 

(a) Characterization of Matters Regarding the Terms and Conditions of Service 
During the course of the proceeding, the Board allowed certain portions of the T&C (set out in 
Exhibit 51) to be extracted from the Phase II proceeding on the basis set out below:   
 

Another aspect of it is that the parties would propose to file tomorrow a list of the 
issues that would be in a generic sense and not a constraining sense, but at least 
these parties have agreed to that will be the subject of the negotiated settlement. 
Obviously parties who had not been involved to date, if they wished to have 
additional input on issues or whatever, it wouldn’t be like this is a closed list.  
This is just what the parties see as being some subject areas that would benefit 
from the process. … 
 
… So it’s proposed that that would be filed with the Board so that you have an 
idea of the types of things that the parties are, if I could use the word, extracting 
from these proceedings and planning to discuss further.36  

 
AE indicated that:   
 

… it’s certainly not the intention to have the document that’s filed tomorrow be a 
constraining list that would prevent other parties from saying, okay, I would like 
to address this other issue as well because it’s something that’s been bugging me. 
 
I think we’re prepared to have -- obviously we appreciate that all parties have to 
have input into this process, and it’s more to I guess provide the Board with some 
understanding of the types of issues that the parties are looking at extracting from 
the current proceeding and discussing further, but we certainly have no intention 
of foreclosing all parties from having the level of input they desire.37  

 
A note on Exhibit 51 indicated that the negotiated changes applicable to AE’s T&C would only 
apply to Electric Service Agreements (ESA) executed after 1 December 1998. While parties 
envisioned that a negotiated settlement would be filed with the Board on or about 15 February 
1999, nothing has yet been filed. 
 
In argument parties sought to categorise issues related to the T&C as: 

(1) Matters in the proposed T&C subject to the negotiated settlement process. 
(2) Matters in the proposed T&C not subject to the negotiated settlement process. 
(3) Issues related to the existing Electric Service Agreements 

 

                                                 
36 Tr. pp. 434-435 
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Parties desired different treatment for each category and appeared to differ as to which issues 
belonged in each category. 
 
Position of AE 
AE requested that the proposed T&C be approved as filed and updated, subject to those aspects 
specifically made the subject of the negotiated settlement process. 
 
AE noted Canfor’s comments in argument on the scope of the negotiated settlement process. AE 
indicated that the issues to be addressed in the settlement process were limited to those identified 
in the List of Issues filed during the Phase II proceedings (Exhibit 51). 
 
AE submitted that “essentially” all of the matters TransCanada raised in argument were the 
subject of ongoing negotiations between parties, including TransCanada, and outside the hearing 
process. The Board should not take any action on those aspects of the T&C pending receipt of 
the results of the negotiated settlement process. AE noted that it was attempting to prepare a first 
draft by 15 February, but that the process would not likely be fully completed by that date. 
 
Position of the Intervenors 
Noting the potential for new rate offerings with the era of full customer choice, and distribution 
access tariffs, Canfor submitted that there might be a requirement for a higher level of customer 
information than currently provided by AE, or available from metering presently at a customer’s 
site. 
 
Canfor submitted that a customer should have a right to any customer data AE has regarding its 
account. This includes data regarding energy consumption, load factor, power factor, demand 
levels, billing determinants and the like. 
 
Canfor considered that AE was generally in agreement with that position. But submitted that it is 
one thing for a customer to “generally” be provided with their own customer data and another for 
customers to have an unequivocal right to such data. 
 
While Canfor understood that AE would continue to own most meters, it noted in s.6.1 of AE’s 
T&C, that: 

 
…the company shall provide, install and seal all meters necessary for measuring 
the energy supplied to a customer, unless otherwise specifically provided in a 
contract with a customer. 

 
Canfor considered that Section 6.1 of the T&C contemplated AE installing new meters necessary 
to provide the new level of customer data which may be required as customers’ needs change 
and better meter data is required. Section 6.1 also allowed a customer to specify other 
arrangements for meters in its contract. Canfor was not aware of whether in such circumstances a 
customer can make arrangements to own and control the meter data. Regardless of the possibility 
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of “special” contractual arrangements, AE should be required to provide each customer its meter 
data on request. Canfor understood that AE’s position was that such data is owned by AE, 
although the T&C do not speak directly to this point. 
 
Canfor indicated that it intended to make its concerns more fully known to AE in the negotiated 
settlement of the T&C. Canfor noted AE’s comments to the effect that the issues deferred to the 
negotiation process were meant to be in a generic sense, and not a constraining sense. Canfor 
hoped its concerns would be adequately addressed in the negotiated settlement process and form 
part of the “settlement.” 
  
TransCanada recognized that AE’s investment policy would be a matter for negotiation with AE 
to develop AE’s future investment and buydown policy and commended AE’s initiative to 
involve customers. 
 
TransCanada noted that a “contract buydown” methodology for existing customers who have an 
executed ESA was not part of the negotiated settlement process as a result of the  note on 
Exhibit 51. 
 
TransCanada fully supported AE’s decision to work with customers to define and document its 
investment policies, on a go-forward basis, by a negotiated settlement approach. TransCanada 
also submitted that the Board should direct AE to document its methodology for contract 
buydowns of existing customers in its T&C in order that customers may understand the policies 
and be able to address such issues through the hearing process and complaint procedures. 
 
TransCanada noted that AE intends to unbundle its contracts with customers. TransCanada 
supported AE’s contract unbundling, but was unable to determine from the evidence when AE 
proposes to have its contracts fully unbundled. In order to ensure the unbundling of contracts 
occurs in a timely manner as part of the industry restructuring, TransCanada requested that the 
Board require AE to unbundle and apply for approval of its customer contracts on an expedited 
basis in light of the possible implementation of the DAT by 1 April 1999, or earlier. 
 
TransCanada took no position as to whether or not the issue of ownership of billing data was 
properly part of the negotiated settlement process on investment policy. However, TransCanada 
submitted that if it was not to be part of the negotiated settlement, then the Board should direct 
AE to explicitly include as part of its T&C that a customer has the right to access its own 
metering data.  
 
IPPSA/SPPA supported Canfor’s position of allowing customers “to have unequivocal rights to 
such (metering) data.” IPPSA/SPPA support the initiative to have the negotiated settlement 
process deal with this issue. Ultimately the T&C of service should reflect a customer’s rights to 
ownership of its meter data. 
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also argued that AE should define specifically what notice periods are required for customer 
service changes. They requested that customer security deposits should be set no higher than 
those of TransAlta. 
 
Board Findings 
The Board notes that TransCanada argued that matters related to AE’s existing ESAs should be 
settled in this proceeding. The Board considers that those issues would more appropriately be a 
part of the negotiations and that AE did not appear to rule out that possibility in its Reply, in 
spite of the note on Exhibit 51. Similarly the Board considers the negotiations are the appropriate 
forum for several of the issues the CCA wished to address. 
 
Since the Board allowed certain portions of the T&C (set out in Exhibit 51) to be extracted from 
the Phase II proceeding, the Board considers that it would be inappropriate to deal with those 
portions in this Decision. AE is directed to provide an update on the status of those portions of 
the T&C extracted, the negotiations, and a plan for dealing with any matter discussed but not 
resolved through the negotiations. 
 
The Board notes that AE indicated at the Hearing that there was a great deal of flexibility in the 
matters subject to the negotiation process and that the Board indicated its support for such 
flexibility. The Board was disappointed to see that AE changed that approach in respect to the 
issue of a customer’s rights to its billing data as raised by Canfor. In this time of transition the 
Board would like to see as much consultation between parties as possible to ensure resolution of 
as many matters as possible and to properly focus issues that can only be resolved through the 
hearing process.  
 
The Board considers that, as a matter of principle, a customer is entitled to any and all of the 
customer data AE acquires as a result of serving that customer. Only with that data will a 
customer be able to verify its billing and compare new retailer and rate options. That said, the 
matters that Canfor raises would appear to be more appropriately dealt with in the upcoming 
distribution access proceeding than in this Decision. Customer billing data requirements and 
rights will likely be more fully canvassed at that time.  
 
 
(b) Other 

(1) Application of Unapproved Tariffs 
TransCanada cross-examined AE regarding an unapproved variation of Option T on which AE 
had been billing a customer on the isolated Jasper system for over a year. The testimony of AE’s 
panel included the following comments: 

 
So we revisited the terms and conditions of Option T as it was designed, and it’s 
clearly intended for use on the AIS using the AIS costs and the AIS time profile. 
So when we looked at the application in this isolated area, which is the Town of 
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Jasper, we from our evaluation determined that it clearly wasn’t appropriate to 
apply the standard Option T to that customer’s use because of different fuel cost 
in an isolated area and a concern that the load profile might be different. 
 
The other consideration with this particular customer is that they comprise up to 
40 percent of the peak in the isolated area so we carefully considered whether it 
was in the best interests of all customers to apply Option T in its standard form, 
and from that determined that because of the difference in fuel costs and the 
difference in time periods that it was appropriate, and in the interests of all 
customers to modify Option T.  
 
…we didn’t think it was necessary to put together a modified version of the rate 
(to file with the Board) since it was going to be withdrawn in its entirety. 
(Parenthesis added)38  
 
What we’re trying to do in this case is come up with an arrangement that is going 
to be fair to all customers, and it was an arrangement that was commercially 
acceptable to the customer. So with the spirit and intent of trying to provide the 
customer with an option that would meet his needs, and a rate that was in the 
spirit and intent of a published tariff, we made those adjustments.  
 
Just to add that, it’s our understanding that it’s consistent with the Board’s policy 
to encourage parties to resolve these and come up with a mutually satisfactory 
arrangement.39  

 
TransCanada 
TransCanada summarized AE’s application of an unapproved tariff as follows: 
 
In April of 1997, AE offered to charge an industrial customer, served on Rate 31 with Option T, 
charging 40% of the Rate 31 demand charge for off-peak use instead of the 10% prescribed in its 
Board approved price option. 
 
AE continues to ignore the approved tariff and has indicated that it intends to increase the charge 
for off-peak use from 40% to 70%. 
 
AE has not filed this modified tariff for Board approval. 
 
The Board’s examination of the AE Panel indicates that AE was fully aware of the process to 
obtain Board approval for rates.  
 

                                                 
38 Tr.pp. 457-458 
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TransCanada noted that Price Schedule 33 (POR) does outline a provision for discretionary 
application of the rate; however, Price Schedule 31 and Option T do not.  
 
TransCanada submitted that AE’s action ignored established regulatory practices and subverted 
the Board’s authority and that the Board should direct AE to immediately provide this customer 
service on approved Option T. Furthermore, any variance between the rates that the customer has 
paid from the date AE offered the modified Option T to that which the customer would have paid 
under the approved Option T to date should be immediately refunded to that customer, with 
interest. Lastly, the Board should also consider some mechanism to address the losses customers 
experience when denied access to approved tariffs and to discourage Discos from exercising 
such discretion in the future.  
 
Board Findings 
With respect to the applicability of Option T, the Board notes that Section 4.4 of APL’s Electric 
Service Regulations (ESR) reads: 
 

4.4 Application of Price Schedules 
 
The company will endeavour to apply the price schedule which applies to the 
service and is most favourable to the customer… 
 
A customer may elect to have service billed on any other rate schedule applicable 
to that customer’s service requirements. 

 
The Board also notes that parties agreed that AE’s ESR would take precedence over the terms of 
the individual customer’s ESA. Therefore, the Board considers that under AE’s existing ESR a 
customer may only elect to have service billed on a rate schedule which is applicable to the 
customer’s service requirements. 
 
While TransCanada argues that DISCOs should be discouraged from exercising such discretion 
in the future, the Board considers that such discretion has been important. It is not reasonable to 
expect that all possible scenarios involving customer rates will be foreseen in the rate design 
stage and decided prior to their occurrence. Such discretion has kept the integrated utilities from 
going through the costly exercise of ensuring that every possible scenario was spelt out in their 
rate schedules and terms and conditions of service. The costs of such an exercise would have 
been recovered from customers. The complaint process would normally provide a forum for 
customers to object to AE’s application of rates. The Board recognizes that these principles may 
change at some point in the future deregulation of the industry. 
 
In this specific case, the Board has reviewed Option T and notes that there is no explicit 
restriction forbidding Rate 31 customers in isolated areas from taking this price option. However, 
since AIS costs and the AIS time profile were used in its development, it is obvious to the Board 
that Option T was developed for customers connected to the AIS, rather than for customers 
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served in isolated areas. Therefore, because the design of Option T would make its use in an 
isolated area unfair, the Board is not convinced that the approved Option T was or is applicable 
for any customer in an isolated area.  
 
Therefore, since the Jasper customer is in an isolated area, the Board would expect that the 
customer be served under Rate 31 which was developed for all service areas and that Option T 
would not be available to the customer. However, the Board notes that AE stated that it agreed to 
serve the customer under a “modified” Option T. The Board considers that the “modified” option 
would be more properly characterized as a new customer, or area, specific option, say the “Jasper 
Option.”  
 
The Board considers that once the agreement was made AE should have filed the Jasper Option 
with the Board for acknowledgment, as is normally the process when a new rate is designed that 
offers a new service to a customer or class of customers. The Jasper Option would have then 
been acknowledged as filed or allowed on an interim basis and open to examination at the next 
Phase II. Any customer complaints regarding the level of the rate could have been dealt with as 
warranted. However, the Board also notes that, agreement was reached between AE and the 
customer, without any complaint coming to the Board prior to this rate hearing. A customer 
complaint would have placed this matter before the Board. 
 
The Board would generally approve any similar new rate offerings which result in a savings to 
customers between GRAs, particularly optional offerings. Generally the Board would not look at 
an increase to any rate offering in as favorable a light. Therefore, since the new rate was an 
optional offering which the customer could have refused to take and the option was a discount to 
the Rate 31 which was the only rate applicable to the customer and the customer agreed to be 
billed under the option, the Board is not convinced that the customer was harmed by AE’s 
oversight.  
 
With respect to the level of the rate, the Board notes that it was open to TransCanada to dispute 
the rate level during the Phase II proceeding to ensure that the Jasper Option was priced only to 
recover the costs of serving the customer. It was also open to other customers to ensure that the 
new option would not result in other customers bearing some portion of the costs of the customer 
served under the Jasper Option. The only evidence as to the appropriate level of the Jasper 
Option was placed on the record by AE. 
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comprise 40% of the peak demand on the isolated system serving it. That customer would clearly 
have a far more significant impact on Jasper system costs, on-peak or off-peak, than would any 
customer served on the AIS. Further there is a combination of gas and diesel generation serving 
the Jasper system which results in incremental costs which are very different from those of the 
AIS (Tr. p.459). Therefore, any discount to encourage off-peak usage should be less for those 
customers than for a customer on the AIS. Since the customer agreed to the option at 40%, the 
Board will approve the Jasper Option at the 40% level. However, the Board is not convinced by 
the evidence on the record that there is reason to increase the charge from 40% to 70%. The only 
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evidence is that there is an increase in gas prices from the time when the 40% was set and that 
the rate is somehow indexed to the price of gas. The Board was not provided explicit information 
on how the determination of the 70% level was arrived at and hence does not find an increase in 
the Jasper Option to the 70% appropriate. 
 
The Board directs AE to prepare a Filing for Acknowledgement for any new rate on a timely 
basis.  
 
(2) Firm Load Curtailment 
Certain parties submitted that firm customers should be entitled to compensation when load is 
curtailed for generation supply shortages. 
 
IPPSA/SPPA stated that interruptible customers provide a valuable service to the utility and its 
firm customers and are compensated in the form of reduced rates. When firm customers provide 
that service, AE avoids paying the extremely high pool prices of those periods.  
 
IPPSA/SPPA’s witness Mr. Knecht suggested that to increase the demand side commitments of 
the discos, a rider be added to AE’s tariff that applies to customers who have their load curtailed 
as a result of a generation shortage. By curtailing load, the disco should be obligated to purchase 
that power back from those customers at its avoided cost if the disco has not arranged for 
sufficient generating capacity to meet the needs of its customers. In effect, customers get a credit 
for being curtailed that reflects their value to the system of being interrupted.  
 
TransCanada agreed with IPPSA/SPPA’s position that firm customers be compensated when 
they have their load curtailed. TransCanada considered that compensation is especially important 
if AE is not bound to procure new capacity to ensure continuous energy supply to its retail 
customers. 
 
Position of AE 

AE considered IPPSA/SPPA’s proposal to compensate customers for events of firm load 
curtailment is without merit. AE exercises all reasonable efforts to curtail other classes of 
customers and/or purchase the necessary power before it will curtail a firm customer. Given that 
AE no longer is responsible for ensuring that adequate generation is available this measure 
would be unfair and punitive. AE submitted the Board should reject this suggestion. 
 
Board Findings 

The Board understands that firm load customers are only curtailed for reasons of system 
emergencies and not for economic reasons.  
 
The Board considers that the obligation to provide distribution services does not include an 
obligation to compensate firm customers for load curtailment during system emergencies. 
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(3) Obligation to Serve 
Electric distribution systems provide the delivery service for energy available from the power 
pool. Parties questioned whether the obligation to serve or AE’s T&C required that AE ensure all 
energy needs of the customer will be met. 
 
Position of the Parties 
The MI considered it is extremely important for the municipalities to know who has the 
responsibility or obligation to provide the municipalities with sufficient electrical energy for their 
customer.  
 
The MI noted the Board’s statement in Decision U97065 at p.72: 
 

Since the definition of an electric distribution system is specific to plant, works, 
equipment, systems and services necessary to distribute electricity, it follows that 
the obligation set out in section 58 [of the Electric Utilities Act] are in respect of 
providing and maintaining the distribution function. They cannot be extended to 
confer upon a DISCO an obligation to ensure sufficient generation capacity to 
satisfy its customers needs. ...... 

 
Although a DISCO may not be obliged to ensure sufficient generation capacity, the MI stated 
that a positive obligation should exist on the DISCO to serve its customers. The MI noted that 
the T&C proposed by AE do not include an obligation to provide adequate power to customers.  
 
The MI submitted that AE’s T&C ought to include: 
 
 (a) AE shall use its best efforts to determine the energy requirements of each 

customer class; and 
 

(b) AE shall use its best efforts to supply the electric energy to its customers that is 
required to be provided through the legislated hedges. 

 
TransCanada considered that AE enters into a contractual arrangement to provide service. This 
contractual relationship is to “make all reasonable efforts to maintain a continuous supply of 
energy to its customers, but the company cannot guarantee an uninterrupted supply.”40 
 
TransCanada submitted that AE has a contractual commitment to make all reasonable efforts to 
maintain a continuous supply of energy to its customers and that AE should be required to 
prudently procure (but not necessarily construct) generation capacity to ensure the continuous 
supply of energy required by its customers. Further, TransCanada submitted that if AE is unable 
to maintain a continuous supply of energy to its customers and the Board rules that AE does not 
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have an obligation to procure capacity, the Board should prescribe a mechanism that would 
allow customers to acquire their own supply.  
 
Position of AE 
AE noted that the MI considered that AE’s obligation to serve should exist. AE considered that it 
is the legal obligations imposed on AE by s. 58 of the EU Act that is important. The Board 
specifically addressed this issue in its U97065 Phase I Decision.41 AE stated that it is on this 
basis that AE governs its activities 
 
AE disagreed with TransCanada that AE must prudently procure generating capacity to ensure 
that it can meet its contractual obligations.42 AE stated that AE is no longer responsible to ensure 
that adequate generating capacity is available. AE will fulfill its contractual obligations to its 
customers through AE’s T&C. 
 
Board Findings 
The Board notes that the EU Act states: 
 

58(1)  The owners of electric distribution systems and the Transmission 
Administrator 
 
 (a) shall provide and maintain service that is safe, adequate and 

proper, and 
 

 (b) shall not withhold a service that the Board has ordered it to 
provide. 

 
(2) Subsection (1) does not apply to an electric distribution system that is not 
an electric utility. 

 
(3) The owners of electric utilities and the Transmission Administrator shall 
not act in a manner that is unjust, unreasonable, unduly preferential, arbitrarily or 
unjustly discriminatory or inconsistent with or in contravention of this or any 
other enactment or any law. 

 
In Decision U97065, as quoted above by the MI, the Board concluded that the duties of the 
DISCO are to provide distribution services for the energy that is available from the power pool. 
The market provides the energy and capacity. The Board notes that customers who require 
greater certainty than the market driven power pool can supply have the option to self generate.  
 

                                                 
41 p. 72 
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The DISCO’s obligation to serve is to provide and maintain distribution service that is reliable 
and safe. AE provides the distribution facilities and services to serve the needs of its customers. 
The Board considers AE’s T&C are consistent with AE DISCO’s obligation to serve.  
 
(4) Shared Use of Overhead Facilities 
The CCA noted that AE monitored the TransAlta 1996 Phase 2 Rate application, wherein 
TransAlta applied for a new tariff (Rate 9100) for the shared use of its overhead facilities. 
 
The CCA noted that AE is currently operating under contracts for the shared use of its overhead 
facilities with other electrical utilities and with cable and telephone companies. The contracts 
have expired and AE is negotiating to develop new contracts. The CCA also noted that AE 
would apply to the Board for approval of an appropriate tariff if negotiations were not successful.  
 
The CCA submitted that if the Board approves Rate 9100 for TransAlta, AE should make a 
similar rate available.  
 
Position of AE 
AE submitted that the TransAlta matter is not at issue in AE’s case and AE should be permitted 
to deal with third parties on a commercial basis. 
 
Board Findings 

The Board notes that AE is negotiating new contracts in respect of the shared use of overhead 
facilities. The Board agrees with AE that the TransAlta Rate 9100 issues are not issues in AE’s 
case as is evidenced by the lack of intervention by cable or telephone companies in this 
proceeding. 
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6. OTHER MATTERS 

(a) Interest on Rate Refunds 
When a utility has interim rates in place it will normally collect revenues either surplus to, or 
deficient from, the revenue requirement which the Board ultimately approves. In the past the 
Board has not allowed interest on such a deficiency or surplus. Instead the Board has approved a 
rate adjustment intended only to refund the forecast surplus or to collect the forecast deficiency.  
 
This practice has been questioned in some recent proceedings. The Board therefore initiated a 
generic proceeding to deal with the question of whether or not it is appropriate for the Board to 
change its policy on the awarding of interest on rate adjustments for both electric and gas 
utilities. The Board stated in a letter dated 25 August 1998 that it would 
 

…hold a proceeding in writing to deal with the matter of the payment of interest 
on adjustments to rates and other payments where necessary approval, and 
subsequent disposition, has been delayed in the normal course of proceedings. 
This matter is to be addressed in a more specific context in the Phase II portions 
of the 1996 Electric Tariff Applications and has also been raised in other 
proceedings. 

 
Near the end of the Phase I portion of this application, in October 1997, IPCAA raised the issue 
of whether  interest should be paid to customers on the refunds resulting from Decision U97065 
(the 1996 Phase I decision). The Board responded to IPCAA by stating that the Board has the 
jurisdiction to deal with the question of interest on adjustments in the Phase II portion of the 
proceedings. The Board later clarified that the issue was to be addressed in the Phase II portion 
of the proceedings. 
 
Position of Intervenors 
IPCAA submitted that AE should pay interest on any amounts that it has been ordered to refund 
to customers. IPCAA stated that the EU Act does not prevent the payment of interest. IPCAA 
submitted that the payment of interest on rate adjustments arises from a principle of fairness. 
IPCAA submitted that rates that do not account for the time value of money cannot be just and 
reasonable.  
 
IPCAA noted that the concept of carrying charges is recognized by virtually every other rate 
regulating board and commission in Canada. These carrying charges whether or not they are 
calculated as interest, are applied to monies owed to or by the regulated entity in order to protect 
against the impacts of regulatory lag and other delays. This ensures that a party, either the utility 
or customer, is not unduly burdened if it does not receive timely payment of an amount that it is 
owed.  
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with these excess earnings even though the utility’s approved revenue requirement assumed a 
financing cost. IPCAA submitted that this enables a utility to earn in excess of the approved 
return on their investment. 
 
IPCAA further stated that any order or direction that the Board might issue in this proceeding 
regarding the payment of interest must stipulate that the interest obligation be for the account of 
the shareholder of AE and not be recoverable from customers. Interest should be payable at a 
rate equal to the composite rate of return on rate base of AE on all outstanding amounts until the 
refunds have been completed. 
 
IPPSA/SPPA submitted that fairness, and common sense should prevail on this issue and AE 
should be directed to refund to customers’ interest on over-collected funds resulting from the 
1996 Phase I decision. The rate of interest should be set equal to AE’s 1996 approved composite 
rate of return on rate base (9.2%). In addition, the interest expense should be for the account of 
AE shareholders, and not AE customers. 
 
Position of AE 
In Reply Argument AE noted IPCAA’s submission that the Board should direct that interest be 
payable on any rate refunds which result from this Phase II proceeding. AE stated that the Board 
is aware, the matter of the payment of interest is the subject of a separate proceeding currently 
ongoing before the Board. AE has made a submission in that proceeding. AE stated that it is 
prepared to accept the outcome of the Board’s Decision in that proceeding and have it applied to 
this Phase II Application. Should the Board find that this matter should be addressed separately 
in these proceedings, AE would simply request that the positions taken by AE in the written 
proceeding be incorporated into this argument by reference. 
 
Board Findings 
The Board is in the process of considering a general policy with respect to interest on rate 
adjustments. The Board considers, however, that IPCAA’s frequent requests for a change to the 
Board’s policy provided sufficient notice to parties in these proceedings that the Board might 
consider the issue of interest on adjustments. Absent the Board’s finalization of its policy the 
Board will make a determination with respect to the payment of interest as it pertains to this 
application. 
 
The Board considers that interest may be awarded on over collections or under collections in 
certain circumstances where the amount is material and may be awarded to either the customers 
or the utility. The Board notes that the Board approved, in Board Order U97154, AE’s revenue 
requirement and determined a revenue surplus of $200,000.  
 
The Board is not convinced that, in this case, the amount on which interest is to be awarded 
meets the criteria of materiality. Therefore, the Board will not direct AE to refund interest on the 
rate adjustments that resulted from Decision U97065. 
 
 
Decision U99034 Page 118 10 August 1999  



6. OTHER MATTERS  AE 1996—Phase II 

(b) Interest Penalties on Late Payments  
In general, an amount is added to a customers bill if a customer does not pay the bill by the 
specified due date. The amount is usually expressed as a percentage of the amount due. 
 
Position of Intervenors 

The CCA noted that the Supreme Court of Canada issued a decision that a utility's late payment 
charge was a contravention of the Canadian Criminal Code provision respecting excessive 
interest. In particular, the Code prohibits receiving interest at an effective annual interest rate 
greater than 60.00%. 
 
The Supreme Court found that for a specific number of days, the late payment charge amounted 
to interest at a criminal rate. This was dependent on certain circumstances, including when the 
payment was received and what billing and payment program a customer was using. The result 
was the Court recognized the fact while the utility company charges a monthly penalty for late 
payments, customers pay bills on a daily basis, including late payment penalties. 
 
Based on this recent decision, the CCA requested the Board direct AE to obtain a report from an 
independent certified/licensed actuary confirming whether its existing and proposed late payment 
charge and collection practices offend s.347 of the Criminal Code of Canada. Based on the 
findings of the actuarial report, review its records for the last ten years to determine the level of 
any over-collection, if any, provide such information at the time of the 1999/2000 GRA 
proceeding, and track all late payment charges received by the Utility in a separate account for 
future regulatory proceedings. 
 
Position of AE 
AE opposed CCA’s suggestion that the Board require AE to retain an Actuary to calculate the 
interest on late payments, as well as, conduct a retroactive review of such payments for a ten-
year period. While a Court action involving this issue would require actuarial support, it is not 
the role or responsibility of the Board to require information that is not relevant to fulfilling its 
mandate. CCA provided no basis to justify such action. 
 
AE stated that the interest collected by AE on overdue accounts is pursuant to Board approved 
T&C. As well, for each Test Year AE estimates the amount of revenue it will receive from such 
payments and includes this amount as an “offset” to its overall revenue requirement, thereby 
reducing the rates payable by all customers. It must be understood that this is not a provision that 
results in benefits to AE.  
 
Board Findings 
The Board accepts AE’s position that it does not benefit from interest on late payments since it is 
forecast for a Test Year and the forecast amount is offset against AE’s revenue requirement 
thereby reducing the rates to all customers. The Board also recognizes that the late payment 
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interest charge has two important purposes. One is to encourage customers to pay their bills on 
time. The other is to penalize those customers that do not.  
 
The Board notes that the CCA was the only intervenor to comment on AE’s interest charge on 
late payments. The Board is currently reviewing the interest on late payments for all Alberta 
utilities in a separate process, in response to the Supreme Court of Canada decision. Therefore, 
the Board will not deal with the issue in this Decision 
 
 
(c) Data and Documentation 
Intervenors considered that had AE provided its COSS in a computerized format efficiencies and 
cost savings, for both the Board and Intervenors, would have resulted. The efficiencies and cost 
savings would have benefited all parties. 
 
Position of Intervenors 
AIPA/AAMDC/REA noted that several parties requested AE to provide the COSS in a 
computerized format. AE claimed that its COSS was proprietary and declined to provide any 
computerized information regarding that study. 
 
AIPA/AAMDC/REA stated that by not providing the computerized information, AE greatly 
increased the cost and burden on intervenors. Each time an intervenor wanted to analyze a 
relevant subset of AE’s numbers in the cost of service, the data had to be retyped by hand. Even 
without formulas the intervenors were able to determine that some kind of mistake or problem 
existed with AE’s analysis. Without the formulas intervenors could not determine how the 
problems arose or how the calculation carried through from one portion of AE’s analysis to 
another. The failure to provide computerized information also made it difficult to understand 
how certain costs were allocated to customer classes. 
 
AIPA/AAMDC/REA noted that, TransAlta in its proceeding, provided intervenors with a 
computerized format, making it much easier to analyze and process the results. 
 
AIPA/AAMDC/REA agreed with the witness for the Alberta Co-generation Council on the 
consequences of AE not providing an electronic version of the COSS. Provision of an electronic 
version of the COSS would have: 
 

• greatly facilitated the task of verifying the accuracy of the study and its calculations 
• made it easier and more accurate for intervenors to perform “what if’ scenarios 
• ensured that all changes proposed would emanate from a common starting point 
• lowered the cost of intervention  

 
AIPA/AAMDC/REA submitted that the Board should order AE to provide computerized 
information in its next Phase II. 
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AIPA/AAMDC/REA also submitted that the Board, in recognizing intervenor costs in this 
proceeding, should take into account the extra burden that AE unnecessarily placed upon 
intervenors by refusing to provide a computerized version of its cost of service filing. 
 
IPPSA/SPPA submitted that a thorough, analytical review of the AE proposed COSS in this 
proceeding was substantially frustrated both by the structure of the proceeding and the behavior 
of AE. First, AE submitted a COSS with its filing which did not contain an electronic version of 
the study, nor was it complete, nor did it include the backup working papers needed to evaluate 
the study. Without the necessary working papers intervenors were limited to asking for the 
backup materials as part of the interrogatory process and attempting to evaluate the COSS from 
the summary paper tables. Despite the limitations, the intervenors’ interrogatories uncovered 
numerous flaws in the study, and AE eventually produced (paper copy only) a substantially 
revised, full study on September 30. At that point, no serious discovery regarding this study was 
practical, and effective intervention was limited. 
 
IPPSA/SPPA agreed with Dr. Rosenberg’s assessment: 
 

I believe there are two main areas where AE has been less than helpful. First is 
their refusal to supply their class COSS in an electronic format. Second, the 
Company habitually takes the position that actual information, for example actual 
billing determinants, is irrelevant to a Phase II hearing.43  

 
Many aspects of AE’s study have therefore not been adequately reviewed. IPPSA/SPPA believed 
that interventions could be both more effective and efficient if filing requirements were imposed 
on the utilities. For the COSS, these include a full COSS and any underlying computer files or 
code, working papers used to develop classification factors and allocators, and detailed load 
research information and results used to derive billing determinants. 
 
IPPSA/SPPA submitted that as part of its next Phase II filing, AE should submit a detailed COSS 
of distribution costs, including electronic and other working papers, backup data, and any 
specific studies upon which it relied for allocation of costs. 
 
ACC stated that for the reasons enunciated in Exhibit 91, urged the Board to direct AE to share 
its COSS, in electronic form, with intervenors in future rate cases. 
 
Position of AE  

AE noted that, in Final Argument, a number of parties referred to the fact that AE refused to file 
an electronic copy of its models as requested during the Information Request phase of this 
proceeding. Certain parties stated that TransAlta had filed such electronic models and that cost 
savings and efficiencies would have resulted had AE filed its electronic models. AE stated that 
this issue was the subject of a specific preliminary motion, which was denied by the Board. AE 
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indicated that its models contain confidential information, as they have been designed with the 
understanding that they would be maintained in confidence. AE stated that should disclosure be 
required, AE would have to redesign its models in order to ensure that confidential client 
information was protected. The manner, in which this issue should be handled in the future, 
should it arise, should be left to the hearing panel dealing with such a case. 
 
AE also noted that the fact that TransAlta provided electronic models did not appear to expedite 
either the Information Request phase or the public hearing process in that proceeding. AE further 
noted that the tangible benefits foreseen by certain intervenors have not been demonstrated. 
 
Board Findings 

The Board generally agrees with the parties that the availability of electronic models would have 
assisted the Board and intervenors with the analysis of data included in the model. The extra time 
spent analyzing data manually might have been spent analyzing other issues in greater depth. 
 
The Board notes that its letter of 14 October 1998, provided to all parties, required AE to provide 
only the data for this proceeding in electronic format; in essence accepting AE’s indications that 
it would have to redesign its models in order to ensure that confidential client information was 
protected. However, the Board considers that the letter put AE on notice that it should be 
prepared to provide its COSS in a working electronic format if so requested in future 
proceedings. The Board directs AE to develop a format that will allow it to provide future COSS 
in working electronic format. 
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7. SUMMARY OF BOARD DIRECTIONS 

 
This section is a summary of Board directions and has been prepared for the convenience of all 
parties. The directions in the main body of the Decision shall prevail over this summary if there 
are any differences. 
 
 
1. The Board therefore directs AE to use actual 1998 pool prices for the purpose of 

determining the cost of pool purchases used in the refiling. The actual 1998 pool price 
record should be utilized in the calculation of pool purchases, Unit Obligation Values 
(UOVs), TOU rates and annual average energy costs. (See also Section 3(b)) [Section 
2(a)(1)] p. 9 

  
2. Therefore, since in Section 2(c), the Board finds that 25 kV costs should now be in 

transmission, the Board directs AE to pass through the actual TA Billings to every 
customer served at 25 kV or higher who is the only customer at a POD. [Section 2(d)(1)] 
p.25 

  
3. Therefore, the Board directs AE to provide, at its next GRA, a study that applies the 

principle of cost causation, reflects changes in asset use since Decision E90050, and 
considers changes in the mix of customers in the customer and demand classifications. 
[Section 2(e)] p.33 

  
4. The Board, therefore, directs AE to incorporate the 1993 study for marketing expenses 

into this proceeding. The Board also directs AE to update its marketing expense study for 
future Phase II applications. [Section 2(e)] p.33 

  
5. The Board also directs AE to update its marketing expense study for future Phase II 

applications. [Section 2(e)] p.33 
  
6. The Board directs AE to include meter reading and billing frequency as part of the 

allocation of customer accounting costs and to undertake a study to assess the 
reasonableness of the 2% weighting to energy, for its next Phase II proceeding. [Section 
2(e)] p.33 

  
7. Therefore, the Board directs AE to set its DISCO’s overall revenue-to-cost ratios to 100% 

for each cost source. [Section 3(a)] p.39 
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8. To ensure some degree of rate stability in moving to accurate cost signals, the Board 
directs that in the refiling, the DISCO keep the overall increase in revenue arising from 
the rate redesign at less than 10% for any rate class. The revenue-to-cost ratio for both the 
Energy Supply and TA Billings components of each rate should be moved to exactly 
100%, with the DISCO Services component (which is a residual) adjusted to ensure the 
overall increase in revenue is less than 10% for every rate class. [Section 3(a)] p.40 

  
9. The Board directs that AE apply the actual 1998 hourly pool price record to AE’s actual 

1998 class load data in AE’s refiling. [Section 3(b)] p.41 
  
10. The Board directs AE to apply its actual metered class hourly load to the actual 1998 

hourly pool price record to determine a more appropriate annual average cost of energy 
for each fixed rate class. [Section 3(b)] p.42 

  
11. Similarly, the Board directs AE to use the average actual pool price in each TOU period in 

1998 as the cost of energy components in the TOU rates. [Section 3(b)] p.42 
  
12. The Board directs AE to use the fixed amount “H” charge calculated using the 1998 pool 

price record and total 1998 AE DISCO annual energy usage. [Section 3(b)] p.42 
  
13. The Board directs AE to use the TA’s interim 1999 rates (as approved in Order U99018, 

dated 11 February 1999) and AE DISCO’s actual 1998 TA invoiced kWh and kW to 
determine updated TA Billings. The allocation to rate classes and transmission served 
customer classes should use actual 1998 hourly class load and NCP data to determine the 
kWh and kW charges. [Section 3(b)] p.42 

  
14. The Board also directs AE to indicate the separate charges for the TA Billings and DISCO 

Services components on each rate schedule. [Section 3(b)] p.42 
  
15. AE is directed to deduct the resulting total updated 1998 forecast costs of Energy Supply 

and updated TA Billings from AE DISCO’s 1999 negotiated revenue requirement (as 
approved by the Board in Decision U99046) and use the resulting 1999 residual as the 
cost of AE’s DISCO Services in the refiling. [Section 3(b)] p.42 

  
16. The Board directs AE to prorate the 1998 distribution cost allocations (as adjusted for the 

removal of the 25 kV costs from distribution) in the Application to the 1999 residual in 
the re-filing to determine a level for the DISCO Services components in the refiled rates. 
[Section 3(b)] p.42 

  
17. The Board further directs AE to attempt to confine the entire effect of any riders arising 

out of the 1999/2000 settlement agreements to the DISCO Services components of the 
rates. For those customers served at the transmission level the effect of any riders should 
be confined to the TA Billings components. [Section 3(b)] p.42 
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18. The Board directs AE to refile its COSS and rates on 1 September 1999. To confirm 
compliance to the Board’s directions, the Board directs AE to supply tables setting out 
revenue-to-cost ratios for each rate by cost source (Energy Supply, TA Billings and 
DISCO Services) and to confirm that overall DISCO revenue-to-cost ratios by cost source 
are at 100%. [Section 3(b)] p.43 

  
19. On that basis, the Board directs AE to refile company farm rates that reflect, in their 

DISCO Services component, the average change in the DISCO Services component of AE 
rates. [Section 4(b)(2)] p.52 

  
20. Therefore, the Board directs AE to confer with the REAs to attempt to establish an 

appropriate level for the distribution wire and metering costs for company farm rates 
based on a benchmark of REA farm costs, prior to the PDT hearing. [Section 4(b)(2)] p.52 

  
21. The Board directs that Price Schedule 32 should be modified to work exclusively for 

small distribution-connected generators in conjunction with Price Schedule 91. [Section 
4(e)(2)] p.73 

  
22. Therefore, the Board considers that the energy charges should flow through the pool price 

on Price Schedule 32 and that transmission-connected generators should only be eligible 
for the actual pool price DAT. Accordingly, the Board directs that AE incorporate the 
same Energy Supply charges as established for the actual pool price DAT in its refiled 
Price Schedule 32. [Section 4(e)(2)] p.73 

  
23. Therefore, the Board directs that AE design a TA Billings component consistent with a 

15% peak demand coincidence factor for distribution-connected generators. These 
demand charges are to be levied on the standby portion of the customer’s load, not on 
Base Demand. Base Demand should be billed on the applicable underlying Price 
Schedule. On-peak and off-peak energy charges should mirror the TA charges. [Section 
4(e)(2)] p.74 

  
24. Under Price Schedule 91 distribution-connected generators will be required to pay for all 

upgrades to the distribution system required for their service. Therefore, the Board directs 
that DISCO Services charges only be levied on demand above the Base Demand plus the 
demand contracted under Price Schedule 91. The DISCO Services charges should be the 
same as for the applicable underlying Price Schedule. [Section 4(3)(2)] p.74 
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25. However, in light of the Board’s intent in this Decision to remove all demand charges 
related to Energy Supply, the Board directs that the negotiated demand charge included 
under generation costs in the AE rate schedule be included instead under DISCO Service 
charges in the refiling. [Section 4(e)(3)] p.77 

  
26. Therefore, the Board directs AE to consider only distribution related constraints when its 

customers otherwise qualify for the POR. [Section 4(e)(3)] p.77 
  
27. Therefore, the Board directs AE to adopt the following conditions for Price Schedule 33: 

• The POR is available only when the TA determines that there is sufficient 
transmission capacity. Energy purchases may be curtailed at the TA’s request for 
transmission system reasons. 

• The POR is available only when the TA determines that there is sufficient distribution 
capacity. Energy purchases may be curtailed at TA’s request for distribution system 
security reasons. 

• The POR is available only to customers who meet the approved eligibility 
requirements and terms and conditions established by the TA for this type of service 
(i.e. GOS). 

• AE will work with eligible customers to qualify their loads for GOS. 
• The POR is available throughout the territory served by AE from the AIS for eligible 

loads greater than 1,000 kW. 
• The POR is applicable to WESCUP (In addition a monthly charge of $53,545, for 

WESCUP’s transmission facility, is part of the Rider E Schedule.)  
[Section 4(e)(3)] p.77 
 

28. Therefore, the Board directs AE to incorporate the same Energy Supply charges as 
established for the actual pool price DAT in the refiled Price Schedule 38. 
[Section 4(e)(5)] p.79 

  
29. The Board directs AE to change its Price Schedule 41 ratchet to 85% for those customers 

served at the distribution level. [Section 4(f)(1)(A)] p.81 
  
30. The Board therefore directs AE to include a study, with its PDT filing, that examines the 

commonalties and benefits shared between, oilfield, general service and farm customers 
and recommends an appropriate rate class or classes for these customers based on the 
costs to serve each customer type. [Section 4(f)(1)(A)] p.82 

  
31. Therefore, the Board directs AE to provide a comprehensive review of the effects of 

changing demand meter types prior to the PDT hearing. [Section 4(f)(1)(B)] p.83 
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32. However, the Board notes that AE indicated that the 325 kWh/kW was more accurate at 
the of the hearing and the Board has directed that in most cases the actual 1998 values be 
used to determine cost of service for the rates arising out of the refiling. Therefore, the 
Board directs AE to use the 325 kWh/kW for Price Schedule 41 in its refiling. 
[Section 4(f)(1)(C)] p.83 

  
33. Therefore, the Board directs that AE require each generator to pay all of the incremental 

cost required to allow it to use the distribution system. [Section 4(g)(1)] p.87 
  
34. All costs of connection, and any costs required to upgrade upstream distribution facilities, 

will be payable by the generator. The Board directs AE to provide an option to allow 
generators to pay the costs of interconnection to AE over time, in the manner similar to 
Rider E. [Section 4(g)(1)] p.87 

  
35. The Board also considers that each generator should be responsible for incremental 

operation and maintenance costs caused by any distribution upgrades it requires. The 
Board also directs AE to propose an appropriate charge for these incremental costs based 
on the operation and maintenance charges in Price Schedule 31. [Section 4(g)(1)] p.87 

  
36. The Board further directs AE to set location credits or charges to zero for all generators 

less than 5 MW. If the generator or AE believes that losses are significantly affected by 
the location of a generator, the party seeking the change shall be responsible to pay for a 
local engineering study to calculate the effect of their operation on line losses. All 
proposed generators of capacity greater than 5 MW will be responsible to pay for a local 
engineering study, by a party agreed upon by the generator and AE, to calculate the effect 
of their operation on line losses. The Board directs AE to provide all information required 
for these studies and to reflect the results of the study in the particular generator’s rate. 
[Section 4(g)(1)] p.87 

  
37. Therefore, the Board directs that AE close the Temporary DAT to new customers as of the 

date of this Decision. [Section 4(h)] p.93 
  
38. Therefore, the Board directs AE to design its TOU DAT rate with the following separated 

components: 
• the average actual pool price in each TOU period in 1998 representing  the cost of 

energy components in the TOU rates; 
• the fixed amount “H” charge calculated using the 1998 pool price record and 1998 

total AE  DISCO annual energy usage; and 
• TA Billings charges which pass through the TOU charges in the TA’s rates. 
[Section 4(h)] p.95 
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39. Therefore, the Board directs AE to design its actual pool price DAT rate with the 
separated components which follow: 
• the actual pool price in each hour less the adjustment amount if the adjustment is 

positive as the cost of energy component; 
• the fixed amount “H” charge calculated using the 1998 pool price record and 1998 

total AE  DISCO annual energy usage; and 
• TA Billings charges which pass through the TOU charges in the TA’s rates. 
[Section 4(h)] p.96 

  
40. Therefore, the Board considers it appropriate to direct that DAT rates include the 

provision that notice can be given only after a customer has been on the rate for six 
months. [Section 4(h)] p.96 

  
41. The Board accepts Price Option N as filed, but directs AE to provide justification if it 

wishes to continue pricing this Option below cost in its next Phase II proceeding. 
[Section 4(i)(3)] p.100 

  
42. In light of the findings regarding the allocation of the costs of transmission and 

distribution facilities, the Board directs AE to refile the Price Option P credit with any 
adjustments required to reflect the revised allocations. [Section 4(i)(4)] p.101 

  
43. The Board will allow AE to withdraw this Price Option when the Board approves a final 

TOU DAT. The Board directs AE to keep Option T in effect until that time. [Section 
4(i)(5)] p.102 

  
44. Therefore, the Board directs AE to refile Price Option U adjusted as required to reflect 

this and other findings in the Decision. [Section 4(i)(6)] p.103 
  
45. In light of the findings in Section 3(a), the Board directs AE to redesign Rider A-2 to 

collect an additional 10% in overall revenue. [Section 4(j)(2)] p.104 
  
46. Since the Board allowed certain portions of the T&C (set out in Exhibit 51) to be 

extracted from the Phase II proceeding, the Board considers that it would be inappropriate 
to deal with those portions in this Decision. AE is directed to provide an update on the 
status of those portions of the T&C extracted, the negotiations, and a plan for dealing with 
any matter discussed but not resolved through the negotiations. [Section 5(a)] p.109 

  
47. The Board directs AE to prepare a Filing for Acknowledgement for any new rate on a 

timely basis. [Section 5(b)(1)] p.113 
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8. ORDER 

Therefore, it is ordered that: 
 
(1) ATCO Electric Ltd. shall refile its proposed Rates and Options and its Terms and 

Conditions, on or before 1 September 1999, incorporating the findings of the Board in 
this Decision. 

 
(2) ATCO Electric Ltd., in its refiling, shall include a cost of service study incorporating the 

findings of the Board in this Decision 
 
(3) ATCO Electric Ltd., in its refiling, shall include the revenue-to-cost ratios for each rate 

by cost source (Energy Supply, TA Billings and DISCO Services). 
 
 
DATED in Calgary, Alberta on 10 August 1999. 
 
ALBERTA ENERGY AND UTILITIES BOARD 
 
 
 
 
B. T. McManus, Q.C. 
Presiding Member 
 
 
 
 
J. P. Prince, Ph.D. 
Member 
 
 
 
 
H. Jainarine, FCCA 
Acting Member 
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APPENDIX 1 

 
PARTIES PARTICIPATING IN THE PROCEEDING 

 

PRINCIPALS AND REPRESENTATIVES 
  
ATCO Electric Ltd. (AE) Mr. L. G. Keough 
  
Municipal Intervenor (MI) Mr. J. A. Bryan, Q.C. 
  
Industrial Power Consumers Association of 
Alberta (IPCAA) 

Mr. D. E. Crowther 

  
Alberta Association of Municipal Districts and 
Counties (AAMDC) 

Mr. L. J. Burgess, Q.C. 

  
Alberta Irrigation Projects Association (AIPA) Mr. H. Unryn 
  
TransCanada Energy Ltd. (TransCanada) Ms. B. Andriachuk 
  
Alberta Federation of REAs Ltd. (REA) Mr. K. L. Sisson 
  
Public Institutional Consumers of Alberta 
(PICA) 

Ms. N. J. McKenzie 

  
Consumers’ Coalition of Alberta (CCA) Mr. J. A. Wachowich 
  
EPCOR Utilities Mr. J. Liteplo 
  
Slave Lake Pulp Corporation (SLPC) Mr. M. Forster 
  
Canadian Forest Products Limited (Canfor) Mr. T. E. Vanderveen 
  
Independent Power Producers Society of 
Alberta and Senior Petroleum Producers 
Association (IPPSA/SPPA) 

Mr. L. L. Manning 

  
Enmax Corporation (Enmax) Mr. R. Brander 
  
Alberta Co-generators Council (ACC) Mr. R. C. Secord 
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WITNESSES 
 

 
ATCO Electric Ltd. Mr. W. Frost 

Ms. H. Kirrmaier 
Mr. J. Olsen 
 

Industrial Power Consumers Association of Alberta Mr. M. Drazen 
Ms. B. S. Hoffman 
Mr. R. Mikkelson 
Mr. R. Gallant 
Mr. D. Macnamara 
 

The FIRM Customers Mr. W. B. Marcus 
 

Alberta Federation of REAs Ltd. Mr. W. B. Marcus 
 

Senior Petroleum Producers Association Mr. K. Wilford 
Mr. D. Hildebrand 
Mr. C. Samuels 
Mr. J. Clark 
 

Independent Power Producers Society of Alberta and 
Senior Petroleum Producers Association 

Mr. R. D. Knecht 
 
 

Alberta Co-generators Council Dr. A. Rosenberg 
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ABBREVIATIONS 

 

A&G Administrative and General 

AAMDC Alberta Association of Municipal Districts and Counties 

ACC Alberta Co-generators Council 

AE ATCO Electric Ltd. (formerly Alberta Power Limited) 

AIPA Alberta Irrigation Projects Association 

AIS Alberta Integrated System 

APL Alberta Power Limited 

Board or AEUB Alberta Energy and Utilities Board 

Canfor Canadian Forest Products Limited 

CCA Consumers Coalition of Alberta 

CGCL Consumers’ Gas Company Limited 

COSS Cost of Service Study 

DAT Direct Access Tariff 

DCGI Drazen Consulting Group Inc. 

DISCO Distribution Company 

EEMA Electric Energy Marketing Agency 

ESA Electric Service Agreements 

ESR Electric Service Regulations 

EU Act Electric Utilities Act 

EUA Act Electric Utilities Amendment Act 

FCE Fletcher Challenge Energy Canada Inc. 
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FIRM Customers Alberta Association of Municipal Districts and Counties, Alberta 
Federation of REAs Ltd., Alberta Irrigation Projects Association, 
Consumers Coalition of Alberta, Municipal Intervenors and Public 
Institutional Consumers of Alberta 

GENCO Generation Company 

GIO Grid Import Opportunity Service 

GIS Grid Interconnection Service 

GOS Grid Opportunity Service 

GRA General Rate Application 

Gridco Grid Company of Alberta 

GSS Grid Standard Service 

GXO Grid Export Opportunity Service 

IPCAA Industrial Power Consumers Association of Alberta 

IPPSA Independent Power Producers Society of Alberta 

kV Kilovolt 

kVA Kilovolt ampere 

kW Kilowatt 

kWh Kilowatt hour 

MI Municipal Intervenors 

MVA Mega volt amperes 

NCP Non-Coincident Peak 

O&M Operating and Maintenance 

PDT Preliminary Distribution Tariff 

PICA Public Institutional Consumers of Alberta 
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POD Point of Delivery 

POR Pool Opportunity Rate 

REA Alberta Federation of REAs Ltd. 

RP Reservation payment 

SaskPower Saskatchewan Power Corporation 

SC/RV Stranded cost/residual value 

SLPC Slave Lake Pulp Corporation 

SPPA Senior Petroleum Producers Association 

T&C Terms and Conditions 

TA Transmission Administrator 

TDAT Temporary Direct Access Tariff 

TRR Totalization Rate Rider 

TOU Time-of-use 

TransAlta TransAlta Utilities Corporation 

TransCanada TransCanada Energy Ltd. 

TRANSCO Transportation Company 

UOA Unit Obligation Amount 

UOV Unit Obligation Value 

WESCUP Westcoast Energy Inc./Canadian Utilities Power 

3W/9NW 3 winter months/9 non-winter months 
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ORDER/ 
DECISION/ 
REPORT NO. 

 

DATE 

 

PARTICULARS 
   
E87100 18 December 1987 Alberta Power Limited, Edmonton Power and 

TransAlta Utilities Corporation (Decision – 1986 
Electric Energy Marketing Agency Application) 
 

E88080 23 December 1988 Alberta Power Limited, Edmonton Power & 
TransAlta Utilities Corporation (Decision – 1987 
Electric Energy Marketing Agency Application) 
 

E90050 15 October 1990 Alberta Power Limited (Decision – 1989/1990 
General Rate Application – Phase II) 
 

E91047 24 July 1991 Alberta Power Limited (Order – Fix the 
municipal revenue tax rate surcharge to be 
applied as an addition to its customers rates in the 
Town of Swan Hills) 
 

E92039 18 May 1992 Alberta Power Limited (Decision – 1992 General 
Rate Application B Phase I) 
 

E93035 25 May 1993 Alberta Power Limited (Decision – 1991/1992 
General Rate Application – Phase II) 
 

E95102 20 October 1995 Alberta Power Limited (Decision – 1993 
Expedited – Phase II) 
 

E95121 21 December 1995 Alberta Power Limited (Decision – 1996 Interim 
Electric Tariffs) 
 

U97065 31 October 1997 Alberta Power Limited, Edmonton Power Inc., 
TransAlta Utilities Corporation and Grid 
Company of Alberta ( Decision – 1996 Electric 
Tariff Application) 
 

U97154 19 December 1997 Alberta Power Limited (Order – 1995 Electric 
Tariff Refiling 
 

U98027 30 January 1998 Alberta Power Limited (Decision – 1997 Tariff 
Application) 

U98081 19 May 1998 Alberta Power Limited (Decision – 1998 Rates) 
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U98093 3 June 1998 TransAlta Utilities Corporation (Order – 1998 

Rate Application) 
 

U99006 25 January 1999 Alberta Power Limited (Decision – 1996 General 
Rate Application, Phase II – Conversion of Pool 
Opportunity Rate Service to Rate 31 Service) 
 

U99014 8 February 1999 Alberta Power Limited (Decision – 1996 General 
Rate Application, Phase II – Temporary Direct 
Access Tariff) 
 

U99018 11 February 1999 ESBI Alberta Ltd. (Order – 1999 tariffs on an 
interim refundable basis) 
 

U99046 10 May 1999 ATCO Electric Ltd. (Decision – 1999/2000 Tariff 
Application – Phase I – Negotiated Settlement) 
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APPENDIX 4 
 

HOW THE RP ALLOCATION METHOD MAY DISTORT THE POOL PRICE SIGNAL 
 

     

      

Page 1 of 2 
 

        VARIATION FROM PRIOR HOUR:                                                
    HOURLY GENERATION COST ALLOCATION TO CUSTOMER USING: IN PP        IN   GENERATION   COST    ALLOCATION                      
  Assuming that Load = Called Entitlements TRANSALTA’S PROPOSED METHODS BOARD METHOD TRANSALTA TRANSALTA BOARD 
 Example TAU Method    (For any ratio of     

Example     Pool Reservation Example   L 10%<Centitlem L=Centitlem L 10%>Centitlem Load/Centitlem) (Assuming (Assuming that (For any ratio of 
Hours Price Payment AVG UOP UOV ALL CLASSES ALL CLASSES ALL CLASSES ALL CLASSES  L=Centitlem L 10%>Centitlem Load/Centitlem) 

       (PP)      (AvgRP*UOV/AvgUOV) (Estimates)  (PP-UOP) PP+1.11*(RP-UOV) (PP+RP-UOV) PP+.909*(RP-UOV) (PP+Avg RP- Avg UOV) In each hour) In each hour)  
  (19.69*e/26.55)  (b-d) (b+1.11*(c-e)) (b+c-e) (b+.909*(c-e)) (b+19.69-26.55)       
             

(a) (b)            (c) (d) (e) (f) (g) (h) (i) (j) (k) (l) (m)
$/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh

1 32.00 20.77        4.00 28.00 23.97 24.77 25.42 25.14
   

2 40.00 25.59       5.50 34.50 30.11 31.09 31.90 33.14 8.00 6.32 6.47 8.00 
             

3             20.00 12.24 3.50 16.50 15.27 15.74 16.12 13.14 -20.00 -15.35 -15.77 -20.00
             

4             100.00 69.71 6.00 94.00 73.04 75.71 77.92 93.14 80.00 59.98 61.80 80.00
             

5             500.00 366.36 6.00 494.00 358.32 372.36 383.98 493.14 400.00 296.65 306.05 400.00
             

6             50.00 32.63 6.00 44.00 37.38 38.63 39.67 43.14 -450.00 -333.73 -344.31 -450.00
              

Annual Avg 31.25 19.69 4.70 26.55         23.64 24.39 25.01 24.39 -18.75 -14.24 -14.65 -18.75
Example           

 31.25 19.69 4.70 26.55 
      DEFINITIONS: 

Board’s “H” FACTOR -6.86  Centitlem= hour’s called entitlements  
H= Forecast annual DISCO RP- Forecast Disco total annual UOV refund L= hour’s load   

  Forecast Disco annual energy use 
  

PP= hour’s pool price  
AVG UOP= estimated MWh weighted average UOP of units running in the hour 

H= Annual Avg RP - Annual Avg UOV   =  19.69 - 26.55  =  - 6.86 
    

Annual Avg UOV=    total forecast annual Disco UOV/total forecast Disco annual energy use 
Annual Avg RP= total forecast annual Disco RP/total forecast Disco annual energy use  
“H” Factor= Annual Avg RP - Annual Average UOV  
Generation Cost=   pool price plus net value of legislated hedges  

 
   

            

         

      
        

  

  

    
     

 
This Attachment illustrates how variation in the generation cost allocated to customers does not match variation in the pool price signal when RP is allocated 
per TransAlta’s UOV based energy method (Column(c)). Column (c) shows how the RP allocated would be higher in high PP hours (Column (b)). As a result 
TransAlta’s method (Columns (k)&(l)) results in a distortion, since the generation cost allocated does not vary directly with variation in the pool price signal 
(Column (j)). The Board’s method (Column (m)) using the “H” Factor (H = annual avg RP-annual avg UOV) the variation in the generation cost allocated equals 
the variation in the pool price signal. (i.e. In hour 2 the pool price has increased from $32 to $40 or by $8, but the generation cost allocated under TransAlta’s 
method would increase by $6.32 or $6.14 (depending on the ratio of load to called entitlements and assuming that ratio remained constant). Under the Board’s 
method (Column (m)) the variation in hourly pool price would be exactly matched by the increase in generation cost allocated.) The annual average RP and UOV 
and the hourly PP and average UOP are numbers provided to illustrate the principles demonstrated herein and are not necessarily representative. 
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APPENDIX 4 C HOW THE RP ALLOCATION METHOD MAY DISTORT THE POOL PRICE SIGNAL 
 
 

Explanation of column:     Page 2 of 2 
 (a) example hour     
 (b) example pool price per MWh in example hour   
 (c) calculated RP per MWh allocated to the example hour: using TransAlta’s allocation method 
   RP = (Avg Annual RP)*(Hour’s Forecast UOV)/(Avg Annual UOV)   
 (d) estimated MWh weighted average UOP of the units running in the example hour per MWh 
          estimated AVG UOP=sum of each called unit’s UOA*(that unit’s UOP)/(sum of all units’ called UOAs) 
 (e) calculated UOV per MWh in example hour if load is equal to called entitlements 
   UOV = PP - AVG UOP     
 (f) calculated total generation cost per MWh to be allocated to customer if the load is 10% less than the called entitlements in the hour using 

TransAlta’s allocation methods 
        Generation Cost  = Hours Load *PP + 1.11*(Hour’s Load)*RP - 1.11*(Hour’s Load)*UOV = PP +1.11*RP - 1.11*UOV 
       Hour’s Load
 (g) calculated total generation cost per MWh to be allocated to customer if the load is equal to the called entitlements in the hour using TransAlta’s 

allocation methods 
        Generation Cost  =       Hour’s Load *PP + (Hour’s Load)*RP - *(Hour’s Load)*UOV   = PP + RP - UOV  
       Hour’s Load
 (h) calculated total generation cost per MWh to be allocated to customer if the load is 10% greater than the called entitlements in the hour using 

TransAlta’s allocation methods 
        Generation Cost  =       Hour’s Load *PP + .909*(Hour’s Load)*RP - .909*(Hour’s Load)*UOV = PP +.909*RP - .909*UOV 
   

 

 

    Hour’s Load
 (i) calculated total generation cost per MWh to be allocated to customer for any ratio of load to called entitlements using Board’s allocation method 

           Generation Cost  =       PP + H 
 (j) calculated variation from the prior hour in the pool price 

 
 

 Variation = (PP in prior hour) - (PP in hour)   
 (k) calculated variation from the prior hour in the total generation cost per MWh allocated, if the load is assumed to be equal to the called entitlements 

in each hour, using TransAlta’s allocation methods 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
 (l) calculated variation from the prior hour in the total generation cost per MWh allocated, if the load is assumed to be 10% greater than the called 

entitlements in each hour, using TransAlta’s allocation methods 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
 (m) calculated variation from the prior hour in the total generation cost per MWh allocated for any ratio of load to called entitlements using Board’s 

allocation method 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
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APPENDIX 5 
 

HOW THE METHOD OF ALLOCATION OF UOV REFUNDS MAY DISTORT THE POOL PRICE SIGNAL 
  

    

 Page 1 of 2 
 

          VARIATION FROM PRIOR HOUR:                                          
    HOURLY GENERATION COST ALLOCATION TO CUSTOMERS USING:                         IN PP      IN   GENERATION   COST    ALLOCATION                 
  Assuming that Load = Called Entitlements          TRANSALTA’S PROPOSED METHODS BOARD METHOD TRANSALTA TRANSALTA BOARD 

Example       
Example     Pool Reservation Example L 10%<Centitlem L=Centitlem L 10%>Centitlem Any Load/Centitlem (Assuming  (Assuming that (For any ratio of 

Hours Price Payment AVG UOP UOV ALL CLASSES ALL CLASSES ALL CLASSES ALL CLASSES  L=Centitlem L 10%>Centitlem Load/Centitlem) 
(PP)  (Set to 0) (Estimates) (PP-UOP) PP+1.11*(RP-UOV) (PP+RP-UOV) PP+.909*(RP-UOV) (PP+Avg RP- Avg  UOV)  In each hour) In each hour)  

   (b-d) (b+1.11*(c-e)) (b+c-e) (b+.909*(c-e)) (b+0-26.55)       
     

(a)             (b) (c) (d) (e) (f) (g) (h) (i) (j) (k) (l) (m)
$/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh $/MWh

1 32.00 0.00         4.00 28.00 0.92 4.00 6.55 5.45
   

2 40.00 0.00       5.50 34.50 1.71 5.50 8.64 13.45 8.00 1.50 2.09 8.00 

3             20.00 0.00 3.50 16.50 1.69 3.50 5.00 -6.55 -20.00 -2.00 -3.64 -20.00

4             100.00 0.00 6.00 94.00 -4.34 6.00 14.55 73.45 80.00 2.50 9.55 80.00
              

5             500.00 0.00 6.00 494.00 -48.34 6.00 50.95 473.45 400.00 0.00 36.40 400.00

6             50.00 0.00 6.00 44.00 1.16 6.00 10.00 23.45 -450.00 0.00 -40.95 -450.00
              

Annual Avg 31.25 0.00 4.70 26.55         1.78 4.70 7.12 4.70 -18.75 -1.30 -2.89 -18.75
Example              

  31.25 0.00 4.70 26.55       
            DEFINITIONS: 

Board’s “H” FACTOR -26.55  Centitlem= hour’s called entitlements  
H= Forecast annual Disco RP- Forecast Disco total annual UOV refund L= hour’s load   

  Forecast Disco annual energy use 
  

PP= hour’s pool price  
AVG UOP= estimated MWh weighted average UOP of units running in the hour 

H= Annual Avg RP - Annual Avg UOV   =  0 - 26.55  =  - 26.55 
    

Annual Avg UOV- total forecast annual Disco UOV/total forecast Disco annual energy use  
Annual Avg RP= total forecast annual Disco RP/total forecast Disco annual energy use  
“H” Factor= Annual Avg RP - Annual Average UOV  
Generation Cost=   pool price plus net value of legislated hedges  

  

  
    
        

             

         

             

             

             

  

  

  

    
    

 
This Attachment illustrates how variation in the total cost of generation does not match variation in the pool price under TransAlta’s method of allocating the 
UOV. The RP is set to 0 (Column (c)) so that the distortion caused can be clearly seen. Use of TransAlta’s UOV allocation method (Columns (k)&(l)) results in a 
distortion since the variation in generation cost allocated is not equal to the variation in the pool price signal (Column (j)). Under the Board’s method (Column 
(m)) using the “H” Factor (H = annual avg RP-annual avg UOV) the variation in generation cost allocated is equal to the variation in the pool price signal. (i.e. In 
hour 2 the pool price has increased from $32 to $40 or by $8, but the generation cost allocated under TransAlta’s method would increase by $6.32 or $6.14 
(depending on the ratio of load to called entitlements and assuming that ratio remained constant). Under the Board’s method (Column (m)) the increase in pool 
price would be exactly matched by the increase in generation cost allocated regardless of the ratio of load to called entitlements in either hour.) The annual 
average RP and UOV and the hourly PP and average UOV are numbers used to illustrate the principles demonstrated herein and not necessary representative. 
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APPENDIX 5 C HOW THE METHOD OF ALLOCATION OF UOV REFUNDS MAY DISTORT THE POOL PRICE SIGNAL 
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Explanation of column: 

   Page 2 of 2 

 (a) example hour 
 (b) example pool price per MWh in example hour   
 (c) RP has been set to zero to so as not to mask the effect of the UOV allocation methods 
 (d) estimated MWh weighted average UOP of the units running in the example hour per MWh 
    estimated AVG UOP=sum of each called unit’s UOA*(that unit’s UOP)/(sum of all units’ called UOAs) 
 (e) calculated UOV per MWh in example hour if load is equal to called entitlements 
   UOV = PP - AVG UOP     
 (f) calculated total generation cost per MWh to be allocated to customer if the load is 10% less than the called entitlements in the hour using 

TransAlta’s allocation methods 
     Generation Cost  = Hour’s Load *PP + 1.11*(Hour’s Load)*RP - 1.11*(Hour’s Load)*UOV = PP + 1.11*RP - 1.11*UOV 

     Hour’s Load  
 (g) calculated total generation cost per MWh to be allocated to customer if the load is equal to the called entitlements in the hour using TransAlta’s 

allocation methods 
     Generation Cost  = Hour’s Load *PP + (Hour’s Load)*RP - *(Hour’s Load)*UOV = PP + RP - UOV  
    Hour’s Load  
 (h) calculated total generation cost per MWh to be allocated to customer if the load is 10% greater than the called entitlements in the hour using 

TransAlta’s allocation methods 
     Generation Cost  = Hour’s Load *PP + .909*(Hour’s Load)*RP - .909*(Hour’s Load)*UOV = PP +.909*RP - .909*UOV 
   

 

 

 Hour’s Load  
 (i) calculated total generation cost per MWh to be allocated to customer for any ratio of load to called entitlements using Board’s allocation method 

        Generation Cost  = PP + H 
 (j) calculated variation from the prior hour in the pool price 

 
 

 Variation = (PP in prior hour) - (PP in hour)   
 (k) calculated variation from the prior hour in the total generation cost per MWh allocated, if the load is assumed to be equal to the called entitlements 

in each hour, using TransAlta’s allocation methods 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
 (l) calculated variation from the prior hour in the total generation cost per MWh allocated, if the load is assumed to be 10% greater than the called 

entitlements in each hour, using TransAlta’s allocation methods 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
 (m) calculated variation from the prior hour in the total generation cost per MWh allocated for any ratio of load to called entitlements using Board’s 

allocation method 
   Variation = (Generation Cost in prior hour) - (Generation cost in hour)  
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EXECUTIVE SUMMARY 

This Decision considers an application by the British Columbia Hydro and Power Authority 

(BC Hydro) to replace the existing 1993 Power Purchase Agreement between BC Hydro and 

FortisBC Inc. (FortisBC or Co-signatory) under Rate Schedule (RS) 3808 with a new Power Purchase 

Agreement (New PPA) and three supplemental agreements (Application).  They include the 

Imbalance Agreement, the Energy Export Agreement and the Master Accounting Agreement (the 

Associated Agreements).  The Application also seeks approval for associated amendments to RS 

3808 and for amendments to the existing General Wheeling Agreement under Tariff Supplement 

No. 2 to Rate Schedule 3817.  BC Hydro requests that the Commission approve the Application 

pursuant to sections 58 to 61 of the Utilities Commission Act (UCA), as the rates are not unjust or 

unreasonable. 

 

FortisBC as the Co-signatory, and for the purpose of purchasing energy and capacity a BC Hydro 

customer with Intervener status, filed submissions in support of the New PPA and the Associated 

Agreements.  BC Hydro points out that the New PPA and Associated Agreements have been 

negotiated under the same basic parameters of service as the 1993 PPA.  BC Hydro states the only 

change relates to the addition of a provision for FortisBC to purchase PPA power while 

simultaneously exporting in relation to the Waneta Dam Expansion (WAX) Project capacity.   

 

The New PPA is a 20-year fixed term agreement that continues to provide for up to 200 megawatts 

(MW) of capacity and 1,752 GWh/year of associated energy for FortisBC to meet a portion of its 

load service obligations.  The New PPA has a two-tranche pricing structure for energy.  Tranche 1 

up to 1,041GWh/year reflects an energy charge based on embedded cost rates equal to that of BC 

Hydro’s industrial customers on RS 1827, currently at 3.724 cents/kWh.  The Tranche 2 price 

reflects BC Hydro’s long run marginal cost, currently at 12.97 cents/kWh.  In contrast, the 1993 PPA 

provided FortisBC with the entire 1,752 GWh/year at the lower embedded cost rate.   

 



 
 

ii 

Assessment of Agreements 

Some Interveners expressed concerns about the fairness of including conditions in the New PPA 

that impact those customers that are not parties to the agreements.  Specifically, concerns related 

to the continued restrictions on self-generating customers in the FortisBC service area.  As a result, 

the Panel conducted two separate evaluations of the New PPA and Associated Agreements.  The 

first evaluation assessed the fairness of the agreements without consideration of the self-generator 

restrictions.  A second, separate parallel evaluation of the self-generator issues focussed specifically 

on section 2.5 of the New PPA. 

 

With regard to the first evaluation, the Panel gave weight to the fact that the New PPA and 

Associated Agreements were a result of an extensive and complex negotiation process by two 

sophisticated parties involving a series of trade-offs.  By way of a summary, the Panel concluded 

that the New PPA and Energy Export Agreement pass the Bonbright fairness and efficiency 

principles test and that the other Associated Agreements were not unjust, unreasonable, unduly 

discriminatory or unduly preferential.  Therefore, the New PPA and Associated Agreements 

represent a balanced package and, without consideration of the restrictions on FortisBC relating to 

its self-generating customers, are fair. 

 

The second evaluation raised concerns of such magnitude that the Panel decided to seek 

supplemental submissions from the registered participants on December 13, 2013.  This step 

resulted in valuable additional submissions, but in the end did not alleviate the earlier key concerns 

which were as follows: 

• Significant erosion in FortisBC’s customer protection as the customer is excluded 
from having any meaningful input into what its appropriate customer-specific 
baseline should be — and the potential for different treatment of self-generating 
customers in BC Hydro’s and FortisBC’s service territories; 

• Concerns related to the 2012 Information Report, which BC Hydro and FortisBC 
intend to use as guide for setting customer-specific baselines or Contracted 
Generator Baselines (GBLs); 

• Section 2.5 of the New PPA neither enforces the self-generation policy in the 
FortisBC service territory nor protects ratepayers.  It only protects BC Hydro’s 
ratepayers against potential detriment caused by arbitrage in FortisBC’s service area. 



 
 

iii 

Context for the Remaining Concerns 

The Panel finds that lack of consistent, clear Province-wide policies regarding self-generators is the 

likely underlying reason for the ongoing regulatory cases in FortisBC territory.  This absence is 

compounded by uncertainty surrounding the applicability of the 1999 Access Principles to self-

generators and lack of GBL Guidelines or other methodology consistently applied by FortisBC.  The 

Panel also accepts that past Commission rulings may have contributed to the current predicament.  

This lack of high level principles highlighted the need for a separate proceeding to provide more 

certainty and set principles on a go-forward basis as outlined in the following. 

 

Several Interveners requested that regulation for FortisBC’s self-generator customer exports should 

be addressed in a separate, stand-alone document.  The Panel further found that it is in fact extra-

ordinary for a policy issue of a regulated utility to be addressed through a rate schedule of another 

utility — even if that rate schedule is between the two utilities. Thus the self-generation policy 

issues must be addressed in the FortisBC service territory.  As a result, FortisBC is directed to 

initiate a consultation process in its service territory to address or ensure: 

(i) the potential benefits of self-generation; 
(ii) the 1999 Access Principles in the context of self-generating customers; 
(iii) if the GBL methodology is proposed, GBL Guidelines for both idle historic self-generation 

and new self-generation; and  
(iv) arbitrage is not allowed. 

 

Panel’s Preferred Solution 

In the interest of regulatory efficiency, the Panel’s preferred solution would be to immediately 

remove the restrictions from section 2.5 as it finds that due to the characteristics of the New PPA 

BC Hydro’s ratepayers no longer require the protection, especially in the short term.  However, the 

Panel also concludes that it may be somewhat premature as FortisBC’s self-generation policies are 

not sufficiently developed, articulated and approved by the Commission.  

 

Intermediate Solution 

The amendments to section 2.5 of the New PPA proposed by BC Hydro on April 9, 2014 offer a 

practical solution to move forward with prompt approval of the New PPA and Associated  

  



 
 

iv 

Agreements.  They allow for a separate BC Hydro consultation process with FortisBC and 

stakeholders, which is intended to increase transparency for determination of customer-specific 

baselines and Contracted GBLs.  Customer-specific baselines will now be determined in accordance 

with Commission-approved guidelines and in consultation with the customer.  Furthermore, 

FortisBC as the Co-signatory and most of the other Interveners provide their overwhelming 

support.  For this approach complements the Panel’s directive for FortisBC to start its own 

concurrent consultation process to establish high level self-generation policy principles in its own 

service territory. 

 

Accordingly, the Panel approves the New PPA and Associated Agreements for an effective date of 

July 1, 2014. BC Hydro is directed to initiate a consultation process that will result in an application 

for the New PPA Section 2.5 Guidelines by November 1, 2014.  Once the Guidelines have been 

approved by the Commission, they are to be added to the New Power Purchase Agreement as an 

appendix. 

 

In the interest of an efficient process, the Panel encourages collaboration between BC Hydro and 

FortisBC to the extent possible as these two concurrent consultation processes are carried out.  The 

Panel is hopeful that once these undertakings have resulted in well documented Commission-

approved principles, the Commission will seek submissions from parties to determine whether it 

would be reasonable to eventually remove the restrictions from section 2.5 of the New PPA — in 

pursuit of improved regulatory efficiency. 



 
 

1 

1.0 INTRODUCTION 

The British Columbia Hydro and Power Authority (BC Hydro, the Applicant) has supplied electricity 

to FortisBC Inc. (FortisBC, the Co-signatory) for 20 years, pursuant to a Power Purchase Agreement 

dated October 1, 1993.  The energy supply provided is to meet a portion of FortisBC’s load service 

obligations, at rates established by the British Columbia Utilities Commission (Commission or BCUC) 

and set out in BC Hydro’s Rate Schedule 3808.  This Decision considers an application by BC Hydro 

requesting approval to replace the 1993 Power Purchase Agreement (1993 PPA).  

 

The 1993 PPA expired on September 30, 2013.  Both BC Hydro and FortisBC provided the 

Commission with written acceptance to continue the current Commission approved Rate Schedule 

(RS) 3808 and the 1993 PPA until such time as the Commission determines otherwise.  (Exhibit 

B-15; Exhibit C1-23) 

 

BC Hydro is a Crown corporation with a mandate to generate, transmit, distribute and sell 

electricity and is the largest generator of electricity in the Province of British Columbia.  BC Hydro is 

the main distributor of electricity for most areas within the Province with a few exceptions, 

including the Kootenay region, where FortisBC provides electric service.  FortisBC is an integrated 

utility that generates, transmits and distributes electricity to approximately 163,000 customers 

including residential, commercial, wholesale and industrial users.  The map of the FortisBC service 

territory is enclosed as Appendix A. 

1.1 The Application and Orders Sought 

On May 24, 2013, BC Hydro filed an application with the Commission requesting approval, pursuant 

to sections 58 to 61 of the Utilities Commission Act (Act or UCA), to replace the existing 1993 PPA 

between BC Hydro and FortisBC (the Parties) under Tariff Supplement No. 3 to RS 3808 with a new 

Power Purchase Agreement (New PPA) containing three supplemental agreements.  The three 

supplemental agreements include the Imbalance Agreement (IA), the Energy Export Agreement 

(EEA) and the Master Accounting Agreement (MAA).  The Application also requested approval for 
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associated amendments to RS 3808 and for amendments to the existing General Wheeling 

Agreement (GWA) under Tariff Supplement No. 2 to Rate Schedule 3817 (Exhibit B-1, p. 3).  The 

New PPA, Supplemental Agreements and the Amended and Restated Wheeling Agreement (ARWA) 

are collectively referred to as the ‘New PPA and Associated Agreements’ or the ‘Application’ and 

are further described in Section 4.0 of this Decision.   

 

On May 27, 2013, FortisBC filed, with the Commission, a 25 page letter supporting the Application 

as filed (Letter of Support).  FortisBC states that the New PPA will be an important component of 

FortisBC’s power supply portfolio, and conveys meaningful benefits to its customers through the 

continuation of this long term, secure, flexible, reliable and cost effective resource supplied by BC 

Hydro. 

 

BC Hydro submits that the agreements work together as a package and, as such, it is not possible to 

alter a component of these agreements without affecting the overall balancing of interest 

negotiated by BC Hydro and FortisBC (the Parties) and reflected in the package.  BC Hydro further 

submits that in circumstances of this Application, the Commission ought to exercise restraint in 

considering whether to nevertheless impose changes as an exercise in discretion.  BC Hydro states 

that the New PPA and Associated Agreements have been negotiated under the same basic 

parameters of service as the 1993 PPA and the only change relates to the addition of FortisBC’s 

ability to purchase RS 3808 power while simultaneously exporting in relation to WAX Project 

capacity.  BC Hydro requests that the Commission approve the Application as filed, as the rates are 

not unjust or unreasonable.  (BC Hydro Final Submission, pp. 4, 6 and 16)  

 

FortisBC states that the development of the New PPA and Associated Agreements was the result of 

extensive and complex negotiations and required a series of trade-offs.  FortisBC agrees that the 

New PPA and Associated Agreements operate together as a unified package and, as such, it is not 

possible to alter specific aspects of these agreements without affecting the parties’ position in 

other areas.  FortisBC supports the Application and requests that the Commission approve the New 

PPA and Associated Agreements as filed.  (Exhibit C1-2, p. 4; FortisBC Final Submission, p. 7) 
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1.2 Interveners 

FortisBC registered as an Intervener in the Proceeding and since it is the Co-signatory to the New 

PPA and Associated Agreements it was granted additional regulatory process privileges not 

normally extended to an Intervener.  

 

British Columbia Municipal Electrical Utilities (BCMEU), British Columbia Pensioners and Seniors 

Organisation et al. (BCPSO), British Columbia Sustainable Energy Association and Sierra Club of 

British Columbia (BCSEA), Commercial Energy Consumers Association of British Columbia (CEC), 

Norman Gabana, Industrial Consumers Group (ICG), Morgan Stanley Capital Group Inc., Vanport 

Sterilizers Inc.(Vanport), Alan Wait and Zellstoff Celgar Partnership Limited (Celgar) also Intervened 

in the proceeding.   

 

Willis Energy Services Ltd. and Shell Energy North America registered as Interested Parties.   

1.3 Regulatory Process  

The Application was heard by way of a Written Hearing that consisted of two rounds of Information 

Requests (IRs), Final Submissions and two additional rounds of Supplemental Submissions.  One 

Procedural Conference was also held after the responses to the first set of IRs were filed with the 

Commission.  

 

Interveners were given the opportunity to send IRs to BC Hydro on the Application and to FortisBC 

on its Letter of Support.  FortisBC was permitted to file its Final Submission one week before the 

other Interveners and was also given a right of reply.  None of the other Interveners filed evidence.   

 

The regulatory process for this proceeding is fully summarized in Appendix B. 
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2.0 REGULATORY AND POLICY FRAMEWORK  

In reviewing the Application, the Commission Panel first considered the applicable sections of the 

UCA, various relevant provincial government energy policies and Heritage Special Direction No. 2.  

In addition, a number of relevant past Commission decisions as well as current related pending 

applications were considered as components of the framework. 

2.1 Relevant Sections of the UCA 

The Application requests that the Commission approve the New PPA and Associated Agreements as 

rates pursuant to sections 58 to 61 of the UCA.  

 

BCPSO raised concern as to “whether or not the New PPA and associated agreements represent an 

energy supply contract for FortisBC… and therefore whether the Commission must also make a 

determination, pursuant to section 71 of the Act, as to whether or not the contract is in the public 

interest” (BCSPO Final Submission, pp. 5–6). 

 

BC Hydro responded to this concern stating:  

“FortisBC is not required to [obtain section 71 approval] because none of the 
agreements included in the Application fall within the UCA’s definition of ‘energy 
supply contract’: 

‘“energy supply contract” means a contract under which energy is sold by 
a seller to a public utility or another buyer, and includes an amendment 
of that contract, but does not include a contract in respect of which a 
schedule is approved under section 61 of this Act.” (BC Hydro Reply 
Submission, p. 2). 

 

The Commission Panel notes that the New PPA and Associated Agreements have been filed as rates 

under sections 58–61 of the UCA and hence the definition of “Energy Supply Contract” as set out in 

section 68 of the UCA does not apply.  
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Accordingly, the Commission Panel finds that approval of the Application pursuant to section 71 of 

the UCA is not required; however, particular attention was given by the Panel to the following 

sections of the UCA in reviewing the Application: 

 

Discrimination in Rates — Section 59 of the UCA 

• A public utility must not make, demand or receive an unjust, unreasonable, unduly 
discriminatory or unduly preferential rate for a service provided by it in British 
Columbia (s. 59(1)(a)); 

• A public utility must not as to rate or service, subject any person or locality, or a 
particular description of traffic, to an undue prejudice or disadvantage (s. 59(2)(a)); 
and 

• It is a question of fact, of which the commission is the sole judge, (a) whether a rate 
is unjust or unreasonable, (b) whether, in any case, there is undue discrimination, 
preference, prejudice or disadvantage in respect of a rate or service, or (c) whether a 
service is offered or provided under substantially similar circumstance and 
conditions (s. 59(4)). 

Setting of Rates — Section 60 of the UCA 

• In setting a rate under the Act, if the public utility provides more than one class of 
service, the commission must (i) segregate the various kinds of service into distinct 
classes of service, (ii) in setting a rate to be charged for the particular service 
provided, consider each distinct class of service as a self-contained unit, and (iii) set 
a rate for each unit that it considers to be just and reasonable for that unit, without 
regard to the rates fixed for any other unit (s. 60(1)(c)). 

2.2 Provincial Government Energy Policies  

The Commission’s mandate and jurisdiction is defined by the UCA.  The Lieutenant Governor in 

Council may also issue regulations and special directions to the Commission with respect to the 

exercising of powers and the performance of the duties of the Commission.  In addition, the 

Commission pays attention to Government policies in its deliberations; however, those policies do 

not directly provide the Commission with a mandate to act.  Ultimately the Commission’s task is to 

determine whether the Application is in the public interest within the regulatory framework. 
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The Provincial Government is responsible for economic development in all parts of the Province.  It 

has recently concluded its Industrial Electricity Policy Review.  Currently, there are many new 

opportunities for economic development in the Province, any number of which are likely to 

increase the demand for electrical energy.  This in turn can be expected to result in rate increases 

for both BC Hydro’s and FortisBC’s service territories.  Because of this on-going economic 

development, the role of the self-generators and their access to embedded cost power supply 

among the other industrial loads continues to be the subject of debate.  Consequently, in this 

Decision, the role of self-generators will also receive significant attention.  

 

One of the cornerstones of the 2002 BC Energy Plan “Energy For Our Future: A Plan for BC” (2002 

Energy Plan) was low electricity rates and public ownership of BC Hydro.  The 2002 Energy Plan 

stated:  

“BC Hydro ratepayers will benefit from a legislated heritage contract that locks in 
the value of existing low-cost generation (heritage energy)…The BC Utilities 
Commission will conduct an inquiry and recommend the terms and conditions of 
the heritage contract legislation.  To benefit ratepayers and taxpayers alike, 
public ownership of BC Hydro generation, transmission, and distribution assets 
will continue.”  (2002 Energy Plan, p. 7) 

 

The Commission conducted a public review process and made recommendations to the Provincial 

Government, most of which were implemented by way of Special Directions, including the 

establishment of the “Heritage Contract” between BC Hydro’s generation line of business and its 

distribution line of business under Special Direction No. HC2 (OIC 1123, November 27, 2003). 

2.3 Past Commission Decisions  

The Commission Panel also considered the determinations made in certain Orders regarding self-

generation, as listed in Section 8.3 of this Decision and summarized in Appendix C.   



7 

 

 

3.0 CONTEXT FOR THE NEW PPA AND ASSOCIATED AGREEMENTS 

As summarized below, several events and decisions set the context for the New PPA and 

Associated Agreements (Exhibit B-1, pp. 7–13). 

3.1 Era Prior to the 1993 Power Purchase Agreement 

• The 1961 Columbia River Treaty is reflected in the Canal Plant Agreement.  The 
Treaty requires the Canadian and United States entities to coordinate the operation 
of the Libby Dam on the Kootenai River in Montana with hydroelectric plants located 
on the Kootenay River and elsewhere in British Columbia. The purpose of the treaty 
is to manage water flows and maximize total power. 

• The formation of BC Hydro in 1964.  BC Hydro was designated as the Canadian 
Entity for purposes of implementing the Canadian portions of the Columbia River 
Treaty.  BC Hydro owns and operates the Canadian Treaty dams. 

• The Canal Plant Agreement was created in 1972 by BC Hydro, FortisBC and Teck 
Resources Ltd. to better regulate the water flows in the southern interior of the 
Province and maximize power production.  The practical effect of the 
interconnection, integration and coordination under the Canal Plant Agreement is 

that for most purposes the plants of the Entitlement Parties and BC Hydro are 

operated as parts of a single integrated system to optimally utilize provincial water 
resources.  In return, a defined amount of energy and capacity is allocated to the 
Entitlement Parties in the form of an “Aggregate Entitlement” consisting of 
“Entitlement Energy” and “Entitlement Capacity”.  

 

History of the Power Supplied to FortisBC by BC Hydro 

1978 to 1985 

The original Canal Plant Agreement provided for BC Hydro to sell electricity to FortisBC through the 

1978 to 1985 period.  The agreement contemplated that after 1985, the amounts of capacity and 

energy to be supplied to FortisBC, and the terms and conditions of such supply, would be by a 

further agreement. 
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1986 to 1993 

The rates, terms and conditions of a long-term PPA between BC Hydro and FortisBC became the 

subject of a public hearing in 1986.  Following the issuance in October 1986 of Commission Order 

G-61-86, BC Hydro and FortisBC signed a Power Purchase Agreement (1986 PPA) with rates, terms 

and conditions for a period to expire at the end of 1990.  The 1986 Decision determined that 

beyond 1990 the principles employed in determining the power purchase rates should be the same 

as those used to determine rates applicable to other BC Hydro customers (Reasons for Decision to 

Order G-27-93, p. 4).  During this time BC Hydro supplied power to FortisBC under RS 3807 in 

accordance with the terms and conditions of the 1986 PPA.   

 

Order G-61-86 also set out firm wheeling rates covering the transmission of FortisBC’s energy over 

BC Hydro’s transmission facilities (Reasons for Decision to Order G-27-93, p. 5). In early 1990 

BC Hydro and FortisBC began negotiations for a new Agreement but were unable to agree before 

the expiration of the 1986 PPA, accordingly the Commission extended the term of the 1986 PPA.  

3.2 1993 Power Purchase Agreement  

In December 1992, BC Hydro applied to the Commission for approval of a 20-year Power Purchase 

Agreement with FortisBC under Rate RS 3808 based on BC Hydro’s Transmission Rate RS 1821.  

 

The proceeding concluded with the Commission issuing Order G-27-93 and accompanying reasons 

in April 1993.  The Order, among other things, directed BC Hydro and FortisBC to enter into 

negotiations leading to a revised Power Purchase Agreement to incorporate the findings and 

directions as set out in the Commission’s Reasons for Decision and for BC Hydro and FortisBC to 

jointly file the agreement with the Commission. 

 

The Commission determined in Order G-27-93 that the ratemaking principles that most 

appropriately reflect the unique relationship between BC Hydro and FortisBC is one which 
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characterizes that relationship as a hybrid, in which FortisBC is partly a BC Hydro customer and 

partly an independent utility.    

Further, the Commission determined that BC Hydro had an ongoing obligation to serve FortisBC 

and that FortisBC had a right to a specific amount of electricity from BC Hydro at the rates 

extended by BC Hydro to comparable customers.  However, the Commission also recognized that 

as an independent utility, FortisBC has the responsibility for its own resource planning at rates 

reflective of fair market arrangements on a utility to utility basis.  On that basis, the Commission 

determined that BC Hydro had a further obligation to provide any additional energy that FortisBC 

wished to purchase to serve its customers but at rates that reflect the utility to utility relationship.   

 

The Commission’s Decision determined the limits of BC Hydro’s customer obligation to FortisBC as: 

• The Customer Demand Limit is to be set at 200 MW (capacity).  The energy limit is to 
be determined by FortisBC’s use of the available capacity (commencing on 
September 30, 1995).  For service below the 200 MW limit, the rates shall be 
comparable to those charged to RS 1821 customers.  

In regards to the utility to utility relationship, the Commission directed that:  

• For service above the 200 MW limit, offered pursuant to a separate agreement 
between the parties, the rates shall be established by negotiations between the 
parties on a utility to utility basis.  

 

Order G-27-93 also directed BC Hydro to provide FortisBC with reasonable wheeling access and fair 

wheeling charges for non-BC Hydro electricity supply intended to serve FortisBC’s customers.   

 

In August 1993 BC Hydro and FortisBC jointly filed RS 3808 and the supporting Power Purchase 

Agreement (1993 PPA) in compliance with Order G-27-93.  The RS 3808 that was filed did not 

include an energy limit; as a result, the associated available energy volume was set at 1,7521 

GWh/year.  In September 1993, pursuant to Order G-85-93, the Commission approved the 20-year 

Agreement covering the period October 1, 1993 through September 30, 2013.   

 

                                                      
1  200 MW X 24 hours X 365 days = 1,752 GWh. 
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The 1993 PPA stipulated that the electricity purchased under the Agreement was solely for the 

purposes of supplementing FortisBC’s resources to enable it to meet its service area load 

requirements and was not available to export or store.  Specifically, FortisBC was prohibited from 

exporting any electricity out of its service area during any given hour while FortisBC was taking 

energy requirements from RS 3808 for that hour.  (Exhibit B-1, p. 13) 

3.3 Changes since the 1993 Power Purchase Agreement 

After the implementation of the 1993 PPA, several changes to the BC energy environment came 

about which BC Hydro states affected the negotiations of the New PPA and Associated 

Agreements.  The key changes are summarized as follows: 

3.3.1 Accords, Acts and Agreements 

• Columbia Basin Accord — the Province incorporated the Columbia Power 
Corporation (CPC) in 1994 to facilitate the purchase of the Brilliant Plant from Teck 
along with the Expansion rights to the Brilliant and Waneta Dams. 

• Columbia Basin Trust Act — this Act was passed by the Province in 1995 creating the 
Columbia Basin Trust (CBT).  The CBT was created to manage the funding provided 
to it by the Province for the economic, environmental and social benefit of the 
Columbia Basin region.  Part of the funding is sourced from the Province’s share of 
the downstream power benefits under the Treaty.  Under the Columbia Basin 
Accord and the 1995 agreement, the Arrow Lakes Generating Station, the Brilliant 
Expansion and the Waneta Expansion (WAX) projects were identified as core power 
projects to be developed by CBT and CPC. 

• Canal Plant Agreement — this Agreement was amended in 2005 by BC Hydro and 
the Entitlement Parties (including FortisBC).  Further amendments occurred in 2011 
under which the parties agreed to continue to cooperate in the operation of their 
storage and generating facilities in the Columbia Basin region for the purpose of 
obtaining optimum generation. 

• Additions to existing power plants have been ongoing since 1993 with the WAX 
project scheduled to be completed in 2015 thus adding new generation to the 
region.  This particular project is the subject of allowing FortisBC to export energy, 
under certain conditions, while taking RS 3808 energy from BC Hydro. 
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3.3.2 Heritage Contract 

As addressed in Section 2.2 of this Decision, the 2002 BC Energy Plan mandated that the 

Commission conduct a Heritage Contract Inquiry to ensure the benefits of BC Hydro’s low-cost 

generation was secured for British Columbians.  The Terms of Reference provided to the 

Commission for the Inquiry specifically included RS 3808 as a customer rate eligible to benefit from 

BC Hydro’s heritage energy.  (Exhibit B-5; ICG IR 1.1.2) 

3.3.3 Open Access Transmission and Regional Electricity Markets 

The advent of the open, non-discriminatory transmission tariffs, which did not exist in 1993, gave 

access to electricity markets in adjacent jurisdictions enabling market participants including 

FortisBC and some of its customers to take advantage of opportunities to buy and sell electricity 

when market prices are favourable (Exhibit B-1, pp. 13–19).  The events that led to this opportunity 

are as follows: 

• Open Access Transmission became a reality in 1995 when BC Hydro joined two 
Regional Transmission Groups;   

• in 1997 BC Hydro implemented Wholesale Transmission Tariffs for open access 
transmission services on its system; 

• in 1998 BC Hydro and FortisBC filed a joint proposal with the Commission for 
harmonizing the transmission wheeling rates between the two utilities.  In 
accordance with Order G-12-99, transmission wheeling customers are charged only 
the transmission service rate of the utility within whose service area the customer 
taking service is located; and 

• in 2005 the Commission approved an Open Access Transmission Tariff (OATT) for 
BC Hydro (at the time the British Columbia Transmission Corporation was 
responsible for BC Hydro’s transmission system). 

3.3.4 Changes to BC Hydro’s Transmission Service Rates  

Prior to 2006, RS 3808 was based on the energy and demand charges for BC Hydro’s transmission 

service rate customers as set out in RS 1821.  In 2006 RS 1821 was cancelled and replaced with 

RS 1823 Transmission Service Stepped Rate, RS 1827 — Transmission Service Rate for Exempt 
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Customers and RS 1825.2  RS 1823 is a two tiered inclining block rate that is designed to incent 

conservation.  Pursuant to Heritage Special Direction No. 2, the second tier is set as a proxy for 

BC Hydro’s Long Run Marginal Cost (LRMC) of new supply and the rate is designed to be revenue 

neutral.  From 2006 onward RS 3808 has been based on the flat rate structure in RS 1827.  

3.3.5 Changes to Section 2.1 of the 1993 Power Purchase Agreement  

Section 2.1 of the 1993 PPA stipulated that FortisBC was prohibited from exporting any electricity 

out of its service area during any given hour while FortisBC was taking energy requirements under 

RS 3808 for that hour (Exhibit B-1, p. 13). 

 

In September 2008, BC Hydro applied to the Commission to amend section 2.1 of the PPA to clarify 

that, in addition to the limitations placed on FortisBC regarding exporting electricity, RS 3808 

electricity purchased by FortisBC could not be sold to any FortisBC customer when such customer 

was selling self-generated electricity which is not in excess of its load (Exhibit B-1, pp. 20–26).  The 

Application was approved by Order G-48-09.3  However, the Decision indicated the relief granted 

was only for the remaining term of the 1993 PPA.   

 

The Commission Panel noted the short-term nature of the issue by acknowledging that the 1993 

PPA between BC Hydro and FortisBC was to expire on September 30, 2013 and that the two parties 

were negotiating a potential renewal and extension hopefully resulting “in a comprehensive 

renewed PPA”.  The Commission Panel stated “[t]herefore, the relief sought by BC Hydro is for the 

remaining term of the PPA”.  (Reasons, Order G-48-09, p. 10) 

3.3.6 Actual Purchases under the 1993 Power Purchase Agreement 

FortisBC states that the New PPA and Associated Agreements were also influenced by the way 

FortisBC has purchased power from BC Hydro under the 1993 PPA (Exhibit C1-2, p. 12). 

                                                      
2  Transmission Service Rates also include RS 1825 which is a Time-of-Use Rate; however, this rate has not been used.  
3  Proceeding summarized in Appendix C. 
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The maximum energy volume available to FortisBC under the 1993 PPA was 1,752 GWh/year; 

however, FortisBC only purchased 794 GWh in F2004 and peaked at 974 GWh in F2007.  Energy 

purchases have since declined to 513 GWh and 338 GWh in F2012 and F2013, respectively.  This 

occurred in spite of the fact that FortisBC’s network energy growth from 1993 to 2013 was 15.8 

percent, average demand growth was 19.7 percent and peak demand growth was 14.2 percent.  

(Exhibit C1-3, BCUC IR 1.8.1) 

 

BC Hydro states that the degree of variability between FortisBC’s forecasts and actual purchases in 

recent years has created uncertainty for its system operations and planning.  BC Hydro, as the 

major power generator and distributor of electrical energy in the Province, serves as the balancing 

authority and is responsible for ensuring the system is in load resource balance.  BC Hydro takes a 

variety of measures to maintain the systems load resource balance.  These can include running 

additional generation, obtaining additional imports, or decreasing exports in order to meet 

unexpected FortisBC service territory obligations.   

3.4 Embedded Cost Power  

Embedded cost power, as it applies to BC Hydro and FortisBC, can be defined as the weighted 

average cost of power supplied from all sources available to the utility. 

 

In the case of BC Hydro, embedded cost power refers to the cost of “Heritage Energy”, along with 

the cost of energy procured from “Non-heritage” sources including Independent Power Producers 

(IPPs), BC Hydro’s self-generating customers, and market import purchases (Exhibit A2-1, 

Appendix E, p. 3).  The term “Heritage Energy” stems from the Heritage Contract which preserves 

the value of BC Hydro’s low-cost electricity generation for the benefit of all customers.  Heritage 

Energy is generated by BC Hydro’s “Heritage Assets” which include its large hydroelectric system 

and storage reservoirs.  (Exhibit A2-1, Appendix E, p. 3)   

 

Figure 1 below illustrates FortisBC’s access to BC Hydro’s embedded cost power through RS 3808.  

This resource forms a portion of FortisBC’s own resource portfolio which includes power generated 
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by its own generation assets, the Power Purchase Agreement with the Columbia Power 

Corporation for power generated from the Brilliant Dam (Brilliant PPA), purchases from IPPs and 

from market imports.  FortisBC’s cost of power from all of these sources is referred to herein as 

FortisBC’s embedded cost power. 

 

Figure 1 

BC Hydro and FortisBC Resource Stacks 

 
Source: Derived from Exhibit C1-2, p. 2 and Exhibit A2-1, Appendix E, p. 3 
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4.0 OVERVIEW OF THE AGREEMENTS  

4.1 Introduction  

The New PPA and Associated Agreements are specialized agreements that BC Hydro states are 

designed to reflect the unique historical and ongoing relationship between BC Hydro and FortisBC.  

The agreements apply only to service provided to FortisBC and not to the service BC Hydro 

provides to any other customer.  BC Hydro further states that the negotiations which resulted in 

the New PPA and Associated Agreements took place within the context of the Canal Plant 

Agreement, the Commission’s 1986 and 1996 decisions and the relevant subsequent events that 

have occurred since 1993.  (Exhibit B-1, p. 7)  

 

The following summary table has been included for the benefit of the reader.  The table provides a 

comparison of the 1993 PPA and the New PPA (Exhibit B-1, Appendix E).  The table is followed by a 

summary of the key terms of the New PPA and Associated Agreements.  

 

Table 1  
Summary Comparison (1993 PPA vs. New PPA) 

 1993 PPA New PPA 

Term 20 years (section 2.5) 20 years, and can be terminated early 
in certain circumstances (section 2.1) 

Contract Demand 200 MW, maximum 

(section 7.1) 

200 MW, maximum 
(section 1.1(r)) 

Points of Delivery The Points of Interconnection 
and the Points of Supply, as 
defined in the GWA 
(sections 3.1-3.2) 

The Points of Interconnection and the 
Points of Supply, as defined in the GWA 
(section 3.1) 

Scheduled Energy Take or pay for prescheduled 
amounts (section 8.2) 

Take and pay for Scheduled Energy 
subject to and in accordance with 
Agreement (section. 4.1) 

Deliveries of Energy not 
Scheduled 

Permitted, but FortisBC subject to 
Excess Energy Charges and Excess 
Demand Charges 

Only Scheduled Energy is delivered to 
FortisBC (section 4.1) 

Any Imbalance Energy is in accordance w/ 
Imbalance Agreement (section 6.5) 
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 1993 PPA New PPA 

Pricing 

 

Energy 
Charges 

Base Rate Energy charge (equivalent to RS 
1827) for 1,752 GWh/year 

(section 8.2 and RS 3808) 

Tranche 1 Energy Price (equivalent to RS 
1827), up to Maximum Tranche 1 amount 
of 1,041 GWh/year; plus 

Tranche 2 Energy Price (equivalent to BC 
Hydro LRMC) for energy above Maximum 
Tranche 1 amount (711 GWh/year) 
(sections 7.1–7.4 and RS 3808) 

Excess Energy 
Charges 

For energy taken above 
prescheduled amounts (Total 
Excess Energy), 1.15 times the 
Energy Charge 

(sections 8.3, 9.2–9.3 and RS 3808) 

Not applicable.  Energy deliveries under 
the PPA cannot exceed Scheduled 
Energy.  Any excess deliveries are in 
accordance with the Imbalance 
Agreement. 

 

Demand 
Charges 

Base Rate Demand Charge (equivalent to 
RS 1827) and ratchet provisions 
similar to RS 1827 for Billing 
Demand.  Demand charger and 
ratchets are calculated using 
prescheduled and unscheduled 
amounts. 

(section 6.2 and RS 3808) 

Demand Charge (equivalent to RS 1827) 
and ratchet provisions similar to RS 1827 
for Billing Demand.  Demand charges 
and ratchets are calculated using 
Scheduled Energy. 

(sections 8.1–8.2 and RS 3808) 

 Excess 
Demand 
Charges 

Ratchet provisions also include an 
additional charge of 1.2 times the 
amount capacity exceeding 
Nominated Demand (Total Excess 
Capacity) 

(sections 9.2–9.3 and RS 3808) 

Not applicable.  Energy deliveries to be 
allocated among the point of delivery with 
no Nominated Demand limitations. 



17 

 

 

 1993 PPA New PPA 

Nominations & Scheduling 

Annual 
Nominations and 
Forecasts 

Nominated 
Demand 

By October 1 of each year, FortisBC 
provides a Nominated Demand for 
each point of delivery for the 5th 
ensuing year (sections 7.1–7.3) 

Nominated Demand limitations removed to 
allow FortisBC to use the full amount of the 
Contract Demand, but transmission capacity 
issues for operational and planning 
purposes to be incorporated in 
amended/restated General Wheeling 
Agreement 

Energy 
Nominations 

None.  However, any energy 
delivered in excess of a Nominated 
Demand deemed to be Excess 
Energy (sections 9.2–9.3) 

By June 30 each year, FortisBC to provide 
an Annual Energy Nomination (AEN) for the 
following Contract Year (single nomination 
for all points of delivery) 

If the AEN is exceeded, then a surcharge of 
1.5 times the Tranche 1 Price or 1.15 times 
the Tranche 2 Price 

“Take or pay” for 75% of AEN 

AEN can change by +/-20% each year 
(sections 5.1–5.4) 

Load Forecasts By June 30 of each year, parties to 
exchange forecasts for the next 10 
years (section 5.2) 

By June 30 of each year, FortisBC to provide 
forecasts of load and annual PPA purchases 
for the next 10 years (section 9.2) 

Energy Scheduling Daily 
Prescheduling 

Hourly preschedule submitted for 
each day 2 times per week (section 
8.1) 

Hourly preschedule submitted each day by 
5:30 am in accordance with industry 
scheduling practices (section 6.1) 

Preschedule 
Changes and 
Deliveries 

No preschedule changes. 
However, energy can be 
delivered in excess of 
prescheduled amount 
(section 8.3) 

FortisBC is permitted real-time hourly 
changes for +/-25MW (and during freshet 
only +25MW) (section 6.2) 

Limitations By FortisBC No export or storage permitted 
while PPA energy is being 
delivered (sections 2.1, 8.3 and 
9.4) 

No export or storage permitted while 
taking Scheduled Energy, except in 
accordance with Energy Export 
Agreement (sections 2.5–2.6) 

By FortisBC 
self- 
generation 
customers 

No sale of PPA energy to a 
FortisBC customer when such 
customer is selling self- generated 
electricity not in excess of its load 
(section 2.1) 

No sale of PPA energy to a FortisBC 
customer when such customer is selling 
self-generated electricity not in excess of 
a customer-specific baseline, consistent 
with BC Hydro generator baseline 
principles (section 2.5) 

 
Source: Exhibit B-1, Appendix E 
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4.2 The New Power Purchase Agreement 

Capacity and Energy Volumes 

The New PPA is a 20-year, fixed term agreement that continues to provide for up to 200 MW of 

capacity and 1,752 GWh/year of associated energy for FortisBC to meet a portion of its load service 

obligations (Exhibit C1-2, p. 18). 

 

Under the 1993 PPA, FortisBC could request additional capacity over the 200 MW threshold that 

BC Hydro was obligated to make reasonable efforts to provide; in the New PPA, BC Hydro no longer 

has this obligation (Exhibit C1-2, p. 7, lines 23–31).  

 

Scheduling 

The provisions in the New PPA related to nominations and scheduling of energy place an increased 

responsibility on FortisBC to forecast its requirements for RS 3808 power on an annual basis and 

reduce the ability of FortisBC to use RS 3808 power to address imbalances in its own system.  

Under the 1993 PPA, FortisBC was not required to provide energy nominations but rather to 

provide a 10 year, annually updated load forecast.   

 

Under the 1993 PPA, FortisBC was required to nominate the maximum PPA delivery for each point 

of delivery with the total to not exceed 200 MW.  In the event that the load at a point did not 

materialize as nominated, FortisBC was not able to redistribute the resulting excess capacity to 

other points of delivery.  Under the New PPA, FortisBC will continue to take delivery of electricity at 

multiple points of delivery; however, these deliveries will be scheduled on a system-wide basis.  

 

Under the terms of the New PPA, FortisBC is required to provide a single energy nomination for the 

aggregate of all points of delivery for the following year (the Annual Energy Nomination).  FortisBC 

has the ability to reduce contract demand, but is restricted from changing the nomination from one 

year to the next by no more than +/- 20 percent.  FortisBC is obligated to “take or pay” at least 
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75 percent of the Annual Energy Nomination.  Energy taken in excess of the Annual Energy 

Nomination attracts a surcharge as described below.  

 

On a daily basis, FortisBC is required to pre-schedule deliveries of electricity on an hourly basis for 

electricity to be consumed the following day.  FortisBC has the ability to change the schedule by up 

to +/- 25 MW for any hour with 30 minutes notice before the hour.  (Exhibit B-1, pp. 34–35) 

 

Pricing 

The New PPA has two-step pricing for energy.  The threshold where the rate transitions from the 

Tranche 1 price to the Tranche 2 price is 1,041 GWh/year.   

 

The price for energy purchased up to the Tranche 1 threshold is equal to the energy charge 

component of BC Hydro’s RS 1827, which is currently set at 3.724 ¢/kWh and is based on BC 

Hydro’s embedded costs.  Tranche 2 energy (between 1,041 GWh/year and 1,752 GWh/year) is 

priced at BC Hydro’s LRMC excluding distribution losses and including an adjustment for inflation.  

The Tranche 2 price will start at $0.1297/kWh.  (Exhibit A2-1, Appendix E, p. 3)     

 

Energy taken in excess of the Annual Energy Nomination attracts a surcharge based on the 

Tranche 1 and Tranche 2 prices.  For purchases of RS 3808 power exceeding the Annual Energy 

Nomination, but less than or equal to the Tranche 1 amount, FortisBC will pay 150 percent of the 

Tranche 1 energy price.  For purchases in excess of both the Annual Energy Nomination and the 

Tranche 1 amount, FortisBC will pay 115 percent of the Tranche 2 energy price. 

 

Demand charges applicable to RS 3808 purchases are equal to the demand charge component of 

BC Hydro’s RS 1827.  The current demand charge is $6.353/kVA/month and is applied to the 

highest of: (i) the maximum amount of electricity scheduled during any hour of the billing month, 

(ii) 75 percent of the maximum amount of electricity scheduled during any hour in the previous 11 

months, and (iii) 50 percent of the contract demand.  (Exhibit B-1, pp. 35–38) 
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Limitations (Exports)  

Section 2.1 of the 1993 PPA stipulated that FortisBC was prohibited from exporting any electricity 

out of its service area during any given hour while FortisBC was taking energy under RS 3808 for 

that hour.  By way of Order G-48-09 further restrictions were placed on FortisBC such that RS 3808 

electricity purchased by FortisBC could not be sold to any FortisBC customer when such a customer 

was selling self-generated electricity which was not in excess of its load.  However, as made clear in 

the Reasons for Decision attached to Order G-48-09, this further restriction was only approved for 

the remaining term of the 1993 PPA. This will be further addressed in Section 8.5.1 of this Decision. 

 

The New PPA provides FortisBC with some additional flexibility regarding its ability to export 

electricity while it is taking energy under RS 3808.  Section 2.5 of the New PPA allows for FortisBC to, 

in accordance with the Energy Export Agreement, export new incremental “Eligible Energy” using 

“entitlement capacity” attributable to the new WAX Project while FortisBC is taking electricity under 

RS 3808.  Otherwise, FortisBC is prohibited from scheduling exports of electricity out of its service 

area during any hour when FortisBC is taking electricity under RS 3808.  (Exhibit B-1, pp. 4–5) 

 

However, the New PPA maintains the restriction against increases in purchases of RS 3808 power 

arising from the sale of some of this power to FortisBC’s self-generating customers.  Section 2.5 of 

the New PPA updates the conditions under which FortisBC may supply its self-generating 

customers with RS 3808 power.  The New PPA allows FortisBC to sell electricity purchased under 

RS 3808 to a self-generating customer that is selling electricity if a portion of the customer’s load 

equal to or greater than their  “customer-specific baseline” is being served by power from 

resources other than RS 3808.  This is a change from the net-of-load requirement contained in 

section 2.1 of the 1993 PPA.   

 

The customer-specific baseline is to be set in a manner consistent with how BC Hydro establishes a 

Customer Generation Baselines (GBL) for its own customers and is to be agreed upon between 

BC Hydro and FortisBC.  BC Hydro refers to its “Transmission Service Rate Customer GBL 
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Information Report June 2012”4 (Exhibit A2-1) filed in response to a Commission request in Letter 

L-106-09, as providing a description of the principles, process and considerations used by BC Hydro 

in establishing a baseline in cases where a customer sells electricity to BC Hydro.  BC Hydro states 

that this document provides guidance to FortisBC for establishing a customer-specific baseline that 

meets the requirements of section 2.5.  (Exhibit B-1, p. 39) 

 

Dispute Resolution 

The New PPA provides for the resolution of any dispute, question or difference of opinion arising 

between BC Hydro and FortisBC.  If a dispute cannot be resolved by the representatives of the 

parties to the agreement, it is escalated to arbitration under the Commercial Arbitration Act. If a 

dispute relates to an amendment of the New PPA, then either BC Hydro or FortisBC may submit the 

dispute to the Commission as an application or a complaint.  (Exhibit B-1, pp. 39–40) 

4.3 The Associated Agreements  

4.3.1 The Imbalance Agreement 

The Imbalance Agreement (IA) is a new, associated agreement that sets out the terms under which 

FortisBC will settle with BC Hydro for any inadvertent flows of electricity between the BC Hydro 

system and the Entitlement Parties’ system due to unexpected conditions or circumstances.  

 

Under the terms of the 1993 PPA, any unscheduled flows to the FortisBC system were treated as 

purchases of excess energy and capacity.  The new IA includes financial disincentives for the use of 

RS 3808 power for system balancing and should result in FortisBC using its own resources to 

balance the FortisBC system. 

 

The payments FortisBC must make to BC Hydro in the event of any imbalances are linked to market 

prices and are structured to act as financial disincentives.  FortisBC is required to pay BC Hydro an 

                                                      
4  Summarized in Appendix C.  
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amount equal to the greatest of: (i) $5,000; (ii) $100/MWh of imbalance energy; or (iii) for each 

MWh of imbalance energy, 200 percent of the higher of the Mid-C, California market prices or, if 

FortisBC is scheduling to Alberta, the Alberta market prices.  Lower disincentives are applicable 

during the first year of the IA to reflect the expectation that BC Hydro and FortisBC will require a 

period of adjustment to the energy nomination provisions of the New PPA and other provisions of 

the new agreements. 

 

If imbalance energy transfers to the BC Hydro system, BC Hydro will own the energy but will have 

no obligation to pay FortisBC for the imbalance amount.  If the hour in which the transfer occurs is 

an hour in which the Mid-C price is reported as being a negative price, then FortisBC will be 

required to pay to BC Hydro 150 percent of the absolute value of the Mid-C price. 

4.3.2 The Energy Export Agreement 

Under the terms of the 1993 PPA, FortisBC was restricted from exporting electricity while 

simultaneously taking deliveries under RS 3808.  This restriction was put in place to prevent 

FortisBC from increasing RS 3808 purchases to support higher value export activities.  However, 

this restricts the ability of FortisBC to dispose of surplus power produced by any new resources 

built or acquired to meet its long-term resource requirements.  Without relief from this export 

restriction, a portion of the power provided by such new resources could displace the supply of 

RS 3808 power available from BC Hydro and be at odds with FortisBC’s overall responsibility to 

obtain cost-effective, secure long-term sources of supply.  

 

The Energy Export Agreement (EEA) provides FortisBC the flexibility to export “Eligible Energy” 

using capacity from the WAX (WAX capacity) while simultaneously purchasing power under RS 

3808.  To ensure that exports do not result in increased purchases of electricity under the New 

PPA, Eligible Energy excludes energy sourced from FortisBC’s existing owned or contracted 

resources, including the New PPA, that were in place to serve its customers requirements prior to 

entering into the WAX Capacity Purchase Agreement.  More specifically, Eligible Energy is obtained 

from a variety of resources including the wholesale energy markets in or outside of BC, IPPs either 
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in or outside of FortisBC’s service territory, and Entitlement Energy acquired by FortisBC other than 

that purchased pursuant to the Brilliant Power Purchase Agreement.  Energy acquired from a self-

generating customer may qualify as Eligible Energy if such acquisitions do not result in increased 

purchases of RS 3808 power.   

 

The EEA sets out the consequences if FortisBC exports when it is not authorized to do so.  If such an 

event happens, FortisBC is required to pay BC Hydro the greatest of 150 percent of the hourly 

Mid-C market index or the profits earned by FortisBC on the transaction.  If FortisBC exports when 

unauthorized on more than four occasions in a year or reaches a volume of 75 MWh of 

unauthorized exports in a year, this triggers a right for BC Hydro to issue a notice of suspension, 

and can ultimately result in termination proceedings before the Commission.  (Exhibit B-1, pp. 44–

45) 

4.3.3 The Master Accounting Agreement 

The purpose of the Master Accounting Agreement (MAA) is to reconcile the scheduled energy and 

capacity amounts under the New PPA, the accounting of entitlement energy and capacity amounts 

under the Canal Plant Agreement, imports and exports to and from the FortisBC system, and 

energy and capacity amounts under the Energy Export Agreement, the General Wheeling 

Agreement and the OATT.  For each hour, the MAA sets out the method for reconciling FortisBC’s 

deliveries of electricity to its customers and to its export markets, with all of its resources.  The use 

of entitlement resources available under the Canal Plant Agreement, and the flows deemed to be 

associated with them, are contractual (although not necessarily physical) and therefore, an 

accounting agreement is required to reconcile contractual flows with physical flows that are 

directly metered.  (Exhibit B-1, pp. 45–47) 

4.3.4 The Amended and Restated Wheeling Agreement 

The existing General Wheeling Agreement enables FortisBC to use its generation resources at 

South Slocan to serve its remote load centres at Princeton, Okanagan and Creston.  Electricity 

sourced from FortisBC’s resources, including electricity purchased under RS 3808, is transmitted, or 
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“wheeled” through BC Hydro’s transmission system to the FortisBC load centres not directly 

connected to FortisBC’s main transmission system.  (Exhibit B-1, p. 47) 

 

Modifications to the existing GWA, in effect since 1986, are required in order to align with the new 

accounting required under the New PPA, the IA and the MAA.  More specifically, the ARWA adds 

provisions that (i) ensure firm transmission capacity at each of the Points of Interconnection taking 

into account both general wheeling nominations and RS 3808 firm deliveries, (ii) allows FortisBC to 

use its own resources for system balancing at its remote load centres, and (iii) prohibits the 

unauthorized use of BC Hydro’s transmission system for the purpose of managing FortisBC’s energy 

imbalances.  (Exhibit B-1, p. 47) 

 

A draft of the final agreement was filed as a supplement to this Application on July 16, 2013.  The 

final executed version of the ARWA was filed on July 26, 2013.  (Exhibit B-1-1; Exhibit B-3) 

  



25 

 

 

5.0 ISSUES WITHIN SCOPE  

5.1 Order G-117-13 and Supplemental Submissions 

To ensure an effective and efficient review of the Application the Commission Panel established the 

specific issues that were within the scope of review by way of Order G-117-13, issued following the 

Procedural Conference held July 29, 2013.  

 

The Commission Panel concluded, as provided in the Reasons attached to that Order, that even 

though the New PPA and Associated Agreements were negotiated and agreed to by two 

sophisticated parties, a comprehensive review of the Application was still required  to ensure that 

the proposed rates are not unjust, unreasonable, unduly discriminatory, or unduly preferential.  As 

such, the Panel concluded that a complete evidentiary record was necessary.  

 

The Commission Panel noted that the circumstances of the energy markets may have changed 

significantly since 1993 as well as BC Hydro and FortisBC’s respective roles within those markets.  

Further, in the dynamic energy markets of today, it is difficult to predict what the next 20 years will 

look like.   

 

The Panel also noted that although the New PPA and Associated Agreements have been negotiated 

by BC Hydro and FortisBC, ultimately it is FortisBC’s customers, and to some extent BC Hydro’s 

customers, that will be affected by the resulting benefits and costs.  

 

Accordingly, by Order G-117-13 the Commission Panel determined that the following broader 

scope issues are to be considered: 

• whether the relationship between BC Hydro and FortisBC characterized by the 
Commission in the 1993 PPA Decision as unique (a hybrid in which FortisBC is partly 
a BC Hydro customer and partly an independent utility) is still relevant today and 
into the future; 

• whether the Bonbright Principles are relevant when assessing the New PPA and 
Associated Agreements as a rate; and 
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• the impact on BC Hydro, FortisBC and their respective customers including the risks 
and rewards as well as the costs and benefits of the New PPA and Associated 
Agreements.  

The Commission Panel also determined that the following issues relating specifically to self-

generating customers were within the scope of review of this Application: 

• whether FortisBC’s self-generating customers should receive the benefit of 
BC Hydro’s embedded cost power which includes a British Columbia heritage power 
component; 

• whether restrictions to FortisBC and/or its customers’ access to RS 3808 power is 
consistent with BC Hydro’s obligation to serve; 

o if access is to be restricted, on what basis will those restrictions be 
implemented? 

• the concept of a Customer Baseline (CBL), GBL, and Net-of-Load constructs for the 
purpose of setting limitations for use of energy under RS 3808; and 

• consideration of the June 20, 2012 Transmission Service Rate and Customer 
Generator Baselines Information Report filed by BC Hydro (2012 Information Report) 
(Exhibit A2-1) but only on a prospective basis as it applies to RS 3808. 

 

The Commission Panel declined to consider certain matters, which it determined not relevant to 

the evaluation of the Application including: 

• any utility to utility rate comparisons including a comparison of BC Hydro rates with 
FortisBC; 

• how BC Hydro established GBLs in its service area prior to the submission of the 
2012 Information Report; 

• how BC Hydro implements and operates its agreements with self-generators 
established prior to the submission of the 2012 Information Report; 

• establishment of a GBL for any particular customer; and 

• Merchant Pump Storage and related policies.  

 

During the Commission Panel’s deliberation it became apparent that even though the evidentiary 

record was closed and the Final Submissions had been filed, an unresolved concern regarding the 



27 

 

 

proposed section 2.5 in the New PPA remained.  The Panel determined that it was necessary to 

reopen the evidentiary record and, as such, the Commission issued a letter requesting 

Supplemental Submissions on the following four questions on section 2.5 of the New PPA as they 

related to the restrictions on providing RS 3808 energy to FortisBC’s self-generator customers.  

 

1. Why are the restrictions relating to FortisBC’s self-generator customers still necessary in 
the New PPA under the current environment?  

2. What risks, if any, is BC Hydro still exposed to under the New PPA, and do those risks 
result in any significant negative impacts to BC Hydro or its ratepayers?  

3. If FortisBC was free to establish GBLs, or other mechanisms, with its self-generator 
customers without any restrictions to RS 3808 power, what benefits would this provide 
to FortisBC, and what risk would it pose to BC Hydro and its ratepayers?  

4. On the assumption that the Commission finds section 2.5 of the New PPA to be unjust, 
unreasonable or unduly discriminatory because self-generator customers have no 
meaningful input in setting their GBL’s for service in the FortisBC service territory, how 
can the Commission Panel approve the Application as just and reasonable under 
sections 58–61 of the UCA?  
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6.0 APPROACH TO THE REVIEW OF THE APPLICATION 

6.1 Parties to the New Agreements  

The various utility and customer relationships are simplified in Figure 2 below.  This illustration 

shows that FortisBC is a customer of BC Hydro under RS 3808, and FortisBC, as a utility, also has a 

direct relationship with its own customers, including those with self-generating capabilities.  

However, BC Hydro does not have a customer relationship with FortisBC's customers.  

 

Figure 2 

Parties to the Agreements  

 
Source: Derived from Exhibit B-1, Exhibit C1-2 

 

For the most part, the New PPA and Associated Agreements are reflective of a relationship 

between BC Hydro and FortisBC, which will be further addressed in Section 7.1.1 of this Decision. 

However, certain parts of section 2.5 of the New PPA also affect FortisBC’s self-generating 

customers, which are not parties to the agreement.   



29 

 

 

6.2 Approach to the Review of the Application 

The Commission Panel considered the Application within the regulatory and policy framework 

identified earlier while being mindful of the broader scope issues and the nature of the relationship 

of the parties involved.   

 

In its review of the Application, the Panel considered the issues relating to FortisBC’s self-

generating customers separately.  Section 7.0 of this Decision considered the New PPA and 

Associated Agreements without taking into account the restrictions placed on FortisBC regarding its 

self-generating customers contained in section 2.5 of the New PPA.  Section 8.0 considered the 

restriction contained in section 2.5 of the New PPA.  It then became evident that the Self-

Generation Policy issue in general in the FortisBC territory needed to be addressed in Section 9.0.  

Section 10.0 concludes the Decision resulting from BC Hydro’s proposed amendment. 

 

The Panel considered that a comprehensive review of the restrictions relating to FortisBC’s self-

generating customers included in section 2.5 of the New PPA are necessary for the following 

reasons:   

• the New PPA includes conditions that directly impact those that are not Parties to 
the agreements;   

• Order G-48-09, which approved amendments to section 2.1 of the 1993 PPA was 
granted only for the remaining term of the 1993 PPA; 

• to determine if some of the updated terms of the New PPA reduce the risk of harm 
to BC Hydro’s ratepayers; 

• the challenges and complexities occurring during FortisBC’s efforts to establishing 
rates that comply with the restrictions established by Order G-48-09;   

• Interveners’ concerns regarding the continued restrictions on self-generating 
customers in the FortisBC service area which the Commission Panel identified to be 
within the scope of review of this Application; and 

• the long-term nature of the New PPA. 
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7.0 EVALUATION OF THE NEW PPA AND ASSOCIATED AGREEMENTS  

7.1 Overview 

The Panel has considered the New PPA and Associated Agreements, without taking into account 

the restrictions placed on FortisBC regarding its self-generating customers, by first determining the 

nature of the relationship between BC Hydro and FortisBC for each of the New PPA and Associated 

Agreements.  In the case of the New PPA, the EEA and the ARWA, where a utility to customer 

relationship was determined to exist, an evaluation under the Bonbright framework was 

undertaken.  For the MAA and the IA, where the relationship is more of a utility to utility one, 

reliance on the sophistication of the parties negotiating the agreements was given considerable 

weight and a Bonbright evaluation was not performed.  

 

The assessment of various contracts has not identified anything that would indicate to the Panel 

that overall, without taking into account the restrictions placed on FortisBC regarding its self-

generating customers in section 2.5 of the New PPA, the rates proposed are unjust, unreasonable, 

unduly discriminatory, nor unduly preferential.  As explained in this section of the Decision, the 

Bonbright evaluation regarding the New PPA, the EEA and the ARWA, and the evaluation of the 

MAA and IA assisted the Panel in coming to this conclusion. 

 

Table 2 below provides an overview of the approach taken and a summary of the results.  

 

Table 2 
Evaluation of PPA and Associated Agreements: Summary Results 

 New PPA and the 
 Energy Export Agreement 

Amended and Restated 
Wheeling Agreement 

Master 
Accounting 
Agreement 

Imbalance 
Agreement 

Nature of the 
Relationship 

Utility to customer Utility to customer Utility to utility Utility to utility 

Evaluation 
Framework 

Bonbright Principles: focus on fairness and efficiency Greater reliance on the 
sophistication of the Parties.  

Fairness 
Approach 

No revisiting of previous fairness decisions unless there is clear 
evidence of a change in circumstance which renders the 

previous fairness determination questionable. 
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 New PPA and the 
 Energy Export Agreement 

Amended and Restated 
Wheeling Agreement 

Master 
Accounting 
Agreement 

Imbalance 
Agreement 

Compare to the rates offered to 
BC Hydro’s other transmission 

service customers. 

Compare to the rates 
offered to BC Hydro’s other 

wheeling customers. 

Efficiency 
Approach 

Consider effect (from a BC perspective) on (i) efficient customer 
consumption and investment decisions, (ii) efficient utility 
investment and operational decisions and (iii) innovation. 

Evaluation 
Result 

Fair compared to other BC Hydro 
transmission service customer — 
T1 cap reflects FortisBC network 
load profile and past use; benefit 
of greater flexibility offset by no 
increase for load growth.  While 
the rate is not an ‘inclining block 
rate structure’, the price is fair. 

 
Net improvement in efficiency. 

Existing contract does not 
expire until 2045 and 
amendments do not 

change the nature of the 
service. 

 
No inefficiency concerns 

raised. 

No areas of concern identified. 

7.1.1 Relationship between BC Hydro and FortisBC 

In the 1993 Decision (Order G-27-93) the Commission described the relationship between FortisBC 

and BC Hydro as unique — a hybrid in which FortisBC is partly a customer of BC Hydro and partly an 

independent utility.   

 

BC Hydro submits that its relationship with FortisBC is still appropriately described as ‘unique’ 

because  

“FortisBC is both an independent utility with its own generation resources, 
transmission system, wholesale market access and resource planning obligations 
(unlike any other BC Hydro customer), and a customer that is dependent on BC 
Hydro for secure, reliable, cost-effective capacity and energy at least over the 
short to medium term”.  (Exhibit B-1, Appendix G. p. 27; BC Hydro Final 
Submission, p. 18)  

 

FortisBC agrees that the hybrid characterisation of the relationship between BC Hydro and FortisBC 

remains valid (FortisBC Final Submission, p. 4).  BCSPO also considers the FortisBC and BC Hydro 

relationship to be a hybrid one (BCSPO Final Submission, p. 4).  BCMEU, however, submits that the 

relationship between FortisBC and BC Hydro is that of a utility to utility relationship, but notes that 
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“the historic relationship has seen a customer-type contract dating from the 1993 decision of the 

Commission” (BCMEU Final Submission, p. 2).  CEC also submits that “the relationship between the 

utilities is increasingly that of arrangements between independent utilities” (CEC Final Submission, 

p. 5). 

Commission Determination 

The Commission Panel concludes that the relationship between FortisBC and BC Hydro continues 

to be unique, one that is characterized as a hybrid, in which FortisBC is partly a customer of 

BC Hydro and partly an independent utility.  The Panel determines that the ratemaking principles 

should continue to be applied in this context.  The Panel continues to consider BC Hydro’s 

obligations to serve FortisBC as a customer is limited, and beyond those limits the relationship is 

to be that of two independent utilities.  The Commission recognizes that as an independent utility, 

FortisBC has the responsibility for its own resource planning at rates reflective of fair market 

arrangements.   

7.1.2 Evaluation Framework  

In reviewing rate design applications, which typically reflect a utility to customer relationship, the 

Commission is typically guided by the eight Bonbright Principles.  These principles are described on 

page 5 of the Reasons for Decision to Order G-45-11: 

“Principle 1: Recovery of the revenue requirement; 

Principle 2: Fair apportionment of costs among customers (appropriate cost 
recovery should be reflected in rates); 

Principle 3: Price signals that encourage efficient use and discourage inefficient 
use (consideration of social issues including environmental and energy policy); 

Principle 4: Customer understanding and acceptance; 

Principle 5: Practical and cost-effective to implement (sustainable and meet 
long-term objectives); 

Principle 6: Rate stability (customer rate impact should be managed); 

Principle 7: Revenue stability; and 

Principle 8: Avoidance of undue discrimination (interclass equity must be 
enhanced and maintained).” 
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In the 1986 PPA Decision, the Commission stated: “In reviewing these submissions, the Commission 

has had regard to two overriding rate-making principles: efficient resource allocation and fairness”  

(Exhibit B-1, Appendix F, p. 32). 

 

BC Hydro submits that the New PPA and Associated Agreements do not represent unilaterally 

designed rates developed for services provided to a large class of end-use customers, and were not 

negotiated to meet specific rate design criteria such as those articulated by the Bonbright 

Principles.  However, BC Hydro states it has not asserted that the Bonbright rate design criteria are 

“irrelevant” to the review of the Application, and considers that the Agreements and RS 3808 do 

align with the Bonbright rate design criteria, in particular the efficient resource allocation and 

fairness criteria.  (BC Hydro Final Submission, pp. 20–21) 

 

BC Hydro further states:  

“The New PPA in its entirety, in conjunction with the Energy Export Agreement, 
encapsulates the terms and conditions by which BC Hydro provides electricity 
service to FortisBC as a load customer.  In addition, FortisBC is a customer of BC 
Hydro’s under the terms and conditions of the General Wheeling Agreement and 
for other services, such as wheeling services under BC Hydro’s Open Access 
Transmission Tariff (OATT).”  (Exhibit B-4, BCUC IR 1.2.1) 

 

BC Hydro considers that the MAA (an enabling agreement with no financial commitment) and the 

IA (not a service, but designed to provide a financial disincentive for FortisBC against taking 

imbalance energy) are more appropriately characterized as utility-to-utility agreements.  (Exhibit 

B-4, BCUC IR 1.2.1; Exhibit B-1, pp. 42, 43, 46) 

 

FortisBC submits that although the New PPA primarily describes the customer relationship 

between BC Hydro and FortisBC, it is appropriately structured in a manner that recognizes the 

overall relationship.  FortisBC states that if the New PPA were to reflect only the customer 

relationship, it may mean FortisBC would no longer have an option to purchase RS 3808 Tranche 2 

energy.  (FortisBC Final Submission, p. 4; Exhibit C1-17, BCUC IR 2.4.2.1) 
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BCSPO and ICG do not object to the evaluation of the New PPA as a customer rate, although BCSPO 

submits that the terms and conditions must recognise and account for the unique relationship 

(BCSPO Final Submission, p. 4; ICG Final Submission, p. 5). 

 

BCMEU considers that the Bonbright Principles are relevant, but that “significant weight should be 

attributed to the utility to utility relationship and to the sophistication of the parties who 

negotiated the agreements” (BCMEU Final Submission, p. 2).  BCSEA holds a similar view, stating 

“while the Bonbright Principles are relevant... the Commission should also take into account... that 

the proposed RS 3808 is a unique rate embodying complex trade-offs negotiated between two 

public utilities” (BCSEA, Final Submission, p. 7). 

 

CEC states that “it is oriented to look at the agreement as a special inter utility agreement… [and] is 

less inclined to look at this rate with all of the same cost of service perspectives that it looks at 

other rates...”  CEC submits that the Commission should “see the agreement move away from 

being approved as a rate as opposed to being an inter-utility agreement in the future.”  CEC also 

submits that “negotiations between two utilities does [sic] not necessarily result in an optimal 

solution for the Province, but can be limited to the interests of the utilities that do not necessarily 

bear the end expense of the arrangements”.  (CEC Final Submission pp. 4, 12) 

Commission Determination 

The Panel finds that an evaluation under the Bonbright Principles is appropriate for agreements 

that describe the utility to customer relationship.  For agreements that describe the utility to utility 

relationship, the Panel finds the reliance on the sophistication of the parties negotiating the 

agreements should be given considerable weight and a Bonbright evaluation is not required. 

 

The Panel also finds that where an evaluation under the Bonbright Principles is appropriate, the 

evaluation should focus on the Bonbright Principles of fairness (Principles 2 and 8) and efficiency 

(Principle 3).  This approach is consistent with BC Hydro’s position and in the Commission’s 1986 

PPA Decision evaluation.  
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With regard to the Bonbright Fairness Principle, the Commission Panel maintains the view that 

fairness is critical to a sound rate design and that cost causation is basic to fairness (i.e. similar 

customers should be charged similar rates).  However, the Commission Panel also acknowledges 

that existing rates are, by necessary implication, not unjust, unreasonable, unduly discriminatory or 

unduly preferential if they have already been approved by the Commission.    

 

Because the 1993 PPA was approved by the Commission as fair, the Commission Panel will only 

evaluate fairness where there is clear evidence that changes in circumstances require the previous 

fairness determination to be revisited.   

7.1.2.1 The New PPA, the EEA and the ARWA 

The Panel agrees with BC Hydro and FortisBC that the Tranche 1 energy pricing reflects a utility to 

customer relationship.  However, the Panel disagrees with FortisBC that the Tranche 2 energy may 

reflect a utility to utility relationship.  FortisBC has an option, but not an obligation, to purchase 

Tranche 2 energy.  The Panel considers that BC Hydro would be unlikely to provide such an option 

at no cost under a utility to utility relationship.  

 

The Commission Panel determines that an evaluation against the Bonbright Principles is 

appropriate for the New PPA (including Tranche 1 and Tranche 2 energy), the EEA and the ARWA, 

as these reflect BC Hydro’s relationship with FortisBC as a customer.   

7.1.2.2 The MAA and the IA 

The Commission Panel agrees with BC Hydro that the MAA and IA are more appropriately 

characterized as utility to utility agreement.  As such, the Panel determines an evaluation against 

the Bonbright Principles is not applicable, and instead places greater reliance on the utility to 

utility relationship and the sophistication of the parties who negotiated the agreements. 
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7.1.3 Customer Class and Rate Comparison  

BC Hydro submits that the primary issue before the Commission Panel is whether the proposed 

rates for the services provided to FortisBC are unjust or unreasonable (BCH Final Submission, p. 12).  

A key issue for the Commission Panel to determine is from whose perspective the rate is not 

unjust, unreasonable, unduly discriminatory or unduly preferential.   

 

BC Hydro does not believe that the New PPA and Associated Agreements can be compared to any 

other BC Hydro rates.  BC Hydro submits that, given the rates are unique because they apply to a 

unique customer, one could not conclude that the rates are unduly discriminatory or preferential 

(BC Hydro Final Submission, p. 14).  BCSEA concurs with this opinion (BCSEA Final Submission, p. 3).  

However, BC Hydro has included FortisBC in its transmission service customer class for cost of 

service purposes, and BC Hydro is not proposing any changes to this approach (BC Hydro Final 

Submission, p. 39). 

 

The following Figure 3 illustrates the BC Hydro’s transmission service rate class and the rates 

applicable to transmission service customers. 
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Figure 3 

BC Hydro Transmission Service Rate Class  

 
 Source: Derived from evidence filed by BC Hydro and FortisBC. 

 

CEC does not accept BC Hydro’s submission that one could not conclude that the rates are unduly 

discriminatory or preferential because the customer is unique.  CEC submits that even if the 

Commission limits its determinations to whether the rate is “unjust” or “unreasonable” it retains 

wide latitude in this regard in that by section 59(4) of the UCA it has been designated as the sole 

judge of this question and notes that section 59(5)(c) of the UCA states that a rate may be found 

unjust and unreasonable “for any other reason.”  Accordingly, CEC argues that “the Commission 

should not find limitations in its scope with respect to dealing with rate setting for this application.”  

(CEC Final Submission, p. 4) 

 

BC Hydro states that the 1993 PPA Decision determined that the energy and demand charges of 

RS 3808 be the same as those in the prevailing transmission service rate or its equivalent, and that 

it is reasonable to continue to include FortisBC in the transmission service class as this has been 
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historic practice.  BC Hydro also states that within the transmission service rate class, there are 

some customers that pay more than their cost and some that pay less.  In order for all customers 

within the class to pay their individual cost, BC Hydro would require individual rates for each 

customer.  However, this would be inefficient and administratively costly to design and implement.  

BC Hydro further notes that section 58.1 of the UCA caps any increases in revenue-to-cost ratios 

(R/C ratios) compared to the previous year to no more than two percentage points.  (Exhibit B-13, 

BCUC IR 2.4.1, 2.4.2.1 and 2.4.4) 

 

BC Hydro confirmed that R/C ratios outside of an acceptable range (say +/-10 percent) are 

generally considered an unfair cross-subsidy between customer classes.  BC Hydro also noted that 

if FortisBC was treated as a separate customer class, for 2012 it would have had an R/C ratio of 

88 percent.  This would improve to 103 percent if FortisBC had maximized Tranche 1 purchases.  By 

comparison, BC Hydro’s transmission service customer class (excluding RS 3808) had a 2012 R/C 

ratio of 103.7 percent.  (Exhibit B-13, BCUC IR 2.4.2.1.1, 2.4.3; Exhibit B-14, BCSPO IR 2.10.1) 

 

FortisBC agrees with BC Hydro that the key issue is whether the transmission service customer class 

R/C ratio is within an acceptable band (FortisBC Reply Submission, pp. 1–2). 

 

BCPSO also submits that there is no justification for departing from current practice, but considers 

that customer service characteristics, rather than R/C ratios, are the key input in determining which 

customers belong in the same customer class (BCPSO Final Submission, pp. 9–10).  CEC, however, 

submits that that RS 3808 should be a separate rate class because it is effectively being operated 

and managed in that fashion (CEC Final Submission, p. 13). 

Commission Determination 

Customer Class 

The Panel agrees with BCPSO that customer classes are generally established to group together 

customers with similar service characteristics; however, the Panel also considers that a review of 

R/C ratios is a useful tool in evaluating fairness concerns related to these customer groupings.  The 
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Panel finds that acceptable R/C ratios for existing customers within a particular customer class can 

be greater than the +/- 10 percent range which has at times been considered acceptable for the 

total customer class.  

 

The Panel notes the estimated RS 3808 R/C ratio at 88 percent for 2012, increasing to 103 percent 

if Tranche 1 purchases are maximized, compared to BC Hydro’s transmission service customer class 

of 103.7 percent.  Furthermore, no other concerns — such as related to efficiency or energy policy 

— were raised.  As a result, the Commission Panel finds no evidence to justify departing from the 

current practice of linking the RS 3808 price to that of other BC Hydro transmission service 

customers.  The Commission Panel finds that it is reasonable to continue to include FortisBC in 

the transmission service customer class.   

Rate Comparison  

The Panel considers that if FortisBC is similar enough to BC Hydro’s transmission service customer 

class to be included in this class for cost of service purposes, it should also be similar enough for it 

to be compared against BC Hydro’s transmission service customers for the Bonbright evaluation 

purposes.   

 

The Commission Panel determines that, in undertaking a fairness evaluation, the New PPA and 

the EEA will be compared against the rates charged by BC Hydro to its other Transmission Service 

Customers.  Consistent with this determination, the ARWA will be compared to rates offered by 

BC Hydro to its other wheeling customers for fairness evaluation purposes. 

 

However, the Panel does not consider that a fairness evaluation should include a comparison of 

FortisBC’s end use customer rates, such as FortisBC’s RS 31, to those of BC Hydro.  This is consistent 

with the Commission’s previous decision that “Discrimination, when applied to rates for utility 

service, can only be of an ‘intra-utility’ nature and not ‘inter-utility’” (Reasons for Decision on 
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BC Hydro’s 2007 Rate Design Application Phases II and III5).  Furthermore, any utility to utility rate 

comparison has been determined by the Commission Panel to be out of scope for the review of this 

Application.   

7.2 Evaluation of the New PPA and the EEA 

The Commission Panel previously determined that an evaluation against the Bonbright Principles is 

appropriate for the New PPA and the EEA, and the Bonbright evaluation should focus on the 

Bonbright Principles of (i) fairness and (ii) efficiency.  Fairness will be addressed in Section 7.2.1 and 

7.2.2, efficiency in Section 7.2.3 of this Decision.  

7.2.1 Fairness 

The Panel previously concluded that because the 1993 PPA was determined to be fair, the Panel 

will only consider changes that have occurred since that date which could render those 

determinations unsuitable.  The Panel also determined that, in undertaking a fairness evaluation, 

the New PPA will be compared against the rates charged by BC Hydro to its other transmission 

service customers.   

 

The changes since 1993 which the Commission Panel determines to be relevant for consideration 

are: (i) the 2003 Heritage Contract; (ii) the development of Open Access Transmission and Regional 

Electricity Markets which have resulted in changes to Energy Nomination and Scheduling 

Requirements in the New PPA; and (iii) the introduction of Stepped Rates for BC Hydro’s 

Transmission Service Rate Class.   

The relevant differences between the New PPA and rates charged to other transmission service 

customers, as shown in Table 3 below, relate to: 

(i) Capacity and Energy Volume as they relate to FortisBC’s load growth;  

                                                      
5  British Columbia Hydro and Power Authority, 2007 Rate Design Application Phases – II and III, Decision dated 

December 21, 2007, Order G-171-07. 
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(ii) Energy Volume as  it relates to the Tranche 1 Energy Cap; 

(iii) Energy Charge as it relates to the Tranche 1 rate, and Demand Charges; and 

(iv) Energy Charge and Energy Volume as they relate to Tranche 2.   

 

Table 3 

Comparison of the New PPA and BC Hydro Other Transmission Service Customers Rates 

 New PPA Transmission Service 
Customers (RS 1823 and RS 

1827) 

Contract Term 20 years There is no fixed term for the 
Electricity Supply Agreement signed by 

customers 

Product Firm energy and associated 
capacity 

Firm Energy and associated capacity 

Capacity 200 MW (contracted) Up to the customer’s contract demand 

Energy Volume Tranche 1–1,041 GWh/year 

Tranche 2– 711 GWh/year 

No limit subject to the contract 
demand 

Energy 
Nominations and 

Scheduling 
Requirements  

Contract Demand can be reduced 
with prior notice for loss of load or 

acquisition of new generation 
resources 

Annual Energy Nomination (AEN) in 
required for each Contract Year 

AEN can be changed by ± 20% 
relative to prior year 

In any Contract Year, FortisBC will 
“take or pay” for at least 75% of the 

ANE for that Contract Year 

Energy taken in excess of ANE but 
≤Tranche 1 attracts a 50% 

surcharge of the Tranche 1 price.                     
Energy taken >ANE and Tranche 1 

attracts a 15% surcharge of the 
Tranche 2 price  

Customer can request an increase or 
decrease in their contract demand  

Pre-scheduling 
Requirements/ 

Penalties 

Daily Energy Scheduling on an 
hourly basis with ability to adjust by 

± 25 MW in real time. Charges 
under Imbalance Agreement may 

apply 

N/A 

Energy Charges  RS 1827 rate for 1,041 GWh/yr 
with an ‘Option’ to purchase up to 

RS 1827 flat rate 
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 New PPA Transmission Service 
Customers (RS 1823 and RS 

1827) 

1,752 GWh/yr at LRMC 

 

RS 1823 two-tiered stepped rate 

Demand Charges Demand Charges based on RS 1827 RS 1827 

 Source: Exhibit B-4, BCUC IR 1.9.1, Exhibit B-1, p. 35 

 

Each of the changes since 1993 and the relevant differences between the New PPA and rates 

charged to other transmission service customers will be considered in determining if the New PPA 

passes the Bonbright Fairness Principle.   

7.2.1.1 Changes Since 1993 

(i) 2003 Heritage Contract 

In 1993 by Order G-27-93, the Panel determined that FortisBC had a right to a specified amount of 

electricity from BC Hydro at the rates extended by BC Hydro to comparable customers.  The 

Commission set the demand limit at 200 MW and the associated energy at 1,752 GWh/year.  

(Exhibit B-1, Appendix G, pp. 30, 31) 

 

As discussed in Section 3.3.2 of this Decision, on November 27, 2003 the BC Hydro Public Power 

Legacy and Heritage Contract (HC2) became effective (Exhibit B-5, ICG IR 1.1.2).  BC Hydro submits 

that HC2 does not directly affect the New PPA or the 1993 fairness determinations:  

“The Heritage Contract framework does not provide any person with an 
‘entitlement’ to a share or portion of the generation output of BC Hydro’s 
Heritage Resources.  With the exception of the design of RS 1823 [stepped 
rates], the Heritage Contract framework does not require the BCUC to set rate 
structures in a particular manner nor does it create an obligation to serve where 
one does not otherwise exist under the Utilities Commission Act.”  (Exhibit B-14, 
ICG IR 2.9.1) 
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“There is no relationship between the 1993 PPA and the Heritage Contract 
Scheme with the possible exception that the RS 3808 energy and demand charge 
continued to reflect the cost-based RS 1821 energy and demand charges after 
April 1, 2004 [as opposed to the Industrial stepped rate]” (Exhibit B-5, ICG IR 
1.1.2). 

 

FortisBC disagrees with BC Hydro’s aforementioned assertion and submits that the New PPA 

reflects, amongst other things, FortisBC’s continuing access to power supply from the Province’s 

Heritage Assets.  

 

ICG submits that the most important aspect of both the New PPA and the 1993 PPA is access to 

power as established by the Heritage and Legacy Act and by the obligation to serve defined by the 

1993 Decision (Exhibit C1-3, BCUC IR 1.1.2.4; ICG Final Submission, pp. 9–10). 

Commission Determination 

The 2002 BC Energy Plan specifies that the benefits of BC’s low cost generation assets belong to all 

British Columbians.  In the Panel’s view this includes the ratepayers of BC Hydro and FortisBC, as 

well as all British Columbians in general.  

 

The Commission Panel finds that the principles established by Order G-27-93 remain relevant in 

the context of the New PPA.   

(ii) Open Access Transmission and Regional Electricity Markets (Contract Flexibility)  

Since 1993 the energy markets, and BC Hydro’s and FortisBC’s ability to participate in those 

markets, have changed significantly.  FortisBC’s ability to buy and sell electricity when market 

prices are favorable did not exist when the parties entered into the 1993 PPA.  However, since the 

advent of open, non-discriminatory transmission tariffs, FortisBC now has access to electricity 

markets in adjacent jurisdictions.  
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BC Hydro believes that, as a general principle, it is unfair to allow customers served at BC Hydro’s 

embedded cost rates to access market priced power at times of low market prices and then switch 

back to embedded cost power at times of higher market prices.  BC Hydro also noted that the 

Commission has been clear that particular customers will not be permitted to benefit unduly at the 

expense of others by arbitraging between embedded cost rates and market prices.  BC Hydro 

stated its industrial customers cannot make market purchases using the OATT while simultaneously 

purchasing power from BC Hydro under their Electricity Supply Agreements.  (Exhibit B-13, 2.5.1.1, 

2.13.4; Exhibit B-14, BCSPO, 2.5.1) 

 

Because of FortisBC’s access to energy markets, the Energy Nomination and Scheduling 

Requirements under the New PPA have changed significantly.  FortisBC is now required to provide 

an energy nomination for the following year (the Annual Energy Nomination), rather than only 

provide a 10 year, annually updated load forecast, as was allowed under the 1993 PPA.  FortisBC 

still has some ability to reduce contract demand, but is restricted from changing the Annual Energy 

Nomination from one year to the next by no more than +/- 20 percent.  FortisBC is obligated to 

“take or pay” at least 75 percent of the Annual Energy Nomination.   

 

The terms of the New PPA relating to Energy Nominations and Scheduling place an increased 

responsibility on FortisBC to forecast its requirements for RS 3808 power on an annual basis and 

reduce the ability of FortisBC to use market energy to reduce RS 3808 power to address imbalances 

in its own system.   

 

BC Hydro submits it does not believe it is realistic to assume that FortisBC could be completely 

prevented from displacing RS 3808 PPA purchases with short-term market purchases.  There is no 

apparent mechanism that could be used to realistically achieve this outcome.  (BC Hydro Final 

Submission, p. 40) 

 

CEC disagrees with BC Hydro on this issue, stating:  

“In the same way BC Hydro has provisions to prevent export sale of power while 
energy is being purchased from BC Hydro under RS 3808, similar constraints 
could be imposed in regard to market purchases of energy affecting the FortisBC 
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ability to nominate and purchase power under the RS 3808 rates.  However, the 
CEC agrees with BC Hydro that this would significantly change the agreements 
from a FortisBC perspective and would likely not be a net benefit.”  (CEC Final 
Submission, p. 14) 

Commission Determination  

The Commission Panel finds that the additional flexibility available to FortisBC to displace 

RS 3808 power with market purchases, which is not available to other transmission service 

customers, provides FortisBC with a substantial advantage compared to those customers, other 

things being equal.  The Panel notes, however, that the magnitude of this advantage is lessened 

somewhat by the Energy Nomination and Scheduling terms in the New PPA.   

(iii) Introduction of Stepped Rates for BC Hydro’s Transmission Service Rate Class 

In the 1993 Decision the Commission determined that RS 3808 would continue to have the energy 

and capacity charges set to match those in RS 1821 or its equivalent (Exhibit B-1, Appendix G, 

p. 32).  In 2006 RS 1821 was cancelled and replaced with Transmission Service Stepped Rate (RS 

1823) and Transmission Service Rate for Exempt Customers (RS 1827). 

 

RS 1823 is a two-tiered “inclining block” rate that is designed to incent conservation.  Pursuant to 

HC2, the second tier is set as a proxy for BC Hydro’s LRMC of new supply and the rate is designed to 

be revenue neutral.   

 

RS 1827 is a flat rate based on BC Hydro’s embedded cost of energy.  The City of New Westminster, 

the University of British Columbia (UBC) and other customers which are exempt from RS 1823 by 

the Commission qualify to be on RS 1827.  RS 3808 has been based on RS 1827 since 2006.  

 

The Application proposes a rate structure to provide for up to 200 MW of capacity and 

1,752 GWh/year of associated energy.  The rate is designed in such a way that up to 

1,041 GWh/year (Tranche 1 cap) are available at RS 1827 embedded cost rates and an optional 
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amount of energy in excess of 1,041 GWh/year but less than 1,752 GWh/year (Tranche 2) is 

available at BC Hydro’s LRMC.  

 

BC Hydro suggests the energy price for the service provided under the New PPA has an inclining 

block structure, with the first tranche at an embedded cost-of-service price and the second tranche 

at a proxy for BC Hydro's long-run marginal cost of new firm energy.   

 

ICG disagrees with this description and submits:  

“The New PPA is not an ‘inclining block’ structure, at least not an  ‘inclining 
block’ structure that is comparable to any other structure in either the FortisBC 
or BC Hydro service areas.  All other  ‘inclining block’ structures have a 
fundamental characteristic that is missing in the New PPA structure, that is, 
revenue neutrality.  In the absence of revenue neutrality, which drives many 
other rate design elements of an ‘inclining block’ structure, the New PPA cannot 
be considered to be an inclining block structure.”   

ICG concludes that “[t]he applied for rate structure is unduly discriminatory and is a departure from 

rate design principles that have been accepted by the Commission in the past.”  (ICG Final 

Submission, pp. 8–9)  

 

FortisBC also submits that it does not necessarily agree that the practical effect of the two-tranche 

structure is an "inclining block" rate structure (FortisBC Final Submission, p. 5).  Nevertheless, 

FortisBC stated that having a fixed price Tranche 2 option is of benefit to FortisBC and was part of 

the overall negotiated package of agreements.  FortisBC has a high level of confidence that it will 

not be required to purchase Tranche 2 energy, and is therefore ‘relatively indifferent’ to the 

Tranche 2 price.  (Exhibit C1-17, BCUC IR 2.4.2, 2.6.3 and 2.10.4) 

 

CEC does not accept that inclining block rate structures are necessarily appropriate for the sale of 

power to a utility such as FortisBC.  CEC also submits that establishing the Tranche 2 pricing signal 

at a level which becomes effective in reducing demand from FortisBC at approximately the same 

time BC Hydro goes into its most significant surplus is inappropriate from a public interest 

perspective.  (CEC Final Submission, pp. 11–12) 
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Commission Panel Discussion 

The Panel agrees with FortisBC and ICG that, given it is not revenue neutral, RS 3808 two-tranche 

structure cannot be described as an “inclining block” rate structure.  However, the Panel disagrees 

with ICG that this finding makes the New PPA unduly discriminatory.   

 

Inclining block rate structures are normally put in place to incent efficient customer consumption 

and investment decisions.  FortisBC is a utility with the ability to access competitive wholesale 

markets, not an end use customer, and RS 3808 power is just one component of FortisBC’s 

resource stack.  FortisBC can still design its rates to send efficient pricing signals to end-use 

customers regardless of the Tranche 1 or Tranche 2 energy prices.  

 

The Panel considers there would be little overall benefit (if any) from the RS 3808 rates reflecting 

the structure and price of BC Hydro’s inclining block rate structure (RS 1823) instead of BC Hydro’s 

flat RS 1827 structure.  Like FortisBC, the City of New Westminster and UBC (who are both on RS 

1827) are not the end users of the electricity they purchased from BC Hydro. 

 

The Commission Panel concludes that RS 3808 is not an “inclining block stepped rate” but rather a 

flat rate for a limited amount of energy at embedded cost rates with an “option” to purchase some 

additional energy (but not capacity) at a higher, non-embedded cost, LRMC price.  The Panel does 

not consider this rate structure in itself to be unduly discriminatory as ICG suggests.  However, in 

order to determine if the rate structure is fair the capacity and associated energy volumes as well 

as the energy and demand charges of the proposed rate need to be evaluated separately.   

7.2.1.2 Relevant Differences between the New PPA and Rates Charged to 

Other BC Hydro Transmission Service Customers 

(i) Capacity and Energy Volume as they relate to FortisBC’s Load Growth 

In 1993, the Commission determined that the Customer Demand Limit for RS 3808 be set at  
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200 MW, and the energy limit be determined by FortisBC’s use of the available capacity (Exhibit B-

1, Appendix G, p. 31).  However, it is noteworthy that the final RS 3808 developed as a result of the 

1993 Decision did not include an energy limit, resulting in a maximum associated energy of 1,7526 

GWh/year at BC Hydro’s embedded cost rates.   

 

BC Hydro stated it is not clear if the 1993 Decision indicated that the 200 MW limit would be for 

the duration of the contract or permanent.  However, BC Hydro concluded the Commission might 

have intended that the 200 MW Customer Demand Limit should continue to apply in PPA renewals 

after the initial 20 year term as a result of following wording in the Decision: 

“The Commission requires that the [1993] PPA to accompany Rate 3808 have a 
term of at least 20 years with a provision for negotiated renewals thereafter.” 
(Exhibit B-13, 2.10.1) 

 

BC Hydro also stated that FortisBC requested the 200 MW demand limit to continue in the new 

agreement, and as part of the package it was agreed to.  BC Hydro further noted that in the earlier 

stages of the negotiation (2009) it proposed FortisBC should not have access to additional 

embedded cost energy for load growth.  Accordingly, the maximum Tranche 1 amount was fixed to 

reflect estimated first year purchases as shown in the FortisBC 2012 Resource Plan.  FortisBC 

subsequently reduced its forecast requirements, but the Tranche 1 amount did not change; 

therefore, BC Hydro considers that the maximum Tranche 1 amount provides for some load 

growth.  (Exhibit B-14, BCPSO IR 2.4.1; Exhibit B-13, BCUC IR 2.10.1.1) 

 

FortisBC provided the following table showing FBC’s service area actual peak and average demands, 

as well as the annual energy requirements from 1993 to 2013 (2013 data taken from FBC’s 2012-

2013 Revenue Requirement Application) (Exhibit C1-3, BCUC IR 1.8.1). 

                                                      
6 This calculation is based on 200 GW X 24 hours per day X 356 days per year. 
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Table 4 

FortisBC Actual Capacity and Energy Requirements 

 
Source: Exhibit C1-3, BCUC IR 1.8.1 

 

From this table it is calculated FBC’s service area energy growth from 1993 to 2013 was 15.87 

percent, average demand growth 19.78 percent and peak demand growth 14.29 percent.  

Commission Determination 

In determining whether FortisBC has been treated in a manner consistent with other BC Hydro 

customers with regard to load growth, the Panel considered how BC Hydro deals with load growth 

for other transmission service customers who expand operations.  Those customers can negotiate 

an increase in contract demand resulting from an expansion of their operations.  In contrast, the 

200 MW capacity limit and the associated energy have not been increased to reflect FortisBC’s load 

growth of 15.8 percent since 1993.   

 

As a result, the Panel finds it would have been fair under the Bonbright Principles evaluation, all 

else being equal, for the capacity limit and associated energy to increase to 232 MW to reflect an 

increase in FortisBC’s load growth to serve from 1993 levels.   

 

                                                      
7  (3496-3020)/3020 = 15.8% 
8  (565-472)/472 = 19.7% 
9  (731-640)/640 = 14.2% 
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This finding does not mean that the New PPA, when considered in its entirety, is unfair to FortisBC 

when compared to the rates offered to BC Hydro’s other transmission service customers. As 

FortisBC notes, the “flexibility of the PPA is ... very valuable.”  (Exhibit C1-17, 2.3.1) 

(ii) Energy Volume as it relates to the Tranche 1 Energy Cap 

The New PPA continues to provide FortisBC with up to 200 MW of capacity; however, the 

Application proposes to limit FortisBC’s access to embedded cost energy to 1,041 GWh/year 

(Tranche 1 energy) with an option to purchase an additional 711 GWh/year up to 1,752 GWh/year 

(Tranche 2) at BC Hydro’s LRMC.   

 

BC Hydro submits that the Tranche 1 volume limit exceeds the highest amount of energy FortisBC 

has ever taken under the 1993 PPA (974 GWh in F2007) (BC Hydro Final Submission, p. 35). 

 

ICG identified that by establishing the Tranche 1 cap at 1,041 GWh/year, the New PPA effectively 

creates a load factor of around 60 percent.  This is consistent with FortisBC’s own network load 

which shows a load factor ranging from 51 percent to 60 percent over the past 10 years.  (Exhibit 

C1-22, ICG IR 2.3.1 and 2.3.2) 

 

ICG however, does not support the Tranche 1 cap.  ICG submits that “The customer obligations of 

BC Hydro to FortisBC were then clearly defined [by the Commission in 1993] as 200 MW of capacity 

and all associated energy” and “the New PPA does not continue to provide the same access to 

Heritage Assets as did the 1993 PPA.”  ICG requests that the Commission Panel direct that the New 

PPA be revised so that the obligation to serve continues to be limited to 200 MW of capacity and all 

associated energy at embedded cost rates.  (ICG Final Submission, pp. 5, 9–10)  

 

BCSPO considers the Tranche 1 cap is reasonable in light of the ‘optionality’ of the contract.  

BCMEU and BCSEA are generally supportive of the agreement (BCSPO Final Submission p. 8; 

BCMEU, Final Submission, p. 2; BCSEA Final Submission, p. 9).  BCSPO further submits that, unlike 

BC Hydro’s other customers, FortisBC can purchase electricity from external markets and concludes 
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that overall, the introduction of an inclining block rate for FortisBC at 1,041 GWh is reasonable 

(BCPSO Final Submission, pp. 7–8).  

 

CEC recommends only temporary approval of the New PPA and Associated Agreements as a result 

of concerns that the agreements do not provide alternatives for changing circumstances in the 

future, in particular with regard to future resource planning issues (CEC Final Submission, pp. 5, 15).  

These concerns are addressed under efficiency in Section 7.2.3 of this Decision.   

 

FortisBC submits that as a result of: (i) the Commission's 2009 decision (G-48-09), (ii) BC Hydro's 

insistence on a cap, and (iii) the importance of RS 3808 power in its power supply portfolio, 

FortisBC refocused its negotiation efforts.  This was to ensure that, if there was to be a limit on 

BC Hydro’s embedded cost energy under the New PPA, FortisBC would have sufficient flexibility to 

be able to manage this cap in order to mitigate any impact on its customers to the best degree 

possible.  (FortisBC Final Submission, p. 6) 

 

FortisBC submits BC Hydro's original negotiating position was that the availability of BC Hydro’s 

embedded cost energy would be subject to monthly caps.  However, through negotiation, the 

parties agreed that this limit would be based on an annual cap of 1,041 MWh/year.  This provides 

FortisBC significant flexibility to manage and displace RS 3808 power with market purchases or 

other supply sources as well as to shape when it takes deliveries of RS 3808 power (subject only to 

the 200 MW cap).  (FortisBC Final Submission, p. 6)  

Commission Determination 

The Commission Panel determines it is reasonable that the maximum amount of associated 

energy that should be available at embedded costs rates (Tranche 1 cap) ought to be 

approximately 60 percent of the total available associated energy.   

 

The Tranche 1 cap of 1,041 GWh/year results in a RS 3808 load factor for FortisBC of approximately 

60 percent.  This is consistent with FortisBC’s own network load which shows a load factor ranging 

from 51 percent to 60 percent over the past 10 years.  The cap therefore ensures that the RS 3808 
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load shape is reflective of FortisBC’s customers’ operational requirements and is consistent with BC 

Hydro’s treatment of its RS 1827 customers. 

 

The Panel is aware that BC Hydro’s other transmission service customers on RS 1827 do not face a 

similar cap on the amount of energy they can purchase from BC Hydro at embedded cost rates.  

However, as BCPSO notes, RS 1827 customers also cannot displace BC Hydro’s embedded cost 

energy with market purchases. 

 

If FortisBC did not have access to the market energy, the Panel would be more persuaded by ICG’s 

argument that FortisBC should have access to at least the same amount of heritage energy as it did 

under the 1993 PPA.  However, because FortisBC has access to these other markets, the Panel 

concludes that it is reasonable that FortisBC should only be provided with enough embedded cost 

energy to reflect the load factor of its own load.  

 

The Tranche 1 limit is consistent with the 1993 PPA Decision which states that the energy limit was 

to be determined by FortisBC’s use of the available capacity.  The highest amount of energy 

FortisBC has taken under the 1993 PPA was 974 GWh in F2007.  

 

The Commission Panel finds that based on 200 MW of capacity, the Tranche 1 cap of 1,041 

GWh/year appears to be appropriate as it represents approximately 60 percent of associated 

energy.   

(iii) Energy Charge as it relates to Tranche 1 Rate and the Demand Charges 

BC Hydro proposes that both the Tranche 1 energy rate and demand charges reflect RS 1827 rates. 

“BC Hydro submits that consideration of creating a new customer class, and of rebalancing rates to 

achieve desired revenue-to-cost ratios, should not be undertaken on an individual customer basis 

in the absence of general rate design review. Rebalancing one rate in the absence of others would 

be expected to have a net revenue impact.”  (BC Hydro, Final Submission, p. 39)  
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FortisBC maintains that there is no evidentiary basis for departing from the 1993 PPA Decision to 

price RS 3808 power at the same price used for BC Hydro’s other transmission service customers 

(FortisBC, Reply Submission, pp. 1–2). 

 

The Panel has already determined that the 1993 Decision, which gives FortisBC access to 

BC Hydro’s electricity at rates extended by BC Hydro to its comparable customers, remains a valid 

foundation for the New PPA.  

Commission Determination 

The Commission Panel finds that there is an insufficient evidentiary basis to depart from the 

energy and demand charges that have been applied to other transmission service customers 

under RS 1821 and more recently under RS 1827.  Accordingly, the Panel determines that the 

proposed demand charges and the Tranche 1 energy charge, based on RS 1827, are fair under the 

Bonbright Principles. 

 

The Panel previously concluded that the proposed rate structure was not an inclining block stepped 

rate and that, as such, the revenue neutral rate design in RS 1823 is not appropriate for RS 3808.  

 

The Panel considers that changes to existing rates should not be encouraged where they merely 

move from one definition of fairness to another equally valid definition of fairness, with no net 

benefit to British Columbia overall.  Changes to existing approved rates should therefore focus on 

addressing non-fairness Bonbright Principles (for example, efficiency or energy policy) unless it can 

be clearly demonstrated that changes in circumstances render the previous fairness determination 

questionable. 

 

Another consideration of the New PPA Tranche 1 energy price is whether the Tranche 1 volume 

flexibility and price could result in inefficient outcomes for BC.  For example, if it incents FortisBC or 

its customers to behave in a way which results in an over-investment in generation capacity in the 

Province.  These issues are addressed in Section 7.2.3 and Section 8.0 of this Decision. 
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(iv) Energy Charge and Energy Volume as they relate to Tranche 2 

BC Hydro proposes that Tranche 2 energy (between 1,041 GWh/year and 1,752 GWh/year) reflects 

BC Hydro’s LRMC excluding distribution losses and including an adjustment for inflation.  The 

Tranche 2 price will start at $0.1297/kWh.  (Exhibit A2-1, Appendix E, p. 3) 

 

BCPSO raised a concern that BC Hydro does not plan on increasing the Tranche 2 price annually for 

inflation, unlike BC Hydro’s Residential Inclining Rate.  The Tranche 2 energy price will instead 

reflect BC Hydro’s most recent LRMC proxy for firm energy as determined by BC Hydro and 

accepted by the Commission for ratemaking purposes.  BCPSO submits that BC Hydro should either 

change its planned approach or the Commission should declare an exemption and set a fixed price 

to resolve the anomaly.  (BCSPO Final Submission, pp. 8–9; Exhibit B-1, p. 37) 

Commission Determination 

The Panel concludes that FortisBC benefits from having the option, but not the obligation, to 

purchase some additional energy at Tranche 2 prices that other Transmission Service Customers do 

not have.  However, given that Tranche 2 is based on BC Hydro’s LRMC of energy, and both 

FortisBC and BC Hydro have stated that there is no forecast intention to use any Tranche 2 energy 

over the proposed term of the New PPA, the Panel does not consider this option will result in a 

material benefit to FortisBC.   

 

The Panel notes BCPSO’s concern that the Tranche 2 price will only be updated as BC Hydro’s LRMC 

proxy is updated, and not annually, which could increase the risk that FortisBC will arbitrage 

Tranche 2 energy by only purchasing it when short-term market prices are high.  

 

Regardless, given the new Energy Nomination and Scheduling Restrictions and the limited 

expected use of Tranche 2 energy over the duration of the contract, the Commission Panel 

accepts the proposed Tranche 2 price adjustment mechanism as fair under the Bonbright 

Principles evaluation.  
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7.2.2 Commission Summary Determination on Fairness 

On balance, the Commission Panel determines that the New PPA and EEA pass the Bonbright 

Fairness Principle evaluation.   

 

FortisBC’s access to Regional Energy Markets allows it flexibility to import electricity to displace 

some Tranche 1 energy with market priced energy.  The Panel considers this a significant advantage 

that other Transmission Customers do not have.  However, the advantage is somewhat offset by 

the addition of the Energy Nomination and Scheduling Restrictions term in the New PPA.   

 

Further, but to a much smaller extent, FortisBC benefits from the option, but not the obligation, to 

purchase some additional energy at Tranche 2 prices that other Transmission Service Customers do 

not have.  

 

In conclusion, the Panel considers that these benefits are fully offset by 200 MW capacity limit and 

associated energy which has not been increased to reflect FortisBC’s load growth since 1993.  Thus, 

the overall finding that, on balance, the New PPA and EEA pass the Bonbright Fairness Principle 

evaluation. 

7.2.3 Efficiency 

The Panel has considered whether the New PPA and Energy Export Agreement result in an 

improvement in efficiency compared to the 1993 PPA.  Efficiency benefits can be described as 

promotion of: (i) efficient customer consumption and investment decisions, (ii) efficient utility 

investment and operational decisions and (iii) innovation.  The Panel also considers any effect on 

British Columbia social issues, including environmental and energy policy.   

 

BC Hydro stated that the key inefficiencies of the existing PPA are: (i) it allows FortisBC to increase 

firm energy purchases up to 100 percent load factor at a price below BC Hydro’s marginal cost of 

energy and (ii) it allows FortisBC to plan on the full use of RS 3808 power and then opportunistically 

displace the planned purchases by buying from the spot market.  (Exhibit B-13, BCUC IR 2.7.1) 
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For example, under the 1993 PPA, FortisBC could plan to purchase 85 MW from the spot market in 

real time, but if the prices at 30 minutes to the hour are above the PPA Excess price, FortisBC may 

elect to take 85 MW of PPA Excess instead.  BC Hydro must maintain this +/- 85 MW of scheduling 

flexibility, which in turn requires that BC Hydro hold 85 MW of generation (or back-off room) in 

reserve until the scheduling deadline has passed.  (Exhibit B-5, CEC IR 1.9.1) 

 

Under the New PPA and Associated Agreements, BC Hydro does not have to hold capacity for use 

as PPA Excess, and so it is available to BC Hydro to meet domestic load or for trade purposes.  This 

scenario is estimated to have occurred as many as 200 hours in a given year in the past.  The 

benefit to BC Hydro flowing from this change is estimated to be less than $100,000 a year.  (Exhibit 

B-13, BCUC IR 2.7.1.1)  The New PPA could also result in BC Hydro holding back capacity to meet 

potential FortisBC Tranche 2 purchases.  However, FortisBC stated it has a high level of confidence 

that it will not be required to purchase Tranche 2 energy.  (Exhibit C1-17, BCUC IR 2.6.3) 

 

FortisBC also raised concerns with the 1993 PPA in terms of efficiency.  The export restriction under 

the 1993 PPA made the development or acquisition by FortisBC of new resources challenging, 

because a portion of the power provided by such new resources could reduce the supplies of 

RS 3808 power available from BC Hydro.  FortisBC submits the New PPA relaxes the export 

restriction and provides the flexibility FortisBC requires to do its own resource planning.  (FortisBC 

Final Submission, pp. 6–7) 

 

The New PPA, however, does result in an increase in FortisBC scheduling costs.  FortisBC estimates 

incremental capital costs of $150,000 and incremental scheduling costs of $15,000 in each of 2013 

and 2014 as a result of the New PPA.  (Exhibit C1-6, CEC IR 1.10.1; Exhibit C1-17, BCUC IR 2.13.1) 

 

CEC raised the concern that the rate structure and price signals in the New PPA are not optimal.  

CEC suggests that better price signals could be developed which would manage consumption based 

on energy available.  For example, CEC proposed that price signals could be developed to 

disadvantage consumption with a view of deferring the need for Site C which would provide 
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significant swings to BC Hydro’s ratepayers.  CEC submits it supports only temporary approval of 

the PPA until these broader issues are resolved.  (CEC Final Submission, pp. 11, 15) 

Commission Determination 

The Commission Panel determines that the New PPA passes the Bonbright Efficiency Principle 

evaluation, as it results in a net improvement in efficiency from the entire British Columbia 

perspective compared to the 1993 PPA.  The New PPA decreases the amount of generation 

capacity BC Hydro is required to hold back to meet potential FortisBC load.  The Panel considers 

that these benefits will exceed the incremental capital and scheduling costs associated with the 

New PPA.  

 

The Panel also considers that the New PPA results in efficiency improvements by relaxing FortisBC 

export restrictions and thereby reducing market barriers to efficient generation investment on 

FortisBC’s network.  However, given the long-term nature of this contract, the Panel remains 

concerned that some export restrictions still remain in the New PPA.  These remaining restrictions 

could represent unnecessary market barriers to efficient generation investment by FortisBC.  

 

The Panel notes, however: 

1. unlike FortisBC’s self-generating customers, FortisBC has agreed to these New PPA 
export restrictions; 

2. the WAX Project has reduced FortisBC’s need to build new generation in the short to 
medium term; and  

3. FortisBC is able to apply to the Commission to amend these restrictions should they 
result in inefficient outcomes to BC over the contract term, as BC Hydro did in 2008. 

 

In view of the Panel, these restrictions are therefore not considered unfair to FortisBC, but instead 

represent a potential inefficiency risk that can be addressed at a later date.  Accordingly, the Panel 

does not consider that removal of all the export restrictions on FortisBC is required in order to 

approve the New PPA. 
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Finally, the Panel does not consider that a Tranche 1 price lower than BC Hydro’s incremental costs 

(or LRMC) will result in inefficient customer investment and consumption decisions.  As determined 

previously, FortisBC is a utility and not an end-use customer, and can still design efficient rates for 

its end-use customers regardless of the Tranche 1 price.  The Panel also does not consider that the 

Tranche 2 price could result in inefficient outcomes if the shorter term market price is lower than 

BC Hydro’s LRMC.  The New PPA does not prevent BC Hydro and FortisBC from entering into 

alternative utility to utility energy purchase arrangements at a different price. 

7.3 Evaluation of Other Associated Agreements  

Having completed the Bonbright evaluation on the New PPA and the EEA, the Panel will now assess 

the other Associated Agreements. 

7.3.1 Amended and Restated Wheeling Agreement 

As stated above the ARWA will be evaluated under the Bonbright Principles as the Panel has 

determined that the agreement reflects the utility to customer relationship. 

 

The existing General Wheeling Agreement, as amended from time to time, has been in effect since 

October 1986, pursuant to Commission Order G-61-86.  The intent of the GWA was to allow 

FortisBC to wheel power from FortisBC's generating resources in the Kootenay area to FortisBC's 

loads in the Okanagan area through BC Hydro facilities.  The term of the existing GWA expires in 

2045 and therefore, unlike the New PPA, the ARWA is not required to replace an expiring 

agreement.  

 

On November 10, 1995, BC Hydro filed an application with the Commission to provide Wholesale 

Transmission Services (WTS), referred to as OATT services within its service area.  As part of the 

public hearing process related to BC Hydro's WTS, the GWA was identified by BC Hydro as a prior 

contractual obligation "grandfathered" under the WTS.  On June 25, 1996, the Commission 

approved a set of WTS tariffs for BC Hydro (Order G-67-96). 
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The GWA remains in full force and effect as a specifically "grandfathered" pre-WTS contract.  

BC Hydro submits that the changes introduced in the amended GWA, now renamed the ARWA, do 

not alter the original intent of the GWA, nor has the nature of the service changed.  As such the 

amendments to the GWA resulting in the ARWA do not affect Powerex’s FERC compliance or its 

ability to access US markets.  (BC Hydro Final Submission, p. 41) 

 

The ARWA includes changes to align with the new accounting required under the New PPA, and 

associated agreements, and to ensure issues related to transmission capacity are properly 

recognized in the agreements.  BC Hydro submits that the amendments made in the ARWA do not 

impact available transmission capacity on the BC Hydro system and do not impact other BC Hydro 

customers.  BC Hydro also provided notice of the changes to be made to the GWA and no 

comments or questions were received from OATT stakeholders.  (BC Hydro Final Submission, p. 41) 

 

FortisBC agrees with BC Hydro that the ARWA does not change the fundamental terms or structure 

of the GWA.  FortisBC states that it could purchase firm transmission services from BC Hydro under 

the Open Access Transmission Tariff, and does so to supplement GWA service under peak load 

conditions.  However, the existing GWA and the updated ARWA provide the wheeling service at a 

much lower cost to FortisBC than what the cost under the OATT would be for the portion of the 

load met through GWA wheeling.  (Exhibit C1-17, BCUC IR 2.21.1 and 2.21.3) 

 

CEC has reviewed the BC Hydro submissions with respect to the ARWA and finds the BC Hydro 

explanations satisfactory.  CEC submits that the ARWA is necessary and should be approved by the 

Commission.  (CEC Final Submission, p. 14) 

Commission Determination 

The Commission Panel determines that the Amended and Restated Wheeling Agreement passes 

the Bonbright Principles evaluation.  

 

The Panel previously determined that it will not revisit previous PPA decisions from a fairness 

perspective unless there is sufficient evidence that changes in circumstances render the previous 
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fairness evaluation questionable.  The existing General Wheeling Agreement does not expire until 

2045 and has been specifically "grandfathered" as a pre-Wholesale Transmission Services contract.  

The Panel considers that the ARWA does not change the fundamental terms or structure of the 

GWA previously approved as fair.  

7.3.2 Imbalance Agreement and the Master Accounting Agreement  

The Panel has determined that the IA and the MAA are more appropriately characterized as utility 

to utility agreements, and therefore placed greater reliance on the sophistication of the parties 

who negotiated the agreement.  These agreements are briefly reviewed in the following. 

7.3.2.1 Imbalance Agreement  

The IA sets out the terms, conditions and prices that will apply if a condition on the Entitlement 

Parties' system (FortisBC, Teck Metals Ltd., Brilliant Power Corporation, Brilliant Expansion Power 

Corporation, and Waneta Expansion Limited Partnership) causes an unauthorised transfer of 

imbalance energy from or to the BC Hydro system.  An unauthorised transfer could occur if there is 

an unexpected condition on the Entitlement Parties' system such a transmission or generation 

outage, or unexpected load event.  (BC Hydro Final Submission, p. 8) 

 

BC Hydro submits that imbalance energy is not a service; instead, it can be described as an 

unauthorised use or delivery of energy.  Accordingly, the IA has terms, conditions and pricing 

designed to encourage FortisBC to plan for and avoid such unauthorised use or delivery.  (BC Hydro 

Final Submission, p. 8) 

 

FortisBC stated that, while it cannot plan to use Imbalance Energy and must use reasonable 

commercial measures to avoid imbalances, under the New PPA the consequence of an imbalance 

due to unexpected conditions, particularly during critical hours, is significantly reduced as 

compared to the 1993 PPA.  Under the 1993 PPA, system imbalances or unscheduled flows were 

settled through the Excess Energy and Excess Capacity provisions which could result in a significant 

cost due to capacity ratchet provisions.  Under the New PPA, only scheduled energy is delivered so 
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there is no impact to the capacity charges, and any system imbalances would be settled under 

the IA.  (Exhibit C1-21, 2.2.1.2) 

 

FortisBC is required to make all reasonable efforts to avoid taking imbalance energy.  This  includes 

holding 15 MW (or 10 percent of FortisBC exports) hourly planning margin, using all available 

resources and curtailing or adjusting scheduled imports and exports, if allowable, and maintaining 

continuous real time monitoring of the system to ensure that any issues or potential issues are 

dealt with as soon as possible.  It does not require curtailing load or compensating third parties to 

curtail load on the system.  (Exhibit C1-8, ICG IR 1.7.1)  BC Hydro believes that FortisBC can manage 

its load resource balance to avoid any imbalance energy transfers.  (Exhibit B-4, BCUC IR 1.18.1.2.1) 

 

Submissions on the IA were also made by Vanport.  However, as they relate to areas determined to 

be out of scope by Order G-117-13 (Merchant energy storage and/or pump storage hydro 

operations and development of related policies) these submissions are not addressed further here 

(Vanport Final Submission, p. 1). 

7.3.2.2 Master Accounting Agreement 

BC Hydro states the MAA is an enabling agreement with no financial commitment, but is required 

to administer the other agreements (Exhibit B-1, p. 46). 

 

BC Hydro submits the MAA is required to determine the amount of imbalance energy, if any.  The 

MAA reconciles the contractual energy transactions and financial flows under the New PPA, IA, EEA 

and ARWA, together with all other transactions under the Canal Plant Agreement and other 

agreements.  (BC Hydro Final Submission, pp. 8–9) 

Commission Determination 

The Commission Panel finds the Imbalance Agreement and the Master Accounting Agreement as 

filed are not unjust, unreasonable, unduly discriminatory or unduly preferential.   
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7.4 Commission Summary Determination  

The Commission Panel has accepted the IA and the MAA as filed.  Furthermore, the evaluation of 

the New PPA, EEA and ARWA under Bonbright Principles framework did not identify anything that 

would cause the Panel to determine that New PPA, EEA, or ARWA10, were unjust, unreasonable, 

unduly discriminatory or unduly preferential.   

 

The Commission Panel therefore finds that on balance the New PPA and Associated Agreements, 

without consideration of the restrictions on FortisBC relating to its self-generating customers in 

section 2.5 of the New PPA, are not unjust, unreasonable, unduly discriminatory or unduly 

preferential.   

 

The documents filed as a package represent a balanced agreement11 negotiated between two 

sophisticated parties that have the support of most Interveners.   

 

A more comprehensive evaluation of section 2.5 of the New PPA is provided in Section 8.0 of this 

Decision.  

                                                      
10  without consideration of the restrictions on FortisBC relating to its self-generating customers 
11  without consideration of the restrictions on FortisBC relating to its self-generating customers 
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8.0 EVALUATION OF SECTION 2.5 OF THE NEW PPA 

8.1 Introduction 

The Commission Panel has already concluded that the New PPA, without consideration of the 

restrictions on FortisBC relating to its self-generating customers, is not unjust, unreasonable, 

unduly discriminatory or unduly preferential from the perspective of the Parties to the 

Agreements. 

 

However, the Panel continued to have serious concerns regarding certain parts of sections 2.5 of 

the New PPA (“Purpose/Limitation of Use of Scheduled Energy”) as they pertain to the restrictions 

on FortisBC relating to its self-generating customers.  What remained to be determined is whether 

inclusion of these restrictions results in the New PPA being unjust, unreasonable, unduly 

discriminatory or unduly preferential overall.    

 

During the Panel’s deliberations it became apparent that, even though the record was closed and 

the Final Submissions had been filed, unresolved concerns regarding these restrictions remained.  

Therefore, the Panel determined it necessary to reopen the record.  On December 13, 2013 the 

Commission issued a letter requesting Supplemental Submissions specifically on certain sub-clauses 

of section 2.5 of the New PPA relating to FortisBC’s self-generating12 customers.  

 

Finally, on April 9, 2014 the Commission received a letter from BC Hydro which addressed both the 

Tariff Supplement No. 74 related Order G-19-14 and the potential implications of its 

reconsideration for the New PPA. In its letter BC Hydro acknowledged a requirement for greater 

transparency for determination of customer-specific baselines and Contracted GBLs, recommended  

  

                                                      
12  The Commission received Supplemental Submissions from BC Hydro, FortisBC, Celgar, BCPSO, BCMEU, BCSEA, CEC, 

Alain Wait and Vanport. 
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a new consultation process and proposed amendments to section 2.5 of the New PPA.  (Exhibit 

B-18) These amendments, related submissions and the Panel’s final determinations are 

summarized in Section 10.0 of this Decision.  

8.2 Past Decisions  

Section 75 of the UCA provides that the Commission is not bound by its prior decisions by way of 

precedent.  However, it is prudent to examine relevant past decisions to assess the historical 

context of such decisions, the degree of congruence with new factual situations addressed, and 

whether or not there are good reasons to depart from the policy enunciations that led to the past 

decisions.  In general, it is advantageous both for the Commission and those regulated companies 

that fall within its jurisdiction, to have a consistent and predictable body of decisions that will 

support informed decision-making.   

 

The following relevant decisions are summarized in Appendix C of this Decision: 

• BC Hydro’s Obligation to Serve RS 1821 Customers with Self-Generation Capability (Order G-
38-01 and G-17-02) 

• BC Hydro Application to Amend Section 2.1 of Rate Schedule 3808 Power Purchase 
Agreement (Order G-48-09) 

• BC Hydro’s Transmission Service Rate and Customer Generator Baseline Information 
Report filed in June 2012 (Compliance Filing) 

• Application by FortisBC Inc. for Approval of a 2009 Rate Design and Cost of Service 
Analysis (Order G-156-10) 

• West Kootenay Power Ltd. Application for Approval of Access Principles (Order G-27-
99) 

• Celgar Complaint Regarding the Failure of FortisBC Inc. and Celgar to Complete a 
General Service Agreement and FortisBC’s Application of Rate Schedule 31 Demand 
Charges (Order G-188-11) 

• Guidelines for Establishing Entitlement to Non-PPA Embedded Cost Power and 
Matching Methodology (Order G-202-12) 

• Application by FortisBC Inc. for a CPCN for the Purchase of Utility Assets of the City of 
Kelowna — Phase 2 (Order G-191-13) 
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• Application by FortisBC Inc. for Stepped and Stand-By Rates for Transmission Voltage 
Customers (in progress)  

• Application by BC Hydro to Amend Tariff Supplement No. 74 Customer Baseline Load 
Determination Guidelines for RS 1823 Customers with Self-Generation (Order G-19-14) 

8.3 Proposed Section 2.5 

In 2008 FortisBC entered into arrangements to provide additional service to Celgar and the City of 

Nelson, both FortisBC customers with their own self-generating facilities.  An effect of these 

arrangements was that FortisBC would purchase additional service from BC Hydro under the 

1993 PPA.   

 

BC Hydro filed a complaint with the Commission requesting changes to section 2.1 of the 1993 PPA 

stating that FortisBC should not be allowed to use BC Hydro’s embedded cost power (RS 3808) to 

supply additional electricity to its self-generating customers in order to allow them to sell their self-

generated electricity into available markets.   

 

In that proceeding (OrderG-48-09 amending section 2.1 of the 1993 PPA), the Commission (i) 

extended the principles established for BC Hydro’s self-generating13 customers as articulated in 

Order G-38-01 to FortisBC; and (ii) determined that FortisBC customers engaging in arbitrage 

should not increase FortisBC’s use of RS 3808 energy.  Specifically section 2.1 states that RS 3808 

electricity shall not be sold to any FortisBC customer when such customer is selling self-generated 

electricity which is not in excess of its load.   The circumstances surrounding this decision and its 

short-term nature are further addressed in Section 8.5 of this Decision. 

 

Section 2.5  of the New PPA maintains the provisions of section 2.1 of the 1993 PPA, namely that 

FortisBC is restricted from selling RS 3808 electricity to any FortisBC customer when such customer 

is selling self-generated electricity:  

                                                      
13  BC Hydro’s self-generating customers are not permitted to arbitrage between embedded cost rates and market 

prices to the detriment of other ratepayers.   
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“Electricity taken under this Agreement shall not be sold to any FortisBC 
customer with self-generation facilities, or be used by FortisBC to serve such load 
when such a customer is selling self-generated Electricity unless a portion of the 
customers load equal to or greater than the customer-specific baseline is being 
served by Electricity that is not Electricity taken under this a Agreement where 
such a customer specific baseline as agreed between the Parties (acknowledging 
that such baseline shall be determined in a manner consistent with how 
BC Hydro establishes a generator baseline  [(GBL)]  for its own customers), 
failing which agreement either Party may submit the matter for dispute 
resolution in accordance with Section 13…” (New PPA, section 2.5 (a) (ii)) 
(emphasis added) 

8.3.1 The Generator Baseline Concept 

Typically, historical GBLs are contractually agreed to by a utility and its self-generator customer.  

They have become important due to investment in new generation facilities by self-generators.  

GBLs determine the amount of self-generation output required, before self-generators can rely on 

the utility to serve its required additional load.  Establishment of historical GBLs in turn gives self-

generator an opportunity to consider third-party sales of its own incremental generation.  

 

BC Hydro submits that section 2.5 of the New PPA affords FortisBC somewhat more flexibility with 

respect to its self-generating customers by allowing FortisBC to establish GBLs that define a self-

generating customer’s access to RS 3808 power.  This is in addition to maintaining the net-of-load 

construct put in place in 2009 in the amended section 2.1 of the 1993 PPA.  The net-of-load 

construct differs from a GBL construct in that the net-of-load construct unequivocally prohibits a 

self-generating customer from buying electricity at the same time as it is selling electricity, whereas 

the GBL construct does not.  BC Hydro notes the base case for section 2.5(a)(ii) of the New PPA is 

the net-of-load mechanism directed by Order G-48-09 but points out the provision also allows 

FortisBC additional flexibility to schedule and purchase electricity from BC Hydro under the New 

PPA.  (BC Hydro Final Submission, pp. 25–28) 

 

BC Hydro believes the net-of-load approach does not strike the right balance because it is inflexible 

and can have unintended consequences if a FortisBC customer has an Electricity Purchase 

Agreement (EPA) with BC Hydro.  BC Hydro further submits the net-of-load approach may also be 
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an impediment to the development of cost-effective incremental generation in the FortisBC service 

area because FortisBC is not permitted to access RS 3808 power for the purpose of serving a 

customer that wishes to sell any electricity not in excess of load, including new incremental 

generation.  (Supplemental Submission, Exhibit B-19, para. 42 and 44) 

 

Celgar points out that BC Hydro is asking the Commission to expressly permit the application of the 

GBL approach to regulating self-generating customers in both service areas.  Celgar supports the 

concept in principle and notes that no party opposes the use of GBL methodology for regulating 

self-generators in FortisBC service territory.  (Celgar Final Submission, pp. 10–11, para. 17) 

 

The BCMEU agrees with BC Hydro that the net-of-load approach does not strike the right balance. 

(Supplemental Submission, Exhibit C4-5, p. 3) 

 

In principle, BCPSO submits the GBL concept is a reasonable construct for protecting BC Hydro 

customers.  However, BCPSO points out the “devil is in the details”.  (BCPSO Final Submission, 

p. 12) 

8.3.2 Setting the Terms and Principles (Guidelines) of a GBL 

Celgar submits that the wording in section 2.5(ii) “in a manner consistent with how BC Hydro 

establishes a generator baseline for its own customers” appears most troublesome.  Specifically, 

Celgar submits, it would require that GBLs for FortisBC’s customers be set not between the utility 

and its customer, as occurs in BC Hydro’s service territory, but rather between BC Hydro and 

FortisBC – without the participation of the self-generating customer.  Albeit, Celgar acknowledges a 

“parallel” process involving the customer is contemplated. 

 

Celgar further submits that section 2.5 of the New PPA would mandate the application of 

BC Hydro’s principles governing the establishment of GBLs.  This would be the case, even though 

such principles, as reflected in the 2012 Information Report, have never been the subject of public 

comment or Commission review and approval for use even in BC Hydro’s service territory, not to 
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mention Province-wide.  Celgar takes the position that the GBL Guidelines contained in the 2012 

Information Report are not precise enough even to permit the computation of a GBL.  Finally, 

Celgar submits the setting of a GBL is a regulatory function, not a utility function and is within the 

Commission’s authority, not BC Hydro’s authority.  Celgar recommends that the Commission 

should simply direct FortisBC to negotiate with its customers under the same parameters it has 

established for BC Hydro in Order G-38-01.  (Celgar Final Submission, pp. 3–5 and 9; Supplemental 

Submission, Exhibit C5-10, p. 1)  

 

BCPSO identified the following issues with the setting of a GBL as proposed in section 2.5 of the 

New PPA. 

Contract Term and Guidelines for GBLs 

• “Contracted GBLs are typically set for the term of the contract.  Following the 
termination of the contract, BC Hydro and the customer could agree to enter into a 
new contract in which case a new Contracted GBL would be set reflecting the then-
current conditions.  However, in the new section 2.5 there is no contract term.”  

• It is unclear as to how, or if, the GBLs set using the proposed Guidelines would be 
reviewed and under what conditions they would be revised. There is ambiguity and 
perhaps a difference of opinion between BC Hydro and FortisBC on this issue. 

• Clarity can only be attained by either establishing a set term that would apply to all 
GBLs or there being clear documentation as to the principles that would be used in 
determining when and how GBLs would be reviewed and possibly revised.  

 

Customer Role in Setting Customer-Specific Baselines 

• While BC Hydro has no discretion in the setting of Non-Contracted GBLs as they are 
considered part of a Tariff [Application to Amend Tariff Supplement No. 74], while 
Contracted GBLs are typically negotiated between BC Hydro and their customer and 
involve a degree of discretion and subjectivity as commercial contracts.  

• Because the GBLs negotiated between BC Hydro and FortisBC can potentially impact 
FortisBC’s self-generating customers, these customers should have recourse to the 
Commission if they consider the resulting rates to be unjust and unreasonable.  As 
this rate impact is the result of section 2.5 established between BC Hydro and 
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FortisBC, this baseline should be viewed as legitimately being within the potential 
scope of any objection to the rate proposal by FortisBC. 

Discretion Available in Setting GBLs 

• A balance between the need for consistency and transparency in relation to the 
need for the flexibility and discretions can perhaps be achieved.  However, as 
currently proposed, the balance is decidedly tipped towards discretion and flexibility 
at the expense of transparency.  

• The New PPA is not a commercial contract in the same sense as the contracts BC 
Hydro enters into to purchase electricity from its customers.  Therefore, the 
Commission may wish to consider establishing a process whereby individual GBLs 
are approved. 

• These concerns about lack of transparency add further support to the 
recommendation that there be a clear process through which customer concerns (be 
they self-generators or other customers of FortisBC) about the appropriateness of a 
GBLS set under section 2.5 of the New PPA can be raised and addressed.   

(BCPSO Final Submission, pp. 12–16) 

8.3.3 Positions of BC Hydro and FortisBC 

In reference to the GBL Guidelines, specifically the June 2012 Information Report, BC Hydro 

acknowledges that the establishment of a Contracted GBL for a self-generating customer which 

sells electricity to BC Hydro does not follow a one size fits all formulaic approach.  Accordingly, BC 

Hydro submits it is appropriate that the determination of a GBL for the purposes of section 2.5 of 

the New PPA would be agreed to by BC Hydro and FortisBC based on a publicly available set of 

principles.  In summary, BC Hydro submits the language in section 2.5 is specifically designed to 

accommodate whatever mechanism(s) FortisBC might use in its rates for its self-generating 

customers in relation to simultaneous purchases and exports by such customers.  (BC Hydro Final 

Submission, pp. 25–30) 

 

In response to BCPSO, BC Hydro submits that BCPSO’s recommendation is problematic because the 

determination of a GBL for the purposes of section 2.5(a) of the New PPA involves consideration of 

FortisBC customer information that the customer could consider commercially sensitive.  
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Therefore, the suggested Commission review process might not provide the transparency or 

opportunity BCPSO is seeking.  Furthermore, BC Hydro submits section 2.5(b) of the New PPA 

already contemplates the possibility of Commission involvement if BC Hydro and FortisBC are 

unable to reach an agreement on the appropriate GBL.  (BC Hydro Reply Submission, p. 5) 

 

BC Hydro also challenges the statement that a self-generator would not have meaningful input into 

the customer-specific baseline [GBL].  BC Hydro states that information on the historic self-

generation and how to normalize it would be required from the customer.  Further, in order to 

implement the GBL approach both the customers and the utility would have to be involved in 

facilitating it.  BC Hydro reiterates its position that the GBL Guidelines included in the 2012 

Information Report are clear and that the basic principle of such GBL determinations is straight 

forward.  BC Hydro also states that if a customer objected to the GBL they would have the right to 

complain to the Commission.  (Supplemental Submission, Exhibit B-16, pp. 19–21, para. 54, 57–58)   

 

BC Hydro proposes in its Supplemental Submission that if the Commission determined these issues 

were to result in the rate being unjust, unreasonable, unduly discriminatory or unduly preferential, 

the Commission could direct that section 2.5 of the New PPA included the following language: 

• “the FortisBC self-generating customer must be consulted in relation to 
determination of a ‘customer-specific baseline’ [GBL] by FortisBC and BC Hydro, 
and/or 

• any ‘customer-specific baseline’ [GBL] determined is subject to BCUC approval.” 

(Supplemental Submission, Exhibit B-16, para. 113)   

 

FortisBC states that self-generating customers would, in fact, have meaningful input in setting the 

customer-specific baseline [GBL] for service in the FortisBC service territory and agrees with 

BC Hydro’s submission on this issue  (Supplemental Submission, Exhibit C1-24, para. 30).  FortisBC 

also supports the additional language proposed by BC Hydro in paragraph 113 of its Supplemental 

Submission.   
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Commission Panel Discussion 

The Commission Panel notes that, in general, the Interveners do not take exception to the idea of 

including the GBL construct.  BC Hydro, in its 2012 Information Report, stated the application of the 

net-of-load approach results in the under-utilization of existing generation assets and the 

avoidance of investments in upgrades or new generation and emphasized this again in its 

Supplemental Submission.  

 

However, the Panel shares the concerns of BCPSO and Celgar regarding the way the GBL construct 

is proposed to be applied as set out in section 2.5 of the New PPA.  Specifically, the Panel is 

concerned that the proposal results in the customer-specific baselines being set by agreements 

between FortisBC and BC Hydro.  The Panel believes that this could lead to the potential erosion in 

customer protection because the Generator Baseline (GBL) is to be established by BC Hydro and 

FortisBC while the self-generating customer is virtually excluded from having any meaningful input.  

This differs from the BC Hydro service area where, according to the 2012 Information Report, GBLs 

are agreed upon directly in negotiations between BC Hydro and its self-generating customer. 

 

In its Supplemental Submission BC Hydro proposes that the Commission could direct BC Hydro to 

add additional language requiring the self-generator customers be consulted.  However, this 

additional language did not require that the GBL be negotiated with the customer.  The Panel does 

not see this additional language providing any additional protection to the customer.    

 

In addition, section 2.5 stipulates that any GBL must be determined in accordance with the 

principles set out by BC Hydro in its 2012 Information Report.  The GBL Guidelines set out in the 

2012 Information Report are fairly general and subject to considerable interpretation and not 

necessarily transparent.  Furthermore, the Guidelines have not been formally reviewed in a 

Commission proceeding nor does BC Hydro intend to file them for such a review.  Finally, BC Hydro 

sees Contracted GBLs negotiated with its customers as sensitive commercial agreements – and, as 

such, confidential.   

 



72 

 

 

In its Supplemental Submission, BC Hydro also proposes that the Commission could direct BC Hydro 

to add additional language requiring the customer-specific baseline [GBL] be subject to Commission 

approval.  

 

In the absence of a full proceeding to determine an appropriate GBL for each self-generating 

customer the Commission would have to rely on the 2012 Information Report for guidance.  

However, the 2012 Information Report which has not been approved by the Commission is subject 

to considerable interpretation, is fairly subjective and deals with the setting of Contracted GBLs for 

new customer installing self-generation. Clear guidance on how BC Hydro has historically sets GBLs 

for customers with existing generation facilities, or at what point in time “incremental” generation 

was determined is not addressed in the Report.   As stated in the 2012 Information Report, BC 

Hydro has granted nine GBLs since 2009 with no Commission oversight or review (2012 Information 

report, p. 10).   

 

The Panel struggles with how, in the future, the Commission could rely on the 2012 Information 

Report to determine a GBL for a FortisBC customer with existing self-generation consistent with BC 

Hydro’s approach given the limitations of the 2012 Information Report.  On February 17, 2014, in 

the Tariff Supplement No. 74 Decision, the Commission directed BC Hydro to file updated 

Contracted GBL guidelines to be incorporated as part of RS 1823.  However, it would be expected 

that those guidelines would be addressing GBLs for customers with new self-generation and not 

existing self-generation and would therefore be of limited use to RS 3808.  

 

The Panel concludes that gathering the necessary evidence in order to ensure that rates are not 

unjust, unreasonable, unduly discriminatory or unduly preferential would most likely not be 

possible by simply relying on the Guidelines contained in the 2012 Information Report.  The Panel 

considers it highly likely that a lengthy regulatory proceeding would be required each time a GBL 

for a self-generation customer needs to be determined under the New PPA.  The Panel sees little 

regulatory efficiency in this approach.  The Panel also notes that because there are no established 

Guidelines these lengthy proceeding could still result in inconsistent outcomes and uncertainties 

for self-generators in the FortisBC service territory. 
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8.4 Rates that Comply with Section 2.5  

Since the amended restrictions in section of 2.1 of the 1993 PPA were approved by the Commission 

in 2009, practical compliance in terms of rate design for FortisBC customers with self-generation 

has been an ongoing challenge, and has resulted in several decisions by the Commission on the 

matter.14  This issue is yet to be satisfactorily resolved, and a further concurrent proceeding 

continues to refine the definition of what is an appropriate level of service to FortisBC’s self-

generating customers.15   

 

BC Hydro submits: “The restrictions do not dictate how FortisBC is to serve its customers or how 

FortisBC (or the BCUC) is to design rates to be applied to FortisBC customers… Allocation of 

FortisBC’s cost of energy to its rates is a design matter within the discretion of FortisBC and the 

BCUC.”  (Supplemental Submission, Exhibit B-16, para. 40) 

 

FortisBC believes that it is currently free to establish GBLs with its self-generator customers, but 

their basis and effect is somewhat unclear (Supplemental Submission, Exhibit C1-24, para. 24).   

FortisBC also submits that the section 2.5 restrictions do impose some administrative and 

regulatory burden on FortisBC.  If the restrictions in section 2.5 were removed the administrative 

burden would be lessened; however, it may result in BC Hydro being more active in FortisBC’s 

proceedings.  (Supplemental Submission, Exhibit C1-14, para. 27)  

 

BC Hydro further submits that:  

“[It] believes that the challenges faced by stakeholders for the FortisBC rates 
being developed for its self-generating customers who wish to make non-
physical deemed purchases and exports of matching blocks of power are not 
caused by the PPA or any of its terms.  The challenges faced by the stakeholders 
would be largely the same even if there was no PPA.”  (Supplemental 
Submission, Exhibit B-16, para. 83) 

                                                      
14   G-113-01 (Riverside Application for Exemption), G-48-09 (BCH RS3808 Amendment), G-156-10 (FortisBC Rate 

Design), G-188-11 (Celgar Complaint), G-202-12 (FortisBC Entitlement and Matching Methodology), G-198-11 
(Tolko GBL Reaffirmation). 

 
15  Application by FortisBC for Stepped and Stand-by Rates for Transmission Voltage Customers. 
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In regard to the design and setting of rates in the FortisBC territory for self-generating customers, 

Celgar submits that “[e]liminating the Restrictions in the New PPA will resolve almost all of the 

controversial issues in the Order G-202-12 proceeding…” (Supplemental Submission, Exhibit C5-10, 

para. 32).   

“As is the case with Restrictions in the 1993 PPA, Restrictions in the New PPA 
would unnecessarily encumber the exercise of the Commission’s authority 
regarding rates to be set in future proceedings.  This is unnecessary as the 
Commission will have the authority to mitigate the risk of any (currently non-
existent) incentives for a self-generator to engage in ‘impermissible’ arbitrage 
should the issue arise.  Such authority should not be constrained by the New 
PPA.”  (Supplemental Submission, Exhibit C5-10, para. 76) 

 

Celgar goes on to comment on the Stepped and Stand-by Rates Application currently before the 

Commission that is designed to reflect the restriction in section 2.1 of the 1993 PPA stating “…no 

Commissioner can possibly think that the entitlement/notional matching/made-for-Celgar stepped 

rate with NECP rate rider is economically efficient or reflect any sound energy policy”  

(Supplemental Submission, Exhibit C5-10, para. 78). 

 

Celgar submits that eliminating the restrictions would  

“eliminate the unwieldy (and currently unresolved) matching principle 
methodology.  The fact that FortisBC and Celgar are unable to agree upon a 
matching methodology speaks to the underlying difficulty in reconciling the 
effects of the ‘obligation to serve’ and the ‘no harm’ principles outlined in earlier 
Commission Decisions.  These difficulties would be eliminated by removal of the 
Restrictions, resulting in greater transparency, fairness and simplicity.”  
(Supplemental Submission, Exhibit C5-10, para. 99) 

 

BCMEU agrees that it is not in the best interest of the Interveners or the electric utility rate payers 

in general to have regulatory complexity such as surrounds the self-generation issues.  Therefore, 

BCMEU submits it supports the concept of simplifying the requirements by removing section 2.5 

from the proposed PPA.  Furthermore, BCMEU submits that the regulations for self-generator 

exports be handled in a separate stand-alone document.  (Supplemental Submission, Exhibit C4-5, 

pp. 3–4) 
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In reply, BC Hydro further reiterates its point and states that  

“[t]he New PPA and section 2.5 of it cannot and do not dictate the conditions 
under which FortisBC sells to its customers.  It is a decision of FortisBC, with 
BCUC approval, whether to incorporate baseline mechanisms like those in 
section 2.5 of the New PPA into FortisBC’s rates for its customers.”  (Reply 
Supplemental Submission, Exhibit B-7, para. 9) 

Commission Panel Discussion 

Section 2.1 (and now 2.5) restricts the use of RS 3808 energy by FortisBC to serve particular 

customers under certain circumstances.  The Commission Panel acknowledges that on the surface 

this may appear to be simple.  However, FortisBC meets its service area load requirements through 

a combination of sources of electricity supply which make up its resource stack.  Approximately 

28 percent of the resource stack comes from BC Hydro through RS 3808. 

 

At any given moment a mix of electricity sources makes up what a customer physically receives.  

Given that it is not possible to physically supply a customer with a particular source of supply, 

designing a rate that reflects the expected non-physical deemed flow of electricity would most 

certainly lend itself to complications.   

 

The Panel agrees with BC Hydro that the allocation of FortisBC’s cost of energy to its rates is a rate 

design matter within the discretion of FortisBC and the Commission.  The Panel finds, however, the 

proposed section 2.5 of the New PPA does in fact further complicate the rate design for 

transmission voltage customers in the FortisBC service territory.  If BC Hydro’s RS 1823 is any 

indication, rates designed for this rate class are already very complex, and layering on top of this 

further complexity will surely result in challenges for FortisBC and its affected customers. 

 

In conclusion, the Commission Panel disagrees with BC Hydro’s assertion that “... the challenges 

faced by the stakeholders would be largely the same even if there was no PPA” (Supplemental 

Submission, Exhibit B-16, para. 83).  It is clear that that this is not the case.  The Commission Panel 

believes that if FortisBC alone was in charge of its rate design for transmission voltage customers, 
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unfettered by additional restrictions due to BC Hydro’s concerns, the rate design and regulatory 

proceedings could be simplified. 

8.5 Objective of Section 2.5 

The Panel has already concluded that a GBL agreed between BC Hydro and FortisBC and approved 

by the Commission based on the non-Commission approved 2012 Information Report would lead 

to regulatory inefficiencies as lengthy regulatory proceedings would likely be required for the 

setting of each self-generating customer’s GBL.  Furthermore this approach could result in 

inconsistent outcomes and would provide little certainty to FortisBC’s self-generating customers.   

The Panel also concluded that complying with the restrictions as proposed in section 2.5 of the 

New PPA would result in rate design complications in the FortisBC territory for which an agreeable 

solution has yet to be found. 

 

Given the problematic nature of the GBL construct as proposed in section 2.5 of the New PPA the 

Panel seeks to clarify why these restrictions remain necessary.  

8.5.1 Past Commission Decisions 

BC Hydro and FortisBC have relied to a large extent on past Commission rulings in negotiating 

section 2.5 of the New PPA.  A review of Commission Orders G-38-01, G-17-02 and G-48-09,16 

which set limitations to the amounts of heritage power available to self-generators who were also 

exporting, has shown that those cases, based on applications by BC Hydro, were all of a temporary 

nature.  The Commission was reacting to certain “unique circumstances” and “without prejudice” 

to the resolution of long term rights of self-generating customers to take their generation to the 

market. 

 

BC Hydro also noted that the program defined by Order G-38-01 (extended by G-17-02) was 

established during a period of time when there was a serious energy shortage in western North 
                                                      
16   Commission Orders are summarized in Appendix C. 
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America, and was therefore designed to encourage self-generating customers with idle capacity to 

generate and sell electricity.  

 

Order G-48-09 was issued by the Commission after BC Hydro filed a complaint with the Commission 

when it became aware that FortisBC planned to increase sales to its self-generating customers 

through RS 3808 electricity.  BC Hydro claimed that this would result in a fairly large negative 

impact to BC Hydro’s ratepayers and argued those self-generators were engaging in arbitrage.  To 

remedy the situation BC Hydro proposed to incorporate certain restrictions on FortisBC through 

the 1993 PPA by way of section 2.1 amendments.  Specifically, that RS 3808 electricity shall not be 

sold to any FortisBC customer when such customer is selling self-generated electricity which is not 

in excess of its load. 

 

Given the particulars of the issues at stake, the Commission considered that a more global solution 

regarding the business of reselling or “arbitrage” of power would be preferable.  In the end, 

however, the Commission concluded that the record in the proceeding and the limited number of 

parties participating did not permit or support a more general remedy at the time.  The G-48-09 

Panel stated that “as the power export market for BC generators and their agents matures, the 

Commission or Government may choose to establish guidelines, rules or regulations to deal with 

the market and to spell out the permitted roles and operational rules that will be open to the 

various players province-wide.”  (G-48-09 Reasons for Decision, p. 22) 

 

Short Term Nature  

In the end the Commission approved BC Hydro’s proposed solution by Order G-48-09. However, 

that Panel highlighted in its reasons the short term nature of the determination.  The Panel 

acknowledged that the 1993 PPA between BC Hydro and FortisBC was to expire on 

September 30, 2013 and that the two parties were negotiating a potential renewal and extension 

hopefully resulting in a comprehensive renewed PPA.  Therefore, the relief sought by BC Hydro was 

only granted for the remaining term of the 1993 PPA.  (Reasons, Order G-48-09, p. 10) 
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Celgar submits given that the G-48-09 Decision was specifically intended to provide a temporary 

solution, and given the subsequent Commission decisions that have further defined the methods 

available to deal with self-generating customers, the Commission is now in a position to provide a 

longer term solution that will ensure the approved rate is fair, reasonable and not discriminatory.  

(Celgar Final Submission, para. 15) 

 

BCMEU submits that  

“…the PPA is not the appropriate place to set regulations for self-generators and 
that self-generators, FortisBC and BC Hydro would be better served by having 
self-generator regulation separate and stand alone.  [BCMEU] notes that the 
restrictions on self-generators in the previous [1993] PPA was the result of a 
unilateral application by BC Hydro (FortisBC opposed), as a regulatory expedient 
manner to deal with their concerns.  To our [BCMEU] knowledge it was not 
chosen as the best solution only as the quickest.”  (Supplemental Submission, 
Exhibit C4-5, p. 2) 

 

BC Hydro submits “…section 2.5 of the New PPA is not justified by the previous BCUC decisions 

indicating they were to be short-term measures only.  Section 2.5 is needed and justified by the 

consistently applied regulatory principle that ‘other utility ratepayers should not be harmed by self-

generators’ arbitrage of embedded cost of power.’”  (Supplemental Submission, Exhibit B-16, 

para. 80) 

Commission Panel Discussion 

In light of the observations and submissions above, especially those by BCMEU, the Panel 

acknowledges the short-term nature of Order G-48-09.  Therefore, the length of the New PPA, the 

temporal nature of Order G-48-09 and the concerns previously identified with adopting section 2.5 

of the New PPA as proposed jointly call for further consideration.  Accordingly, the Panel assesses 

in the following the true purpose of the restrictions in section 2.5 of the New PPA before making an 

overall determination on the Application.  
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8.5.2 Nature of Protection to Ratepayer 

Section 2.5 of the New PPA is a proposed solution to a BC Hydro concern, which the Panel has 

found problematic because, among other things, it would likely lead to significant regulatory 

inefficiencies and result in rate design complexities.  In order to determine if the proposed 

restrictions in section 2.5 of the New PPA remain a reasonable solution to effectively address BC 

Hydro’s concern the Panel seeks to clarify precisely what is sought to be achieved through the 

restrictions contemplated. Ultimately the Panel will determine whether the inclusion of these 

restrictions results in rates that are unjust, unreasonable, unduly discriminatory or unduly 

preferential. 

 

BCSEA submits that “[t]he essential purpose of section 2.5 of the New PPA is to prevent customers 

with self-generation facilities from arbitraging fixed utility rates and market prices to the detriment 

of other ratepayers” (Supplemental Submission, Exhibit C7-7, p. 1).  

 

BC Hydro submits that  

“The purpose of section 2.5(a)(ii) is to protect BC Hydro’s customers from the 
rate impacts they could incur if BC Hydro had to supply increased electricity to 
FortisBC as a result of FortisBC self-generating customers simultaneously buying 
and selling electricity to take advantage of an available price differential.  The 
purpose of section 2.5 in the New PPA is the same as the purpose of section 2.1 
of the 1993 PPA as amended by Order G-48-09. Accordingly, the Commission has 
determined this purpose to be in the public interest.”  (BC Hydro Reply 
Submission, para. 51) 

Commission Determination 

In its Reasons for Decision to Order G-48-09 the Commission made two determinations relevant to 

the issue currently before the Commission.  First, it extended the “Self-Generation Policy Issue” 17 

as set out in BC Hydro’s Order G-38-01 to the FortisBC service territory.  In particular, the 

                                                      
17  “The Commission directs B.C. Hydro to allow Rate Schedule 1821 customers with idle self-generation capability to 

sell excess self-generated electricity, provided the self-generating customers do not arbitrage between embedded 
cost utility service and market prices.  This means that B.C. Hydro is not required to supply any increased 
embedded cost of service to a RS 1821 customer selling its self-generation output to market.” 
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Commission determined that self-generating customers in FortisBC’s service territory should not be 

permitted to arbitrage, between FortisBC’s embedded rates and market prices, to the detriment of 

FortisBC’s other ratepayers.  

 

Second, by amending section 2.1 of the 1993 PPA, it can be concluded, the Commission determined 

that the Self-Generation Policy Issue also applies between service territories, such that self-

generating customers of FortisBC would be prevented from engaging in arbitrage activities to the 

detriment of BC Hydro’s ratepayers as well.  Specifically section 2.1 states that RS 3808 electricity 

shall not be sold to any FortisBC customer when such customer is selling self-generated electricity 

which is not in excess of its load. 

 

However, section 2.1 of the 1993 PPA only addressed the second issue of ensuring that there would 

be no detriment to BC Hydro’s ratepayers.  The first issue was not addressed and protection to 

FortisBC’s ratepayers was not provided.  Section 2.1 did not place any restrictions on FortisBC from 

supplying its self-generating customers with electricity that did not include RS 3808 power.  

 

The Commission Panel therefore finds section 2.1 did not enforce the Self-Generation Policy Issue 

in the FortisBC territory; it only protected BC Hydro from it.  In the Panel’s view, what BC Hydro is 

achieving through the restrictions contemplated in section 2.5 of the New PPA is protection of its 

own ratepayers against potential detriment caused by FortisBC’s self-generating customers 

arbitraging between fixed utility rates and market prices — and nothing else.  

 

BC Hydro has stated on several occasions that FortisBC is free to provide services to its self-

generating customers as it sees fit: “[The] Allocation of FortisBC’s cost of energy to its rates is a rate 

design matter within the discretion of FortisBC and the BCUC” (Supplemental Submission, 

Exhibit B-16, para. 40).  In fact, the allocation of energy to FortisBC’s self-generating customers that 

does not include RS 3808 electricity is currently before the Commission in a separate proceeding.18   

 

                                                      
18  Application by FortisBC Inc. for Stepped and Stand-by Rates for Transmission Voltage Customers. 
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The Panel disagrees with BC Hydro that section 2.5 is needed and justified by the consistently 

applied “Self-Generation Policy Issue.”  That Self-Generation Policy Issue being that other utility 

ratepayers should not be harmed by self-generating customers’ arbitrage of embedded cost power.  

It is extraordinary for a policy issue of a regulated utility to be addressed through a rate schedule of 

another utility, even if that rate schedule is between the two utilities.   

 

However, the Panel agrees with BC Hydro that the Self-Generation Policy Issue in the FortisBC 

service territory needs to be applied but disagrees that this should be achieved through the RS 

3808.  The Panel concludes that ensuring the Self-Generation Policy Issue is carried out in the 

FortisBC territory is of utmost importance, but is better applied by means other than through RS 

3808.  Hence, the review of section 2.5 of the New PPA in the following will consider whether there 

is any material risk of harm to BC Hydro’s ratepayers that warrants it reasonable to continue to 

include these restrictions in the New PPA.  

8.6 Current Terms of the New PPA 

The relevant terms of the New PPA,19 including capacity and energy volumes, energy nominations 

and scheduling, as well as the current energy surplus in the Pacific Northwest will be addressed 

below to determine if it is reasonable or necessary to continue to provide protection to BC Hydro’s 

ratepayers under the proposed section 2.5 of the New PPA. 

8.6.1 Capacity and Energy Volumes  

8.6.1.1 Tranche 1  

The New PPA continues to provide for up to 200 MW of capacity and 1,752 GWh/year of associated 

energy.  However, the New PPA sets a fixed cap of 1,041 GWh/year that can be taken at the 

Tranche 1 rate.  The Tranche 1 rate is the same rate offered to BC Hydro’s other industrial 

customers on the flat RS 1827 rate, and is based on BC Hydro’s embedded cost of power.  Anything 

                                                      
19  Summarized in Section 4.2 of this Decision. 
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in excess of the 1,041 GWh/year is priced at the Tranche 2 rate, which is set at BC Hydro’s long run 

marginal cost.   The amount of power available to FortisBC in the New PPA at embedded cost rates 

is significantly less than the 1,752 GWh/year made available in the 1993 PPA.   

 

As shown in the table below for planning purposes,20 FortisBC expects to be at maximum or close 

to maximum Tranche 1 volumes to serve a portion of its load service obligation for all but the first 

couple of years of the New PPA.  On an operations basis, FortisBC may displace even more 

Tranche 1 energy purchases with more economical resources if they are available.  (Exhibit C1-8, 

ICG IR 1.2.13) 

 

Table 5 

FortisBC’s Expected Use of Tranche 1 Energy under the New PPA 

 
 Source: Exhibit C1-8, ICG IR 1.2.13 

                                                      
20 FortisBC’s forecast was developed as part of the recent 2014 Revenue Requirement Application. 
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BC Hydro disagrees with FortisBC’s forecast and submits that FortisBC will not purchase the full 

maximum Tranche 1 amount for approximately 10 years.  BC Hydro provided its December 2012 

Annual Load Forecast for RS 3808 sales to FortisBC in response to CEC IR 1.1.1 and that forecast is 

reproduced below.  

 

Table 6 

BC Hydro’s expected sales of RS 3808 under the New PPA 

 
Fiscal Year Energy Sales to RS 3808 

(GWh) 
Capacity Sales to 

RS 3808 
(MW) 

Forecast   

F2013 390 200 
F2014 526 200 
F2015 516 200 
F2016 541 200 
F2017 512 200 
F2018 511 200 
F2019 511 200 
F2020 511 200 
F2021 645 200 
F2022 845 200 
F2023 1,000 200 
F2024 1,041 200 
F2025 1,041 200 
F2026 1,041 200 
F2027 1,041 200 
F2028 1,041 200 
F2029 1,041 200 
F2030 1,041 200 
F2031 1,041 200 
F2032 1,041 200 
F2033 1,041 200 

 
Source: BC Hydro’s Supplemental Submission, Exhibit B-16, para. 63 

 

BC Hydro concludes that in 2015 FortisBC will have an additional 535 GWh of Tranche 1 energy 

available and this will more or less continue through 2020 (Supplemental Submission, Exhibit B-16, 
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para. 66).  However, BC Hydro also states “It should be noted that the RS 3808 sales forecast is 

different than FortisBC’s forecast because BC Hydro prepared its forecast in late 2012 based on its 

assessment of the future spot market prices for electricity” (Exhibit B-5, CEC 1.1.1.1).  BC Hydro 

further acknowledges that it did not conduct any sensitivity analysis using alternative spot market 

prices for electricity in preparing its forecast and assumed a low market price until 2023 

(Exhibit B-14, CEC 2.2.2.1) 

 

FortisBC challenges BC Hydro’s forecast and its suggestion that FortisBC has over 500 GWh of 

Tranche 1 energy available to meet incremental load for customers with self-generation.  FortisBC 

states that the cap on Tranche 1 energy was based on FortisBC’s load forecast presented in its 2012 

Resource Plan to meet its annual normal load forecast, without consideration of any incremental 

load associated with self-generating customers.  FortisBC observes that BC Hydro’ forecast is low 

because of the current low market price environment and states that under these conditions any 

additional load on FortisBC’s side would likely be served with additional market purchases and not 

PPA purchase.  (Supplemental Submission, Exhibit C1-24, para. 20)  Furthermore, it states that if 

market conditions were to become less favourable, the Tranche 1 cap would be reached to meet 

normal utility load requirements leaving no excess room to support any additional incremental 

loads.  

 

FortisBC concludes that “[a]s a practical matter, in the current market environment, FortisBC does 

not anticipate taking that step and using BC Hydro power to supply the additional self-generator 

demand associated with arbitrage even if the s. 2.5 restrictions did not exist.”  Further, “FortisBC 

anticipates that as an operational matter, on a forecast basis, nothing would change even if the 

restrictions in section 2.5 of the New PPA were removed.”  (Supplemental Submission, 

Exhibit C1-24, para. 19) 

 

FortisBC provides additional strength to its positions by stating that  

“FortisBC is already limited by the 200 MW capacity limit during winter periods, 
and therefore any growth in PPA used to serve incremental load would only  
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occur during freshet or summer periods when generally more supply options are 
available [to FortisBC and BC Hydro]” (Supplemental Submission, Exhibit C1-24, 
para. 20). 

 

Celgar submits BC Hydro’s position that FortisBC will likely not reach the maximum Tranche 1 over 

the next couple of years and that 500 GWh will be available to meet any incremental load is 

incorrect for the following reasons: 

• There is no ability to take additional energy under the New PPA when the maximum 
capacity of 200 MW is being utilized, which is most of the winter months.   

• The underutilization of the Tranche 1 energy only arises as a result of current real-
time market purchase opportunities that are below the cost of Tranche 1.   

• If the market prices increase, then the full Tranche 1 amount would be required by 
FortisBC to meet its existing load.  (Supplemental Submission, para. 88–90) 

Commission Panel Discussion 

FortisBC has forecast reaching the Tranche 1 cap by 2022 and BC Hydro forecasts it will reach it by 

2024.  Nevertheless, the real issue is how much unused Tranche 1 energy is available during that 

period to serve any incremental load.  FortisBC has forecast on a cumulative basis approximately 

900 GWh21 of unused Tranche 1 energy up to 2022, with a combined 773 GWh (85 percent) 

available in 2014, 2015 and 2016. BC Hydro forecasts that there will be 5,282 GWh22 of unused 

Tranche 1 energy, with about 500 GWh being available in each of the next seven years.   

 

The Panel is persuaded by FortisBC’s submissions and is placing reliance on its forecast of available 

incremental energy over the 20 years of the New PPA in this Decision for the following reasons.  

 

BC Hydro argues that if there is a more economical alternative, for whatever reason, FortisBC 

would reduce its purchase to serve its normal utility load thus leaving more available Tranche 1 

                                                      
21 Over the term of the New PPA the sum of the difference between FortisBC’s Forecasts Tranche use and 1,041 

GWh. 
22  Over the term of the New PPA the difference between BC Hydro’s forecast Sales of RS 3808 each year and 1,041 

GWh. 
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energy available to serve any incremental load.  However, the Panel agrees with FortisBC that 

under this scenario it would only be logical that the more economical alternative would also be 

used to serve any incremental load and therefore there is no real risk to BC Hydro.  

 

The Panel also agrees with FortisBC’s argument that under low market conditions (market price 

lower than RS 3808 rate) there would be little risk that self-generating customers would have the 

opportunity to arbitrage.  Even if they did, it is likely that FortisBC would serve this load with the 

lower priced market energy and not increase RS 3808 purchases. In the case that market prices 

were to rise, FortisBC states it would increase its Tranche 1 purchases as much as possible (given 

the constraints of the Energy Nominations and Scheduling) to meet its normal utility load leaving 

nothing available for any incremental load.   

 

The Panel is further persuaded that the potential risk of using Tranche 1 energy to supply any 

incremental load is further mitigated because FortisBC has forecast using the full 200 MW 

capacities during the winter periods.  Any increase in incremental load could only be served with 

Tranche 1 energy in the freshet and summer periods when generally more supply options are 

available. 

8.6.1.2 Tranche 2 

FortisBC does not forecast taking any Tranche 2 energy over the life of the New PPA due to the 

price differential between the tranches (Exhibit C1-8, ICG IR 1.2.13). 

 

BC Hydro submits that the Tranche 2 energy price will not effectively mitigate the inappropriate 

arbitrage risk.  If the Tranche 2 energy was used to supply any additional sales to FortisBC’s self-

generating customers this would mitigate, but not eliminate, the detrimental impacts of the 

arbitrage.  (Supplemental Submission, Exhibit B-16, para. 66) 
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BCPSO submits that  

“[s]hould FortisBC ever exceed the Tranche 1 cap...the higher Tranche 2 energy 
price may help reduce the impact of potential arbitrage activity by FortisBC’s 
self-generating customers on BC Hydro’s ratepayers but it will no eliminate it.  
The Tranche 2 energy price represents BC Hydro’s long run (average) marginal 
cost.  If BC Hydro was required to provide the additional supply required…to 
serve a self-generating customer circumstances could well be such that BC 
Hydro’s short-term source of additional power exceeded its long-run marginal 
cost and, indeed, this supply could well come from the same market that the 
customer is selling into and at the same price.”  (Supplemental Submission, 
Exhibit C2-7, para. 6)  

 

Celgar argues that if Tranche 2 energy was used to serve any incremental load that BC Hydro 

ratepayers would experience no harm because it is set at BC Hydro’s long run marginal cost.  Celgar 

states that by design, the Tranche 2 rate is intended to recover the full cost of any Tranche 2 

purchases.  That is, as long as the Tranche 2 rate reflects BC Hydro’s most recent proxy for LRMC, as 

it is designed to do, then it necessarily follows that any Tranche 2 purchase will not result in any 

harm to BC Hydro’s ratepayers.   

 

Further, Celgar submits that it does not intend, and has never intended (for its below-load energy), 

to participate in the hour-by-hour markets, as do utilities.  It further states that: 

“The load served [by FortisBC] must be predictable and that will ensure that self-
generators do not use their self-generation investments for ‘short-term 
opportunistic buy/sell arbitrage’. Indeed, the capacity-related charges in 
FortisBC’s transmission service rate schedules already provide a strong 
disincentive to such transactions, as the self-generator typically would be 
obligated to pay capacity charges throughout the contract period based on its 
peak demand.”  (Supplemental Submission, Exhibit C5-10, para. 58) 

 

Celgar concludes by stating that all supply of power to FortisBC to meet an incremental load of its 

self-generating customers must be assumed to be from the Tranche 2 energy.  (Supplemental 

Submission, Exhibit C5-10, para. 58 & 91-94)  
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Commission Determination  

The Commission Panel notes that the Tranche 2 rate is based on BC Hydro’s LRMC of energy which 

is designed to recover BC Hydro’s full cost and that neither FortisBC nor BC Hydro expects that any 

Tranche 2 energy will be used during the term of the New PPA.  

The Panel finds that any potential Tranche 2 purchases on an overall basis would not result in any 

material harm to BC Hydro’s ratepayers if it were to be used. 

 

The Panel disagrees with BC Hydro that the Tranche 2 energy price will not effectively mitigate the 

inappropriate arbitrage risk because there are hours where BC Hydro’s short-term source of 

additional power exceeded its long-run marginal cost.  The Panel is persuaded by Celgar’s 

argument that the capacity charges in the underlying rates would be a disincentive for a self-

generating customer to participate in hour-by-hour markets for its below-load energy. 

8.6.2 Energy Nominations and Scheduling  

The provisions in the New PPA related to nominations and scheduling of energy place an increased 

responsibility on FortisBC to forecast its requirements for PPA power on an annual basis and reduce 

the ability of FortisBC to use PPA power to address imbalances in its own system.   

 

Under the 1993 PPA, FortisBC was not required to provide energy nominations but rather to 

provide a ten year, annually updated load forecast.  FortisBC was also permitted to take energy in 

excess of its pre-scheduled amount without providing advance notice.  (Exhibit B-1, pp. 20–21)   

 

Under the terms of the New PPA, FortisBC is required to provide an Annual Energy Nomination and 

is faced with the following restrictions, conditions and pricing: 

• FortisBC has the ability to reduce contract demand, but is restricted from changing 
the nomination from one year to the next by no more than +/- 20 percent; 

• FortisBC is obligated to “take or pay” at least 75 percent of the Annual Energy 
Nomination; and 
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• Energy cost taken in excess of the Annual Energy Nomination is based on the 
Tranche 1 and Tranche 2 prices.  For purchases of PPA power exceeding the Annual 
Energy Nomination, but less than or equal to the Tranche 1 amount, FortisBC will 
pay 150 percent of the Tranche 1 energy price.  For purchases in excess of both the 
Annual Energy Nomination and the Tranche 1 amount, FortisBC will pay 115 percent 
of the Tranche 2 energy price. 

Due to the new energy nomination and scheduling requirements, FortisBC has much less ability to 

use BC Hydro as the swing supply with which to respond to short-term changes in demand from its 

customers. 

 

BC Hydro submits that “[t]he 75 per cent take-or-pay obligation operated in one direction only – 

that is, this provision does not address what happens if FortisBC takes more than its Annual Energy 

Nomination.”  Furthermore, “the 75 per cent take-or-pay provision provides BC Hydro with a level 

of revenue certainty each year and was included in the New PPA as an incentive for FortisBC to 

make accurate annual nominations.”  (Supplemental Submission, Exhibit B-16, para. 71) 

 

BC Hydro further submits that 

“[i]f FortisBC wishes to increase its take Above the Annual Energy Nominations…[it’s] priced at the 
applicable Trance 1 Energy Price plus 50 per cent or the Tranche 2 Energy price plus 15 per cent” 
(Supplemental Submission, Exhibit B-16, para. 73).  BC Hydro agrees that FortisBC may only increase 
or decrease its Annual Energy Nominations by 20 per cent of the preceding year.  BC Hydro 
concludes by stating “[t]he provisions [75 percent take or pay, +/- 20 per cent restrictions, excess 
surcharges] in the New PPA discussed above do not provide significant protection to BC Hydro from 
inappropriate arbitrage activities by FortisBC or its self-generating customers.”  (Supplemental 
Submission, Exhibit B-16, para. 71-75) 

 

FortisBC responds by stating that  

“FortisBC must make an Annual Energy Nomination prior to the beginning of 
each contract year.  At the time FortisBC makes the nomination it will ensure it 
has other firm resources in place to meet expected load requirements.  If market 
or load conditions change such that FortisBC requires additional resources [from 
RS 3808]…there is a 50% premium on the Tranche 1 price.  This 50% premium 
more than offsets the potential for any financial incentives between costs and 
revenues.  In addition, there could be impacts on capacity demand charges if the 
incremental purchases occurred during high demand periods.”  (Supplemental 
Submission, Exhibit, C1-24, para. 20 (b)) 
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Commission Determination  

The Commission Panel notes that should market or load conditions change such that FortisBC 

requires additional resources (from RS 3808) there is a 50% premium on the Tranche 1 price and 

possibly increased demand charges. This, in the Panels view, provides adequate protection to 

BC Hydro’s ratepayers from FortisBC using any energy in excess of what it has nominated.   

 

Further the Panel concludes that the +/- 20 percent restriction makes it a great deal more difficult 

for FortisBC to access any excess Tranche 1 energy that may be available. 

 

The Panel understands that the 75 percent take or pay provision does not provide any protection 

for increased purchases.  However, overall, the Commission Panel concludes that the 75 percent 

take or pay, +/- 20 percent restrictions, and excess surcharges do provide a moderate amount of 

additional protection over and above the protection provided by the Tranche 1 cap to BC Hydro’s 

ratepayers.  This is protection that did not exist under the terms of the 1993 PPA.   

8.6.3 Pacific Northwest Surplus 

BC Hydro states that it expects electricity supply in the Pacific Northwest to remain in surplus for 

the foreseeable future along with a continuation of relatively low spot market prices.  The low 

market prices also result from lower natural gas prices arising from the extensive shale gas 

developments in North America.  The cost of fuel for gas-fired generation sets the marginal cost of 

electricity production in most of North America and this relationship is expected to remain or even 

strengthen for several years to come.  (Exhibit B-5, Alan Wait IR 1.3.1) 

 

BC Hydro also provided a forecast of the anticipated surpluses it may be putting into the market 

over the next 20 years, based on the Base Resource Plans (BRP) from the 2013 Integrated Resource 

Plan.  The BRP without LNG shows surpluses until F2022 and again surpluses from F2024 to F2030.  

The BRP with LNG shows surpluses from F2012 to F2014 and again from F2024 through F2027.  

(Exhibit B-14, CEC IR 2.9.1) 
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BC Hydro agrees that there is no energy shortage at this time that warrants extraordinary measures 

to enable self-generating customers to make non-physical exports of incremental electricity to 

market.  However, BC Hydro points out that while current projections are for surplus the forecast 

has uncertainty and history has proven the energy supply-resource balance can change quickly 

(Supplemental Submission, Exhibit B-16, para. 78).  BC Hydro further submits that “[e]ven in 

current conditions of relatively low market prices on average, there are many hours when market 

prices are high...” (Supplemental Submission, Exhibit B-16, para. 90). 

 

BCPSO submits that “The New PPA is a twenty-year agreement, during which it is projected by 

BC Hydro and FortisBC that there will be an expected surplus of energy available in the Pacific 

Northwest (unlike the 2001 era of serious energy shortage in western North America when Order 

G-38-01 was established)” (Supplemental Submission, Exhibit C2-7, para. 2). 

 

BCPSO further submits “it is precisely the fact that the New PPA is a 20-year agreement that the 

section 2.5 provision is required.  While there may be no energy shortage at this time the market 

and market prices may be low, there is no guarantee that such circumstances will exist over the 

next 20 years.” (Supplemental Submission, Exhibit C2-7, para. 9) 

 

Celgar submits that  

“[m]ost relevant to the query regarding the potential risk to which BC Hydro and 
its ratepayers might be exposed under the New PPA are the changed 
circumstances of today’s energy market, all of which have eliminated the 
incentive of self-generators to engage in the type of arbitrage feared by BC 
Hydro (arbitrage between embedded costs rates and market rates).”  
(Supplemental Submission, Exhibit C5-10, para. 84) 

 

Celgar further submits this market environment eliminates the risk that in the event such arbitrage 

was to occur, BC Hydro would be forced to purchase incremental replacement energy at prices that 

would significantly impact its ratepayers.  Rather, such purchases would be carried out under the 

current depressed market prices.  Therefore, Celgar concludes by stating that under the current 
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market conditions the risk of harm to BC Hydro’s other ratepayers is simply not there.  

(Supplemental Submission, Exhibit C5-10, para. 87) 

Commission Determination 

The Commission Panel notes BC Hydro has confirmed that it expects the electricity supply in the 

Pacific Northwest to remain in surplus for the foreseeable future along with the continuation of 

low spot market prices.  Yet, BC Hydro argues that although spot market prices are low there are 

hours when they are high.  However, as stated previously, the Panel believes the capacity charges 

in the underlying rates would be a disincentive for self-generating customer to participate in hour-

by-hour markets for its below-load energy and as a result they most likely would not be 

participating in these types of transactions.  

 

The Panel also has already agreed that relatively low spot markets do not incent FortisBC’s self-

generating customer to arbitrage between embedded costs rates and market rates.  Further if they 

were to do so, FortisBC would likely not use RS 3808 energy to serve them. However, the Panel also 

agrees with BCPSO’s assertion that the New PPA is for a twenty-year term and given the 

unpredictability of energy supply markets and spot market prices the situation will likely change 

over at term of the New PPA.  

 

Hence, the Commission Panel determines that as long as there is an energy surplus and spot 

markets are low there is very little risk to BC Hydro ratepayers of FortisBC using its excess 

Tranche 1 energy to supply any incremental load.   

 

Based on FortisBC’s forecast, which the Commission has accepted, 85 percent23 of the excess 

Tranche 1 energy is available in 2014, 2015 and 2016 only.   Therefore, the Panel finds that 

although the current energy surplus does not necessarily provide protection to BC Hydro’s 

ratepayers over the entire twenty- year term of the New PPA, it does provide protection in the 

near future where the greatest amount of risk lies.  

                                                      
23  (900/773) see details of numbers in Section 8.6.1.1 of this Decision. 
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8.7 The Continued Need for Section 2.5 

One of the concerns that the Commission Panel expressed in its December 13, 2013 letter was 

whether BC Hydro ratepayers still required the additional protection afforded in section 2.5 of the 

New PPA when consideration was given to the terms of the New PPA (Exhibit A-17, pp. 1–2). 

8.7.1 Supplemental Submissions of BC Hydro and FortisBC 

BC Hydro submits that 

“[i]f the New PPA used the No Restrictions Approach [no restrictions included in section 

2.5] there could be a significant loss to BC Hydro and its ratepayers due to the inappropriate 

arbitrage activities the BCUC has consistently opposed” (Supplemental Submission, Exhibit 

B-16, para. 94).  BC Hydro also notes that “the exact dollar figure is not important.  The 

potential for material loss and the policy principle are what matters” (Supplemental 

Submission, Exhibit B-16, para. 95). 

 

FortisBC acknowledges the regulatory principle that self-generating customers of a utility should 

not be permitted to arbitrage between embedded cost utility rates and market prices to the 

detriment of the utility’s other ratepayers and supports this principle.  However, FortisBC believes 

that Commission decisions related to the APA have made the status of this principle somewhat 

unclear.  (Supplemental Submission, C1-24, para. 32) 

 

FortisBC submits that under the current regulatory environment BC Hydro continues to require the 

restrictions for the following reasons: 

• the potential further interpretation by the Commission of the APA which could lead 
to arbitrage in the FortisBC territory; 

• the current market conditions could change over the 20 year term of the New PPA; 
and  

• although, under the No Restrictions Approach, FortisBC does not presently 
anticipate making use of additional RS 3808 power, in particular because of the 
Tranche 1 cap, if faced with increased self-generation demand, the factors that 
underpin this constraint may change.  (Supplemental Submission, C1-24, para. 6) 
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However FortisBC states that  

“[i]f self-generator customers were clearly prohibited from arbitraging between 
embedded cost FortisBC rates and market prices in the FortisBC service territory, 
the restrictions…would be redundant.  The arbitrage that section 2.5 seeks to 
prevent would not be occurring.”  (Supplemental Submission, para. 7) 

 

FortisBC further submits that if the same GBL principle used in BC Hydro’s service territory clearly 

applied and was enforced in the FortisBC territory, it would not only eliminate the need for the 

section 2.5 restrictions but it would provide provincial consistency.  FortisBC also states that this 

would be preferable to the matching methodology.  (Supplemental Submission, Exhibit C1-24, para. 

6–9 and 24) 

 

FortisBC concludes that clearly, if the restrictions in section 2.5 were not included in the New PPA 

now, it is reasonable to assume that BC Hydro would likely seek to revisit the New PPA at some 

future time and be more inclined to continue to intervene in FortisBC’s regulatory proceeding in 

order to ensure its perceived interested were safeguarded.  (Supplemental Submission, 

Exhibit C1-24, para. 21) 

8.7.2 Supplemental Submissions of Interveners  

Celgar submits that the restrictions in section 2.5 have no place in the New PPA.  Celgar states that  

“[f]irst BC Hydro is now in a surplus energy supply position, such that harm to 
other ratepayers cannot simply be presumed.  Second, there is no longer a gap 
between market rates and embedded cost rates favouring embedded cost rates. 
Third, given the cap on Tranche 1 energy in the New PPA, FortisBC does not 
anticipate purchasing additional New PPA power, and, due to changes in the 
New PPA even if FortisBC were to purchase additional Tranche 2 power, no harm 
would result to BC Hydro customer.”  (Supplemental Submission, Exhibit C5-10, 
para. 74) 

 

In summary, Celgar submits there is no evidentiary basis for concluding that BC Hydro or its 

ratepayers face any significant or real risk under the New PPA (Supplemental Submission, Exhibit 

C5-10, para. 97).  Celgar recommends that the “Commission reform [s]ection 2.5 of the New PPA so 
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as to delete [s]ections 2.5(a)(ii), 2.5(a)(iii) and 2.5(b)” (Supplemental Submission, Exhibit C5-10, 

para. 109). 

 

BCMEU states  

“[t]hat in the current environment these restrictions are not required to protect 
BC Hydro, however we also accept that the environment may change over the 
course of the PPA.  We further believe that the PPA is not the appropriate place 
to set regulations for self-generators and that the self-generators….would be 
better served by having self-generator regulations separate and standalone.”  
(Supplemental Submission, Exhibit C4-5, p. 2) 

 

BCMEU agrees that it is not in the best interest of the Interveners nor of the electric utility rates 

payers in general to have regulatory complexity such as surrounds the self-generator issue. 

Therefore, BCMEU supports the concept of simplifying the requirements by removing section 2.5 

from the proposed PPA and further that the regulation of self-generator energy exports be handled 

as a separate standalone document.  BCMEU also acknowledges that the inclusion of the 

restrictions facilitates the PPA renewal agreement and recommends that section 2.5 could be left in 

the PPA with a defined expiry term upon Commission approval of a set of self-generator rules 

applicable throughout the Province.  (Supplemental Submission, Exhibit C4-5, pp. 2–4) 

 

BCPSO submits that the materiality of any negative impact to BC Hydro’s ratepayers should not be 

a deciding factor when fundamental principles are involved.  BCPSO further submits that allowing 

FortisBC to establish GBLs (or other mechanisms) to address the issues of arbitrage from its own 

customers’ perspective will not address the risk that BC Hydro is seeking to mitigate through 

section 2.5 as proposed.  In summary, BCPSO states if their concerns regarding customers input 

were addressed (as would be by the changes recommended by BC Hydro in paragraph 113 of its 

Supplemental Submission) the New PPA should be approved without any need to alter the 

provisions of section 2.5.  However, BCPSO recommends that the BCUC establish a proceeding to 

determine individual GBLs for FortisBC’s customers.  (Supplemental Submission, Exhibit C2-7, para. 

11–14) 
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Alain Wait submits that both BC Hydro and FortisBC ratepayers must be considered.  The 

restrictions in section 2.5 are necessary as the Pacific Northwest surplus may be reduced in the not 

so distant future.  Mr. Wait further submits section 2.5 should be amended to include defining the 

criteria used by BC Hydro in developing GBLs.  If FortisBC were free to establish their own GBLs it 

would be difficult to determine them when no parameters have been presented on the setting of 

GBLs.  (Supplemental Submission, Exhibit C6-5, pp. 1–3) 

 

BCSEA submits that section 2.5 of the New PPA is still necessary under the current environment 

because it is a long-term agreement that must be worded to take into account a wide range of 

potential future market conditions.  BCSEA is of the view that it is far more effective to remove the 

risk by including section 2.5 than to speculate about the negative consequences that might occur if 

it was deleted.  BCSEA also states that the risk would exist as a matter of legal reality, regardless of 

the likelihood or magnitude of actual damages due to materialization of the risk.  (Supplemental 

Submission, BCSEA C7-7, pp. 1–2) 

 

CEC submits it supports the general regulatory principle and the inclusion of section 2.5 of the New 

PPA.  CEC suggests that at another time, and in another regulatory process, the Commission should 

initiate a process to clarify the circumstances for self-generators in the FortisBC territory to clearly 

align the principles used in the BC Hydro territory with those in the FortisBC territory – this would 

obviate the need for clarification in the New PPA.  (Supplemental Submission, Exhibit C11-7, p. 1) 

8.7.3 BC Hydro’s Supplemental Reply 

BC Hydro submits that  

“[i]n the absence of certainty regarding the rules that FortisBC will apply to its 
self-generating customers, it is not possible to set conditions in section 2.5(a)(ii) 
of the New PPA that are tailored specifically to such rules.  No FortisBC rules 
exist.  Indeed, the slate has been all but wiped clean in that regard by the recent 
Order G-191-13 determinations.”  (Supplemental Submission, Exhibit B-17, 
para. 23) 
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For BC Hydro, the issue then is whether section 2.5(a)(ii) of the New PPA should remain or if the 

New PPA should be silent at this time and be amended in the future after the rules for FortisBC’s 

service area have been resolved (Supplemental Submission, Exhibit B-17, para. 24). 

 

BC Hydro notes that Celgar prefers the second approach, which it does not support as it would 

have to rely on FortisBC to negotiate arrangements to protect BC Hydro’s customers.  BC Hydro 

does not consider that FortisBC or its customers would be motivated to do so.  Further, BC Hydro 

questions whether FortisBC would maintain its support for the principles in section 2.5 if the 

restrictions were removed on a temporary basis.  (Supplemental Submission, Exhibit B-17, 

para. 23–26) 

 

Regarding the request for further process BC Hydro submits that  

“the BCUC reiterated once again [Reasons to Order G-191-13] that the rights and 
obligations between FortisBC and its customers are issues to be resolved 
through negotiations between FortisBC and its customers, taking into account all 
competing interest and mechanism within the broad book ends.  The service 
agreements that result from such negotiations will need to be presented to the 
BCUC for approval, BC Hydro suggest that those FortisBC activities are the 
appropriate context for further consideration of rules for FortisBC self-
generating customers.”  (Supplemental Submission, Exhibit B-17, para. 45) 

8.8 Section 2.5 — Commission Summary Determination  

The Panel has already highlighted that Order G-48-09 made two significant determinations relevant 

to this proceeding. The first one addresses the Self-Generation Policy Issue in the FortisBC service 

territory.  The Commission determined that this larger comprehensive issue was not addressed 

through the proposed section 2.5 New PPA.   The second determination was protection for BC 

Hydro’s ratepayers from the risk of harm due to FortisBC’s self-generating customers arbitraging 

between embedded cost rates and market rates.   This Panel earlier also noted that section 2.5 of 

the New PPA was designed by BC Hydro to continue to provide it with that protection.  

 

However, the Panel concluded that the specific way BC Hydro proposes to obtain such protection is 

problematic.  Specifically, the Panel considers that to ensure rates are not unjust, unreasonable, 
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unduly discriminatory or unduly preferential a lengthy regulatory proceeding may be required to 

set individual GBLs for each self-generating customer.   The Panel found little regulatory efficiencies 

in this approach and noted that it could result in inconsistent outcomes and uncertainties for self-

generators in the FortisBC service territory. 

 

The Panel also identified two further issues caused by the restrictions as proposed in section 2.5 of 

the New PPA.  First, the restrictions have led to rate design complications in the FortisBC territory 

for which an agreeable solution has yet to be found.  Secondly, the Panel is concerned that keeping 

the restrictions in the New PPA would considerably restrict FortisBC`s flexibility in the future to 

change its regulations for customers with self-generation.  Given the long term nature of the New 

PPA and the changing energy environment there may come a time during the term of the New PPA 

where the GBL methodology is no longer desirable, even in the BC Hydro service area.  If the 

restrictions are to remain in the New PPA, FortisBC’s options to adapt to a changing environment 

may be constrained.   

 

Therefore, the Panel took closer looks at the terms of the New PPA, including the Tranche 1 Cap, 

the Tranche 2 price, and the Energy and Nomination Scheduling requirements, to determine 

whether there remains any material risk of harm to BC Hydro’s ratepayers that warrants it 

reasonable to continue to include these problematic restrictions in the New PPA.   

 

Based upon this further examination the Panel concludes that any embedded cost energy that 

could have been used to serve incremental load under the 1993 PPA has almost totally been 

eliminated by the terms of the New PPA due to the introduction of the Tranche 1 cap, the Tranche 

2 price and the Energy and Nomination Scheduling requirements.   Accordingly,  the Commission 

Panel determines that under the terms of the New PPA there is no significant material risk of 

harm to BC Hydro that warrants it reasonable to continue to include the restrictions as originally 

provided for in sections 2.5(a)(ii), 2.5(a)(iii) and 2.5(b) of the New PPA. 
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In summary, in the interest of regulatory efficiency, the Panel’s preferred solution would be to 

immediately remove the restrictions from section 2.5 as it finds that due to the characteristics of 

the New PPA BC Hydro’s rate payers no longer require protection, especially in the short term. 

However, the Panel also will conclude, for reasons addressed in the following Sections, that it may 

be somewhat premature as FortisBC’s self-generation policies are not sufficiently developed, 

articulated and approved by the Commission. 
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9.0 SELF-GENERATION POLICY ISSUE IN THE FORTISBC SERVICE TERRITORY 

9.1 Why is a Review Required? 

The Panel has concluded that the proposed restrictions in section 2.5 of the New PPA, as they 

related to self-generating customers in the FortisBC service territory, are no longer necessary.  

However, it recognizes that the Parties would gain a considerable amount of comfort if the Self-

Generation Policy Issue in the FortisBC service territory was formally addressed and resolved once 

and for all.   

 

The Panel acknowledges the concerns raised by BC Hydro, FortisBC, CEC, BCPSO, Alan Wait, and 

BCSEA regarding the long term nature of the New PPA and the lack of clarity regarding the Self-

Generation Policy Issue in the FortisBC service territory.  The Panel especially recognises FortisBC 

position that if self-generating customers were clearly prohibited from arbitraging between 

embedded cost FortisBC rates and market prices in the FortisBC service territory, the proposed 

restrictions in section 2.5 of the New PPA would be redundant.  However, FortisBC points out 

previous Commission rulings appear to have qualified the Self-Generation Policy Principle by 

reference to FortisBC’s obligations under the Access Principles Application (APA).  

 

This Panel continues to agree with the Order G-48-09 determination that extended the principles 

established for BC Hydro’s self-generating24 customers as articulated in Order G-38-01 to FortisBC.  

Further, the Panel still agrees that self-generating customers should not be permitted to arbitrage 

between embedded cost rates and market prices to the detriment of other ratepayers.   

 

Furthermore the Panel agrees with BCMEU, BC Hydro and most of the Interveners that the 

appropriate place to address the FortisBC Self-Generation Policy Issue in the FortisBC territory is 

through a separate process.  Ideally, this would be a Province-wide review – conducted either by 

the Government or the Commission. 
                                                      
24  Self-generating customers are not permitted to arbitrage between embedded cost rates and market prices to the 

detriment of other ratepayers.   



101 

 

 

In the Reasons for Decision to Order G-48-09 the Commission stated that a more global solution to 

the issue of reselling or “arbitrage” of power would be preferable and that a Commission “rule” or 

“regulation” might have been a viable way to proceed; however for reasons stated in that Decision 

it was not possible at the time — this Panel determines that the right time is now. 

9.2 Potential Benefits of Self-Generation 

In this Decision, and many prior proceedings, the focus has been on the negative impacts to 

BC Hydro and its ratepayers of a self-generating customer serving its own load with embedded cost 

power while exporting its own self-generation.  At the same time, as BCMEU has pointed out, there 

has been little discussion of the benefit to BC Hydro of a self-generation customer using its own 

self-generation to serve its own load first.  Perhaps it is the time to ask what benefits there might 

be to the Province as a whole from an economic development perspective, if the role and 

responsibilities of self-generators was more clearly defined. 

 

BCMEU states that it is in the interest of its members and, the entire Province, to encourage self-

generators to add new generation and to encourage non-generators to add generation.  BCMEU 

points out the current economic incentive to invest in new generation on a net of load basis is very 

low, at best, the self-generating customers are avoiding power purchases at embedded cost rates.  

The Panel notes that this is recognized by most parties, and therefore, the concept of incremental 

generation is used to differentiate from native generation.  

 

BCMEU submits that a clear and concise regulatory regime is needed for the parties to work with.  

BCMEU suggests examples of rules around self-generation for consideration: 

• Defining a marker in time, after which new or renewed generation is deemed to be 
incremental; and 

• A reasonable time period for the incremental generation to be sold on the market, 
to other entities, or used for serving its own load as best suites the entity building 
the generation (i.e. Perhaps 20 years, or 10 years after the initial capital is paid for). 
(Supplemental Submission, Exhibit C4-5) 
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The Commission would expect FortisBC to address each of these issues as part of a separate 

proceeding being called for. 

9.3 The 1999 Access Principles  

In 1998–1999, FortisBC (then West Kootenay Power) took part in a regulatory process aimed at 

defining the rules governing access to its transmission system.  The objective at that time was to 

facilitate the ability of transmission level customer to purchase power from a source other than the 

utility, and use the transmission system to deliver it.  (Order G-27-99) 

 

In providing the right for customers to do this, the Access Principles contain rules related to:25  

1. when and how a customer could elect to leave or re-enter utility supply for all or 
part of its needs; and  

2. the treatment of the utility, the customer who leaves embedded-cost service, and 
those customers who remain. 

 

These sections of the Guidelines are called Re-entry and the Fair Treatment provisions respectively.  

 

In its 2009/2010 rate design proceeding, FortisBC highlighted the concerns related to the broad use 

of the 1993 Access Principles. FortisBC pointed out that Order G-27-99 does not address such 

issues as: 

1. whether an obligation to serve might be affected by self-generation by a customer; 

2. the sources of power that FortisBC would have to access in serving that customer;  

3. the cost of supply; or 

4. the arbitrage concerns raised by BC Hydro.  (FBC 2010 Rate Design Decision, p. 112) 

 

                                                      
25  For further detail, see FortisBC 2012 Entitlement and Matching Guidelines Application, Appendix A, Public 

Consultation Materials. 
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Because the Commission has referred to them in a number of recent proceedings, the 1999 Access 

Principles, as they relate to the potential rights of a self-generating customer in the FortisBC service 

territory cannot be ignored.  These issues need also to be resolved and should be addressed in 

conjunction with other self-generator policy issues. 

9.4 Comprehensive Self-Generation Policy Application  

Consequently, the Panel is of the opinion that the best way to resolve the FortisBC self-generation 

policy issue in the FortisBC service territory is for FortisBC to initiate a consultation process to 

establish high level principles concerning this matter.  The outcome of this process would be a filing 

of a Comprehensive Self-Generation Policy Application with the Commission. BC Hydro, other 

FortisBC customer groups and other eligible groups should be encouraged to actively participate in 

this process. 

 

Although FortisBC would have the discretion and judgment in determining the scope of the 

consultation process and the resultant application the Commission would want to ensure that (i) 

FortisBC determines for existing self-generating customers, how much generation must be used for 

self-supply, and (ii) all FortisBC’s customers with idle self-generation capability are able to sell 

excess self-generated electricity, provided the self-generating customers do not arbitrage between 

embedded cost utility service and market prices.   

 

While the first objective identified above is fairly self-explanatory, the second one could require 

consideration of a variety of issues.  This might include: 

1. Whether customers with new self-generation should be allowed to use their 
generation to displace their own consumption; and if so, should there be restrictions 
on generator type, size and/or location? 

2. Stand-by rates for self-generating customers who are allowed to use their 
generation to offset their load. 

3. Self-generating customers’ access to the market. 
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4. Identification of any market barriers to efficient investment in self-generation which 
should be addressed; i.e. interconnection issues and reduction in administrative 
complexity. 

 

Regardless, FortisBC must establish Self-Generating customer polices for current and future 

customers at distribution and transmission voltage and to address the following: 

1. the potential benefits of self-generation as identified by BCMEU in its Supplemental 
Submission (Exhibit C4-5); 

2. the 1999 Access Principles in the context of their application to self-generating 
customers; and 

3. GBL Guidelines which address both idle historic self-generation and new self-
generation, if the GBL methodology is proposed; and 

4. ensure, arbitrage is not allowed. 
 

Accordingly, FortisBC is directed to initiate a consultation process in its service territory to 

address or ensure: 

(i) The potential benefits of self-generation; 

(ii) The 1999 Access Principles in the context of self-generating customers; 

(iii) If the GBL methodology is proposed, GBL Guidelines for both idle historic self-
generation and new-self-generation; and  

(iv) Arbitrage is not allowed. 

FortisBC is further directed to file a resultant Self-Generation Policy application with the 

Commission by December 31, 2014 that establishes high level principles for its service territory. 
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10.0 PROPOSED AMENDMENT TO SECTION 2.5 OF THE NEW PPA  

On April 9, 2014 the Commission received a letter from BC Hydro, which addresses both the Tariff 

Supplement No. 74 (TS 74) related Order G-19-14, its pending application for reconsideration and 

the potential implications of the Order and its Reconsideration for the New PPA Application 

currently before the Commission (Exhibit B-18).  In response, the Commission sought submissions 

regarding a proposal outlined by BC Hydro in that letter (Exhibit A-18).  The proposal and 

submissions received are summarized in the following. 

10.1 BC Hydro’s Proposed Amendment  

Order G-19-14 relates to BC Hydro’s application to amend TS 74 Customer Baseline Load 

Determination Guidelines for RS 1823 customers.  While approving the application, the 

Commission also directed BC Hydro to file an application with the Commission for approval of 

updated Contracted Generator Baseline (Contracted GBL) Guidelines to be incorporated in TS 74.  

BC Hydro notes that Contracted GBLs are established in electricity purchase agreements and load 

displacement agreements, and not in the context of applying TS 74.  BC Hydro views the 

Commission directive as ‘problematic’ (Exhibit B-18).  

 

BC Hydro points out that customer-specific baselines proposed for section 2.5 of the New PPA 

would be used in a different context but acknowledges that, for consistency, the New PPA section 

2.5 Guidelines would reflect the principles used to determine Contracted GBLs.  BC Hydro also 

acknowledges a requirement for greater transparency for the determination of customer-specific 

baselines and Contracted GBLs, proposes to undertake a consultation process with FortisBC and 

stakeholders and files amendments to section 2.5 of the New PPA.  Finally, BC Hydro states the 

amended version of section 2.5 will effectively maintain the net-of-load methodology proposed in 

the PPA until the approval of new Guidelines.  Later, with the approval of the Guidelines, and 

inclusion of them as an appendix to the New PPA, FortisBC would obtain additional flexibility to 

access electricity under the agreement. 
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The amendment proposed by BC Hydro is shown below: 

“2.5 Purpose/Limitation of use of Scheduled Energy 

(a) Electricity taken under this Agreement: 
… 

(ii) shall not be sold to any FortisBC customer with self-
generation facilities, or used by FortisBC to serve any such 
customer’s load, when such customer is selling self-
generated Electricity unless a portion of the customer’s 
load equal to or greater than the customer-specific 
baseline is being served by Electricity that is not Electricity 
taken under this Agreement, where such customer-
specific baseline is as determined in accordance  with  
Commission-approved guidelines and in consultation with 
the customer agreed between the Parties (acknowledging 
that such baseline shall be determined in a manner 
consistent with how BC Hydro establishes a generator 
baseline for its own customers), failing which agreement 
either Party may submit the matter for dispute resolution 
in accordance with Section 13; and…” 

(Exhibit B-18, Attachment, p. 1) 

10.2 Intervener Submissions  

FortisBC believes that the proposed amendment to section 2.5 allows for appropriate stakeholder 

consultation and regulatory review to determine the appropriate guidelines, while at the same 

time allowing the Commission to proceed expeditiously with the approval of the New PPA and 

related agreements (Exhibit C1-25). 

 

BCPSO submits that the amendment and BC Hydro’s proposal to consult with stakeholders in the 

development of Commission-approved guidelines for determining customer-specific baselines 

serve as a good starting point for addressing concerns BCPSO expressed earlier (Exhibit C2-8). 

BCMEU supports the proposal because it provides a mechanism to move forward with the New 

PPA, and provide clarity on customer-specific baselines in a separate process (Exhibit C4-6). 

 

Celgar submits the Commission should reject BC Hydro’s proposal as being procedurally unfair, and 

because there should be no restrictions related to self-generating customers included in the New 
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PPA in the first place; whether consisting of the Original Restrictions or the recently amended 

Replacement Restrictions.  Celgar explains that substantial changes to an application after the 

record of a proceeding closes should not be accepted because Interveners will not have been 

provided a reasonable opportunity to test and consider the effects of the proposed amendments.  

Celgar also expresses concern over the additional delay to a resolution for its interim billings.  

(Exhibit C5-11)  Similarly, Vanport did not support the proposed amendments due to procedural 

fairness concerns (Exhibit C10-8). 

 

Mr. Alan Wait submits a preference for an arrangement where FortisBC sets the rules for its self-

generating customers while keeping in mind that self-generators should not be allowed to game 

the system.  Mr. Wait, however, supports approving the New PPA now, with the understanding 

that “housekeeping changes will be made to section 2.5 in the near future designed to meet 

BC Hydro’s concerns of self-generators” (Exhibit C6-7).  BCSEA and CEC also support BC Hydro’s 

proposal for approval of an amended section 2.5 and confirmation that BC Hydro will consult with 

FortisBC and stakeholders to develop guidelines for section 2.5 (Exhibit C7-8, Exhibit C11-8). 

10.3 BC Hydro Reply 

BC Hydro first summarizes the significant support received from Interveners and then provides a 

specific reply to submissions of Mr. Wait and Celgar as follows. 

 

Mr. Wait recommended that section 2.5 should include the concept of “approval by FortisBC” in 

conjunction with the Commission-approved guidelines.  BC Hydro submits that the proposed 

amendment removes subjectivity in favour of a more objective test: the customer-specific baseline 

is to be determined in accordance with Commission-approved guidelines.  

 

With regard to Celgar’s concern over procedural fairness, BC Hydro submits that the Commission 

has the power to control its own processes and has broad discretion to set the procedural steps for 

reviewing an application or subsequent amendments.  BC Hydro further submits that a provision 
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for IRs is not a requirement in general but specifically, Exhibit B-18 clearly is not an amendment 

that warrants an IR process.  (Exhibit B-19) 

Commission Determination 

The Commission Panel acknowledges the overwhelming support given by most parties to BC 

Hydro’s proposal. The proposed amendments to section 2.5 of the New PPA offer a solution to 

move forward with prompt approval of the New PPA and Associated Agreements, which is 

becoming increasingly critical for FortisBC.  At the same time, they allow for a separate consultation 

process, which is intended to increase transparency for determination of customer-specific 

baselines and Contracted GBLs.  The process will culminate in an application to the Commission for 

approval of guidelines to be added as an appendix to the New PPA for the purpose of applying 

section 2.5. 

 

With regard to Celgar’s concerns, the Panel first accepts BC Hydro submissions. Second, the Panel 

notes that in its Supplemental Submission of January 27, 2014 Celgar reiterated its earlier 

alternative proposal.  Specifically, Celgar requested in paragraph 110 that section 2.5 be amended 

to align the GBL process in the FortisBC service area more closely with BC Hydro’s GBL process.  

Further, the amendments would require that GBLs be agreed to between the self-generating 

customers and its utility, and would remove the requirement that GBLs be established based on BC 

Hydro`s unilaterally determined and unapproved guidelines.  The Panel finds that to a large extent 

the new amendments approximate Celgar’s proposal and address its earlier objections.  Therefore, 

there is no reason for Celgar’s claim of procedural unfairness. Regarding Celgar’s interim billing 

concern, the Commission is addressing that issue as part of the FortisBC’s Application for Approval 

of Stepped and Stand-By Rates for Transmission Voltage Customers.  

 

Accordingly, as a result of the amendments which have removed most of the Panel’s earlier 

fundamental concerns with the exception of regulatory efficiency, the Commission Panel finds the 

following: 
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1. BC Hydro is directed to initiate a consultation process that will result in an 
application for the New PPA Section 2.5 Guidelines by November 1, 2014.  Once 
the Guidelines have been approved by the Commission, they are to be added to 
the New PPA as an appendix. 

2. The New PPA, RS 3808, and Associated Agreements are approved for an effective 
date of July 1, 2014. 

3. Until the addition of Commission-approved Section 2.5 Guidelines as an appendix 
to the New PPA, the net-of-load methodology will apply for the purposes of the 
New PPA. 

 

In the interest of efficient process, the Commission Panel encourages collaboration between 

BC Hydro and FortisBC to the extent possible as these two concurrent processes are carried out.  

 

As it has been evident throughout this Decision, the Panel’s preferred solution would have been to 

approve the New PPA without any restrictions in section 2.5.  However, that solution now appears 

premature as FortisBC’s self-generation policies are not yet sufficiently developed, articulated and 

approved by the Commission.  BC Hydro has come forward with a solution that most parties see as 

the first practical step to move forward towards resolutions of the issues.  The Panel is hopeful that 

once the two concurrent consultation processes have resulted in clearly documented Commission-

approved principles, the Commission will seek submissions from parties to determine whether it 

would be reasonable to eventually remove the restrictions from section 2.5 of the New PPA in 

pursuit of improved regulatory efficiency. 
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DATED at the City of Vancouver, in the Province of British Columbia, this   6th     day of May 2014. 
 
 

 
 
 Original signed by: 
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 L.A. O’HARA 
 PANEL CHAIR/COMMISSIONER 
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 COMMISSIONER 
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IN THE MATTER OF 
the Utilities Commission Act, R.S.B.C. 1996, Chapter 473 

 
and 

 
the British Columbia Hydro and Power Authority  

Application for Approval of Rates between 
BC Hydro and FortisBC Inc. with regards to Rate Schedule 3808, 

Tariff Supplement No. 3 – Power Purchase and Associated Agreements,  
and Tariff Supplement No. 2 to Rate Schedule 3817 

 
 

BEFORE: L.A. O’Hara, Panel Chair/Commissioner  
B.A. Magnan, Commissioner May 6, 2014 

 R.D. Revel, Commissioner 
 
 

O  R  D  E  R 

WHEREAS: 

A. By Orders G-27-93, G-85-93 and G-48-09 the British Columbia Hydro and Power Authority (BC Hydro or 
Applicant) has supplied electricity to FortisBC Inc. (FortisBC or Co-signatory) to meet a portion of its load 
service obligations, pursuant to a 20 year Power Purchase Agreement under Tariff Supplement No. 3 
(1993 PPA), at rates set out in BC Hydro Rate Schedule 3808 (RS 3808).  The 1993 PPA commenced on 
October 1, 1993, and was set to expire on September 30, 2013;  

B. On May 24, 2013, BC Hydro filed an application with the British Columbia Utilities Commission (Commission) 
requesting approval, pursuant to sections 58 to 61 of the Utilities Commission Act, to replace the existing 
1993 PPA with a New Power Purchase Agreement (New PPA), an Imbalance Agreement, an Energy Export 
Agreement and a Master Accounting Agreement, and to make associated amendments to RS 3808. 
BC Hydro also requested approval for an amended and restated General Wheeling Agreement under Tariff 
Supplement No. 2 to Rate Schedule 3817 (Application);  

C. On May 27, 2013, FortisBC filed a twenty-six page letter in support of the Application (Letter of Support);   

D. FortisBC, the British Columbia Pensioners and Seniors Organization et al, British Columbia Sustainable 
Energy Association and Sierra Club of British Columbia, Commercial Energy Consumers’ Association of British  
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Columbia, British Columbia Municipal Electrical Utilities, Zellstoff Celgar Limited Partnership (Celgar), 
Industrial Customers Group, Vanport Sterilizers, Mr. Norman Gabana, Morgan Stanley Capital Group 
(Morgan Stanley) and Mr. Alan Wait registered as Interveners in the proceeding;  

E. The Procedural Conference, held on July 29, 2013, was attended by BC Hydro and all of the Registered 
Interveners other than Morgan Stanley and Mr. Norman Gabana;  

F. On August 1, 2013, by Order G-117-13 and attached Reasons for Decision, the Commission defined the 
scope of the proceeding; ordered that the Application be heard by way of a written hearing in accordance 
with a set Regulatory Timetable and directed that upon written acceptance from BC Hydro and FortisBC, the 
1993 PPA and the currently approved RS 3808 are to remain in effect until such time as the Commission 
determines otherwise;  

G.  On September 16, 2013, the Commission received written acceptances from BC Hydro and FortisBC for the 
continuation of the 1993 PPA and RS 3808 as requested by Order G-117-13;  

H. On December 13, 2013, the Commission sought Supplemental Submissions on certain parts of section 2.5 of 
the New PPA as they related to FortisBC’s customers with self-generation; 

I. On April 9, 2014, the Commission received a letter from BC Hydro, in which BC Hydro acknowledges a 
requirement for greater transparency for determination of customer-specific baselines and Contracted 
Generator Baselines, recommends a consultation process with FortisBC and stakeholders and proposes 
amendments to section 2.5 of the New PPA; and 

J. The Commission sought submissions regarding BC Hydro’s proposal from parties in accordance with a 
timetable that concluded the comment process on April 25, 2014. 
 
 

NOW THEREFORE for the reasons stated in the Decision issued concurrently with this Order, the Commission 
orders pursuant to sections 59-61 of the Utilities Commission Act as follows: 
 
1. The Application as amended is approved with an effective date of July 1, 2014. 

2. BC Hydro is directed to initiate a consultation process that will result in an application for the New PPA 
Section 2.5 Guidelines by November 1, 2014.  Once the Guidelines have been approved by the Commission, 
they are to be added to the New Power Purchase Agreement as an appendix. 

3. Until the addition of Commission-approved New PPA Section 2.5 Guidelines as an appendix to the New 
Power Purchase Agreement, the net-of-load methodology will be applied. 

4. Pursuant to section 61 of the Utilities Commission Act, BC Hydro is directed to file the amended tariffs within 
15 business days of the date of this Order. 
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5. FortisBC Inc. is directed to initiate a concurrent consultation process in its service territory to address or 
ensure: 

(i) the potential benefits of self-generation; 

(ii) the 1999 Access Principles in the context of self-generating customers; 

(iii) if the GBL methodology is proposed, GBL Guidelines for both idle historic self-generation and 
new self-generation; and 

(iv) arbitrage is not allowed. 
 
 

FortisBC Inc. is further directed to file a resultant Self-Generation Policy application with the Commission by 
December 31, 2014, that establishes high level principles for its service territory. 

 
 

DATED at the City of Vancouver, in the Province of British Columbia, this         6th         day of May 2014. 

 BY ORDER 

 
 Original signed by: 
 
 L.A. O’Hara 
 Panel Chair and Commissioner  
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REGULATORY PROCESS 

On May 24, 2013, BC Hydro filed an application with the Commission requesting approval of four 

new agreements between BC Hydro and FortisBC to replace the expiring 1993 PPA, pursuant to 

sections 58 to 61 of the Utilities Commission Act (Application) (Exhibit A-9, Recital C). 

 

On May 27, 2013, FortisBC filed a letter in support of the Application and confirmed its intention to 

respond to Information Requests (IRs) regarding this submission (Exhibit C1-2; Exhibit A-9, 

Recital E). 

 

By Order G-87-13, dated May 28, 2013, the Commission established an Initial Regulatory Timetable, 

which included two Workshops, one round of IRs and a Procedural Conference (Exhibit A-9, 

Recital F). 

 

On July 23, 2013, the Commission issued a Letter listing the issues that participants at the 

Procedural Conference should address (Exhibit A-9, Recital H). 

 

The Procedural Conference held on July 29, 2013 was attended by BC Hydro and the following 

Interveners: FortisBC, British Columbia Pensioners and Seniors Organization et al, B.C. Sustainable 

Energy Association and Sierra Club of British Columbia, Commercial Energy Consumers’ Association 

of British Columbia, British Columbia Municipal Electrical Utilities, Zellstoff Celgar Limited 

Partnership, Industrial Customers Group, Vanport Sterilizers and Mr. Alan Wait (Exhibit A-9. 

Recital I). 

 

In Order G-117-13 and attendant Reasons, the Commission ordered that: 

1. The Review of the Application will be heard by way of a written proceeding. 

2. As explained in the reasons, certain issues were out of scope while six broader within 
scope issues were to be considered. 
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3. Information Requests, as provided for in the Regulatory Timetable, can address any 

issues not determined to be out of the scope of this proceeding.  

4. On the basis of the scope limitations established for this proceeding, no provision for 
Intervener evidence has been made in the Regulatory Timetable.  

5. FortisBC Inc.’s request to file its Final Submission at the same time as BC Hydro and to 
have a right of reply has been provided for in the Regulatory Timetable.  

6. BC Hydro’s request that the participants be left to interpret and apply the scope 
limitation to the unanswered Information Requests (IRs) before seeking Commission 
ruling is granted.  Any participant who has unanswered IR No. 1 questions that they wish 
to have replied to, provided they remain within the scope of this proceeding as defined 
in the Reasons for Decision accompanying Order G-117-13, must notify the Utility of 
their request on or before August 7, 2013.  The Utility will have an additional five 
business days to file its IR responses.  In the event that common ground cannot be 
found, the parties can seek the Commission’s ruling in accordance with the Regulatory 
Timetable.  

7. Upon written acceptance from BC Hydro and FortisBC by September 16, 2013, the 
current Commission approved RS 3808 and Tariff Supplement No. 3 – Power Purchase 
and Associated Agreements are to remain in effect until such time as the Commission 
determines otherwise.  

8. The currently approved RS 3817 and Tariff Supplement No. 2 will remain in effect until 
the Commission determines otherwise.  

9. The deadline for submitting budgets for Interveners intending to apply for participant 
assistance is Thursday, August 22, 2013.  (Exhibit A-9) 
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REGULATORY TIMETABLE 

 

Commission and Intervener Information Requests 

No. 2 to BC Hydro and FortisBC  
Monday, August 19, 2013 

Deadline for filing PACA Budgets  Thursday, August 22, 2013 

BC Hydro and FortisBC respond to Commission and 

Intervener IR No.2 
Tuesday, September 10, 2013 

Final Submission by BC Hydro  Wednesday, September 18, 2013 

Final Submission by FortisBC  Friday, September 20, 2013 

Final Submissions by Interveners  Friday, September 27, 2013 

FortisBC Reply Submission  Friday, October 4, 2013 

BC Hydro Reply Submission  Monday, October 7, 2013 

  

Commission Letter Dated December 13, 2013 Requesting Supplemental Submissions 

BC Hydro Supplemental Submission Monday, January 13, 2014 

FortisBC Supplemental Submissions  Monday, January 20, 2014 

Other Intervener Supplemental Submissions  Monday, January 27, 2014 

BC Hydro Supplemental Reply Submission  Monday, February 3, 2014 
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BC Hydro Letter Dated April 9, 2014 

FortisBC Submission on Exhibit B-18 Tuesday, April 15, 2014 

Other Intervener Submissions on Exhibit B-18 Thursday, April 17, 2014 

FortisBC Reply to other Intervener Submissions, if any on 

Exhibit B-18 
Wednesday, April 23, 2014 

BC Hydro Reply Submission to Comments on Exhibit B-18 Friday, April 25, 2014 
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RELEVANT ORDERS, APPLICATIONS AND FILINGS RELATING TO SELF-GENERATION 

I. Orders G-38-01 and G-17-02 

BC Hydro’s Obligation to Serve RS 1821 Customers with Self-Generation Order 

The matter of what level of service self-generating customers are entitled to was first raised by 
BC Hydro in the proceeding leading to the issuance of Order G-38-01.  On February 23, 2001 
BC Hydro advised the Commission that some of BC Hydro’s industrial customers with self-
generating capability served under Rate Schedule (RS) 1821 (Transmission Service) wished to sell 
some of the power they generated at market prices.   
 
In Order G-38-01, the Commission concluded that: 

“it [the Commission] must act to meet the complementary objectives of creating 
conditions which allow B.C. Hydro to safeguard its own supply to British 
Columbians at lowest cost, assisting British Columbia industries with idle self-
generation capability to capitalize on current market opportunities, and helping 
to mitigate the potential energy shortages in the Pacific Northwest and 
California.”  (Order G-38-01, Recital F) 

 

The Commission therefore directed BC Hydro to allow RS 1821 customers with idle self-generation 
capability to sell excess self-generated electricity, provided the self-generating customers do not 
arbitrage between BC Hydro’s embedded cost utility service rates and market prices.  This meant 
that BC Hydro was not required to supply any increased embedded cost of service to a RS 1821 
customer selling its self-generation output to market.  In that Decision, the Commission recognized 
that “considerable debate may ensue over whether a self-generator has met this principle” and 
directed BC Hydro to “make every effort to agree on a customer baseline, based either on the 
historical energy consumption of the customer or the historical output of the generator.” 
 
The Commission limited the duration of the program to approximately one year, given the “unique 
circumstances” existing at the time, and noted that the program was “without prejudice to the 
resolution of long term rights of self-generators to take their generation to the market.”  It held 
that the program might be continued beyond one year if conditions warranted and directed 
BC Hydro to file a “full report on the program...by March 1, 2002.” 
 
In its March 1, 2002 compliance report to the Commission, BC Hydro noted that little experience 
had been gained from the “program” established by Order G-38-01 and that no further conclusions 
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could be drawn.  BC Hydro also noted that the program defined by Order G-38-01 was established 
when there was a serious energy shortage in western North America and was therefore designed 
to encourage self-generators with idle capacity to generate and sell electricity, although not to the 
prejudice of BC Hydro and its customers.  BC Hydro, in its report, noted that markets had changed 
since the period of extreme shortage but submitted that the change in market conditions should 
not “alter the essential principle embodied in ...the Order [G-38-01]:  that RS 1821 customers 
should not be allowed to arbitrage between the low embedded cost rates of BC Hydro and market 
prices.” 
 
By Order G-17-02, the Commission directed BC Hydro to continue to allow its RS 1821 customers 
with idle self-generation capability to sell excess self-generated electricity, provided they did not 
arbitrage between embedded-cost utility service and market prices.  The Commission further 
ordered that the conditions established in Order G-38-01 to prevent such arbitrage were to 
“remain in effect until the Commission determines that future circumstances no longer justify the 
existence of such a program.”   
 
Thus, the requirement for generator baselines, or GBLs, for BC Hydro’s self-generating customers 
which sought to sell into the export market was confirmed.  Further, the notion of “arbitrage”, as 
used in relation to GBLs, was the preservation of the “status quo”, such that BC Hydro’s obligation 
to serve was limited to the load served at a particular time, and self-generating customers were 
required to continue to serve that portion of their own load which they had served in the past. 

II. Order G-48-09 

BC Hydro Application to Amend Section 2.1 of Rate Schedule 3808 

FortisBC sought to increase its purchases of power under RS 3808 from BC Hydro pursuant to the 
1993 PPA in response to requests from its self-generating customers, including the City of Nelson 
and Celgar, to increase their purchases of power from FortisBC.   
 
To prevent the export activities of FortisBC’s customers from affecting the amount of power that 
FortisBC drew under RS 3808 BC Hydro applied to the Commission, in September of 2008, to 
amend section 2.1 of the 1993 PPA.  Specifically, BC Hydro requested Commission approval to add 
conditions to section 2.1 of the 1993 PPA that prohibit FortisBC from reselling RS 3808 purchases to 
its self-generating customers who wished to increase their energy exports by increasing purchases 
of FortisBC’s embedded cost power. 
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In that proceeding, BC Hydro stated that in its current form, section 2.1 of the 1993 PPA was unjust 
or unreasonable because it allows certain [FortisBC] customers to unfairly profit from BC Hydro 
embedded cost service to the detriment of all other BC Hydro customers.   (Exhibit B-1, pp. 20–26; 
Reasons for Decision, G-48-09, p. 23) 
 
BC Hydro stated that if it is required to provide incremental energy to FortisBC at embedded cost 
rates for the purpose of supporting the export activities of FortisBC’s customers, BC Hydro and its 
ratepayers will incur an estimated annual loss of $ 16.7 million.  The Commission was persuaded 
that if FortisBC’s self-generating customers were permitted to sell all their respective total 
generation into the available markets, and that if FortisBC was able to pass this risk onto BC Hydro 
through RS 3808, there would be some fairly large negative impacts on BC Hydro.  The Panel was 
not concerned with the dollar amount of the impact but rather the principle which the Panel stated 
came into play once there was some material anticipated loss.  (Reasons for Decision, G-48-09, 
p. 27) 
 
However, the Commission also noted that determining whether the actions of FortisBC self-
generating customers resulted in inappropriate arbitrage or not is not always clear:  

“The Commission Panel is of the view that Nelson residents, as British 
Columbians, do share in the overall benefits of the Heritage Power framework 
but should not be permitted to benefit unduly at the expense of other customers 
of BC Hydro.”  (Reasons for Decision, Order G-48-09, p. 25)  

 
The Commission approved the Application by way of Order G-48-09 and, accordingly, approved the 
amendments to section 2.1 of the 1993 PPA that clarified the restriction on export of RS 3808 
power: 

“(a) The electricity purchased under this agreement is solely for the purpose of 
supplementing FortisBC’s resources to enable it to meet its service area load 
requirements and, shall not be exported or stored, provided that nothing 
contained herein shall prohibit FortisBC from storing its entitlement resources in 
its entitlement account pursuant to the Canal Plant Agreement; and  

(b) shall not be sold to any FortisBC customer when such customer is selling self 
generated electricity which is not in excess of its load.  

For greater certainty, paragraph (b) above is to prevent FortisBC self-generating 
customers from purchasing power at regulated embedded cost rates and 
simultaneously selling an equivalent amount of power into available domestic 
and export markets.”  
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The practical effect of this Decision was to require FortisBC customers to service 100 percent of 
their load from self-generation, prior to engaging in export sales, to the extent that their load 
would otherwise be served indirectly by BC Hydro, under RS 3808.  (Reasons for Decision, G-48-09, 
p. 29) 
 
However, the Panel highlighted in its reasons the short-term nature of the issue.  The Panel 
acknowledged that the 1993 PPA between BC Hydro and FortisBC was to expire on September 30, 
2013 and that the two parties were negotiating a potential renewal and extension hopefully 
resulting in a comprehensive renewed PPA.  Therefore, the relief sought by BC Hydro was for the 
remaining term of the PPA.  (Reasons for Decision, Order G-48-09, p. 10) 

III. 2012 Information Report 

Transmission Service Rate and Customer Generator Baseline Information Report 

By Letter L-106-09 dated November 27, 2009, the Commission requested that BC Hydro provide 
draft guidelines for the determination of Customer Generator Baselines (GBLs) and responses to 
twenty questions posed by the Commission.  
 
On June 20, 2012, BC Hydro filed the Transmission Service Rate and Customer Generator Baselines 
Information Report (2012 Information Report) (Exhibit A2-1).  The filing included guidelines for 
establishing GBLs along with responses to the Commission’s twenty questions.  In the report, 
BC Hydro introduced the concept of Contracted and Non-Contracted GBLs.  The Guidelines relating 
to Non-Contracted GBLs are before the Commission for review and approval as part of the 
“BC Hydro Application to Amend Tariff Supplement No. 74 CBL Determination Guidelines for RS 
1823 Customers”.  However, the Guidelines for Contracted GBLs are only contained in the 2012 
Information Report and are not part of any Commission pending or approved rate schedule.  
 
In response to one of the Commission’s questions, BC Hydro stated that, in its view, the application 
of the net-of-load approach to BC Hydro’s transmission service customers would result in the 
continued under-utilization of existing generation assets and the avoidance of investment in 
upgrades or new generation assets.  Consequently, under the net-of-load approach BC Hydro and 
its customers would have reduced access to the benefits of cost-effective electricity from 
customers with self-generation.  (Exhibit A2-1, Information Report, section 3, p. 13) 
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IV. Order G-156-10 

Application by FortisBC for Approval of a 2009 Rate Design and Cost of Service Analysis 

Submissions by Celgar made in the FortisBC rate design proceeding challenged the restrictions on 
its access to FortisBC embedded cost power that included a component of the RS 3808 power (see 
Figure 1 in this Decision).  
 
In that rate design proceeding, Celgar requested that the Commission determine a GBL for Celgar in 
relation to its purchases of power from FortisBC.  Celgar relied in large part on its argument that a 
utility has an obligation to serve its customers: 

“Celgar submitted that Orders G-38-01 and G-48-09 cannot be reconciled with 
the law relating to the obligation to serve.  The practical result of the Orders is to 
prohibit purchases of power from FortisBC by Celgar to serve its mill load at 
times when Celgar is simultaneously selling power from its own generation.  
Such a result relieves FortisBC from its obligation to serve to the extent 
requested by Celgar and is therefore inconsistent with the statutory obligation to 
serve.”  (Celgar Argument, para. 72–73, and Reasons, G-156-10, p. 109) 

The Commission, however, did not find that the obligation to serve need be extended to an 
unconditional obligation on a utility to provide service to all customers at embedded costs: 

“It is also clear that since 1980 FortisBC has provided adequate, safe, and 
efficient service to the Celgar mill at just and reasonable rates.  The Commission 
Panel considers that section 39(i) of the UCA gives the Commission the power to 
establish rates for service to FortisBC’s customers, and that sections 60-61 give 
the Commission the power to set rates that may not necessarily be based on 
embedded costs.”  (G-156-10, p. 113) 

Furthermore, the Commission maintained its position on the restriction of sale of RS 3808 power to 
FortisBC self-generating customers as promulgated in Order G-48-09: 

“The Commission Panel considers that what Celgar proposes is expressly 
prohibited by Order G-48- 09 and that, as long as the Order is in full force and 
effect, and as long as the PPA between FortisBC and BC Hydro is in effect, 
FortisBC will be unable to buy any power from BC Hydro under RS 3808 for sale 
to Celgar when Celgar is exporting power from the mill.”  (Reasons for Decision, 
G-156-10, p. 103) 
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As such, the Commission declined to set a GBL between FortisBC and Celgar in that proceeding.  
However, the Commission acknowledged the temporal limitation on the directives of Order 
G-48-09, stating that these are relevant only for the term of the 1993 PPA: 

“The Commission Panel considers that its Order G-48-09 was issued in response 
to concerns raised by BC Hydro as to the possibility that heritage hydro was 
being sold to FortisBC customers with self-generation facilities to enable the 
latter to sell the output of their own generation facilities. 

That being said, the Commission Panel notes that the PPA between the two 
utilities has a termination date and there may come a time when Order G-48-09 
no longer has any relevance.”  (Reasons for Decision, G-156-10, p. 115) 

V. Order G-27-99 

West Kootenay Power Application for Access Principles 

The 1999 Application for Access Principles (APA), which was approved by Order G-27-99, shaped 
the Commission’s later determinations regarding the access of self-generating customers in 
FortisBC’s service territory, including in the FortisBC Rate Design proceeding. 
 
The goal of West Kootenay Power (WKP) [now FortisBC] at the time the APA was negotiated was to 
allow access to its transmission system to its transmission bundled service customers (Eligible 
Customers) to encourage the development of a competitive generation market.  The purpose of 
the APA was to ensure that access occurred in a way that resulted in the equitable treatment (Fair 
Treatment) of the utility’s shareholders, its customers who continued to take bundled utility 
service, and of customers who chose to obtain some or all of their electricity supply from non-
utility resources.  The APA provided policy definitions in four key areas to ensure fair treatment of 
all customers: (1) the utility’s obligation to serve Eligible Customers; (2) an Eligible Customer’s 
rights should it choose to take only part of its load from non-Utility sources; (3) the treatment of 
any stranded costs or benefits that may result from an Eligible Customer’s partial or total departure 
from Utility supply; and (4) the re-entry provisions governing an Eligible Customer's return to 
bundled Utility supply.  (Order G-27-99)  
 
In the FortisBC Rate Design decision (G-156-10) the Commission considered that some of the 
principles of the APA might be relevant to a self-generator’s request for service at embedded cost 
rates.  (Reasons for Decision, G-156-10, p. 114) 
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VI. Order G-188-11 

Celgar Application for Reconsideration of Order G-156-10 

In March 2011, Celgar filed a complaint against FortisBC.  In its complaint, Celgar sought the 
Commission’s assistance in establishing an acceptable General Service Agreement (GSA) and 
accompanying brokerage agreement with FortisBC that included establishing a GBL and service at 
RS 31 rates (FortisBC’s Large Commercial Service – Transmission) based upon FortisBC’s embedded 
cost rate, which includes RS 3808, applicable at all times, including when Celgar sells power above 
its proposed GBL.  
 
By Order G-188-11 dated November 14, 2011, the Celgar complaint was denied.  The Commission 
held that a GBL was not a necessary component of a GSA and reiterated its earlier determination 
that it was up to the parties to decide whether to incorporate a GBL into their GSA.  The 
Commission directed that FortisBC and Celgar were free to incorporate a GBL into the GSA and 
submit it to the Commission for approval.  The Commission also determined that Celgar was 
prohibited from accessing BC Hydro RS 3808 power while it was selling power, but suggested that 
this restriction did “not preclude FortisBC from establishing its own principles regarding the supply 
of non-BC Hydro PPA Power in its resource stack when establishing GBLs with its customers”.  
(Celgar Complaint Decision, p. 28) 
 
In reaching this decision, the Commission sought a balance between achieving compliance with the 
provisions of section 2.1 of the 1993 PPA, and the “Obligation to Serve” as defined in the APA: 

“...the Utility retains the obligation to serve at embedded cost rates any new 
load entering its service territory, any additional load attributable to its existing 
customers, and returning Eligible Customers, under the Re-entry Provisions.”  
(Reasons, G-188-11, p. 37) 

However, the Commission tempered its views on FortisBC’s obligation to serve self-generating 
customers: 

“However, clarification is needed as to whether an obligation to serve might be 
affected by the self-generation by a customer.  The Commission Panel also notes 
that Celgar can access external power markets directly through the FortisBC 
system, which implies that, in this way, FortisBC is also fulfilling its obligation to 
serve, although not through the provision of power but through the provision of 
access to its infrastructure.”  (Reasons, G-188-11, pp. 37-38) 
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Noting that the decisions regarding FortisBC’s obligation to serve would have implications beyond 
those for the current self-generating customers, the Commission stated that: 

“In today’s evolving energy world FortisBC may find new potential customers 
who are self-generators other than pulp and paper mills.  For instance, 
businesses that have used natural gas to generate electricity for their own needs 
may decide to switch to using electricity from FortisBC, there may be new waste 
incinerators that generate electricity, and there may be other industrial 
generators operating as independent power producers.  Would FortisBC supply 
electricity to these businesses, and if so, under what conditions and at what 
price?  The eligibility of Celgar to access some of the embedded cost of the 
FortisBC resource stack, excluding BC Hydro PPA Power, must be considered in 
this context as well.”  (Reasons, G-188-11, pp. 38) 

 

Celgar proposed a methodology for ensuring that any additional Celgar load served by FortisBC 
following the establishment of a FortisBC GBL is notionally matched to and served from additional 
third party energy purchases.  (Celgar Complaint Proceeding, Celgar Final Submission, pp. 20–21)   
The Commission accepted the concept of matching purchases of non-PPA power for sale to a self-
generator and directed FortisBC to establish a methodology for notionally matching sales to Celgar 
in service of its load, when Celgar is selling power, to FortisBC’s supply of energy from its resource 
stack of non-BC Hydro PPA Power, and submit it by March 31, 2012 to the Commission for 
approval.  (Reasons, G-188-11, pp. 31–32) 

VII. Order G-202-12 

Guidelines for Establishing Entitlement to Non-PPA Embedded Cost Power and Matching 

Methodology 

Accordingly, in April 2012, FortisBC submitted its Compliance Filing to Order G-188-11 
containing a proposed Matching Methodology and Guidelines for establishing a Self-
Generator’s entitlement to Non-BC Hydro PPA embedded cost power. 
 
The Matching Methodology and Guidelines for establishing the entitlement of a self-
generator to non-BC Hydro embedded cost power were approved in principle by 
Commission Order G-202-12 and accompanying Decision dated December 27, 2012 
wherein the Commission reaffirmed the applicability of the APA in regards to the service 
provided to FortisBC’s self-generating customers:  
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“In the Commission Panel’s view the APA is clear: FortisBC would be obligated to 
serve any other new Eligible Customer in its service area, or any other existing 
customer who increases its load.  A self-generator is equally entitled to having its 
load requirements serviced by FortisBC at embedded cost rates, except for BC 
Hydro PPA power which is specifically excluded by the PPA.”  (Reasons, Order G-
202-12, pp. 8–9) 

Although a Matching Methodology was approved in principle by Order G-202-12, a rate 
by which a self-generating customer is charged had not yet been brought forward for 
Commission approval under sections 58-61 of the UCA.  Accordingly, Order G-202-12 
also directed FortisBC to design a stepped rate for transmission service customers that 
reflected the Matching Methodology. 

VIII. FortisBC Application for Stepped and Stand-By Rates for Transmission Voltage Service 
Customers (Currently before the Commission) 

In compliance with Order G-202-12, in March 2013, FortisBC applied to the Commission 
for approval of a new set of rates for its customers served at transmission voltage.  
Included in this application was a separate rate for self-generating customers taking 
service at transmission voltage which incorporated the matching methodology.  
 

Submissions by both FortisBC and Celgar in that proceeding have revealed that, despite the lengthy 
regulatory record through which the Commission has given guidance on the principle of the 
entitlement of self-generating customers to non-PPA embedded cost power, the parties remain in 
disagreement as to how this principle should be interpreted and implemented in a Commission 
approved rate. 
 
The review of the application for approval of a rate for self-generation customers that incorporates 
restrictions to RS 3808 power in the FortisBC service area is currently in progress.  

IX. Order G-191-13 

CPCN Purchase of Kelowna Utility Assets by FortisBC — Phase 2 

One of the issues which arose during the course of Phase 1 of FortisBC’s Application for a CPCN to 
allow it to purchase the City of Kelowna electricity distribution assets was the possible 
discrimination arising from the GBL level assigned to Tolko Industries’ self-generation facilities by 
Commission Order G-113-01.  Celgar, an existing customer of FortisBC with self-generation 
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capability, argued that its treatment would be different and less beneficial than that afforded to 
Tolko Industries Ltd. (Tolko), a customer of the City of Kelowna with self-generation facilities, if the 
purchase took place. 
 
In its ruling, issued as Order G-191-13, the Commission Panel found that a GBL, viewed as the load 
a self-generator is required to serve, should be tied to an agreement between the self-generating 
customer and the utility.  The Panel found that a utility offering one self-generating customer 
service on the basis of a GBL set to a level less than the customer’s load and offering another self-
generating customer service on a net of load basis would create a situation of “undue 
discrimination, preference, prejudice or disadvantage in respect of a rate or service,” within the 
meaning of section 59(4)(b) of the UCA.  The Panel further found that, with the removal of the 
intermediary of the City of Kelowna, Tolko and Celgar, as two self-generating customers of the 
same utility, should be offered service “under substantially similar circumstances and conditions” 
within the meaning of section 59(4)(c) of the UCA.  This result was contrary to section 59(2)(b) of 
the UCA, which states : “[a]public utility must not... extend to any person a form of agreement, a 
rule or a facility or privilege, unless the agreement, rule, facility or privilege is regularly and 
uniformly extended to all persons under substantially similar circumstances and conditions for 
service of the same description.” 
 
As a result, the Commission varied Order G-113-01 so as to revoke the exemption from the 
provisions of the UCA other than section 99 (Part 2 is no longer relevant as it was repealed in 2003), 
provided to Tolko for sales of Incremental Power, defined as “all electricity generation above 2 MW 
each hour.”  The corresponding exemption for non-public utility purchasers of that Incremental 
Power from section 71 of the UCA was also revoked.  Order G-113-01 was further varied so as to 
maintain the exemptions for Tolko and any non-public utility purchasers of Tolko power, for power 
generated by Tolko on a net of load basis only and to recognize that the City of Kelowna was also 
no longer a possible purchaser of Tolko power.  Order G-198-11, which established a priority 
sequence for potential purchasers of Tolko’s Incremental Power, was revoked. 
 
The Commission Panel further stated:  

“The revocation is without prejudice to the ability of FortisBC to negotiate 
agreements which would result in a similar treatment being afforded to all of its 
self-generating customers, whether such treatment is by way of GBLs or any 
other means to prevent true arbitrage in fact.  The Commission leaves it to 
FortisBC to agree with its self-generation customers on the load it will serve.” 
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X. Order G-19-14 

BC Hydro Application to Amend TS No. 74 CBL Load Determination Guidelines for RS 1823 
Customers with Self-Generation Decision 

Electric Tariff Supplement No. 74 (TS 74) provides for the determination of Customer Baseline 

Loads for industrial customers taking service at transmission voltage under Rate Schedule 1823.  

The TS 74 Applications requests approval for certain changes to TS 74 to make specific reference to 

those customers which also have self-generation facilities.   

 

The Commission approved the Application as filed but directed BC Hydro to file an Application with 

the Commission for approval of updated Contracted GBL guidelines, to be incorporated into Tariff 

Supplement No. 74, as soon as is reasonably practicable, but no later than six months after the date 

of the Order issued concurrently with this Decision. 

 

In its ruling, issued as Order G-19-14, the Commission Panel found that:  

“…in the context of Tariff Supplement No. 74, a GBL is a ‘rate’ within the 
meaning of the Utilities Commission Act, RSBC 1996, c. 473.  The Commission 
Panel further finds that the provision of more detailed guidelines for the 
determination of Contracted GBLs would be of assistance not only to the 
Commission, but to all parties which either have self-generation facilities or are 
considering installing such facilities.  The Commission Panel finds that there is 
considerable merit to the consistency and transparency in the treatment of self-
generating customers taking service under Rate Schedule 1823 that will result.”  
(BC Hydro Tariff Supplement 74 Decision Dated February 17, 2014, Executive 
Summary, pp. ii–iii) 

 

On March 14, 2014, BC Hydro filed a Notice of Application for Leave to Appeal for Commission 

Order G-19-14 with the Court of Appeal.  
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LIST OF ACRONYMS 

 
 
1986 PPA Commission Order G-61-86, BC Hydro and FortisBC Power Purchase 

Agreement 

1993 PPA 1993 Power Purchase Agreement between BC Hydro and FortisBC 

2012 Information 
Report 

June 20, 2012 Transmission Service Rate and Customer Generator 
Baselines Information Report filed by BC Hydro 

Annual Energy 
Nomination 

Single energy nomination for the aggregate of all points of delivery for 
the following year 

APA 1999 Application for Access Principles 

Application Application for Approval of Rates between BC Hydro and FortisBC Inc. 
with regards to Rate Schedule 3808, Tariff Supplement No. 3 – Power 
Purchase and Associated Agreements, and Tariff Supplement No. 2 to 
Rate Schedule 3817 

ARWA Amended and Restated Wheeling Agreement 

Associated 
Agreements 

Imbalance Agreement, Energy Export Agreement and Master 
Accounting Agreement 

BC Hydro, Applicant British Columbia Hydro and Power Authority 

BCMEU British Columbia Municipal Electrical Utilities 

BCPSO British Columbia Pensioners and Seniors Organisation 

BCSEA BC Sustainable Energy Association and the Sierra Club of British 
Columbia 

BCUC, Commission British Columbia Utilities Commission 

Brilliant PPA FortisBC Power Purchase Agreement with Columbia Power 
Corporation for power generated from the Brilliant Dam 

BRP Base Resource Plans 

CBL Customer Baseline 

CBT Columbia Basin Trust 
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LIST OF ACRONYMS 

 
CEC Commercial Energy Consumers Association of British Columbia 

Celgar Zellstoff Celgar Partnership Limited 

CPC Columbia Power Corporation 

EEA Energy Export Agreement 

FortisBC, Co-applicant FortisBC Inc. 

GBL Generator Baseline 

GSA General Service Agreement 

GWA General Wheeling Agreement 

HC2 Special Direction No. HC2 to the BC Utilities Commission November 
27, 2003 — BC Hydro Public Power Legacy and Heritage Contract 

IA Imbalance Agreement 

ICG Industrial Consumers Group of FortisBC Inc. 

IPPs Independent Power Producers 

IR Information Request 

LRMC Long Run Marginal Cost 

MAA Master Accounting Agreement 

MW Megawatt 

New PPA New Power Purchase Agreement 

OATT Open Access Transmission Tariff 

R/C ratios revenue-to-cost ratios 

RS Rate Schedule 

RS 1823 Transmission Service Stepped Rate 

RS 1827 Transmission Service Rate for Exempt Customers 
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LIST OF ACRONYMS 

 
The Parties BC Hydro and FortisBC 

Tolko Tolko Industries Ltd. 

Tranche 1 Energy charge based on embedded cost rates  

Tranche 2 Energy charge reflects BC Hydro’s long run marginal cost 

UCA Utilities Commission Act 

Vanport Vanport Sterilizers Inc. 

WAX Waneta dam expansion 

WAX capacity The EEA provides FortisBC the flexibility to export “Eligible Energy” 
using capacity from the Waneta Expansion 

WKP West Kootenay Power 

WTS Wholesale Transmission Services 
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IN THE MATTER OF 
the Utilities Commission Act, R.S.B.C. 1996, Chapter 473 

 
and 

 
British Columbia Hydro and Power Authority 

Application for Approval of Rates between BC Hydro and FortisBC Inc. 
with regards to Rate Schedule 3808, Tariff Supplement No. 3 

– Power Purchase and Associated Agreements,  
and Tariff Supplement No. 2 to Rate Schedule 3817 

 

EXHIBIT LIST 

 
Exhibit No. Description 
 
COMMISSION DOCUMENTS 
 
A-1 Letter Dated May 28, 2013 – Appointing the Commission Panel for the review of 

the British Columbia Hydro and Power Authority Application for Approval of Rates 
between BC Hydro and FortisBC Inc.  with regards to Rate Schedule 3808, Tariff 
Supplement No. 3 – Power Purchase and Associated Agreements, and Tariff 
Supplement No. 2 to Rate Schedule 3817 
 

A-2 Letter Dated May 28, 2013 – Order G-87-13 Establishing Initial Regulatory 
Timetable 

A-3 Letter Dated May 31, 2013 – Amendment to Commission Panel 

A-4 Letter L-38-13 Dated June 17, 2013 – Procedural Conference Location, Date and 
Time 

A-5 Letter Dated June 26, 2013 – Commission Information Request No. 1 to BC Hydro  

A-6 Letter Dated June 26, 2013 – Commission Information Request No. 1 to FortisBC 
Inc. on Exhibit C1-2 

A-7 Letter Dated July 4, 2013 – Instructions regarding Procedural Conference 

A-8 Letter Dated July 23, 2013 – Procedural Conference List of Items for Discussion 
 

A-9 Letter Dated August 1, 2013 – Order G-117-13 Establishing the Regulatory 
Timetable 
 

A-10 Letter Dated August 12, 2013 – Request for Comments 
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Exhibit No. Description 
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(i) 

EXECUTIVE SUMMARY 
 
On March 28, 2013, FortisBC Inc. (FortisBC) filed for approval of a new set of rates for its 
transmission voltage customers and to close the Time-of-Use (TOU) Rate and the existing Flat Rate.  
The new transmission voltage rates include a Stepped Rate with attached Customer Baseline Load 
Guidelines (CBLs), a new Flat Rate, the Non-Embedded Cost Power Rate (NECP) Rider, and a Stand-
by Service Rate.  FortisBC also requested a determination on the retroactive application of rates to 
Zellstoff Celgar Limited Partnership (Celgar). 
 
On February 3, 2014, by Order G-12-14, the Panel identified certain aspects of the Application, 
which are to be addressed at a later time, that overlapped with the then pending review of the 
British Columbia Hydro and Power Authority (BC Hydro) new power purchase agreement with 
FortisBC (RS 3808 Proceeding).  Accordingly, this Decision addresses primarily Stepped Rates 
(excluding the application to self-generating customers), the Stand-by Rate, and the TOU Rate. 
 
Stepped Rates 

The applied for Stepped Rate was in response to a Commission Directive in Order G-188-11.  Having 
complied with the directive, FortisBC subsequently made it clear that the Stepped Rate should not 
be mandated at this time stating that none of the affected customers had requested such a rate 
and there was no practical need for it.  FortisBC also withdrew its request to close the TOU Rate 
and the existing Flat Rate if the Stepped Rate was not approved. 
 
In this Decision, the Panel finds that this is not the appropriate time to mandate a stepped rate and 
therefore does not approve the Stepped Rate, the attached CBL Guidelines, or the new Flat Rate.  
However, the Panel determines that the potential effectiveness of a stepped rate should still be 
considered in the future and directs FortisBC to do so in conjunction with its next Resource Plan. 
 
The key reasons that were considered in making this finding include: 

1. Lack of Regulatory Record, Need and Customer Desire; 

2. Impact on Rates and Cost Shifting; and 

3. Increase in Cost, Complexity and Process Related to Administration. 

 
The Panel accepts FortisBC’s position that there is no ‘problem’ at this time given that three of the 
four affected customers did not indicate any desire for the Stepped Rate, nor did any indicate that 
such a rate structure would in fact result in positive behavioural changes on their part.  The Panel 
cannot find any efficiency benefits due to the introduction of a stepped rate structure at this time 



 
 

 
(ii) 

and instead concludes that FortisBC should ensure sufficient focus is given to identifying and 
addressing Demand Side Management opportunities for these customers as a way of achieving 
efficiency benefits. 
 
In making its decision the Panel gives little weight to the Impact on Rates and Cost Shifting or the 
Increase in Cost, Complexity and Process Related to Administration. 
 
Given that the Stepped Rate was not approved, the Commission also accepted FortisBC’s 
withdrawal of it request to close the existing Flat Rate and TOU Rate. 
 
The Stand-by Rate 

Stand-by rates are offered to customers with self-generation to ensure that in the event of a 
planned or unplanned outage of their on-site generator they have the ability to purchase power to 
replace what would normally be self-generated.  Currently Celgar is FortisBC’s only transmission 
voltage customer with self-generation. 
 
The Application proposes a Stand-by Rate for current and future customers with self-generation to 
be made available in conjunction with an underlying rate (RS 31).  The proposed Rate includes an 
Energy Charge, Restrictions and Availability to use it, Demand Charges in combination with RS 31, 
and several Special Provision clauses. 
 
The Panel is not able to approve the proposed Stand-by Rate at this time; however, it does support 
and approve many of the components of the Rate and considers that the remaining outstanding 
issues can be addressed through this Proceeding. 
 
The Panel finds that there is insufficient evidence regarding the Restrictions and Availability to 
allow it to make a final determination on those components.  More significantly, the Panel finds 
that the inclusion of Special Provision 2, which is designed to recover infrastructure costs, is 
unnecessarily restrictive and results in a rate that is unjust, unreasonable, and unduly 
discriminatory.  The rationale includes the following: 
 
FortisBC’s Special Provision 2 proposes that stand-by demand charges be based on 80 percent of 
the highest level of demand ever taken by the customer.  Celgar does not support this Provision 
and proposes that demand charges only apply to firm capacity.  Further, it submits that all stand-by 
service should be offered as non-firm service, which the utility has the option to make unavailable 
when its system is constrained, and therefore should not attract a stand-by demand charge.  
Furthermore, Celgar states it has had access to non-firm stand-by service since the late 1990s. 
 



 
 

 
(iii) 

FortisBC disagrees with Celgar and states that it does not offer non-firm service as there is no cost 
benefit to doing so and it would simply result in cost shifting.  FortisBC further states that it must 
maintain infrastructure that is capable of servicing Celgar’s full load, regardless of how intermittent 
that load may be. 
 
The Panel notes that it is not unusual for stand-by rates to be contentious.  Advocates for self-
generation seek minimal stand-by rates based on the premise that self-generation provides overall 
benefits while utilities often argue that low stand-by rates can result in the avoidance of 
infrastructure costs.  This contention is reflected by the two very divergent concepts introduced by 
FortisBC and Celgar. 
 
Nevertheless, the Panel is persuaded by FortisBC’s argument that it should not be required to offer 
non-firm service given the cost of providing such service is the same as providing firm service.  The 
Panel also agrees with FortisBC that demand charges should apply during periods of stand-by 
service as these customers should make a fair contribution to the sunk costs of the network.  The 
Panel considers that the key focus in determining the appropriate stand-by demand charge should 
instead be to ensure that it does not discourage on-site generation that is fully economical and 
cost-effective but for the inclusion of stand-by charges.  Further, the stand-by demand charge 
should also take into consideration BC energy objectives. 
 
As these considerations can vary by customer and over time, the Panel finds that FortisBC’s 
proposed one size fits all method of recovering these costs as laid out in Special Provision 2 is 
unnecessarily restrictive.  As a solution, the Panel suggests that ‘Stand-by Contract Demand’ should 
be established between the customer and the utility at an amount somewhere between zero and 
100 percent of the Contract Demand established in the underlying rate.  Determining the 
appropriate Stand-by Contract Demand should take into consideration the potential benefits of 
self-generation, such as electricity self-sufficiency, reduced greenhouse gas emissions, or a 
reduction in the need for utility-provided network capacity. 
 
Subject to the remaining issues regarding the Restrictions and Availability being resolved, and 
subject to comment from the parties, it is likely that the Panel would approve a revised Stand-by 
Rate if Special Provision 2 was removed and: 

i. For future customers Special Provision 2 is replaced, at a future date, with a Tariff Supplement 
that outlined Commission approved key principles that are to be considered in identifying the 
potential benefits of self-generation used to determine a customer’s Stand-by Contract 
Demand; and 

ii. For the one existing customer, Celgar, a determination on its Contract Demand and Stand-by 
Contract Demand is made in conjunction with the review of the Stand-by Rate. 



 
 

 
(iv) 

 
In order to keep the Stand-by Rate Application moving forward and to assist in a near term 
resolution to Celgar’s retroactive billing situation, the Commission directs that FortisBC undertake 
the following: 

• File with the Commission, by June 26, 2014, a revised Stand-by Rate incorporating the 
findings in the Decision and addressing both the Restrictions on, and Availability of, stand-
by service; and 

• Submit a filing on the appropriate Contract Demand and Stand-by Contract Demand for 
Celgar in conjunction with the June 26, 2014 filing addressing specifically the last Contract 
Demand of 16 MVA that the parties agreed to. 

 
Once the Commission has received the FortisBC filings it will determine the appropriate further 
process required in order to make a final determination on the Stand-by Rate and an appropriate 
Contract Demand and Stand-by Contract Demand for Celgar. 
 
In regards to the outstanding matters established by Order G-14-12: 

• The Commission Panel determines that there is no longer a need to consider the application 
of Stepped Rates for customers with self-generation facilities as the request for Stepped 
Rates was denied and, therefore, the rate class does not have stepped rates for which any 
application to self-generation customers can be made. 

• The Commission will shortly be issuing a letter requesting submissions from the parties on 
how to proceed with FortisBC’s request for approval for the NECP Rate Rider now that the 
Commission has made a final determination on the RS 3808 Proceeding by way of Order 
G-60-14. 

• The Panel will not be seeking submissions on how to move forward with the retroactive 
billing for Celgar until a final determination is made on the Stand-by Rate. 

 
 



 

1 

1.0 INTRODUCTION 

 

By way of Order G-188-11 dated November 14, 2011, the British Columbia Utilities Commission 

(Commission) directed FortisBC Inc. (FortisBC) to file an application for (i) a rate for self-generator 

customers based on Rate Schedule (RS) 31 but excluding British Columbia Hydro and Power 

Authority (BC Hydro) RS 3808 power from its resource stack, (ii) a two-tiered, stepped transmission 

rate to support conservation objectives, and (iii) a stand-by rate to address Zellstoff Celgar 

Partnership Limited’s (Celgar) circumstances. 

 
1.1 Original Application 

 

On March 28, 2013, FortisBC applied to the Commission pursuant to sections 58-61 of the Utilities 

Commission Act (UCA) for approval of a new set of rates for its customers served at transmission 

voltage (Application) as directed by Order G-188-11.  The Application seeks, among other things, 

approval for the following rates: RS 34 Stepped Rate, RS 36 Flat Rate, RS 37 Stand-by Service Rate, 

and to close both RS 33 Time-of-Use (TOU) Rate and the existing RS 31 Flat Rate.  (Exhibit B-1, p. 3) 

 

In the Application FortisBC states that it is not convinced that the proposed rates, with the 

exception of the Stand-by Rate, are in the best interests of its customers at this time and highlights 

the following reasons: 

• lack of support by affected customers; 

• regulatory costs associated with processing the Stepped Rate; 

• set-up costs such as billing system upgrades; 

• on-going operational expenses; and 

• conservation results associated with the rates are difficult to project and may not justify the 
costs.  (Exhibit B-2, Cover Letter) 

 

FortisBC submits it has put forward what it considers to be a set of reasonable proposals that 

satisfy the Commission’s directives.  FortisBC confirms, however, that it has not identified any 

practical need for transmission stepped rates, has received no customer requests for such rates, 

and “would not have put forward an application for their implementation in the absence of the 
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Commission direction to do so.”  FortisBC further submits that the applied for Stepped Rates should 

not be mandated at this time. (FortisBC Final Submission, pp. 3-4) 

 
1.2 Narrowed Scope for the Decision 

 

On February 3, 2014, by Order G-12-14 and accompanying Reasons for Decision, the Commission 

Panel identified certain aspects of the Application that overlapped with the pending review of BC 

Hydro’s application for approval of a new power purchase agreement with FortisBC (RS 3808 

Proceeding).  Therefore, the Panel considered those aspects would be better dealt with once a final 

decision on that application is issued.  As a result, the Panel determined that issues that do not 

overlap with the RS 3808 Proceeding will continue to proceed by way of a written hearing.  

Specifically, the Panel determined it will be reviewing the Stepped Rate, excluding its application to 

customers with self-generation (NECP Rate Rider), the Stand-by Rate and the Time-of-Use Rate.  

The Panel also determined that it will not be reviewing the retroactive application of rates to Celgar 

at this time. (Exhibit A-15) 

 

FortisBC noted the narrower scope and updated its request for a Final Order that includes the 

following determinations: 

• approving Stand-by Rate (RS 37); 

• not approving Stepped Rate (RS 34)  and the referent Flat Rate (RS 36); 

• not closing Time-of-Use Rate (RS 33) because the Stepped Rate is not being approved; and 

• not closing the existing Transmission Rate (RS 31) because RS 34 and RS 36 are not 
approved.  (FortisBC Reply, para. 108) 

 
1.3 Background 

 

FortisBC currently has four Large Commercial Service Customers connected at transmission voltage.  

These are Roxul (West) Inc. (Roxul) located in Grand Forks, Barrick Gold (Barrick) located outside 

Hedley, International Forest Products Limited (Interfor) located in Castlegar, and Celgar also 

located in Castlegar. (Exhibit B-1, p. 14)  Of these Celgar is the only customer that has distributed 

generation (self-generation) capabilities. 
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As shown in the table below, these four FortisBC Large Commercial Service (Industrial) Customers 

make up approximately 7 percent of FortisBC’s total sales.  In contrast, in BC Hydro’s territory there 

were 135 customer sites representing approximately 25 percent of all sales to domestic customers 

in F2012 for the comparable rate class.1 

 
Table 1 Large Commercial Service Customers Percentage of FortisBC’s Total Load 

 
 Source: Exhibit B-4, BCUC 1.1.1 

 

FortisBC currently has two rate options for Large Commercial Service Customers connected at 

transmission voltage: 

Rate Schedule 31 - Large Commercial Service – Transmission; and 
Rate Schedule 33 - Large Commercial Service – Transmission – Time of Use 

 

For both rate schedules, a customer must take service from the Company at a nominal potential of 

60,000 volts or higher, and have a load of 5,000 kVA or more.  Each of these rates may be subject 

to a further written agreement. 

 

RS 31 consists of a monthly Customer Charge, a flat Energy Charge for all consumption, and 

Demand Charges consisting of a Wires Charge and a Power Supply Charge.  The Demand Charge 

was broken out into component parts as a result of the Company’s 2009 Rate Design and Cost of 

Service Analysis Application (2009 RDA, COSA).  As the Power Supply Charge is applied only to the 

maximum demand of the current billing month, without a ratchet provision, it encourages the 

management of load.  The flat Energy Charge, however, does not have an inherent conservation 

component.  The Company also has a wholesale transmission service rate specifically applicable for 

service to the City of Nelson (RS 41).  This rate schedule is not the subject of this Application.  

(Exhibit B-1, p. 14) 

                                                      
1  BC Hydro Application to Amend Tariff Supplement No. 74, Decision, p. 6 
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1.4 The Application and Orders Sought 

 

The original Application requested approval for a new set of rates for FortisBC’s customers served 

at transmission voltage (60,000 volts and above), as well as changes to, and the closing of, other 

rates as described below. 

 
STEPPED RATES 

• Rate Schedule 34  – Large Commercial Service -Transmission Stepped Rate 

Approval for RS 34 to become the default rate under which customers served at 
transmission voltages are provided service. 
 

• CBL Guidelines 

Approval for Stepped Rate Customer Baseline Load (CBL) Guidelines as an attachment to 
RS 34. 
 

• Rate Schedule 31  – Large Commercial Service –Transmission  Flat Rate 

Approval to close RS 31 and replace it with RS 34 and RS 36 and transfer existing RS 31 
customers to a new rate. 
 

• Rate Schedule 36  – Large Commercial Service –Transmission  Flat Rate 

Approval for a rate which will apply to those customers without sufficient history to be put 
on RS 34, and as a referent in the development of RS 34. 

 
CUSTOMERS WITH SELF GENERATION - NECP RIDER 

• Non-Embedded Cost Power (NECP) Rider 

Approval for the NECP which is a provision for charging customers with self-generation that 
intend to sell any portion of their generation that is not in excess of load. 
 

STAND-BY SERVICE RATES 

• Rate Schedule 37  – Stand-by Service Rate 

Approval for a rate that applies for power and energy to replace the power and energy 
ordinarily generated by a customer by means of a private generating facility when that 
generating facility is not operating due to either a forced outage or a maintenance 
shutdown. 
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TIME-OF-USE RATES 

• Rate Schedule 33  – Large Commercial Service –Transmission – Time-of-Use 

Approval to close this rate. 
 
RETROACTIVE APPLICATION OF RATE TO CELGAR 

• A determination on the retroactive application of rates to Celgar. 

 
1.5 Interveners and Regulatory Process 

 

BC Hydro, Celgar, Interfor, British Columbia Pensioners and Seniors Organisation et al. (BCPSO), and 

the British Columbia Municipal Electrical Utilities (BCMEU) intervened in the Proceeding while 

Tolko Industries Ltd. registered as an Interested Party. 

 

The Regulatory Timetable for the review of the Application was amended or put on hold a number 

of times due to scope challenges, concerns relating to the overlap with a number of other 

proceedings before the Commission, as well as the filing of Rebuttal Evidence by FortisBC.  An 

overview of the regulatory process is provided in Appendix A. 

 

In summary, this Decision and related Final Submissions will only address (i) the Stepped Rates, not 

including its application to customers with self-generation, (ii) the Stand-by Rate, and (iii) the Time-

of-Use Rate.  The Commission will address the remaining items in due course. 
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2.0 STEPPED RATES 

 
2.1 Context for Stepped Rates in the FortisBC Service Territory 

 
2.1.1 The FortisBC 2009 Rate Design Application 

 

The genesis of the Application for Stepped Rates can be traced to the FortisBC rate design 

proceeding that took place in 2009 and 2010.  FortisBC filed the 2009 RDA on October 30, 2009.  

The Commission Panel, in its decision dated October 19, 2010, identified the following threefold 

purpose for a RDA: 

(i) To examine whether the structure of existing rates continues to promote an 
economically efficient consumption of electricity by the utility’s customers; 

(ii) To assess whether the charges to customers that result from the application of these 
rates are fair and reasonable; and 

(iii) To provide an opportunity for all parties to examine the relevance of a utility’s tariffs 
including its terms and conditions of service to ensure they remain relevant and valid. 
(Order G-156-10, Decision, p. 7) 

 

While the review of FortisBC’s 2009 RDA was in progress, the Clean Energy Act (CEA) was 

introduced on April 10, 2010 by the Provincial Government.  The press release of that date 

announced the following: 

“British Columbia’s new Clean Energy Act sets the foundation for a new future of 
electricity self-sufficiency, job creation and reduced greenhouse gas emissions, 
powered by unprecedented investments in clean, renewable energy across the 
province.  Bill 17 builds upon British Columbia’s unique heritage advantages and 
wealth of clean, renewable energy resources.” 

 

In its Decision on the 2009 RDA the Commission Panel observed that “recent BC policy and 

legislative developments have strongly highlighted energy efficiency and conservation” and 

directed FortisBC to, among other things: 

• develop a plan for introducing inclining block rates for residential customers that also 
incorporate a lower Basic Charge in the immediate future; 

• initiate consultations with industrial customers with a goal to introduce a stepped rate for 
transmission service similar to RS 1823 of BC Hydro; (Order G-156-10, p. 3) 
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It appears that the intent of the stepped rate directive was to introduce measures to promote 

conservation and efficiency in order to reduce consumption which in turn would postpone the 

need for future generation build.  In addition, the Commission implied that both major electric 

utilities in the province should offer stepped rates. 

 
2.1.2 Celgar Complaint to the Commission 

 

After the 2009 RDA Decision was issued, but before FortisBC had made much progress with any 

stepped rate consultation, Celgar filed a complaint on March 21, 2011, regarding the failure of 

FortisBC and Celgar to complete a general service agreement (GSA) and FortisBC’s application of 

RS 31 Demand Charges (Celgar Complaint).  In reviewing the Celgar Complaint that Commission 

Panel described Celgar’s mill load as being served by a combination of the following: 

(i) Celgar’s own generation; 

(ii) FortisBC supply at embedded cost rates to the extent determined by the application of 
the Access Principles pursuant to Order G-27-99 (the Entitlement); and 

(iii) Additional supply from FortisBC (the Margin). 

 

In that context, the Commission Panel reminded FortisBC of the directive to introduce stepped 

rates and concluded: “The Panel considers that a stepped rate could be an appropriate mechanism 

for recovering the cost of power supply to serve the Margin.” (Order G-188-11, Decision, p. 40)  

Accordingly, FortisBC was re-directed to submit an application to the Commission by May 31, 2012, 

for a two-tier stepped transmission rate to reflect conservation objectives.  The Panel indicated 

that the rate for the second tier should reflect the long term marginal cost of power from sources 

other than RS 3808. 

 
2.1.3 Consultation Activities 

 

In response to Commission Order G-156-10 regarding the 2009 RDA, FortisBC began the 

development of transmission stepped rate consultation materials that were intended to gather 

customer feedback on the customer reception of rates prior to the potential development of a 

future application. 
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However, prior to a conventional consultation effort being undertaken, Celgar filed the complaint 

against FortisBC, as described above, with respect to billing and contract issues.  As part of the 

Celgar Complaint proceeding the rates charged to Celgar and other transmission customers 

became a central element of consideration.  

 

While the 2009 RDA only directed FortisBC to initiate consultation with its customers regarding a 

transmission stepped rate, the Celgar Complaint proceeding resulted in Order G-188-11 that simply 

directed that a transmission stepped rate application be filed.  FortisBC noted that this effectively 

changed its focus and moved discussion into the regulatory forum.  (Exhibit B-6, Celgar 1.2.2) 

 

Consequently, FortisBC stated it shifted consultation to the matters that fell from Order G-188-11, 

which related to customers with self-generation.  It acknowledges that the consultation process for 

this Application did not follow a more usual collaborative path that is typical for applications.  

FortisBC further stated “given the active, detailed, and often adversarial consideration of the 

matter provided by the regulatory processes” deviating from the normal process was, to a large 

extent, unavoidable. (Exhibit B-6, Celgar 1.2.2) 

 

FortisBC believed that there has been ample opportunity for customers to provide input into the 

rate design through both ongoing regulatory processes as well as in response to information 

provided directly to the affected customers.  While, due to the limited number of customers, public 

or group open houses were not held, each customer was provided information on the structure 

and functioning of a two-tier stepped rate and invited to comment generally on the concept and 

usefulness of such rates.  FortisBC stated the options for variation within the rate were limited 

because both the requirement and the structure of the stepped rate were specified by the 

Commission.  FortisBC further explained that it is incumbent on the utility to (i) provide such 

information to customers, (ii) invite general feedback, and then (iii) incorporate such feedback, if 

any (along with other inputs such as Commission directions), is common industry practice in a 

proposed rate that forms the basis of an application.  It would be a divergence from common 

practice to engage customers down to the level of designing the individual rate parameters.  

(Exhibit B-4, BCUC 1.9.2) 
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2.2 Proposed Stepped Rates 

 

FortisBC states it has used the following principles to guide the development of its proposed 

Stepped Rate: 

• Stepped Rate should be designed to include a conservation incentive; 

• Stepped Rate will consist of two pricing tiers (G-188-11); 

o Pricing of the second tier will reflect the long term marginal cost of power from 
sources other than BC Hydro RS 3808 Power (G-188-11); and 

• Stepped Rates will be revenue neutral, on an annual, individual customer basis, to an 
underlying Flat Rate.  (Exhibit B-1, p. 18) 

 

FortisBC explains that revenue neutrality exists between the proposed Stepped Rate and the 

underlying Flat Rate (RS 31) when the customer consumes electricity at 100 percent of its Customer 

Baseline Load (CBL).  Because the CBL is based on historical consumption, for most customers on RS 

34 this means that if a customer does not change consumption habits from the previous year, 

billing will remain the same exclusive of changes due to general rate increases.  Therefore, to 

maintain revenue neutrality at the 100 percent CBL consumption level, the Tier 1 rate needs to be 

adjusted whenever the Tier 2 rate is changed. (Exhibit B-1, pp. 18-19) 

 

Elements of the proposed Stepped Rate are summarized in Table 2 below. 
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Table 2 Elements of the Proposed Stepped Rate 

 
 

2.3 Evaluation Approach 

 

By way of background, FortisBC agreed that consideration of the Bonbright Principles is a useful 

input into the evaluation of rate design options.  Other considerations, such as legislative 

requirements, also impact such an evaluation. (Exhibit B-4, BCUC 1.2.1) 

 

FortisBC also agreed that the proposed Stepped Rate meets the definition of a Demand Side 

Measure (DSM) in the CEA. (Exhibit B-7, BCUC 2.9.1)  FortisBC further stated “The Company 

believes that the stepped rate would likely pass the [DSM Regulation] tests based upon the 

measures of avoided costs contained in the DSM regulations, but the costs tests should not be a 

determinative factor in whether approval of the stepped rate is granted.” (Exhibit B-7, BCUC 

2.9.2.1) 
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Commission Panel Discussion 

 

The Panel considers FortisBC’s pricing principles are consistent with Order G-188-11.  However, 

that Order did not predetermine that a rate which met these principles would be approved by the 

Commission.  It only directed that the rate is to be brought forward for review by the Commission. 

 

In this Decision, the Panel will not evaluate the Application against FortisBC’s pricing principles.  

The Panel will instead determine if the Application meets the standard of generally accepted rate 

design principles.  Further, as the rate is considered a demand-side measure under the CEA the 

Panel will also be guided by the DSM Regulations2 in determining how to interpret these principles 

for the purpose of this Application. 

 
2.4 Evaluation 

 

FortisBC has made its position very clear by stating that the Stepped Rate should not be mandated 

at this time.  It submits that stepped rates: lack support and interest from affected customers, were 

initially ordered without the benefit of an adequate regulatory record, and introduce an 

administrative burden on both FortisBC and the affected customer for an undetermined and 

uncertain benefit while potentially raising rates for all customers. (FortisBC Final Submission, 

para. 18) 

 

Overall BCPSO supports FortisBC’s position that the Stepped Rate should not be mandated at this 

time.  BCPSO submits that the need for such a rate and the appropriate basis for determining 

FortisBC’s long term marginal cost of power should be considered in conjunction with FortisBC’s 

next Resource Plan.  (BCPSO Final Submission, para. 25) 

 

To justify why the rate should not be mandated at this time, FortisBC provided the following 

reasoning.  Each reason provided will be discussed further. 

1. Lack of regulatory record, need, and customer desire (Section 2.4.1); 

2. Impact on rates (Section 2.4.2); and 

                                                      
2  Ministerial Order M271 – Demand Side Measures Regulation dated November 11, 2008 and Ministerial Order 

M335 – Demand Side Management Regulation Amendment dated December 8, 2011 

http://www.bcuc.com/Documents/SpecialDirections/Regulation-M271_11-07_EMPR_DSM.pdf
http://www.bcuc.com/Documents/SpecialDirections/M335-DSM-Regulation-amendment.pdf
http://www.bcuc.com/Documents/SpecialDirections/M335-DSM-Regulation-amendment.pdf
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3. An increase in cost, complexity, and process (Section 2.4.3). 

 
2.4.1 Lack of Regulatory Record, Need, and Customer Desire 

 

FortisBC’s clear evidence is that there is no ‘problem’ that needs addressing.  FortisBC stated that 

without some legislated mandate it would not make changes to an existing rate structure without 

first identifying a problem or issue, even including an unrealized opportunity for improving a rate. 

(Exhibit B-4, BCUC 1.2.2.1) 

 

FortisBC also stated that a stepped rate is not inherently less stable than a Flat Rate.  Although 

there is a threshold at which the price of energy changes, it is fixed and predictable.  FortisBC 

further stated that increased rate instability would only result if prices were fluctuating within a 

short timeframe in a manner that was not predictable. (Exhibit B-4, BCUC 1.8.1) 

 

Celgar submits that BC Hydro’s Industrial Stepped Rate (RS 1823), although not perfect, does send 

a conservation price signal that prompts customers to respond and for that reason Celgar supports 

a stepped rate for all FortisBC industrial customers.  Celgar goes on to state that an active DSM 

program for industrial customers, in combination with stepped rates, is imperative. (Celgar Final 

Submission, p. 40) 

 

BCPSO introduces a potential contrast between conservation and efficient use.  First, it points out 

that the motivator behind the Commission’s Directive No. 9 (Order G-188-11) for stepped rates was 

to support conservation.  BCPSO submits that FortisBC has interpreted ‘conservation’ in this 

context as encouraging reduced use of electricity with no specific reference as to whether that 

reduction is economically efficient.  Therefore, in BCPSO’s submission, encouraging conservation is 

not synonymous with Bonbright’s Principle #3 which states “Price Signals that encourage efficient 

use and discourage inefficient use.”  BCPSO explains that if customers’ usage is based on marginal 

cost pricing signals, only then would conservation be ‘efficient’. (BCPSO Final Submission, pp. 3-4) 

 

Conversely, BCPSO notes that FortisBC’s current plans call for reliance on market purchases in the 

short to medium term.  Over the long term, FortisBC indicates it may rely on market purchases or 

new generation to meet load growth.  Accordingly, BCPSO submits there is a misalignment 

between the long-run marginal cost (LRMC) for new resources and FortisBC’s actual marginal cost 
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of supply, which means that efficient pricing signals are not triggered.  For example, BCPSO notes 

the LRMC of 5.6¢/kWh used for evaluation of DSM programs, is significantly below the 9.223¢/kWh 

value proposed for the Tier 2 rate by FortisBC.  In summary, BCPSO submits that an LRMC based on 

new resources does not reflect FortisBC’s current LRMC of power and is predicated simply on 

achieving an inclining rate structure that will incent customers to use less electricity. (BCPSO Final 

Submission, pp. 4-5) 

 

FortisBC does not disagree with the above submissions of BCPSO, but reiterates that the selection 

of a lower LRMC as suggested by BCPSO would simply result in a rate that is essentially flat, 

“further reducing the conservation incentive and rendering the rate ineffective.”  (FortisBC Reply, 

p. 3) 

 

Commission Determination 

 

The Panel acknowledges the CEA’s and Energy Plan’s focus on energy efficiency and accepts that an 

active demand side can be a critical element to an efficient market.  An efficient market requires 

vigorous competition between supply-side and demand-side resources to achieve an efficient, 

least-cost outcome.  Without this, the energy field is left with a one-sided market in which prices 

are set only by the supply side. 

 

Therefore, the Panel agrees with BCPSO that the key question in determining if a need for the 

Stepped Rate exists is whether the Stepped Rate promotes efficient customer behaviour rather 

than merely results in less electricity consumption.  For example, a customer may use less 

electricity by shutting down operations or switching to an alternative fuel, however this may not 

result in a net benefit overall. 

 

In determining how any efficiency benefits of the stepped rates should be measured, the Panel has 

looked to the DSM Regulations for guidance.  Section 4 (1.1) specifies that benefits should be 

measured using the Total Resource Cost test, which measures the benefit from a British Columbia 

perspective rather than a utility, participant or non-participant perspective.  Although it is 

preferable that the utility itself also benefits (for example, if the Stepped Rate addresses an 

operational need of FortisBC), section 4 (1.8) of the DSM Regulations does not require this. 
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The Panel also considers that in measuring BC efficiency benefits there are two broad types of 

customer behaviours – short term operational decisions (such as whether to take on another 

order) and long term investment decisions (such as when to replace equipment).  The Panel notes 

that Barrick has explicitly stated that due to the nature of its operations it would be unlikely to 

initiate any conservation activities and Interfor, who registered as an Intervener, did not make final 

submissions or asked any information requests. 

 

FortisBC has already acknowledged that the consultation process did not follow the usual path due 

to the circumstances, but assured the Panel that there has been ample opportunity for customers 

to provide input into the rate design.  In light of the lack of customer engagement, the Panel finds it 

difficult to conclude that the FortisBC stepped rate will have efficiency benefits in the absence of 

adequate evidence on the price responsiveness of FortisBC’s Industrial customers. 

 

The Panel also looked at this issue from a theoretical perspective – specifically, whether it could be 

assumed that FortisBC’s Industrial customers are likely to be at least somewhat price sensitive and 

whether the Panel could assume that there would be a net efficiency benefit from the proposed 

Stepped Rate.  This was addressed by separately considering the effect the proposed Stepped Rate 

could have on short term and long term FortisBC customer operational and investment decisions. 

 

For short term customer operational decisions, the Panel agrees with BCPSO and FortisBC that 

there is a short term surplus in the electricity market at the moment and wholesale prices are 

expected to be significantly below the proposed Tier 2 energy rate of 9.223¢/kWh.  While the Panel 

does not consider that a rate which over-signals incremental costs at the margin is necessarily 

inefficient (customers may not over-consume electricity as a result), it does indicate that, at least in 

the short term, any benefit of introducing the proposed Stepped Rate to improve customer 

operational decisions would likely be significantly reduced. 

 

For longer-term customer investment decisions, the Panel is aware that customers may make 

inefficient investment decisions in response to the existing Flat Rate.  However, these concerns are 

mitigated by FortisBC only having four customers who make up less than 7 percent of FortisBC’s 

total load on the Large Commercial Service Transmission Rate, and by the alternative available to 

FortisBC of addressing any identified problems through DSM programs. 
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In response to Celgar’s argument that the BC Hydro RS 1823 sends a conservation price signal to its 

customers the Panel notes that BC Hydro has 135 customers who make up 25 percent of BC 

Hydro’s total load.  As a result of the larger number of customers it is much more probable that BC 

Hydro’s pool of customers, as a whole, will achieve conservation benefits.  Furthermore, given the 

larger percentage of total load that BC Hydro’s Transmission customers represent those benefits, 

relatively, will be significantly greater than in the FortisBC service area. 

 

The Panel accepts FortisBC’s position that that there is no “problem” as customers have not 

indicated any desire for the Stepped Rate nor have they indicated that a stepped rate structure 

would in fact result in positive behavioural changes. 

 

The Panel does not disagree with FortisBC that the proposed Stepped Rate ultimately is not 

inherently less stable than the existing Flat Rate; however, the Panel notes that any change in rate 

design naturally results in some initial increase in rate instability.  As such, the Panel does not see 

the need to change an existing rate designs unless there is a clear need to do so. 

 

In conclusion, the Panel finds that there is a lack of evidence as to whether the introduction of 

stepped rates will result in a net improvement in efficiency of customer investment and 

operational decisions in BC.  The Panel could not identify any efficiency benefits of the Stepped 

Rate at this time.  The Panel determines that FortisBC should ensure sufficient focus is given to 

identifying and addressing DSM opportunities for its Industrial customers as a way of achieving 

efficiencies benefits.  The Panel notes that the FortisBC DSM program is currently being actively 

discussed in the FortisBC 2014-2018 Revenue Requirements process that is currently underway. 

 
2.4.2 Impact on Rates and Cost Shifting 

 

FortisBC is concerned that any conservation that might occur as a result of stepped rates can have 

a negative impact on customer rates in general.  FortisBC summarizes these concerns as follows. 

“…FBC notes that in the current environment, any conservation by the industrial 
customers that decreases kWh sales will place an upward pressure on rates 
generally and that the administrative costs will simply add to the lost margin from 
the sales. 
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When the retail price is high compared to the cost of supply, as it is currently, each 
kWh of conservation achieved by the customer places an upward pressure on 
rates.  In this case, from the perspective of other customers conservation does not 
lead to positive result.  In the opinion of the Company, a stepped rate may be 
appropriate when the conservation may lead to rate relief, but current 
circumstances do not support such a change.  The appropriate time to review the 
potential effectiveness of a stepped rate would be during the preparation of the 
Company’s next resource plan - expected to be filed in 2016.” 

(FortisBC Final Submission, para. 25, Footnotes omitted) 

 

FortisBC further submits that, in the short term, any resultant upward pressure on rates would 

have an impact on the rates of other customer classes, as occurred with the introduction of 

transmission stepped rates by BC Hydro.  FortisBC also submits this situation would persist until 

such a time as a future COSA was performed.  The new COSA could lead to rebalancing of rates 

among the classes, potentially eroding any benefits transmission customers may have achieved. 

(FortisBC Final Submission, p. 6) 

 

BCPSO explains this cost shifting is taking place in part because the revenue projections for the 

Stepped Rate RS 34 will be based on forecast load at RS 36 Flat Rates.  However, RS 34 rates are 

only able to recover the same forecast revenues when customers’ forecast loads are equal to 100 

percent of their CBL.  To the extent conservation occurs, there will be a revenue shortfall to be 

recovered from all other customers until such time as a new COSA is undertaken.  BCPSO submits 

that this cost shift is inconsistent with the expectation that rates will be fair and provides a further 

reason to reconsider whether the introduction of stepped rates is appropriate at this time. (BCPSO 

Final Submission, p. 5) 

 

Commission Determination 

 

In order to determine whether cost shifting between customer classes results in a fairness concern, 

the Panel has looked to the DSM Regulations for guidance.  Section 4 (6) of the Regulations 

prevents the Commission from using a Rate Impact Measure test result (which determines if the 

measure results in cost shifting from participants to non-participants) to determine that a measure 

is not cost-effective. 
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The Panel therefore considers that rates which recover their allocated costs (within a reasonable 

range) cannot be considered unfair on the basis that they have encouraged customers within that 

class to use less electricity and, as a consequence, have reduced the level of costs allocated to that 

class.  As a result, the Panel determines that the proposed Stepped Rate is not unfair from a cost 

causation perspective.  However, the Panel also notes that fairness concerns have not been raised 

regarding the existing Flat Rate.  In summary, the Panel finds that neither the existing Flat Rate 

nor the Stepped Rate raise fairness concerns. 

 
2.4.3 An Increase in Cost, Complexity and Process 

 

FortisBC submits that there will be an administrative and cost burden for both the Company and 

the affected customers associated with the introduction of stepped rates and does not support 

imposing these costs.  FortisBC explains the costs are related to: 

(i) Initial setting, and on-going review of CBLs; 

(ii) Preparation of filing CBL documentation with the Commission; 

(iii) On-going manual preparation of complex billing arrangements; and 

(iv) Customer monitoring of cumulative annual consumption. 

(FortisBC Final Submission, p. 6) 

 

Commission Panel Discussion 

 

The Panel agrees with FortisBC that the stepped rate design will result in an increase in cost, 

complexity, and process compared to the existing Flat Rate.  However, given the small number of 

customers proposed to be subject to the Stepped Rate, the Panel will give these concerns little 

weight in the overall determination. 

 
2.5 Commission Summary Determination on Stepped Rates 

 

The Panel considers that before making any changes to previously approved rate design, the Panel 

should be satisfied that greater efficiencies or cost savings would accrue to the benefit of 

ratepayers overall, or that the existing rate is now outside of fairness norms from a cost causation 

perspective.  The Panel should also be satisfied before making any changes to previously approved 
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rate design that the magnitude of the changes to the affected parties are acceptable and that 

benefits in the broad public interest would result. 

 

The Panel acknowledges that FortisBC filed the Application to comply with a prior Commission 

directive.  The specific goal of that directive was to support conservation.  The Panel notes BCPSO’s 

concern that FortisBC’s Tier 2 price does not reflect FortisBC’s current long-run marginal cost of 

power and is predicated simply on achieving an inclining rate structure that will incent customers 

to use less electricity.  The Panel declines to rule on FortisBC’s long-run marginal cost estimate, as 

this is best addressed in FortisBC’s Performance Based Ratemaking (PBR) 2014-2018 Application.  

However, the Panel is concerned about making significant rate design changes while this 

uncertainty exists. 

 

The Panel has already accepted that there is no ‘problem’, as customers have not indicated any 

desire for stepped rates nor have they indicated that a stepped rate structure would in fact result 

in positive behavioural changes.  Finally, FortisBC, as the applicant, believes that stepped rates 

should not be mandated at this time. 

 

The Panel agrees with FortisBC and BCPSO that the proposed Stepped Rate should not be 

mandated at this time.  Accordingly, FortisBC’s request to open RS 34 and the attached CBL 

Guidelines and to open RS 36 is denied. 

 

The Panel also accepts FortisBC’s withdrawal of it request to close the existing RS 31 Flat Rate. 

 

The Commission Panel determines that the next appropriate time to review the potential 

effectiveness of a stepped rate and the appropriate basis for determining FortisBC’s LRMC should 

be in conjunction with FortisBC’s next Resource Plan expected to be filed in 2016. 

 

Pursuant to Order G-12-14 the review of the application of Stepped Rates to customers with self-

generation facilities was suspended.  However, as the Commission has not approved a Stepped 

Rate for the transmission voltage customer’s class any application of the unique elements of such a 

rate to self-generating customers within this class is no longer relevant as these customers will not 

have a stepped rate.  As such, the Panel determines that there is no longer a need to consider the 

application of a Stepped Rate for customers with self-generation facilities. 
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3.0 THE STAND-BY RATE 
 

3.1 Background and Context for the FortisBC Stand-by Rate 

 

The key party that led to FortisBC’s filing of the Stand-by Rate is Celgar.  Celgar is a customer of 

FortisBC and operates a pulp mill at Castlegar, B.C.  FortisBC and its predecessor companies have 

served the electricity needs of Celgar and its predecessors since 1959 (BC Hydro RS 3808 

Amendment, Exhibit C2-10).  The Celgar mill has a total load of 46.5 MVA and under most 

circumstances this load is satisfied by Celgar’s 52 MW turbo generator.  The Celgar pulp mill 

generates the steam it uses for its operations, including electricity generation, by burning wood 

waste and black liquor, a by-product of the pulp-making process. 

 

From time to time, the turbo generator may be unavailable due to maintenance shutdowns or 

equipment failures.  The pulp mill can operate independently of the turbo generator and therefore 

during these times Celgar needs a back-up source of power. (Celgar 2011 Complaint to BCUC, 

Exhibit B1-2, Appendix A) 

 

More recently Celgar installed a second generator which became operational in September 2010.  

The newer 48 MW condensing turbine generator is now generating green electricity predominantly 

for use in the BC Hydro power grid by way of Celgar and BC Hydro entering into an Electricity 

Purchase Agreement under the 2008 Bioenergy Call. 

 

In order to provide the reader with a background and context for the Stand-by Rate portion of the 

Application, this section gives an overview of the relevant regulatory rulings and the history of the 

rates charged to Celgar. 

 

The following table summarizes the rate schedule and demand levels for Celgar between 2005 and 

the present. 
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Table 3 Summary of Rate Schedule and Demand Levels for Celgar between 2005 and the 
present 

Date Celgar Rate Schedule 
February 15, 2005 to 
September 31, 2006 

Rate Schedule 31 and 2000 GSA 
The 2000 GSA stipulated a contract demand of 16 MVA.  Any excess of the 16 MVA 
contract demand provided on a reasonable efforts basis.  All actual costs for supply 
above 16 MVA are paid by Celgar if FortisBC is forced to acquire added resources.  

October 1, 2006 to 
January 1, 2011 

Rate Schedule 33 and a 2006 Draft GSA 
The 2006 Draft GSA stipulated firm capacity of 10 MVA during the day and 25 MVA 
during the night and a Demand Limit of 40 MVA with no additional Demand charges 
for energy over the firm capacity. 

January 2, 2011 to Present Rate Schedule 31 with no applicable GSA (the 2006 GSA was deemed invalid by G-
188-11) on an interim and refundable basis and ending when the Commission 
approves the new rate for Celgar that excludes BC Hydro RS 3808 Power from 
FortisBC’s resource stack, and/or an Agreement forwarded by the parties.   

 
3.1.1 Celgar – Pre 2006 

 

On February 15, 2005, Celgar assumed and became party to a general service power agreement 

with FortisBC dated December 20, 2000 (2000 GSA) that had an Electricity Supply Brokerage 

Agreement (2000 BA) attached to it that formed part of the 2000 GSA. 

 

The 2000 GSA provided that charges for service would be calculated in accordance with RS 31 with 

a contract demand of 16 MVA.  In the event of a failure of the turbo generator, any requirement in 

excess of the 16 MVA contract demand was to be provided by FortisBC on a reasonable efforts 

basis as promptly as possible.  In the case where FortisBC was forced to acquire added resource, 

Celgar was required to pay all actual costs for supply above 16 MVA. 

 

There was also a provision for Demand Charges if stand-by supply occurred at the time of 

FortisBC’s annual system peak and increased FortisBC’s demand related charges under BC Hydro’s 

RS 3808. 

 
3.1.2 Celgar - 2006 

 

In 2006 Celgar stopped taking service under RS 31 and the 2000 GSA.  On October 1, 2006, Celgar 

started taking service under RS 33, which is a TOU Rate, pursuant to the terms of a new draft GSA 

and BA (2006 Draft GSA and BA) with FortisBC; however, the 2006 draft was never signed. (2009 

RDA, FortisBC Final Argument dated June 30, 2010) 
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In the Draft 2006 GSA the parties agree that the 2006 Draft GSA replaced the previous 2000 GSA.  

The 2006 Draft GSA stipulated that FortisBC make available the firm capacity reservation of 10 MVA 

during the day and 25 MVA during the night.  Further, it stated that the customer shall not exceed 

the demand limit of 40 MVA unless otherwise agreed in writing.  

 

The Draft 2006 BA attached and the 2006 Draft GSA addressed the issue of back-up power required 

by Celgar due to the unavailability of its own turbo generator as follows: 

“Since the pulp mill can operate independently of the turbo generator, the 
Customer would like a backup source of power above the firm supply levels of 10 
MVA between 8:00 am and 10:00 pm and 25 MVA between 10:00 pm and 8:00 
am.  If FortisBC was required to provide this backup by contract purchase from 
B.C. Hydro, the Customer could incur excessive costs for relatively minimal power 
consumption as a result of capacity charges imposed under the BC Hydro rate of 
supply for FortisBC.  The intent of this electricity supply brokerage agreement is 
that should the customer’s requirements exceed the Firm Capacity reservation, 
described above, then the customer shall pay the equivalent of Rate Schedule 33 
as more fully described below.” 3 

 

Celgar and FortisBC continued negotiations towards a mutually agreeable GSA.  In 2008 a second 

draft agreement was reached but withdrawn before its execution by FortisBC due to the 

Commission’s Decision by Order G-48-09 that approved BC Hydro’s amendment to section 2.1 of 

Rate Schedule 3808.  As a result, Celgar and FortisBC continued to operate largely under the terms 

of the unsigned Draft 2006 GSA and BA. 

 
3.1.3 2009 - FortisBC Rate Design and Cost of Service Analysis Application 

 

On October 30, 2009, FortisBC filed the “FortisBC 2009 Rate Design and Cost of Service Analysis 

Application” (2009 RDA) which started a sequence of regulatory proceedings that led to FortisBC 

filing for approval of the Stand-by Rate.  

 

In the 2009 RDA Decision issued on October 19, 2010, the Commission determined that under the 

current circumstances Celgar was ineligible to take service under RS 33 and directed FortisBC to 

                                                      
3  Agreement dated October 1, 2006 between Zellstoff Celgar Limited Partnership (the Customer) and FortisBC Inc. 

(FortisBC); FortisBC response to BCUC IR-2, Appendix A34.7 in the FortisBC 2009 Rate Design and Cost of Service 
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provide Celgar service under RS 31 effective January 2, 2011.  This resulted in Celgar and FortisBC 

operating solely under the terms of RS 31 with no GSA and BA. 

 

The 2009 RDA Decision provided the following key reasons: 

• There is no current signed GSA as stipulated by RS 33.  The last signed GSA was the 2000 
GSA but it referenced RS 31 and therefore was not applicable to RS 33; and 

• FortisBC failed to explain how the current low load factor could qualify as “satisfactory” as 
stipulated by RS 33. (2009 RDA Decision, p. 67) 

 

In regards to the second point, the COSA recommendations highlighted Celgar’s situation on RS 33 

as compared to other industrial transmission customers of FortisBC on RS 31.  The revenue-to-cost 

(R/C) ratios for Celgar (the only customer on RS 33) were in the 22 percent to 25 percent range, 

which was very low compared to RS 31 customers whose R/C ratio exceeded 100 percent.  The R/C 

ratio for RS 33 was low largely due to significant under collection of wires-related charges (2009 

RDA, Exhibit B-3-4, Celgar 1.24.0).  According to this, Celgar was not paying its fair share of 

transmission costs while being on RS 33.  Celgar’s self-generation allowed it to avoid the on-peak 

energy periods most of the time and, therefore, avoid most of the transmission costs.  It appears 

that either the pricing of the TOU Rate or the load was causing the outcome. 

 

The Commission further stated on page 67 of the RDA Decision: “Based on the evidence and 

determinations related to Celgar…the Commission Panel also recommends that FortisBC and Celgar 

reconsider the options available for designing a practical and workable rate schedule for Celgar.  

For instance, a stand-by rate similar to that offered by BC Hydro might still be an option...” 

 

In mid-December 2010, FortisBC and Celgar exchanged drafts of a GSA that was intended to be 

effective January 2011 (Draft 2010 GSA).  The initial draft of the agreement was prepared by 

FortisBC and had a draft BA appended to it (Draft 2010 BA).  The main operating provisions of the 

Draft BA were, in all material respects, identical to those of the 2000 BA, with revisions essentially 

limited to the updating of the contract demand to 8 MVA.  
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3.1.4 2010 - Celgar Application for Reconsideration 

 

On December 3, 2010, Celgar applied for a reconsideration of the 2009 RDA Decision.  The 

Commission denied the request by Order G-3-11, dated 12, 2011, as it did not meet the 

Commission’s threshold test for reconsideration.  The Commission reminded the parties that it had 

urged FortisBC and Celgar to find a negotiated solution and concluded that reconsideration was 

premature as the outcome of negotiations was yet unknown.  However, the Commission suggested 

that Celgar’s recourse should be more appropriately addressed by way of a complaint, in the event 

that the parties cannot reach an agreement. (Celgar Reconsideration Decision, Order G-3-11, p. 11) 

 
3.1.5 2011 - Celgar Complaint 

 

On March 25, 2011, Celgar filed “A Complaint Regarding the Failure of FortisBC and Celgar to 

Complete a General Service Agreement and FortisBC’s Application of RS 31 Demand Charges,” 

(Celgar Complaint) which in turn resulted in Order G-188-11 dated November 14, 2011.  The 

complaint was regarding FortisBC’s application of RS 31 Demand Charges in calculating Celgar’s 

invoices subsequent to January 2, 2011. 

 

Regarding whether Celgar and FortisBC can be said to be operating under the terms of an unsigned 

agreement or “prior arrangements,” the G-188-11 Decision noted that the unsigned 2006 

agreement was specific to RS 33.  The Commission determined that the terms of the unsigned 2006 

Agreement did not apply to RS 31 and therefore there was no pre-existing agreement in effect that 

modified the billings to Celgar under RS 31 after January 2, 2011 (Order G-188-11, Decision, pp. 10-

11). 

 

By way of Order G-188-11 the Commission also directed FortisBC to bill Celgar in accordance with 

RS 31 on an interim and refundable basis, beginning March 25, 2011 and ending when the 

Commission approves the new rate for Celgar that excludes BC Hydro RS 3808 Power from 

FortisBC’s resource stack, and/or an Agreement forwarded by the parties.  Any differences 

between the interim rate and that ultimately approved by the Commission are subject to 

refund/recovery. 
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The Commission also noted in that Decision that FortisBC had changed its system planning criteria 

in 2010 to be based on Celgar’s actual historical demand, rather than on the 16 MVA that was the 

contract demand in the 2000 GSA.  FortisBC “… commenced using 40 MW for the Celgar load in 

recognition of the fact that many times in previous years the actual recorded peak demand at the 

facility was much greater than the 16 MW value which had been used previously.”  The 

Commission emphasized that FortisBC should not significantly alter the amount of firm service used 

in system planning (which in turn affects COSA) without consulting the customer affected.  The 

Commission Panel considered that, if the two transmission lines serving Celgar are lightly loaded, 

the outcome of its system planning will likely be unaffected by whether 16 MVA or actual historical 

demand were used as the load remains below capacity. (Order G-188-11, Decision, p. 46) 

 

Order G-188-11 also directed FortisBC to submit an application by May 31, 2012 for a stand-by rate 

designed to address Celgar’s circumstances and also to address how the stand-by rate takes 

account of its system planning criteria.  The Commission contemplated that the stand-by rate 

would be offered in conjunction with RS 31 and that the Demand Charge of RS 31 will continue to 

apply to the billing demand as determined by the stand-by rate.  In this regard, the Commission 

referenced BC Hydro’s RS 1880 as one example of a stand-by rate whose application appropriately 

recovers the costs of providing service in BC Hydro’s service area.  The Commission concluded that 

the stand-by rate would be the means through which FortisBC would recover its costs associated 

with the infrastructure used to provide service to Celgar.  The Commission made no determination 

regarding the level of firm versus non-firm service, leaving it to the parties to negotiate. 

(Order G-188-11, Decision, pp. 45-46) 

 
3.2 Applicability of Stand-by Rates 

 
3.2.1 Transmission Voltage Customers 

 

The Application before the Commission titled “FortisBC Inc. Application for Stepped and Stand-by 

Rates for Transmission Voltage Customers” (emphasis added) addresses Transmission customers.  

However, it appears that the Stand-by Rate filed with the Commission is intended to also apply to 

Distribution customers. 
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FortisBC submits the Stand-by Rate (i) is intended to be suitable for all customers, current and 

future, with self-generation and (ii) is meant to form part of an overall offering when used in 

conjunction with an underlying Large Commercial Service – Transmission Rate (FortisBC Reply, 

p. 1). 

 

The Draft Tariff for RS 37– Stand-by Service does not specify that the Stand-by Rate applies only to 

Transmission Voltage Customers.  In fact page 8-8, Special Provisions 1, states: “Underlying Rate – 

A Customer taking service under this rate must also be contracted to receive service under one of 

the Company’s Commercial rates that incorporates a Demand Charge.” (emphasis added) (FortisBC 

Final Submission, Appendix A, pp. 6-8)  The Definition of Commercial customers4 in FortisBC’s 

Electric tariff included Distribution voltage customers as well as transmission voltage customers.  

 

FortisBC has stated that “A stand-by rate for this rate class [Distribution] could be developed but it 

would need to be different from the rate proposed in this application as components such as the 

loss rate and wheeling charges would be different.” (Exhibit B-4, BCUC 1.35.1) 

 

Commission Determination 

 

The Commission Panel determines that the Stand-by Rate will be available to Transmission 

Customers only.  FortisBC is directed to update the language in Rate Schedule 37, Special 

Provision 1, to clearly indicate that the Tariff is only available to Transmission Customers. 

 

The Panel understands that some of the terms of the rate may very well be appropriate for other 

Commercial customers; however, this was not the subject of the Application currently before the 

Commission and was not considered by the Panel.  For further clarity, a determination on Stand-by 

Rates for Distribution customers is not within the scope of review of this Application. 

 

Any final approved Stand-by Rate is intended to be suitable for all customers, current and future, 

with self-generation taking service at Transmission Voltage. 

 

                                                      
4  See Appendix B for a list of what is included in FortisBC’s Commercial customers’ class. 
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3.2.2 Retroactive Application to Celgar 

 

In its Reasons for Decision to Order G-202-12, the Commission stated that based on the load 

behaviour filed by Celgar, stand-by service after March 25, 2011 (interim period) may be 

appropriate.  The Panel further stated that without further information on Celgar’s load behaviour 

after this period, it cannot make any further determination.  

 

On February 3, 2014, by Order G-12-14 in relation to the Application, the Commission determined 

that it would not be reviewing the retroactive application of rates to Celgar at this time and would 

address the issue in due course.  As such the Panel makes no determination at this time whether 

or not a final approved Stand-by Rate will be appropriate for service between March 25, 2011 

and the effective date of Rate Schedule 37.  

 

The Panel will address whether it is appropriate to apply the Stand-by Rate retroactively to Celgar 

when it reviews the retroactive application of rates for Celgar. 

 
3.2.3 Need for Stand-by Rates and the Divergent View in their Design 

 

A stand-by rate is a rate paid by a customer whose electric requirements are served in part by its 

own self-generation and in part by services delivered from the utility.  Such customers are 

sometimes referred to as partial requirements service customers.  Stand-by tariffs establish the 

rates, terms, and conditions of service by which the self-generating customer can secure service 

under certain circumstances. 

 

Customers with self-generation pay stand-by charges to ensure that, in the event of either a 

planned or unplanned outage of their on-site generator, the customer has the ability to purchase 

power to replace what would normally be self-generated.  The idea of a stand-by rate is that the 

utility has to be ready in a ‘stand-by’ mode to deliver the energy whenever the self-generating 

customer needs it. 

 

Stand-by rates have often been contentious.  The following offers a concise overview of the long-

standing stand-by rate debate. 
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“The instillation of DG [distributed generation or self-generation] reduces utility 
power sales revenue, may cause the utility to incur costs for power purchases or 
losses on power sales for power expected to be used by DG customer, and reduces 
rate revenue from non-power related charges in rates (such as “wires” charges…), 
and so on.  These costs would shift to other non-DC customers if the utility did not 
recover them specifically from the self-generating customer.  This constitutes a 
subsidy of DC customers by other ratepayers.  By the same token, DG systems 
provide potential benefits to the utility and, by extension other ratepayers.  
Accordingly, DG customers feel they are subsidizing the utility and other 
ratepayers.” 

“Most parties agree that there should be a standby rate structure based on cost 
causation principles, meaning the rate should allow the utilities to recover all costs 
that the distributed generation [self-generation] customers impose on the system 
but nothing more.  There is considerable disagreement, however, as to what costs 
and benefits the distributed generation project actually imposes on the system.  
Also, the parties dispute how and to what extent such costs and benefits should be 
incorporated into the standby rate structure. … Utility providers and distributed 
generation advocates vastly disagree over the factors that should be included in 
the standby rates.”5 

 

Advocates for self-generation seek minimal stand-by rates based on the premise that self-

generation provides benefits in the form of deferred or permanent reduction in the need for utility-

provided generation, transmission, and distribution capacity.  

 

Utilities, on the other hand, argue that the theoretical benefits for self-generation are insubstantial 

if located in an unsuitable area or operate erratically, and low stand-by rates can result in self-

generating customers avoiding infrastructure costs associated with back-up generation and wires 

services.  

 

This contentious issue was addressed by the Ontario Energy Board.  On page 30 of its 2000 Decision 

on a rate design application by Ontario Hydro (RP-1999-0044) it states: 

“Key aspects of the debate are the positions taken on the responsibility for sunk 
costs and the user pay principle.  The diametrically opposed interpretation of the 
user pay principle in this case proved of little value to the Board in resolving the 
issue.  To the proponents of gross load billing, the user pay principle means that 
the sunk costs of the transmission system must continue to be shared by those for 

                                                      
5  http://www.michigan.gov/documents/energy/NRRI_Electric_Standby_Rates_419831_7.pdf 

http://www.michigan.gov/documents/energy/NRRI_Electric_Standby_Rates_419831_7.pdf
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whom the transmission capacity was built.  For the proponents of net load billing, 
the user pay principle dictates that a customer should only pay for the services 
that the customer uses.” 

 

The Panel will bear in mind the Stand-by Rate debate in its deliberations. 

 
3.3 Evaluation of the Stand-By Rate (Rate Schedule 37) 

 

In the Application, FortisBC is applying for the approval of RS 37 Stand-by Service Rate (Stand-by 

Rate). 

 

The following table summarizes FortisBC’s proposed Stand-by Rate including a reference to the 

applicable section of the Decision where it is addressed. 

 
Table 4 Summary of the Proposed Stand-by Rate and Relevant Charges in RS 31 

 RS 37 – Stand-by Rate Decision Section 

Availability – 
Replacement Power 

In any hour replacement (Stand-by) power will be 
available to a maximum of the difference between 
the power normally supplied by the customer own 
resources and the customer generation in that hour  

 
Section 3.8.3 

Notification Fee $200 per use Section 3.4 

Energy Charge  Energy charge for replacement power is determined 
by: 

a. The hourly Dow Jones Mid-Columbia (Mid-C) 
per kWh price for the hour in which the stand-by 
power is taken by the Customer (not to be lower 
than $0). 

b. System Losses as per Rate Schedule 109 
(currently 6.08 cents) 

c. Hourly Transmission Charges per Rate Schedule 
102 plus $0.0040 per kWh 

d. Administrative premium of 10 percent  

Section 3.5 
 
 

Section 3.5.1 
 
 
 

Section 3.5.2 
 
 

Section 3.5.3 
 

Section 3.5.4 
 

Restrictions    

• Maintenance 
(pre-scheduled) 
Service 

Scheduled no less than 30 days prior to its use.  
Limited to no more than six occurrences and not 
more than 60 days per year. 

 
Section 3.6 

• Back-up 
(unscheduled) 
Service 

Limited to two occurrences per billing period. 

Customer must notify FortisBC within 30 minutes of 
taking this service 

 
Section 3.6 



29 
 
 

 

 RS 37 – Stand-by Rate Decision Section 

• Demand Charges  

A customer taking service under this rate must also 
be contracted to receive service under one of the 
Company’s Commercial rates that incorporate a 
Demand Charge 

Other than as described in Special Condition #2, the 
maximum demand recorded during the period of 
Stand-by service will not be used in the calculation 
of Billing Demand in the underlying rate schedule  

 
 

Section 3.4.1 
 
 
 

Section 3.8.4.2 

• Definition of 
Contract Demand 

(Special Condition 
#2) 

Customer’s maximum potential Demand.  A 
customer may establish its Contract Demand in its 
application for service hereunder or at any time 
thereafter.  At any time, including when the 
customer may be taking service under RS 37, if 
monthly Demand exceeds the Contract Demand, 
the monthly Demand will become the Contract 
Demand thereafter.  

 
 

Section 3.8.4.3 

Underlying RS 31 Demand Charges6 
• Demand Charges: 

Power Supply 
Charge 

Based on the underlying rate - $2.41 per kVA of 
maximum Demand in current billing period (per RS 
37, not applicable while taking Stand-by service) 

 
Section 3.7 

• Demand Charges:  
Wire Charge 

Based on the underlying rate - $4.29 per kVA of 
Billing Demand. 

Billing Demand is defined as the greatest of 

i. Eighty percent of the Contract Demand 

ii. The maximum Demand in kVA for the 
current billing month (per RS 37, not 
applicable while taking Stand-by service) 

iii. Eighty percent of the maximum Demand in 
kVA recorded during the previous eleven 
month period (per RS 37, not applicable 
while taking Stand-by service) 

 
 
 
 

Sections 3.8.4.1 and 3.8.4.2 
 
 
 
 

Source:  Summarized from FortisBC Final Submission, Appendix A 

 

FortisBC’s proposed Stand-by Rate is available as either Maintenance Service or Back-Up Service 

and is strictly for the continued operation of the customer’s facilities at times when the customer 

owned generation is unavailable and cannot be used by the customer in the fulfillment of any 

power sales obligations. 

 

                                                      
6  In its determination on the Stepped Rates, the Panel did not approve RS 36 and directed for RS 31 to remain in 

effect.  Therefore, the applicable Demand Charges in the underlying rate are those in RS 31. 
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The Notification Fee, Energy Charge, Restrictions to its Use, Demand Charges including Availability, 

will each be evaluated individually. 

 
3.4 Notification Fee 

 

FortisBC proposes a $200 Notification Fee to be assessed on a per use basis which is intended to 

recover costs associated with the additional work required to administer the complex billing.  

(Exhibit B-1, p. 36)  FortisBC submits that it provides an incentive for a customer to manage and 

maintain self-generation assets properly (FortisBC Final Submission, para. 56).  

 

The proposed Notification Fee has not been the subject of much debate although Celgar submits 

that FortisBC did not provide justification for the Notification Fee and it should not be approved 

(Celgar Final Submission, para. 101). 

 

BCPSO submitted that “The inclusion of a Notification charge is also reasonable as they recognize 

that additional work will be required by FortisBC staff to support the provision of Stand-By Service.” 

(BCPSO Final Submission, para. 34) 

 

Commission Determination 

 

The Panel recognizes the requirement for FortisBC to be compensated for its additional costs to 

administer the billing of RS 37.  The Panel considered requesting FortisBC to provide further 

justification of the costs in its next Rate Design and COSA Application but in the end determined 

that the amount was relatively insignificant to the overall bill and that the additional work required 

by FortisBC to do this would provide little cost benefit.  

 

The Panel approves a $200 per occurrence Notification Fee as it provides a reasonable and 

sufficient estimate for the recovery of the administrative effort related to billing under RS 37.  
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3.5 Energy Charge 

 

FortisBC proposes an energy charge for energy taken during the period for which stand-by service 

is requested based upon the Mid-Columbia (Mid-C) market price.  The formula proposed is the 

hourly Dow Jones Mid-C per kWh price for the hour in which the stand-by power is taken by the 

Customer, adjusted for system losses and transmission charges.  FortisBC also proposes the 

inclusion of a 10 percent administrative premium. (FortisBC Final Submission, p. 12) 

 

FortisBC proposes the hourly charge to be calculated as follows: 
 

[(Standby Energy x (1 + loss rate %)) x (Mid-C + RS 102 Rate + 0.0040)] * 1.10 

 
3.5.1 Hourly Rate (Mid-C) 

 

FortisBC states that because stand-by power is required for short term, unplanned periods, and 

only on an ad hoc basis, the most appropriate basis for pricing such energy is with reference to a 

market based rate (Exhibit B-1, pp. 36-40).  FortisBC explained that customers who are able to 

leave utility service through the use of self-generation can also arrange for their own stand-by 

service from the market (Exhibit B-15, BCUC 1.11.1). 

 

FortisBC noted that because RS 37 provides a firm energy service, there is a general risk that for 

any given hour it may not be able to access Mid-C markets.  However, FortisBC considers this would 

be a relatively rare occurrence, and the risk is no greater or lower than that faced by all FortisBC 

customers served on rate schedules that make no distinction between firm and non-firm energy.  

FortisBC further noted that inability to access Mid-C markets most recently occurred in the later 

part of October 2013 and lasted for about a week; however, during that time, supplies from 

Powerex remained available. (Exhibit B-15, BCUC 1.11.2) 

 

Commission Determination 

 

The use of a Mid-C based index to price stand-by energy was largely uncontested, although Celgar 

referenced the hourly Platts, McGraw Hill Financial (Platts) Mid-C index instead of the Dow Jones 

index referenced by FortisBC (Celgar Final Submission, Appendix C). 
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The Panel considers there is potential for the energy supplied under the stand-by service to be 

provided by energy marketers in a competitive environment.  However, the current energy market 

may not yet be sufficiently mature to require that FortisBC’s self-generating customers use energy 

marketers to obtain stand-by energy.  The Panel agrees that, until such time as there is a workably 

competitive market for the provision of this service, FortisBC should be required to provide energy 

under the stand-by service using a market price estimate.  

 

The Panel notes that there is a risk FortisBC may not be able to access Mid-C markets when it is 

asked to provide stand-by service.  This may result in FortisBC paying a higher price for energy than 

that received under RS 37, or a reduced level of reliability for its customers (including customers 

taking stand-by service).  

 

Nevertheless, the Panel accepts FortisBC’s assurance that this is expected to be a relatively rare 

occurrence and notes that FortisBC’s proposed RS 37 includes a 10 percent administrative premium 

which would act to mitigate the financial risk.  The Panel also notes that, should the risk of material 

price separation between the Mid-C market and the FortisBC localised energy market increase 

significantly, FortisBC could offer curtailment options to its customers (including stand-by 

customers) to better tailor the energy prices of its products to customers’ reliability preferences. 

 

In regards to the Mid-C index, the Commission, in Order G-214-13, approved a request by BC Hydro 

to replace references in its Electric Tariff and the Open Access Transmission Tariff to Mid-C indices 

published by Dow Jones Indices with references to equivalent indices published by Platts.  BC Hydro 

stated in its Application that, effective September 13, 2013, S&P Dow Jones Indices ceased 

calculating the Dow Jones U.S. electricity Indices. 

 

As such, the Panel approves FortisBC’s proposal of using the hourly Mid-C per kWh price for the 

hour in which the stand-by power is taken by the customer (not to be lower than $0) as the 

starting point for a market price proxy.  However, references to the Dow Jones (Mid-C) electricity 

price index should be replaced with the equivalent index published by Platts, as the Dow Jones 

Mid-C index is no longer published. 
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3.5.2 System Loss Rate 

 

FortisBC proposes that the Energy Charge include an adder for System Losses which is currently 

6.08 percent as per RS 109.  No Interveners took exception with this adder. 

 

Commission Determination 

 

The Commission approves the System Loss Rate Adder as proposed by FortisBC and the use of 

FortisBC’s RS 109 to determine the charge as they are both reasonable and no parties have taken 

exception to it. 

 
3.5.3 Hourly Transmission Charge 

 

FortisBC proposes that the Energy Charge include an adder for (i) Hourly Transmission Charges (as 

per RS 102) for wheeling of electricity on FortisBC’s network, and (ii) Hourly Transmission Charges 

from the Mid-C hub to the border of $0.0040/kWh (Exhibit B-1, p. 36). 

 

With the exception of Celgar, no Interveners took exception with either of the adders.  Celgar did 

not include the $0.0040/kWh Hourly Transmission Charges from the Mid-C hub to the border in its 

proposed RS 37 (Celgar Final Submission, Appendix C).  Celgar also argued that the RS 102 Hourly 

Transmission Charge collected as part of the energy charge, alone, would fully compensate FortisBC 

for the use of its network (Exhibit C2-6, p. 18). 

 

Commission Determination 

 

The Panel agrees with Celgar that FortisBC’s network related costs for the provision of stand-by 

service are recovered through (i) the contract Demand Charge of RS 31, and (ii) the RS 102 Hourly 

Transmission Charges.  Given the low load factor of stand-by customers, the Panel considers that 

network costs related to the provision of stand-by service are more appropriately recovered 

through the Wires Demand Charge than the Energy Charges.  The Panel further considers that the 

transparency and simplicity of RS 37 will be enhanced if FortisBC’s network related costs are not 

also recovered through the RS 102 Hourly Transmission Charges. 
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The Panel therefore rejects the inclusion of the RS 102 Hourly Transmission Charges in RS 37.  The 

Panel will address the appropriate level of network related Demand Charges for stand-by service 

separately in Section 3.8. 

 

The Panel does, however, consider that RS 37 should approximate the cost to a stand-by customer 

purchasing stand-by energy from the market, which includes the cost of wheeling the energy from 

the Mid-C hub to the border.  The Panel therefore approves the inclusion of the Hourly 

Transmission Charges from the Mid-C hub to the border of $0.0040/kWh. 

 
3.5.4 Administrative Premium 

 

FortisBC proposes that the Energy Charge include an administrative adder of 10 percent (Exhibit B-

1, p. 36).  Mr. Saleba, on behalf of FortisBC, considers that a 10 percent administrative adder 

applied to a market purchase is standard practice and that FortisBC does face additional costs with 

managing the power supply required during self-generating customer outages.  (FortisBC Final 

Submission, p. 13) 

 

Celgar argues that FortisBC has not provided any cost-causation evidence to support this 

administrative premium and that in the absence of evidence relevant to the application of cost 

causation principles, the administrative premium is excessive and should not be approved. (Celgar 

Final Submission, para. 100) 

 

BCPSO concludes the inclusion of an administrative mark-up is also reasonable as it recognizes that 

additional work will be required by FortisBC staff to support the provision of stand-by service. 

(BCPSO Final Submission, para. 34) 

 

Commission Determination 

 

The Panel finds that FortisBC’s administration costs of obtaining the energy related to the provision 

of stand-by service should be recovered in the Administrative Premium.  Further, the Panel has 

previously noted that FortisBC faces a risk that for any given hour FortisBC may not be able to 

access Mid-C markets and may have to purchase energy from a more expensive source.  The Panel 



35 
 
 

 

has also previously noted that there is potential for the energy supplied under RS 37 to be provided 

by energy marketers in a competitive environment. 

 

For these reasons the Panel considers that a 10 percent premium is reasonable in that it both 

protects FortisBC’s ratepayers from pricing risk and promotes innovation over the longer term by 

encouraging energy marketers to compete with FortisBC in offering this service. 

 

The Panel approves the inclusion of an energy price premium of 10 percent to recover any 

additional costs with managing the power supply required during self-generating customer 

outages, protect FortisBC from pricing risk, and encourage competition in the provision of stand-

by energy supply. 

 
3.6 Restrictions 

 

The FortisBC proposed RS 37 contains a limitation on the number of times in a billing period that a 

customer may call upon stand-by service as shown below. 

 

Maintenance service is provided during utility approved scheduled outages for maintenance or 

downtime of the on-site generation. 

The Customer must schedule maintenance power with FortisBC not less than 30 
days prior to its use and is limited to not more than sixty (60) total days during a 
calendar year. 

 

Back-up service is an on-demand service required during unscheduled outages of the self-

generation, ensuring that utility capacity is available for a customer to call on to meet the 

customer’s load. 

Back-up service is limited two occurrences per billing period and the Customer 
must notify FortisBC within 30 minutes of taking Back-up service.  If the customer 
fails to provide the required notice, service will be charged under the terms of the 
rate under which the customer is normally supplied. 

 

In the opinion of FortisBC, the limitation on the use of stand-by service is appropriate and required 

in order to differentiate stand-by customers from any other similar customer who must bear the 

full cost to provide service (Exhibit B-6, Celgar 1.28.2). 
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BCPSO agrees with FortisBC on the appropriateness of some limitation on the use of stand-by 

service, and considers the limitations proposed as reasonable and consistent with the premise that 

the customer’s generators are generally reliable.  (BCPSO Final Submission, p. 8) 

 

Celgar, however, argued the limitations on the use of stand-by or back-up power are not justified.  

Celgar considers that, in order for these limitations to be justified, FortisBC would need to present 

solid evidence that exceeding these limitations would cause the Company to incur additional costs 

for which the charges under the rate schedule do not provide fair compensation (Exhibit C2-6, 

p. 19). 

 

FortisBC submits that the rationale for such a limitation is articulated by Mr. Saleba in his evidence 

which says in part, “In my experience a total of 24 outages per year is much higher than what 

would be needed for a typical generating plant of this type, and should therefore not place an 

undue burden on Celgar if it is adequately maintaining and operating its plant.” (FortisBC Final 

Submission, para. 64)  FortisBC also stated that it assumed that any period of load on the FortisBC 

system that was separated by an instance of Celgar having generation output was a separate stand-

by (back-up) period.  (Exhibit B-9, BCPSO 2.25.4) 

 

Celgar argues that FortisBC’s assumption, which counts every transition between export and load 

as a separate event, is incorrect and states that in reality transitions occurring during a process 

ramp-up, which are associated with the initial stand-by (back-up) event, should be considered a 

single event rather than multiple events. 

 

The following table identifies each separate occurrence of Celgar’s load on the FortisBC system 

between March 2011 and March 2013. 
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Table 5 Celgar’s Occurrence of Load on the FortisBC System 

 
 Source:  Exhibit B-9, BCPSO 2.25.4 

 

Celgar notes that it returns to self-supply as fast as reasonably possible.  On occasion, this results in 

a second or third and sometimes fourth occurrence from the same event. (Exhibit C2-6, p. 5)  

Celgar also submits that once stand-by (back-up) or maintenance service has been invoked, it 

should continue until the process or equipment interruption has been fully resolved and not simply 

when generation has returned to a level that exceeds plant load. (Exhibit C2-11, BCPSO 1.2.1) 

 

Mr. Saleba, for FortisBC, states: “It is not the intention of FortisBC to count the starts and stops 

during a ramp up period after an outage - the election of the standby period is entirely at the 

discretion of the customer.  Celgar has stated its outages occur on average 1.7 times per month.  

This is well within the 2 occurrences per month.”  (Exhibit B-13) 

 

Celgar further submits that consumption within the Contract Demand limit of 8 MW should not be 

considered a back-up event as the underlying transmission tariff recovers costs based on Contract 

Demand. (Exhibit C2-11, BCPSO 1.2.1) 

 

Commission Determination 

 

Firstly, the Panel agrees with FortisBC that RS 37 should include usage restrictions to ensure that 

the type of customer using the Stand-by Rate is consistent with customer type assumed by FortisBC 

in the pricing of the Stand-by Rate.  Usage restrictions should encourage self-generators to 

efficiently maintain their generation equipment and undertake maintenance during off-peak hours 
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thus ensuring that stand-by service is only used for the reasons for which it is designed.  However, 

the Panel is also mindful that the usage restrictions should not be so narrow as to result in 

inefficient outcomes for stand-by customers – for example by causing stand-by customers to shut 

down operations rather than access the stand-by service.  Usage restrictions must also take into 

account the generation characteristics of future potential users of stand-by service, not just Celgar. 

 

Secondly, the Panel agrees with Celgar that, in general, once Back-up or Maintenance service has 

been invoked, it should continue until the process or equipment interruption has been fully 

resolved and not simply when generation has returned to a level that exceeds plant load. 

 

Lastly, in regards to Celgar’s submission that consumption within the Contract Demand limit of 8 

MW should not be considered a back-up event as the underlying transmission tariff recovers costs 

based on Contract Demand, the Panel will address this in its evaluation of “When Stand-by Service 

is Initiated” in Section 3.8.4. 

 

However, the Panel does not consider that there is sufficient evidence to determine if the proposed 

usage restrictions strike the right balance between being overly restrictive or too permissive.  The 

issue is further confused by the lack of clarity regarding (i) when an outage occurrence starts and 

stops; (ii) what a normal level of outages would be for other generating plants who may wish to use 

stand-by service in the future; and (iii) what is considered a back-up event. 

 

The Panel is therefore unable to make a determination at this time as to whether the usage 

restrictions proposed in RS 37 are appropriate without additional information and clarification.  

 

The Panel also notes a typographical error in RS 37 (Sheet 121), where under Part B – Back-up 

reference is made to ‘Special Condition 2’ rather than ‘Special Condition 3’ which needs to be 

corrected. 

 
3.7 Demand Charges – Power Supply 

 

As a result of the FortisBC 2009 RDA the Demand Charges in RS 31 were broken out into two 

component parts: a Power Supply Charge and a Wires Charge, each of which will be addressed 

separately. 
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Demand Charges – Power Supply 

 

FortisBC states that the Power Supply portion of the Demand Charge is not assessed during periods 

of stand-by service (FortisBC Final Submission, p. 12). 

 

Celgar states that the proposed rate schedules do not include a provision that would serve to 

exclude the Power Supply portion of the Demand Charge as suggested by FortisBC.  

 

Celgar further submits that the non-firm characteristics and market based energy pricing associated 

with Celgar’s proposed RS 37 make it inappropriate and unfair for there to be any Demand Charge 

component associated with the provision or consumption of stand-by service including the Power 

Supply Demand Charge (Celgar Final Submission, p. 39). 

 

Commission Determination 

 

The Panel agrees with FortisBC’s and Celgar’s position that the Power Supply Demand Charge 

should not be assessed during periods of stand-by service due to the market based energy pricing 

nature associated with the proposed RS 37 Energy Charge. 

 

The Panel has reviewed RS 37 and RS 31 and agrees with Celgar that neither rate explicitly excludes 

the Power Supply Demand Charge during periods of stand-by service.  RS 37 does state that 

maximum demand recorded during a billing period will not be used in the calculation of Billing 

Demand during periods of stand-by service (subject to certain conditions); however, the Power 

Supply Demand Charge in RS 31 is not impacted by Billing Demand.    

 

For further clarity and certainty, the Panel determines that RS 37 must include language that 

explicitly excludes the Power Supply Demand Charge during periods of stand-by service.  

 
3.8 Demand Charges – Wires 

 

The Wires Demand Charge is the most contentious component of the proposed Stand-by Rate.  The 

2011 Celgar Complaint filed with the Commission drew attention to Celgar’s grievance with 

FortisBC’s application of the demand charges in RS 31 in calculating Celgar’s invoices.  The 
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divergent view was one of the driving forces in Celgar’s rates being made interim.  The following 

highlights the continuing divergent views regarding the proposed RS 37 Wires Demand Charge. 

 

RS 37 Wires Demand Charge Proposed by FortisBC 

• RS 37 proposes that during periods of stand-by service the Wires Demand Charge is to be 
based on the customers underlying rate (RS 31).  However, the rate explicitly excludes 
certain RS 31 ratchets and as a result the Wires Demand Charge during periods of stand-by 
service is ultimately based on 80 percent of Contract Demand.   

• RS 37 proposes that Contract Demand be based on the maximum capacity that a customer 
uses and is reset each time a customer exceeds its current Contract Demand. 

• RS 37 proposes that stand-by service be initiated based on self-generation output capability 
and not on Contract Demand. 

 

Wires Demand Charge Proposed by Celgar 

• During periods of stand-by service there should be no Wires Demand Charge.  However, 
Celgar proposes that a period of stand-by service should only commence once a customer 
has exceeded its Contract Demand (Celgar Final Submission, para. 29).    

• For periods of service less than Contract Demand the Wires Demand Charge should be 
based on RS 31 including the Wires Demand Charge ratchet as well as the Energy Charge. 

• Contract Demand should be based on a customer’s requirement for firm capacity and once 
established should not change. 

• Stand-by service is initiated based on Contract Demand.  Once a customer exceeds its 
Contract Demand it is considered to be taking stand-by service. 

 

In summary, Celgar and FortisBC have divergent views regarding: 

1) The offering of non-firm (interruptible) service; 

2) When stand-by service is initiated (availability of stand-by service); and 

3) Establishing and resetting of Contract Demand. 

 

There is further disagreement between Celgar and FortisBC regarding certain aspects of the 

framework for the evaluation of the Stand-by Rate Design.  The Panel will address this issue first, 

followed by an evaluation of the matters where Celgar and FortisBC have divergent views. 
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3.8.1 Framework for the Evaluation of the Stand-by Rate Design 

 
3.8.1.1 BC Hydro RS 1880 

 

Celgar believes that unjustified differential treatment would exist if (i) Celgar is allowed to access 

only firm stand-by service whereas BC Hydro industrial self-generator customers are allowed to 

access non-firm stand-by service, and/or (ii) Celgar is charged for its service on a completely 

different basis, applying different rate design principles than industrial customers with self-

generation in BC Hydro’s service territory.  (Exhibit C2-9, BCUC 1.1.2)  Celgar suggests that while 

the stand-by rates for BC Hydro and FortisBC may differ, there should be a rational basis for the 

difference.  

 

The Commission, on page 33 of its Reasons for Decision on BC Hydro’s 2007 Rate Design 

Application Phases II and III (G-171-07) stated “Discrimination, when applied to rates for utility 

service, can only be of an ‘intra-utility’ nature and not ‘inter-utility’.” 

 

In the Reasons accompanying Order G-110-12 in the matter of An Application by FortisBC Inc. for 

Approval of 2012-2013 Revenue Requirements and Review of 2012 Integrated System Plan, the 

Commission said at page 20: 

“FortisBC operates with a different set of supply resources and with a different 
customer base in terms of geography, population density and the 
residential/commercial/industrial mix it faces.  The Commission Panel has no 
mandate, nor does it find it appropriate, to require FortisBC to manage its utility 
business to produce rates or programs identical to those of BC Hydro.  The 
Commission Panel believes that FortisBC’s responsibility is to provide safe and 
reliable service in a cost-effective manner consistent with British Columbia’s 
energy objectives.  To do so, FortisBC must design and manage its system based on 
the resources available to it and the needs of its customers.  This, at times, may 
result in rates that are greater than those of BC Hydro and potentially times when 
they are less.” 

 

FortisBC states that it “will not seek to be consistent with BC Hydro in cases where it does not 

believe that the BC Hydro practice is appropriate for the FortisBC service are[a] or system.” 

 



42 
 
 

 

FortisBC further states that the Company has long maintained that the BC Hydro stand-by rate is 

not a standard stand-by rate that appropriately charges for the service received.  FortisBC views 

consistency as “nice to have”, and will attempt to incorporate it where doing so is not an issue, but 

where the Company’s views or circumstances require it, will propose rates that best suit FortisBC. 

(Exhibit B-6, Celgar 1.25.4) 

 

Celgar further states that “BC Hydro recognizes the benefits self-generators provide.  It makes 

available to its industrial customers very significant load displacement and other subsidies, such 

that it has subsidized the investment in virtually all significant self-generation in its territory, both 

directly through cash grants and loans, and indirectly. …FortisBC, on the other hand, does not 

provide any subsidies to self-generators. … Thus, whereas BC Hydro recognizes that self-generation 

is beneficial, and that the direct costs (investment) and indirect costs (resulting from large demand 

swings) should be spread across all its ratepayers, FortisBC is proposing that it capture the benefits 

of Celgar’s self-generation for its other customers, but that it stick Celgar with all the costs.” 

(Exhibit C2-9, BCUC 1.2.1) 

 

Commission Panel Discussion 

 

The Panel understands the benefits of FortisBC designing stand-by rates in its jurisdiction that are 

as similar as practical for all regulated utilities.  However, unless, among other things, the base 

rates for full service customers are similarly designed it is difficult, if not impossible, to design a 

similar Stand-by Rate. 

 

The Panel maintains the view that “discrimination, when applied to rates for utility service, can only 

be of an ‘intra-utility’ nature and not ‘inter-utility’.  FortisBC’s Stand-by Rate cannot therefore be 

considered unfair or discriminatory solely on the basis of a comparison with the stand-by rates 

offered by BC Hydro. 

 

The Panel agrees with FortisBC’s position that consistency is nice to have, but where FortisBC’s 

views or circumstances require it, the approved Stand-by Rate must be what best suits the FortisBC 

service territory. 
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3.8.1.2 Other Jurisdictions 

 

The Panel could look to other jurisdictions for guidance but tends to agree with FortisBC’s position 

that “there is limited value in examining the stand-by rates of other jurisdictions.  There tends to be 

some commonalities in rate components or approaches between some, however there is also a 

wide variation in rates that reflect legislative and regulatory requirements as well as the individual 

operating environments that differ between utilities.” 

 

More importantly the Panel agrees with FortisBC that “it is more appropriate to primarily consider 

its particular circumstances, customers, and operations.” (Exhibit B-15, BCUC 1.10.1)  The particular 

circumstances which the Panel considers of particular relevance to the design of the Stand-by Rate 

are (i) the Single Customer Concern and (ii) Government’s Policy on Self-Generation in BC. 

 
3.8.1.3 Single Customer Concern 

 

As noted previously, FortisBC submits that the Stand-by Rate is intended to be suitable for all 

customers, current and future, with self-generation and is meant to form part of an overall offering 

when used in conjunction with an underlying Large Commercial Service – Transmission Rate.  

FortisBC further states that stand-by service should be designed to be properly suited to the 

FortisBC service area and operating characteristics, apply generally across all eligible customers, 

and reflect the costs involved in providing the service – including those pertaining to the 

infrastructure required. (FortisBC Final Submission, p. 9) 

 

However, currently there is only one eligible customer for the proposed RS 37; therefore designing 

a rate that reflects the costs involved in providing stand-by service to future customers is 

problematic.  If there were several eligible customers in the customer class whose costs were 

considered in designing the proposed Stand-by Rate there could be an argument that the costs of 

the group were generally representative of the costs involved in providing stand-by service to 

future customers.  However, given that there is only one customer with unique circumstances, this 

is a challenge.  As such, the Panel strives to evaluate a Stand-by Rate that will apply to future 

customers; however, it is also aware of the constraints.   
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3.8.1.4 Government Policy on Self-Generation 

 

The Clean Energy Act received Royal Assent on June 3, 2010.  It advances 16 specific energy 

objectives to help achieve British Columbia’s energy vision, including new measures to promote 

electricity efficiency and conservation.  Efficiency and conservation objectives are, broadly 

speaking, to “foster the development in British Columbia of innovative technologies that support 

energy conservation and efficiency and the use of clean and renewable resources” and “to reduce 

waste by encouraging the use of waste heat, biogas, and biomass.” 

 

Prior to the introduction of the CEA, the provincial government’s emphasis on the promotion of 

energy efficiency was articulated in both the 2002 and 2007 Energy Plans.  Within the 2007 Energy 

Plan, are two relevant policies: Policy Action #4: Explore with BC utilities new rate structures that 

encourage energy efficiency and conservation, and Policy Action #21: Ensure clean or renewable 

electricity generation continues to account for at least 90 percent of total generation. 

 

The 2007 Energy Plan also states: “Government’s goal is to encourage a diverse mix of resources 

that represent a variety of technologies;” and “To close [the] electricity gap will require an 

innovative electricity industry and the real commitment of all British Columbian’s to conservation 

and energy efficiency.” (2007 Energy Plan, pp. 9, 26) 

 

The Celgar pulp mill utilizes wood waste, forest-based biomass and organic material to generate 

clean Bioenergy.  Minister of Energy Bill Bennett is quoted: “I believe that renewable energy like 

this, its generation and the technology and knowledge around it, is a key to a prosperous future for 

British Columbia.” (BC Hydro News Release, November 12, 2010) 

 

Commission Panel Discussion 

 

The Panel acknowledges that the Government’s objective is the promotion of energy conservation 

and efficiency, including self-generation in the entire Province. 

 

Therefore, the Panel considers that the Stand-by Rate should result in efficient customer 

investment and consumption decisions – specifically, efficient investment in, and operation of, 

distributed generation by utility customers and efficient investment in, and operation of, assets 
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required to support the stand-by service by the utility.  The Panel also considers that the Stand-by 

Rate should promote innovation over time.  The Panel will be mindful of this in its deliberations. 

 
3.8.2 Offering of Non-Firm (Interruptible) Service 

 

The first matter where Celgar and FortisBC have divergent views is the offering, or rather lack of 

offering, of non-firm (interruptible) service. 

 

FortisBC argues that certain submissions of Celgar proceed on an apparently different 

understanding of the intent of the Stand-by Rate.  “…namely, its [Celgar’s] wish for (1) what it calls 

“non-firm”/interruptible service.”  FortisBC goes on to submit that “Whether FortisBC should offer 

non-firm/interruptible service…are not the subject of this proceeding.”  (FortisBC Reply, p. 1) 

 

The Panel disagrees with FortisBC’s position and considers that the issue of offering interruptible 

stand-by service is completely within the scope of this Proceeding and finds it is a fundamental 

issue that requires a Commission Panel determination.  

 

Position of the Parties 

 

Celgar states that “[i]n the past, FortisBC’s rate for non-firm service to Celgar was established by 

means of a brokerage agreement rather than a rate schedule.  The brokerage agreements were 

then attached to a general service agreement that provided for both firm and non-firm service.  

Past general service agreements were filed with the Commission and approved, just as any other 

rate would be approved.”  Celgar further states that it had access to non-firm stand-by service since 

approximately 1993 when it first invested in self-generation.  In summary, Celgar asserts that the 

2000 BA made available non-firm stand-by service until approximately 2006.  In 2006, for the most 

part, the parties operated under the unsigned 2006 Draft BA and GSA which continued to provide 

non-firm stand-by service to Celgar. (Exhibit C2-11, p. 5)  Celgar provided several examples of 

occasions when FortisBC had restricted available power to Celgar (Exhibit C2-9, BCUC 1.9.1).  

 

Celgar goes on to state that “[o]n January 2, 2011, FortisBC proposed a new agreement that would 

discontinue non-firm service to Celgar.  That led to a complaint by Celgar [Celgar Complaint] that 

ultimately led to the current interim period that is the subject of this proceeding.” (Exhibit C2-11, 
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p. 5)  Celgar further stated that “the Commission Panel should consider the precedents established 

by past approvals of standby service.” (Exhibit C2-9, BCUC 1.1.1) 

 

On the other hand FortisBC stated “it has never had a Stand-by rate under which customers have 

taken service.  The Brokerage Agreement has, at various, times been portrayed by Celgar as a kind 

of effective stand-by service and FortisBC has not objected to this characterization in the past; 

however, it is not accurate…” (Exhibit B-6, Celgar 1.30.6) 

 

FortisBC further states “FortisBC conducts transmission planning based on the expected firm 

customer load.  For Celgar, this is the 45 MW that has historically been recorded (Exhibit B-1, p. 

40).  Presently, FortisBC does not have, or have a need for, a tariff for interruptible service.  On that 

basis, all load is considered firm for system planning purposes.  Practically, from the perspective of 

impact to the Company or the system, there is no difference between firm and non-firm service.  

Thus, there is also no difference in cost to maintain the system.  Given the above, and based on 

cost causation principles, there should not be a lower rate for any service that may be referred to 

as non-firm.” (Exhibit B-6, Celgar 1.34.1)  FortisBC explained that it “is not facing significant 

transmission investments at the present time and is not in a situation where its customers would 

benefit from a rate that induces reduced load …” (Exhibit B-15, BCUC 1.7.3) “Were a distinction put 

in place between firm and non-firm service it would be in name only and no cost savings would 

result.” (Exhibit B-15, BCUC 1.5.4)  By way of background, FortisBC also stated that “After the 

Waneta Expansion Capacity Purchase Agreement comes into effect in 2015, FortisBC’s expected 

peak summer and winter capacity gaps essentially fall to zero.” (FortisBC 2012 Long Term Resource 

Plan, Appendix B) 

 

Celgar states  “The proposed Standby Rate will move Celgar from standby service that FortisBC has 

consistently made available to Celgar since the late 1990s, which was fair and reasonable, with 

characteristics appropriate for Celgar, to a Standby Rate with availability characteristics that are 

not only not required by Celgar but will materially increase the cost of utility service to Celgar.” 

(Exhibit C2-6, p. 5) 

 

Celgar’s expert witness Mr. Linxwiler testifies that “[u]ltimately, the type of service that is required 

and that should be offered by FortisBC, or any other utility for that matter, should depend on the 

type of load that is being served.  If the load is non-firm load, in the sense that the customer can 
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withstand or tolerate lower than usual reliability, then non-firm service should be available to serve 

that load.  If the customer is not able or willing to tolerate periodic and possibly frequent 

interruptions or curtailments, then the load should be considered to be firm, and firm service 

should be available.  In either case, the service should match the customers’ requirements as nearly 

as practicable.”  (Exhibit C2-6, p. 7) 

 

Celgar also explained that it “has load shedding relays in place, although they are not currently 

programmed to respond to system supply constraints.  The infrastructure is in place to allow the 

load shedding relays to be armed when FortisBC designates that non-firm backup is unavailable.” 

(Exhibit C2-9, BCUC 1.9.3) 

 

Commission Determination 

 

The Panel agrees with Celgar that its Electricity Supply Brokerage Agreement effectively set out the 

terms by which FortisBC was to provide stand-by service to Celgar including a distinction between 

firm and interruptible service.  

 

However, the Panel is persuaded by FortisBC’s argument that its situation is different now and that 

there would be no benefit to FortisBC to provide non-firm service.  If, for planning purposes, the 

costs are the same and the difference between firm and non-firm service would be in name only 

and no cost savings would result, then the Panel is in agreement that all service should be firm 

service.  The Panel agrees with Celgar’s expert witness that ideally the type of service that should 

be offered by FortisBC should match the customer’s requirements as nearly as practicable;   

however, the Panel concludes that offering non-firm service is not practicable in this case. 

 

The Panel finds that FortisBC does not have to provide non-firm service given there are no 

benefits to FortisBC of doing so even if it is what the customer is requesting.  The Panel therefore 

determines that offering only firm service does not make the proposed Stand-by Rate, on this 

basis alone, unjust, unreasonable, unduly preferential or unduly discriminatory. 

 

However, in the Panel’s view good rate design gives customers a strong incentive to use electric 

service more efficiently, to minimize the costs they impose on the system, and to avoid charges 

when service is not taken.  
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The Panel is concerned that FortisBC conducts transmission planning based on the expected 

45 MW firm customer load.  In its Decision to Order G-188-11, the Commission noted that FortisBC 

had changed its system planning criteria in 2010 to be based on Celgar’s actual historical demand, 

rather than on the 16 MW that was the contract demand in the 2000 GSA.  FortisBC “commenced 

using 40 MW in recognition of the fact that many times in previous years the actual recorded peak 

demand at the facility was much greater than the 16 MW value which had been used previously.” 

 

In that Decision, the Commission emphasized that FortisBC should not significantly alter the 

amount of firm service used in system planning (which in turn affects COSA) without consulting the 

customer affected.  The Commission considered that, if the two transmission lines serving Celgar 

are lightly loaded, the outcome of its system planning will likely be unaffected whether Celgar’s 

proposed 8 MVA, the historical 16 MVA, or actual historical peak demand were used as the load 

remains below capacity.  FortisBC was also directed to design a stand-by rate and describe how this 

rate takes account of its system planning criteria.  In the Application, however, FortisBC’s only 

description is to state that “the load modeled in the power flow data use for system studies is the 

full load the customer may impose upon the FortisBC system, for Celgar this is 45 MW.” (Exhibit B-

1, p. 40)  The Panel reiterates its position that FortisBC did not provide any explanation or support 

for using 45 MW and questions why FortisBC would do this when the Commission had explicitly 

indicated that FortisBC should not do this without consulting the affected customer.  

 

FortisBC states that practically, from the perspective of impact to the Company or the system, 

there is no difference between firm and non-firm service and the Commission Panel has accepted 

this assertion.  However, the Panel still considers that the Stand-by Rate should not result in the 

utility incurring unnecessary costs with regard to investment and operation of its network if the 

customer does not require firm service and the utility can benefit from a costs saving by providing 

that service. 

 

Therefore, if the costs are the same based on either load then there seems to be little harm in 

using 45 MW.  However, in the event that there are cost savings to FortisBC of using an amount 

less than that the Commission would fully expect FortisBC to only use that amount required for its 

customer’s firm needs.  
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3.8.3 Availability - When Stand-by Service is Initiated 

 

The second matter where Celgar and FortisBC have divergent views is in determining when stand-

by service is initiated. 

 

RS 37 proposes that in any hour replacement (stand-by) power will be available to a maximum of 

the difference between the power normally supplied by the customer owned resource and the 

customer generation in that hour. 

 

Celgar submits that Contract Demand and not self-generation output should provide the 

demarcation point between firm service under the underlying rate [RS 31] and stand-by service 

(RS 37).  (Celgar Final Submission, para. 103)  Celgar further stated that consumption within the 

Contract Demand limit of 8 MW should not be considered a back-up event as the underlying 

transmission tariff recovers costs based on Contract Demand.  (Exhibit C2-11, BCPSO 1.2.1) 

 

FortisBC replies by stating it does not make sense to use Contract Demand to determine what 

purchases are considered as stand-by power. (FortisBC Reply, para. 56-57) 

 

Commission Determination 

 

Celgar’s 8 MW demarcation point between taking service on the underlying rate (RS 31) and taking 

service under the Stand-by Rate (RS 33) based on firm Contract Demand appear to be a concept 

associated with the provision of firm and non-firm service.  Given that the Panel has determined 

that FortisBC is not obligated to offer non-firm service it follows that the firm service being the 

demarcation point is no longer of any significance.  The Commission Panel expresses its position on 

the determination and application of Contract Demand in Section 3.8.4. 

 

The Panel considers that under the net-of-load operating environment,7 which is currently the 

default operating environment in the FortisBC service area, it would appear that any time a 

customer requires supply from FortisBC it would either be for Back-up or Maintenance purposes.  

                                                      
7  Without consideration of the entitlement to embedded cost energy and the NECP Rate Rider. 
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Therefore, unless the customer is offside with one of the Restrictions in the Stand-by Rate, the 

customer would be always taking supply under the Stand-by Rate. 

 

However, the Panel finds that there is an insufficient evidentiary record to determine if the 

language in the proposed RS 37 reflects this understanding or if this understanding is indeed 

accurate.  Therefore, the Panel concludes that without additional information and clarification it 

is unable to make a final determination regarding when stand-by service is initiated. 

 
3.8.4 Contract Demand 

 

The final matter where Celgar and FortisBC have divergent views is with regard to Contract 

Demand. 

 

There are three areas relating directly or indirectly to Contract Demand that that will be addressed 

individually. 

1. Special Provision 1 (Section 3.8.4.1) 

2. Billing Demand in the Underlying Rate (Section 3.8.4.2) 

3. Special Provision 2  (Section 3.8.4.3) 

 
3.8.4.1  Special Provision 1 

 

RS 37 proposes the inclusion of the following Special Provision: 
 

Special Provision 1: Underlying Rate 

“A customer taking service under this rate must also be contracted to receive service under 

one of the Company’s Commercial rates that incorporates a Demand Charge.” 

 

In Order G-188-11 the Commission contemplated that the Stand-by Rate would be offered in 

conjunction with RS 31 and that the Demand Charge of RS 31 will continue to apply to the billing 

demand as determined by the Stand-by Rate.  
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Commission Determination 

 

This issue has gone uncontested and is consistent with what was contemplated in Commission 

Order G-188-11.  Therefore, the Commission Panel approves the inclusion of Special Provision 1 

RS 37 other than for it being applicable to transmission voltage customers only as determined in 

Section 3.2.1.  The issues relating to when stand-by service is available and when do periods of 

stand-by service begin and end have been addressed by the Panel in Sections 3.6 and 3.8.3 and will 

not be addressed again here. 

 
3.8.4.2 Billing Demand in the Underlying Rate Schedule 

 

RS 37 proposes the following clause with regard to demand charges (FortisBC Final Submission, 

Appendix A): 

“Other than as described in Special Condition 2, the maximum demand recorded 
during a period of Stand-By service will not be used in the calculation of Billing 
Demand in the underlying rate schedule [RS 31].” 

 

RS 37 proposed that during periods of stand-by service the Wires Demand Charge is to be based on 

the customers underlying rate (RS 31).  However, RS 37 explicitly excludes certain RS 31 ratchets 

and, as a result, the Wires Demand Charges during periods of stand-by service is ultimately based 

on 80 percent of Contract Demand.   

 

Commission Determination 

 

The Commission Panel finds that a Wires Demand Charges during periods of stand-by service based 

on 80 percent of Contract Demand is appropriate.  The Panel approves the inclusion of this clause 

in RS 37 which eliminates the following demand ratchets included in RS 31 during periods of 

stand-by service: (i) The maximum Demand in kVA for the current billing month, and (ii) 80 

percent of the maximum Demand in kVA recorded during the previous eleven month period.  The 

Panel finds that this is consistent with its finding in regard to Special Condition 2 and no party has 

taken exception to it. 
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3.8.4.3 Special Provision 2 

 

The Panel considers that Contract Demand should result in a fair contribution of the self-generating 

customer to the sunk costs of the network.  However, what remains to be determined is how 

Contract Demand during periods of stand-by service should be determined and how this should be 

articulated in the Stand-by Rate. 

 

RS 37 also proposes the inclusion of the following Special Provision: 

Special Provision 2: Contract Demand 

“Billing under this rate schedule requires the establishment of a Contract Demand, 
expressed in kilovolt Amps (kVA).  Contract Demand for the purpose of this Rate 
Schedule means the Customer’s maximum potential Demand.  A Customer may 
establish its Contract Demand in its application for service hereunder or at any 
time thereafter.  At any time, including when the Customer may be taking service 
under the Stand-by Rate RS37, if the monthly maximum Demand exceeds the 
Contract Demand, the monthly maximum Demand will become the Contract 
Demand thereafter.  A Contract Demand so established is used in the 
determination of Billing Demand in a Customers underlying rate.” 

 

As a result of FortisBC’s proposed Special Provision 2, the customer’s Contract Demand will 

increase for the full amount of capacity taken at any time, including during periods of stand-by 

service, and will remain at that amount permanently.  This will effectively result in a stand-by 

Demand Wires Charge based on the highest demand ever taken by the customer. 

 

FortisBC states that it must maintain infrastructure that is capable of servicing the full load, 

regardless of how intermittent that load may be, and as the timing of the load is unpredictable, 

transmission capacity must be available at all times in order to ensure that back-up loads are fully 

met. 

 

FortisBC takes the position that a self-generating customer that chooses to serve a portion of load 

from its own resources has the opportunity to reduce its energy related costs by replacing utility 

supply with low cost self-generation.  However, FortisBC points out these customers should not 

also be able to avoid the costs associated with the provision of the infrastructure required to 

support the self-generator load during periods when self-generation is unavailable. (FortisBC Final 
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Submission, p. 9)  On the other hand, FortisBC acknowledges that the generators are generally 

quite reliable and that there is diversity on the system that needs to be recognized in designing 

these rates. (Exhibit B-1, p. 37)  FortisBC further states that it does not have any reason to conclude 

that Celgar is not properly maintaining its generation assets.” (Exhibit B-15, BCUC 1.9.1.1) 

 

FortisBC argued that “The stranded cost issue does not evaporate because a customer has been 

connected for a given amount of time.  If a customer is served by infrastructure that generated 

revenue based on the billed load of the customer, and the revenue from that customer drops 

without a commensurate reduction in costs, other customers will be impacted.” (Exhibit B-15, 

BCUC 8.2.2) 

 

Celgar submits that “[t]he proposed rate regime [Special Provision 2] has no precedent in British 

Columbia, has yet to be approved by the Commission under any circumstances, and should not be 

approved by the Commission in this Application.” (Celgar Final Submission, para. 37) 

 

Linxwiler, on behalf of Celgar states, “The proposed [Stand-by Rate] pricing is excessive because (i) 

it is not based on legitimate system planning considerations, (ii) it does not properly match capacity 

and energy prices, (iii) the demand-related rates for the proposed service have not been shown to 

be appropriate and are likely to be quite excessive, and (iv) certain other aspects of the proposed 

rate are not cost-based or adequately justified.  Furthermore, the rate proposed by the Company is 

anticompetitive and discriminatory.  It provides an undue preference in favor of FortisBC’s own 

generation as compared to potential new customer-owned generation.” 

 

Celgar further stated, “Celgar believes that it is accepted industry practice in Canada and elsewhere 

for utilities to require stand-by capacity charges [wires charge] for firm back-up service.  There is, 

however, considerable diversity in the levels of such charges and the basis for them.  That the 

appropriate bases for such charges are not widely agreed upon seems to be supported by the fact 

that the Ontario Electricity Board has recently undertaken the referenced consultation process.” 

(Exhibit C2-9, BCUC 1.8.1.2, 1.8.1.3) 
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Commission Determination 

 

The Panel appreciates that stand-by rates have often been contentious and there is a long-standing 

stand-by rate debate.  As previously highlighted, advocates for self-generation seek minimal stand-

by rates based on the premise that self-generation provides benefits in the form of deferred or 

permanent reduction in the need for utility-provided generation, transmission, and distribution 

capacity.  Utilities on the other hand argue that the theoretical benefits for self-generation are 

insubstantial if located in an unsuitable area or operate erratically, and low stand-by rates can 

result in self-generating customers avoiding infrastructure costs associated with back-up 

generation and wires services. 

 

FortisBC’s proposal effectively sets a ‘one size fits all’ wires charge for stand-by service at a Wires 

Demand Charge equal to 80 percent of the maximum Contract Demand, which is reset any time the 

existing Contract Demand is exceeded.  Celgar is proposing a similar one size fits all network charge 

for stand-by service of a Wires Demand Charge equal to 80 percent of the requested firm Contract 

Demand and no additional Wires Demand Charge for any non-firm stand-by service above that. 

 

The Panel considers that stand-by wires charges should be set such that they do not inadvertently 

either restrict the growth of cost-effective distributed generation, or promote uneconomic bypass.  

Wires charges should also result in a fair contribution to the sunk costs of the utility’s network, 

although the Panel notes the difficulty in determining the fairness of a Wires Demand Charge from 

a cost causation perspective. 

 

The Panel finds that determining the appropriate stand-by network charges (Wires Demand 

Charge) for self-generating customers is more of an art than a science.  For example, the design of 

an appropriate stand-by wires charge could be different for different customers (depending on 

where the generator is located, the size of the generator, whether the self-generation is classified 

as BC clean energy).  The appropriate wires charge could also change over time for example, if 

there are significant changes to the retail rate design.  The Panel therefore considers that the one 

size fits all approach could result in suboptimal BC outcomes over the long term. 
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The Panel therefore does not approve the inclusion of Special Provision 2 in RS 37 and 

determines that FortisBC’s one size fits all method of recovering a fair contribution is 

unnecessarily restrictive and would result in the Stand-by Rate being unjust, unreasonable, and 

unduly discriminatory.  Accordingly, the Commission declines to approve RS 37 “Stand-by Service 

Rate” as proposed in the Application at this time. 

 
3.8.5 Stand-by Contract Demand 

 

The Panel considers that the key focus in determining the appropriate stand-by demand charge 

should ensure that it does not discourage on-site generation that is fully economical and cost-

effective but for the inclusion of standby charges.  Further, the stand-by demand charge should 

also take into consideration BC energy objectives.  

 

As a solution the Panel suggest that ‘Stand-by Contract Demand’ in RS 37 should be established 

between the customer and the utility at an amount somewhere between zero and 100 percent of 

the Contract Demand established in the underlying Rate.  This RS 37 Stand-by Contract Demand 

would ideally remain unchanged over the life of the investment in self-generation. 

 

The Panel would expect that Contract Demand in the underlying rate to be established by FortisBC 

and its customer with distributed generation on the same basis as it does for any other 

Transmission Customer on rate (RS 31).  The Contracted Demand would define the maximum level 

of Capacity and Energy that FortisBC would commit to supplying to a self-generation customer 

whether taking service under the underlying rate (RS 31) or the Stand-by Rate.  RS 37 stand-by 

Contract Demand would then be established to reflect the benefits of self-generation based on a 

set of Commission approved principles.  Given the limitations in a one size fits all network services 

charge concept, the Panel considers it more appropriate to use a principled base approach to 

identify the benefits of self-generation. 

 

Any final approved Stand-by Rate is intended to be suitable for all customers, current and future, 

with self-generation taking service at transmission voltage.  The Panel wishes to address current 

and future customers separately. 
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3.8.5.1 Future Customers 

 

The resultant RS 37 stand-by Contract Demand should ultimately reflect both the costs and the 

benefits distributed generation provides to BC, and provide a level of price certainty regarding 

network charges for stand-by service to customers considering making self-generation 

investments. 

 

By way of example, the Panel considers that the following principles could be a reasonable starting 

point in the development of principles used to determine Stand-by Contract Demand for future 

customers: 

 
1. Economic efficiency: stand-by wires charges should not discourage on-site generation that 

is fully economical and cost-effective but for the inclusion of stand-by charges.  Specifically, 
stand-by charges should not be (i) so low as to promote uneconomic bypass of the grid or 
inefficient maintenance of customer owned generation assets, or (ii) so high as to 
discourage the growth of cost effective self-generation. 

2. Fairness: cost-causation principles should be applied in assigning costs to differently 
situated customers.  However, diametrically opposed interpretations of the user pay 
principle could make it difficult to justify a high or low stand-by rate design solely based on 
the fairness principle. 

3. Consideration of BC Energy Policy: the stand-by wires charge should take into consideration 
whether stand-by rates should be adjusted higher or lower to support BC energy objectives. 

4. Simplicity and transparency:  stand-by wires charges should be easy to understand and 
administer, and designed so that prospective users can estimate what their charges will be, 
based on a few known cost determinants. 

5. Stability: optimal stand-by wires charges can vary between customers and over time.  
However, once set, stand-by wires charges for a particular customer should not be subject 
to material changes (other than, for example, where there is a material change to the 
corresponding retail rate design) during the term of financing a generator project, usually 
15-20 years. 

 

However, for future stand-by customers the Panel finds these principles should not be addressed in 

this Proceeding but are better suited to be determined through the FortisBC’s Comprehensive Self-

Generation Policy Application that has been directed pursuant to Order G-60-14. 
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Therefore, in regards to future customers, the Commission would likely approve a revised Stand-

by Rate, subject to comment from the parties, if Special Provision 2 was removed (subject to the 

modifications in the Energy Charge noted in this Decision and pending a final determination on 

the Restrictions and Availability criteria) and replaced at a future date after the completion of 

the Comprehensive Self-Generation Policy Application, with language similar to the following: 

Contract Demand used during periods of stand-by service (Stand-by Contract Demand) is to be 

agreed to between the customer and the utility based on principles as set out in an attached 

Tariff Supplement. 

 
3.8.5.2 Existing Customers 

 

Based on the above preliminary recommendation the Panel finds that Stand-by Contract Demand 

should be established based on a set of principles and not based on a one size fits all formula.  

However, for current customers this approach could be problematic as any principles will likely not 

be finalized for some time and the key considerations for future customers could very well be 

different from those for existing customers. 

 

Given that Celgar is the only existing customer, the Panel finds that the most efficient and effective 

way to proceed in addressing the Stand-by Rate for the existing customer is the same as for future 

customers (a final Stand-by Rate that removes Special Provision 2, subject to the modifications in 

the Energy Charge noted in this Decision and pending a final determination on the Restrictions and 

Availability criteria) in conjunction with setting a Contract Demand and a Stand-by Contract 

Demand for Celgar. 

 
3.8.5.3 Contract Demand for Celgar 

 

FortisBC submits that “…it is important to keep in mind when considering Celgar’s arguments that 

they are coloured by wider objectives that are not properly the subject of this process – namely, as 

noted in the introduction, to obtain (1) non/firm interruptible service (2) above a Contract Demand 

which Celgar would like to be 8 MV.  Celgar’s desire to advance those objectives in most 

proceedings in which it participates [including the 2009 RDA, Celgar Complaint, The FortisBC 

Purchas of Utility Assets of the City of Kelowna and the RS 3808 Proceeding] infuses its present 

submissions as well.”  (FortisBC Reply, p. 7) 
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In the Decision attached to Order G-188-11 [Celgar Complaint] the Commission directed FortisBC to 

design a Stand-by Rate to address Celgar’s circumstances and file an application for its approval.  

The Panel fully anticipates being able to approve a Final Stand-by Rate through this Proceeding 

after which time Celgar will be eligible to take service based on either RS 31 or the Stand-by Rate.  

However, without a determination on Celgar’s Contract Demand and Stand-by Contract Demand, 

Celgar will not have final rates for service taken under either of these rates, thus the direction in 

Order G-188-11 will not be met. 

 

Furthermore, an approved Stand-by Rate, an appropriate Contract Demand, and a Stand-by 

Contract Demand will most certainly be a necessary step that needs to be completed before the 

Panel can contemplate the retroactive billing for Celgar, which is also the subject of the 

Application. 

 

The Panel is aware that Celgar has advanced its objectives in many pervious proceedings before the 

Commission, which is a clear indication that its concerns need to be addressed at some point in 

time.  The Panel finds that without a Contract Demand and Stand-by Contract Demand established 

for Celgar it will not be possible to move forward.  It is critical that this issue be settled and the 

Panel determines that that time is now.  Therefore, Panel determines establishing a Contract 

Demand and a Stand-by Contract Demand for Celgar is fully within the scope of this Proceeding. 

 
3.9 Commission Summary Determination on the Stand-by Rate 

 

The Panel is not able to determine that the Stand-by Rate as proposed by FortisBC is not unjust, 

unreasonable, unduly discriminatory, or unduly preferential at this time due to the inclusion of the 

Contract Demand Special Provision 2 and the lack of evidence provided to support the proposed 

Restrictions and the Availability of the Stand-by Rate. 

 

The Commission wants to move forward as quickly as possible to have an approved Stand-by Rate 

for transmission voltage customers in the FortisBC service territory.  The Panel supports, and has 

approved, many of the components of the proposed Stand-by Rate as identified in this Decision 

and considers that the remaining outstanding issues can be addressed through this Proceeding 

without further delay.  The Panel determines that the outstanding material matters are limited to 

the following: 
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i. The Restrictions included in the Stand-by Rate; and 

ii. The Availability of Stand-by Service. 

 

The Panel does not consider the difference so extreme as to suggest that a final determination on a 

Stand-by Rate cannot be made within this Proceeding and is hopeful that the Commission’s findings 

can be successfully incorporated into the revised Stand-by Rate. 

 

The Panel directs FortisBC to file a revised Stand-by Rate incorporating the findings in this 

Decision and addressing the two outstanding matters no later than June 26, 2014.  Further 

process regarding FortisBC’s filing will be decided by the Commission Panel in due course. 

 

Regarding the first outstanding matter the Panel requires additional evidence to support the 

Restrictions proposed by FortisBC especially for Back-up service.  Evidence should support 

Restrictions that are applicable to current and future customers and address different types of self-

generation if necessary.  The Panel anticipates that a determination on this issue should be rather 

straightforward. 

 

The Panel further directs FortisBC to submit a filing on the appropriate level of Contract Demand 

in the underlying rate and the appropriate level of Stand-by Contract Demand applicable during 

periods of stand-by service for Celgar to be submitted in conjunction with the revised Stand-by 

Rate. 

 

In addressing the appropriate level of Stand-by Contract Demand for Celgar, consideration should 

be given to the following. 

(i) Consideration of applicable principle proposed for future customers as set out in 
Section 3.8.5.1 including; 

1. Economic efficiency; 
2. Fairness; 
3. Consideration of BC Energy Policy; 
4. Simplicity and transparency; and 
5. Stability 

(ii) Last Contract Demand of 16 MVA that the parties agreed to in the 2000 GSA. 
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In regards to (i) (2) the Panel would like FortisBC to also consider the following alternative options 

in determining an appropriate level of Stand-by Contract Demand for Celgar.  The Panel 

appreciates that the first and perhaps the second option in the list below are likely not of relevance 

to this situation as there is only one customer with existing self-generation, but has provided the 

full list to reflect the fact that this determination is unique to the FortisBC service area and 

normally all options could  be considered. 

• Expected Outage Rate: If there is a large pool of stand-by customers of similar size, the 
capacity required could be estimated as the total capacity of all stand-by customers, 
multiplied by the expected outage rate. 

• Largest Contract + Expected Outage Rate: If there is one large stand-by customer and 
several smaller customers, the capacity required could be estimated as the capacity of the 
largest customer plus the capacity of the other customers multiplied by their outage rate. 

• Average Contract + Expected Outage Rate: This adds together the average of the total 
stand-by capacity to total capacity multiplied by the expected outage rate.  This method 
attempts to recognize the diversity of load states. 

• Probabilistic Method: Identify an appropriate threshold level for which the utility will risk 
not serving the stand-by customer (say, 1 percent).  This, together with each customers 
expected outage rate, is used to determine the network capacity that should be reserved 
for stand-by customers. 

• Target Reserve Margin: This uses the generator reserve margin to determine the required 
reserved capacity for the stand-by class. 

• Reserve Capacity of the Network: For example, if the expected outage rate is 1 percent, the 
customer should pay for 30 percent of their reserved capacity if this is the reserved capacity 
of the network that is typically used for 1 percent of the time. 

 

The Panel appreciates that FortisBC stated in an IR response that “FBC does not consider any of the 

listed sub-categories to be appropriate for use as the allocation for transmission [costs for standby 

use].”  This is because FortisBC does not consider that the network charge should be discounted for 

Stand-by use. (Exhibit B-15, BCUC 1.6.5)  However, the Panel has proposed that Stand-by Contract 

Demand take into consideration both the costs and benefits and therefore the Panel is interested 

in hearing FortisBC’s position on these options. 
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In regards to (ii) “Last Contract Demand of 16 MVA that the parties agreed to in the 2000 GSA” the 

Panel agrees with Celgar that the Commission Panel should consider the precedents established by 

past approvals of stand-by service to Celgar.  However, the Panel also wants to be clear that while 

it does consider past approvals to be informative, it is in no way bound by them. 

Nonetheless, the Panel notes that the last Contract Demand the parties agreed to was 16 MVA as 

part of the 2000 GSA.  The Panel further notes that no evidence has been provided in this 

Proceeding that supports this contract demand (effectively pricing the Stand-by Network Charge at 

approximately one third of what would otherwise occur if network portion of the stand-by service 

was priced using RS 31 Demand Charge) would result in inefficient investment in, or operation of, 

Celgar or FortisBC assets. 

 

The Panel also points out  that it previously determined (in the evaluation of Stepped Rates) that 

before making any changes to previously approved rate design, the Panel should be satisfied that 

greater efficiencies or cost savings would accrue to the benefit of ratepayers overall, or that the 

existing rate is now outside of fairness norms from a cost causation perspective. 

 

The Panel has previously acknowledged the difficulty in relying on cost causation principles to 

determine whether the Stand-by Rate is inherently unfair.  However, the Panel also notes the 

difficulty in demonstrating that the last Contract Demand that the parties agreed to is outside of 

fairness norms. 
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4.0 TIME-OF-USE RATE – RATE SCHEDULE 33 

 
4.1 Background 

 

RS 33 is a Large Commercial Transmission rate based on time-of-use.  In the Application, FortisBC 

seeks Commission approval to close RS 33 TOU Rate, and indicates that there are currently no 

customers receiving service under this rate (Exhibit B-1, pp. 14-15).  FortisBC further indicates that 

the closing of this rate is consistent with the treatment of the Residential TOU Rates ordered by the 

Commission when the Residential Conservation Rate became the default rate for those customers.  

Finally, in support of its request, FortisBC cites the Commission: “…in its December 31, 2009 

Summary Report, the Commission noted that no customers opted for a TOU version of the stepped 

rate as customers felt the rate is overly complicated and expect it to increase energy costs.” 

(Exhibit B-1, pp. 14-15) 

 

However, in its Final Submission, FortisBC indicates that should Stepped Rates not be approved, 

FortisBC would withdraw its request to close RS 33 in order to have an optional conservation rate 

in place for transmission customers.  FortisBC submits the rationale for requesting to close RS 33 

was to maintain consistency with the Commission’s direction at the time FortisBC’s Residential 

Conservation Rate was approved.  At that time, the Commission directed FortisBC to make the 

stepped rate mandatory for all customers not currently served on the TOU Rate.  Given that no 

customers were taking service on the TOU Rate, this effectively made the TOU Rate unavailable for 

use and the rate was closed. (FortisBC Final Submission, para. 65-66) 

 

Given that no customers are currently of the RS 33 TOU Rate, FortisBC anticipated the 

Commission’s future direction if the Stepped Rate was approved and proposed to have it closed. 

 
4.2 Submissions 

 

BCPSO agrees with the approach with respect to RS 33 as put forth in the FortisBC Final Submission 

(BCPSO Final Submission, para. 38).  Neither Celgar, the BCMEU nor BC Hydro made any final 

submission related to the RS 33 TOU Rate treatment proposed by FortisBC. 
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FortisBC reiterates in its Reply that consistent with the treatment of the Residential TOU Rate 

closure that, if the Transmission Stepped Rate was to be approved by the Commission, closure of 

RS 33 should follow.  However, FortisBC submits that if the Stepped Rate was not approved, then 

the TOU Rate (RS 33) should not be closed.  (FortisBC Reply, para. 107-108) 

 
4.3 Commission Summary Determination on the Time of Use Rate 

 

The Panel observes that FortisBC submitted the Application for Stepped and Stand-by Rates in 

response to certain Commission directives.  Commensurate with those directives, FortisBC also 

indicated that its Application proposed to implement a Stepped Rate and that if such the Stepped 

Rates were to be approved that, to be consistent with that conservation Stepped Rate, RS 33, the 

conservation TOU Rate should be closed.  No Interveners raised concerns about this proposed 

closure.  No other FortisBC customers have availed themselves of RS 33 and thus the TOU Rate 

remains unsubscribed. 

 

As both the proposed Stepped Rate and the existing RS 33 TOU Rate are both conservation rates, 

FortisBC now requests that RS 33 only be closed if the proposed Stepped Rate is approved and in 

the event that the Stepped Rate is not approved, FortisBC requests that RS 33 not be closed. 

 

The Panel is not being requested in this Proceeding to make a determination on the merits of the 

RS 33 TOU Rate.  Given that the Commission Panel has not approved the adoption of the Stepped 

Rates as proposed in the Application, no Interveners have objected, and there are currently no 

customers taking service under RS 33, the Panel consents to FortisBC’s withdrawal of its request 

to close RS 33. 

 

FortisBC is encouraged to review the TOU Rate as part of its next general rate design application. 
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5.0 STATUS OF OUTSTANDING MATTERS 

 

Pursuant to Order G-12-14 the review of the NECP Rate Rider and the application of the Stepped 

Rate to FortisBC’s customers with self-generation facilities were suspended until the Commission 

made a final determination on the RS 3808 Proceeding.  The Commission further directed that the 

retroactive application of rates to Celgar will be addressed once the Commission approves either a 

new rate for Celgar, which complies with the final rate approved in the RS 3808 Proceeding, and/or 

an Agreement is made by the parties.  

 

As such, the application of the Stepped Rate to customers with self-generation, the NECP Rate 

Rider, and the retroactive application of rates to Celgar’s billing was out of the scope of this 

Decision.  The status of these matters is addressed below. 

 
5.1 Stepped Rates for Self-Generating Customers 

 

The Panel has addressed the application of the Stepped Rate to FortisBC’s customers with self-

generation facilities in its final determination on the Stepped Rates in Section 2.5. 

 
5.2 The Non-Embedded Cost Power (NECP) Rate Rider 

 

In the Application, FortisBC filed for approval for the Non-Embedded Cost Power (NECP) Rate Rider 

which is a provision for charging self-generating customers that intend to sell any portion of its 

generation that is not in excess of load. 

 

The review of the NECP Rate Rider was suspended pursuant to Order G-12-14 until the Commission 

made a final determination on the RS 3808 Proceeding.  By way of Order G-60-14 and the Decision 

attached to that Order, issued on May 6, 2014, the Commission made its final determination on the 

RS 3808 Proceeding.  The following relevant directives were made: 

 
2. BC Hydro is directed to initiate a consultation process that will result in an application 

for the New PPA Section 2.5 [GBL] Guidelines by November 1, 2014.  Once the 
Guidelines have been approved by the Commission, they are to be added to the New 
PPA as an appendix.  



65 
 
 

 

3. Until the addition of Commission-approved New PPA Section 2.5 Guidelines as an 
appendix to the New Power Purchase Agreement, the net-of-load methodology will be 
applied.  

 
5. FortisBC Inc. is directed to initiate a concurrent consultation process in its service 

territory to address or ensure:  

(i) the potential benefits of self-generation;  
(ii) the 1999 Access Principles in the context of self-generating customers;  
(iii) if the GBL methodology is proposed, GBL Guidelines for both idle historic self-
generation and new self-generation; and  
(iv) arbitrage is not allowed.  
 

FortisBC Inc. is further directed to file a resultant Self-Generation Policy application 
with the Commission by December 31, 2014, that establishes high level principles for 
its service territory. 

 

In light of the determinations in Order G-60-14, the Commission will shortly be issuing a letter 

requesting submissions from the parties on how to proceed with FortisBC’s request for approval 

for the NECP Rate Rider. 
 

5.3 Retroactive Billing for Celgar 

 

The Panel will not be seeking submissions on how to move forward with the retroactive billing 

for Celgar until a final determination is made on the Stand-by Rate.  
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DATED at the City of Vancouver, in the Province of British Columbia, this    26th    day of May 2014. 
 
 
 
 
 _____Original signed by:_________________ 
 L.A. O’HARA 
 COMMISSIONER/PANEL CHAIR 
 
 
 _____Original signed by:_________________ 
 R.D. REVEL 
 COMMISSIONER 
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IN THE MATTER OF 
the Utilities Commission Act, R.S.B.C. 1996, Chapter 473 

 
and 

 
FortisBC Inc. 

Application for Stepped and Stand-By Rates for Transmission Voltage Customers 
 
 

BEFORE: L.A. O’Hara, Commissioner May 26, 2014 
 R.D. Revel, Commissioner 
 

O  R  D  E  R 
WHEREAS: 
 
A. On March 28, 2013, FortisBC Inc. (FortisBC) filed an application with the British Columbia Utilities 

Commission (Commission) for approval of new rates for transmission voltage customers (the Application) 
under sections 58-61 of the Utilities Commission Act; 

 
B. The Application requests the following: 

i. Approval for a conservation Stepped Rate, with Customer Baseline Load (CBL) Guidelines, for all 
transmission voltage customers (Rate Schedule (RS) 34), an exempt Flat Rate (RS 36) as well as 
approval to close the existing Flat Rate(RS 31) and transfer customers to RS 34 and RS 36, as 
appropriate; 

ii. Approval for a Non-Embedded Cost Power (NECP) Rate Rider which incorporates the Entitlement 
Principals and the Matching Methodology into a rate; 

iii. Approval for a Stand-by Service Rate (RS 37); 

iv. Approval to close the transmission voltage customer Time-of-Use Rate (RS 33); and 

v. A determination of the retroactive application of rates to Zellstoff Celgar Limited Partnership 
(Celgar); 

 
C. British Columbia Hydro and Power Authority (BC Hydro), Celgar, International Forest Products Limited 

(Interfor), the British Columba Pensioners’ and Seniors’ Organization et al., and the BC Municipal Electric 
Utilities registered as Interveners and Tolko Industries Ltd. registered as an Interested Party; 

 
D. On April 10, 2013, the Commission issued Order G-55-13, establishing a Regulatory Timetable for its review 

of the Application that was subsequently amended by Orders G-61-13, G-85-13, G-90-13, G-155-13, G-12-14, 
and G-18-14; 
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E. On May 28, 2013, BC Hydro filed an application with the Commission for approval to replace the existing 

1993 Power Purchase Agreement (PPA) with FortisBC with a New PPA under RS 3808 (RS 3808 Proceeding).  
The RS 3808 Proceeding addresses certain issues which overlap with parts of this Application including 
issues that relate to the NECP Rate Rider; 

 
F. On January 31, 2014, by Order G-12-14, the Commission determined that its review of the issues in the 

Application that do not overlap with the issues being considered in the RS 3808 Proceeding would proceed 
by way of a written hearing (RS 34 and RS 36 excluding its application to customers with self-generation, 
RS 31, RS 37 and RS 33).  The NECP rate rider, the application of the stepped rate to FortisBC’s customers 
with self-generation, and the retro-active application of rates to Celgar would be deferred until after the 
Commission made a final determination on the RS 3808 Proceeding; and 

 
G. In its  Final Submission dated March 19, 2014 FortisBC requested that:  
 

a) FortisBC’s Application for a Stepped Rates (RS 34, CBL Guidelines, and RS 36) should not be approved at 
this time; and 

b) Its request to close RS 31 and 33 be withdrawn if the Stepped Rates are not approved.    
 
 
NOW THEREFORE the British Columbia Utilities Commission (Commission) orders as follows: 
 
1. FortisBC Inc.’s (FortisBC) request to open Rate Schedule 34 “Large Commercial Service – Transmission 

Stepped Rate” and the attached Customer Baseline Load Guidelines is denied. 
 
2. FortisBC’s request to open Rate Schedule 36 “Large Commercial Service – Transmission Flat Rate” is denied. 
 
3. The Commission consents to the withdrawal of FortisBC’s request to close Rate Schedule 31 “Large 

Commercial Service – Transmission Flat Rate” and Rate Schedule 33 “Large Commercial Service – 
Transmission Time-of-Use.” 

 
4. The Commission declines to approve Rate Schedule 37 “Stand-by Service Rate” as proposed in the 

Application at this time. 
 
5. FortisBC is directed to file with the Commission, by June 26, 2014, a revised Rate Schedule 37 “Stand-by 

Service Rate” incorporating the findings in the attached Decision and addressing both the restrictions on, 
and availability of, stand-by service. Further process regarding this filing will be decided by the Commission 
in due course.  
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6. FortisBC is directed to submit a filing on the appropriate Contract Demand level in the Underlying Rate and 
the appropriate level of Stand-by Contract Demand applicable during periods of stand-by service, for 
Zellstoff Celgar Limited Partnership (Celgar), to be submitted in conjunction with the revised Stand-by Rate.   

 
7. FortisBC is directed to comply with all other directives in the Decision issued concurrently with this Order. 
 
 
DATED at the City of Vancouver, in the Province of British Columbia, this      26th        day of May 2014. 
 
 BY ORDER 
  

Original signed by: 
 

 L.A. O’Hara 
 Commissioner 
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REGULATORY TIMETABLE 

 
On April 10, 2013, Order G-55-13 established a Preliminary Regulatory Timetable which provided 
for two rounds of Information Requests (IRs), Filing and IRs on Intervener Evidence, and a 
placeholder for FortisBC to file Rebuttal Evidence.  
 
By letter filed with the Commission on April 18, 2013, Celgar claimed that the Application as filed 
did not comply with Order G-188-11 or Order G-202-12.  Celgar requested the Commission Panel 
issue further directions to FortisBC regarding the scope of the Application.  On April 19, 2013, by 
Order G-61-13 the Commission suspended the Proceeding and sought comments from the parties 
on Celgar’s request.  
 
On May 24, 2013, by Order G- 85-13, the Commission denied Celgar’s request to expand the scope 
of the Proceeding stating that there is sufficient breadth in the current scope to accommodate the 
exploration of Celgar’s issues.  Order G-85-12 also amended the dates in the Preliminary Timetable.  
 
On June 12, 2013, Order G-90-13 further amended certain dates in the Preliminary Regulatory 
Timetable to provide FortisBC with additional time as per its request.  Order G-90-13 also provided 
for a date for the parties to make submission on further process.  
 
On August 27, 2013, the BCPSO filed a letter with the Commission the issues raised in this 
proceeding overlap with a number of other proceedings currently before the Commissions, 
including the Rate Schedule 3808 Application.1  BCPSO suggests that some thought should be given 
to the appropriate sequence of these decisions and suggests a logical manner to ensure maximize 
regulatory efficiency while preserving procedural fairness.    
 
Because of the many amendments to the Regulatory Timetable, the following is reproduced for the 
record. 
 

                                                      
1 Rate Schedule 3808 Proceeding 
 



APPENDIX A 
Page 2 of 4 

 

 

 



APPENDIX A 
Page 3 of 4 

 

 

 



APPENDIX A 
Page 4 of 4 

 

 

 

 



APPENDIX B 
Page 1 of 1 

 
FortisBC Inc. 

Classes of Commercial Customers 
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LIST OF ACRONYMS 

 
2000 BA Electricity Supply Brokerage Agreement  

2000 GSA General Service Power Contract dated December 20, 2000 between 
Celgar and FortisBC 

2009 RDA FortisBC 2009 Rate Design and Cost of Service Analysis Application  

Barrick Barrick Gold 

BC Hydro British Columbia Hydro and Power Authority 

BCMEU British Columbia Municipal Electrical Utilities  

BCPSO British Columbia Pensioners and Seniors Organisation et al.  

CBL Customer Baseline Load  

CEA Clean Energy Act  

Celgar Zellstoff Celgar Partnership Limited 

Commission, BCUC British Columbia Utilities Commission 

COSA Cost of Service Analysis  

DSM Demand Side Measure 

FortisBC, the Company FortisBC Inc. 

GSA general service agreement  

Industrial customers Large Commercial Service  Customers 

Interfor International Forest Products Limited  

LRMC long-run marginal cost  

NECP Non-Embedded Cost Power 

PBR Performance Based Ratemaking 

Platts Platts, McGraw Hill Financial 

R/C revenue-to-cost  

Roxul Roxul (West) Inc.  

RS Rate Schedule 

TOU Time-of-Use 

TSRs transmission service rates  

UCA Utilities Commission Act 
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IN THE MATTER OF 

the Utilities Commission Act, R.S.B.C. 1996, Chapter 473 
 

and 
 

FortisBC Inc.  
Stepped and Stand-By Rates for Transmission Customers Application 

 

EXHIBIT LIST 

 
Exhibit No. Description 
 
COMMISSION DOCUMENTS 
 
A-1 Letter Dated April 10, 2013 - Order G-55-13 establishing a Preliminary Regulatory 

Timetable 
 

A-2 Letter Dated April 15, 2013 – Appointment of Commission Panel 

A-3 Letter Dated April 19, 2013 – Order G-61-13 Inviting Comments and Suspending 
Preliminary Regulatory Timetable 
 

A-4 Letter Dated May 24, 2013 – Order G-85-13 Establishing a Revised Preliminary 
Regulatory Timetable with Reasons for Decision 
 

A-5 Letter Dated June 3, 2013 – Commission Information Request No. 1 

A-6 Letter Dated June 12, 2013 – Commission Order G-90-13 issuing Further Amended 
Preliminary Regulatory Timetable 

A-7 Letter Dated August 1, 2013 – Commission Information Request No. 2 

A-8 Letter Dated September 6, 2013 – Commission Information Request No. 1 on 
Intervener Evidence 
 

A-9 CONFIDENTIAL Letter Dated September 6, 2013 – Confidential Commission 
Information Request No. 1 on Intervener Evidence 
 

A-10 Letter Dated September 9, 2013 – Commission Response to Comments on Further 
Process 
 

A-11 CONFIDENTIAL Letter Dated September 13, 2013 – Confidential Request Response 
regarding Confidential Information Request 
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Exhibit No. Description 
 
A-12 Letter Dated September 25, 2013 – Commission Order G-155-13 issuing Updated 

Preliminary Regulatory Timetable 
 

A-13 Letter Dated October 29, 2013 – Commission Information Request No. 1 on 
FortisBC Rebuttal Evidence 
 

A-14 Letter Dated January 8, 2014 – Extension of Powers for Alison Rhodes 

A-15 Letter Dated February 3, 2014 – Commission Order G-12-14 issuing Final Regulatory 
Timetable 
 

A-16 Letter Dated February 13, 2014 – Commission Order G-18-14 issuing and Amended 
Final Regulatory Timetable 
 

A-17  Letter Dated March 3, 2014 – Panel Chair Appointment 

A-18 Letter Dated March 13, 2014 – Commission Order G-42-14 issuing Reasons 
regarding Celgar Submission 

 
 
APPLICANT DOCUMENTS 
 
B-1 FORTISBC INC. (FBC) Letter Dated March 28, 2013 - Stepped and Stand-By Rates for 

Transmission Customers Application 
 

B-1-1 Letter Dated April 8, 2013 - Errata 1 to the Application 

B-1-2 CONFIDENTIAL Letter Dated March 28, 2013 – Confidential attachment to the 
Application 
 

B-1-3 Letter Dated July 4, 2013 - Errata 2 to the Application 

B-1-4 CONFIDENTIAL Letter Dated July 4, 2013 – Confidential Errata 2 to the Application 
 

B-1-5 Letter Dated August 9, 2013 - Errata 3 to the Application 

B-2 Letter dated April 30, 2013 – FBC Submitting Response to Celgar (Exhibit C2-2) 

B-3 Letter dated June 11, 2013 – FBC Submitting Extension Request 

B-4 Letter dated July 4, 2013 – FBC Responses to Information Request No. 1 to BCUC 

B-5 Letter dated July 4, 2013 – FBC Responses to Information Request No. 1 to BCPSO 



APPENDIX D 
Page 3 of 5 

 
Exhibit No. Description 
 
B-6 Letter dated July 4, 2013 – FBC Responses to Information Request No. 1 to Celgar 

B-6-1 CONFIDENTIAL Letter dated July 4, 2013 – FBC Responses to Information Request 
No. 1 to Celgar 

B-7 Letter Dated August 15, 2013 – FBC Submitting Response to BCUC IR No. 2 

B-7-1 CONFIDENTIAL Letter Dated August 15, 2013 – FBC Submitting Confidential Response 
to BCUC IR No. 2 

B-8 Letter Dated August 15, 2013 – FBC Submitting Response to BCMEU IR No. 2 

B-9 Letter Dated August 15, 2013 – FBC Submitting Response to BCPSO IR No. 2 

B-10 Letter Dated August 15, 2013 – FBC Submitting Response to Celgar IR No. 2 

B-11 Letter Dated August 27, 2013 – FBC Submitting Comment regarding Further Process 

B-12 Letter dated September 6, 2013 – FBC Submitting Information Request No. 1 to 
Celgar 

B-13 Letter dated October 10, 2013 - FBC Submitting Rebuttal Evidence 

B-14 Letter dated November 14, 2013 - FBC Submitting Response to BCPSO IR1 Rebuttal 
Evidence 

B-15 Letter dated November 14, 2013 - FBC Submitting Response to BCUC IR1 Rebuttal 
Evidence 

B-16 Letter dated November 14, 2013 - FBC Submitting Response to Celgar IR1 Rebuttal 
Evidence 

B-17 Letter Dated February 7, 2014 - FBC Filing comments regarding Final Submission 

B-18 Letter Dated February 12, 2014 - FBC Request to Withdraw February 7 Request 
Exhibit B-17 

B-19 Letter Dated March 11, 2014 – FBC Submitting comments regarding Celgar Final 
Submission dated March 7, 2014 
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Exhibit No. Description 
 
INTERVENOR DOCUMENTS 
 
C1-1 BRITISH COLUMBIA HYDRO AND POWER AUTHORITY (BCH) Online  Registration Dated 

April 16, 2013 – Request for Intervener Status by Janet Fraser 

C1-2 Letter dated May 3, 2013 – BCH Submitting Comments 

C2-1 ZELLSTOFF CELGAR PARTNERSHIP LIMITED (CELGAR) Letter Dated April 17, 2013 – Request 
for Intervener Status by Kim Moller, Elroy Switlishoff, Brian Merwin, Robert Hobbs 

C2-2 Letter received April 18, 2013 – Celgar Submitting Comments 

C2-3 Letter dated May 15, 2013 – Celgar Submitting Response Comments 

C2-4 Letter dated June 7, 2013 – Celgar Submitting Information Request No. 1 

C2-5 Letter Dated August 1, 2013 – Celgar Submitting Information Request No. 2 

C2-6 Letter Dated August 22, 2013 – Celgar Submitting Evidence 

C2-6-1 CONFIDENTIAL - Letter Dated August 22, 2013 – Celgar Submitting Confidential 
Evidence 

C2-7 Letter Dated August 22, 2013 – Celgar Request for Confidentiality 

C2-8 Letter Dated August 27, 2013 – Celgar Submitting Comment regarding Further 
Process 

C2-9 Letter Dated September 20, 2013 – Celgar Submitting Response to BCUC IR No. 1 

C2-10 CONFIDENTIAL Letter Dated September 20, 2013 – Celgar Submitting Response to 
Confidential BCUC IR No. 1 

C2-11 Letter Dated September 20, 2013 – Celgar Submitting Response to BCPSO IR No. 1 

C2-12 Letter Dated September 20, 2013 – Celgar Submitting Response to FBC IR No. 1 

C2-13 Letter Dated September 20, 2013 – Celgar Submitting Comments regarding 
Confidential Information Requests 

C2-14 Letter Dated October 29, 2013 – Celgar Submitting Information Request No. 3 to 
FBC 

C2-15 Letter Dated February 11, 2014 – Celgar Submitting comments on FBC Request 



APPENDIX D 
Page 5 of 5 

 
Exhibit No. Description 
 
C2-16 Letter Dated February 13, 2014 –  Celgar Submitting Extension Request 

C2-17 Letter Dated March 12, 2014 – Celgar Submitting Response to FBC Request 
(Exhibit B-19) 

C3-1 INTERNATIONAL FOREST PRODUCTS LIMITED (INTERFOR) Letter and Online Registration 
Dated April 19, 2013 – Request for Late Intervener Status by Andrew Horahan 

C4-1 BRITISH COLUMBIA PENSIONERS’ AND SENIORS’ ORGANIZATION (BCPSO ET AL) Letter dated 
April 19, 2013– Request for Late Intervener Status by Leigha Worth, Eugene Kung 
and Bill Harper 

C4-2 Letter dated May 3, 2013 – BCPSO Submitting Comments 

C4-3 Letter dated June 7, 2013 – BCPSO Submitting Information Request No. 1 

C4-4 Letter Dated August 1, 2013 – BCPSO Submitting Information Request No. 2 

C4-5 Letter Dated August 27, 2013 – BCPSO Submitting Comment regarding Further 
Process 

C4-6 Letter Dated September 6, 2013 - BCPSO Submitting Information Request No. 1 to 
Celgar 

C4-7 Letter Dated October 29, 2013 - BCPSO Submitting Information Request No. 3 to 
FBC 

C4-8 Letter Dated February 3, 2014 – BCPSO Submitting Updated Distribution List 

C5-1 BRITISH COLUMBIA MUNICIPAL ELECTRICAL UTILITIES (BCMEU) Letter dated June 24, 2013 – 
Request for Late Intervener Status by Alex Love and Marg Craig 

C5-2 Letter Dated August 1, 2013 – BCMEU Submitting Information Request No. 2 

 
 
INTERESTED PARTY DOCUMENTS 
 
D-1 TOLKO INDUSTRIES LTD (TOLKO) Online Registration Dated April 16, 2013 – Request for 

Interested Party Status by Michael Towers 

D-1-1 Letter Dated August 30, 2013 – Tolko Submitting Comment on BCPSO 
Determinations Request 
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M06760 

 
NOVA SCOTIA UTILITY AND REVIEW BOARD 

 
 

IN THE MATTER OF THE PUBLIC UTILITIES ACT 

 
 

- and - 

 
 

IN THE MATTER OF AN APPLICATION of the CANSO ELECTRIC LIGHT UTILITY on 
behalf of the Municipality of the District of Guysborough for Approval of 

Amendments to its Schedule of Rates for the provision of electric supply and services to 
its customers  
 

 
 
BEFORE:   Murray E. Doehler, CPA, CA, P.Eng., Member 
 
 

 
APPEARING:  MUNICIPALITY OF THE DISTRICT OF GUYSBOROUGH 

Barry Carroll 
    Chief Administrative Officer 
     

Gary Cleary 
Deputy Chief Administrative Officer 

 
Robert G. Grant, Q.C.  
Solicitor 

     
Albert E. Dominie, P. Eng. 

    Consultant   
 
 
HEARING DATE:  June 10, 2015 

FINAL SUBMISSIONS: June 17, 2015 

DECISION DATE:  July 27, 2015 

DECISION: Schedule of Rates approved. 
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I SUMMARY 

[1] The Canso Electric Light Utility (“Utility”), which is located in the 

Municipality of the District of Guysborough (“Municipality”), filed an application for 

approval of amendments to its Schedule of Rates dated March 13, 2015 (“Application”).  

Except for pass-through rates related to increases granted to Nova Scotia Power 

Incorporated (“NSPI”) and Efficiency Nova Scotia Corporation, the last increase in rates, 

based on the Utility’s own cost of service, was in 1997.  The Utility requires increased 

rates to meet its revenue requirement. 

[2] A Rate Study to support the Application, dated January/February 2015, 

was prepared by Albert E. Dominie.  The industrial category was omitted from the 

schedule of rates in the Rate Study, as it was not required. 

[3] The Utility has applied for: 

 an average rate increase of 10% for the domestic class (by increasing the energy 

charge 11.6%, and leaving the base charge unchanged); and  

 a 7.5% increase to its small industrial rate, applied across the energy and base 

charge.   

[4] The Board issued Information Requests (“IRs”) on May 1, 2015, to which 

the Utility responded on May 11, 2015. 

[5] A public hearing was held at the Fanning Education Centre in Canso on 

June 10, 2015.  The hearing was advertised in accordance with the provisions of the 

Public Utilities Act, R.S.N.S., c. 380, as amended (“Act”).  Gary Cleary, Deputy Chief 

Administrative Officer for the Municipality, Albert E. Dominie, the Municipality’s 

consultant, and Robert G. Grant, the Municipality’s counsel, appeared on behalf of the 
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Utility.  There were no intervenors to the Application.  No letters of comment were 

received and no members of the public made presentations during the hearing. 

[6] The Schedule of Rates and Charges is approved, as outlined in the Rate 

Study.   

 

II INTRODUCTION 

[7] The Utility distributes power which it purchases from NSPI to residential, 

commercial, and small industrial customers.  The Utility supplies approximately 475 

customers in the Canso area.   

[8] Upon the dissolution of the Town of Canso in 2012, the administration of 

the Utility was taken over by the Municipality.  Since dissolution, the focus of the 

Municipality has been to sell the Utility.  The majority of maintenance, outage restoration 

and other emergency services is contracted out to NSPI. 

[9] The Utility’s fiscal 2015 financial statements were filed during the hearing.  

As at March 31, 2015, the Utility has a surplus of $86,814 and no debt.  It has 

experienced small operating losses in recent years followed by negligible net income in 

fiscal 2015. 

[10] The Utility’s current, and proposed, rates are outside of the 95 – 105% 

revenue/cost range by customer class established by the Board in other electricity rate 

decisions. 
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III REVENUE REQUIREMENTS 

1. Operating Expenses 

[11] The Rate Study supporting the Application used as a test year a projection 

of 2015/2016 revenue requirements.  The projection was based on the actual 

2012/2013 and 2013/2014 and the forecasted 2014/2015 expenditures.  The Utility 

projected (with no change in rates) a net loss for the test year with the accumulated 

operating surplus reducing to $31,000 as of March 31, 2016.  With the proposed rate 

increases (assuming a July 1 approval date), the Utility is projecting an excess of 

revenues over expenditures and an accumulated operating surplus of $68,000 at the 

end of the test year. 

[12] Increases in the projections for the test year were kept consistent with 

historical cost level patterns with the exception of administration.  There was a $20,000 

increase in administration costs included in the test year in an effort to fully recover the 

internal cost of the Municipal staff performing administrative functions on behalf of the 

Utility.  The charge for the recovery of administration costs had significantly dropped 

from the 2011/2012 levels because the Municipality, in the past three years, has not 

been accurately determining an appropriate charge to the Utility.   

[13] During the hearing, there was discussion about the support given by the 

Municipality to the Utility.  This included activities in the finance department, the time by 

staff to coordinate operations, and an allocation of insurance which is incorporated into 

the Municipality’s overall insurance program.  

[14] The 2014/2015 forecast was in line with the actual 2014/2015 results, 

except for distribution expense.  The increase in distribution expense was caused by the 

net one-time costs related to an ice storm in 2013/2014 and the related insurance 
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settlement received.  The insurance claim listed costs totalling $130,342 which were 

directly caused by the ice storm, of which insurance reimbursed $110,354.  The Utility is 

confident that these one-time costs have been properly adjusted and the projected 

expense will be adequate for normal operations. 

[15] A property tax expense of $14,534 was incurred by the Utility in 

2013/2014.  The forecasted 2014/2015, and the test period net income, both contain a 

tax expense of $15,000.  This tax expense was removed from the final 2014/2015 

financial statements as the Municipality had determined it had incorrectly charged the 

Utility for property tax. 

[16] As at March 31, 2015, there is an amount of $63,137 recorded on the 

balance sheet labelled as “Deferred expenses relating to the sale of the electric Utility”.  

These were legal and professional consulting fees incurred by the Utility in the 

preparation for its eventual sale. 

 

Findings 

[17] The Board accepts the process used to project the test year revenue 

requirements, including the increase in administration costs.  However, the Board notes 

that the allocation of administration costs is not based on an internal analysis or activity 

tracking.  In future rate applications the Board would expect the allocation to be based 

upon sound cost accounting principles.   

[18] The tax expense, which has been included in the total test year revenue 

requirement, is incorrectly charged and will not be paid by the Utility.  Regardless, the 

Board accepts the total revenue requirement in the Rate Study as this item is not 
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material and can be used as a contingency to offset any additional losses that maybe 

incurred by not having the new rates in effect by July 1. 

[19] The Board finds the deferral of the costs related to the eventual sale of the 

Utility to be appropriate.  It is expected that the Utility will suggest an appropriate 

disposition of these costs upon a future submission to the Board for either its sale or 

continued operations. 

2. Capital Costs 

[20] The Utility has not initiated any capital projects since 2010, and currently 

has no future capital investment planned.  The plant and equipment are nearly fully 

depreciated.  It was noted in a report prepared by CBCL Limited (at the time of 

dissolution of the Town) that the plant is in need of significant investment in capital 

equipment in the coming years in order to maintain service and avoid serious and 

potentially sudden peaks in required investment.  In the Rate Study Mr. Dominie noted: 

Plant and equipment, with the exception of the recently converted street lighting system, 

is over 95% depreciated and will require considerable investment in infrastructure in the 
near future.  The costs associated with operating this Utility with its aging infrastructure 
are a major concern for the Municipality, particularly where an ice storm last year caused 

damages to the Utility which took $150,000 to repair.  

[Rate Study, p. 2] 

[21] During the hearing, Mr. Cleary explained that no capital projects have 

been identified due to the focus of the Municipality on the sale of the Utility: 

Unfortunately as I said, the efforts were put into selling the utility and it appeared very 

close a few times … so there hasn’t been any long-range planning. 

[Transcript, pp. 33-34] 

[22] It was confirmed during the hearing that no capital expenditures were 

provided for in the Rate Study: 

The Chair: … Mr. Dominie, in your go-forward, you have no capital out of revenue. 
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Mr. Dominie: That’s correct sir. 

[Transcript, p. 29] 

[23] As at March 31, 2015, there is a depreciation fund reserve of $370,355. 

 

Findings 

[24] The Board understands that the Municipality is focusing its attention on 

the sale of the Utility at this time.  However, if the Municipality is unable to sell the Utility 

in the near term, the Utility will need to develop a capital budget to address the issues 

identified in the CBCL Limited report.  The Board notes there is a significant 

depreciation fund that could be used to address any unplanned or needed capital 

renewals or additions in the current year. 

[25] The Board finds the absence of a capital budget for the test year, with the 

cushion of the depreciation reserve, to be appropriate for this Application only. 

 

3. Non-operating Expenditures and Revenues 

[26] The Utility has no long term debt charges and no new debt is projected.  

There is a small profit of $1,000 projected in the test year.  

 

Findings 

[27] On an annualized basis, the Application shows a return on rate base of 

5.4%.  The Board finds the return on rate base over the test year to be reasonable. 
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IV ALLOCATION OF THE REVENUE REQUIREMENTS 

[28] The methodology used to allocate the revenue requirement to determine 

the base and consumption charges is consistent with the Utility’s previous rate 

applications.  The allocation between customer classes has also been applied 

consistently.  The revenue/cost ratios by customer class that would result from the 

proposed rate increases are as follows: 

 

[29] Mr. Dominie explained the objectives of the Application: 

There were ... conflicting objectives to of course have the application conform with the 
requirements under the Act, move rates directionally closer to the 95:105 cost -recovery 

requirement. And at the same time move towards a more favourable position vis -a-vis 
NSP rates. … 

[Transcript, p. 17] 

[30] When asked why the rates could not be moved more to be the same as 

NSPI rates, Mr. Dominie responded: 

Our understanding is, Mr. Chair, that underneath the Public Utilities Act, rates have to be 

based on the utility cost. And that would not be ... from a legal perspect ive would not be 
permitted underneath our interpretation of the Act at this point in time.  

[Transcript, p. 16] 

[31] Mr. Grant noted that the Municipality assumed that a 10% increase to the 

residential class and a 7.5% increase to the small industrial category was as far as 

could reasonably be done in a single step.  This was confirmed by Mr. Cleary and Mr. 

Dominie. 

Customer Class Revenue/Cost ratio

Residential 89%

Small General 145%

General 117%

Small Industrial 80%

Street Light 100%
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[32] Mr. Dominie commented that moving the rates further towards the 95 – 

105% range would be an objective in future years (2017 and 2018) if the Utility is not 

sold.  In response to an IR the Utility said: 

If the Utility is not sold to NSP and continues as a separate Municipal Utility we would 

anticipate a defined plan to move rates into the approved range.  No such plan has 
presently been developed as pursuit of the sale is our first priority.  Sale of the Utility to 
NSP would eliminate the issue as the customers would be absorbed into NSP’s rate 

structure. 

[Exhibit C-4, p. 6] 

 

Findings 

[33] The Board finds the allocations of the revenue requirements in the test 

period to be reasonable, while noting this is being done in the context of the Municipality 

actively seeking to sell the Utility.  If it is not sold in the near term the Board expects the 

Utility to submit another rate application in the following fiscal year with a main objective 

of establishing customer class rates that are within a revenue/cost ratio of 95 – 105%. 

[34] It is possible that the rates in this Application could be adjusted closer to 

the 95/105 revenue/cost ratio and NSPI’s rates.  However, the Board finds the present 

position of the Utility to minimize “rate shock” to be reasonable and approves the new 

schedule of rates. 

 

V CONCLUSION 

[35] The Application adjusts the rates to cover its revenue requirements.  In 

doing so the rates are moved closer to the 95 – 105% revenue to cost ratio by customer 

class. 

20
15

 N
S

U
A

R
B

 1
95

 (
C

an
LI

I)



- 10 - 

Document: 238313 

[36] The Municipality has actively been attempting to sell the Utility.  As a 

consequence it has not prepared a long-term capital budget.  If the Utility is not sold, 

then the Board expects the Utility to make a new application in the near future to deal 

with the capital budget and to bring the revenue/cost ratios for all classes closer to 

100%. 

[37] The Utility requested an effective date of July 1, 2015, for the new rates.  

The Board notes that electricity is billed bi-monthly with usage to the end of an even 

numbered month.  The Utility, in a compliance filing, is to file a revised effective date for 

the new rates. 

[38] Upon receipt of an acceptable compliance filing an Order will be issued. 

DATED at Halifax, Nova Scotia, this 27th day of July, 2015. 

 

 
 

      ______________________________ 
      Murray E. Doehler 
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A. Introduction 

1. Background 

[1] New Brunswick Power Corporation (NB Power) filed an application with the New Brunswick 
Energy and Utilities Board (Board) on October 17, 2014 (Application), seeking approval of a 
Class Cost Allocation Study (CCAS) methodology. The Application represents the first 
occasion, since 1992, that a CCAS methodology has been considered for approval in relation to 
NB Power as an integrated utility.  

[2] In the Application NB Power indicated that, until the Board has approved a CCAS methodology, 
any proposed rate increase would be uniform across all rate classes.  

[3] The hearing of the Application had been initially scheduled for April 20, 2015. On March 4, the 
Board received a letter from counsel for Utilities Municipal (UM letter), which indicated that 
there was a need for more evidence from NB Power.  

[4] In response to the UM letter, a procedural conference was convened. At that time, the Board was 
informed that there was a consensus that further and better evidence was required in order for the 
cost allocation issues to be fully considered. 

[5] Following the procedural conference, NB Power filed a Notice of Motion, requesting that the 
Board adjourn the CCAS hearing in order to prepare additional evidence. The Board granted the 
requested adjournment, pending receipt of further studies. The Board issued an Order setting out 
conditions for the adjournment (Adjournment Order).  

[6] The Adjournment Order required NB Power to carry out seven additional studies, five of which 
were to be filed in evidence for this Application. The remaining two studies are to be filed as part 
of NB Power’s general rate application for 2017/18. 

[7] All five studies were filed by the end of October 2015. NB Power filed a newly proposed 
2015/16 CCAS model with supporting evidence prepared by Mr. Todd of Elenchus Research 
Associates, Inc. (Elenchus Report).  The hearing commenced on February 1, 2016. 

2. The Purpose and Nature of a Class Cost Allocation Study 

[8] The Electricity Act (Act) requires the Board to approve or fix just and reasonable rates that NB 
Power charges for its services. In making this determination, there are a number of 
considerations that the Board takes into account. Some are prescribed by the Act, while others 
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are based on the Board’s consideration of the public interest. There are also a number of 
generally accepted regulatory principles that assist the Board in this task. 

[9] A widely accepted regulatory principle is that a utility’s costs should generally be shared 
between customer classes on the basis of cost causation. A CCAS is a method by which a 
utility’s revenue requirement is apportioned between rate classes. On a system-wide basis, the 
revenues to be obtained through approved rates from all customer classes should be equal to the 
sum of the cost apportionments for each customer class. To state this another way, the system 
revenue to cost ratio should equal 1.0 (or unity). 

[10] In theory, a revenue to cost ratio of 1.0 should apply for each class. There may be valid reasons, 
however, why rates will produce projected revenues higher than allocated costs for some classes, 
offset by rates for other classes that will produce revenues lower than allocated costs. In the 
decision of December 21, 2005, the New Brunswick Board of Commissioners of Public Utilities 
(PUB) indicated that “… a long term target range of .95 to 1.05 for the revenue to cost ratio for 
each class is reasonable.” This continues to be the view of the Board. 

[11] In addition to allocating costs, a CCAS is essential in the establishment of just and reasonable 
rates. By identifying the sources or nature of costs allocated to customer classes, rates can be set 
to provide effective price signals to the customer, which can shape consumption patterns to 
promote economically efficient use of electricity.  

[12] A CCAS generally follows a three-step process. First, costs are functionalized according to the 
broad investment and operational areas of the utility. In the case of electric utilities, the main 
functional areas are production (also referred to as generation), transmission, and distribution.  

[13] Second, the functionalized costs are classified according to how those costs are incurred. The 
three principal classifications are (a) demand costs, which vary with the megawatt demand 
imposed on the system by the customer; (b) energy costs, which vary with the amount of energy, 
or megawatt hours (MWh) provided to the customer in any period; and (c) customer costs, which 
are related to the number of customers served.  

[14] Third, the costs are allocated to the customer classes. This step is intended to fairly allocate costs 
to customers, based on the principle of cost causation.  

B. Issues  

[15] This decision will address the following issues: 



 

3 
 

1. What is the appropriate methodology for allocating fixed production costs given the 
circumstances of NB Power’s system and loads? 

2. Should the allocation of the demand related portion of fixed production costs be 
based on a modified peak and average methodology, using the average class 
contributions to three monthly system peaks, rather than a single system peak 
demand? 

3. Should natural gas purchased power agreement costs be classified as 100% energy, or 
should they be classified in the same way as other fixed generation costs?   

4. Should purchase power agreement costs related to wind power be classified as 100% 
energy, or should a portion of wind costs be classified as demand? 

5. Should combustion turbine fixed production costs be allocated in the same way as 
other NB Power production assets, or should they be sub-functionalized and classified 
as 100% demand? 

6. Should transmission costs continue to be classified as 100% demand, or should such 
costs be allocated in the same manner as fixed production costs? Secondly, should the 
costs of sole use transmission facilities be directly allocated to the rate class of 
customers served by such facilities? 

7. Should the Board consider introducing seasonality, based solely on the allocation of 
energy related costs, and should production costs be seasonally allocated in the 
absence of seasonal rates? 

8. Should energy and demand loss factors, associated with distribution, be incorporated 
into the CCAS methodology?  

C. Analysis 

1. Methodology for Allocation of Fixed Production Costs 

[16] NB Power’s historic method of allocating fixed production costs has been to classify such costs 
as 40% demand and 60% energy, as deemed by the PUB. Although this allocation approximates 
the outcome of the “Peaker Credit” methodology, the PUB made it clear in 2005 that it did not 
endorse that method.   

[17] NB Power had originally proposed retaining the 40/60 split to classify and allocate fixed 
production costs. Changes in the generation mix would have resulted in a 25/75 demand/energy 
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split, if the Peaker Credit method was applied. NB Power proposed retaining the 40/60 split to 
avoid a large shift in allocation, while seeking an alternative method. 

[18] In accordance with the Adjournment Order, NB Power filed a second report from Concentric 
Energy Advisors, Inc. (Concentric) dated May 13, 2015, which considered several generation 
cost classification and allocation methods (Study #1). It recommended against the continued use 
of the Peaker Credit method, citing “…potential problems with its continued use as the system’s 
generation/power supply mix continues to evolve”.   

[19] Instead, Concentric advocated using the Average and Excess method. This uses a “load structure 
approach”, which relies on energy load data to determine which loads are serving energy 
requirements and which are serving demand. The Concentric report acknowledged that NB 
Power would be undertaking a comprehensive review, however, and that this could result in 
alternative recommendations.  

[20] In preparation for the February hearing, NB Power examined further alternative methodologies. 
In response to paragraph 7 of the Adjournment Order, NB Power conducted a study (Study #5) 
which considered capital costs versus fuel costs with respect to generation cost classification 
(break-even analysis). The break-even analysis is also referred to as a Base and Peak method.  
The study, as detailed in the Elenchus Report, did not recommend the Base and Peak method 
since it is based on a generation fleet concept that is not similar to the NB Power fleet and does 
not reflect the way in which the fleet is used to minimize production costs.  None of the parties 
advocated for this methodology. 

[21] NB Power now proposes to adopt the Peak and Average method, as recommended in the 
Elenchus Report, for the allocation of fixed production costs. This method is similar to the 
Average and Excess method, in its reliance on load data. The proposed model uses multiple 
coincident peaks as opposed to a single coincident peak, an issue which is considered later in this 
decision. 

[22] The Elenchus Report outlines the reasons for recommending the Peak and Average method. It 
acknowledges that, while the Average and Excess method is an acceptable method, the Peak and 
Average method (as modified by the use of multiple peaks) “…would be more appropriate in 
light of the comprehensive review” conducted by Elenchus.  

[23] A key difference between the two methods is that Peak and Average uses coincident peak to 
determine peak demand. Average and Excess uses non-coincident peak to arrive at the excess 
demand over the average and thus recognizes class peak demands at times other than system 
peak. As demand-related fixed production costs are caused primarily by system peak, it is 
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Elenchus’ view that Peak and Average is more appropriate, particularly with its modification of 
multiple coincident peaks.  

[24] The use of the Peak and Average method was generally supported by all parties. Mr. Drazen, 
who appeared as the expert witness for J. D. Irving, Limited (JDI), stated in his opening 
statement that the Peak and Average method is acceptable, subject to the use of a single peak.  

[25] Utilities Municipal indicated that it had no preference between the Average and Excess method 
or the Peak and Average method, and that both are acceptable.  

[26] Mr. Whalen, of Multeese Consulting Incorporated, who was engaged as an expert by Board staff, 
supported the Multiple Coincident Peak and Average method, with the caveat that combustion 
turbines and wind generation should be treated differently. These issues are reviewed later in this 
decision. 

[27] Mr. Athas, the expert witness engaged by the Public Intervener, testified that he prefers the 
Peaker Credit method. He believes that the primary reason for NB Power’s rejection of Peaker 
Credit was the resulting shift in the demand/energy mix from 40/60 to 25/75.  He states that 
while the Peak and Average method is simple to compute and reflects changes in system load 
shape, it does not directly reflect cost causation. Mr. Athas testified that Peaker Credit reflects 
cost causation and should be continued, but recommends against shifting the 40/60 generation 
cost allocation at this time.  

[28] The Public Intervener submitted that the Peaker Credit method provides valuable information 
about the effect of NB Power’s generation investment decisions, pointing to the significant 
demand/energy shift when that method was updated in 2014. It was acknowledged, however, that 
there were valid arguments against the use of Peaker Credit. The Public Intervener ultimately 
recommended that the Multiple Coincident Peak and Average method, as proposed by NB 
Power, be adopted for this proceeding.  

[29] There are various acceptable methods for allocating fixed production costs. The issue is to 
determine which method is the most appropriate, given NB Power’s system and recognizing the 
evolving nature of NB Power’s generation supply mix.  Having considered all of the evidence, 
the Board finds that a methodology that relies on load-based data, such as the Peak and Average 
method or the Average and Excess method is the most appropriate.  

[30] The Board is also of the view that the allocation of energy costs versus demand costs is best 
resolved by reference to class coincident peaks, used in the Peak and Average method, rather 
than non-coincident peaks used in the Average and Excess method.  
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[31] For these reasons, the Board concludes that the Peak and Average method, as modified below, is 
the most appropriate method to allocate fixed production costs. 

2. Modified Peak and Average Methodology 

[32] NB Power proposes a modified version of the Peak and Average method, using multiple 
coincident peaks, rather than a single coincident peak. This modified version of the Peak and 
Average method is detailed in Appendix #3 of the Elenchus Report, which was prepared in 
compliance with the Adjournment Order.  

[33] The issue considered here is whether the allocation of the demand related portion of production 
fixed costs should be based on class contributions to a single system peak demand or, as 
Elenchus recommends, on the average class contributions to three monthly system peaks, being 
December, January and February. 

[34] Elenchus explains its recommendation to use three coincident peaks.  First, it submits that a 
single coincident peak is based on an over-simplification of the design factors that contributed to 
the current generation fleet and its utilization. According to the Elenchus Report, NB Power’s 
load duration curves “…make it clear that … there is essentially no distinction between plants 
required for base load operations and plants required only for peaking.”  

[35] A second rationale is that an average of several peak hours may be more stable, and better 
represents class responsibilities for demand related costs. This is because class contributions to 
the system peak may vary from time to time.  

[36] The Elenchus Report also states that the need to rely on estimates of class responsibility for 
demand requires that these estimates be averaged across multiple peak hours. This, according to 
Elenchus, may reduce the risk that relying on a single estimation of peak responsibility would 
result in an inequitable class allocation. The use of multiple peaks would “…reduce the risk the 
allocation [sic] of costs will reflect extreme circumstances that may occur in the single system 
peak hour of the year.”  

[37] The recommended multiple peak demand method uses estimates of class coincident peaks for the 
month of January (the 1CP demand) plus the class coincident peaks for the months of December 
and February.  The December and February forecast peak demands are within 10% of the 
January forecast peak demand.  

[38] The use of a three coincident peak (3CP) allocator was opposed by JDI. The pre-filed report of 
Mr. Drazen, dated December 11, 2015, questions the Elenchus rationale for using a 3CP 
allocator. The report points to NB Power’s statements made in its Load Forecast 2015-2025, its 
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Strategic Plan 2011-2040, and its Integrated Resource Plan 2014, which emphasize the need for 
NB Power to plan to meet the maximum energy requirement in a one-hour period of the year, 
including a reserve capacity. 

[39] Mr. Drazen testified that neither extreme risks, nor the actual peak month, is relevant for NB 
Power’s planning purposes, but rather, the magnitude of the peak. He stated that NB Power’s 
peak forecasting and class contributions to the peak are based on a normalized weather 
temperature of minus 24 Celsius. Thus, the allocator should be based on the forecast system peak 
demand, regardless of the month.  

[40] In its final argument, JDI submitted that the estimates of the coincident peaks for the distribution 
classes (Residential, General Service I & II and Small Industrial) are only estimates, and that by 
using three estimates instead of one, “…does more harm than good.” In its submission, the 
purpose of NB Power’s use of a 3CP allocator is a “rate smoothing mechanism,” and not as a 
means of allocation on the basis of cost causation. 

[41] Utilities Municipal supported the use of multiple coincident peaks.  It made the distinction 
between the use of peak for system planning purposes, and its use for cost allocation purposes. 
For system planning, the ability to meet the single system peak is the key objective. For 
allocation purposes, however, determining the magnitude of the system peak is not as important 
as knowing the relative contributions of the classes to the total under peak conditions. In its 
submission, an average of several peak hours may be more stable and more representative for 
determining class responsibilities for demand related costs. 

[42] Utilities Municipal also pointed out that using multiple coincident peaks mitigates the impact of 
anomalies that may exist during any particular system peak. For example, the time of day of a 
peak may determine whether or not the system load includes street lights. Similarly, the day of 
the week of a peak may determine whether certain general service or industrial customers are 
contributing to the demand.  

[43] The Board agrees that, for planning purposes, the ability of the system to meet the single hour of 
system peak load is critical. As Mr. Drazen points out, NB Power emphasizes that need in 
several of its planning documents.  

[44] In terms of class allocations of demand-based fixed production costs however, there are 
additional considerations. Relative class load responsibilities fluctuate month by month, day by 
day, and hour by hour. The choice of an appropriate peak demand method must therefore 
distinguish between what is relevant for system planning purposes, and what is the most 
appropriate for allocation purposes.  
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[45] Estimations of coincident peaks for the distribution classes are, by their nature, imperfect proxies 
for accurate hourly load data. Class load estimations based on a single hour may not be 
representative of typical class contributions during a system peak. The use of estimations based 
on the month of January and the two adjacent months with peak demands within 10% of 
January’s peak is, in the Board’s view, likely to provide a more reliable result.  This approach to 
using a multiple coincident peak allocator, where the demand peaks are within 10% of the single 
coincident peak, is a recognized approach in the National Association of Regulatory Utility 
Commissioners (NARUC) Electric Utility Cost Allocation Manual. 

[46] The Board therefore accepts the use of multiple coincident peaks in conjunction with the Peak 
and Average method, as proposed by NB Power. 

3. Natural Gas Purchased Power Costs 

[47] The proposed CCAS classifies all power supplied under purchased power agreements (PPAs) as 
100% energy.  There are several PPAs, two of which are related to natural gas. 

[48] Mr. Whalen, in his December 2015 report, states that the classification of those natural gas PPA 
costs as 100% energy is inappropriate. Mr. Whalen recommends that they be classified in the 
same way as other fixed generation costs, using the Multiple Coincident Peak and Average 
method. This would allocate a portion of such costs as demand. 

[49] Mr. Todd responded to this issue during cross-examination. In his analysis, if the natural gas 
PPA plants were owned and operated by NB Power, the fixed costs would be allocated using the 
Multiple Peak and Average method, as proposed, and fuel costs would be treated as 100% 
energy.  Mr. Todd acknowledged that the “purest approach” would be to look through the natural 
gas PPAs and classify the underlying costs accordingly. 

[50] NB Power confirmed that the natural gas PPAs are structured in such a way that it is possible to 
separate fixed capital and OM&A costs from fuel costs, the latter being significantly larger than 
the former.  

[51] NB Power proposed to undertake a detailed review of the natural gas PPAs, to identify the 
charges that reflect the fixed costs of the facilities, and allocate those costs using the Multiple 
Coincident Peak and Average method. The fuel charges would continue to be classified as 
energy. This would treat the PPAs in the same manner as NB Power’s own generation. NB 
Power proposed to implement this change for the cost allocation model for 2016/17 and 
subsequent years. This proposal, to address Mr. Whalen’s recommendation, is the most 
appropriate approach to this issue.  
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[52] Accordingly, the Board directs NB Power to review its natural gas PPAs, with a view to 
identifying the charges that reflect the fixed costs of the facilities, and to allocate those costs 
using the Multiple Coincident Peak and Average method. The fuel charges components of those 
agreements will continue to be classified as energy. The CCAS will be revised by NB Power 
accordingly. 

4. Wind Purchased Power Costs 

[53] Wind power, which is supplied to NB Power under PPAs, is classified as 100% energy. For 
planning purposes, NB Power assumes that wind generates an average of 30% of the nameplate 
capacity.  

[54] Mr. Whalen’s report recommends that a portion of wind purchase power costs should be 
classified as demand because there is a high probability that some portion of capacity will be 
available during times of system peak.  He recommends that the demand portion be equal to the 
30% nameplate capacity, which is considered as firm for planning purposes. Any generation in 
excess of such percentage would be classified as energy.  

[55] Mr. Drazen agreed with this approach. Utilities Municipal also supported this recommendation.  

[56] In his testimony, Mr. Todd emphasized that wind energy is unreliable and non-dispatchable. In 
his view, wind power does not assist NB Power in meeting capacity requirements, but is simply a 
source of energy. NB Power argued that, although wind contracts are on a take or pay basis, the 
supply is not on a firm basis, but rather, only available when conditions permit. NB Power 
submits that it must supply back-up capacity to wind generation to meet reliability requirements.  

[57] Finally, NB Power states that when wind energy is available, it reduces the need for out of 
province purchases or the need to incur fuel costs, both of which are energy cost savings. 
Conversely, when wind is not available, energy-related costs are incurred to replace it.  

[58] Wind energy is not relied upon to fulfill NB Power’s capacity to meet peak loads. Further, the 
level of its contribution to in-province energy needs during any period will either reduce other 
energy-related costs or require other energy related costs to be incurred.  

[59] The Board determines that wind PPA costs are properly classified as 100% energy related.  
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5. Combustion Turbine Costs 

[60] In NB Power’s proposed CCAS, there is no sub-functionalization of its production assets. All 
fixed costs of production are classified and allocated in accordance with the Multiple Coincident 
Peak and Average method.  

[61] In his report, Mr. Whalen agrees with this approach, except in relation to NB Power’s 
combustion turbine costs. In his view, those fixed costs should be classified as 100% demand 
related.  

[62] In his testimony, Mr. Todd recommended that all of NB Power’s generation assets should be 
treated as one integrated package, for the purposes of applying a methodology to generation 
costs. In his view, if combustion turbines were to be treated differently, then to be consistent, the 
allocators for all other forms of generation, or perhaps every plant, should be likewise assessed. 
In his view, this would be a complex exercise, with little benefit.  

[63] NB Power submitted that carving out combustion turbine costs for different treatment would not 
result in a more equitable allocation of costs or an allocation that is more consistent with cost 
causality. 

[64] Utilities Municipal submitted that Mr. Whalen’s recommendation “lacks internal consistency”, 
and that approval of the Multiple Coincident Peak and Average method should be applied to all 
of the plants forming NB Power’s generation fleet.  

[65] The Board agrees that the application of the Multiple Coincident Peak and Average method 
should be consistently applied to all fixed NB Power generation costs. That methodology focuses 
on load characteristics, and not on the nature or intended use of generation plants. The Board 
accordingly approves the application of the Multiple Coincident Peak and Average method in 
relation to all of NB Power’s production assets, as proposed. 

6.  Transmission Costs 

[66] The proposed CCAS methodology classifies transmission costs as 100% demand, using a 3CP 
allocator. Two issues were raised in connection with the proposed method. 

[67] First, Mr. Whalen recommends classifying transmission in the same manner as production; that 
is, both demand and energy, using the Multiple Coincident Peak and Average method. Mr. 
Whalen submits that NB Power’s interconnections are for the purpose of importing and 
exporting energy. He also cites examples of other Canadian jurisdictions which classify a portion 
of transmission as energy.  
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[68] Mr. Larlee, Director of Strategic Planning for NB Power, testified that NB Power’s transmission 
system is designed to meet the peak demand. Reliability was described as a key reason for 
interconnections with external grids, and that transmission interconnections are not built solely to 
serve the export market.  

[69] Mr. Todd testified that he is not aware of any jurisdiction in which all transmission assets are 
treated, for allocation purposes, in the same manner as generation plant. He recommends 
maintaining the current classification of transmission as 100% demand.  

[70] In the Board’s view, while generation may employ a mix of assets designed and built to meet 
base loads or peak loads, transmission assets are designed and built to meet peak loads. Although 
generation plant may have energy constraints, the same is not true of transmission assets, for 
which capacity is the only constraint. The Board also accepts that reliability is a key reason for 
interconnections with external grids, and that transmission interconnections are not built solely to 
serve the export market. 

[71] The Board finds that transmission costs should be allocated as 100% demand.  The existing 
method of treating transmission as wholly demand based is more reflective of cost causality than 
the approach recommended by Mr. Whalen.  

[72] The second issue relating to transmission costs was raised by Utilities Municipal. It requested 
that the Board directly allocate sole use transmission facilities to the rate class of customers 
served by those facilities.  

[73] A total of 1,253 km of transmission lines solely serve wholesale, industrial and distribution 
customers. Directly allocating the costs associated with those assets would reduce the allocation 
of transmission costs to the Wholesale rate class by 0.4% ($518,000), which is offset by 
increased allocations to other classes. It would have no impact on the rounded revenue to cost 
ratio of any class. 

[74] The Board finds that direct allocation is more accurate and better reflects cost causality. NB 
Power is ordered to directly allocate the costs of sole use transmission assets in the 
implementation of an approved CCAS methodology. 

7. Seasonal Allocation of Costs 

[75] Pursuant to the Adjournment Order, Elenchus conducted a study (Study #2), considering the 
seasonal allocation of production costs to rate classes. Elenchus does not recommend introducing 
seasonality into the CCAS model at this time. It suggested that seasonal allocation could be 
considered in the CCAS model for 2017/18 or later, in the event that NB Power considers using 
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seasonal rates. Accordingly, NB Power does not propose seasonal allocation in the current 
CCAS application. 

[76] Production costs are classified as either demand or energy. In relation to demand costs, Elenchus 
states that, while monthly coincident peak demands can be estimated by customer class, NB 
Power does not currently have monthly or seasonal load profiles for all classes.   

[77] Energy costs, however, deal with energy consumption, and not peak demand. As a result, 
Elenchus states that allocating fuel and purchased power on a seasonal basis could be estimated 
with “reasonable accuracy.”  It illustrated a seasonal allocation of such costs, based only on the 
estimated energy consumption for each class.  

[78] Many of the arguments that were advanced during the hearing were with respect to introducing 
seasonality, based solely on the allocation of energy costs, without considering demand costs. 
Other arguments were centered on whether seasonal allocation should take place in the absence 
of corresponding seasonal rates.  

[79] The issues are therefore: (a) should the Board consider introducing seasonality, based solely on 
the allocation of energy costs, and (b) should production costs be seasonally allocated in the 
absence of seasonal rates.  

[80] Dealing with the first issue, NB Power states that the allocation of fuel and purchased power 
costs on a seasonal basis should not be considered until its impact on all customer classes is 
known.  NB Power suggests that classes that might benefit from seasonal allocation could see 
that benefit offset, if other time-of-use cost variances were considered. It also suggests that there 
is a risk that, in implementing the seasonal allocation of energy costs, certain classes whose 
revenue to cost ratios are currently outside of the range of reasonableness may move further 
away from that range. 

[81] JDI submits that energy costs should be allocated on a seasonal basis now, because they are 
easily identifiable. JDI relies on the evidence of Mr. Drazen, who recommends the allocation of 
fuel and purchased power costs on a monthly basis, because of large monthly variations in those 
costs per MWh. In his opinion, fuel and purchased power costs are much higher in winter 
(December to March), because of out-of-province purchases and higher cost generation from 
Coleson Cove and Bayside. Although his recommendation is for monthly allocation, Mr. Drazen 
stated in his opening statement: “On the issue of monthly versus seasonal allocation, both 
produce similar results. Both are preferable to the annual method. As between the two, the 
monthly allocation approach is more accurate. The allocated costs can then be combined into 
seasonal rates if desired.” 
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[82] The evidence of Mr. Athas had recommended that the Board adopt the Peaker Credit 
methodology of cost allocation. He concluded that, using that methodology, costs can be 
allocated seasonally without seasonal rates. He testified, however, that a seasonal energy cost 
allocation should not be adopted in the 2016/17 rates if the Board approved the Multiple 
Coincident Peak and Average method.  He stated that “…the step away from cost causation to 
the 3CP and average methodology would not necessarily warrant the precision of seasonal 
allocation.”   

[83] In closing argument the Public Intervener submitted that seasonal allocation of costs should not 
be implemented as a result of this proceeding, pending NB Power obtaining and reviewing better 
hourly load data.  

[84] The seasonal allocation of costs, including energy costs, is a generally accepted approach. To the 
extent that seasonal costs are attributed to the appropriate class of customers and the allocation 
adds precision, there is value in considering this methodology.  

[85] The overall impact of seasonal allocation, however, can only be estimated at this time. Seasonal 
allocation of energy costs is just one dimension of other time-of-use cost drivers.  Costs also vary 
between high and low demands of a typical day and intra-week. There may be other allocations 
and impacts that should be considered.  

[86] The Board accepts in principle that allocation on the basis of seasonality is valid and the 
allocation of energy costs is possible at this time. More information relating to demand allocation   
is required, however, prior to making this allocation.  

[87] The second issue is whether energy costs should be allocated on a seasonal basis in the absence 
of seasonal rates.  

[88] Elenchus states that the primary purpose of allocating costs on a seasonal basis is to develop 
seasonal rates, which would serve as a price signal to customers.   Elenchus also states that, 
unless seasonal or time of use rates are contemplated, it does not recommend seasonal allocation 
of any production costs in the proposed CCAS model. Elenchus suggests that it may be 
appropriate to revisit the issue of seasonality, in the event that NB Power’s program to reduce 
and shift demand (RASD) leads to a consideration of seasonal rates. 

[89] Mr. Larlee testified that, without seasonal rates to reflect seasonal allocation of costs, certain 
customers within a customer class could be disadvantaged. He referred to the difference between 
residential customers who are not electrically heated, and those who heat with electricity. With a 
flat rate structure, the former customers would receive the seasonal cost allocation without any 
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means to reduce their bill. Residential class customers that do not heat with electricity form 37% 
of that class. 

[90] In contrast, JDI emphasized the need to segregate allocation issues from rate design issues. It 
submits that the rate impact of allocations on particular customer classes should not inhibit an 
appropriate allocation that is reflective of cost causation. It submits the allocation can proceed, 
without the need for seasonal rates and that rate design can be addressed separately. 

[91] Utilities Municipal submitted that it is not requesting implementation of seasonal allocation at 
this time.  In its view, seasonal or monthly allocations should not be made without a strategy to 
“carry costs all the way to the customer level” and a strategy to provide support to customers in 
responding to the price signal. It also pointed to the impact of seasonality on customer classes 
that are not homogeneous in terms of the seasonality of their use. Seasonal allocation without a 
corresponding rate will result, in its submission, in a subsidy by intra-class customers who use 
less winter energy than the average for that class.  

[92] The Board finds that energy related costs should not be allocated at this time, without a 
corresponding rate design. First, allocating costs without a seasonal rate design that appropriately 
reflects the allocation, would deny rate classes the price signal that would encourage changes in 
consumption patterns. This relates to a timing gap between the allocation of fuel and purchased 
power costs, on one hand, and the implementation of appropriate rates on the other. 

[93] Second, the fact that certain rate classes are not homogeneous in their seasonal patterns raises the 
potential of intra-class unfairness, in the absence of appropriate rate design. This is a matter 
properly considered in the context of a hearing in which rate design and rates are under 
consideration. 

[94] The Board is of the view that the seasonal allocation of energy related fuel and purchased power 
costs should be implemented with a corresponding approved rate design. It is preferable that 
rates are designed in a way that will allow the utility to recover its revenue requirement from 
each customer class in accordance with its share of allocated costs, and provide customers with 
appropriate price signals.  

[95] NB Power is directed to prepare a proposed strategy for the timely introduction of seasonal 
allocation of energy and demand production costs together with a corresponding rate design 
strategy. The proposed strategy is to be filed with the Board by June 1, 2017.  
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8. Energy and Demand Loss Factors  

[96] The Adjournment Order required NB Power to conduct a study, updating the energy and demand 
loss factors associated with distribution components, and to include a recommendation as to 
whether and how such an update could be incorporated in a CCAS methodology.  This study 
(Study #4) was filed in this matter as part of the Elenchus Report.  

[97] Elenchus recommends annual updates of the energy and demand loss factors for the primary 
distribution circuits, distribution transformers and the secondary distribution circuits, and that the 
updated loss factors be implemented for the 2016/17 and 2017/18 CCAS models. None of the 
parties disagreed with this recommendation. 

[98] The Board directs that NB Power prepare an update of the energy and demand loss factors for 
the primary distribution circuits, distribution transformers and the secondary distribution circuits, 
to be incorporated as part of the CCAS methodology. The Board further directs NB Power to 
prepare annual updates of such loss factors, to be incorporated in each subsequent general rate 
application.  

D. Conclusion  

[99] The Board approves the CCAS model as proposed by NB Power, subject to those elements 
modified by the Board in this decision, namely: 

a) The fixed cost portions of NB Power’s natural gas PPAs will be allocated using the 
approved Multiple Coincident Peak and Average method. The fuel charges 
components of those contracts would continue to be classified as energy. 
 

b) NB Power will directly allocate the costs of sole use transmission assets. 
 
c) Updated energy and demand loss factors for the primary distribution circuits, 

distribution transformers and the secondary distribution circuits, will be incorporated 
as part of the CCAS methodology. 

[100] NB Power is directed to file a revised CCAS model, incorporating the changes arising from this 
decision in its 2017/18 general rate application. 
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PART ONE. APPLICATION AND PROCEEDING
2

	

3

	

I.

	

THE APPLICATION
4
5 Newfoundland Power Inc. ("Newfoundland Power") filed a general rate application (the
6 "Application") with the Board of Commissioners of Public Utilities (the "Board") on September

	

7

	

14, 2012 for an Order of the Board approving, among other things, an overall average increase in

	

8

	

current electricity rates of 6,0% as of March 1, 2013 for the supply of power and energy to its
9 customers. In the Application Newfoundland Power proposes that the Board approve:

10

	

11

	

1. rates, tolls and charges with effect from March 1, 2013 which result in an overall average

	

12

	

increase in current customer rates of 6.0% and average increases in proposed customer

	

13

	

rates by class as follows:

Rate Class Average Increase

Domestic 7.2%

General Service 0-100 kW (110 kVA) 0.6%

General Service 110-1000 kVA 6.0%

General Service 1000 kVA and Over 6.0%

Street and Area Lighting 6.0%

14

	

2. certain rate structure changes to all rate classes, with effect from March 1, 2013,
15

	

including the merger of Rates 2.1 and 2.2 into a single rate class, and changes to the
16

	

demand and energy charges, the energy block, the early payment discount and the basic
17

	

customer charge across several rate classes;
18
19

	

3. an increase in the current rate of return on average rate base from 8.14% to 8.64% for
20

	

2013 and 8.58% for 2014;
21
22

	

4. a forecast average rate base for 2013 of $917,891,000 and for 2014 of $954,123,000;
23
24

	

5, the approval of an increase in rates based on the forecast revenue requirements from
25

	

customer rates for 2013 of $601,551,000 and for 2014 of $618,846,000;
26
27

	

6. the discontinuation of using the automatic adjustment formula for setting the allowed rate
28

	

of return on average rate base for Newfoundland Power;
29
30

	

7. certain amendments to the Rate Stabilization Clause in the rules and regulations governing
31

	

Newfoundland Power's provision of electrical service to its customers; and
32
33

	

8. several changes in relation to accounting treatments, policies and procedures, including:



2

	

1

	

(a) the calculation of the depreciation expense with effect from January 1, 2013 by

	

2

	

using the depreciation rates recommended in the Depreciation Study filed with the

	

3

	

Application and the amortization of the accumulated reserve variance of

	

4

	

approximately $2.6 million over the remaining life of the assets;
5

	

6

	

(b) the calculation of the defined benefit pension expense for regulatory purposes in

	

7

	

accordance with United States Generally Accepted Accounting Principles and the

	

8

	

amortization over 15 years of the forecast defined benefit pension expense

	

9

	

regulatory asset of approximately $12.4 million;
10

	

11

	

(c) the deferral and amortization with effect from January 1, 2013 of annual customer

	

12

	

energy conservation program costs over a seven-year period;
13

	

14

	

(d) the annual disposition of prior year balances in the Weather Normalization Reserve

	

15

	

through the Rate Stabilization Account, with effect from January 1, 2013; and
16

	

17

	

(e) the recovery over a three-year period, from 2013 through 2015, of:
18

	

19

	

(i) certain cost recovery deferrals approved in 2011 and 2012;
20

	

21

	

(ii) an estimated $1.25 million in Board and Consumer Advocate costs related to the

	

22

	

Application;
23

	

24

	

(iii) the outstanding year-end balance for 2011 in the Weather Normalization Reserve

	

25

	

of approximately $5.0 million due to customers; and
26

	

27

	

(iv) a forecast 2013 revenue shortfall of an estimated $980,000.
28
29 II, NOTICE AND INTERVENORS
30
31 Notice of the Application and pre-hearing conference was published in newspapers throughout
32 the Province beginning on September 29, 2012. The pre-hearing conference was held on October

	

33

	

11, 2012. Order No. P.U. 32(2012) identified intervenors, established procedural rules and set
34 the schedule for the proceeding,
35
36 Newfoundland Power was represented by Mr. Ian Kelly, QC, Mr. Gerard Hayes and Mr. Liam
37 O'Brien. Registered intervenors for the proceeding were the Government appointed Consumer
38 Advocate, Mr. Thomas Johnson, assisted by Mr. Greg Kirby, and Newfoundland and Labrador
39 hydro, represented by Mr. Geoff Young. Newfoundland and Labrador Hydro advised in its

	

40

	

Intervenor Submission that it proposed to participate in the proceeding in a limited fashion. It

	

41

	

was copied with all the documents throughout the proceeding but did not otherwise participate.
42
43 The Board was assisted by Ms. Jacqueline Glynn, Legal Counsel, Ms. Maureen Greene, QC,
44 Board Hearing Counsel, and Ms. Cheryl Blundon, Board Secretary.
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1

	

On December 14, 2012 notice of the hearing was published inviting participation in the hearing
2 which was scheduled to begin on January 10, 2013.
3
4 III. PRE-FILED EVIDENCE
5
6 Newfoundland Power filed comprehensive supporting material with the Application including
7 the written evidence of company and expert witnesses and other reports and exhibits.
8
9 On November 9, 2012 the Board's financial consultants, Grant Thornton LLP ("Grant

10 Thornton"), completed its review of the Application and filed a report. On November 28, 2012
11

	

the Board's cost of capital expert, Mr. Troy MacDonald of Grant Thornton, filed a report.
12
13 On November 28, 2012 evidence was filed on behalf of the Consumer Advocate by:
14

	

(i) Dr. Laurence Booth of the Rotman School of Management, University of Toronto,
15

	

in relation to cost of capital; and
16

	

(ii) Mr. Jacob Pous of Diversified Utility Consultants Inc., in relation to depreciation.
17
18 On December 14, 2012 Newfoundland Power filed Rebuttal Evidence of Mr. John W.
19

	

Wiedmayer, Jr. of Gannett Fleming Inc. in relation to depreciation.
20
21

	

On January 18, 2013 the Consumer Advocate filed Surrebuttal Evidence of Mr, Jacob Pous.
22
23 A total of 955 Requests for Information were filed and answered in the proceeding.
24
25 IV. NEGOTIATION AND SETTLEMENT PROCESS
26
27 The schedule for the proceeding included a number of negotiation days to enable and/or facilitate
28 discussion between Newfoundland Power and the intervenors to determine what, if any,
29 agreement may be reached. The Board set aside December 17, to December 19, 2012 for
30 negotiations and Board Hearing Counsel facilitated the discussions. Newfoundland and Labrador
31

	

Hydro advised that it would not participate.
32
33 On December 21, 2012 a settlement agreement between Newfoundland Power and the Consumer
34 Advocate was filed with the Board (the "Settlement Agreement"). The Settlement Agreement
35

	

addressed a range of issues, including forecasting, certain amortizations, accounting changes and
36

	

rate design issues.
37
38 V. THE HEARING
39
40 The hearing began as scheduled and testimony was heard on January 10, 14, 15, 16, 17, 18, 23,
41

	

24, 25 and 31,-2013. During the hearing the following witnesses testified:
42
43 On behalf of Newfoundland Power:
44 Mr. Earl Ludlow

	

President and Chief Executive Officer
45

	

Ms. Jocelyn Perry

	

Vice-President, Finance and Chief Financial Officer
46 Mr. Gary Smith

	

Vice-President, Engineering and Operations



4

	

1

	

Ms. Kathleen McShane

	

President, Foster Associates, Inc.

	

2

	

Dr. James Vander Weide

	

Research Professor, Finance and Economics

	

3

	

Fuqua School of Business, Duke University

	

4

	

Mr. John Wiedmayer, Jr.

	

Project Manager, Depreciation Studies

	

5

	

Valuation and Rate Division

	

6

	

Gannett Fleming Inc.
7
8 On behalf of the Consumer Advocate:

	

9

	

Dr. Laurence Booth

	

Professor of Finance

	

10

	

Rotman School of Management

	

11

	

University of Toronto

	

12

	

Mr. Jacob Pous

	

Principal, Diversified Utility Consultants Inc.
13
14 On behalf of the Board:

	

15

	

Mr. Troy MacDonald

	

Partner, Advisory Service

	

16

	

Grant Thornton LLP
17
18 On January 31, 2013 the Board heard a presentation from Mr. Winston Adams. The Board also
19 received six written letters of comment. The Board expresses its appreciation to everyone who
20 took the time to participate in the proceeding, especially Mr. Adams who attended the hearing

	

21

	

and made a very comprehensive and informative presentation to the Board.
22
23 On February 5, 2013 written submissions were filed by Newfoundland Power and the Consumer
24 Advocate.
25
26 On February 8, 2013 oral submissions were presented by Newfoundland Power and the
27 Consumer Advocate.
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1

	

PART TWO. BOARD DECISIONS
2
3 I. SETTLEMENT AGREEMENT
4
5 The Settlement Agreement was filed with the Board on December 21, 2012. Newfoundland
6 Power, the Consumer Advocate and Board Hearing Counsel executed the Settlement Agreement.
7 In considering the Settlement Agreement the Board must be satisfied that the proposals are
8

	

reasonable and consistent with the existing regulatory framework and legislation, with particular
9 reference to the power policy of the Province as set out in section 3 of the Electrical Power

10

	

Control Act, 1994, SNL 1994, Chapter E-5.1.
11
12 The Settlement Agreement sets out the following consensus issues;
13
14

	

• 2013 and 2014.Customer, Energy and Demand Forecast;
15

	

• accounting treatment of the defined benefit pension expense for regulatory purposes;
16

	

• amortization of Conservation Program Costs and an amendment to the definition of
17

	

the Conservation and Demand Management Cost Deferral Account;
18

	

• amendments to the Weather Normalization Reserve account;
19

	

• amortization of regulatory deferrals and reserves;
20

	

• forecast average rate base;
21

	

• rate design and rate structure; and
22

	

• changes to the Rate Stabilization Clause.
23
24 1.

	

2013 and 2014 Customer, Energy and Demand Forecast
25
26 The parties to the Settlement Agreement agree that the Board may accept and rely upon the 2013
27 and 2014 Customer, Energy and Demand Forecast, dated August 2012, which was filed with the
28 Application.
29
30 Newfoundland Power explains that the number of customers is forecast to increase by

a31

	

approximately 1:3 /o annually both 2013 and 2014. Energy sales are forecast to increase byY

	

gY
032 approximately 1.2% annually in both 2013 and 2014. Demand is forecast to increase by

33 approximately 1.6% in 2013 and 1.3% in 2014 and demand purchases from Hydro are forecast to
34

	

increase by 1.8% in 2013 and 1.4% in 2014.
35
36 Grant Thornton explains that the Customer, Energy and Demand Forecast forms the foundation
37 of Newfoundland Power's planning process and is a key input in developing estimates of capital
38 expenditures and revenue from electrical sales and expenditures on purchased power, Grant
39 Thornton confirmed that Newfoundland Power's methodologies for forecasting as described in
40 the Customer, Energy and Demand Forecast are consistent with those used in the last general rate
41

	

application.
42
43 The Board accepts the agreement in relation to the Customer, Energy and Demand
44 Forecast and accepts the 2013 and 2014 Customer, Energy and Demand Forecast, dated
45 August 2012, to be used in calculating the 2013 and 2014 forecasts of revenue requirement,
46 rate base and rate of return on rate base for the purpose of determining customer rates.
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1

	

2.

	

Defined Benefit Pension Expense
2

	

3

	

The parties to the Settlement Agreement agree that the Board should approve, with effect from
4 January 1, 2013, Newfoundland Power's proposal to calculate defined benefit pension expense
5 for regulatory purposes in accordance with United States Generally Accepted Accounting

	

6

	

Principles, and to amortize over 15 years the forecast defined benefit pension expense regulatory

	

7

	

asset of approximately $12.4 million.
8
9 In Order No. P.U. 27(2011) the Board approved Newfoundland Power's adoption of United

	

10

	

States Generally Accepted Accounting Principles for regulatory purposes. This Order gave
11 Newfoundland Power the authority to calculate its annual defined benefit pension expense for
12 regulatory purposes in accordance with United States Generally Accepted Accounting Principles.

	

13

	

In Order No. P.U. 11(2012) the Board approved the creation of a regulatory asset to reflect the
14 2012 difference in the annual defined benefit pension expense calculated under United States
15 Generally Accepted Accounting Principles and Canadian Generally Accepted Accounting

	

16

	

Principles.
17

	

18

	

Newfoundland Power proposes, effective January 1, 2013, to: (i) calculate annual defined benefit
19 pension expense for regulatory purposes in accordance with United States Generally Accepted

	

20

	

Accounting Principles; and (ii) amortize the recovery of the forecast regulatory asset of

	

21

	

approximately $12.4 million over 15 years. Newfoundland Power states that the proposal will
22 reduce its revenue requirement since the proposed annual defined benefit pension expense under

	

23

	

United States Generally Accepted Accounting Principles, including the amortization of the
24 regulatory asset, is forecast to be lower than it would be under Canadian Generally Accepted
25 Accounting Principles by approximately $0.5 to $0.7 million through 2017. Newfoundland
26 Power explains that the single remaining difference between financial reporting and regulatory
27 reporting which arose with the adoption of United States Generally Accepted Accounting

	

28

	

Principles will also be eliminated,
29
30 Grant Thornton concurs that the proposed treatment will reduce the revenue requirement for

	

31

	

2013 and 2014 and further that eliminating differences between financial and regulatory
32 reporting will enhance transparency. Grant Thornton advises that it agreed the defined benefit
33 pension expense under both the current and proposed methods to the supporting documentation.
34
35 The Board accepts the agreement in relation to defined benefit pension expense and
36 effective January 1, 2013 will approve: i) Newfoundland Power's proposed calculation of

	37

	

this expense; and ii) the amortization over 15 years of the forecast defined benefit pension
	38

	

expense regulatory asset of approximately $12.4 million.
39

	

40

	

3.

	

Conservation Program Costs
41
42 The parties to the Settlement Agreement agree with Newfoundland Power's proposal to defer

	

43

	

and amortize annual customer energy conservation program costs, commencing in 2013, over
44 seven years, as well as the proposed change in the definition of the Conservation and Demand
45 Management Cost Deferral Account.
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1

	

Conservation program costs are forecast to increase by approximately $2.4 million each year.
2 Newfoundland Power currently expenses customer energy conservation program costs in the

	

3

	

year in which they are incurred and is proposing to instead defer and amortize these costs over a
4 seven-year period commencing in 2013 with recovery through the Rate Stabilization Account.

	

5

	

Newfoundland Power states that this is reasonably consistent with public utility practice in

	

6

	

relation to conservation cost recovery.
7
8 Newfoundland Power is also proposing a change in the definition for the Conservation and
9 Demand Management Cost Deferral Account. Newfoundland Power and Newfoundland and

10 Labrador Hydro recently completed an assessment of the portfolio of conservation programs and

	

11

	

the jointly prepared report, Five-Year Energy Conservation Plan: 2012-2016, was filed with the

	

12

	

Application. The principal changes to the conservation programs relate to: (i) the discontinuation

	

13

	

of certain residential incentives for new construction; (ii) the introduction of new residential
14 customer programs; and (iii) expansion of commercial customer programs.
15

	

16

	

Grant Thornton explains that annually recurring general conservation costs relating to providing
17 general customer information, community outreach and planning will continue to be expensed in

	

18

	

the year in which costs are incurred, Grant Thornton advises that nothing arose in its review to
19 indicate that regulatory deferrals and amortizations are unreasonable or not in accordance with
20 Board Orders, though Grant Thornton notes that the amortization period is longer than has been

	

21

	

used in the past for recovery of costs of this nature.
22
23 The Board accepts the agreement in relation to conservation program costs and will
24 approve, effective January 1, 2013,: i) the proposed change in the definition of the
25 Conservation and Demand Management Cost Deferral Account, and ii) the amortization of
26 annual customer energy conservation program costs over seven years with recovery
27 through the Rate Stabilization Account.
28

	

29

	

4.

	

Weather Normalization Reserve
30

	

31

	

The parties to the Settlement Agreement agree that the Board should approve Newfoundland

	

32

	

Power's proposals that, with effect from January 1, 2013: i) annual balances in the Weather
33 Normalization Reserve be recovered from, or credited to, customers as part of the annual Rate

	

34

	

Stabilization Account adjustment to customer rates; and ii) the outstanding year-end balance in
35 2011 in the Weather Normalization Reserve of approximately $5.0 million due to customers be
36 amortized over three years commencing in 2013.
37
38 The Weather Normalization Reserve normalizes the effects of weather and hydrology on
39 Newfoundland Power's sales and power supply costs, The purpose of the reserve is to ensure that
40 Newfoundland Power does not experience an earnings windfall or shortfall as a result of weather

	

41

	

conditions. Currently, balances reflecting annual transfers to and from the Weather
42 Normalization Reserve are considered annually by the Board and potential disposition of accrued

	

43

	

balances in the reserve have typically been reviewed by the Board during general rate

	

44

	

applications.
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1 Newfoundland Power is proposing that annual balances in the reserve be recovered from, or

	

2

	

credited to, customers as part of the annual Rate Stabilization Account adjustment on July 1 of
3 each year. Newfoundland Power is also proposing that the outstanding year-end balance in 2011

	

4

	

of approximately $5.0 million after tax due to customers be amortized over three years,
5 commencing in 2013. Newfoundland Power states that the Weather Normalization Reserve is the
6 only regulatory mechanism which does not provide for timely recovery or credit of balances.
7
8 Grant Thornton notes that the proposal to include the amortization of the Weather Normalization
9 Reserve in the annual Rate Stabilization Account adjustment would be consistent with the

10 regulatory treatment of Newfoundland Power's other supply cost mechanisms and, according to

	

11

	

Newfoundland Power, is consistent with current regulatory practice in Canada.
12
13 The Board accepts the agreement in relation to the Weather Normalization Reserve and
14 will approve, with effect from January 1, 2013: i) that annual balances in the Weather
15 Normalization Reserve Account be recovered from or credited to customers through the
16 Rate Stabilization Account; and ii) the amortization over three years of the outstanding
17 2011 year-end balance due to customers in the Weather Normalization Reserve of

	18

	

approximately $5.0 million.
19

	

20

	

5.

	

Cost Recovery Deferrals
21
22 The parties to the Settlement Agreement agree with Newfoundland Power's proposal that the
23 Board should approve, with effect from January 1, 2013, Newfoundland Power's proposal to
24 amortize and recover over a three-year period, commencing in 2013, the deferrals that were

	

25

	

ordered by the Board in Order Nos, P.U. 30(2010), P.U. 22(2011) and P,U. 17(2012).
26
27 In Order Nos. P.U. 30(2010) and P.U. 22(2011) the Board approved the deferred recovery of

	

28

	

approximately $2.4 million in each of 2011 and 2012, which is the difference between actual
29 regulatory deferrals and the amount that was included in the 2010 test year revenue requirement.
30 In Order No. P.U. 17(2012) the Board approved the deferred recovery of the amount of the

	

31

	

difference in revenue for 2012 relating to the determination of Newfoundland Power's 2012 cost
32 of capital estimated to be approximately $2.5 million. Newfoundland Power is proposing to

	

33

	

amortize these deferrals using the straight-line method over a three-year period beginning in

	

34

	

2013.
35
36 The Board accepts the agreement in relation to previously ordered deferrals, and will
37 approve the amortization over three years, commencing in 2013, of: i) the deferrals
38 approved in Order Nos. P.U. 30(2010) and P.U. 22(2011) in the amount of $4,726,000; and
39 ii) the deferral approved in Order No. P.U. 17(2012) of approximately $2.5 million.
40

	

41

	

6.

	

Hearing Costs
42
43 The parties to the Settlement Agreement agree with Newfoundland Power's proposal that an
44 estimated $1.25 million in Board and Consumer Advocate hearing costs be recovered in

	

45

	

customer rates evenly over a three-year period from 2013 to 2015.
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1

	

Newfoundland Power estimates that it will be billed approximately $1.25 million for Board and

	

2

	

Consumer Advocate costs related to the Application.
3

	

4

	

Grant Thornton notes that the proposal is consistent with previous Board Orders and that it will
5 have a forecast annual revenue requirement impact of approximately $417,000.
6
7 The Board accepts the agreement in relation to hearing costs and will approve the
8 amortization over three years, commencing in 2013, of costs billed to Newfoundland Power
9 for Board and Consumer Advocate hearing costs related to the Application, estimated to be

	10

	

$1.25 million.
11

	

12

	

7.

	

2013 Revenue Shortfall
13
14 The parties to the Settlement Agreement agree with Newfoundland Power's proposed
15 amortization from the effective date of the new rates to December 31, 2015 to provide for

	

16

	

recovery in customer rates of any 2013 revenue shortfall.
17
18 Newfoundland Power explains that, based upon a March 1, 2013 implementation, customer rates
19 designed to recover the 2013 revenue requirement would result in an estimated $980,000
20 shortfall in recovering the 2013 revenue requirement. Newfoundland Power is proposing a

	

21

	

revenue amortization to recover this shortfall.
22

	

23

	

The parties agree with the proposed amortization and further that the amount of the 2013 revenue
24 shortfall will be affected with a later implementation date than March 1, 2013 and that the

	

25

	

amortization should provide for recovery of any 2013 revenue shortfall.
26
27 The Board accepts the agreement in relation to the 2013 revenue shortfall and will approve
28 the amortization over three years, commencing in 2013, of the 2013 revenue shortfall
29 resulting from the implementation of rates after January 1, 2013.
30

	

31

	

8.

	

Forecast Average Rate Base
32
33 The parties to the Settlement Agreement agree that Newfoundland Power's forecast 2013 and

	

34

	

2014 average rate base, as set out in the Application, should be used for ratemaking purposes,

	

35

	

subject to adjustment by the Board in relation to issues not addressed in the Settlement
36 Agreement.
37
38 The parties also agree that Newfoundland Power's forecast 2013 and 2014 rate base, as set out in
39 the Application, is calculated in accordance with Board Orders and regulatory practice,
40

	

41

	

Grant Thornton concludes that the forecast average rate base is in accordance with established
42 practice and accurately reflects Newfoundland Power's proposals with respect to the updated

	

43

	

depreciation study, pension costs under United States Generally Accepted Accounting Principles,
44 customer energy conservation programs, regulatory deferral accounts and the updated

	

45

	

calculations related to the rate base allowances.
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1

	

The Board accepts the agreement in relation to forecast average rate base and will approve
2 the proposed forecast average rate base for 2013 and 2014 to be used for ratemaking

	3

	

purposes, incorporating the determinations of the Board in this Order.
4
5 9.

	

Rate Design and Rate Structure
6
7 The parties to the Settlement Agreement agree that the Board should approve Newfoundland

	

8

	

Power's proposed changes to rate design and rate structure as set out in the Application.
9

10 Newfoundland Power proposes to vary the rate increase by customer rate class so cost recovery
11

	

for each class is within the target revenue to cost ratio range of 90% to 110%. Newfoundland
12 Power uses an embedded cost of service study to assess the fairness of its rates by comparing the
13 revenue collected from each class with the cost to serve that class. Newfoundland Power states
14 that maintaining revenue to cost ratios for each class within a range of 90% to 110% has been an

	

15

	

accepted approach to avoiding undue cross-subsidization among the various classes.
16
17 Newfoundland Power also proposes to implement changes in customer rate design in accordance
18 with a review of the retail rates undertaken following Newfoundland Power's 2007 general rate
19 application. The Retail Rate Review involved a comprehensive review of the rates with the
20 participation of Newfoundland Power, the Consumer Advocate and Newfoundland and Labrador

	

21

	

Hydro. A detailed report was filed in 2009 and in 2010 it was agreed that consideration of overall
22 rate structure changes would be deferred until Newfoundland Power's next general rate

	

23

	

application.
24
25 Newfoundland Power now proposes to implement the recommendations arising from the Retail
26 Rate Review, including changes in relation to the basic customer charge, the merger of Rates 2.1
27 and 2.2, modifications to demand and energy charges to better reflect marginal costs, changes to
28 the energy block sizes in Rates 2.3 and 2.4 and changes to the Maximum Monthly Charge and
29 the Early Payment Discount.
30

	

31

	

The Board accepts the agreement in relation to rate design and rate structure and will
32 approve rates based on Newfoundland Power's proposal to: i) vary the rate increase by

	33

	

customer class so cost recovery for each class is within the target revenue to cost ratio
34 range of 90% to 110%; and ii) implement the proposed changes to rate design and

	35

	

structure as follows:
36

	

37

	

(i)

	

merge existing Rates 2.1 and 2.2 into a single General Service Rate for all
	38

	

customers with demand of less than 100kW;
	39

	

(ii)

	

modify demand and energy charges to better reflect marginal costs;
	40

	

(iii)

	

change energy block sizes in Rates 2.3 and 2.4;
	41

	

(iv)

	

make changes to the basic customer charge;
	42

	

(v)

	

apply the average rate increase to the Maximum Monthly Charge;
	43

	

(vi)

	

maintain the Curtailable Service Option with the current credit;
	44

	

(vii) modify the Early Payment Discount;
	45

	

(viii) maintain the Optional Seasonal Rate Revenue and Cost Recovery Account
	46

	

until the next general rate application;
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1

	

(ix)

	

increase the Optional Seasonal Rate consistent with the Rate 1.1 increase;
	2

	

and
	3

	

(x)

	

increase the Time of Day Rates in accordance with the increase in the
	4

	

applicable rate class.
5
6 10.

	

Rate Stabilization Clause Amendments
7
8 The parties to the Settlement Agreement agree that the amendments to the Rate Stabilization
9 Clause proposed by Newfoundland Power should be approved.

10

	

11

	

Three proposed amendments to the Rate Stabilization Clause give effect to the Settlement
12 Agreement with respect to conservation program costs, the Weather Normalization Reserve and
13 the Maximum Monthly Charge. In addition Newfoundland Power proposes to amend the Rate
14 Stabilization Clause to reflect the most recent energy consumption information for street and

	

15

	

area lighting fixtures
16
17 The Board accepts the agreement in relation to amendments to the Rate Stabilization
18 Clause and will approve, effective January 1, 2013, the proposed amendments to:
19

	

20

	

(i)

	

reflect annual changes in the Rate Stabilization Account adjustment factors
	21

	

between test years for customers that benefit from the Maximum Monthly
	22

	

Charge provided for in proposed Rate 2.1 and existing Rates 2.3 and 2.4;
	23

	

(ii)

	

reflect the most recent energy consumption information for street and area
	24

	

lighting fixtures;
	25

	

(iii) permit recovery through the Rate Stabilization Account of customer energy
	26

	

conservation program costs; and
	27

	

(iv)

	

permit the ongoing disposition through the Rate Stabilization Account of
	28

	

annual transfers to the Weather Normalization Reserve.
29
30 II. CONTESTED ISSUES
31
32 The parties acknowledge and list the following issues that have not been resolved in the
33 Settlement Agreement and remain outstanding:
34

	

35

	

(i)

	

2013 Forecast Revenue Requirements from rates of $601,551,000 and 2014

	

36

	

Forecast Revenue Requirements from rates of $618,846,000;

	

37

	

(ii)

	

2013 and 2014 Test Year Operating Costs;

	

38

	

(iii)

	

approval, with effect from January 1, 2013, of the calculation of depreciation

	

39

	

expense by:

	

40

	

(a) use of the depreciation rates as recommended in the Depreciation Study

	

41

	

filed with the Application; and

	

42

	

(b) adjustment of depreciation expense to amortize over the remaining life of

	

43

	

the assets an accumulated reserve variance of approximately $2.6 million

	

44

	

identified in the Depreciation Study filed with the Application;

	

45

	

(iv)

	

approval of an appropriate capital structure for ratemaking purposes;
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1

	

(v)

	

approval of a return on average rate base for 2013 of 8,64% within a range of
2

	

8.46% to 8,82% and a return on average rate base for 2014 of 8.58% in a range of
3

	

8,40% to 8.76%; and
4

	

(vi)

	

discontinuance of the use of the automatic adjustment formula to determine
5

	

Newfoundland Power's allowed rate of return on rate base.
6
7

	

1.

	

Cost of Capital
8
9 Determining a fair return for Newfoundland Power is a central issue in this proceeding. Mr.

10 Ludlow, President and Chief Executive Officer of Newfoundland Power, stated:
11
12

	

"The Public Utilities Act provides that Newfoundland Power is entitled to the
13

	

opportunity to earn a just and reasonable return each year in addition to its reasonable
14

	

costs. This entitlement reflects the essential balance between the competing interests of
15

	

utility investors and customers." (Transcript, January 10, 2013, page 37115-21)
16
17 In determining a fair return the Board is required to observe the power policy of the Province as
18

	

set out in the Electrical Power Control Act, 1994, SNL 1994, c. E-5.1. Paragraph 3(a)(iii) states
19 that the rates for the supply of power within the Province should provide sufficient revenue to
20

	

enable a utility to earn a just and reasonable return so that it is able to achieve and maintain a
21

	

sound credit rating in the financial markets of the world. In Order No. P.U. 43(2009) the Board
22

	

stated at page 11:
23
24

	

"To be considered fair the return must be commensurate with the return on investments
25

	

of similar risk and sufficient to assure financial integrity and to attract necessary
26

	

capital."
27
28 i)

	

Market Conditions
29
30 The Consumer Advocate submits that a fair return on equity cannot be determined independent
31

	

of the state of the capital markets. He believes that capital market conditions have dramatically
32 improved since the evidence was prepared for Newfoundland Power's last general rate
33

	

application in 2009.
34
35

	

Dr. Booth explains that it is clear that capital market conditions today are much easier than in
36 2009 and that there is nothing in current capital market conditions to indicate that Newfoundland
37 Power needs any sort of cushion to improve its capital market access so that it can obtain funds
38

	

on fair and reasonable terms. He states:
39
40

	

"Overall the Canadian economy is good shape. As the Bank of Canada noted the
41

	

remaining spare capacity will be used up in 2013/4 and the financial system is firing on
42

	

all cylinders. The stock market is valuing utilities very favourably, credit is easy and
43

	

utilities are issuing 40 and 50 year debt at very low rates. The only "problem" is that
44

	

as one of the few AAA rated issuers the Government of Canada is borrowing on
45

	

extremely low interest rates; significantly lower than US government. However, this
46

	

does not indicate any "heightened risk aversion in the credit markets." Overall market
47

	

conditions are remarkably benign." (Dr. Laurence Booth, Written Evidence, page
48

	

40)
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1

	

Dr. Booth believes that the markets are in a long drawn out recovery.
2
3 Newfoundland Power on the other hand submits that the evidence supports a finding that current

	

4

	

financial market conditions continue to be challenging.
5
6 Ms. McShane concludes that, by the end of July 2012:
7

	

8

	

(i)

	

the systemic risks to the global financial system, as assessed by the Bank of

	

9

	

Canada, were no lower than they were at the end of 2009;

	

10

	

(ii)

	

long-term Government of Canada bond yields were much lower but this was not

	

11

	

indicative of the trend in the market cost of equity;

	

12

	

(iii)

	

changes in spreads on high grade corporate bonds indicate that the credit risk was

	

13

	

not perceived to have declined; and

	

14

	

(iv)

	

investor confidence was lower, equity market volatility was similar and the

	

15

	

indicated market cost of equity was higher than it was in late 2009.
16
17 Mr. MacDonald states that the Canadian economy continues to be challenged by an uncertain
18 global economic environment and risk remains relatively high. He explains that long-term
19 Canadian bond yields were significantly lower in October 2012 than January 2010 which was
20 partly influenced by the Bank of Canada' s monetary policy encouraging low interest rates in

	

21

	

challenging economic conditions.
22

	

23

	

ii)

	

Risk and Capital Structure
24
25 Newfoundland Power argues that it continues to be an average risk Canadian utility and that its
26 45% common equity ratio should be maintained for ratemaking purposes.
27
28 The Consumer Advocate submits that Newfoundland Power is, at most, of average business risk
29 and lower financial risk compared to other Canadian utilities. Based on this, the Consumer
30 Advocate believes that Newfoundland Power should either have a lower allowed return on equity
31 than a benchmark Canadian utility or its common equity ratio should be reduced. The Consumer
32 Advocate notes that Newfoundland Power has a higher common equity percentage than its

	

33

	

parent, Fortis Inc., and any other Fortis utility in Canada. He submits that there is no objective
34 evidence that Newfoundland Power requires a common equity ratio of 45% and recommends

	

35

	

that it be reduced to 40% for ratemaking purposes.
36
37 Dr. Booth believes that Newfoundland Power has average business risk and lower financial risk

	

38

	

and states that it is a logical conclusion that Newfoundland Power should have either a lower
39 allowed return on equity than a benchmark Canadian utility or its common equity ratio should be
40 reduced. Dr. Booth states that he can see no reason why Newfoundland Power should have a
41 45% common equity ratio. He recommends that it be reduced to 40% with the issuance of
42 preferred shares. In his analysis this would reduce the revenue requirement by about $3 million
43 and would not affect Newfoundland Power's credit rating.
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1

	

Newfoundland Power submits that the evidence is consistent that its overall risk profile has not

	

2

	

changed materially since the last general rate application and that it remains an average risk

	

3

	

Canadian utility. Mr. Ludlow states:
4

	

5

	

"I believe Newfoundland Power's risk profile is substantially the same as it was in

	

6

	

2009. We face some unique challenges. We are a small utility. We operate in an isolated

	

7

	

system in a harsh weather environment and the demographics of our service territory

	

8

	

are changing. Our operational challenges may be greater than that of many other

	

9

	

Canadian utilities. As this Board has observed in the past, these challenges are offset by
	10

	

our strong capital structure. We also have a generally supportive regulatory
	11

	

environment similar to other utilities in Canada. So, on balance, we still consider our
	12

	

self an average risk utility." (Transcript, January 10, 2013, page 2914-18)
13
14 Newfoundland Power explains that its target 45% common equity component has been
15 confirmed by Order of the Board since 1990 and has been recognized favorably by both the
16 Dominion Bond Rating Service and Moody's Investors Service. Newfoundland Power states:
17

	

18

	

"It is clear from the evidence that Newfoundland Power's longstanding 45% common
	19

	

equity ratio is a key component of the Company 's current creditworthiness. The

	

20

	

witnesses, Ms. McShane, Dr. Vander Weide, Mr. MacDonald and Ms. Perry all support
	21

	

the maintenance of Newfoundland Power's 45% common equity ratio."
	22

	

(Newfoundland Power, Written Submission, page D-5)
23
24 Newfoundland Power's Vice-President of Finance, Ms. Perry, believes that changing the capital

	

25

	

structure could lead to a re-evaluation of the regulatory support perceived by credit rating
26 agencies. Ms. Perry explains that Newfoundland Power is a small issuer in financial markets and

	

27

	

she questions whether Dr. Booth's suggestion in relation to retractable preferred shares is

	

28

	

possible. Further, she states that it would be costly and, from a credit rating perspective,

	

29

	

retractable preferred shares would effectively be the same as issuing additional debt. Ms. Perry
30 notes that Newfoundland Power's 45% common equity ratio has consistently been singled out by

	

31

	

credit rating agencies as a financial strength and the maintenance of this ratio is a prominent
32 feature of the Board's regulatory support of Newfoundland Power's financial integrity.
33
34 The Dominion Bond Rating Service states in its February 14, 2013 report that it expects
35 Newfoundland Power to maintain its approved capital structure and further lists a strong balance
36 sheet as one of Newfoundland Power's strengths. Moody ' s Investors Service also notes
37 Newfoundland Power's strong balance sheet, concluding:
38

	

39

	

"NPI's allowed ROE was increased for 2012 to 8.80% from 8.38% in 2011 and while it

	

40

	

remains one of the lowest in Canada, it is mitigated by one of the highest deemed equity

	

41

	

levels in Canada at 45%." (JP#4: Moody's Investors Service, Credit Opinion:

	

42

	

Newfoundland Power Inc., January 18, 2013)
43
44 Ms. McShane concludes that Newfoundland Power continues to be an average risk Canadian
45 utility. She offers examples of Canadian utilities that may be riskier than Newfoundland Power,
46 including Nova Scotia Power and Pacific Northern Gas, but could not provide an example of a

	

47

	

Canadian utility with lower risk on an overall basis, noting the trade-off between capital structure
48 and business risk. Ms. McShane concludes:
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1

	

"The Company's capital structure is reasonable in light of its business risks, the

	

2

	

importance of maintaining the existing credit ratings, the upward trend in the common

	

3

	

equity ratios of Newfoundland Power's Canadian peers, the necessity of ensuring
	4

	

financial strength in uncertain capital markets and the need to be positioned to compete

	

5

	

for capital on reasonable terms and conditions." (Ms. Kathleen McShane, Written

	

6

	

Evidence, page 2)
7
8 Ms. McShane explains that the proposed reduction in common equity would in all likelihood
9 cause Moody's Investors Service to re-evaluate its conclusion that Newfoundland Power

	

10

	

operates in a supportive regulatory environment. She believes if this rating or any other

	

11

	

regulatory risk factors are changed there is a very high likelihood that Newfoundland Power
12 would be downgraded. Ms. McShane also explains that, in her opinion, if the common equity

	

13

	

percentage was reduced by five percent the fair return would increase by about 50 basis points.
14
15 Dr. Vander Weide assessed Newfoundland Power's common equity ratio by comparing it to the

	

16

	

average approved equity ratio for United States electric and gas utilities and concludes that the
17 45% common equity ratio is reasonable. He agrees that there is a relationship between the cost of

	

18

	

equity and the percentage of debt in the capital structure.
19
20 Mr. MacDonald concludes that Newfoundland Power is an average risk Canadian utility and a

	

21

	

forecast common equity ratio of 45% for 2013 and 2014 is reasonable. He explains that the basis
22 for his conclusion is that there have been no material changes in Newfoundland Power's

	

23

	

business, regulatory or financial risk since the last general rate application, the allowed equity
24 ratios of its peers have remained constant since 2010, and if the ratio is lowered it could weaken

	

25

	

credit metrics and negatively impact the debt ratings agencies' perception of the regulatory

	

26

	

environment. He states:
27

	

28

	

"Why I advocate ongoing review of the appropriateness of the common equity level and

	

29

	

making adjustments as required, I am mindful of the sovereign debt issues that continue

	

30

	

to create broad economic uncertainty. These factors provide further rationale for
	31

	

maintaining the common equity component at its current levels" (Transcript, January

	

32

	

18, 2013, page 183/12-19)
33
34 The Consumer Advocate urges caution with respect to Ms. McShane's recommendation that the
35 fair return would increase by about 50 basis points if the common equity component was
36 lowered by five percent. He submits:
37

	

38

	

"In our respectful submission, the Board would only adjust the ROE if the Board found

	

39

	

that Newfoundland Power is an average risk utility and their capital structure is more
	40

	

aggressive than the average. That is to say that if the average common equity for a firm

	

41

	

like Newfoundland Power was 40 percent, and the Board gave Newfoundland Power 35
	42

	

percent like Fortis uses, then you would adjust the ROE. However, in this case, we are

	

43

	

simply moving an average risk utility to the average common equity ratio and

	

44

	

recommending an average ROE." (Transcript, February 8, 2013, page 80/6-18)
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1

	

Board Findings - Risk and Capital Structure
2

	

3

	

In Order No. P.U. 43(2009) the Board stated at page 13:
4

	

5

	

"While there is some evidence that Newfoundland Power may be considered low risk

	

6

	

even vis a vis its Canadian counterparts, in the absence of better evidence and given the

	

7

	

current financial circumstances, the Board continues to believe that it is appropriate to

	

8

	

consider Newfoundland Power's overall risk to be average in relation to Canadian

	

9

	

utilities."
10
11 The Board. finds that the evidence does not demonstrate that Newfoundland Power's financial
12 risk or overall risk has changed since the last general rate application when the Board determined

	

13

	

that it was an average risk Canadian utility.
14
15 In Order No. P.U. 16(1998-99) Newfoundland Power's capital structure was comprehensively
16 reviewed. The Board determined that it would deem a common equity ratio of 45% stating that

	

17

	

the Board's objective in establishing capital structure for ratemaking purposes is to reflect the

	

18

	

mix of capital that would result in the least cost of capital overall and maintain credit worthiness.

	

19

	

In Order No, P.U. 19(2003) the Board stated at page 45:
20

	

21

	

"The Board also notes that NP retained an "A" credit rating in its October 2002 bond

	

22

	

issue with an actual capital structure of 44% equity despite having an ROE

	

23

	

characterized by NP as the lowest in Canada. Based on this recent experience and the
	24

	

Board's findings relating to NP 's risk profile, the Board is not convinced at this time to
	25

	

change what has proven a sound and successful capital structure for NP. The Board is

	

26

	

not satisfied that the common equity component could be notably reduced without

	

27

	

significantly compromising interest coverage. Dr. Kalymon 's proposal to substitute

	

28

	

preferred shares for equity is not seen as an acceptable solution in the judgement of the

	

29

	

Board The Board notes this same proposal by Dr. Kalymon was rejected in Order No.

	

30

	

P. U..16(1998-99). In reaching this decision of a maximum 45% common equity

	

31

	

component, the Board recognizes NP will continue to retain one of the most favourable

	

32

	

capital structures among Canadian utilities of comparable risk. The Board

	

33

	

acknowledges the sensitivity in the relationship between capital structure and ROE and

	

34

	

the importance of maintaining an appropriate balance to ensure both efficient access to
	35

	

the capital markets by NP and least cost electricity for consumers."
36
37 In Newfoundland Power's last two general rate applications the Board accepted the settlement of
38 the parties recommending a 45% common equity ratio for ratemaking purposes.
39

	

40

	

The Board acknowledges that it is not bound by its earlier decisions but it will have reference to

	

41

	

these decisions with a view to ensuring consistent and predictable decision making. The Board
42 also acknowledges that the evidence demonstrates that Newfoundland Power's common equity

	

43

	

ratio is generally higher than the common equity ratios of other Canadian utilities. Dr. Booth
44 states that there is no reason for Newfoundland Power to have a 45% common equity ratio. Dr.
45 Booth estimates a potential reduction in revenue requirement of about $3 million if the common
46 equity ratio was reduced to 40% and believes that this would not result in significant changes in
47 Newfoundland Power's credit metrics. Ms. Perry, Ms. McShane and Mr. MacDonald all suggest
48 that a reduction in the common equity ratio may lead to a downgrade by credit rating agencies.



17

	

1

	

Further, Ms. Perry also questions whether Dr. Booth's suggestion in relation to preference shares
2 is practical. It is Ms, McShane's opinion that a reduction in the common equity ratio may be
3 associated with an increase in the fair return of about 50 basis points. Mr. MacDonald expresses
4 concern in relation to a reduction in Newfoundland Power's common equity ratio given the

	

5

	

current economic uncertainty. The Board finds that the evidence raises significant issues in
6 relation to the suggested change to Newfoundland Power's capital structure.
7
8 Newfoundland Power has had a deemed common equity ratio of approximately 45% for the last
9 twenty-five years and the evidence is clear that the rating agencies place importance on its strong

10 common equity position. There is no evidence of a change in circumstances which would justify

	

11

	

a change in the ratio and there is little substantive evidence demonstrating that the appropriate
12 common equity ratio for Newfoundland Power is 40%. The Board therefore finds that a change

	

13

	

in the common equity ratio has not been justified in the circumstances. The Board notes that it
14 has been some time since Newfoundland Power's capital structure has been comprehensively
15 reviewed and that it may be appropriate for this issue to be addressed in Newfoundland Power's
16 next general rate application, Newfoundland Power will be directed to file a comprehensive

	

17

	

report in relation to its capital structure with its next general rate application.
18
19 The Board finds that Newfoundland Power continues to be an average risk Canadian
20 utility. The Board will accept a common equity component of no greater than 45% for
21 ratemaking purposes for Newfoundland Power. The Board will require Newfoundland
22 Power to file a report in relation to its capital structure with its next general rate

	23

	

application.
24

	

25

	

iii)

	

Methodologies for Determining Fair Return
26
27 A variety of methodologies for the determination of a fair return for Newfoundland Power were
28 considered by the four cost of capital experts in this proceeding. Mr. MacDonald explains in

	

29

	

relation to the fair return determination:
30

	

31

	

"Despite the relatively long history of the fair return concept there is as of yet, no single

	

32

	

universally accepted method to determine a fair return on equity for an investor-owned
	33

	

utility. All methodologies are imperfect and cost of capital estimation is much more of
	34

	

an art than a science. Each methodology is more or less reliable depending on the
	35

	

prevailing economic and capital market conditions and each has its own strengths and
	36

	

weaknesses. In our view it is best to estimate the cost of capital using more than one

	

37

	

methodology, as the return determined by any model or test will not perfectly capture
	38

	

all of the variables that might be considered in determining a fair return." (Mr. Troy

	

39

	

MacDonald, Written Evidence, page 26)
40

	

41

	

Mr. MacDonald states that the capital asset pricing model is one of the most widely used
42 methods for determining the rate of return for an asset held as part of a diversified portfolio and
43 one of the most common models used by Canadian regulators. However, he explains that in the

	

44

	

current circumstances the abnormally low risk-free rate can cause distortions in the results of
45 methods such as the capital asset pricing model. Mr. MacDonald explains that he utilized
46 multiple methodologies to ensure a broad view as the different methodologies provide multiple
47 points of insight including historical market returns, forward looking market data, significant
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1

	

Canadian based data and carefully selected United States data. He utilizes the capital asset
2 pricing model, the equity risk premium model and the discounted cash flow model. He does not
3 use the comparable earnings test because it has not been widely accepted in the Canadian
4 regulatory environment in recent years, He explains that he used his professional judgement to

	

5

	

develop a weighting for each of the three methodologies to address further considerations

	

6

	

including the impact of the unusually low risk-free rates, the potential differences between

	

7

	

United States and Canadian utilities, and the potential fluctuations over time.
8
9 Dr. Booth states that the capital asset pricing model is overwhelmingly the most important model

10 used by a company in estimating cost of equity. However, he believes that the Canadian bond

	

11

	

market is not normal right now and he judges a simple application of the capital asset pricing
12 model under current market conditions as giving an unrealistic low estimate of the fair return, He

	

13

	

states:
14

	

15

	

"I'd say this more - more than ever at this particular point in time, given the focus in
	16

	

Canada traditionally on risk premium models and the role of - the central role of the
	17

	

long Canada bond yield, judgement is involved and more important at the current point
	18

	

in time than ever before," (Transcript, January 18, 2013, page 131/10-16)
19
20 Dr. Booth explains that the recent very low long-term Canada bond yields forced him to re-

	

21

	

evaluate his approach to the capital asset pricing model and the discounted cash flow model. He
22 states that, while in theory the two methodologies should give the exact same answers, there
23 have been extensive periods when there have been substantial divergences between the
24 discounted cash flow and the risk premium estimates. He now uses the discounted cash flow
25 model when estimating a reasonable return on the market. He states that his final analysis looks

	

26

	

like a capital asset pricing model but that he is putting greater emphasis on the discounted cash
27 flow now than he did three years ago,
28
29 Dr. Vander Weide explains that he references three generally accepted models to determine cost
30 of equity: the discounted cash flow, the risk premium and the capital asset pricing model. He has

	

31

	

not used the comparable earnings test for a number of years. He explains that the capital asset
32 pricing model results are highly sensitive to the estimate of the risk-free rate and he did not

	

33

	

assign it any weight in this case, concluding that it does not work for Canadian utilities.
34

	

35

	

Ms. McShane details a number of challenges in relation to the capital asset pricing model and

	

36

	

concludes that it is not inherently superior to other approaches, particularly in light of the

	

37

	

adjustments necessary to apply it to the utility industry. Ms. McShane concludes:
38

	

39

	

.

	

"Under current market conditions the application of the capital asset pricing model
	40

	

becomes particularly problematic. The model itself provides no guidance as to how to

	

41

	

reconcile the abnormally low level of long term Canada Bond yields, which is the proxy
	42

	

for the risk free rate with estimates of the market risk premium which have typically
	43

	

been expressed in the nature of a long term. average level. As a result, much more
	44

	

judgement is required under current market conditions in the application of that model,
	45

	

and I think less confidence can be placed in the accuracy of the results. In those
	46

	

conditions it is particularly important to look to tests such as the discounted cash flow
	47

	

test, which are not benchmarked or anchored to the long term Canada Bond yield I
	48

	

would also note in respect to the discounted cash flow test that we have in the last
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1

	

couple of years, I think, seen other regulators in Canada tend to give more weight to

	

2

	

discounted cash flow than they had in earlier proceedings." (Transcript, January 14,

	

3

	

2013, pages 10/6-25 to 11/1-5)
4

	

5

	

Ms. McShane uses multiple tests to determine a fair rate of return and notes that the Ontario
6 Energy Board has said that the use of multiple tests to determine the market risk premium is a

	

7

	

superior approach to relying on a single methodology. She explains:
8

	9

	

"Each of the tests is based on different premises and brings a different perspective to

	

10

	

the fair return on equity. None of the individual tests is, on its own, a sufficient means of

	

11

	

ensuring that all three requirements of the fair return standard are met; each of the

	

12

	

tests has its own strengths and weaknesses. Individually, each of the tests can be

	

13

	

characterized as a relatively inexact instrument; no single test can pinpoint the fair

	

14

	

return. Changes to the inputs to individual tests may have different implications

	

15

	

depending on the prevailing economic and capital market conditions. These

	

16

	

considerations emphasize the importance of reliance on multiple tests." (Ms. Kathleen

	

17

	

McShane, Written Evidence, page 50)
18
19 Unlike the other experts in this proceeding Ms. McShane also uses the comparable earnings test.

	

20

	

She believes that this methodology is entitled to significant weight but acknowledges that

	

21

	

regulators have afforded it a small amount or no weight in recent years and as such she presents
22 this methodology in the alternative.
23
24 Newfoundland Power submits that all the experts' cost of equity recommendations in this
25 proceeding, except those of Dr. Booth, are based on multiple tests and the Board should give
26 greater weight to recommendations arrived at by use of multiple methodologies. Newfoundland

	

27

	

Power states that the days of sole reliance on the capital asset pricing model are over, and

	

28

	

specifically:
29

	

30

	

"Mr. Chairman, that evidence tells us that there have been two important shifts in

	

31

	

regulatory thinking since we were here in 2009, The first is with respect to the use of

	

32

	

the CAP-M methodology. With the collapse of long Canada bond yields, which are

	

33

	

driven by government monetary policy instead of market forces, there's no longer any

	

34

	

clear and predictable relationship between long Canada bond yields on the one hand

	

35

	

and a utility's cost of equity on the other. That's why regulators such as the British

	

36

	

Columbia Utilities Commission, the Ontario Energy Board, the Alberta Utilities

	

37

	

Commission, have moved away from sole or predominant reliance on the CAP-M

	

38

	

methodology. They increasingly rely on other methodologies, in particular, the

	

39

	

discounted cash flow or DCF methodology." (Transcript, February 8, 2013, pages

	

40

	

18/16-25 to 19/1-9)

42 The Consumer Advocate clarifies that Dr. Booth does use the discounted cash flow method to

	

43

	

estimate the fair return for the capital market as a whole and it is an important element in his risk
44 premium estimates.

41
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1 Board Findings - Methodologies for Determining Fair Return
2

	

3

	

All the cost of capital experts in this proceeding reference multiple methodologies. Mr.
4 MacDonald and Ms. McShane give weight to the capital asset pricing model, the other equity
5 risk premium models and the discounted cash flow model. Dr. Vander Weide gives weight to the
6 equity risk premium models and the discounted cash flow model and rejects the capital asset
7 pricing model in the circumstances. Dr. Booth completes a discounted cash flow analysis which
8 he uses to inform his judgement when determining a fair rate of return within the context of the
9 capital asset pricing model. Only Ms. McShane uses the comparable earnings test.

10

	

11

	

The Board accepts the evidence of the experts that there are challenges with each of the
12 methodologies which can be exacerbated in certain financial and economic conditions. The
13 Board has in the past preferred the equity risk premium methodology in determining a fair return
14 referencing the stability of the bond market and consistent and predictable decision making

	

15

	

(Order No. P.U. 19(2003), page 48). In Order No. P.U. 43(2009), the Board stated at page 18:
16

	

17

	

"Consistent with past practice of this Board and other Canadian regulators, and
	18

	

considering the evidence respecting the issues in relation to the comparable earnings
	19

	

and the discounted cash flow tests, especially in relation to the reliance on US. data

	

20

	

without making adjustments, the Board will continue to rely principally on the equity
	21

	

risk premium test to estimate a fair return on regulated common equity for

	

22

	

Newfoundland Power for ratemaking purposes,"
23
24 In Newfoundland Power's last general rate application the Board relied primarily on the capital

	

25

	

asset pricing model. However, in this proceeding, the experts agree that given the abnormally

	

26

	

low long-term Canada bond yields a simple application of the capital asset pricing model will not
27 produce a fair return for Newfoundland Power. Both Mr. MacDonald and Dr. Booth make

	

28

	

adjustments in relation to the capital asset pricing model estimates and Dr. Vander Weide rejects
29 the capital asset pricing model results. The Board notes that other regulators are moving away

	

30

	

from sole reliance on the capital asset pricing model.
31
32 The Board concludes that given the current financial and economic conditions a simple

	

33

	

application of the capital asset pricing model cannot be relied on to produce a fair return for
34 Newfoundland Power. In the circumstances it is necessary to take a broader view and look to

	

35

	

other available information in relation to fair return. The Board will continue to give primary
36 weighting to the capital asset pricing model; however, it will also look to the other evidence in
37 relation to the fair return for Newfoundland Power and in particular the results of other models.
38 Given the evidence that the comparable earnings test is not a widely accepted method of

	

39

	

estimating a fair return the Board will not consider the results of this test. The Board will not
40 adopt an assigned weighting for each methodology but rather will have regard to all of the

	

41

	

circumstances to inform its judgement as to the fair return.
42
43 The Board will continue to give primary weighting to the capital asset pricing model but in
44 the circumstances will look to the results of other accepted models and other relevant
45 evidence when determining a fair return for Newfoundland Power.
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1

	

iv)

	

Financing Flexibility
2

	

3

	

All the experts in this proceeding include an allowance for financing flexibility in the fair return.
4 Mr. MacDonald, Dr. Booth and Dr, Vander Weide include an allowance of 50 basis points and
5 Ms. McShane includes either 50 or 100 basis points, depending on whether the comparable

	

6

	

earnings test is used in determining a fair return, Mr. MacDonald explains that the concept of an

	

7

	

allowance for financing flexibility is supported by financial theory and regulatory practice. Dr.
8 Vander Weide explains that there are two justifications for the allowance: first, to compensate

	

9

	

for flotation costs which is generally around 20-25 basis points; and, secondly, to reflect

	

10

	

differences in market values and book values of debt and equity. Dr. Booth states that a 50 basis

	

11

	

points allowance has been a non-contentious issue in most jurisdictions, except in Quebec where

	

12

	

35 basis points is used. Dr. Booth says the adjustment is meant to cover the costs of raising

	

13

	

equity that are not recovered directly in the revenue requirement. Ms. McShane explains that the

	

14

	

financing flexibility allowance is a required element of the concept of fair return. In relation to
15 her recommended 100 basis points allowance, Ms. McShane explains:
16

	

17

	

"The higher allowance for financing flexibility is intended to recognize that the Board
	18

	

has in previous decisions decided that it will not give weight to the comparable
	19

	

earnings test, but only to tests derived from equity capital market data. In that case

	

20

	

there needs, in my view, to be an explicit recognition that the market data in which
	21

	

these market-based tests, the equity risk premium, and discounted cash flow test, are

	

22

	

based, reflect market value capital structures." (Transcript, January 14, 2013, page

	

23

	

811-12)
24
25 Newfoundland Power states that the higher financing flexibility allowance proposed by Ms.
26 McShane recognizes that the equity risk premium and discounted cash flow tests are based on
27 market values and the return on equity approved by the Board is applied to book value.
28
29 The Consumer Advocate notes that Ms. McShane has doubled her financing allowance while
30 Ms. Perry indicated that she has no knowledge of these costs doubling.
31
32 Board Findings - Financing Flexibility
33
34 The Board accepts the evidence of Mr. MacDonald, Dr. Booth and Dr. Vander Weide that an

	

35

	

allowance of 50 basis points for financing flexibility is appropriate. In Newfoundland Power's

	

36

	

last general rate application the Board included a 50 basis point allowance for financing

	

37

	

flexibility and the Board finds that there is no evidence that financing costs have increased. Ms.
38 McShane's suggestion that a 50 basis point allowance is inadequate if the comparable earnings
39 test is not used is not supported by the recommendations of the other experts or by Canadian

	

40

	

regulatory practice.

42 The Board accepts that a 50 basis point allowance for financing flexibility should be
43 included in the estimate of the fair return for Newfoundland Power.

41
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v)

	

Risk-Free Rate
2
3 Mr. MacDonald estimates the risk-free rate to be 3.04% for 2013 and 2014. This determination is
4 based on the October 2012 forecasts for the 10-year long-term Canada bond yields and the

	

5

	

observed average daily difference between the 10-year and 30-year long-term Canada bond
6 yields. Mr. MacDonald does not make any adjustments to the forecast yields but states that he

	

7

	

makes an adjustment to his capital asset pricing model result, increasing it by 206 basis points, to

	

8

	

address concerns regarding the impact of the abnormally low risk-free rate.
9

10 Dr. Booth also forecasts the long-term Canada bond yield to be about 3.0% but determines a base

	

11

	

adjusted long-term Canada bond yield of 3.8%. He believes that the forecast long-term Canada

	

12

	

bond yield is well below any equilibrium yield since it is only 1.0% above the forecast inflation

	

13

	

rate and that it would result in a negative real yield for a typical taxable investor. Dr. Booth states
14 that he regards any long-term Government of Canada bond yield below 3.8% as indicating

	

15

	

abnormal capital market conditions and not reflective of a risk verses return trade off by ordinary

	

16

	

investors. He explains that the forecast low long-term bond yield reflects the actions of global
17 policy makers and central banks and should not directly influence the fair rate of return for
18 Newfoundland Power. Dr. Booth adjusts the long-term Canada bond yield upward by 80 basis
19 points which he estimates is the approximate impact of the United States Operation Twist on the
20 Canadian bond market.
21
22 Dr. Vander Weide estimates the risk-free rate to be 2.73% based on the June 2012 Consensus
23 Economics forecast interest rate on long-term Canada bonds for 2013. Dr. Vander Weide did not
24 use a blended 2013 and 2014 forecast. Dr. Vander Weide states that the forecast 2.73% yield on

	

25

	

long-term Canada bonds is significantly less than the historical 7.3% average yield. He explains
26 that the forecast yield is unusually low and reflects policy decisions of Canadian and United
27 States governments, the Bank of Canada, and the United States Federal Reserve Bank.
28
29 Ms. McShane estimates the long-term Canada bond yield to be approximately 3.5% based on a
30 forecast yield of 3.0% for 2013 and 4.0% for 2014. She uses the April 2012 Consensus

	

31

	

Economics forecast for 2014 but uses other available forecasts for 2013. She comments that the
32 yield is expected to rise from this historically and abnormally low rate over the next three years

	

33

	

but that it is anticipated to average well below long-term levels of approximately 5.0%. Ms.
34 McShane explains that the long-term government bond yield can be problematic as an estimate

	

35

	

of the true risk-free rate as it reflects the impact of monetary and fiscal policy and may reflect a
36 scarcity premium demonstrating an imbalance between supply and demand.
37
38 Board Findings - Risk-Free Rate
39
40 It is regulatory practice in Canada to use the forecast yield for the long-term Canada bond as a

	

41

	

proxy for the risk-free rate in equity risk premium models. While the experts continue to look to
42 the long-term Canada bond yield when determining the risk-free rate, they agree that bond
43 market conditions are unusual right now and that the yield for 30-year Government of Canada
44 bonds is abnormally low.
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1

	

The range of recommended risk-free rates is 2.73% - 3.80%. Dr. Vander Weide adopts a rate of
2 2.73% but does not reflect the 2014 forecast and does not use the most recent forecast for 2013.
3 Ms. McShane uses 3.50% but does not consider the most recent forecast and does not use the
4 Consensus Economics forecast for 2013, Mr. MacDonald and Dr. Booth agree that the forecast
5 long-term Canada bond yield for 2013 and 2014 is approximately 3.00%. Dr. Booth makes an
6 adjustment to the forecast yield to reflect the impact of the actions of global policy makers. Dr,
7 Booth applies an 80 basis point adjustment and determines a risk-free rate of 3.80%. Mr.

	

8

	

MacDonald does not adjust the risk-free rate specifically but ultimately increases his capital asset
9 pricing model result to address concerns regarding the impact of the abnormally low risk-free

	

10

	

rate.
11
12 The Board accepts that the forecast long-term Canada bond yield is approximately 3,0%. The

	

13

	

Board also accepts that this forecast is abnormally low and reflects the actions of global policy

	

14

	

makers. Because the forecast may not accurately reflect the risk verses return trade-off by
15 ordinary investors, the Board finds that an unadjusted forecast long-term Canada bond yield may

	

16

	

not be a good proxy for the risk-free rate at this time. The Board accepts Dr. Booth's 80 basis
17 point adjustment to the long-term Canada bond yield to reflect these unusual conditions.
18
19 The Board will accept a risk-free rate of 3.8%.
20

	

21

	

vi)

	

Capital Asset Pricing Model
22
23 The capital asset pricing model requires a determination of both the risk premium for the equity

	

24

	

market and the relative risk factor for the utility, or beta.
25
26 Risk Premium of the Market
27
28 Mr. MacDonald explains that the market risk premium is the premium that the market demands
29 over and above the risk-free rate to hold an asset, He supports a market risk premium of 5.5% for

	

30

	

use in the capital asset pricing model, placing particular emphasis on the empirical evidence
31 gathered from over a century of Canadian investment returns. Mr. MacDonald refers to the
32 Fernandez study, Market Risk Premium Used in 82 Countries In 2012: a Survey With 7,192
33 Answers, where the mean and median returns in both Canada and the United States were
34 approximately 5.5%. Mr. MacDonald also refers to Professor Aswath Damondaran who, in June
35 2012, estimated a risk premium of 6% for Canada and stated that, according to the Credit Suisse
36 Global Investment Returns Sourcebook 2012, the historical arithmetic mean Canadian Equity
37 Risk Premium from 1900-2011 is 5.0%-5.5%. While Mr. MacDonald does not make adjustments

	

38

	

to his risk premium, as noted earlier, he makes an adjustment to his capital asset pricing model

	

39

	

result, increasing it by 206 basis points to address concerns regarding the impact of the

	

40

	

abnormally low risk-free rate.
41
42 Dr. Booth concludes that, while his own direct estimate of the experienced market risk premium

	

43

	

is less than 5.0%, he judges the current market risk premium to be in a range of 5.0%-6.0%. He
44 notes that there is variability in the risk premium from year to year and says that the

	

45

	

determination is based on historic evidence constrained by the facts. He explains that his
46 estimate reflects the Fernandez survey results and gives weight to the evidence from the United



24

	

1

	

States. Dr. Booth makes an upward adjustment to his market risk premium to reflect the unusual
2 market conditions. He believes that abnormal market conditions have affected the Canadian bond
3 market and have had an impact on the equity market. Dr. Booth notes that other regulators have

	

4

	

added a financial crisis risk premium based on conditions in the credit market. He explains:
5

	

6

	

"In empirical applications we use several methods of estimating the MRP: a) long run

	

7

	

historical values which are about 5.0% for Canada, b) historic values from other

	

8

	

markets such as the US which are tops about 6,0% c) survey results which are in the

	

9

	

range of 5.0-6,0% and d) direct estimates of the expected return on the market from
	10

	

DCF and other estimates minus the current long Canada yield. Most of these methods

	

11

	

do not take into account current capital market conditions, whereas the use of credit
	12

	

spreads does," (PUB-CA-16)
13
14 He calculates that the A spreads are about 80 basis points more than normal and adjusts his

	

15

	

capital asset pricing model results to reflect this difference.
16
17 Ms. McShane selects 8.0% for her market risk premium explaining that the market risk premium
18 can be expected to be higher with a lower risk-free rate. Ms. McShane sets out the equity returns
19 and risk premiums for various bond income returns and concludes that historically lower bond
20 income returns have been associated with higher achieved risk premiums. Ms. McShane

	

21

	

calculates that a reasonable estimate of the expected value of the nominal equity market return is
22 approximately 11.5% based on Canadian equity market returns and supported by U.S. equity

	

23

	

market returns. She concludes that the analysis of Canadian equity risk premiums in conjunction
24 with bond income returns supports a market equity risk premium of no less than 8.0% at the 30-
25 year Government of Canada bond yield forecast of 3.5%.
26
27 Beta
28
29 Mr. MacDonald explains that the volatility of an asset in relation to the market as a whole is
30 measured with the beta. For Newfoundland Power Mr. MacDonald determines a beta of 0.60,

	

31

	

He suggests that the calculated average beta of 0.40 is below historical norms, explaining that
32 this number is a spot estimate based on a particular period of observations and may not be
33 indicative of the average beta. He acknowledges that, although he used the Blume adjustment,
34 some experts believe that utility betas converge towards the average beta for their group and not
35 towards 1.0 as assumed with the Blume adjustment,
36

	

37

	

Dr. Booth explains that he believes that the relative risk of Canadian utilities will return to the

	

38

	

historic range of 0.45-0.55 from the levels recently seen of about 0.30-0.35. He explains that,
39 when determining the beta, actual or historic returns are used, making the data very sensitive to
40 what happened during the estimation period. It is Dr. Booth's judgement that betas tend to revert

	

41

	

to their long run average levels of 0,45-0.55, not the long run average of the market of 1.0 as is
42 assumed in the Blume adjustment.
43
44 Ms. McShane concludes that the relative risk adjustment for an average risk Canadian utility is in
45 the approximate range of 0,65-0.70. She uses an adjusted beta based on several sources: Total
46 Market Risk; Relative Historic Returns and Betas: Canadian Utilities; Recent Bloomberg
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1

	

Adjusted Beta: Canadian Utilities; Long-teem Adjusted Betas: Canadian Utilities Index; and

	

2

	

Value Line Betas: United States Utility Sample.
3
4 Board Findings - Capital Asset Pricing Model
5
6 The experts recommend a range of market risk premiums of 5.5% to 8.0% for the capital asset
7 pricing model. Mr. MacDonald concludes that the market risk premium is 5.5% but makes a 206

	

8

	

basis points adjustment to his final capital asset pricing model results. Dr. Booth agrees that the
9 market risk premium is approximately 5.5% but adds a credit spread premium of 80 basis points

10 for an effective market risk premium of 6,3%, Ms. McShane estimates a market risk premium of

	

11

	

8.0%, considerably higher than the risk premium she recommended in 2009. In Newfoundland
12 Power's last general rate application the long-term Canada bond yield was 4.5% and the Board
13 accepted a market risk premium of 6%. The forecasted long-term Canada bond yield is now
14 3.0% and the Board has accepted an adjusted long Canada bond yield of 3.8%. Based on the
15 range of recommendations of the experts, the relationship of the market risk premium to the

	

16

	

long-term Canada bond yield, and changes in market conditions since the last general rate
17 application the Board will accept a market risk premium of 6.5% for use in the capital asset

	

18

	

pricing model.
19
20 In relation to the beta to be applied to the market risk premium the range recommended by the

	

21

	

experts is 0.45-0.70. Mr. MacDonald determines a beta of 0.60. Dr. Booth recommends a beta of
22 0.45-0.55. Ms. McShane recommends a beta of 0.65-0.70. The Board notes that it accepted a
23 beta of 0.60 for Newfoundland Power in the last general rate application. The Board finds that
24 the evidence continues to support a beta of 0.60 for Newfoundland Power.
25
26 The Board will accept a market risk premium of 6.5% and a beta of 0.60 resulting in a risk
27 premium of 3.90% for use in the capital asset pricing model. When combined with a risk-
28 free rate of 3.80% and an allowance for financing flexibility of 0.5% the estimated return
29 on equity using the capital asset pricing model is 8.2%.
30
31 vii) Other Equity Risk Premium Models
32

	

33

	

Like the capital asset pricing model the historic and forward-looking equity risk premium models

	

34

	

estimate the risk premium to be applied to the risk-free rate. The difference is that these models

	

35

	

determine the risk premium for the utility based on utility specific data rather than overall market

	

36

	

data.
37
38 Historic Equity Risk Premium Model
39
40 Mr. MacDonald conducts a historic equity risk premium analysis and calculates the return to be

	

41

	

10.26%. He explains that this approach captures the difference between equity and debt returns
42 over a period of time but does not reflect the expected changes in the economy or industry or for
43 the company in question. His equity risk premium test suggests a utility market risk premium of
44 6.72% using stock return data from two Canadian indices. Mr. MacDonald averages the 4,66%
45 risk premium calculated on the S&P/TSX Utilities 1956-2011 and the 8.77% risk premium
46 calculated on the BMO Capital Markets Utilities 1983-2011. Mr. MacDonald does not make an
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1

	

express adjustment to this risk premium but reduces the overall result produced with this model

	

2

	

by 135 basis points considering the potential fluctuations over time in this model, particularly as

	

3

	

it relates to the companies that are included and the events in time.
4
5 Dr. Vander Weide calculates the historic or ex post premium return to be 9.9%. Like Mr.
6 MacDonald he estimates that the risk premium is 6.7% based on the S&P/TSX Utilities 1956-
7 2011 and the BMO Capital Markets Utilities 1983-2011. He cannot explain why the risk
8 premium using the S&P/TSX Utilities index is so much lower than the risk premium using the
9 BMO Utilities index. He states that his analysis shows that the required equity risk premium

	

10

	

increases when interest rates decline and since the expected 2.73% yield on long-term Canada

	

11

	

bonds is significantly less than the average yield on long Canada bonds of 7.3%, the current
12 required equity risk premium should be significantly higher than the average 6.7% equity risk
13 premium.
14

	

15

	

Ms. McShane conducts a historic utility equity risk premium test which indicates a return of

	

16

	

10.75%, assuming an allowance for financing flexibility of 50 basis points. She also calculates a

	

17

	

utility equity risk premium of approximately 6.75%. Her analysis reflects three data sources:

	

18

	

S&P/TSX Utilities 1956-2011; United States electric utility; and United States gas utility, She

	

19

	

adjusts the long-term historic average data to recognize the inverse relationship between utility
20 equity risk premiums and bond yields. Ms McShane acknowledges that in 2011 the Alberta

	

21

	

Utilities Commission rejected her historic equity risk premium analysis and that her approach is
22 much like that of Dr. Vander Weide.
23
24 The Consumer Advocate submits that there is no reasonable basis for the Board to conclude that
25 the historic equity risk premium method puts forward reliable evidence with respect to the return
26 investors expect on a utility like Newfoundland Power. He notes that in 2011 the Alberta
27 Commission found that the evidence on historic returns was inconclusive with respect to the
28 return investors expect on comparable investments.
29
30 Forward-Looking Equity Risk Premium
31
32 Dr. Vander Weide conducts a forward-looking or ex ante risk premium analysis suggesting a

	

33

	

return of 11.1%. He concludes that the ex ante risk premium is 7.7% for his electric utility
34 comparable group and 8.1% for his natural gas comparable group. This is based on studies-of the

	

35

	

discounted cash flow expected return on comparable groups of United States utilities in each
36 month of his study period since 1998 using the constant growth model. He explains that the

	

37

	

difficulty with using Canadian utilities is that there are very few, if any, analysts' growth

	

38

	

forecasts available for each Canadian utility.
39
40 Ms. McShane calculates a forward-looking discounted cash flow based equity risk premium

	

41

	

analysis with an indicated return of 10.0%, assuming an allowance for financing flexibility of 50

	

42

	

basis points. Her calculated utility equity risk premium of 6.0% is based on the difference
43 between the discounted cash flow cost of equity and yields on long-term government bonds for a
44 sample of United States utilities. She looked to the monthly published long-term earnings growth
45 rate forecast for each of the sample utilities from Thomson Reuters. She explains that she
46 constructed a constant growth and a three-stage growth discounted cash flow based equity risk
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1 premium test. Ms. McShane concludes, based on the discounted cash flow based regression

	

2

	

analysis of the United States utilities from 1998-2012 with a forecast Government bond yield of

	

3

	

3.5%, that the indicated utility cost of equity is in the range of approximately 9.3% to 9.7% and
4 therefore the equity risk premium is approximately 6%.
5
6 Board Findings - Other Equity Risk Premium Models
7
8 Mr. MacDonald, Dr. Vander Weide and Ms. McShane estimate the utility market risk premium
9 to be approximately 6.75% using the historic equity risk premium test. The Board has several

	

10

	

concerns in relation to the historic equity risk premium test, the most significant of which is the

	

11

	

large unexplained discrepancy in the available Canadian data. The S&P/TSX Utilities 1956-2011
12 suggests a utility risk premium of 4.66%, which is approximately half the premium suggested by

	

13

	

the BMO Capital Markets Utilities 1983-2011 of 8.77%. The Board notes Exhibit 15 of Dr.
14 Vander Weide's evidence which sets out the average risk premium for the S&P/TSX Utilities
15 over the same period as the BMO Capital Markets Utilities 1983-2011 to be 7.88%. The Board
16 also has concerns in relation to Ms. McShane's use of unadjusted United States data. The Board
17 notes that Ms. McShane's approach to the historic equity risk premium was not accepted by the

	

18

	

Alberta Utilities Commission.
19
20 The forward-looking equity risk premium analysis completed by both Dr. Vander Weide and Ms

	

21

	

McShane is based on analysts' forecasts for United States utilities. Ms. McShane ' s market risk
22 premium is 6.0% while Dr. Vander Weide's result is 7.7% for electric utilities and 8.1% for gas

	

23

	

utilities. The Board has concerns in relation to these results as they are based on unadjusted
24 United States data. In addition, the Board, like other Canadian regulators, has concerns in

	

25

	

relation to the use of analysts ' growth forecasts, particularly when used in the constant growth
26 model.
27
28 The Board does not believe that much weight should be given to the experts' recommendations

	

29

	

in relation to either the historic or forward-looking equity risk premium models as these are
30 based largely on inadequate Canadian data, unadjusted United States data and analysts' growth

	

31

	

forecasts using the constant growth model. The Board estimates that, using the long period
32 Canadian data, adjusted United States data and the multi-stage model, the risk premium would be

	

33

	

approximately 5.0%. With a risk-free rate of 3.8% and an allowance for financing flexibility of
34 0.5% the indicated cost of equity would be 9.3%. However, the Board acknowledges that this

	

35

	

approach restricts the extent of the information considered and will therefore assign little weight

	

36

	

to these results.
37
38 The Board will place little weight on the results of the historic and forward looking equity
39 risk premium models.
40
41 viii) Discounted Cash Flow
42

	

43

	

The discounted cash flow test is based on the theory that the current market price of a utility's
44 stock is equal to the present value of all future expected cash flows from the investment,

	

45

	

discounted at a rate that reflects the riskiness of the cash flows.
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1 According to Mr. MacDonald the discounted cash flow model is the most widely used method to

	

2

	

determine the allowed return on equity for regulated utilities in the United States as there is a
3 large universe of comparable public companies that are widely followed by investment analysts.
4 This provides readily available estimates of growth rates for utility proxy groups, He explains
5 that in the Canadian context the discounted cash flow model is problematic given the small
6 number of utility proxies and lack of reliable estimates of growth rates. While there is some
7 disagreement as to whether Canadian and United States utilities are comparable, Mr. MacDonald
8 believes that United States comparisons are informative. He concludes that, given the strong

	

9

	

degree of economic and financial market integration, it is possible to construct a United States
10 proxy group which is similar in total risk to Newfoundland Power. However, he also believes

	

11

	

that the clear differences in the United States and Canadian marketplaces for utilities and in the
12 markets overall require that an adjustment be made to the results to recognize these differences.
13 In relation to the growth rate in the discounted cash flow model, Mr. MacDonald comments that
14 it becomes more difficult to estimate further out in time and that over time a firm's growth rate
15 will trend towards overall economic growth.
16
17 Mr. MacDonald's discounted cash flow analysis suggests a fair return of 9.63%. This is the
18 average of the constant growth approach, with a return of 9.71%, and the two-stage model, with

	

19

	

a return of 9.55%, for a group of seven United States utilities that meet his six established

	

20

	

criteria. He explains that each of the seven utilities has an identical credit rating to
21 Newfoundland Power and a majority of assets which are regulated. In relation to the growth rate,
22 he explains that he uses Value Line dividend growth estimates for the first three years and
23 thereafter the growth rate is based on the Consensus Forecasts long-term average real GDP and
24 inflation forecast for 2018-2022. Mr. MacDonald states that he makes a 72 basis point
25 adjustment to address concerns regarding differences between United States and Canadian

	

26

	

companies. He notes this is consistent with the statement of the British Columbia Utilities
27 Commission that a 50 to 100 basis point adjustment should be applied for comparable United

	

28

	

States utilities.
29
30 Dr, Booth explains that conceptually the discounted cash flow and risk premium models are

	

31

	

equally valid ways of estimating the fair rate of return but the data in relation to the discounted
32 cash flow model may not be adequate for reasonable estimates. Dr. Booth explains that he has

	

33

	

been reluctant to look at United States data, noting that it is a foreign country with different laws,

	

34

	

procedures, and cultural factors. At this time he believes that a difference in the fair return

	

35

	

between Canadian and United States utilities of 100 basis point is reasonable. He explains:
36

	

37

	

"So before the BCUC in 2009, I said you can use US evidence, ... and at that time I said

	

38

	

US estimates need to be downward adjusted by 90 to 100 basis points. ... the BCUC

	

39

	

downwardly adjusts Ms. McShane's DCF estimates by 50 to 100 basis points and the

	

40

	

basis of the downward adjustment was the fact that I felt that long term bond yields
	41

	

were higher in the US, the market risk premium was higher in the US and probably the
	42

	

relative risk of utilities is higher in the US 	 In my judgement the US is a riskier
	43

	

capital market, they're more competitive than we are and I don't regard that as a bad

	

44

	

thing." (Transcript, January 17, 2013, page 19911-20)
45

	

46

	

In relation to the use of analysts' growth forecasts, Dr. Booth states that he is extremely skeptical

	

47

	

of results based on analysts' forecasts as they are generally optimistic and, further, that
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1

	

realistically these should be used with a two-stage growth model. Dr. Booth's discounted cash

	

2

	

flow analysis suggests a fair return of 9.23% for United States utilities.
3
4 Dr. Vander Weide explains that regulatory commissions in the United States give greater weight
5 to the discounted cash flow model than other models. He does not use data in relation to

	

6

	

Canadian utilities noting that there are very few, if any, analysts' growth forecasts for Canadian

	

7

	

utilities and also the number of publicly traded Canadian utilities is significantly less. Dr. Vander

	

8

	

Weide believes that, in the past, United States utilities were more risky than Canadian utilities,
9 but today they are comparable in risk. For this reason he does not believe adjustments are

	

10

	

necessary. Dr. Vander Weide explains that he relies on analysts' projections of future earnings

	

11

	

per share growth because he has found that analysts' growth forecasts are the best proxy for

	

12

	

investor growth expectations.
13
14 Dr. Vander Weide's discounted cash flow analysis produces a result of 10.3% for his larger

	

15

	

group of utilities and 10.1% for his smaller group. He explains that his larger group includes

	

16

	

publicly-traded United States electric and natural gas utilities that meet five criteria and the

	

17

	

smaller group is restricted further to utilities that have at least 80 percent of total assets devoted
18 to regulated utility operations as well as an S&P bond rating of BBB or higher. He uses a
19 constant growth method based on analysts' estimates of future earnings per share growth as
20 reported by I/B/E/S Thomson Reuters. He explains that these estimates represent five-year

	

21

	

forecasts of earnings per share growth and are used by investors as a consensus estimate of future
22 firm performance.
23
24 Ms. McShane explains that the United States utility equity market is a much broader and deeper
25 universe of companies from which to select a sample of comparable risk companies. To address

	

26

	

concerns in relation to United States cornparables she has, since the last general rate application,

	

27

	

tightened her selection criteria in relation to credit ratings and put a cap on the amount of
28 unregulated operations. She also provides an in-depth review and assessment of the different

	

29

	

characteristics and regulatory risk characteristics of each of the companies. She believes that it is
30 not necessary to make adjustments to the data since the cost of equity for the sample of

	

31

	

companies is a reasonable proxy for the cost of equity for Newfoundland Power at its capital
32 structure. Ms. McShane acknowledges that there is an ongoing debate around the accuracy of

	

33

	

investment analysts ' forecasts as the measure of investor expectations of growth. She states that
34 the use of forecast GDP growth in a multi-stage model as the proxy for the rate of growth over

	

35

	

the longer term is a widely utilized approach.
36
37 Ms. McShane's discounted cash flow results indicate a cost of equity of approximately 9.9%,
38 using both Canadian and United States data and assuming an allowance for financing flexibility

	

39

	

of 50 basis points. She estimates the cost of equity using five major publicly-traded Canadian

	

40

	

utilities, using analysts' forecasts in both the three-stage model and the constant growth model.

	

41

	

She believes that, in the case of the Canadian utilities, it is important to look at both the constant
42 and multi-stage growth results because the constant growth model likely overstates the expected

	

43

	

return and the three-stage model likely understates it. For the United States utilities she uses
44 sustainable growth, three-stage growth and constant growth. For the constant growth model she

	

45

	

relies on the earnings forecasts of four global providers of real time financial data with periods of
46 between three and five years, which are intended to represent the normalized rate of earnings
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1

	

growth over a business cycle, She also provides growth estimates based on sustainable growth
2 rates derived from Value Line forecasts of returns on equity, earnings retention rates and

	

3

	

earnings growth from external financing. For the three-stage growth model she employs

	

4

	

investors' forecasts for the first five years, an average for the next five years, and thereafter the
5 long-run expected nominal rate of growth in GDP.
6
7 Newfoundland Power notes that the National Energy Board expressly recognized in 2009 that
8 the integration of Canadian and United States financial markets makes comparisons informative

	

9

	

for determining a fair return and further that the British Columbia, Ontario and Alberta
10 Commissions now all consider United States based discounted cash flow results in informing

	

11

	

their views of appropriate returns. Newfoundland Power submits:
12

	

13

	

"Now the second change... is with respect to US comparisons in determining the fair
	14

	

return, That's driven in part by increased reliance on the DCF methodology because

	

15

	

it's not possible to construct a proxy group of Canadian utilities to apply the DCF

	

16

	

model. There are only two publicly traded Canadian companies that you could use. It is

	

17

	

possible, however, to construct a sample of US utilities, having comparable overall
	18

	

investment risk to Newfoundland Power. Each cost of capital witness did that, including
	19

	

Dr. Booth himself." (Transcript, February 8, 2013, pages 20/15-25 to 2111-3)
20
21 The Consumer Advocate notes that Dr, Booth has started to look at discounted cash flow
22 estimates for both the United States and Canadian markets and that Dr. Booth indicated before
23 the British Columbia Utilities Commission that the United States estimates need to be reduced by
24 90 to 100 basis points. The Consumer Advocate states:
25

	

26

	

"We believe that the evidence is very clear that you must make adjustments. As Dr.

	

27

	

Booth notes, undeniably, long term bond yields are higher in the United States, at least
	28

	

50 basis points higher than in Canada. He then says you look at the market risk

	

29

	

premiums, historic evidence of the market risk premiums are of being higher in the
	30

	

United States, and you look at the Canadian utilities versus the US utilities. You can
	31

	

look at US evidence, but you have to make adjustments. Mr. MacDonald said the same
	32

	

thing." (Transcript, February 8, 2013, page 6912-13)
33

	

34

	

In relation to the analysts' growth estimates, the Consumer Advocate notes that the suggested
35 return on equity decreases when you change from using analysts' growth estimates in the
36 constant growth model to the multi-stage model to the sustainable growth model. The Consumer
37 Advocate concludes;
38

	

39

	

"This is a clear indication that not only are the short run analyst's growth estimates
	40

	

unreasonable methods for long run growth, but that using the long run GDP growth
	41

	

rate also overestimates a reasonable long run growth rate. ... there is no evidence on
	42

	

the record to substantiate that either the Canadian or the US utilities were in fact able
	43

	

to achieve the GDP growth rate historically." (Transcript, February 8, 2013, pages

	

44

	

61115-25 to 6211-7)



31

1 Board Findings - Discounted Cash Flow Model
2

	

3

	

The Board finds that the evidence demonstrates that Canadian utility data is inadequate to

	

4

	

complete a discounted cash flow analysis and that, in the particular circumstances, it may be

	

5

	

informative to look to data from the United States. As to how this data is to be used the Board
6 accepts the evidence of both Dr. Booth and Mr, MacDonald that there are differences in the
7 United States and Canadian experience that justify an adjustment to the discounted cash flow
8 results. Dr. Booth suggests an adjustment of 100 basis points. Mr. MacDonald makes a 72 basis
9 point adjustment, The British Columbia Utilities Commission has found that the United States

10 data should be adjusted by between 50 and 100 basis points. The Board finds that an adjustment

	

11

	

of 50 to 100 basis points is appropriate at this time.
12
13 In addition, the Board shares the concern expressed by the Consumer Advocate in relation to the
14 use of analysts' forecasts which are intended to reflect expected growth over a three to five-year

	

15

	

period to determine long-run growth expectations. The Board notes the results are significantly
16 higher when analysts' forecasts are used in the constant growth method. The Board observes that

	

17

	

Dr. Booth is skeptical as to the use of these forecasts and suggests that these forecasts should be
18 used in two-stage models. The Board also notes the evidence of Mr. MacDonald that, over the
19 long run, growth likely reverts to market average. The Board believes that a multi-stage model
20 best reflects the available information and how it was intended to be used. The sustainable model
21 used by Ms. McShane may also be informative.
22
23 The Board notes that, when the allowance for financing flexibility is included, Ms. McShane's
24 discounted cash flow model suggests a return of 9,9%, This result reflects unadjusted United

	

25

	

States data and the use of analysts' forecasts in the constant growth model. Mr. MacDonald's

	

26

	

multi-stage United States indication is 9.55%. Dr. Booth's result for United States utilities is
27 9.23%. As the Board believes that adjustments must be made to the United States data and does
28 not accept the use of analysts' forecasts using the constant growth model the Board would
29 estimate an indicated return of 9.0% using the discounted cash flow model.
30
31 The Board will place less weight on the results of the discounted cash flow model and
32 accepts that the estimated return on equity using the discounted cash flow is 9.0%.
33

	

34

	

ix)

	

Fair Return on Equity
35
36 Newfoundland Power argues that its allowed returns on equity for 2010 through 2012 were

	

37

	

amongst the lowest in Canada for investor-owned electric utilities, though the returns were

	

38

	

sufficient to preserve its financial integrity. Newfoundland Power states:
39

	

40

	

"In setting the return, the Board should be mindful that Newfoundland Power's allowed
	41

	

ROE's since the last GRA have been below par, That was especially true in 2011, but it
	42

	

was also true in 2010 and 2012. So the allowed returns for those years are not the
	43

	

appropriate benchmarks for the return that you should set today.
44

	

45

	

Now my friend Mr. Johnson, the Consumer Advocate, will say that the cost of equity has

	

46

	

come down and I'm sure he will say to you Ms. McShane said so. But it hasn't come
	47

	

down from nine percent. It's come down from what the real cost of capital was in 2010.
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1

	

If you look at allowed utility returns in Canada, the average was 9.29 percent in 2010.

	

2

	

It was 9.08 percent in 2012 and you'll find that information in the response to the PU13

	

3

	

staff question PUB-CA-023 and find it in Ms. McShane's Schedule 3, page two of two.

	

4

	

And the evidence of the cost of capital witnesses was that the financial market

	

5

	

conditions in 2013, 2014 will be no different than in 2012. You'll find Dr. Booth's

	

6

	

answer saying that at PUB-CA-015." (Transcript, February 8, 2013, pages 17/12-25

	

7

	

to 18/1-11)
8
9 The Consumer Advocate submits that the evidence establishes that Newfoundland Power

	

10

	

overstates the return on equity required to maintain credit worthiness and to ensure it is able to

	

11

	

issue further debt. He notes that Newfoundland Power has had financial integrity since the last

	

12

	

general rate application and that the Board's financial consultant's report shows that, even if

	

13

	

Newfoundland Power received no rate relief in either 2013 and 2014, it would still be meeting
14 its credit metrics. The Consumer Advocate submits:
15

	

16

	

"It is one thing for company witnesses to come before the Board with a multitude of
	17

	

tests and methods, but the fundamental question is whether the results are reasonable.
	18

	

It is necessary to pause and consider that we are dealing with the fair ROE
	19

	

determination for a low risk utility. TD Economics, Royal Bank of Canada and Mercers

	

20

	

have all been cited in Dr. Booth's evidence. These institutions are independent."
	21

	

(Consumer Advocate, Written Submission, page 27)
22

	

23

	

Dr. Booth states that cost of capital is not as complicated as experts make it and that the
24 members of the panel should look at what independent economists such as TD Economics, the
25 Royal Bank of Canada and Mercers are saying. He reports that on October 19, 2012 TD
26 Economics projected long-run returns on equities in Canada of 7.0% which convert to an
27 arithmetic return of 9.0%, Dr, Booth explains that three years ago Mercers estimated that the
28 long-run return on the equity market was 8.5%. He states that there is no question that the
29 estimates put forward by independent people looking at what we can expect in the equity market
30 have come down significantly over the last three years, Dr. Booth also suggests that the Board

	

31

	

look to the changes in the recommendations of the experts compared to the last general rate
32_ application and concludes:
33

	

34

	

"They're all unanimous that it goes down. Then I think that is where all of the experts
	35

	

are in unanimous agreement that the recommended ROE has gone down by 50-60 basis
	36

	

points. And if they think nine percent was fair in 2009, that means a level of 8.4 or 8.5

	

37

	

percent." (Transcript, January 18, 2013, page 145/5-11)
38

	

39

	

Dr. Booth states that since the collapse in interest rates, market to book ratios have gone well
40 above one indicating that investors are very happy with the allowed returns. Dr. Booth notes that

	

41

	

the 9.08% average cost of capital in 2012 in Canada, as set out in Schedule 3 of Ms. McShane's
42 evidence, includes the return for some demonstrably more risky utilities than Newfoundland
43 Power. Dr. Booth recommends a return for Newfoundland Power for 2013 of 7.5%. In the
44 alternative, he recommends the Board fix the return on equity for a five-year period at 8.25%.
45
46 Dr. Vander Weide believes the cost of equity has declined recently, but not by nearly as much as
47 the interest rate, and that it is still higher than the allowed returns in Canada. He recommends a

	

48

	

cost of equity of 10.4%.
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1

	

Ms. McShane explains that the cost of equity for a utility is probably 50 basis points lower than
2 it was in 2009 and recommends a return on equity of 10.5%.
3
4 The Dominion Bond Rating Service states in its report dated February 14, 2013 that
5 Newfoundland Power's financial profile has been reasonable for the rating category, supported
6 by stable earnings and cash flow, as well as reasonable leverage. It expects Newfoundland

	

7

	

Power's earnings to be relatively stable for 2013 as the majority of the earnings are derived from
8 regulated operations, Moody's Investors Service, Credit Opinion: Newfoundland Power Inc.,
9 dated January 18, 2013, states that a downgrade revision of Newfoundland Power's rating is

10 unlikely in the near term with a downgrade possible if there is a meaningful reduction in the

	

11

	

level of regulatory support combined with a sustained deterioration in financial metrics such as
12 CFO Pre-WIC to interest coverage of less than 2.6x, CFO Pre-WC to debt in the low teens and

	

13

	

RCF to debt below 9.0%. Moody's Investors Service states:
14

	

15

	

"Despite the fact that NM has one of the lowest allowed ROEs in Canada (8.80% for
	16

	

2012), we continue to view the PUB as one of the more supportive regulators in
	17

	

Canada, Regulatory decisions tend to be timely and balanced and NP1's 45% deemed
	18

	

equity is one of the highest in Canada." (Exhibit JP-4, Moody's Investors Service,

	

19

	

Credit Opinion: Newfoundland Power Inc., January 18, 2013)
20

	

21

	

Board Findings ^- Fair Return on Equity
22
23 The cost of capital recommendations of the experts can be summarized as follows:

Sua IPI- A
Cost of Capit
r..of Fspert

al
Ev1[lence

Expert Witness Ms.
McShanel

Dr. Vander
Weide

Dr.
Booth

Mr.
MacDonald

Capital Asset Pricing Model 9.4%2 NIA 7.5% 6.84%
Historic Equity Risk Premium 10.75% 2 9.9% NIA 10.26%
Forward-Looking Equity Risk Premium 10.00%n2 11.10% NIA NIA
Discounted Cash Flow 9.90%2 10.2% NIA 9.63%

Recommended Return on Equity 10.50%2 10.40% 7.50% 8.91%
8.25% 3

Ms. McShane's recommendation in relation to the comparable earnings test is not shown.
2 Ms. McShane's results reflect the accepted allowance for financing flexibility of 50 basis.
' Recommended in the alternative fora five-year period.

24 Taking Ms. McShane and Dr. Vander Weide as effectively supporting one recommendation on
25 behalf of Newfoundland Power the range of fair returns recommended by the experts for
26 Newfoundland Power is 7.5% to 10.5% with an average of 8.95% and a midpoint of 9.0%. The
27 Board notes that Dr. Booth also recommended as an alternative that the Board could fix the
28

	

return on equity for a five-year period at 8.25%.
29
30

	

The Board, after reviewing the evidence, finds that there are significant issues in relation to each
31

	

of the methodologies used. The Board has in the past given preference to the capital asset pricing
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1

	

model but concludes that the current state of the bond market requires that more judgement be

	

2

	

exercised in considering the results of this model. The Board finds that the estimated return

	

3

	

indicated by the capital asset pricing model is 8.2%. The Board estimates that the historic and
4 forward-looking equity risk premium models suggest a return of 9.3% but concludes that little
5 weight should be given to these models. The Board notes significant issues with the discounted
6 cash flow model and, in light of considerations around the use of United States data and analysts'

	

7

	

growth forecasts, it will give less weight to the estimated return using the discounted cash flow
8 test of 9.0%. The Board finds that the range of returns suggested by the methodologies is 8,2% to
9 9.3% with an average of 8.8%. If the historic and forward-looking equity risk premium results

	

10

	

are excluded the average is 8.6%.
11

	

12

	

The evidence of the experts is clear that the cost of equity has declined since the last general rate

	

13

	

application by approximately 50 basis points. The return established by the Board for
14 Newfoundland Power for 2010 was 9.0%. In rune of 2012 the Consumer Advocate and
15 Newfoundland Power settled on a cost of capital for Newfoundland Power for 2012 of 8.8%
16 which was accepted by the Board. The evidence in this proceeding does not suggest a significant
17 change in forecasts for 2013 and 2014.
18
19 The evidence in relation to credit metrics is informative in relation to the issue of Newfoundland
20 Power's credit rating and financial integrity. According to Exhibit 5 of the Application an

	

21

	

allowed return on equity of 8.75% would result in an estimated cash flow interest coverage of
22 3.25 times and a cash flow to debt of 15.2%. This would keep Newfoundland Power well within

	

23

	

acceptable financial metrics according to the Moody's Investors Service downgrade threshold as

	

24

	

set out in the table below.

(Source: Application Exhibit 3P-4, Order P.U. 43(2009) )

25 Considering the recommendations of the experts, the Board's analysis of the range of returns
26 suggested by the accepted methodologies, the evidence in relation to changes and trends in
27 market conditions and expected returns, and the evidence in relation to credit metrics, the Board
28 believes that a fair rate of return on equity for Newfoundland Power for 2013 and 2014 is 8.80%.
29
30 The Board accepts that for the 2013 and 2014 test years a ratemaking return on common
31 equity of 8.8%, with a deemed common equity component of 45%, will provide
32 Newfoundland Power the opportunity to earn a just and reasonable return on rate base
33

	

that is consistent with the fair return principle and the provision of least cost reliable
34 power.

MQODY.7S1 V1,:S`LORSSERVICE DOWNCRAfE

2007	 20(0)	 2013/1.4,
3.Ox 2.5x 2.6xCFO Pre-WIC to interest coverage

RCF to debt

	

9.0%
CFO Pre-WIC to debt

	

15%

	

low teens

	

low teens
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1

	

2.

	

Automatic Adjustment Formula
2
3 Newfoundland Power submits that the Board should discontinue the use of the automatic
4 adjustment formula, arguing that the formula has not provided a reasonable opportunity to earn a
5 fair return each year. Newfoundland Power further argues that the divergent formulas proposed

	

6

	

in this proceeding do not provide a basis for ensuring a reasonable opportunity to earn a fair
7 return following the test years. Newfoundland Power submits that since 2009 there has been no
8 broad consensus amongst Canadian utility regulators with regard to using an automatic
9 adjustment formula with only the Ontario Energy Board and the Regie de 1'Energie du Quebec

10 maintaining a formula. Newfoundland Power states:
11

	

12

	

"The lack of consensus over automatic adjustment formulas arises because there's no
	13

	

longer any clear and predictable relationship between long Canada bond yields and a
	14

	

utility's cost of equity. The attempts in this hearing to create a formula proxy for a
	15

	

utility's cost of equity have resulted in proposals which are complicated and uncertain.
	16

	

The proposed formulas not only incorporate utility bond credit spreads, but they've also
	17

	

added floors and dead bands and automatic triggers. There's no principal basis for us
	18

	

to conclude that such mechanisms will correctly establish the cost of equity for
	19

	

Newfoundland Power." (Transcript, February 8, 2013, pages 24123-25 to 2511-12)
20
21 Ms. Perry testifies that Newfoundland Power does not propose a formula given the lack of
22 consensus on the relationship between long-term Canada Bond yields and the utility's cost of

	

23

	

capital. She states:
24

	

25

	

"I believe the proposed formulas demonstrate that lack of consensus. The 1.2 percent

	

26

	

increase in long Canada bond yields in Mr. MacDonald's proposed formula would

	

27

	

almost certainly increase NewwfoundlandPower 's forecasted cost of equity. However, a

	

28

	

1.2 percent increase in Dr. Booth 's proposed formula would either leave Newfoundland
	29

	

Power 's forecast cost of equity unchanged or could potentially reduce it." (Transcript,

	

30

	

January 10, 2013, page 162112-21)
31
32 Ms. McShane explains:
33

	

34

	

"In light of the persistently unsettled capital markets and the unstable relationship
	35

	

between the utility cost of equity and Government bond yields, it would be, in my view,
	36

	

difficult to construct an automatic adjustment mechanism for return on equity at this

	

37

	

time that would successfully capture prospective changes in the utility cost of equity. In
	38

	

particular, an automatic adjustment formula tied to changes in government bond yields
	39

	

has the potential to unfairly suppress the allowed ROE." (Ms. Kathleen McShane,

	

40

	

Written Evidence, page 48)
41
42 Newfoundland Power submits that it is clear that there will be a continuing period of low long-

	

43

	

term Canada bond yields for at least the next three years and that the best approach at this time is
44 to discontinue the use of the formula and set a reasonable rate of return for Newfoundland Power
45 with a cost of capital review if market conditions change. Newfoundland Power explains that the
46 certainty of a known return which is fair and reasonable is preferable to the uncertainty of what a
47 formula may or may not do in a world of uncertain financial markets which are driven by
48 government monetary policy rather than normal market forces.
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1 The Consumer Advocate supports the continued use of an automatic adjustment formula, He
2 states that both Mr. MacDonald and Dr. Booth recommend a formula and he supports Dr.
3 Booth's recommended formula. The Consumer Advocate states:
4

	

5

	

"This Board has a long history of using the formula and we regard Dr, Booth's

	

6

	

recommendation as regards adjustment to changes in long Canada bond yields as

	

7

	

reasonable, and in line with the Board's historical adjustment mechanism."
	8

	

(Transcript, February 8, 2013 page 84118-23)
9

10 Dr. Booth explains that he recommends a formula because he was asked to but a formula is not

	

11

	

the only option. He explains that he thinks it would also be reasonable to fix a return of 8.25%
12 for five years and if Newfoundland Power feels it is unfair in two or three years it can apply to
13 the Board for a finding that it is unfair at the time. The Consumer Advocate does not support Dr.

	

14

	

Booth ' s suggestion that the return could be set for a period of five years or until a general rate

	

15

	

application.
16
17 Mr. MacDonald explains that he believes a formula is appropriate because it creates regulatory

	

18

	

certainty so that all the parties around the table understand what will happen in 2015 if there is
19 no rate hearing. However, he confirms that he agrees with Dr. Booth that one of the alternatives
20 that the Board should consider is simply setting a rate of return, and either party can come back

	

21

	

and apply to change it as needed.
22
23 Board Findings - Automatic Adjustment Formula
24
25 The automatic adjustment formula was initially established for Newfoundland Power in Order
26 Nos, P.U. 16(1998-99) and P.U. 36(1998-99). At the time the Board stated that there may be
27 circumstances which would render the use of an automatic adjustment formula inappropriate for
28 Newfoundland Power, including changes in financial market conditions which would suggest
29 that the formula is not accurately reflecting the appropriate return on equity. In 2009, during its
30 last general rate application, Newfoundland Power sought the discontinuation of the automatic

	

31

	

adjustment formula. The Board rejected Newfoundland Power's request and ordered the
32 continued use of the formula stating that it is fundamental to the multi-year regime in place in

	

33

	

this Province and that it contributes to regulatory predictability and certainty. The formula was
34 used to set Newfoundland Power's return in 2011 but, upon application from Newfoundland
35 Power, the Board suspended the operation of the formula for 2012 and the return on equity was

	

36

	

established by the Board after considering the negotiated settlement of the parties.
37
38 While the Board continues to see the value of an automatic adjustment formula, the evidence is

	

39

	

clear that the formula as it is currently structured may not result in a fair return for
40 Newfoundland Power in the current circumstances. Long-term Canada bond yields are

	

41

	

abnormally low which is particularly problematic in the operation of the automatic adjustment
42 formula. In the absence of a clear relationship between the long-term Canada bond yield and the

	

43

	

cost of equity it is difficult to see that the established return can be appropriately adjusted for
44 2015 without the exercise of further judgement. Dr. Booth and Mr. MacDonald offered opinions

	

45

	

as to changes that could be made to the formula to account for the unusual financial conditions.
46 Ms. McShane and Ms. Perry doubted whether the current financial conditions could be
47 effectively addressed in the formula. The Board accepts that in the circumstances it would be
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1

	

difficult to conclude that any formula could be relied on to establish a fair rate of return after the

	

2

	

test years.
3
4 Newfoundland Power has applied for rates to be established based on two test years, 2013 and

	

5

	

2014. Newfoundland Power states that a three-year interval between general rate applications
6 appears reasonable, and given this timeframe its next general rate application would be filed in
7 June 2015 for a 2016 test year. The Board agrees with Newfoundland Power that a three-year

	

8

	

period between general rate applications is generally consistent with sound utility regulation.
9 Newfoundland Power states that it prefers the certainty of setting a rate of return for a period of

10 time. The Board notes that the experts forecast a period of relative stability in the bond markets

	

11

	

with continued low long-term Canada bond yields and a gradual return to normal levels over the

	

12

	

next several years. Dr. Booth suggests that the Board could set a rate of return for five years,
13 though this suggestion was rejected by the Consumer Advocate.
14

	

15

	

Given the Board's reservations in relation to the use of the formula in the circumstances the

	

16

	

Board finds that, in the interests of regulatory efficiency and certainty, it is appropriate to
17 continue Newfoundland Power's rate of return on common equity at 8.8% for 2015. The Board
18 will monitor economic conditions throughout the period and, in accordance with normal process,

	

19

	

if there is a dramatic change in circumstances which suggest that the established rate of return is
20 unfair an application can be filed by Newfoundland Power or directed by the Board. To be clear

	

21

	

the Board is not discontinuing the use of the automatic adjustment formula and, in the absence of
22 a further Order of the Board, it will be used to establish a fair return for Newfoundland Power

	

23

	

following its next general rate application.
24
25 The Board will not order the use of the formula to establish the rate of return after the
26 2013 and 2014 test years. The Board accepts that a ratemaking return on common equity of
27 8.8% in 2015, with a deemed common equity component of 45%, will provide
28 Newfoundland Power the opportunity to earn a just and reasonable return on rate base

	29

	

that is consistent with the fair return principle and the provision of least cost reliable
30 power.
31
32 The Board will require Newfoundland Power to file a general rate application with a 2016

	33

	

test year on or before June 1, 2015.
34

	

35

	

3.

	

Depreciation
36
37 Newfoundland Power does not propose to change its existing depreciation system and proposes

	

38

	

to update depreciation rates and amortize an accumulated reserve variance of $2,6 million over the

	

39

	

remaining life of the assets. These proposals would result in depreciation estimates for 2013 and

	

40

	

2014 of $46,6 million and $48,3 million, respectively, increasing the amount to be recovered in

	

41

	

customer rates by approximately $0.7 million per year. These estimates are based on the
42 depreciation study prepared by Gannett Fleming for plant in service at December 31, 2010.
43
44 The Consumer Advocate argues, based on the expert evidence of Mr. Jacob Pous, that the
45 following adjustments should be made to Newfoundland Power's proposals:
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1

	

(i)

	

a change from the equal life group procedure to the average life group procedure;

	

2

	

(ii)

	

changes to proposed mass property life analysis for seven accounts; and

	

3

	

(iii)

	

a change to the proposed mass property net salvage analysis for one account.
4
5 The combined impact of these recommendations would be an annual reduction of approximately

	

6

	

$10.5 million in depreciation expense beginning in 2013.
7

	

8

	

i)

	

Equal Life Group Procedure
9

10 Newfoundland Power has used the equal life group procedure for many years and proposes the

	

11

	

continued use of this procedure. The Board first accepted the use of the equal life group
12 procedure for Newfoundland Power for new plant in 1978 with full adoption for all plant in

	

13

	

1982. The equal life group procedure mathematically estimates the life for each unit, subdivides
14 property into groups having equal lives and then calculates depreciation for each equal life group

	

15

	

based on the straight line method. Under the average life group procedure, each asset in the

	

16

	

account is depreciated over the average life of the account.
17
18 Gannett Fleming has been performing depreciation studies for Newfoundland Power since 1995
19 and has used the equal life group procedure in each of these studies. Mr. Wiedmayer
20 recommends that the equal life group procedure continue to be used by Newfoundland Power

	

21

	

and explains:
22

	

23

	

"First of all, both the equal life group and the average life group procedures are

	

24

	

accepted depreciation procedures in utility rate making. I have conducted numerous

	

25

	

studies for utility companies using both procedures. Equal life group procedure has been

	

26

	

used in Newfoundland by Newfoundland Power for over 30 years. Equal life group

	

27

	

procedure is used by a majority of Canadian electric and gas studies based upon my

	

28

	

knowledge of what other utilities are using, and we've provided a list of approximately 34

	

29

	

Canadian utilities in the exhibits that we filed and a slight majority use the equal life

	

30

	

group procedure in Canada. I believe the equal life group procedure provides a more
	31

	

accurate estimate of the actual consumption of the service value of the property. The

	

32

	

major advantage of equal life group procedure is that it more closely matches the

	

33

	

depreciation charge with the service rendered during the life of the property than does
	34

	

the average life group procedure." (Transcript, January 23, 2013, pages 4515-25 to

	

35

	

4611-2)
36
37 The Consumer Advocate acknowledges that the equal life group procedure may represent the

	

38

	

best mathematical depreciation procedure in theory but submits that there is a valid basis to
39 question whether, as applied in the real world of utility operation and ratemaking, it is the
40 procedure that results in the best matching of the consumption and service value of the assets.
41
42 Mr. Pous states that the average life group procedure is the industry standard calculation and

	

43

	

estimates that using this procedure would result in a total reduction of overall depreciation
44 expense of approximately $7.0 million. He explains his concerns in relation to the equal life

	

45

	

group procedure:
46

	

47

	

"While proponents of ELG claim that it is the most precise calculation procedure, they
	48

	

fail to note that that situation only exists in a theoretical world. In the reality of utility
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	1

	

ratemaking or the real world, ELG is one of the least precise forms of depreciation and

	

2

	

results in greater levels of true-up to correct for prior differences between estimates and

	

3

	

actual retirement patterns. " (Mr, Jacob Pous, Written Evidence, page 5)
4
5 Mr. Pous raises several concerns in relation to Newfoundland Power's use of the equal life group

	

6

	

procedure, specifically:
7

	

8

	

(i)

	

the equal life group procedure is not precise and will require a greater degree of

	

9

	

true-up to correct for differences between forecasts and actuals;

	

10

	

(ii)

	

the equal life group procedure is more time sensitive than the average life group

	

11

	

procedure and is already outdated by the time it is presented in a depreciation

	

12

	

study; and

	

13

	

(iii) Newfoundland Power's net salvage estimates and depreciation reserve are not

	

14

	

calculated on an equal life basis.
15

	16

	

Mr. Pous raises issues in relation to matching and intergenerational inequity and states:
17

	

18

	

"The reality is that for the past three decades customers have overpaid due to the
	19

	

implementation of ELG-based depreciation rates. Current customers and future

	

20

	

customers will continue to receive this subsidy if the ELG calculation procedure is
	21

	

adopted. Alternatively, adoption of the ALG calculation procedure will result in a

	

22

	

transition period of at least 11 to 15 years where customers during this period will

	

23

	

receive lower levels of subsidies until they reach a level where they are back to paying

	

24

	

the level of capital recovery they should have been paying all along, taking into account

	

25

	

depreciation,- return, and taxes." (Mr. Jacob Pous, Surrebuttal Evidence, January

	

26

	

18, 2013; page 14)
27
28 Mr. Wiedmayer argues that the equal life group procedure better matches capital recovery with

	

29

	

the actual lives forecast by the estimated survivor curve, stating:
30

	

31

	

"As a result, the ELG procedure allocates cost in a manner that approximates the result

	

32

	

of each asset being depreciated over its actual life. Conversely, the ALG procedure
	33

	

depreciates every unit of property within an account over the same life, that is, the
	34

	

average life. As Figure 2 shows, this average life will be incorrect the majority of the
	35

	

time-in this example, the average life will be the wrong life for 98.18% of the assets."
	36

	

(Mr. John Wiedmayer, Rebuttal Evidence, December 2012, page 8)
37
38 Mr. Wiedmayer explains that the benefits to customers of switching to the average life group

	

39

	

procedure are time limited as the resulting higher rate base would eventually lead to a higher
40 revenue requirement. Mr. Wiedmayer addresses the three issues raised by Mr. Pous as
41 summarized below.
42

	

43

	

(i)

	

The concern in relation to the precision of the equal life group procedure is

	

44

	

overstated and is applicable to any calculation procedure, including average life

	

45

	

group. Further, it is wrong to suggest that the equal life group procedure magnifies

	

46

	

the degree of error to be corrected between depreciation studies.
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1

	

(ii)

	

The argument that the equal life group procedure is time sensitive is without
2

	

substance and in reality Mr. Pous' proposal is as time sensitive as the continued
3

	

use of the equal life group procedure.
4

	

(iii)

	

The suggested inconsistency in relation to net salvage is overstated given that the
5

	

net salvage estimates in depreciation studies tend to be conservative estimates of
6

	

future net salvage. Further Newfoundland Power does not maintain its
7

	

depreciation reserve on either an equal life group or average life group procedure
8

	

basis and that since the equal life group procedure has been used for decades the
9

	

cumulative depreciation accruals in the depreciation reserve are primarily based
10

	

on equal life group depreciation accruals.
11
12 Newfoundland Power states that its revenue requirement is lower today as a result of the historic
13 use of the equal life group procedure. Newfoundland Power concludes:
14
15

	

"ELG is a recognized sound public utility practice in Canada. It best matches the
16

	

expense with the life of the utility assets. It also ensures the fulfilment of the power
17

	

policy requirement of least cost power consistent with reliability over the long term.
18

	

Customer rates today are 3.7 million dollars less annually because of the Board's
19

	

decision to adopt ELG. " (Transcript, February 8, 2013, page 31111-20)
20
21 The Consumer Advocate concludes:
22
23

	

"We advocate ALG as the method by which the vast majority of customers in North
24

	

America have their depreciation expenses determined, and a method that does not result
25

	

in a situation where depreciation accruals are higher in earlier periods and lower in
26

	

later periods, and a method, in our respectful submission, that is more aligned with the
27

	

reality of how depreciation actually gets implemented in the utility industry, and in rate

28

	

cases. " (Transcript, February 8, 2013, page 10116-16)
29
30 Board Findings - Equal Life Group Procedure
31
32 Depreciation is defined by the American Institute of Certified Public Accountants as follows:
33
34

	

"Depreciation accounting is a system of accounting which aims to distribute the cost or
35

	

other basic value of tangible capital assets, less salvage (if any) over the estimated
36

	

useful life of the unit (which may be a group of assets) in a systematic and rational
37

	

manner. It is a process of allocation, not of valuation. Depreciation for the year is a
38

	

portion of the total charge under such a system that is allocated to the year. Although
39

	

the allocation may properly take into account occurrences during the year, it is not
40

	

intended to be a measurement of the effect of all such occurrences." (Mr. Jacob Pous,
41

	

Written Evidence, page 7)
42
43

	

The Public Utilities Act, RSNL 1990, c. P-47, states:
44
45

	

68 (1) A public utility shall make provision for proper and adequate annual
46

	

depreciation of its property and assets used and useful in providing or supplying each
47

	

kind of service, and shall keep proper accounts.
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1

	

(2) The annual depreciation shall be calculated by the straight line method or by

	

2

	

another method that the board may prescribe,

	

3

	

(3) A public utility shall report to the board the annual rates of depreciation applied to

	

4

	

the several classes of property of the public utility.

	

5

	

(4) The board may ascertain and determine what are proper and adequate rates of

	

6

	

depreciation of the several classes of property of a public utility, and the public utility

	

7

	

shall conform its depreciation account to the rates so ascertained and determined.

	

8

	

(5) The board may revise the rates of depreciation as it considers necessary or

	

9

	

expedient.
10

	

11

	

The Board finds that both the equal life group procedure and the average life group procedure are
12 accepted depreciation procedures which are widely used by Canadian electric utilities and
13 approved by Canadian regulators. The evidence does not demonstrate that the equal life group

	

14

	

procedure results in improper or inadequate rates of depreciation or intergenerational inequity.

	

15

	

The Board accepts that both procedures can be considered straight-line with the equal life group
16 procedure grouping by asset life and the average life group procedure grouping by class of asset.
17 The Board finds that the evidence does not demonstrate that the equal life group procedure is less

	

18

	

precise or causes larger true-ups in the depreciation study updates. The Board accepts that the
19 equal life group procedure is an industry standard approach for the determination of proper and

	

20

	

adequate depreciation rates.
21
22 Newfoundland Power has been using the equal life group procedure for all of its assets since

	

23

	

1982. The Board is not persuaded to direct Newfoundland Power to abandon the equal life group
24 procedure which has been approved and used by Newfoundland Power for decades. The

	

25

	

evidence is clear that moving to the average life group procedure now would result in significant
26 fluctuations in depreciation expense with rates dropping for several years to adjust for prior
27 depreciation rates and thereafter increasing to levels which are higher than existing rates. Having
28 found that equal life group is an accepted and reasonable procedure the Board will maintain a
29 consistent approach and accept the continued use of the equal life group procedure.
30
31 The Board will accept Newfoundland Power's proposal to continue to use the equal life
32 group procedure.
33

	

34

	

ii)

	

Service Lives
35
36 Newfoundland Power has 57 mass property accounts. Gannett Fleming recommends an increase

	

37

	

in the services lives for 27 accounts, a reduction of service life for 5 accounts and no change for
38 25 accounts. The Consumer Advocate has no objection to the recommended service lives for 50
39 of these accounts but, based on the recommendations of Mr. Pous, submits that Newfoundland
40 Power's proposed life extension for seven accounts be further extended. The proposed estimated

	

41

	

service lives are set out in the table below.



42

Estimated Service Lives
Current and Proposed

Newfoundland Consumer
Currently Power Advocate

Account Description Approved Proposal Proposal
355,1 Transmission Poles 44 47 51
355.2 Transmission Poles and Fixtures 44 47 51
361.12 Distribution Bare Aluminum 50 55 61
361.2 Distribution Underground Cables 40 45 57
362.1 Distribution Poles (Under 35') 45 48 57
362.2 Distribution Poles (35' and Over) 45 48 57
365.1 Services Overhead 39 44 51
(Source: Newfoundland Power, Written Submission, Table P-1)

1 Mr. Pous explains that he reviewed the major accounts of Newfoundland Power and for the
2 seven accounts for which he is recommending adjustments he reviewed all actuarial analyses,
3

	

Gannett Fleming notes in relation to input from Newfoundland Power personnel, industry
4 information and responses to Requests for Information. He explains that based on this
5 information and his extensive experience and knowledge, having performed hundreds of
6 depreciation analyses throughout Canada and the United States, he is recommending adjustments
7

	

to seven accounts. He calculates a reduction in depreciation expense of $2.8 million dollars if
8 these adjustments are made.
9

10 The Consumer Advocate states:
11
12

	

"We submit, first of all, that the Board shouldn't give Newfoundland Power's
13

	

depreciation expert an automatic pass on the accounts because of his relationship with
14

	

Newfoundland Power and the fact that he's met with the company personnel. We would
15

	

urge you to look at the evidence on each of the accounts and to see if it stands up to
16

	

scrutiny. " (Transcript, February 8, 2013, page 10212-10)
17
18

	

Newfoundland Power states that the essential issue in relation to service lives is the degree of life
19 extension and explains that Mr. Pous proposes an average extension of approximately 25%
20 beyond the existing service life for the seven accounts while Gannett Fleming proposes a 10%
21

	

life extension. Mr. Wiedmayer believes that the extensions recommended by Mr. Pous are
22 dramatic and should be supported by overwhelming evidence. Mr. Wiedmayer states:
23
24

	

"I think it's unreasonable to expect for mass property assets such as poles, overhead
25

	

conductor, underground conductor services, to change as significantly as what the
26

	

consumer advocate is proposed for these types of assets in one study over a five year
27

	

period of time. 1 believe there's some risk that his - are maybe overstating the lives and
28

	

in one study, I typically don't see that magnitude of change when I do studies for other
29

	

utilities." (Transcript, January 23, 2013, page 63112-21)
30
31

	

Mr. Wiedmayer explains that the service life recommendations in the depreciation study are
32 based on a number of factors including analysis of data, discussions with Newfoundland Power
33 operating staff and management, prior life estimates and a general knowledge of the property. He
34 believes that the recommendations of Mr. Pous are based on different interpretations of data
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1

	

accompanied by general, and often incorrect, assumptions about the property. Newfoundland
2 Power submits that:
3

	

4

	

"There is no reasonable evidence on the record supporting changes of this magnitude.

	

5

	

More significantly, there is no evidence whatsoever on the record of this Application

	

6

	

indicating that the service lives recommended in the Depreciation Study are not

	

7

	

reasonable." (Newfoundland Power, Written Submission, page F-11)
8
9 The specific accounts identified by Mr. Pous for adjustment are discussed below.

10

	

11

	

a.) Accounts 355.1 and 355.2 - Transmission Poles and Fixtures
12
13 The approved service life for these accounts is 44 years. Gannett Fleming recommends an
14 increase to 47 years and Mr. Pous recommends an increase to 51 years.
15
16 Mr. Pous believes the service lives for the assets in these accounts can be extended beyond that
17 recommended by Gannett Fleming based on the historical data and the inspection program. Mr.

	

18

	

Pous states:
19

	

20

	

"As noted by Gannett Fleming in its 2010 Study, there have been many improvements

	

21

	

over the past 5 years to the Company's Transmission system and generally in the industry

	

22

	

for the past several decades. Those recent improvements obviously have not been in place

	

23

	

long enough to be adequately or realistically reflected in the historical actuarial analysis.

	

24

	

This fact is significant given that approximately 25% of the current investment has been

	

25

	

added in just the past 5 years and approximately 40% of the investment has been added

	

26

	

in the last decade" (Mr. Jacob Pous, Written Evidence, pages 26-27)
27

	

28

	

In relation to the inspection program Mr. Pous states:
29

	

30

	

"This is the first utility that I am aware of that claims no life related benefits relating to

	

31

	

inspection programs. Indeed, even Mr. Wiedmayer noted in response to CA-NP-084 that

	

32

	

the new testing programs allow the Company to better target replacements and

	

33

	

maintenance. In other situations, utilities are able to extend service lives for poles due to

	

34

	

better maintenance practices. In addition, while inspection programs normally do result

	

35

	

in an initial wave of retirements because they identifi) poles that will have a higher

	

36

	

probability of failure in the future and proactive steps are taken to replace those most at

	

37

	

risk, they also result in longer life expectancy for the remaining poles that, absent the

	

38

	

inspection, would eventually fail earlier than they would otherwise." (Mr. Jacob Pous,

	

39

	

Surrebuttal Evidence, January 18, 2013, page 34)
40

	

41

	

Mr. Wiedmayer states that Mr. Pous' estimates ignore significant data points and are not based
42 on any additional information other than that provided in the depreciation study. Mr. Wiedmayer

	

43

	

believes that the reliability program will lead to more retirements in the future since certain poles

	

44

	

that would have been retired upon failure will be replaced earlier. He also notes that pole
45 treatments over the years have become more environmentally friendly but less effective in
46 preventing decay.
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1

	

Mr. Smith, Newfoundland Power's Vice-President of Engineering and Operations, spoke to the
2 impact inspection programs can have on the service life of assets, explaining:
3

	

4

	

"Inspection practices have impacts on the service lives of the company's assets. For

	

5

	

certain assets such as substation equipment, inspections will tend to increase service

	

6

	

lives. For other assets, such as poles and wires, inspections tend to decrease service

	

7

	

lives," (Transcript, January 25, 2013, page 1313-9)
8

	

9

	

b.) Account 361.12 - Bare Aluminum Cables
10

	

11

	

The approved service life for this account is 50 years. Gannett Fleming recommends an increase
12 to 55 years and Mr. Pous recommends an increase to 61 years.
13
14 Mr. Pous explains that his recommendation is based primarily on the actuarial data. He states
15 that Mr. Wiedmayer's reference to data from the period 2000-2009 reflects a period too short to

	

16

	

provide statistically credible results. He explains that a longer life expectancy for a conductor is

	

17

	

anticipated given the industry practice of more inspection programs and better design criteria and

	

18

	

concludes that the more recent experience provides additional insights to trends. He rejects the

	

19

	

assertion that inspection programs result in shorter lives and believes that inspection programs

	

20

	

should result in better maintenance on a more timely basis and ultimately yields a longer life

	

21

	

expectancy for associate assets.
22

	

23

	

Mr. Wiedmayer points out that Mr. Pous relies on a 1990-2009 experience band to support a

	

24

	

longer service life, when a more detailed analysis of more recent activity shows that the trend is

	

25

	

actually to increasing levels of retirements. He notes that retirements declined in the 1990s,
26 during the downturn in the economy, and increased significantly starting in 2000 and, further,
27 that this upward trend is expected to continue. Mr. Wiedmayer comments on the impact of the

	

28

	

reliability program as follows:
29

	

30

	

"Further, the impact the reliability program will have on poles will -- if anything - also
	31

	

tend to shorten the lives of overhead cables. Since due to the reliability program the

	

32

	

poles in service will generally have less decay and will be stronger structurally, the
	33

	

impact of the elements (such as storms and wind) will have less of an effect on poles.
	34

	

Instead, the elements will have a greater effect on conductors. In other words, wind that

	

35

	

would damage decaying poles will not knock down stronger, newer poles, but will
	36

	

instead be more likely to damage the cable on the poles (which is less strong than the

	

37

	

poles).
38

	

39

	

Thus, contrary to Mr. Pous' implication in his testimony, the effect of the Company's
	40

	

reliability program will not be to extend the lives of the aluminum conductor," (Mr,
	41

	

John Wiedmayer, Rebuttal Evidence, December 14, 2012, Appendix B, page 9)
42

	

43

	

c.) Account 361.2 - Underground Cables
44
45 The approved service life for this account is 40 years. Gannett Fleming recommends an increase
46 to 45 years and Mr. Pous recommends an increase to 57 years.
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1

	

Mr, Pous believes that the service life for this account can be extended given that over the past
2 forty years there have been improvements in underground cable. Mr. Pous states that life

	

3

	

expectancy for new cable is significantly longer than the life expectancy for cable placed in

	

4

	

service over twenty years ago, In looking to industry experience he explains:
5

	

6

	

"It was not uncommon to see one group of utilities reporting life expectancies in the

	

7

	

mid-30 to 40-year age range when relying on older type of cables in actuarial analyses

	

8

	

and other utilities reporting 50 plus year life expectancy for cable when the newer and

	

9

	

improved types of cable are mainly reflected in the historical actuarial analyses." (Mr.

	

10

	

Jacob Pous, Written Evidence, page 33)
11
12 Mr. Pous states that his recommendation represents the most realistic expectation for the newer

	

13

	

type of investment reflected in this account, especially given that approximately 50% of the
14 investment in this account was made after 1990.
15
16 Mr. Wiedmayer states that an increase in average service life is warranted given the few

	

17

	

retirements in recent years but that, as a result of the small number of retirements, care should be

	

18

	

taken not to increase the service life too much in one study. He explains that a comparison with
19 the experience of other utilities provides evidence that Newfoundland Power's level of
20 retirements cannot continue. Mr. Wiedmayer states that the estimated life proposed by Mr. Pous

	

21

	

is outside the typical experience for most companies. Mr. Wiedmayer also explains that there are
22 a number of reasons that Newfoundland Power may experience a shorter life for this account
23 than others in the industry. He explains that, unlike many companies, approximately 80% of
24 Newfoundland Power's cable is not installed in conduit and also Newfoundland experiences
25 harsher freeze and thaw cycles. Mr. Wiedmayer states that it is more reasonable to increase the

	

26

	

average service life consistent with others in the industry rather than the dramatic increase
27 proposed by Mr, Pous.
28

	

29

	

d,) Accounts 362.1 and 362,2 - Wood Poles and Fixtures
30

	

31

	

The approved service life for these accounts is 45 years. Gannett Fleming recommends an
32 increase to 48 years and Mr. Pous recommends an increase to 57 years.
33

	

34

	

Mr, Pous explains that, in consideration of the results of the actuarial analysis and recognizing

	

35

	

that the vast majority of investment is associated with treated poles, and that a pole inspection
36 and maintenance program has been implemented, an extension to 57 years for these accounts is a

	

37

	

conservative estimate. He states;
38

	

39

	

"Moreover, it is illogical and unsupported that capital expenditures to strengthen the

	

40

	

aging infrastructure and to provide better maintenance practices will not result in a
	41

	

longer life expectancy than what might occur absent such efforts. Indeed, the Company
	42

	

has not been able to show that its changing data capture practices has in fact shortened

	

43

	

the life expectancy for the investment in these accounts rather than lengthening them."
	44

	

(Mr. Jacob Pous, Surrebuttal Evidence, January 18, 2013, page 47)
45
46 Mr. Wiedmayer recommends an extension for these accounts based on historical information and
47 discussions with Newfoundland Power and believes that historical data and improvements in
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1

	

treatments and inspection programs do not justify the dramatic increase in service life of 12 years
2 or 27% proposed by Mr. Pous. Mr. Wiedmayer states that Mr. Pous placed too much reliance on

	

3

	

the retirement pattern of 2004 - 2010, which differed from prior years due to a change in data

	

4

	

collection and maintenance, and that Mr. Pous is also mistaken in his interpretation that

	

5

	

improved wood pole treatment and inspection programs support longer service lives. Mr. Smith

	

6

	

spoke to the impact of inspection programs on poles explaining:
7

	

8

	

"For many distribution assets, such as poles and wires, the impact of inspection

	

9

	

practices may be different. For the most part, poles and wires are inspected to
	10

	

determine if they need to be replaced. There's very little in the way of maintenance
	11

	

which can be done to extend the lives of these assets. (Transcript, January 25, 2013,

	

12

	

page 12/10-17)
13

	

14

	

e.) Account 365.1- Overhead Services
15
16 The approved service life for this account is 39 years. Gannett Fleming recommends an increase
17 to 44 years and Mr. Pous recommends an increase to 51 years.
18

	

19

	

Mr. Pous explains that his analysis includes data from 1967 through 2009. He notes that all of

	

20

	

the remaining investment in this account was placed in service after 1967 and therefore reliance

	

21

	

on the older actuarial data fails to correspond with the current investment in the system and fails

	

22

	

to recognize the trend to longer service lives for current investment. He states:
23

	

24

	

"In other words, Gannett Fleming's presentation depicts retirement patterns over the
	25

	

past approximately 60 years, During this time frame, the industry has experienced
	26

	

changes in design, installation, and materials. Indeed, proper analysis dictates review

	

27

	

of additional and more current placement and experience bands in order to determine

	

28

	

whether there are changes in life characteristics." (Mr. Jacob Pous, Written

	

29

	

Evidence, page 39)
30

	

31

	

Mr. Wiedmayer notes that Mr, Pous recommends an increase in the service life of 12 years or

	

32

	

31%. Mr. Wiedmayer believes that the best representation of service lives can be obtained by

	

33

	

using the longest experience band available. He states:
34

	

35

	

"Over a long period of time, it is common for utilities to experience increases and
	36

	

decreases in the level of retirements and capital spending, due to a number of factors

	

37

	

including capital budget cycles and economic conditions (such as those arising from the

	

38

	

cod moratorium). As a result, there are a number of cyclical trends that can be
	39

	

misinterpreted as permanent trends if experience bands that are too short are used."
	40

	

(Mr. John Wiedmayer, Rebuttal Evidence, December 14, 2012, Appendix B,

	

41

	

pages 25-26)
42
43 Mr. Wiedmayer also states that, contrary to Mr. Pous' position, there have not been any

	

44

	

significant changes in the industry that would impact service lives and that Mr. Pous' analysis
45 places too much emphasis on the unusually low level of capital spending during the 1990s.
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1

	

Board Findings - Service Lives
2
3 The Consumer Advocate submits that the life extension recommended by Gannett Fleming
4 should be further extended for seven accounts. The average life extension recommended by Mr,
5 Pous is approximately 25% as compared to the approximate 10% increase recommended by
6 Gannett Fleming. The Board sees merit in the more conservative approach to life extension
7 supported by Mr. Wiedmayer, The Board also acknowledges that a new depreciation study is
8 completed regularly and trends can be further adjusted as appropriate in the next study. The
9 Board finds that Newfoundland Power's proposals are fully supported by the evidence. While

10 Mr. Pous provides an alternate approach which may also be considered to be reasonable, Mr.

	

11

	

Wiedmayer responded to each of the issues raised and provided a satisfactory explanation in

	

12

	

each case.
13
14 The Board will accept Newfoundland Power's proposals in relation to the service lives of its

	15

	

57 mass property accounts.
16

	

17

	

iii)

	

Net Salvage
18
19 The Consumer Advocate has proposed a change in the net salvage value for one account --

	

20

	

Overhead Services. Net salvage is the salvage value of an asset less the cost of removal. Gannett
21 Fleming has recommended a negative 60% net salvage value for Overhead Services, which is
22 unchanged from the 2005 depreciation study. Mr. Pous recommends the use of a negative 40%

	

23

	

salvage value for this account which he estimates would result in an $0.6 million reduction in

	

24

	

annual depreciation expense.
25
26 Mr. Pous believes that Newfoundland Power's proposal is excessively negative and notes that
27 the level of net salvage experienced by Newfoundland Power over the last ten years has ranged
28 from negative 107% to negative 29%. He states that variances of this magnitude could be

	

29

	

attributable to a variety of factors including the number of services retired per year or economies
30 of scale. Mr, Pous believes that the past ten years of historical data affirms the concept of

	

31

	

economies of scale, which is not adequately reflected in a simple arithmetic average over
32 extended periods of time. Mr. Pous also questions Newfoundland Power's allocation of costs in

	

33

	

the estimate of net salvage and states that he is not aware of any other utility that allocates 50%

	

34

	

of the labor charges to the cost of removal. He states:
35

	

36

	

"Indeed in my opinion, it would be difficult to present a scenario under which an equal

	

37

	

sharing of labor costs is appropriate for the removal of a service compared to the
	38

	

installation of a service." (Mr. Jacob Pous, Written Evidence, page 43)
39
40 Mr. Pous notes that the industry reports a rather wide range of values but that his

	

41

	

recommendations are within the range of values reported.
42
43 Mr. Wiedmayer states that the recommended net salvage estimates are based on historical data,
44 information provided by Newfoundland Power personnel and experience in the industry. Mr.
45 Wiedmayer believes that the historical indications are relevant since Newfoundland Power
46 personnel indicated there were no intended changes, Mr. Wiedmayer says that net salvage has
47 trended more negative in recent years and this trend continued in 2010. Mr. Wiedmayer states:
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1

	

"His (Mr. Pous) argument appears to be that higher quantities of services will be

	

2

	

retired in the future, and therefore the costs will be lower. However, as detailed in

	

3

	

Appendix C, he offers no evidence to support his claim. Instead, a more thorough
	4

	

analysis of trends in the Company's data and additional information specific to

	

5

	

Newfoundland Power shows both that economies of scale will have a muted impact on

	

6

	

net salvage for this account, and other factors that result in increasing cost of removal

	

7

	

will offset any efficiency gains from economies of scale," (Mr. John Wiedmayer,

	

8

	

Rebuttal Evidence, December 14, 2012 pages 27-28)
9

10 Mr, Wiedmayer believes that Newfoundland Power's allocation of replacement cost is

	

11

	

reasonable and explains:
12

	

13

	

"In Newfoundland Power 's experience, when performing a replacement of the service,
	14

	

the crew doing the work does on average spend a similar amount of time on each
	15

	

activity (removing the old service and installing the new service). For this reason alone
	16

	

the 50% allocation rate is reasonable. (Mr. John Wiedmayer, Rebuttal Evidence,

	

17

	

December 14, 2012, pages 28-29)
18
19 Newfoundland Power provides a detailed breakdown of the activities associated with Overhead
20 Service Replacement and on average a similar amount of time is required for removing the old

	

21

	

service and installing the new service. Mr, Wiedmayer concludes that this is reasonable and

	

22

	

further that negative 60% for Overhead Services is quite typical.
23
24 Board Finding - Net Salvage
25
26 The Board finds that the net salvage for Overhead Services has been fully justified based on
27 Newfoundland Power's historical experience, detailed work description and Mr. Wiedmayer's

	

28

	

evidence. Mr. Pous notes that the historical data demonstrates a wide range in the level of net
29 salvage for Overhead Services and he believes that economies of scale may reduce the level in
30 the future. Should the circumstances contemplated by Mr. Pous develop, the impact on net

	

31

	

salvage for Overhead Services will be reflected in the next depreciation study.
32
33 The Board will accept Newfoundland Power's proposed net salvage for the Overhead

	34

	

Services account.
35

	

36

	

iv)

	

Depreciation Rates
37
38 Newfoundland Power proposes to adjust the depreciation expense to amortize the accumulated
39 reserve variance of $2.6 million over the account's composite remaining life. No representations
40 were made in this proceeding in relation to this proposal.
41
42 Grant Thornton reviewed the depreciation expense and concludes that the results and
43 recommendations of the 2010 depreciation study have been incorporated into the depreciation

	

44

	

estimates for 2013 and 2014. Grant Thornton notes that the proposal to amortize the reserve

	

45

	

variance over the account's composite remaining life differs from past practice but will decrease
46 the revenue requirement.
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1

	

The Board is satisfied that Newfoundland Power's proposed depreciation rates are proper and

	

2

	

adequate.
3
4 The Board will approve Newfoundland Power's proposal to adjust the depreciation

	5

	

expense to amortize the accumulated reserve variance of approximately $2.6 million over
6 the account's composite remaining life. The Board will approve the depreciation rates
7 proposed by Newfoundland Power.
8

	9

	

v)

	

Depreciation Study
10

	

11

	

The evidence supports the filing of a new depreciation study every three to five years. No
12 representations were made in this proceeding as to the specific timing of Newfoundland Power's

	

13

	

next depreciation study. The Board has ordered Newfoundland Power to file its next general rate

	

14

	

application on June 1, 2015. To ensure that the 2016 test year revenue requirement reflects the

	

15

	

most up-to-date depreciation information the Board will require Newfoundland Power to file its

	

16

	

next full depreciation study relating to plant in service as of December 31, 2014 with its next

	

17

	

general rate application.
18
19 Newfoundland Power will be required to file its next depreciation study relating to plant in
20 service as of December 31, 2014 with its next general rate application.
21

	

22

	

4.

	

Operating Costs
23

	

24

	

i)

	

Other Post Employment Benefits
25
-26 Newfoundland Power maintains an Other Post Employment Benefits Plan ("OPEBs") for its
27 employees which provides benefits to retired employees including drug coverage. Newfoundland
28 Power proposes to include the OPEBs expense determined by its actuarial consultants, Mercer

	

29

	

(Canada) Ltd., of approximately $10.4 million in the 2013 and 2014 test years' revenue

	

30

	

requirement.
31
32 The Consumer Advocate submits that the OPEBs expense proposed to be included in the 2013

	

33

	

and 2014 test years should be reduced to reflect provincial drug policy and regulations
34 implemented in April 2012 limiting the price of generic drugs. The Consumer Advocate states
35 that the estimates provided by Mercer (Canada) Ltd. for OPEBs expense do not reflect the

	

36

	

introduction of this legislation. The Consumer Advocate states:
37

	

38

	

"The Mercer approach is accepted and standard for purposes of financial reporting.
	39

	

However, this actuarial methodology was not designed to be a forecast that would meet
	40

	

the generally accepted standards for determining the forecast costs for a test year that
	41

	

should be recovered in rates set by a regulator. Any forecast of costs that are to be
	42

	

included in rates should reflect all known cost drivers that will result in higher or lower
	43

	

rates than are derived by simply extrapolating past costs. This extrapolation approach

	

44

	

would never be accepted for forecasting energy demand, labour costs, or any other
	45

	

expense included in the company's revenue requirement. It is not acceptable for
	46

	

forecasting OPEBs costs either." (Consumer Advocate, Written Submission, page

	

47

	

38)
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1

	

The Consumer Advocate submits that, in forecasting any cost to be recovered in rates, the best
2 available estimate of the impact of any known cost driver should be used, rather than assuming a
3 known cost driver will have no impact. He argues that Newfoundland Power ratepayers are

	

4

	

entitled to enjoy the benefit of the legislated savings on a timely basis. He acknowledges that the
5 information on the record may not enable a precise forecast of the impact of the reduced drug
6 costs on the OPEBs expense but, based on the testimony of Ms. Perry, he estimates that it would
7 be reasonable to assume a 6% reduction in OPEBs expense. He submits that it is more
8 reasonable to assume this reduction than no impact. He also submits that the Board need not be
9 concerned that such an adjustment may not be accurate as the OPEBs Cost Variance Deferral

	

10

	

Account will ensure actual costs are passed on to the ratepayer.
11
12 Newfoundland Power explains the regulation was not reflected in the OPEBs expense for 2013

	

13

	

and 2014 and states:
14

	

15

	

"The impact of the Regulations on Newfoundland Power's long-term health care cost,
	16

	

trend which is used in calculating the Company's OPEBs expense and valuation,
	17

	

however, is currently uncertain. The health care cost trend assumption is based on
	18

	

historic claims experience; expectations related to aging and drug consumption; and

	

19

	

long- term expectations for future drug cost increases. The impact of the Regulations on

	

20

	

Newfoundland Power's OPEBs Plan is unpractical to quantify at this time, however, to
	21

	

the extent that the implementation of the Regulations does impact the Company's long-

	

22

	

term health care cost trend, it will be fully reflected in future OPEBs valuations. " (CA-

	

23

	

NP-683)
24
25 Ms, Perry testified that she had discussions with Mercer (Canada) Ltd. and Blue Cross and was

	

26

	

advised that it was not practical to forecast the impact of the new regulation on the health care

	

27

	

trend rate in relation to the plan. She explains that the results will be monitored and any
28 reduction in cost will be reflected in the OPEBs expense and reflected through the deferral
29 account, Newfoundland Power explained:
30

	

31

	

"And succinctly summarized, Ms. Perry made the following observations:

	

32

	

Newfoundland Power followed the usual process of forecasting drug costs based upon

	

33

	

the health care trend numbers provided by Mercers. Mercers said the effect of the new
	34

	

drug regulation was impractical to quanta at this point in time, Overall drug costs

	

35

	

depend not only on price but also drug usage. Further, Newfoundland Power already

	

36

	

has pricing agreements with pharmacies through Blue Cross which provide better

	

37

	

prices than current on drugs. And the forecast drug costs are based upon the best

	

38

	

information currently available.
39

	

40

	

The Consumer Advocate's assertion that a six percent cost reduction will occur is
	41

	

unfounded speculation without any evidentiary basis. It is no basis for this Board to

	

42

	

conclude that the forecast expense is unreasonable and imprudent." (Transcript,

	

43

	

February 8, 2013, pages 3418-25 to 3511-2)
44
45 Board Finding - OPEBs
46
47 The amount of the proposed OPEBs expense is based on the recommendations of Newfoundland

	

48

	

Power's actuaries, determined in accordance with usual practice. The Board accepts
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1

	

Newfoundland Power's explanation that there are numerous factors that will influence the impact

	

2

	

of the regulations and that it is not practical to forecast the impact on the plan at this time. The

	

3

	

Consumer Advocate submits that the benefits of the regulation changes should be flowed to
4 ratepayers in a timely fashion. Using the limited information available he estimates the impact of
5 the regulation changes on OPEBs expense to be a 6% reduction. He argues that the estimated
6 reduction is preferable to no adjustment and that the difference from actual can be flowed
7 through the deferral account. The Board does not believe that it is reasonable to make
8 adjustments to the proposed expense which has been forecast using industry standard
9 approaches, unless there is convincing evidence that the expense should be adjusted and the

10 amount of the adjustment can be reasonably determined. The Board notes that, to the extent that
11 the actual OPEBs expense varies from the forecast amount, it will be flowed through to
12 ratepayers through the operation of the deferral account in the July 1 rate adjustment in the

	

13

	

following year.
14
15 The Board accepts the forecast OPEBs expense for the 2013 and 2014 test years.
16
17 ii)

	

Retirement Allowance
18
19 Newfoundland Power's compensation package for its employees includes a retirement allowance
20 for both unionized and non-unionized employees with ten or more years of service. The

	

21

	

retirement allowance is calculated by multiplying the basic weekly salary by the years of
22 continuous employment to a maximum of twenty-four weeks. Newfoundland Power forecasts
23 that total retirement allowance payments for unionized and non-unionized employees will be

	

24

	

$631,000 in 2013 and $889,000 in 2014.
25
26 The Consumer Advocate submits that the revenue requirement for 2013 and 2014 should not
27 include any recognition of future retirement benefit costs in the form of retirement allowances
28 for non-unionized employees who commence employment with Newfoundland Power during the
29 test years 2013 and 2014 or beyond. The Consumer Advocate acknowledges that payment of the
30 retirement allowance to unionized employees is a term. of Newfoundland Power's collective

	

31

	

agreement but submits that there is no contractual obligation to provide a retirement allowance to
32 new non-unionized employees. The Consumer Advocate submits that:
33

	

34

	

(i)

	

there is no evidence that this benefit is needed in order to attract and retain

	

35

	

employees;

	

36

	

(ii)

	

there is a growing trend away from the payment of retirement allowances;

	

37

	

(iii)

	

workforce demographics indicate that the present time is an ideal time to address

	

38

	

the practice; and

	

39

	

(iv)

	

the transition from a defined benefit pension plan to a defined contribution

	

40

	

pension plan did not negatively impact Newfoundland Power's ability to attract

	

41

	

qualified employees.
42
43 Newfoundland Power explains that retirement allowances are paid in recognition of an
44 employee's long service and have been included in Newfoundland Power's collective agreement

	

45

	

with its employees for in excess of twenty years. Mr. Smith explains that there is more pressure
46 than ever to make sure that Newfoundland Power has a good package to ensure that it gets the
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1 best employees. Newfoundland Power notes that the retirement allowance developments in New
2 Brunswick and the Federal civil service cited by the Consumer Advocate were not introduced in

	

3

	

evidence and do not represent any evidence of changes in retirement allowances in
4 Newfoundland and Labrador. Newfoundland Power submits:
5

	

6

	

"But keep in mind retiring allowances are one part of a total compensation package.

	

7

	

Changing any one component necessarily requires adjustment to other components to

	

8

	

ensure that the total compensation package remains competitive and you must be

	

9

	

competitive, especially in today's environment. So there is simply no basis to conclude

	

10

	

that the test year estimate of costs for labour overall is unreasonable or imprudent."
	11

	

(Transcript, February 8, 2013, pages 35/25 to 3611-10)
12
13 Board Findings - Retirement Allowances
14
15 The Board believes that the design of Newfoundland Power's overall compensation package
16 goes to the core of the discretion of management to attract and retain its workforce. The Board
17 will defer to the determinations of management in this regard unless the evidence demonstrates
18 that unreasonable or imprudent costs may be passed on to ratepayers. Newfoundland Power
19 provided evidence that the retirement allowance is a part of the package which has been in place
20 for a number of years to reward long service employees and attract new employees. There is no

	

21

	

evidence that the overall compensation package is unreasonable or that labor costs are
22 imprudent. The evidence does not establish that retirement allowances are uncommon in
23 compensation packages in Newfoundland and Labrador. In the absence of evidence
24 demonstrating that Newfoundland Power's retirement allowance is unreasonable, the Board
25 defers to the management of Newfoundland Power as to the compensation package which is

	

26

	

appropriate to attract and retain its workforce.
27
28 The Board will not exclude expenses associated with Newfoundland Power's retirement
29 allowance for new non-unionized employees from the revenue requirement in the 2013 and

	30

	

2014 test years.
31

	

32

	

iii)

	

Short Term Incentive Plan
33
34 The Consumer Advocate submits that the revenue requirement for 2013 and 2014 should not

	

35

	

include expenses in relation to the portion of the Short Term Incentive Plan for executives and
36 managers that relates to achieving earnings targets. He argues that the achievement of these

	

37

	

targets is for the primary benefit of shareholders and not ratepayers. In support of his position the
38 Consumer Advocate provides regulatory precedent from the Public Utilities Board of the
39 Northwest Territories, the Alberta Energy Utilities Board and the Ontario Energy Board, He
40 submits that Newfoundland Power's earnings based compensation targets are not truly

	

41

	

distinguishable from these regulatory precedents and urges the Board to not allow the inclusion
42 of expenses in relation to this portion of the Short Term Incentive plan in revenue requirement

	

43

	

for the test years.
44
45 Newfoundland Power explains that earnings have been a component of its Short Term Incentive
46 Plan since 1997 and that the Board has found this to be reasonable. Newfoundland Power states:
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8
9

10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26
27
28
29
30
31
32
33
34
35
36
37
38
39
40
41
42
43
44
45
46

"Sound financial management, including earning the return allowed by the Board,
remains a critical component of Newfoundland Power's least-cost service delivery to its
customers, Recognition of this in an STI plan has accordingly been consistently
included by the Board in Newfoundland Power's cost of service, (CA-NP-452)

Newfoundland Power explains that the regulated utility cost of service in British Columbia,
Alberta and Prince Edward Island includes executive compensation with a financial performance
factor.

Ms. Perry explains that the earnings target in the Short Term Incentive plan exists to intent
senior management to achieve the return on equity approved by the Board for ratemaking
purposes. She explains that in Newfoundland Power's last general rate application Karl Aboud of
Hay Group indicated that Newfoundland Power's total compensation, including the Short Term
Incentive plan, is benohmarked to the 50 th percentile of the Canadian commercial industrial
group. She notes that ratepayers do not fund the total compensation paid to Newfoundland Power
executives. Any amounts paid in excess of 100% of the Short Term Incentive targets are
effectively funded by the shareholder as are Newfoundland Power's long term incentives which
in 2011 totalled $309,000 for Mr. Ludlow, Ms. Perry, Mr. Smith and Mr. Alteen. Newfoundland
Power states that the non-regulated Short Term Incentive payouts were approximately $170,000
in 2011. Mr. Ludlow explains that he does not agree that shareholders are the primary
beneficiary of earnings related targets in the Short Term Incentive Plan, stating that a balance has
to be struck in relation to earnings and financial integrity.

Newfoundland Power notes that Dr. Booth acknowledges that incompetent management can lead
to unstable earnings and ultimately a higher rate of return. Newfoundland Power explains that
earnings are important for both investors and customers:

"As I discussed earlier, management has an obligation both to its shareholders and to
its customers to work hard to earn comparable returns. Unless the utility actually earns
a fair return, credit metrics deteriorate, bond ratings are jeopardized, borrowing costs
potentially increase and customers suffer. The Electrical Power Control Act makes it
clear that maintaining a sound credit rating is an important objective." (Transcript,
February 8, 2013, pages 36/19-25 to 3711-4)

Board Findings - Short Term Incentive Plan

The Board notes that there have been some changes in Newfoundland Power's Short Term
Incentive Plan since the last general rate application, but there is no evidence that these changes
are unreasonable and the Consumer Advocate makes no submissions in this regard. Total
compensation including the Short Term Incentive payouts is in the 50 th percentile of Canadian
comparables. Shareholders pay the cost of the Short Term Incentives that exceed 100% of target
as well as the entire cost of the long term incentives. Newfoundland Power's overall
methodology for setting executive and management compensation has been comprehensively
reviewed on numerous occasions over the last number of years and in Order Nos. P.U. 36(1998-
99) and P.U. 19(2003) the Board accepted the level of executive compensation. No new evidence
was presented in this proceeding demonstrating that it is now unreasonable.
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1

	

The Consumer Advocate argues that the earnings provision in the performance based incentive is
2 for the primary benefit of shareholders and not ratepayers, The Board notes that Mr. Ludlow and
3 Dr. Booth both explain that shareholders also benefit when Newfoundland Power's earnings are

	

4

	

consistently within the allowed range.. The Board finds that the evidence shows that a stable well

	

5

	

managed company that consistently earns its allowed return will, keeping everything else equal,

	

6

	

be considered less risky and will therefore require a lower return and have easier access to
7 financing for its operations and capital program. The Board accepts that ratepayers benefit if

	

8

	

earnings are consistently within the allowed range. The Board finds that there is insufficient

	

9

	

evidence to deny the recovery of the costs of the Short Term Incentive Plan related to financial
10 performance.
11
12 The Board will not exclude expenses associated with the financial performance factor in
13 Newfoundland Power's Short Term Incentive Plan from the revenue requirement for the

	14

	

2013 and 2014 test years.
15

	

16

	

5.

	

Conservation Program
17
18 Over the years Newfoundland Power and Newfoundland and Labrador Hydro have worked
19 together to implement a portfolio of customer energy conservation programs. To be responsive to

	

20

	

customers' desire to lower their electricity bills, Newfoundland Power introduced a broader
21 customer energy conservation portfolio in 2009. Newfoundland Power and Newfoundland and
22 Labrador Hydro recently reassessed the programs and developed a new plan as set out in a
23 report, Five-Year Energy Conservation Plan: 2012-2016, which Newfoundland Power filed with
24 the Application. The principal changes to the programs are as follows:
25

	

26

	

(i)

	

discontinuation of certain residential incentives for minimum building code

	

27

	

compliance for new construction as a result of changes to the National Building

	

28

	

Code of Canada;

	

29

	

(ii)

	

introduction of new residential customer programs such as an incentive for the

	

30

	

installation of heat recovery ventilators; and

	

31

	

(iii) expansion of commercial customer programs such as the commercial lighting

	

32

	

program,
33

	

34

	

The total conservation costs for 2013 and 2014 are forecast to be approximately $4.8 million
35 each year, increased from approximately $3 million per year. It was agreed in the Settlement
36 Agreement that conservation program costs would be amortized over a seven-year period.
37 Newfoundland Power states that the increase in the total customer energy conservation costs
38 reflects the expansion of customer energy conservation program offerings, as well as additional
39 market research and customer education and support activities. Newfoundland Power estimates

	

40

	

that this program will result in lower customer electricity bills and additional avoided Holyrood

	

41

	

production costs of approximately $9.4 million annually by the end of 2014. Newfoundland
42 Power explains that the breakeven point on the 2013 and 2014 conservation costs will be about

	

43

	

two and a half years and energy savings will continue for years into the future.
44
45 Mr. Smith summarizes Newfoundland Power's conservation programs:
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1

	

"Our customers are indicating they want to conserve energy and lower their electricity

	

2

	

bills. We're responding to this with energy conservation programs. There have been

	

3

	

over 17,000 participants since the program began in 2009. Based on our experience,

	

4

	

Newfoundland Power and Hydro recently reassessed the portfolio of programs. The

	

5

	

results are reflected in the five year energy conservation plan, which is provided in

	

6

	

Volume II of the Application. The primary change in the five year plan is to improve

	

7

	

program accessibility. The new plan is intended to reach a broader scope of customers,

	

8

	

not just those with electric heat. The biggest area of expansion is the small technologies

	

9

	

program for residential customers, and a new program for commercial customers,

	

10

	

Participation in the expanded plan will help customers lower their electricity bills."

	

11

	

(Transcript, January 25, 2013, pages 6112-25 to 711-6)
12
13 The Consumer Advocate states:
14

	

15

	

"The Consumer Advocate is encouraged with the greater emphasis being placed on

	

16

	

conservation and acknowledges that each utility reports growing customer

	

17

	

participation in their programs." (Consumer Advocate, Written Submission, page

	

18

	

49)
19
20 However, the Consumer Advocate raises an issue relating to the discontinuation of the residential

	

21

	

Insulation Program.
22

	23

	

"Mere is concern however that in circumstances where 96% of electricity customers

	

24

	

indicated the primary motivation for trying to cut back on electricity use is to save

	

25

	

money by lowering their electricity bill (Plan, p. I L, footnote 21) that the 2012 Plan

	

26

	

reflects that spending will decrease over the 2012-2016 period in relation to the

	

27

	

residential Insulation Program (Schedule "A", p. 2 of 2; Schedule "C', p. 2 of 3). This is

	

28

	

a concern because the Insulation Program has resulted in the highest amount of energy

	

29

	

savings of all programs in the portfolio. While the need to incentivize insulation in new

	

30

	

housing stock has been lessened due to changes to building standards, the existing

	

31

	

housing stock in the province still remains and given that insulation produces energy

	

32

	

cost savings at the household level which are noticeable to customers in their monthly

	

33

	

bills, it should be enhanced." (Consumer Advocate, Written Submission, page 49)
34
35 During the hearing, Mr. Winston Adams made a detailed presentation relating to Newfoundland
36 Power's conservation program. Mr. Adams concludes after completing a comprehensive analysis
37 that the program is lacking not only in funding but in scope and opportunity. He raises the
38 potential of mini-split heat pumps and explains that he is concerned that Newfoundland Power is

	

39

	

not targeting the insulation program for older stock houses. He states:
40

	

41

	

"In conclusion, the conservation plan as proposed is inappropriate in funding and in

	

42

	

measures selected, and has no meaningful beneficial impact for the rate payer. It does

	

43

	

little to reduce system peak loads, the high cost of which is put on the rate payer. The

	

44

	

utilities, both Newfoundland Power and Newfoundland Hydro, should be replaced by

	

45

	

others with this mandate. In addition, rates that give discounts for more power use

	

46

	

should be changed, as it discourages conservation, and 400 amp residential services

	

47

	

also discourages efficient heating systems, adding to utility asset costs." (Transcript,

	

48

	

January 31, 2013, page 4919-22)
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1 The Consumer Advocate recommends a review process explaining:
2

	

3

	

"The Consumer Advocate submits the merits, shortfalls, criticisms, recommendations

	

4

	

and areas of improvement that arise from the 2008 Plan and the recently filed 2012

	

5

	

Plan requires a process involving both utilities in a framework which allows for the

	

6

	

proper examination of the various issues. The Consumer Advocate would recommend

	

7

	

that the Board therefore initiate a process in consultation with the utilities and the

	

8

	

Consumer Advocate that would allow an appropriate review of the Plans involving

	

9

	

interested parties and providing an opportunity for input." (Consumer Advocate,

	

10

	

Written Submission, page 51)
11
12 Newfoundland Power explains that the mini-split heat pumps referenced by Mr. Adams are being

	

13

	

evaluated by the utilities but a proper cost benefit analysis requires information on energy supply

	

14

	

costs and the potential savings which is not currently available. Newfoundland Power states:
15

	

16

	

"However, Newfoundland Power and Newfoundland Hydro will be assessing this
	17

	

technology and its potential costs and system benefits as part of its continuing
	18

	

evaluation of conservation opportunities," (Transcript, February 8, 2013, page

	

19

	

40/16-20)
20
21 Newfoundland Power explains that the plan provides for ongoing evaluation and consultation
22 with industry and market participants and no new or additional process is required.
23
24 Board Findings - Conservation Program
25
26 Newfoundland Power and Newfoundland and Labrador Hydro have worked cooperatively to
27 design and implement conservation programs that are appropriate for Newfoundland and
28 Labrador. The Consumer Advocate acknowledges the greater emphasis being placed on

	

29

	

conservation and suggests that the Board initiate a process to review the conservation programs

	

30

	

with the involvement and input of interested persons.
31

	

32

	

It is apparent that conservation is an issue of increasing interest and importance for ratepayers
33 and the Board agrees that there may be value in the process suggested by the Consumer
34 Advocate. The Board will require Newfoundland Power to file a report by April 1, 2014 which
35 provides an update on the conservation programs, an evaluation of the referenced heat pumps
36 and recommendations in relation to the appropriate process to be followed for review of the
37 conservation programs. The process for the review of the conservation programs can be assessed
38 thereafter with the input of Newfoundland and Labrador Hydro and the Consumer Advocate.
39
40 Newfoundland Power will be required to file a report in relation to its conservation
41 program and the review process on or before April 1, 2014.



- 57

1 III. REVISED APPLICATION
2

	

3

	

1.

	

Forecast Rate Base, Return on Rate Base and Range of Return
4

	5

	

The Settlement Agreement in relation to the proposed forecast average rate base for 2013 and
6 2014 has been accepted for ratemaking purposes. As a result of the determinations of the Board

	

7

	

in this Order, revisions to the calculation of the forecast average rate base for 2013 and 2014 may

	

8

	

be required.
9

	

10

	

The forecast 2013 and 2014 rate of return on rate base will change as a result of the
11 determinations of the Board in this Order and should be revised by Newfoundland Power to

	

12

	

reflect these changes.
13
14 No submissions were made in this proceeding in relation to Newfoundland Power's established

	

15

	

range of return on rate base of 36 basis points which will be maintained. The Board notes that the

	

16

	

current definition of the Excess Earnings Account sets out the established annual rate of return
17 on rate base which requires that a new definition be approved with each change in rate of return

	

18

	

on rate base. Newfoundland Power will be required to file an application to revise the definition

	

19

	

to avoid this requirement and to set out the range of 36 basis points in the definition.
20

	

21

	

The Board has accepted a return on equity for ratemaking purposes for 2015 of 8.8%.
22 Newfoundland Power will be required to file, on or before November 17, 2014, an application

	

23

	

for approval of a 2015 forecast average rate base and rate of return on rate base and may file for
24 approval of a revised Schedule of Rates, Tolls and Charges to reflect these revisions.
25
26 Newfoundland Power will be required to file an application for approval of a revised

	27

	

calculation of the forecast average rate base and rate of return on rate base for the 2013
	28

	

and 2014 test years to reflect the determinations of the Board in this Order.
29
30 Newfoundland Power's allowed range of return on rate base of 36 basis points will be

	

31

	

continued for 2013, 2014 and 2015.
32
33 Newfoundland Power will be required to file an application for approval of a revised
34 definition of the Excess Earnings Account.
35
36 Newfoundland Power will be required to file on or before November 17, 2014 an
37 application for approval of the forecast average rate base and rate of return on rate base
38 for 2015 maintaining a return on equity of 8.8% and a common equity ratio of 45%.
39

	

40

	

2..

	

Forecast Revenue Requirement
41
42 The Board notes that the forecast 2013 and 2014 revenue requirement will change as a result of

	

43

	

the determinations of the Board in this Order.
44
45 Newfoundland Power will be required to file a revised forecast 2013 and 2014 revenue
46 requirement to reflect the determinations of the Board in this Order.
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1

	

3.

	

Rates
2
3 Newfoundland Power is required to file an application for approval of a Schedule of Rates, Tolls
4 and Charges to implement the proposals in the Application, incorporating the determinations of
5 the Board in the Order. As a part of the normal regulatory process, Newfoundland Power is also
6 required to make application for new rates effective July 1, 2013 as a result of the annual Rate
7 Stabilization Account adjustment, To ensure the orderly implementation of the rate changes

	

8

	

associated with the Application and the rate changes associated with the annual July 1st Rate
9 Stabilization Account adjustment, the Board will require Newfoundland Power to use a July 1,

10 2013 effective date for the rate changes flowing from this Order,
11
12 Newfoundland Power will be required to file an application for approval of a revised

	13

	

Schedule of Rates, Tolls and Charges effective for service provided on and after July 1,
	14

	

2013.
15

	

16	4.

	

Rules and Regulations and Accounts
17
18 Newfoundland Power's Rules and Regulations will change as a result of the proposals in the
19 Application and the determinations of the Board in this Order.
20
21 Newfoundland Power will be required to file revised Rules and Regulations to be effective
22 July 1, 2013.
23
24 IV COSTS
25
26 Newfoundland Power shall pay the costs and expenses of the Board arising from this
27 Application, including the expenses of the Consumer Advocate incurred by the Board, pursuant

	

28

	

to the Public Utilities Act, RSNL 1990, c, P-47.
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PART THREE. BOARD ORDER
2
3 IT IS THEREFORE ORDERED THAT:
4
5

	

6

	

RATE BASE, RETURN ON RATE BASE AND RANGE OF RETURN
7

	

8

	

1. Newfoundland Power shall file an application for approval of a revised forecast

	

9

	

average rate base and rate of return on rate base for 2013 and 2014 based on the

	

10

	

proposals in the Application, incorporating the determinations of the Board in this

	

11

	

Order, including:

	

12

	

i) a common equity component in the capital structure not to exceed .45% for

	

13

	

ratemaking purposes; and

	

14

	

ii) a ratemaking rate of return on common equity of 8.8%.
15
16 2. The allowed range of rate of return on rate base shall be 36 basis points for 2013, 2014

	

17

	

and 2015.
18
19 3. Newfoundland Power shall file an application for approval of a revised definition of the

	

20

	

Excess Earnings Account.
21
22 4. Newfoundland Power shall file an application on or before November 17, 2014 for

	

23

	

approval of the 2015 forecast average rate base and rate of return on rate base

	

24

	

maintaining the ratemaking common equity ratio and return on common equity

	

25

	

established in this Order.
26
27 5. Newfoundland Power shall, unless otherwise directed by the Board, file its next general

	

28

	

rate application with a 2016 test year on or before June 1, 2015.
29

	

30

	

REVENUE REQUIREMENT
31
32 6. Newfoundland Power shall calculate and file a revised forecast revenue requirement

	

33

	

for the 2013 and 2014 test years based on the proposals in the Application,

	

34

	

incorporating the determinations of the Board in this Order.
35

	

36

	

DEPRECIATION
37
38 7. Newfoundland Power's proposal to adjust the depreciation expense to amortize the

	

39

	

accumulated reserve variance of approximately $2.6 million over the account's

	

40

	

composite remaining life is approved.
41
42 8. Newfoundland Power's proposal to use the depreciation rates recommended in the

	

43

	

2010 Depreciation Study is approved.
.44

	

45

	

9. Newfoundland Power shall file its next depreciation study relating to plant in service as

	

46

	

of December 31, 2014 with its next general rate application.
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1

	

OTHER REGULATORY MATTERS
2

	

3

	

10. The proposed calculation of the defined benefit pension expense for regulatory

	

4

	

purposes in accordance with United States Generally Accepted Accounting Principles

	

5

	

is approved.
6
7 11. The amortization over 15 years, commencing in 2013, of the forecast defined benefit

	

8

	

pension expense regulatory asset approved in Order No. P.U. 11(2012) of

	

9

	

approximately $12.4 million is approved.
10

	

11

	

12. The amortization over seven years, commencing in 2013, of annual customer energy

	

12

	

conservation program costs through the annual Rate Stabilization Account adjustment
	13

	

is approved.
14
15 13. The proposed change in the definition of the Conservation and Demand Management

	

16

	

Cost Deferral Account is approved as set out in Schedule A to this Order.
17
18 14. The proposed disposition of the annual balance in the Weather Normalization Reserve

	

19

	

Account through the annual Rate Stabilization Account adjustment is approved.
20

	

21

	

15. The amortization over three years, commencing in 2013, of the 2011 year-end balance

	

22

	

in the Weather Normalization Reserve Account of approximately $5.0 million is

	

23

	

approved.
24

	

25

	

16. The amortization over three years, commencing in 2013, of the amount of $4,726,000

	

26

	

relating to previously approved deferrals is approved.
27
28 17. The amortization over three years, commencing in 2013, of the amount of the revenue

	

29

	

shortfall for 2012 resulting from the determination of Newfoundland Power's 2012 cost

	

30

	

of capital in Order No. P.U. 17(2012) is approved.
31

	

32

	

18. The amortization over three years, commencing in 2013, of costs billed to

	

33

	

Newfoundland Power for Board and Consumer Advocate hearing costs relating to the

	

34

	

Application, estimated to be $1.25 million, is approved.
35
36 19. The proposed amortization over three years, commencing in 2013, of the 2013 revenue

	

37

	

shortfall resulting from the implementation of new rates after January 1, 2013 is

	

38

	

approved.
39
40 20. Newfoundland Power shall file with the Board, no later than April 1, 2014, a report in

	

41

	

relation to its conservation program and the process for the review of this program.
42

	

43

	

21. Newfoundland Power shall file, as part of its next general rate application, a report on

	

44

	

its capital structure.
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1

	

RATES, RULES AND REGULATIONS
2
3 22. The proposed changes to the rate design and structure are approved as follows:
4

	

5

	

(1)

	

merge existing Rates 2.1 and 2.2 into a single General Service Rate for all

	

6

	

customers with demands of less than 100kW;

	

7

	

(ii)

	

modify demand and energy charges to better reflect marginal costs;

	

8

	

(iii)

	

change energy block sizes in Rates 2.3 and 2.4;

	

9

	

(iv)

	

make changes to the basic customer charge;

	

10

	

(v)

	

apply the average rate increase to the Maximum Monthly Charge;

	

11

	

(vi)

	

maintain the Curtailable Service Option with the current credit;

	

12

	

(vii) modify the Early Payment Discount;

	

13

	

(viii) maintain the Optional Seasonal Rate Revenue and Cost Recovery Account

	

14

	

until the next general rate application;

	

15

	

(ix)

	

increase the Optional Seasonal Rate consistent with the Rate 1.1 increase;

	

16

	

and

	

17

	

(x)

	

increase the Time of Day Rates in accordance with the increase in the

	

18

	

applicable rate class.
19
20 23. The proposed changes to the Rate Stabilization Clause are approved as set out in

	

21

	

Schedule B to this Order.
22
23 24. Newfoundland Power shall file an application for approval of a revised Schedule of

	

24

	

Rates, Tolls and Charges effective for service provided on and after July 1, 2013, based

	

25

	

on the proposals in the Application, incorporating the determinations of the Board in

	

26

	

this Order.
27
28 25. Newfoundland Power shall file revised Rules and Regulations to be effective July 1,

	

29

	

2013.
30

	

31

	

HEARING COSTS
32
33 26. Newfoundland Power shall pay the costs and expenses of the Board arising from the

	

34

	

Application, including the expenses of the Consumer Advocate incurred by the Board.
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DATED at St. John's, Newfoundland and Labrador this 17 th day of April 2013.

Andy Webs
Chair & Chief Executive Officer
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Schedule A
Order No. P.U. 13(2013)

Effective: January 1, 2013
Page 1 of 1

NEWFOUNDLAND POWER INC.
CONSERVATION AND DEMAND MANAGEMENT COST DEFERRAL ACCOUNT

CDM Cost Deferral Account

	

188xx

This account shall be charged with the costs incurred in implementing the CDM Program Portfolio,

These costs include the CDM Program Portfolio costs incurred by Newfoundland Power for: detailed
program development, promotional materials, advertising, pre and post customer installation checks,
incentives, processing applications and incentives, training of employees and trade allies, and program
evaluation costs.

This account shall also be charged the costs of major CDM studies such as comprehensive customer end
use surveys and CDM potential studies that cost greater than $100,000.

Transfers to, and from, the proposed account will be tax-effected.

This account will maintain a linkage of all costs recorded in the account to the year the cost was incurred.

Recovery of annual amortizations of costs in this account shall be through the Company's Rate
Stabilization Account or as otherwise ordered by the Board.
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1

	

NEWFOUNDLAND POWER INC.
2

	

RATE STABILIZATION CLAUSE
3
4 II. RATE STABILIZATION ACCOUNT ("RSA")
5
6

	

3.

	

The annual kilowatt-hours used in calculating the Rate Stabilization Adjustment
7

	

to the monthly streetlighting rates are as follows:

Fixture Size (watts)
100 150 175 250 400

Mercury Vapour 840 1,189 1,869
High Pressure Sodium 454 714 1,260 1,953

8 II. RATE STABILIZATION ACCOUNT ("RSA")
9

10

	

7.

	

On March 31 St of each year, beginning in 2014, the Rate Stabilization Account
11

	

shall be increased on a before tax basis, by the CDM Cost Recovery Transfer.
12
13

	

The CDM Cost Recovery Transfer, expressed in dollars, will be calculated to
14

	

provide for the recovery of costs charged annually to the Conservation and
15

	

Demand Management Cost Deferral Account (the "CDM Cost Deferral") over a
16

	

seven-year period, commencing in the year following the year in which the CDM
17

	

Cost Deferral is charged to the Conservation and Demand Management Cost
18

	

Deferral Account.
19
20

	

The CDM Cost Deferral Account will identify the year in which each CDM Cost
21

	

Deferral was incurred.
22
23

	

The CDM Cost Recovery Transfer for each year will be the sum of individual
24

	

amounts representing 117 th of each CDM Cost Deferral, which individual amounts
25

	

shall be included in the CDM Cost Recovery Transfer for seven years following
26

	

the year in which the CDM Cost Deferral was recorded.
27
28 II. RATE STABILIZATION ACCOUNT ("RSA")
29
30

	

8.

	

On March 31 St of each year, beginning in 2013, the Rate Stabilization Account
31

	

shall be increased (reduced), on a before tax basis, by the balance in the Weather
32

	

Normalization Reserve as of the end of the previous year.
33
34 III. RATE CHANGES
35
36

	

The energy charges in each rate classification shall be adjusted as required to reflect the
37

	

changes in the Rate Stabilization Adjustment. The new energy charges shall be
38

	

determined by subtracting the previous Rate Stabilization Adjustment from the previous
39

	

energy charges and adding the new Rate Stabilization Adjustment, The new energy
40

	

charges shall apply to all bills based on consumption on and after the effective date of the
41

	

adjustment.
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1.0 INTRODUCTION 

[1] Nova Scotia Power Incorporated (“NSPI”) made application dated June 

28, 2013, to the Nova Scotia Utility and Review Board ("Board") for approval of its 2013 

Cost of Service Study ("COSS") (“Application”).  This study reviews and, where 

appropriate, recalibrates how the costs of the electricity system are apportioned among 

customer classes. This process neither increases nor decreases the costs of making 

electricity; rather it determines the equitable share each customer class should pay for 

the component parts of the system: generation, wires, poles, line repair, administration, 

etc.  Cost of service alone does not determine rates as rates are set and approved by 

the Board during a general rate application (“GRA”). 

[2] Notice of a public hearing was duly advertised in accordance with sections 

64 and 86 of the Public Utilities Act, R.S.N.S. 1989, c. 380, as amended (“Act”). 

[3] The Small Business Advocate (“SBA”); the Consumer Advocate (“CA”); 

Heritage Gas (“Heritage”); the Industrial Group, whose counsel represented 12 

Intervenors (“Industrial Group”); the Lower Power Rates Alliance of Nova Scotia 

(“LPRA”); the Municipal Electric Utilities of Nova Scotia Co-operative (“MEUNSC”); the 

Nova Scotia Department of Energy (“Province”); the Nova Scotia Liberal Caucus 

(“Liberal Caucus”); and Port Hawkesbury Paper LP (“PHP”), all intervened in the 

hearing.   

2.0 BACKGROUND 

[4] In a decision of the Board dated November 29, 2011, concerning the 2012 

GRA, the Board ordered NSPI to undertake a cost of service hearing and provide a 

schedule for convening the hearing.  Although the schedule was amended several 

times, the final schedule provided for the filing of the Application in June of 2013.  
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[5] In regulating NSPI the Board uses a cost of service framework.  It is 

intended to provide a fair allocation of utility costs among customer classes based on 

cost causation and asset utilization.  

[6] In some instances costs are directly assigned to rate classes.  Costs not 

directly assigned are allocated to rate classes following a three step process:   

1. Costs are functionalized as generation, transmission, distribution and retail;  

2. Costs by function are classified as energy, demand or customer related; and 

3. The energy, demand and customer categories are allocated to various 

classes of service on the basis of their respective demands, energy use, 

customer number or other established allocators.  

The COSS governs how these issues are determined.  

[7] A unique feature of the current cost of service process was the degree of 

stakeholder engagement.  NSPI described the stakeholder engagement as follows:  

Beginning with the initial project scoping exercise in July 2012, through development of 

the project Terms of Reference, issuance of responses to stakeholder data requests, 
technical conferences and issuance of the two COS Strawman documents, NS Power 
has sought to provide complete and accurate information regarding the Company’s COS 

practices, and practices that are commonly applied in the industry. As well, NS Power 
has attempted to clearly communicate its perspective on COS issues and understand 
and incorporate stakeholder and expert opinion on these matters to its position 

documents. To this end, the Company has: 
 
 Engaged electricity industry Cost of Service expert consultant, Christensen 

Associates Energy Consulting, to review the Company’s Cost of Service 
framework and practices, provide comment with respect to the consistency of 
these with accepted utility practice, and provide recommendations for 

improvement; 
 
 Held three technical conferences on this matter; 

 
 Developed Terms of Reference to establish the objective of this process, 

approach, scope and decision-making criteria; 

 
 Developed an FTP site and populated this with informat ion relevant to the NS 

Power COS model;  
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 Issued responses to 128 data requests received from stakeholders, including 47 
sensitivity analyses identifying the effect on customer class costs of alternative 

COS approaches;  
 
 Issued Strawman Report Version 1, which provided: 

 
 Background to the Company’s COS methodology;  
 

 The report of the Company’s COS consultant, Christensen Associates  
Energy Consulting, concerning NS Power’s COS framework and processes; 

 
 Results of COS surveys conducted by various consulting companies and NS 

Power; 
 

 The Company’s position on recommendations presented by CAEC;  
 
 Issued Strawman Report Version 2, which provided: 

 
 Feedback of stakeholders on Strawman Report Version 1; 
 

 Amended positions of the Company with respect to CAEC recommendations 
and other issues raised by stakeholders; 

 

 Identified areas where consensus had been developed, where consensus  
had not, and those areas requiring further analysis; 

 

 Held numerous teleconferences with Board staff and stakeholder consultants.  
 
As a result of this work, a shared understanding of the Company’s Cost of Service 

processes and related issues and their materiality to customer rates has emerged. …  

[Exhibit N-1, pp. 18-19] 

[8] All parties were complimentary of the stakeholder engagement process 

undertaken by NSPI which the Board views as a template for future proceedings.  

[9] As a consequence, the hearing itself was able to proceed very efficiently.   

[10] There were a significant number of issues where the parties reached 

consensus and the Board, as noted later in this Decision, accepts that consensus.  

[11] There were a number of matters to be worked on in future which are 

described later in this Decision.   

[12] Not surprisingly, on an issue as complex as cost of service, there were 

issues where consensus could not be reached and the Board is asked to make a 

determination.  The Board does so in this Decision.  
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[13] The Board, however, does appreciate the efforts of NSPI and the parties 

to reach consensus on a number of these issues.  

3.0 ANALYSIS AND FINDINGS 

3.1 Classification and Allocation of Base Load Plant  

[14] Since the Board’s 1995 cost of service decision NSPI has used the 

system load factor (“SLF”) methodology for classification and a 3CP (coincident peak) 

method for allocation of base load generation.  

[15] The SLF method takes into account that the investment made in 

generation is made to provide lower base cost energy relative to more expensive per 

kilowatt hour peaking units to meet demand.  

[16] The SLF classifies as energy the portion of the generation fixed costs 

equivalent to the SLF in any given year.  The remainder is classified to demand.   

[17] Once classified NSPI allocates the demand cost among customer classes 

according to the average of the three highest months of energy use (coincident peaks – 

the 3CP).  While various methods were reviewed with respect to the classification of 

base load generation, by the end of the hearing the Board was essentially faced with 

two choices:  NSPI, supported by the SBA and CA, recommended continuation of the 

existing SLF 3CP methodology; while the Industrial Group and PHP recommended a 

modified break-even/SLF methodology which will, for simplicity, be called the base peak 

(“BP”).   

[18] The methodology recommended by Mr. Drazen, on behalf of the Industrial 

Group, employs SLF for classification between demand and energy and then the BP 

method is used to allocate the energy related portion of fixed generation costs.  The BP 

method recognizes what is described as the break-even point in the base load versus 
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peaker investment decision.  Based on that break-even point further energy usage, 

according to Mr. Drazen, does not affect the initial investment decision.  

[19] Mr. Whalen, Board Counsel’s consultant, supported NSPI’s position as 

does the SBA.  At the conclusion of the hearing, Mr. Chernick, the CA’s consultant, 

supported NSPI’s position although his preference, before the hearing, was to use a 

12CP allocation (i.e., 100% to the three months December, January and February and 

50% to all other months).  His position, at the conclusion of the hearing, was that he 

could accept the 3CP allocation as a placeholder pending results of the upcoming 

Integrated Resource Plan (“IRP”).  

[20] In support of the continuation of the SLF 3CP methodology NSPI stated:  

NS Power confirmed in its Strawman reports that it supports maintenance of the SLF 
approach, as long as no superior alternative is found. In the Company’s assessment, 

there were no convincing arguments put forward to confirm an alternative method would 
be superior. 
 

The application of the EPM and BP methods to classification of base load generation 
were examined in the 1993 COS proceeding and were rejected in favor of the current 
SLF-based method. Though the operational landscape of NS Power has changed since 

that time, the characteristics of the EPM and BP methods have not.  
 
… 

 
As far as allocation of demand-related costs of generation is concerned, NS Power does 
not find evidence in support of a departure from the current three coincident peak (3CP) 

approach.  As provided in response to CA DR-42, 43 and 44, NS Power remains a winter 
peaking utility and combustion turbine (CT) usage during non-winter months is not a 
significant factor with respect to generation investment decisions.  

[Exhibit N-1, pp. 35-36] 

[21] Mr. Whalen noted that NSPI tested a number of alternatives and he 

supported NSPI’s recommendation of continuing with the SLF 3CP approach.  Mr. 

Whalen, in his evidence, explained his concerns over the use of time differentiated 

methods such as BP:  
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These approaches suffer all of the same weakness of the Equivalent Peaker methods. In 
addition:  

 
a)  These methods require a breakeven point which is a function not only of 
capital cost differences, but also of differences between base generation and 

peaker fuel costs. The difference between these may be very volatile from year 
to year.  

b)  The underlying philosophy of this method is that the need for peaking 

units is largely driven by classes with lower load factors. This does not take into 
account the need for reserves to cover forced outages and planned maintenance 
outages of base load units.  

c)  Utility generation planning and resulting generation additions are based 
on long term forecasts of peak demands, energy requirements, public policy, 
available  technologies and their characteristics (capital and operating costs, heat 

rates, forced outage rates, etc.), fuel forecasts and a variety of other factors. The 
choice and timing of generation additions reflect consideration of how various 
viable options will serve the system over multiple years, rather than on a single 

year’s breakeven points among options.  

d)  NSPI uses its hydro generation (particularly Wreck Cove) to serve load 
during peak periods. This affects NSPI’s generation choice between a base load 

unit and a CT but is not reflected in the breakeven calculation.  

e)  As noted in the discussion of this method in the NARUC Cost Allocation 
Manual, “The logic of this approach is that the extra capital costs would be 

incurred once the system was expected to run for a certain minimum number of 
hours; i.e., once the break-even point in unit run time between a peaker and 
baseload (or intermediate) unit was reached. However, system planners 

generally recognize no difference between on-peak hours and off-peak energy 
loads on the decision to build a baseload power plant, instead, the belief is that 
system planners consider the total annual energy loads that determine the type 

of plant to build. To allocate energy-related production plant costs on the basis of 
only on-peak energy use implies a differential impact of on-peak KWH as 
compared to off-peak KWH that may or may not exist”.  

f)  If the BP or BIP fixed classification methods were to be adopted, it could 
also have implications on the apportionment of fuel costs among rate classes. If, 
for example, the BP logic were applied to fuel costs, class responsibility for fuel 

costs would not be based on annual class usage but on relative shares of energy 
being supplied by plant type. This would significantly complicate the FAM 
process, as discussed in NSPI (AVON) DR-16. 

[Exhibit N-10, pp. 24-25] 

[22] The SBA’s position is summarized in its final submission:  

… The problem with the Base Peak methodology is that it is data intensive, complex and 
relies on a large number of assumptions, unlike the SLF methodology which is relatively 

simple. Furthermore, the Base Peak methodology while theoretically an acceptable 
alternative, has no history of implementation in other utilities, particularly in Canada. In 
other words, we have no track record or experience to rely upon with utilities using this 

methodology. The SBA submits that there is little evidence that supports replacing the 
SLF methodology with Base Peak methodology; or that the SLF ·methodology is inferior 
to the Base Peak methodology. As we have said in our opening statement, "If it ain't 

broke, why fix it". The SBA supports continuation of the SLF classificat ion with the 
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allocation of demand related plant on the basis of 3 CP, reflecting how the Company 
plans its generation system. 

[SBA Final Submission, pp. 5-6] 

[23] Mr. Drazen noted that he did not disagree with the concept of classifying 

only part of base load fixed costs as demand related.  However, in his view, allocating 

the energy portion on the basis of total energy usage does not accurately reflect cost 

causation.  He went on to state:  

The problem is that the portion of the investment that is not “demand-related” is not really 
“energy-related” either, at least not in the same sense as fuel is energy -related. It is 
better described (and allocated) as peak -energy-related. The decision to build a base 

load plant versus a peaker is not determined by total energy output, but, rather, on output 
up to a certain duration or “breakeven” point. … 

[Exhibit N-11, p. 14] 

[24] He argued that since energy production beyond the threshold point does 

not affect the investment decision, it is not relevant to cost causation.   

… 

 
Q  IN WHAT WAY IS NSPI’S CURRENT METHOD OF USING ALL ENERGY TO 

ALLOCATE THE “NON-DEMAND” PORTION COUNTER PRODUCTIVE? 

 
A  It is counterproductive to encouraging customers to improve the system load 

factor because it penalizes customers who do so. For greater system efficiency, 

it is desirable for customers to reduce peak demand and increase use of energy 
off-peak–that is, to improve the system load factor. The demand charges in the 
General Service and Industrial rates provide motivation to do so. But, if 

customers respond to that, the higher system load factor will increase the portion 
of fixed costs classified as energy and increase the portion of generation fixed 
cost allocated to them. The breakeven energy method of allocation avoids this 

effect, because off-peak energy is not considered in the allocation of the non-
demand base load fixed costs.  

[Exhibit N-11, p. 17] 

[25] In argument the Industrial Group stressed that the BP method (albeit the 

traditional BP method, not the hybrid one suggested by Mr. Drazen) scored very well in 

the cost causation category in rankings of six criteria undertaken by NSPI.  PHP argued 

in support of the position taken by Mr. Drazen, on behalf of the Industrial Group.  
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[26] In its Reply Brief, NSPI argued that the hybrid approach, suggested by Mr. 

Drazen, was not considered as part of NSPI’s assessment.  It argued that the hybrid 

method proposes to use five year forecasts for capital and fuel to determine the base 

split between demand and energy.  In NSPI’s view, this method would actually rank 

lower on the comparative cost causation criteria.  

[27] The CA, in argument, stated that the hybrid BP approach “has no 

resemblance to actual utility planning and operation” citing several factors including:  

 Energy use in all hours contributes to emission control costs and renewable 

energy requirements;  

 Using 2014 forecast fuel prices, even though the decisions to build each coal 

plant was made at very different fuel prices, would have suggested very 

different breakeven hours;  

 Excluding the environmental and fuel switching plant costs, variable O&M, 

income taxes, grants in lieu, and decommissioning costs from the break-even 

computation.   

3.1.1 Findings 

[28] It appears to the Board that the SLF 3CP method is working well and has 

worked reasonably well since 1995 to classify and allocate base load plant.   

[29] The Board recognizes that more costs are classified as energy under this 

method than under the BP method and under methods used in other jurisdictions.  

[30] The Board has several concerns about the BP method.   

[31] While it appears it is an acceptable method under the National Association 

of Regulatory Utility Commissioners’ (“NARUC”) guidelines, it also appears it is not 
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widely used.  Indeed, no witness could point to a jurisdiction in Canada that uses the BP 

method.  

[32] Secondly, and more importantly, the approach would require the use of 

five year fuel forecasts and capital forecasts in order to calculate the BP method break-

even point.  NSPI’s fuel forecasts have been notoriously wrong as evidenced by the 

current under-recovery in the fuel adjustment mechanism.  It appears to the Board there 

will be a significant risk of volatility with respect to the setting of the break-even point 

which could lead to volatility in cost of service.  

[33] Mr. Whalen noted that one of the redeeming features of the SLF is that it 

does not do that:  

MS. RUBIN:  Okay.  Would you acknowledge that these other factors aren’t reflected in 
the current System Load Factor method or, for example, in the equivalent peaker 

method, and that all of these methodologies reflect a simplification of the planning 
approach?  
 

MR. WHALEN:  Yes, that’s true to some extent.  I think the advantage the System Load 
Factor has is that it’s essentially saying what’s happening on average and determining an 
energy piece from that perspective.  And then what happens above the average loads is 

deemed to be the demand portion and is allocated with respect to demands.   
 
So the fact that, on the System Load Factor, you’re averaging or working up average 

loads, it tends to capture some of these pluses or minuses more than a breakeven 
analysis would. 

[Transcript, p. 497] 

[34] In part, based on this risk of volatility, the Board is not prepared to accept 

the BP methodology.  The Board also notes the other concerns raised by Mr. Whalen as 

detailed in paragraph [21] of this Decision.  

[35] Accordingly, the Board accepts the evidence of NSPI, Mr. Whalen and the 

submissions of the SBA and the CA, that the SLF 3CP methodology should continue.  
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[36] The Board sees no particular reason, as recommended by Mr. Chernick, 

to adopt the 3CP allocation as a temporary placeholder.  However, it would obviously be 

subject to future review when cost of service is re-examined at a future date.   

3.2 NSPI Wind  

[37] NSPI proposed to change the cost of service treatment of NSPI owned 

wind facilities to align with system planning and to eliminate the distinction between 

renewable electricity standard (“RES”) investments and non-RES investments.  

[38] Currently NSPI treats all wind facilities installed after 2009 as energy only 

because they are intended to contribute to the RES targets.  Older wind projects are 

treated based on their capacity factor such that the assets are classified as 30% to 

demand and 70% to energy.  

[39] NSPI proposed to eliminate the distinction between RES and non-RES 

wind energy and bring the cost of service treatment of wind costs into alignment with its 

capacity planning.  

[40] NSPI initially proposed that wind projects connected by a network 

resource interconnection service (“NRIS”) should be classified as 80% to energy and 

20% to demand, because these projects contribute to capacity.  Projects connected to 

energy resource interconnection service (“ERIS”) were proposed to be classified as 

100% to energy.  NSPI owned wind generation units and Independent Power Producers 

would be treated the same for cost of service purposes.  

[41] Mr. Whalen provided evidence that the actual history of wind curtailments 

indicates that ERIS curtailment and system peaks may not be coincident and that ERIS 

projects may be able to contribute to firm capacity.  Mr. Drazen also recommended that 
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ERIS connected wind projects be treated as providing capacity although discounted 

from NRIS projects.  

[42] In its Reply Evidence, NSPI changed its recommendation to request that 

the classification should align with planning assumptions in effect at the time of the next 

GRA, rather than seek to fix specific classification factors now.  NSPI noted that it would 

update the classification factors for a general rate application, if this is required, to align 

with planning assumptions in effect at the time of future GRAs.  The SBA and the 

Industrial Group supported NSPI’s recommendation on this issue.  

3.2.1 Findings 

[43] The Board accepts NSPI’s revised position and directs that the necessary 

work be undertaken.  The classification NSPI proposes, after the necessary research, is 

to be submitted to the Board for approval.  The Board observes that it does appear, 

based on the evidence in this proceeding, that ERIS projects are able to contribute firm 

capacity.   

[44] The CA does not appear to question NSPI’s recommendation in this 

regard, but disagrees with the manner in which NSPI classifies wind energy.  

[45] Mr. Chernick, on behalf of the CA, argued that NSPI has a two-step 

process for classifying non-peaking base load generation between energy and capacity.  

The first step classifies the environmental and fuel switching costs to energy, while the 

second step applies a SLF to the remainder and classifies that portion as energy related 

as well.  He argued that NSPI has consistently not applied both steps to wind.  He 

stated that the wind plants were never planned or justified based on their contribution to 

meeting peak demands and should be classified entirely energy related until the 

capacity is used and useful.  No other party criticized NSPI’s process in this regard.  
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[46] NSPI indicated that the result of the CA’s suggestion would see a change 

in classification results from the current 90/10 split between energy and demand to a 

95/5 split.  

[47] NSPI correctly points out that the classification of wind generation was not 

the subject of the 1995 cost of service decision as there was no wind generation at the 

time.  It argued that the 1995 decision was specific in applying SLF classification to only 

base load generation.  

[48] The Board notes that the current approach classifies wind generation as 

90% to energy, which recognizes a significant energy cost causation content of wind 

generation.  The Board is not persuaded that the change recommended by Mr. 

Chernick needs to be made (noting that no other party advocated for this change) and 

agrees that NSPI should continue the current process.  

3.3 Classification and allocation of Purchased Power Costs  

[49] The issue to be addressed for purchased power costs is their classification 

between energy and demand components, segregated between wind and non-wind 

generation, for in-province purchases.  Purchased power also includes imports. 

[50] In its Reply Evidence, NSPI summarized its current methodology: 

Currently, NS Power classifies non-wind power purchases as 45% fixed and 55% 
variable. As with the base load units, a portion of the fixed component is then classified 

as energy-related based on the system load factor. Wind purchases are split as 30% 
fixed and 70% variable. There is then a second step which classifies the fixed component 
as 70% energy and 30% demand. The 70/30 ratios are based on estimated capacity 

factors of wind generation. The effect of this two-step process is that the current overall 
demand/energy classification of wind purchases is 9% demand and 91% energy.  

[Exhibit N-30, p. 17] 

[51] NSPI proposes to treat the classification of in-province purchased power 

so as to align it with that applied to its own generation.  Initially, it proposed as follows: 
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…for those wind purchases interconnected by the non-firm Energy Resource 
Interconnection Service [ERIS], no capacity value (i.e. demand) classification is made. 

These costs are considered 100% energy. For wind purchases interconnected by the firm 
transmission Network Resource Interconnection Service [NRIS], the Company proposes 
for the COS proceeding, to classify 20% of these costs to demand and 80% to energy. 

 
For non-wind, in-province purchases the Company proposes to treat this the same way 
as Company owned, non-wind base load generation fixed costs (classified to demand 

and energy based on the system load factor). The treatment of these assets from a 
planning perspective is the same. It follows that the treatment for COS purposes should 
also be aligned. 

[Exhibit N-30, p. 18]  

[52] With respect to imports, NSPI proposed to classify them as 100% energy 

since they are typically non-firm. 

[53] In his Pre-Filed Evidence, Mr. Whalen supported this approach with 

respect to all three sources of purchased power, noting that the in-province “wind” and 

“non-wind” resources are similar to NSPI owned wind and NSPI owned base load 

generation, respectively, from both system planning and system operating perspectives. 

[54] After referring to the discussion canvassed earlier in this Decision about 

NSPI owned wind generation, as it relates to in-province wind purchases, Mr. Whalen 

stated as follows in relation to non-wind in-province purchases and imports: 

…non-wind in-province purchases displace NSPI’s generation, they are made under long 

term contracts and from NSPI’s perspective are fixed costs.  Classifying them as NSPI 
classifies the fixed costs of its own base load generation is appropriate. 
 

…imports are usually non-firm purchases which occur whenever it is possible to take 
advantage of any marginal cost differentials between NSPI and New Brunswick. Their 
primary purpose is to reduce fuel costs, so their classification as energy is appropriate. 

[Exhibit N-10, p. 13] 

[55] However, during the course of this proceeding, NSPI changed its position 

with respect to the treatment of NSPI owned renewable resources.  As noted earlier in 

this Decision with respect to NSPI owned wind generation, NSPI undertook to review 

and update the classification factors related to its wind generation and to provide the 
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relevant support for the classification as part of future GRA or cost of service 

proceedings.  In section 3.2 above, the Board accepted this approach. 

[56] The only party opposing NSPI’s proposal for purchased power costs is the 

CA.  Mr. Chernick noted that the cost of wind generation was incurred by NSPI to meet 

environmental and RES requirements.  As noted earlier in this Decision, he opposed the 

classification of a portion of the renewables cost as demand.  The CA requested that 

NSPI apply the full two-step SLF method to wind, subject to updating of the wind 

capacity credit. 

[57] With respect to non-wind purchased power, the CA submitted: 

NSPI has proposed that purchases of non-wind firm power (mostly biomass) be classified 

in the same manner as similar NSPI-owned resources. …The CA agrees with this 
approach. 
 

However, NSPI has failed to match the classification of purchase costs to the 
classification of the total cost (including fuel and variable O&M) of comparable NSPI-
owned generation. This is not an issue for the wind purchases, …  
 

For the non-wind purchases, NSPI simply applies the system load factor to the total 
purchase costs. Most of these purchases are from biomass plants, and NSPI projects 
increasing biomass purchases from Minas Basin and COMFIT projects. The purchase 

price covers both the fixed costs of the IPP and its fuel costs. For Port Hawkesbury itself, 
NSPI properly classifies the fuel and variable O&M costs as energy-related, but NSPI 
fails to classify a similar portion of the purchased-power costs as energy-related and 

effectively classifies 44% of the IPP fuel costs as related to peak demand. The Consumer 
Advocate requests that Board direct NSPI to address this unfair approach. 
 

The Consumer Advocate requests that the Board instruct NSPI to classify the costs of 
biomass purchases in proportion to the classification of total Port Hawkesbury costs.  

 [CA Final Submission, pp. 6-7] 

[58] In its Rebuttal Submission, NSPI refuted the CA’s assertion that NSPI 

follows a two-step process in the treatment of NSPI owned wind and biomass.  NSPI 

submitted that its current generation planning already recognizes the capacity value of 

RES-based wind generation.  NSPI stated: 

…The SLF-approach was designed for the classification of dispatchable base-load 

generation, investments which had been made for economic reasons.  The wind 
generation, since it has been accounted for as a separate item in the COS in the 2005 
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GRA, has been recognized as a distinct non-dispatchable generation category. NS 
Power’s proposal to continue to exclude classification of wind from the SLF -based 

approach remains consistent with the current treatment. 

[Exhibit N-30, p. 20] 

3.3.1 Findings  

[59] No party opposed the treatment of imports as 100% energy.  The Board 

accepts this treatment.  

[60] Further, non-wind in-province purchased power displaces NSPI’s 

generation.  As noted by NSPI and Mr. Whalen, such purchases are made under long 

term contracts and they are treated as fixed costs.  Thus, the Board considers it 

reasonable and appropriate that such purchased power costs be classified in like 

fashion to NSPI’s base load generation.  

[61] With respect to the purchased power costs from biomass, the Board 

accepts the CA’s submission that NSPI should classify the cost of biomass purchases in 

proportion to the classification of total costs for the Port Hawkesbury biomass plant.  

NSPI is so directed. 

[62] The Board also considers that the treatment of in-province wind purchases 

should be consistent with the treatment of NSPI owned wind generation.  NSPI has 

undertaken to review and update the classification factors related to its wind generation 

and to provide the support for its classification as part of future GRA or cost of service 

proceedings.  The Board finds it appropriate that these findings should be consistently 

applied to in-province purchased wind power.  

3.4 Transmission 

[63] As is the case with generation, currently NSPI classifies its transmission 

capacity between energy and demand using SLF and allocates demand using 3CP.  
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NSPI says that the current approach is atypical of the North American electricity 

industry where transmission costs are primarily demand driven and classified to 

demand and, therefore, is proposing to classify transmission 100% to demand.  

However, NSPI then goes on to ameliorate or undo the demand weighting by allocating 

transmission on the basis of 12CP in order to recognize that the energy weighting 

needs to be maintained.   

[64] NSPI explained their compromise as follows:   

NS Power is proposing that transmission be classified to demand only and allocated on 
12CP. This treatment will align with the cost treatment under OATT. Although, this 
represents a departure from the 3CP approach used currently in allocation of demand 

related transmission costs, NS Power believes it is a good compromise between views of 
the parties to this proceeding and aligns with CAEC’s recommendations.  

[Exhibit N-1, p. 47] 

[65] During the hearing the Board expressed a concern that classifying 

transmission as demand and then allocating on a 12CP had no theoretical basis: 

THE CHAIR:  Can I ask you a question here, sorry?  How does allocating it to 12CP 

create an energy recognition? 
 
MR. FERGUSON:  It’s really relative to the option of 3CP.  So by using 12CP, you 

recognize utilization of the asset over the entire year versus the three months where the 
heaviest loading is.  So it moderates the effect of the pure 3CP methodology which 
focuses on the three heaviest years of -- three heaviest months of utilization. 

 
THE CHAIR:  I understand the effect; I just don’t understand the theory as to why you 
would do it. 

 
MR. FERGUSON:  The theory is the desire -- and it’s really founded in the Board’s 
decision in 1995 that transmission should be classified on the same basis as generation, 

recognizing that there’s a large energy component.  
 
THE CHAIR:  But you’ve departed from that; your theory has changed.  So has allocating 

on 12CP consistent with your theory?  That’s what I’m struggling with.  
 
MR. FERGUSON:  Well, the shift to 12CP is a shift in our thinking as well.  So originally 

in our Application and our thinking proposal when we worked with stakeholders was 
classify and demand and allocate on 3CP which would have a -- predominantly a 
demand focus for the transmission system. 

 
Discussions with customers and the intervenors and review of -- in my case, review of the 
Board’s original decision reinforced that it was recognized from the outset that that 

transmission -- there was a large element of energy cost causation in the transmission 
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system.  So the 100 percent demand classification with the 3CP allocation seemed overly 
severe and seemed to underplay the role of electricity -- excuse me, the energy role in 

contributing to the cost of the transmission system.  We sought to address that.  
 
THE CHAIR:  So is it overly severe from an impact standpoint, or overly severe from a 

classification standpoint? 
 
MR. FERGUSON:  I think the latter, overly severe from a classification and allocation 

standpoint.  It doesn’t fairly recognize, in my perspective, in my view, that transmission 
costs in our province have been driven in part by the desire to produce lower cos t energy.   
 

THE CHAIR:  Then why depart from the system [load] factor? 
 
MR. FERGUSON:  Because there is, in our view, a stronger demand component in the 

transmission system than base load generation assets.   
 
MR. CHAPMAN:  Might I add something? 

 
THE CHAIR:  You’re trying to kind of keep a foot in both camps, aren’t you? 
 

MR. FERGUSON:  I don’t think of it that way.  I think of it more in terms of the primary -- 
the initial plan is to recognize that transmission demand is a driver of transmission.  So 
it’s a shift.  

 
Yeah, I guess it is a feet in both camps.  We are recognizing that there remains an 
energy component, but we think there is -- the demand component is more substantive 

on the transmission system than it is on the generation base load.  

[Transcript, pp. 114-117] 

[66] The CA supported continuation of the SLF 3CP method on the basis that 

the change proposed by NSPI is not justified by cost causation.  In its Final Brief, the 

CA stated:  

There is universal acceptance that a large portion of the transmission investment was 
undertaken to connect the remote coal and hydro plants to the load centres, to provide 

customers lower fuel costs from these units that could not be located near load. (Ex. N-1 
at 44-46 and Appendix I at 5, 15) 
 

There is also nearly universal acceptance that much of the recent construction of 
transmission in Nova Scotia is due to the construction of wind and other renewables, 
driven by energy-related mandates (Ex. N-1 at 46 and Appendix J at 111; Ex. N-16 at 

48). 

[CA Final Submission, pp. 8-9] 

[67] The SBA, PHP and Industrial Group support a 100% classification to 

demand and a 3CP allocator.  The SBA argued that the evidence regarding NSPI’s 

monthly peak supports the use of a 3CP allocator. 
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[68] The Industrial Group stated as follows:  

122. With respect to COS treatment of transmission, it is NSPI’s position that only a small 
portion of the transmission assets have an energy component arising from connecting 
remote generation to the grid. As noted above, it is not unusual for generation to be 

located at some distance from the load centre; indeed, all transmission exists to connect 
generation with load but the industry standard is nonetheless to classify as demand and 
allocate based on the appropriate coincident peaks. It is submitted that both the SLF 

classification and the 12 CP allocation overstate the energy component. The demand 
patterns of the NSPI system strongly indicate that it is appropriate to use demand 
classification and a 3CP allocator. 

 
123. Alternatively if the Board wishes to reflect an energy component, Mr. Drazen, Mr. 
Mikkelsen and Ms. Smith all agree that a different COS treatment for some portion of the 

transmission assets could be an appropriate solution rather than retreating from the 
recommended Demand Classification and 3CP allocation. The Industrial Group could 
support functionalizing a limited amount of radial transmission (those which are truly 

atypical) to generation as described by Mr. Mikkelsen. This could be the subject of further 
study by NSPI and report. 

[Industrial Group Final Submission, pp. 28-29] 

[69] PHP argued that there is no evidence that NSPI is “markedly different” 

from the wide range of jurisdictions in North America that classify utility transmission 

costs on the basis of 100% demand.  

[70] Mr. Whalen’s preference was to continue with the existing SLF 3CP 

methodology.  He noted that 100% demand 12CP adds energy to the methodology 

such that while it is not the exact piece of energy you would get if you applied the SLF, it 

is close.  He conceded that he accepted NSPI’s position because he understood it was 

a compromise of views.  

[71] While NSPI may have thought they had a compromise or agreement, it is 

clear they did not.  

3.4.1 Findings 

[72] NSPI, in its Direct Evidence, set the context for this discussion by quoting 

from the Board’s 1995 Decision:  

The concept was reflected in Board’s analysis of the 199[5] proceeding 
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One of the major differences of opinion at the hearing was the classification of generation 
and transmission rate-base assets. This results in a need to determine what portion of 

fixed costs should be classified as energy and the appropriate allocation of demand 
related costs to each customer class. For example, a transmission line to a remote base-
load plant built to provide least-cost energy to the load centre has an energy related 

intent. The actual cost incurred, however, is a function of the physical size of the 
conductor, which relates to its demand capability. [Emphasis added by NSPI] 
 

and further 
 
It is the Board's opinion that there is an element of energy related cost causation in past 

generation planning that is present in the NSPI system today. Ms. Chown acknowledges 
the need for energy recognition in cases such as hydro or nuclear plants, where large 
capital investments have been made to minimize energy costs. The Board considers that 

the same rationale applies to the siting of coal fired plants in Cape Breton, as the site was 
chosen for a combination of reasons which culminated in the least cost solution at that 
time. [Emphasis added by NSPI] 

[Exhibit N-1, p. 45] 

[73] NSPI went on to argue that the factors considered by the Board in 1995 

regarding investment in transmission as opposed to generation are significantly different 

today.  

[74] The Board fails to understand why.  The system, with regard to base load 

generation, is largely configured in the way it was in 1995, albeit there is less use of the 

coal plants and more use of the gas fired plant at Tufts Cove.  However, the Board 

observes that the most significant change on the system is the addition of renewable 

generation which required transmission to be built to service multiple renewable 

generation sites (principally wind).  NSPI’s consultant, Christensen Associates Energy 

Consulting (“CAEC”), argued that renewable generation is justification for moving to a 

12CP allocator in order to recognize the energy component to accommodate the new 

reality of the renewable generation.  However, it seems to the Board that this fact 

argues implicitly and explicitly in favour of the existing methodology.  
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[75] The Board is not persuaded that the case has been made to change from 

the existing methodology and, accordingly, with respect to classification and allocation 

of transmission costs, the SLF 3CP methodology is to continue.   

3.5 Customer Weighting Factors 

[76] NSPI is requesting Board approval to change its weighting factors to 85% 

number of customers and 15% revenues for each customer class.  The Intervenors and 

Board Counsel consultant, with the exception of the CA, agree with NSPI’s request. 

[77] NSPI uses weighting factors to allocate customer related or customer care 

expenses such as billing, meter reading, collection costs, customer enquiries and 

responses, and customer accounting.  NSPI stated that: 

... These services are labour intensive and the costs associated with their delivery can 
vary with factors other than customer counts, such as customer type, size and complexity 
of the rates under which these customers are billed. In order to reflect more accurately 

the cost causation behind these services, there is a need to weigh customer counts by 
these other cost factors. Although it is desirable to base customer weighting factors on 
empirical cost data, in practicality this is difficult to accomplish, as there is often no readily 

available accounting data to support such an approach. 

[Exhibit N-1, pp. 65-66] 

[78] NSPI currently has seven allocators and three use weightings:  

-  Allocator C-1 is an “Average Customer” allocator. It allocates costs to all classes on 

the basis of number of customers, with no weighting applied to any of the customer 
numbers. It is not used in the COSS, but is identical to C-5, which is used.  

-  Allocator C-2 is a “Weighted Secondary Customer” allocator. It allocates costs only to 

classes served at a secondary distribution voltage level. It is based on the number of 
customers in each class with customer weightings of 5.0 for customers in the General 
and Small Industrial classes. It is used in Exhibit 3A to allocate the rate base 

associated with customer “Services” (i.e. from the pole to the customers’ premises).  

-  Allocator C-3 is a “Weighted Average Customer” allocator. It is similar to C-1 except 
that a weighting of 0.82 is applied to the Unmetered class, a weighting of 5.0 is 

applied to the General and Small Industrial classes, a weighting of 25.0 is applied to 
the Medium Industrial class, and a weighting of 100 is applied to the Large General, 
Large Industrial and Municipal classes. It is used in Exhibit 6 to allocate operating 

costs associated with the Call Center and Billing Services.  

-  Allocator C-4 is a non-weighted allocator. It is used in Exhibit 3D to allocate the 
secondary customer portion of pole rate base and in Exhibit 3F to allocate the 

secondary customer portion of wire rate base. 
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-  Allocator C-5 is identical to allocator C-1. It is used in Exhibit 3D to allocate the 
primary customer portion of pole rate base and in Exhibit 3F to allocate the primary 

customer portion of wire rate base. 

-  Allocator C-6 is similar to allocator C-3 except that the Unmetered class is excluded. 
It is used in Exhibit 6B to allocate operating costs associated with meter reading.  

- Allocator C-7 is similar to allocator C-1 except that seasonal customers are excluded 
from the Residential class. It is used in Exhibit 6 to allocate the operating costs 
associated with Customer Service – H/O, Electrical Wiring Inspection – H/O, 

Payment Services, and Cost of Goods Sold (Net of Sales), and in Exhibit 6B to 
allocate the operating costs associated with Wiring Inspections.  

[Exhibit N-10, pp. 6-7] 

[79] NSPI initially proposed assigning a weighting of 90% to the number of bills 

in each customer class and 10% to class revenues to calculate the weighting factors.  

The proposed weighting factors also align with Canadian electric industry experience.  

For the unmetered class, NSPI proposed to abandon a 2006 negotiated solution and 

use the weightings as proposed. 

[80] However, NSPI, in its Reply Evidence, having considered the evidence of 

Mr. Whalen, MEUNSC, and the CA, revised its proposal to calculate weighting factors 

based on 85% number of customers and 15% revenues in each customer class.  

[81] NSPI disagreed with the CA’s proposal to defer this issue to a future date.  

NSPI also disagreed with the CA’s suggested use of empirical data and methods for 

weighting.  NSPI stated that it is not practical to use an empirical approach to determine 

weighting factors because of the lack of data.  Mr. Grus, on behalf of NSPI, explained: 

You know, we have to remember that we are talking about $50 million in customer-
related costs, which represents four percent of total revenue requirement.  

Only some of these categories might be subject to weighted -- to allocation through 

weighted customer counts. And when you look at the fact of applying these weighted 
factors, you’re looking at redistribution effect of the fraction of this four percent.  

Cost of service sources warn against over-analyzing and over-reliance on empirical data.  

Empirical research, empirical data is data intensive, it’s time consuming and often fall into 
a state of disrepair, disuse. Our surveys of other jurisdictions provided to as an indication 
on this.  
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So caution should be exercised before committing to empirical research-based 
development of customer weighting factors. 

[Transcript, pp. 76-77] 

[82] The Intervenors disagreed with the weighting factors as originally 

proposed by NSPI.  The CA had suggested that since judgment is used, the weighting 

for total class revenues should be higher than 10%.  The MEUNSC opined that 90% 

weighting for number of bills is “too heavy” and other cost causation factors including 

regulatory costs, unmetered costs and non-billing activity should be considered. 

[83] Mr. Chernick disagreed with NSPI’s proposed weighting factors and 

recommended that the weighting should be calculated based on the cost or effort 

required per customer for each customer class.   

[84] In its Post-Hearing Submission, the CA also questioned the proposed 

change of allocating service drops from 100% to 90% based on number of customers 

and 10% on revenues in each customer class.  He suggested that any change to the 

current method should be based on real data.  In addition, he recommended that the 

current weighting factors should be updated to reflect the current cost. 

[85] NSPI, in its Closing Submission, did not support the deferral of the service 

drop issue because it does not have operational data to make changes suggested by 

the CA. 

[86] Mr. Whalen, in his Pre-Filed Evidence, stated that the proposed “weights 

are based on some analysis of the resources used”, but also require “substantial 

judgement”.  The approach used by NSPI is based on BC Hydro’s approach and Mr. 

Whalen supported NSPI’s proposal for the following reasons: 

a) The proposed change applies only to weighted customer-based allocators (i.e. three 

of the current seven customer-based allocators).  

20
14

 N
S

U
A

R
B

 5
3 

(C
an

LI
I)



- 26 - 

Document: 223348 

b) The data necessary to calculate the proposed allocators is readily available so the 
allocators can easily be determined and updated for each COSS.  

c) The new allocators will still reflect only the customer classes that use a service.  

d) The proposed approach requires judgment with respect to only the two weighting 
factors to be applied to the number of bills and the class revenue, as opposed to the 

many judgments that have to be applied if empirical methods are pursued.  

[Exhibit N-10, p. 8] 

[87] He also noted that NSPI’s changes would affect residential and general 

customer classes only.  He recommended that the impact on these customer classes 

could be reduced with a weighting of 85% for number of customers and 15% for 

revenues in each customer class. 

3.5.1 Findings 

[88] NSPI’s proposal to change the weighting to calculate allocators which 

assign common costs to various customer classes is supported by the Intervenors and 

Board Counsel consultant, with the exception of the CA.   

[89] The CA recommended deferring this issue for additional data collection 

and consultation and noted that these weights should be based on empirical data.  He 

also recommended that the current weighting factors should be updated to reflect 

current costs. 

[90] The CA recommended that service drops not be part of the weighting as 

proposed by NSPI until more accurate information is available. NSPI disagreed due to 

lack of data on service drops. 

[91] As discussed later in this Decision, NSPI proposed no changes to the 

poles and wires in the current COSS, but plans to do a further study and collect data.  In 

addition, NSPI also agreed with the parties to do a streetlight use study as a part of 

poles and wires data collection. 
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[92] Based on this, the Board is of the view that data on service drops can be 

collected at the same time NSPI collects data on poles, wires and streetlights to 

improve the COSS. 

[93] The Board approves NSPI’s request with the exception of service drops.  

The current methodology relating to service drops will remain pending collection of 

additional information and consultation with stakeholders. 

3.6 Depreciation Phase In 

[94] The depreciation of distribution assets is currently classified as demand 

and customer related.  NSPI stated that this classification method is based on the total 

net plant weighted average. 

[95] NSPI is proposing to disaggregate distribution depreciation to include 

more details and a more accurate classification to better reflect allocation among 

customer classes. 

[96] All Intervenors, including the Board Counsel consultant, support NSPI’s 

proposed changes.  The CA, in supporting the change, also recommended a phase-in 

to reduce the impact of this change. 

[97] NSPI does not support the phase-in: 

... NS Power does not agree with a phase-in of this recommendation. NS Power 
depreciates its assets in accordance with UARB-approved depreciation approaches and 

rates. Further, the materiality of this issue does not warrant a phased-in approach. No 
class would see a higher increase in costs than 0.2 percent as a result of the change.  

[NSPI Closing Submission, p. 11] 

3.6.1 Findings 

[98] The Board notes that the proposed change has the support of all parties.  

NSPI, in its Reply Evidence, noted that the impact of this change on any customer class 
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is not more than 0.2%.  Based on the degree of impact on customer classes, the Board 

approves this change without a phase-in. 

3.7 Lingan  

[99] Mr. Drazen, on behalf of the Industrial Group, indicated that NSPI plans to 

operate Lingan units 1 and 2 at very low capacity factors over the course of the next few 

years in advance of their retirement.  In his view, they no longer operate as base load 

units.  In his direct evidence he suggested that NSPI prepare cost of service runs with 

Lingan 1 and 2 functionalized as peaking units.  

[100] The Industrial Group, in its Final Submission, requested the Board direct 

NSPI to report back to the Board on the recommended functionalization of Lingan 1 and 

2 following the outcome of the IRP process.  The Industrial Group argued that if the 

evidence demonstrates the units are more appropriately treated as peaking units rather 

than base load units that they should be treated as such in cost of service in the next 

GRA filing.  

[101] NSPI’s response with respect to the suggestion that Lingan 1 and 2 might 

be considered as peaking units was that it is premature to make that determination.  

NSPI committed, however, to review utilization during the IRP process and advised that 

this should inform future cost of service decisions.  In the meantime, NSPI maintained 

that no changes to the classification of Lingan should be undertaken.   

[102] Mr. Chernick recommended that Lingan plants continue to be treated as 

base load generation.  He submitted that the costing treatment should reflect the 

original cost causation behind the investment in these plants, which was to produce 

lower cost energy.   
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3.7.1 Findings 

[103] The Board agrees that it is premature to make a change to the treatment 

of Lingan 1 and 2 in this Decision.  The Board agrees with NSPI and the Industrial 

Group that the utilization for Lingan 1 and 2 be considered as part of the IRP process 

and that may inform future cost of service decisions.    

3.8 System Voltage 

[104] NSPI is requesting the Board’s approval to: add a bulk system level; 

eliminate differentiation between the High Voltage (“HV”) and Extra High Voltage 

(“EHV”) for transmission usage; manually adjust rate base between transmission and 

distribution [discussed in section 3.11]; allocate distribution costs to Municipal Utility 

customers and Large Industrial customers which are serviced from the distribution 

system; and eliminate the distinction between dedicated and non-dedicated substations.  

[105] NSPI justified its initial request, which was included in the Application, as 

follows: 

(a)  Distribution customers from the Large Industrial and Municipal classes are 

treated as transmission customers for cost allocation purposes, which is 
inconsistent with the COS design. 

(b)  The COS does not recognize the extra high voltage transmission level at which 

some customers, within the Large Industrial Class, are served. 

(c)  The COS supporting processes of load research sample design and line loss 
determination could be improved to increase accuracy in cost allocation.  

[Exhibit N-1, pp. 6-7] 

[106] NSPI noted that this item has significant cost impact on certain customer 

classes.  Certain Municipal Utility customers (3%) and certain Large Industrial 

customers (0.9%) have the largest increases with the proposed changes. 
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[107] Currently, the cost of service design divides the distribution system into 

primary and secondary categories and transmission system into EHV and HV 

categories.  NSPI has identified two issues with the current cost allocation method: 

…currently not all class loads are classified in this manner. The coefficients used to 

apportion class distribution loads between primary and secondary voltages of the 
General, Small Industrial and Medium Industrial rate classes are dated, while loads of 
large customer classes are not correctly accounted for by distribution and transmission 

voltage levels. 

[Exhibit N-1, p. 48] 

[108] NSPI stated that applying the voltage differentiation at the customer’s 

point of receipt is practical and has been used to date: 

The concept of applying transmission voltage differentiated service at NS Power has a 

long tradition dating back to 1995 with the approval of the Large Industrial Expansion 
Rate. 

The challenges around data collection by EHV and HV transmission level will not go 

away with the adoption of a unitary approach to transmission, as this information is 
required for the purpose of ongoing calculation of 1P-RTP adders and the OATT. In the 
Company’s view, the approaches under the COS and the OATT to this cost 

determination should be reconciled and the same cost assumptions should be used for 
the purposes of both calculations. The differential in these costs has been on record for 
some time now and it did not stand in the way of offering EHV treatment to customers 

billed under the COS-based ELI 2P-RTP rate since its creation in 2007. It would not be 
good ratemaking practice to treat a new subgroup of EHV customers differently. 

The concept of service differentiation by transmission voltage level has been firmly 

established in the ratemaking practice in our jurisdiction. For the purposes of 1P RTP 
adder calculations, NS Power has grouped all customers drawing power at an EHV level 
into a separate category. As is the case with distribution voltage service differentiation, 

the potential cost redistribution effect of implementation of the approach should not be a 
reason for its rejection. 

Recognition of EHV service at a point of customer receipt for all rate classes is a fair and 

implementable treatment in COS. It will create opportunities for the creation of price 
differentials to current and future EHV customers who typically are large industrial power 
consumers with the highest price elasticity of demand. 

[Exhibit N-1, pp. 53-54] 

[109] NSPI also proposed that all five current customers which have service 

from the low voltage side of bulk power substations and which use no distribution 

system assets will continue to be treated as transmission customers.  Mr. Whalen 

supports NSPI’s proposal for these five customers. 
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[110] Currently MEUNSC’s members are billed on HV level, but there are two 

municipal utilities which are serviced at the distribution level.  The Large Industrial 

customers are billed on the HV level, but have some customers served at the 

distribution level.  The Board understands that NSPI’s proposal will impact those 

customers which are currently serviced from distribution, but not billed at distribution 

level.  

[111] All parties agreed with the voltage service differentiation by primary and 

secondary at the distribution level.  However, the MEUNSC would, as recommended by 

CAEC, like the issue of “low voltage cases” studied further.  The purpose of this study 

would be to determine whether customers need low voltage or they happen to be on the 

low voltage distribution line (i.e., a geographic location issue). 

[112] NSPI responded that CAEC did not propose a study but recommended 

that the allocation should vary depending upon whether this is a geographic issue or a 

service specifically sought by the customer. 

[113] The MEUNSC, in its Final Submission, noted its concern with respect to 

two of its municipal electric utilities which receive service at distribution level (23,000 

volts).  The proposed change is expected to add $763,000 for these two utilities.  It 

noted: 

We would submit that the appropriate process to be followed, is no "hurried changes". 

This is the only appropriate process until all facts are evidenced as to the reasons; actual 
asset book values; and potential NSP benefits associated with the service provisions to 
the 2 Municipal customers; are identified and known. Here again, as Mr. Whalen pointed 

out, ''the voltage level at which customers are served is usually a least cost decision by 
the Utility rather than a customer choice". (direct evidence pg. 14, lines 2-3, emphasis 
added in original)  

[MEUNSC Final Submission, p. 1] 

[114] NSPI, in its Reply to Closing Submissions, stated that:  
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It does not appear that the MEUNSC disagrees with the principle that distribution service 
represents an incremental cost category to transmission that must be paid for by all 

distribution customers without exception. However, the MEUNSC argues that 
Undertaking U-4 should be read to support not proceeding with this recommendation. U-4 
provides a net present value of the original investment. It does not reflect upgrades and 

refurbishments. Further, even if NS Power had a way, which it does not, to determine 
accurately the value of these assets, it would not be relevant to the COS treatment of 
service differentiation for the following reasons: 

(a)  Regulatory ratemaking of shared assets, those that are not dedicated for use by 
individual customers, is based on the concept of cost generalizat ion by level of 
service at a system level. 

(b)  Service differentiation for COS purposes represents a balanced consideration of 
costing precision and practicality of cost determination. 

(c)  The assets in question are shared by customers from various customer classes 

and therefore they cannot pass for dedicated asset treatment.  

[NSPI Reply to Closing Submissions, p. 11] 

[115] Mr. Whalen, MEUNSC and the CA supported NSPI’s request not to 

functionalize the transmission system into HV and EHV levels. 

[116] The Industrial Group disagreed with NSPI’s proposal to not functionalize 

the transmission system into HV and EHV levels. Mr. Drazen noted that, under the 

current system, customers on EHV level are billed at EHV rate and customers on HV 

level are billed at HV rate.  By not recognizing this distinction on a go-forward basis, 

new customers who are serviced at EHV level and not billed at the EHV rate may 

consider the current proposal discriminatory. 

[117] Currently, one-third of Large Industrial loads are serviced from the 

distribution level, but are billed as HV customers.  Based on the proposed change, 

these customers would pay distribution level costs. 

129 The Industrial Group supports the initial proposal, consistent with the CAEC 

recommendations. As explained by Mr. Drazen, while the distribution cost issue is 
basically rate design, it is relevant to the structure of the COS insofar as distribution costs 
allocated should be recovered only from those customers served at distribution level. 

This could be done by either by having a separate distribution service charge or by 
having a separate demand and energy charge for the different voltage levels. The COS 
study should show the costs for each class in a way that may be translated easily into 

rates. 

[Industrial Group, Closing Submission, p. 30] 
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[118] NSPI, in its Closing Submission, stated that : 

Drazen Consulting Group, Inc. also commented on this issue, providing support for a 
separate distribution service charge, which the consultant acknowledges is a rate des ign 
issue, but enabled through identification within the Cost of Service of the distribution cost 

of each class in a way that is easy to translate into different rates.  

[NSPI Closing Submission, p. 6] 

3.8.1 Findings  

[119] The MEUNSC supported NSPI’s request except for the additional cost to 

two of its municipal units, which would be billed at the distribution rate and not the HV 

rate.  It proposed a delay until the actual costs can be determined.  NSPI stated that the 

cost impact is a ratemaking decision and should be dealt with at a GRA application.  

The Board agrees.  

[120] The Industrial Group agreed that the distribution cost is a rate issue. 

However, it recommended that the cost of service should be designed so that the 

distribution cost of each customer class is clearly identified and can easily be translated 

into different rates. 

[121] NSPI, in its Reply Submission, agreed with the Industrial Group’s 

recommendation.  The Board agrees as well. 

[122] As noted earlier, the Industrial Group disagrees with NSPI’s proposal to 

not functionalize the transmission system into EHV and HV levels.  It argued that by not 

functionalizing the transmission system, new customers who are serviced from the EHV 

level may perceive this as discriminatory. 

[123] The Board understands that currently no customer is impacted by not 

functionalizing the transmission system.  

[124] The Board approves NSPI’s request.  The Intervenors may argue the cost 

implications of these changes at future GRAs.  
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[125] The Board expects NSPI to consider the Industrial Group’s suggestion to 

collect additional data and show costs which can easily be converted to customer rates 

for customers who are serviced at the distribution level.  

3.9 Revenue to Cost Ratios  

[126] The ratio of revenue recovered from a customer class to costs assigned to 

that class through the cost of service is referred to as the class’ Revenue to Cost (“R/C”) 

ratio.  In GRAs, the Board has determined that rates should be applied across NSPI’s 

customer classes such that the R/C ratio for each class falls within a band of 0.95 to 

1.05. 

[127] At the request of the SBA, it was agreed by the parties to the 2012 GRA 

Settlement Agreement that the issue of R/C ratios would be canvassed as part of the 

cost of service proceeding.  This was raised as a concern by the SBA because the 

Small General and General Classes have, over the course of several GRAs, been 

located near the upper limit of the R/C band (i.e., at or near 1.05).  Conversely, the 

Large Industrial class has tended to fall below 1.0. 

[128] In its Reply Evidence, NSPI acknowledged some of the impacts on 

customer classes resulting from the application of the R/C band: 

The current R/C band recognizes the imprecision inherent in any COS model and 
promotes rate stability across classes. Particularly at times of significant change (e.g. 

change in generation mix or change in methodology), the cost burden can shift 
measurably from one class or group to another. The R/C band provides the flexibility to 
move forward to R/C parity gradually, rather than abruptly, which would possibly result in 

significant rate increases or decreases. However, an unintended outcome of this rate-
setting approach is that customer classes may be allowed to remain above or below the 
R/C ratio of 1.0 through several years and multiple rate proceedings.  

[Exhibit N-30, p. 31] 
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[129] While NSPI’s consultant recommended that the R/C band should be 

expanded, NSPI concluded that the current R/C band is appropriate and should be 

maintained.  It noted that the 0.95 to 1.05 band is commonly used in Canada. 

[130] In his testimony Mr. Ferguson, on behalf of NSPI, considered that 

customer classes who pay within 5% of their cost of service allocation are paying the 

cost to serve them.  He added that the current R/C band provides flexibility to the Board 

in GRAs with respect to the implementation of rates. 

[131] The SBA, in his Final Submission, reiterated his view that this issue 

should be revisited: 

 

From the Small Business Advocate's perspective, there is no more pressing issue that 
impacts on the classes it represents - Small General, General, and Small Industrial - then 
the revenue to cost ratios, and the historic treatment of these classes in the assessment 

of costs to them. 

... 

... all of the small business classes have consistently been assessed in excess of 100% 
of their identified costs for the eighteen year period under review - with each class at 

times paying in excess of the range (105%) established by the Board. No other sector 
has been treated in this manner on a continuous basis over the time frame under review.  

... 

The issues of the R/C ratios and the narrowing of the band are prime for re-consideration 
by the Board. The historical inequity of the Small Business classes paying more than 
their estimated cost of service, and, at times, above the high end of the band, needs to 

be rectified. It is submitted that all classes, including the Small Business classes, should 
pay their cost of service, but should not be expected, over time, to pay more than their 
cost of service. This leads to the inequity that the Small Business classes have faced 

over the past eighteen years, which inequity cannot be justified by any public policy or 
other rationale. We ask that the Board address this and insure that the Small Business 
classes pay no more than their cost of service in the future. We further suggest that the 

Board consider a reduction in the band, from its present 0.95 to 1.05 to 0.97 to 1.03. 
Such reduction will help to eliminate or minimize the likelihood of classes paying too less 
or paying too much in the future. A reduction in the band still will provide the Board with 

flexibility in applying rates, and should not create rate shock to any class.  ... 

[SBA Final Submission, pp. 1-4]  

[132] In her Pre-Filed Evidence, on behalf of the SBA, Lee Smith stated: 

In my experience, most regulatory commissions and frequently either state laws or 
regulatory rules support the idea that classes should pay the cost of serving them.  It is 
unusual to accept significant deviations from cost of service as an appropriate end state, 
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or to accept such deviations over a long period of time, particularly without any clear 
policy basis for the deviation between revenues and costs. … 

… 

I do not know of any such basis, and particularly I do not know of any Nova Scotia public 
policy that would support a long term policy of charging more, relative to the cost of 

service, to Small Business than to other customers. 

… 

I recommend that the Board express a policy that all classes should be moved to R/C 

ratios of 1.0, unless clear public policy reasons are expressed for deviation from these 
ratios, and that this movement toward the 1.0 ratio will be tempered by considerations of 
rate continuity. The R/C "range" should simply be guidance as to deviations from 1.0 that 

will be accepted until the 1.0 ratio is reached or where costs have shifted between 
classes. I recommend that the range should be narrowed to .97 to 1.03. This policy still  
leaves the Board free to make exceptions which it believes comport with public policy.  

[Exhibit N-12, pp. 15-16] 

[133] Mr. Whalen concurred with NSPI’s position that the current R/C band be 

maintained.  Further, he considers R/C ratios as “playing a role in rate design, but I do 

not believe it to be a COSS issue” (Exhibit N-10, p. 27). 

[134] In its Final Argument, PHP addressed the issue of the R/C ratios:  

PHP believes that a narrowing of the band that would potentially limit flexibility in rate 
design does not appear warranted at this time, particularly as this is one of the tools 
available to the Board in dealing with issues arising from changes to the COS. 

[PHP Final Argument, p. 17] 

[135] In fact, PHP referred to Mr. Christensen, NSPI’s consultant, who 

recommended in his report that NSPI consider applying to the Board to relax the 

requirement of close adherence to the 0.95 to 1.05 band, in order to enhance its pricing 

flexibility in the short term.  

3.9.1 Findings 

[136] Mr. Whalen correctly noted in his Pre-Filed Evidence that the topic of R/C 

ratios, and the application of an appropriate band, are more appropriately rate design 

issues, rather than cost of service issues.  While the application of the cost of service 

analysis allocates the costs across the various customer classes, the application of an 
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R/C band is actually a rate design tool which is available to the Board in its ratemaking 

function.  As noted by Ms. Smith, however, the two issues are undeniably related. 

[137] The Board accepts the evidence of NSPI that the current 0.95 to 1.05 

band is commonly applied in Canada.  Further, it notes that either expanding or 

narrowing the band (both of which were referred to at times in this proceeding) could 

have negative consequences on some customer classes and/or would reduce the 

flexibility of the Board to apply rates in a reasonable and appropriate fashion across 

NSPI’s various customer classes. 

[138] The Board notes that in the past it has had occasion to address the 

concerns expressed by the SBA.  In the 2012 GRA, the Board capped the R/C ratio for 

two of the SBA’s customer groups to 1.03.  However, in a number of recent GRA 

proceedings, rate level issues were dealt with by way of settlement agreement 

negotiated among the parties. 

[139] While the Board is mindful of the SBA’s concerns on this issue, it is 

satisfied that the current R/C band of 0.95 to 1.05 is appropriate and should be 

maintained.  The application of the R/C band is a rate design tool held by the Board in 

the setting of rates.  Where it is in the public interest to do so, the Board will use the R/C 

band, or apply other recognized ratemaking methods, to reduce the impact of rates on 

one or more customer classes.  

3.10 Functionalization and Classification of Distribution Poles and Wires 

[140] Board approval is requested to keep the current system of 

functionalization and classification of poles and wires. 

[141] NSPI stated that these items in the COSS have not been updated since 

1977.  The distribution poles are split 65% as primary poles and 35% as secondary 
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poles; then 30% of primary poles are classified to demand and the remaining 70% are 

split equally between demand and customer service.  The 35% secondary poles are 

split equally between demand and customer service.  This results in an overall 

distribution poles split of 65% to demand and 35% to customer service. 

[142] The distribution wires are split 70% to primary wires and 30% secondary 

wires.  Similar to poles, the primary wires are further split 30% to demand and 70% to 

demand and customer service equally.  The 30% secondary wires are equally split 

between demand and customer service. 

[143] NSPI noted that it has complete data for primary poles and wires, but not 

for secondary poles and wires. 

[144] NSPI discussed with Intervenors its initial proposal of a percentage split 

between primary and secondary distribution poles of 70/30 from 65/35 and no changes 

to the distribution wires because of the higher percentage of primary conductors (wires) 

in the system.  Based on this, the percentage split between distribution poles and wires 

would have been the same: 70/30 between primary poles and wires and secondary 

poles and wires, respectively.  No change was proposed in the current classification of 

these assets. 

[145] NSPI, based on additional Intervenor feedback, now proposes no change 

to the current functionalization and classification of distribution poles and wires and to 

continue its effort to find a better solution supported by empirical data.  This would 

involve carrying out an inventory of distribution secondary poles and wires at a 

minimum.  
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[146] NSPI, in its Reply Evidence, recommended that a study to examine poles 

and wires inventories be undertaken.  The scope of the study would be as per Exhibit N-

6, IR-13. 

[147] In its Closing Submission, NSPI stated that all parties have agreed to 

defer the issue of functionalization until the inventory results are available.  It also noted 

that there is no agreement on the classification of costs between demand and customer 

service, which is currently based on judgment.  

[148] Mr. Chernick did not accept the 70/30 split between primary and 

secondary poles, as initially proposed by NSPI, based on his examination of the rural 

and urban areas of NSPI’s system.  He was of the opinion that rural populated areas 

have 20% of secondary poles and there are none in other parts of the system. He also 

estimated the cost of secondary poles to be lower than the primary poles.  Based on 

this he believes that the secondary poles should not be more than 10% of the entire 

system. 

[149] Mr. Chernick also argued that secondary poles do not add cost but lower 

the overall cost of the system by reducing the requirement for primary poles.  Based on 

this and non-availability of supporting data from NSPI, he supported 100% allocation of 

secondary poles to demand.   

[150] Mr. Chernick did not agree that the treatment of wires should be the same 

as poles and recommended a separate treatment for overhead and underground wires. 

[151] He noted the issues which the Board may consider before proceeding with 

the data collection project: 

 Are secondary poles complementary to primary poles, imposing no additional 
costs beyond the costs of poles to serve customers at primary, or are the costs of 
the secondary poles incremental to primary poles? 
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 What portion of joint poles, which carry both primary and secondary lines, should 
be sub-functionalized as secondary? 

 Should poles that carry only streetlighting equipment (and a line to the streetlight) 
be functionalized as general-service poles or as streetlighting plant?  

[Exhibit N-16, p. 69] 

[152] Mr. Chernick concluded that only 10% of locations are at the end of the 

system and may require extensions to service additional customers.  These extensions 

will also serve area demand in addition to serving new customers.  He estimated that 

only 5% of primary and joint poles may be required for incremental customers. 

[153] The SBA’s consultant recommended that a zero intercept or a minimum 

size method be used to classify distribution poles and wires.  

[154] Mr. Whalen agreed with NSPI’s recommendation to keep the current 

method of functionalization and classification of distribution poles and wires.  

Specifically, the classification approach based on judgment is preferable to minimum 

size or zero intercept approaches. 

[155] The CA, in its Post Hearing Submission, did not support the minimum size 

approach and recommended that the classification of poles issue be referred back to 

stakeholders for further consultation. 

3.10.1 Findings  

[156] The Board understands that all Intervenors have agreed to retain the 

current system of functionalizing poles and wires until the results of NSPI proposed 

studies are available.  The Board agrees and approves this request.  

[157] The Board also understands that during the hearing all parties, except the 

CA, agreed to retain the current method of classifying poles and wires.  
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[158] The CA, in its Post Hearing Submission, noted that it has a concern about 

the current system of classifying distribution poles to estimate customer related costs 

and requested that the issue be referred back for further consultation among the parties.  

The Board approves NSPI’s request to keep the current classification of poles and 

refers the issue for further consultation among the parties. 

[159] As for the classification of conductors, the CA, in its Post Hearing 

Submission, recommended that all conductor costs be demand related until additional 

information is available through the survey of distribution systems and a reasonable 

methodology is developed to allocate these costs to the customer category. 

[160] The Board has considered the CA’s recommendation and is of the opinion 

that no change should be made at this time.  The Board’s view is that it is premature to 

make a change now if, in the future, based on the data and consultation among the 

parties, the classification of wires may be changed. 

[161] The Board approves the current system of classifying conductors as 

proposed by NSPI and refers the issue for further consultation among the parties once 

the additional data is available.   

[162] The Board directs NSPI to collect appropriate data so the Board may 

consider the issues identified by Mr. Chernick.   

[163] To summarize, the Board approves NSPI’s proposal to retain the current 

method of functionalization and classification of distribution poles and wires.  NSPI is to 

obtain additional necessary data and have further consultation with stakeholders as 

agreed among the parties. 
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3.11 Re-allocation of Transmission Rate Base to Distribution  

[164] NSPI has requested approval to maintain the manual adjustment to 

redistribute a portion of the transmission rate base to distribution.  Currently, NSPI 

recognizes there is an element of distribution in transmission capital projects and a 

manual adjustment to re-functionalize a small portion of the transmission substation rate 

base to distribution is made to account for this.  It explains: 

…in its Application the Company had recommended discontinuation of a manual transfer 

of transmission costs to distribution costs to recognize the portion of transmission 
substation capital expenditures appropriately classified to distribution. Upon further 
review with the parties, it was determined that this adjustment continues to be required 

and the amount should be examined and updated if necessary.  

[Exhibit N-30, p. 27] 

[165] Subsequent to the change in its recommendation there have been no 

comments from Intervenors objecting to this recommendation. 

3.11.1 Findings 

[166] The Board understands the change in position was agreed to during 

settlement conferences and resulted in consensus.  The Board approves the 

continuation of the manual adjustment until a sustainable process to update the 

transmission and distribution adjustment has been agreed to.  This is action item 

number 9, outlined in Undertaking U-6. 

3.12 Agreed to Items - Approach and Future Studies  

[167] CAEC found much of the current COSS to be in line with industry 

practice.  For those items where no change has been requested, NSPI seeks Board 

confirmation that the existing methodology is appropriate and should be maintained. 

[168] Numerous recommendations sought change, but were not argued before 

the Board as NSPI had achieved consensus prior to the Application.  These include: 
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Item 1 (a) Elimination of dedicated substations 
 

NS Power has recommended that the Board eliminate dedicated substations from Exhibit 
3b in the current Cost of Service Study. In its Application, NS Power noted that it had 
reached consensus on this recommendation with participating parties’ consultants.  No 

party has filed evidence objecting to this recommendation and this issue was not a 
subject of examination during the hearing. NS Power respectfully requests that its 
recommendation that dedicated substations be removed from the Cost of Service be 

approved. 

[NSPI Closing Submission, January 15, 2014, p.5] 

 
Item 1 (b) Creation of a bulk power substation service level to facilitate allocation 
of distribution substation costs to the Large Industrial and Municipal Classes in 

recognition of their use of these assets 
 
This recommendation came forward for the first time, on the record, by NS Power in its 

Reply Evidence, but was arrived at following settlement discussions with the parties in 
advance of this. As stated in its Reply Evidence, NS Power understands that this  
approach is supported by Mr. Whalen who stated in his Evidence:  

 
During the settlement conferences, stakeholders and NSPI agreed that  
NSPI would create a bulk power service level. This will allow the costs of 

serving these five customers to be more accurately determined.  
 
However, there are other Large Industrial and Municipal customers who 

are served using primary distribution assets. NSPI proposes to apply  
CAEC’s recommendation to these customers.  
 

I concur with NSPI’s proposal. 
 
Drazen Consulting Group, Inc. also commented on this issue, providing support for a 

separate distribution service charge, which the consultant acknowledges is a rate design 
issue, but enabled through identification within the Cost of Service of the distribution cost 
of each class in a way that is easy to translate into different rates.  

 
This issue was not discussed during the hearing. NS Power respectfully requests that its  
recommendation to create a bulk power substation service level be approved. 

[NSPI Closing Submission, January 15, 2014, pp. 5-6] 

 

Item 1 (e) Update meter costs 
 
NS Power states in its Evidence that parties who had participated in the engagement 

process in advance of the filing of the Application were in agreement with NS Power’s 
proposal on this matter. No party filed evidence objecting to this recommendation and 
this issue was not a subject of examination during the hearing. NS Power respectfully 

requests that its recommendation that meter costs be updated in the Cost of Service be 
approved. 

[NSPI Closing Submission, January 15, 2014, p.10] 
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Item 1 (f) Correctly allocate interruptible supply credit among rate classes 
 

NS Power states in its Evidence that consensus on this matter was reached in advance 
of filing the Application. No party has filed evidence objecting to this recommendation and 
this issue was not a subject of examination during the hearing. NS Power respectfully 

requests that its recommendation that the allocation of the cost of the interruptible supply 
credit be revised be approved. 

[NSPI Closing Submission, January 15, 2014, p.10] 

[169] There were numerous items identified in the Application that relate to 

informing future change.  

[170] In response to Undertaking U-6, NSPI provided a list of cost of service 

related items for which additional action was agreed to, as follows:  

 

 

 

[Remainder of this page intentionally left blank] 
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App’n 
No. 

U-6 
No. 

Item to be 
deferred 

Description Timeframe 

15, 16 1 ERIS NS Power will review if generation resources on 

ERIS can be considered to provide capacity for 
planning purposes and this should be recognized in 
the COS. 

To be completed as part of the 

upcoming IRP. 

15, 16 2 NRIS NS Power will review the aggregate firm capacity 
equivalent of existing and committed wind 

resources to determine the capacity recognition for 
this generation for planning purposes and the 
appropriate COS treatment. 

To be completed as part of the 
upcoming IRP. 

42 3 Treatment of 

Lingan ½ 

The Company continues to include this generation 

as baseload and will address any changes to this 
treatment and provide its support for the proposed 
treatment as part of future GRAs. 

The outlook for all generation units will 

be examined as part of the upcoming 
IRP. 

21 4 Survey of 

Distribution 
System 

NS Power will conduct a review of poles and wires, 

leading to recommendations regarding sub- 
functionalization of poles between primary and 
secondary, and sub- functionalization of conductors 
between primary and secondary. 

This survey will take approximately 3 - 5 

months to complete. The Company 
intends to provide results to 
stakeholders and the Board at the end of 
Q2. 

37, 38 5 Class Load Data 

Collection and 
analysis 

NS Power will undertake to complete a review of 

the Load Research sample to confirm its accuracy 
and make any appropriate adjustments. This 
undertaking will involve the engagement of a 

statistician, procurement and installation of meters, 
data collection for one full calendar year and 
implementation of data into the COS. 

The class load data collection and 

analysis will take approximately 18 to 24 
months to complete. Throughout this 
process, as refinements are identified, 

they will be incorporated within the Load 
Research sample. 

7, 8, 9 6 Line Loss 
Determination 

model 

NS Power will develop a methodology to confirm 
the load research design is appropriate and 

provides the required supporting data, gather one 
calendar year of load research data and implement 
this into the COS. 

Development of a line loss determination 
model will happen concurrently with 

updating the load research sample. 
Implementation of this model will take 1 
to 3 months following the collection of 

one calendar year of load research data 
from the redesigned sample. 

30 7 Miscellaneous 
revenues 

NS Power will review the origin of miscellaneous 
revenues by class and/or function and develop new 

allocators. 

This undertaking will take approximately 
3 months. NS Power intends to provide 

results to stakeholders and the Board in 
Q2. 

29 8 Overhead costs, 
including 
technical and 

construction costs 

NS Power will review the origin of overhead costs 
(including technical and construction costs) by 
class and/or function and develop new allocators. 

This undertaking will take approximately 
3 months. NS Power intends to provide 
results to stakeholders and the Board in 

Q2. 

34 9 Manual 
Adjustment for 
Transmission rate 

base from 
Distribution 

NS Power has withdrawn its original 
recommendation regarding the 
transmission/distr ibution rate base adjustment.  

The Company has agreed to determine the 
appropriate adjustment from transmission to 
distribution rate base. 

This undertaking will take approximately 
3 months. NS Power intends to provide 
results to stakeholders and the Board in 

Q2. 

10 10 Review 
Transformer Loss 

Adjustment 

The Company has undertaken to review the 
transformer loss adjustment (1.75% ) that is in place 

on some of our rates. This adjustment has not been 
reviewed since the late 1980’s and should be 
reexamined. 

The review will take approximately 6 
months to complete. 
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3.12.1 Findings 

[171] The Board accepts the consensus reached on the above noted items 

1(a), (b), (e), and (f). 

[172] It appears the studies outlined in Undertaking U-6 were a condition of 

consensus in many cases and, therefore, appear to be required as opposed to merely 

recommended.  The Board directs NSPI to complete the items as outlined in U-6 

according to the proposed timeline.  The Board also directs NSPI to report back to the 

Board the results and recommended revisions to the cost of service for each of the 

above items within 30 days of the respective timeframes outlined above.   

[173] With respect to cost of service items that stakeholders agreed were either 

not to be reviewed in the scope of this study, or where consensus was reached to 

maintain the current methodology, the Board accepts the continuation of the existing 

methodology.  Otherwise, if the Board has not commented on an issue, NSPI is directed 

to continue the status quo. 

[174] With respect to the Maritime Link, the Industrial Group requested the 

Board direct NSPI to engage in a process to address the Maritime Link cost of service.  

NSPI argued that the cost of service treatment of the Maritime Link has not been 

determined and will require engagement of the parties.  The Board agrees with NSPI 

that this was not the forum to review the future cost of service implications of the 

Maritime Link.  However, the Board acknowledges the potential impact on future cost of 

service and directs NSPI to work with interested parties prior to any rate application 

associated with the Maritime Link to establish a process towards resolving related cost 

of service issues.  
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[175] A number of parties spoke to the need for more timely future reviews of 

the COSS.  The Board notes that as a whole the results of this process confirm the 

existing cost of service was not significantly out of balance.  The Board expects the 

agreed-to updates to the cost of service data anticipated through GRAs to alleviate the 

need for a scheduled full scale COSS.  The Board is prepared to consider submissions 

on future cost of service changes and will continue to monitor accordingly. 

4.0 COMPLIANCE FILING  

[176] Given the complexity of implementing these changes in the next GRA the 

Board directs NSPI to provide a Compliance Filing on the approved cost of service 

items.  The Board directs NSPI to restate, no later than July 31, 2014, the 2014 GRA 

Compliance Filing incorporating the above approved changes.  The Compliance Filing 

shall list the items which remain unresolved and are subject to further study.  This will 

provide parties an opportunity to understand the impact of changes related to the cost of 

service study separate from those of the next GRA. 

5.0 SUMMARY OF BOARD FINDINGS  

[177] NSPI made an application for approval of its 2013 Cost of Service Study 

(“COSS”).  This study reviews and, where appropriate, recalibrates how the costs of the 

electricity system are apportioned among customer classes. This process neither 

increases nor decreases the costs of making electricity; rather it determines the 

equitable share each customer class should pay for the component parts of the system: 

generation, wires, poles, line repair, administration, etc.  It is intended to provide a fair 

allocation of utility costs among customer classes based on cost causation and asset 

utilization. 
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[178] This was the first comprehensive COSS review since 1995.  However, as 

a whole, the results of this process confirmed that the existing cost of service was not 

significantly out of balance. 

[179] All parties were complimentary of the stakeholder engagement process 

undertaken by NSPI which the Board views as a template for future proceedings.  There 

were a significant number of issues where the parties reached consensus and the 

Board accepted that consensus.  

[180] In this Decision, the Board addressed the issues where there was no 

consensus among the parties.  Its findings include: 

 For Base Load Plant, the existing approach is retained, i.e., system load 

factor (“SLF”) methodology for classification and a 3CP (coincident peak) 

method for allocation; 

 For Wind, including Purchased Wind Power, the classification should align 

with planning assumptions in effect at the time of the next general rate 

application, rather than seek to fix specific classification factors now.  

NSPI is directed to carry out the necessary study; 

 For other Purchased Power Costs, imports shall be treated as 100% 

energy; non-wind in-province purchased power shall be classified in like 

fashion to NSPI’s base load generation; and for purchased power costs 

from biomass, NSPI is directed to classify the cost of biomass purchases 

in proportion to the classification of total costs for the Port Hawkesbury 

biomass plant; 
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 For the classification and allocation of transmission costs, the SLF 3CP 

methodology is to continue; 

 The customer weighting factors are changed to 85% number of customers 

and 15% revenues for each customer class.  However, the current 

methodology related to service drops will remain pending collection of 

additional information and consultation with stakeholders; 

 The disaggregation of distribution depreciation is approved, without a 

phase-in; 

 There shall be no change to the treatment of Lingan units 1 and 2.  The 

utilization of Lingan will be considered as part of the IRP process; 

 With respect to System Voltage, the transmission system shall not be 

functionalized into EHV and HV levels; 

 The current R/C band of 0.95 to 1.05 is maintained; 

 The existing method of functionalization and classification of distribution 

poles and wires is retained.  NSPI is to obtain additional necessary data 

and have further consultation with stakeholders; 

 The manual adjustment to redistribute a portion of the transmission rate 

base to distribution is maintained, subject to further review with the 

parties. 

[181] There were a number of matters which the parties agreed should be 

worked on in the future, including those items listed in Undertaking U-6.  The Board 

directs NSPI to report back to the Board the results and recommended revisions to the 
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cost of service for each of the items within 30 days of the respective timeframes 

outlined. 

[182] With respect to cost of service items that stakeholders agreed were either 

not to be reviewed in the scope of this study, or where consensus was reached to 

maintain the current methodology, the Board accepts the continuation of the existing 

methodology.  Otherwise, if the Board has not commented on an issue, NSPI is directed 

to continue the status quo. 

[183] An Order will issue accordingly. 

DATED at Halifax, Nova Scotia, this 11th day of March, 2014. 

 
 

      ______________________________ 
      Peter W. Gurnham 
 

 
      ______________________________ 

      Roland A. Deveau 
 
 

      ______________________________ 
      Kulvinder S. Dhillon 
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1.0  INTRODUCTION AND SUMMARY 

This is a Decision of the Ontario Energy Board (OEB) in response to an application by 
Hydro One Networks Inc. (Hydro One) for permission to charge certain distribution rates 
to its customers.  

Hydro One owns and operates the largest electricity transmission and distribution 
system in Ontario. The transmission system is made up of a high voltage network of 
transmission lines, steel towers and equipment. It conveys electricity long distances 
from electricity generation facilities to large power consumers, urban centres and to 
transformer stations. The distribution system consists of a lower voltage network of 
distribution lines, poles and equipment. It conveys electricity at lower voltages from the 
transformer stations to homes and businesses throughout the province.  

Hydro One applies for transmission rates and distribution rates separately. This 
Decision deals with an application by Hydro One for the approval of distribution rates. 

Hydro One’s distribution system serves primarily the rural and remote areas of the 
province. Its 122,000 km distribution system serves about 1.3 million end-use 
customers and smaller electricity distributors. 

The rates that the OEB has approved in this Decision are set based on the OEB’s 
determination of the level of revenue that is required by Hydro One to cover the 
reasonably incurred costs of operating and maintaining the distribution system at a level 
of service that meets the needs of its customers. 

A few years ago, the OEB reviewed its approach to setting distribution rates for 
regulated distribution companies in Ontario. The resulting policy was introduced in 
October of 2012 in a Report of the Board titled Renewed Regulatory Framework for 
Electricity Distributors: A Performance-Based Approach (RRFE). The RRFE policy 
provides options in the way a distributor can structure its rate-setting application. The 
array of options allows flexibility so that a distributor can choose a rate-setting structure 
that best matches its needs in terms of the amount and variability of its capital 
investment needs. 

The RRFE policy, as the report title states, is a performance based approach to 
regulation that supports the cost-effective planning and operation of the electricity 
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distribution network. The OEB intends that the policy provide an appropriate alignment 
between a sustainable, financially viable electricity sector and the expectations of 
customers for reliable service at a reasonable price.  

There are three main areas in which the OEB describes its expectations and desired 
outcomes in the policy report: rate-setting, planning, and measuring performance. The 
OEB has evaluated Hydro One’s application against the policy objectives pertaining to 
these areas and the RRFE policy in general. 

The Custom Incentive Rate-setting option (Custom IR) is one of the rate setting options 
contained in the RRFE policy. It is at minimum, a five-year plan and is described as 
being suitable for distributors with large or highly variable capital investment 
requirements.  It was under this option that Hydro One applied for rates covering a five 
year period.    

Hydro One asked the OEB to approve increases to distribution rates for each of the 
years 2015 through to 2019. The total annual increases requested represent growth in 
distribution revenues of 29%, from $1.25 billion in 2014 to $1.61 billion in 20191.  The 
OEB finds Hydro One’s evidence in support of its proposed revenue requirement to be 
generally adequate. However, the OEB notes that, despite having applied under the 
Custom IR framework, Hydro One characterized its application as a “Custom Cost of 
Service” application. The company indicated that cost savings from productivity 
improvements were embedded in cost forecasts, and that the company would bear the 
risk of failing to achieve these savings. The OEB does not consider Hydro One’s 
“Custom Cost of Service” application to be sufficiently aligned with the objectives of the 
RRFE policy to approve the application as presented. Also, the OEB does not consider 
it acceptable to postpone the potential commencement of an appropriately-structured 
incentive based rate setting framework until 2020 following the five year period 
proposed by Hydro One.  

The OEB accordingly denies Hydro One’s request for five year rate setting. However, 
the OEB will approve rates for 2015, 2016, and 2017 using a cost of service 
methodology, based on the evidence filed and tested in the hearing.   This results in an 
increase in distribution revenues of about 19% from 2014 to 2017, compared to Hydro 
One’s request of a 29% increase over a five year period as cited above. 
                                                
1 Exhibit J3.3, September 12, 2014 
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The OEB has determined that it is appropriate to approve cost-based rates for a three 
year period for the following reasons:  

• The OEB is persuaded that Hydro One’s work plans in the short term are vital to 
maintain system reliability and that Hydro One requires more revenues than are 
currently being collected in order to perform this work.  Complete denial of Hydro 
One's application is therefore not a reasonable option in this case.  
 

• The OEB finds that sufficient evidence was provided to be able to set just and 
reasonable rates for the shorter period of 3 years. 
 

• The OEB expects Hydro One to undertake a review of its approach to 
performance management and to reflect the objectives encompassed in the 
RRFE policy in its next application. The OEB considers two years – the 
anticipated time period before Hydro One applies for 2018 rates – to be an 
appropriate amount of time for Hydro One to undertake the types of initiatives 
that are necessary in advance of its next rates application.  

 

The OEB has determined that Hydro One’s approach lacks the RRFE features designed 
to achieve a central policy objective of measuring performance and providing incentives 
for continuous improvement.  Hydro One is directed in this Decision to initiate a number 
of activities and report the results as part of its next rate application. A discussion of 
specific shortcomings of Hydro One’s application follows in the body of this Decision.  

The OEB has determined that Hydro One’s capital spending plan is justified over the 
three year period approved in this Decision. Hydro One’s proposed spending on 
compensation, vegetation management, and conservation and demand management 
has not been fully accepted, for the reasons provided in the body of this Decision. The 
OEB still expects Hydro One to execute and achieve its proposed work plans with the 
lesser amount of spending that has been accepted. This imposes a need for Hydro One 
to find efficiency gains for each of 2015, 2016 and 2017. The rates the OEB will set 
reflect the spending levels approved in this Decision. 

This Decision determines the total amount of revenue Hydro One will be permitted to 
recover from its customers; and also the way the proportion of revenue to be recovered 
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from each customer class (group of customers with common characteristics) is to be 
calculated. In response to this Decision, Hydro One will provide updated information 
that reflects the OEB’s findings. The precise impact on customers’ bills will be known 
after that information is received.  

Hydro One has a customer class known as Seasonal. These customers receive 
electrical service at dwellings that are not their primary residence.  Hydro One’s 
application contained a proposal to make changes with respect to Seasonal Rates. 
Hydro One withdrew its proposal in light of the submissions received from the parties in 
this proceeding. The OEB has determined that the Seasonal customer classification is 
no longer justified and directs Hydro One to prepare a plan by August 4, 2015 for the 
elimination of the seasonal rate class commencing January 1, 2016.  

The OEB has also approved the recovery of past investments in Smart Meters. 

Hydro One applied for an exemption from a section of the Distribution System Code 
(DSC) as part of this rates application. The section of the DSC deals with a distributor’s 
obligation to attempt to contact customers every time a service appointment will be 
missed.  Hydro One submitted that it cannot meet the DSC requirement. The OEB 
established a separate file number for the exemption request because it affects Hydro 
One’s licence, not its rates, but the OEB heard the evidence and arguments on the 
matter at the same time as matters dealing with Hydro One’s rate application.  

The OEB has denied Hydro One’s request for an exemption. The OEB’s analysis of the 
issues and reasons for its determination are included in this Decision.  
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2.0 ORGANIZATION OF THE DECISION  

As summarized above, the OEB has determined that it will approve rates for 2015, 
2016, and 2017, based on the evidence filed, using a cost of service methodology as 
opposed to the five year “Custom Cost of Service” format that Hydro One requested.  

The OEB has organized this Decision into chapters, reflecting the issues that the OEB 
has considered in making its findings. Each chapter covers the OEB’s reasons for 
approving or denying certain aspects of the application in the form requested and its 
determinations on what level of spending is allowed in the calculation of Hydro One’s 
rates using a cost of service methodology.    

The initial chapter provides a description of the RRFE policy and why Hydro One has 
not convinced the OEB that the objectives of the policy are likely to be achieved under 
Hydro One’s Custom Cost of Service plan. 

Subsequent chapters deal with the proposed work plans of Hydro One in terms of 
operations and maintenance spending as well as its capital spending and how it 
developed its capital spending plan.  

Matters dealing with the development of the rates themselves are covered in chapters 
dealing with revenue requirement (which incorporates the results of the budgets for 
capital and operations and maintenance, cost of capital, depreciation, etc.), load 
forecast, cost allocation and rate design. 

Hydro One has applied to have previously spent money approved for inclusion in rates 
as well. This money is tracked in accounts known as deferral and variance accounts 
(DVAs) that were previously approved by the OEB for tracking purposes. They include 
an account for spending on Smart Meters. These issues are dealt with in a separate 
chapter. 

The OEB’s determination on the DSC exemption request is also included in a stand-
alone chapter.  

An account of the proceeding containing a list of the participants and witnesses is 
attached as Appendix 1. This appendix also contains a list of the acronyms or short 
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forms used in this Decision to identify intervenors. The transcription record of the 
decision on a motion by the City of Hamilton is attached as Appendix 2. 

3.0 ALIGNMENT WITH THE RENEWED REGULATORY FRAMEWORK 
FOR ELECTRICITY 

The Renewed Regulatory Framework for Electricity is a comprehensive, performance-
based approach to regulation that focuses on the achievement of outcomes that ensure 
Ontario’s electricity system provides value for money for customers.  The OEB’s RRFE 
Report (Renewed Regulatory Framework for Electricity Distributors: A Performance-
Based Approach, issued October 18, 2012) provides three rate-setting options under 
which a distributor may apply for rates to be set, depending on its capital requirements.   
 
The Custom Incentive Rate-setting option (Custom IR) is described by the OEB as 
suitable for distributors with large or highly variable capital requirements.  Hydro One 
applied for rates under this option, and asked the OEB to set rates for each of five years 
(2015 – 2019) based on its cost forecasts for those years.  The company indicated that 
cost savings from productivity improvements were embedded in the cost forecasts, and 
that the company would bear the risk of failing to achieve these savings. 
 
At page 13 of the RRFE Report, the OEB provides a table of the elements of each rate-
setting method.  Parties in the hearing criticized Hydro One’s application as being non-
compliant or inadequate with respect to some of these elements.  The criticisms 
included: 
 

• The form of the application: Custom Cost of Service rather than Custom IR 
• Lack of a productivity factor 
• Lack of a stretch factor 
• Weak benchmarking evidence 
• Lack of appropriate sharing of benefits between the utility and its customers (e.g. 

through an earnings sharing mechanism) 
• Proposed annual adjustments, unforeseen events and off-ramps that differ from 

OEB policy 
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• Overall lack of consistency and comparability with incentive rate-setting 
particularly with regard to the specification and use of a custom index approach 
to rate-setting that includes explicit, externally imposed improvement incentives. 

 
In its May 30, 2014 evidence update, Hydro One provided eight outcomes by which to 
measure its five year plan.  The company agreed to report annually on these outcomes, 
including the results achieved and actual amounts spent on the programs.  Many parties 
submitted that additional reporting, for example, on actual capital spending and the 
results of the smart grid program, was necessary. 
 
Parties submitted that the inadequacies of the application should be addressed by the 
OEB through either denial of the five year application (i.e. set rates for only one or two 
years) or substantive adjustments to the five year plan such as using 2015 as a base 
year and setting rates for 2016 – 2019 through an index.   
 
Findings 
 
The OEB has concluded, for the reasons set out below, that Hydro One’s application is 
insufficient as a Custom IR application under RRFE and has determined that it will deny 
approval of the proposed five-year plan.  Instead the OEB will approve rates for a three-
year period based on the evidence provided. This change from what was applied for by 
Hydro One is due to a number of shortcomings with Hydro One’s proposed approach. 
The OEB is directing Hydro One to address those shortcomings, set out below, over the 
next three years in preparation for the next rates application.   
 

3.1 Inconsistency with outcome-based regulation 
 
Hydro One chose to interpret the OEB’s Custom IR option, referred to in the RRFE 
Report as “custom index”, to include “custom cost of service”.  The OEB does not 
accept this interpretation. All three rate-setting methods are described in the Report as 
incentive rate-setting, not cost of service.  
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Cost of service rate-setting has an important role in performance-based regulation 
regimes to periodically examine in detail the costs and activities underpinning rates.  
However, the OEB continues to believe that multi-year incentive rate-setting, with its 
emphasis on results, is the most effective way to incent behaviour similar to that seen in 
commercially-oriented, consumer market-driven companies.  Incentive rate-setting 
differs from cost of service rate-setting in that it relies less on a utility’s internal cost, 
output, and service quality to establish rates, and more on benchmarks of cost, output, 
and service quality that are external to the utility revealing superior performance and 
encouraging best practice.  The decoupling of rates from the utility’s own costs 
simulates a competitive market environment and is more compatible with an outcomes-
based approach to regulation. 
 
The OEB finds that Hydro One’s proposed plan is deficient in this regard, as it includes 
limited prospects for continuous improvement, lacks any externally imposed 
improvement incentives, includes limited cost and productivity benchmarking support, 
and fails to demonstrate value to customers commensurate with the forecasted 
spending. 
 

3.2 Lack of externally imposed incentives 
 
The OEB expects Custom IR rate setting to include expectations for benchmark 
productivity and efficiency gains that are external to the company.  The OEB does not 
equate Hydro One’s embedded annual savings with productivity and efficiency 
incentives.  Incentive-based or performance-based rates are set to provide companies 
with strong incentives to continuously seek efficiencies in their businesses. 
 
The OEB does not believe that Hydro One’s plan contains adequate efficiency 
incentives to drive year-over-year continuous improvement in the company.  
Furthermore, the plan lacks measurement of increased efficiency year-over-year in a 
form illustrating trends in a transparent fashion. 
 
It is not sufficient to embed savings in cost forecasts.  As already noted, the OEB’s 
Custom IR is an incentive rate-setting approach designed to drive efficiencies.  Benefits 
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from explicit, objectively determined productivity and efficiency adjustments such as 
stretch factors include mimicking competitive market conditions, sharing anticipated 
savings with ratepayers “up front”, and facilitating a more outcome-based approach to 
regulation.   
 
As already noted, traditional cost of service review will continue to entail detailed input 
cost assessments.  However, Custom IR proceedings are intended to be framed more 
like performance inquiries resulting in multi-year outcome commitments and measures 
that facilitate year-over-year performance assessment.  The productivity and efficiency 
elements allow the OEB to move away from detailed input cost assessment and focus 
more on utility performance. These factors provide utilities with strong incentives to 
continually seek efficiencies and share expected savings with ratepayers “up front” 
avoiding “after the fact” regulatory scrutiny.   
 

3.3 Weak benchmarking evidence 
 
The RRFE policy articulates the importance the OEB places on benchmarking. 
Benchmarking evidence, whether it compares a utility’s performance to itself year-over-
year, or to other utilities, is a critical input to the OEB’s assessment of utility 
performance. 
 
Benchmarking, when used in combination with specific cost drivers and other sources of 
utility performance information, allows for an overall assessment of a utility’s cost and 
outcome performance. 
 
A majority of parties were critical of the lack of benchmarking in Hydro One’s plan.    
Hydro One described eight benchmarking or similar studies it had undertaken.  The 
OEB agrees with the submissions of OEB staff and the majority of the intervenors that 
the studies provided in this proceeding by Hydro One, lack: 
 

1) a top-down perspective of what the appropriate level of costs should be; and 
 

2) measures of Hydro One’s cost performance against other comparable utilities. 
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Parties also pointed out that no total factor productivity study, capital cost benchmarking 
study or an overall OM&A benchmarking study, were submitted.   

Accordingly, the OEB does not find this evidence sufficient to provide a complete 
assessment of Hydro One’s cost and outcome performance.  The OEB disagrees with 
Hydro One’s assertion that external benchmarking will not assist the OEB in 
determining whether costs at Hydro One are reasonable. As stated earlier, 
benchmarking information is used in combination with specific cost drivers and other 
sources of utility performance information. Benchmarking evidence is expected to 
include an explanation of any significant divergence from the optimal benchmark.        
 
While the OEB considers Hydro One’s benchmarking efforts for this proceeding to be 
inadequate, the weakness of the benchmarking evidence does not completely impede 
the OEB’s ability to assess the reasonableness of the cost forecasts in this case. As 
described later in this Decision, the OEB will disallow some of the requested costs in 
certain areas, and direct Hydro One to address a number of shortcomings in its plan, 
including specific benchmarking evidence the OEB expects to be filed in Hydro One’s 
next rates application. 
 
The OEB acknowledges that Hydro One expressed concern over the OEB’s approach 
to estimating total factor productivity and benchmarking of distributors’ total costs as it 
applies to Hydro One.  Despite Hydro One’s perception of shortcomings of the 
approach, the OEB’s studies do provide important information regarding Hydro One’s 
performance.  For example, according to the 2013 Benchmarking Update2, Hydro One’s 
average cost performance has improved by 10.4% over the 2012 benchmarking study. 
   
In addition, as OEB staff pointed out in its submission, Hydro One’s response to staff IR 
#60 showed that “…while Hydro One’s productivity continues to be negative, it appears 
it may become less so.”  In other words, while Hydro One’s productivity trend is 
negative, the evidence indicates that the trend may become less negative and may 
continue to improve over the next few years.   
 
                                                
2 Empirical Research in Support of Incentive Rate-Setting: 2013 Benchmarking Update prepared for the OEB by 
Pacific Economics Group Research, LCC, issued July 2014, Table 3. 
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The OEB sees value in Hydro One measuring its own total factor productivity over time 
to be able to demonstrate improvement in productivity to its customers and the OEB.  
The OEB requires Hydro One to conduct such a study. Given Hydro One’s concerns, 
the OEB leaves it to Hydro One to determine its preferred total factor productivity study 
method.  However, the period of the study should include years at least going back to 
2002. The results of the study must be filed as part of Hydro One’s next rates 
application.  
 

3.4 Limited prospects for continuous improvement 
 
The OEB is concerned that under Hydro One’s proposed plan, lack of efficiency 
incentives lessens the probability of achieving continuous improvement. 
 
Hydro One’s forecasted annual savings built into its forecasted costs are summarized in 
the evidence3.  Several parties noted, and Hydro One acknowledged, that most of the 
savings come from investments made in 2010 through to 2014.  In its submission, OEB 
staff calculated Hydro One’s new savings each year for 2015, 2016, 2017, 2018 and 
2019 at $27.7 million, $8.1 million, $3.8 million, $1.0 million, and $0.2 million, 
respectively.  In short, the savings are declining over time.   
 
While Hydro One characterises its forecasted annual savings as ambitious, the OEB is 
concerned that the declining trend and relatively small savings do not show Hydro One 
to be a company with a strong orientation towards continuous improvement.  
Furthermore, Hydro One’s proposed plan does not include any measure of continuous 
improvement.  In response to questions from parties on how any savings beyond those 
forecasted will be measured and treated, Hydro One indicated that any such savings 
would be re-invested into the company’s work plan.  Hydro One explained that its 
customers would benefit from this re-investment though the additional work that Hydro 
One would be able to carry out.  
 
Hydro One has stated that it is in the fourth quartile of North American utility 
performance with respect to system reliability and that it has no plan to improve on that 

                                                
3 Exhibit A Tab 19 Schedule 1, page 4, Table 2 
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score. It submits that to do so would not be cost effective and its customers would not 
want to pay the cost associated with the improvements. The OEB considers Hydro 
One’s stance on its performance to be misplaced. Rather than argue that it would be too 
expensive to move up the ladder in comparison to those that are in the first, second and 
third quartile, Hydro One should be finding cost effective ways to improve its 
performance and provide evidence intended to convince the OEB that it has identified 
more appropriate benchmarks to which it can and will compare itself for continuous 
improvement tracking purposes.    
 
The OEB expects distributors to embrace the principles of continuous improvement and 
to develop plans which provide benefits to customers. If the benefits are considered to 
be the ability to re-invest in additional work then the product of that additional work 
should be measurable desired outcomes. 
 

3.5 Value to customers 
 
The OEB agrees with the Canadian Manufacturers and Exporters’ (CME’s) 
characterization of RRFE as a shift in focus for rate regulation away from input cost 
assessment to utility performance, underscored by an understanding of value for 
customers. 
 
It is the OEB’s view that Hydro One’s customer engagement in relation to its application 
appears to have been generally good, with the exception of the consultation regarding 
seasonal rates (which was criticized by a number of parties).   Otherwise, the OEB 
accepts that Hydro One made a good attempt to understand what its customers want 
and link that to the priorities in its proposed plan. 
 
Hydro One’s responsiveness to feedback is evident in the way its proposed plan 
evolved over the course of the pre-hearing and hearing processes.  The resultant set of 
eight outcome measures are a reasonable reflection of the areas where Hydro One is 
proposing to increase capital or operating expenditures over the next few years.  Hydro 
One proposed targets for each measure.  While varying views and some concerns were 
expressed by parties on certain details associated with Hydro One’s proposed 
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measures, the OEB supports Hydro One’s overall approach to customer engagement.  
However, the OEB notes that some of Hydro One’s chosen measures may not be 
effective measures of value to customers.  In Hydro One’s proposed plan, spending 
levels are clearly measured, but from a customer’s standpoint, what will be gained from 
that spending is not always clear.   
  
A number of Hydro One’s measures are activity-based such as the number of 
substations refurbished, rather than being outcome-based whereby the number of 
outages avoided or length of outages reductions as a result of the substation 
refurbishment would be measured.  
 
Furthermore, in some cases the trends in targets for the proposed measures do not 
show year-over-year improvement. Based on the evidence provided, it is unclear 
whether Hydro One’s customers would understand the value proposition associated 
with Hydro One’s plan.   
 
The Association of Major Power Consumers (AMPCO) proposed revisions to a number 
of Hydro One’s outcome measures for the Board’s consideration: 
 

• Vegetation management and pole replacement should be based on a cost per 
unit metric. 

 
• The proposed measure “number of PCB oil replacements” does not equate with 

the RRFE expectations of continuous improvement and cost effectiveness.  “Cost 
per pole-top transformer with PCB oil replaced” would be a more appropriate 
measure. 
 

• The substation refurbishments metric could be revised to reflect unit costs 
instead of number of substations refurbished, with a cost per transformer 
refurbished or cost per transformer replaced as a more appropriate metric. 

 
As previously noted, it is clear that the distribution system is in need of investment, and 
changes to system performance may not be immediately visible.  Rather, system 
performance may erode without the investment.  However, the OEB agrees with 
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AMPCO’s suggestion that in the absence of an outcome measure to demonstrate 
performance improvement value to customers, Hydro One could have brought forward 
unit cost metrics to demonstrate cost performance improvements (e.g., reduced cost 
per transformer replaced).  This is another way to demonstrate value for customers. 
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4.0 OPERATIONS, MAINTENANCE AND ADMINISTRATION COSTS  

Operations, maintenance and administration (OM&A) costs are the largest component 
of Hydro One’s revenue requirement, in the order of $600 million per year during the 
plan term.  Included in OM&A costs are employee compensation, corporate costs, 
customer services and operations costs.  These operations costs capture day-to-day 
maintenance of the system, including vegetation management.   Also included in OM&A 
are costs related to work requested by customers (“demand” work) such as restoring 
service interruptions, repairing failed equipment or responding to customer requests.   
 
Arriving at an appropriate OM&A budget is critical in ensuring that Hydro One has 
sufficient funds to operate a safe and reliable system while at the same time considering 
the customer bill impacts so that any increase is fully justified and reasonable.   
 
In reviewing the OM&A budget, the OEB  also considers Hydro One’s efforts in 
achieving efficiency gains (i.e. doing more work with fewer resources), implementing 
innovation and demonstrating continuous improvement in performance.  One general 
criticism by parties to this proceeding was that Hydro One’s evidence did not 
demonstrate operating efficiencies through benchmarking, cost control or continuous 
improvement.  The importance of these elements has been addressed previously in this 
Decision within the discussion of conformance with the RRFE.  In this section, the OEB 
will focus on the actual budget proposed in order to determine the OM&A amount to be 
included in the revenue requirement calculation. 
 
Over the proposed plan term Hydro One’s OM&A costs are relatively constant.  The 
cost per customer declines slightly but the cost per kilometre of line increases.4  Parties 
to the hearing generally accepted the proposed OM&A budget as being reasonably 
controlled over the life of the plan insofar as the proposed budget represents an 
increase less than would result if the last OEB-approved budget were adjusted by the 
rate of inflation.   
 

                                                
4 Cost per customer is down 1.3% from 2014 to 2019, while cost per km rises by 3.2%. Exhibit I/Tab 
3.01/Staff 38 
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Despite general agreement by parties that the overall budget was reasonable, parties 
criticized employee compensation (including pensions and benefits), vegetation 
management costs and the conservation and demand management budget.  Each of 
these areas is addressed below. 
 

4.1 Compensation 
 
In 2014, Hydro One’s total compensation for all of its 5,400 regular employees5 was 
approximately $617 million6.  Compensation includes employee base salary, short and 
long term incentives, pensions and benefits.  The total compensation for all employees, 
including temporary and casual, is $807 million in 2014. Along with the total number of 
employees Hydro One requires to complete its work programs, the proportional mix of 
those employees (regular, temporary and casual) directly affects the compensation cost 
total. 
 
Many parties expressed concern with the richness of Hydro One’s employees’ 
compensation.  The OEB has ruled on this issue in previous Hydro One rate 
applications. The last Hydro One distribution cost of service proceeding for 2010/2011 
rates reviewed this issue and the OEB’s findings included a reduction in the OM&A 
envelope to account for this high compensation cost relative to the industry.  In Hydro 
One’s transmission case (EB-2010-0002) the OEB also expressed concerns about 
compensation levels and the productivity being achieved.   
 
The Mercer Study, commissioned by Hydro One and filed in this proceeding showed 
that compensation is about ten per cent higher than industry comparators at the market 
median.7   
 
In this proceeding, many parties acknowledged that the evidence demonstrated that 
Hydro One is moving towards the market median for compensation.  Hydro One has 
done so through a number of cost-cutting measures such as adjusting the staff mix to 
increase the use of temporary and casual staff, a strategic approach to contract 
                                                
5 This includes both Hydro One’s Transmission and Distribution businesses. 
6 Exhibit C1-3-2 Attachment 1, p. 3 and Attachment 2 
7 Exhibit C1-3-2, Attachment 1: Mercer Compensation Cost Benchmarking Study, December 9, 2013 
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negotiations, and other hiring practices.  However, parties argued that the ten per cent 
premium in compensation costs should not be recovered in full from ratepayers. The 
Mercer market median was suggested as a suitable level of recovery.  Hydro One 
indicated that bringing the compensation to the market median level would result in a 
reduction of about $15.4 million per year in OM&A costs.8 
 
This argument about reducing compensation was made with awareness of the legal 
context in which Hydro One operates, which requires the company to negotiate and 
abide by collective agreements with its unionized workers, who make up the majority 
(about 90%) of Hydro One’s staff.  Only the Power Workers’ Union argued that Hydro 
One’s compensation is reasonable and that Hydro One has behaved prudently and 
achieved reasonable results through collective bargaining. 
 
Findings 
 
The OEB recognises Hydro One’s challenge in managing its compensation levels in a 
highly unionized environment.  However, the OEB must determine a reasonable 
compensation amount to be included in the revenue requirement and thus borne by 
ratepayers.  
 
A consideration of the appropriateness of compensation levels should be influenced by 
what a company can demonstrate is necessary to attract and retain employees with the 
skills and competencies it requires to accomplish its required outcomes. Hydro One’s 
recent positive movement in getting closer to the market median has, in part, been a 
result of its compensation packages for new hires. 
 
There has been a considerable focus on the market median of compensation levels 
over several years now.  While Hydro One may focus on the market median as a 
benchmark, and target parity with it as a goal, it does not negate the OEB’s need for 
evidence that illustrates the level of compensation required to allow Hydro One to attract 
and retain employees with the skills and competencies it requires. 
 

                                                
8 Undertaking J3.12 



Ontario Energy Board  EB-2013-0416/EB-2014-247 
  Hydro One Networks Inc. 
 

  

Decision  24 
March 12, 2015 

 

 

As is the case with any benchmark comparison, the need for cogent evidence to justify 
a level of spending or level of service quality is commensurate with its deviation from 
the level demonstrated by similar distributors.  For instance, if a company spends more 
for a particular service or activity than most other comparable companies, it must 
provide more evidence for the level of proposed spending than if its level of spending 
was less than comparable companies. The OEB uses benchmarking as a tool to focus 
and prioritize its attention on certain costs. Benchmarking increases the efficiency of 
regulatory oversight. It does not replace the need for substantiating evidence in support 
of spending levels. 
   
Hydro One did not provide sufficient evidence in support of its proposed compensation 
spending. The company did not demonstrate that the market requires the level of 
compensation proposed in order to attract and retain the necessary employees.  In the 
absence of such evidence the OEB will use the market median as a reference point for 
the percentage of compensation costs that will be included in the rates paid by Hydro 
One’s customers.  
 
As previously stated, in arriving at an appropriate OM&A budget it is critical to ensure 
that Hydro One has sufficient funds to operate a safe and reliable system. The OEB 
must balance the ability of Hydro One to perform the work that is necessary to maintain 
the system and the fairness to its customers in paying for a level of compensation that 
has not been satisfactorily substantiated. In the absence of evidence indicating that 
higher levels of compensation are justified, the market median compensation level 
provides an indication that Hydro One customers are being asked to pay too much for 
the provision of the service they receive. As noted above, Hydro One indicated that if its 
compensation level were set at the market median level it would result in a reduction of 
about $15.4 million per year in OM&A costs. 
  
While the OEB recognizes the progress that Hydro One has made over the last few 
years in getting closer to the market median, the OEB does not find that it is fair that 
ratepayers pay for a 10% premium over the market median.  The OEB, however, will 
not disallow the entire 10% premium.  Rather, the OEB will require efficiency from 
Hydro One by disallowing half of that amount from the revenue requirement, or $7.7 
million per year, each year for 2015, 2016 and 2017. The OEB still expects Hydro One 



Ontario Energy Board  EB-2013-0416/EB-2014-247 
  Hydro One Networks Inc. 
 

  

Decision  25 
March 12, 2015 

 

 

to accomplish the work programs as outlined.  In addition, the OEB directs Hydro One, 
in its next rates application, to file a compensation study similar to the one filed in this 
proceeding so that the OEB can continue to benchmark Hydro One’s compensation 
against that paid by comparable companies. 
 
A few parties raised concerns regarding Hydro One’s pension and benefits plan, 
including the plan’s long-term sustainability, the level of contribution by employees, and 
the possible need to review the accounting for other post-employment benefits.  Hydro 
One has reduced the employer pension contribution level such that the 
employer/employee ratio for 2015 is planned to be 72/28.  Hydro One has indicated that 
it plans to move to a 65/35 ratio by 2019.9 This progress must continue, and the OEB 
encourages Hydro One to continue to move toward a 50/50 ratio, the generally 
recognized norm in public sector defined benefit pension plans.  
 
Submissions were made concerning the need for a generic review of pension and other 
post-employment benefits.  The OEB agrees that this issue is more appropriately dealt 
with on a generic basis. A generic proceeding could enhance understanding of the 
different rate making options, establish policy and decide on how best to apply that 
policy to Hydro One and other Board-regulated entities.  Any changes to pensions and 
other post-employment benefits  for Hydro One, if required, could be addressed by the 
OEB in Hydro One’s next cost of service proceeding, having been informed by the 
outcomes of a generic proceeding. The OEB will not adjust the pension costs or 
pension accounting methodology at this time, but expects that a generic review may 
result in some changes applicable to Hydro One’s next rates application.  No specific 
disallowance with respect to pension or other pension and benefits costs is made in this 
Decision.   
 

4.2 Vegetation Management 
 
Most parties objected to Hydro One’s proposed increased vegetation management 
budget (which includes cost for tree and brush clearing).  The OEB agrees with the 
concerns expressed and is concerned that overall, Hydro One’s vegetation 

                                                
9 Exhibit I/Tab4.03/Schedule 1/Staff 68 
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management budget shows no achieved efficiencies or productivity. The evidence 
shows an increase in unit costs for vegetation management activities related to tree line 
clearing.  This is a significant component of OM&A, accounting for about $100 million 
per year.  On the other hand, brush control unit costs show improvement in 2015 over 
2013 actuals, and are fairly steady during the plan period.     
 
The OEB does not accept Hydro One’s explanation that increased tree densities and 
work complexities contribute to unit cost increases as Hydro One moves towards an 8-
year clearing cycle.  The evidence in the last cost of service proceeding (EB-2009-0096) 
indicated that Hydro One was already on an 8 year cycle, and was seeking additional 
funds to move to a 7 year cycle.  In this proceeding, Hydro One indicated it was on a 9½ 
year cycle, and that it would take until 2023 to achieve the goal of being on a 
sustainable 8 year vegetation management cycle.   
 
The OEB notes that the 2011-2012 CN Utility Benchmarking analysis10 showed that 
Hydro One had the highest vegetation management cost per customer relative to its 
peers.  This benchmarking comparison emphasizes the need for Hydro One to provide 
detailed and thorough evidence substantiating its spending requirements and how it 
intends to continuously improve in this activity.   Hydro One’s solution to a reduced 
vegetation management budget appears to be to scale back on this necessary 
program.11  While the OEB acknowledges Hydro One’s submissions on dealing with 
remoteness and difficult terrain, the OEB still expects Hydro One to show continuous 
improvement in these areas.  This may mean a change in the labour mix for this work or 
further innovation in undertaking the program.  It is the OEB’s view that Hydro One 
needs to manage this program more cost effectively.    
 
The OEB finds that a reduction of $39 million to the total vegetation management costs 
over the 2015 to 2017 period is appropriate.  This was arrived at by taking the average 
unit cost for line clearing from 2011 to 2013 ($7,588 per km) and applying it to the 
volume of work projected to be undertaken over the three-year period.   
 

                                                
10 Exhibit J3.10 p. 33 
11 Hydro One Reply Argument, October 27, 2014, page 52 
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The OEB also directs Hydro One to present in its next rates application a 
comprehensive trend analysis of its vegetation management program showing year-
over-year comparisons in unit costs. Further, the OEB encourages Hydro One to 
explore best practices in vegetation management with other distributors and 
transmitters, similar to the CN Utility Study filed with the OEB in the EB-2009-0096 
proceeding, and file any resulting study in its next rates application. 
 

4.3 Conservation and Demand Management (CDM) 
 
Hydro One has requested approval to recover approximately $3 million annually for 
work conducted by its utility staff to support CDM programs. This budget includes costs 
for labour, research and development, collaboration within the sector and maintaining a 
base level of CDM capability required to participate in industry activities, including 
testing of new technologies and delivery of pilot programs. 
 
The OEB agrees with the submissions of the Sustainable Infrastructure Alliance (SIA) 
that the roles of distributors with respect to CDM have changed since Hydro One’s last 
rates decision, and that CDM program development costs should not continue to be 
included in base distribution rates.  The Independent Electricity System Operator 
(IESO), which merged with the Ontario Power Authority (OPA) at the beginning of 2015, 
is charged with developing CDM programs for Ontario, and utilities have been 
implementing the former OPA’s programs with funding made available through the 
OPA.  Hydro One should not be including a research and development budget to 
develop and test CDM programs in parallel with the efforts of the organization chiefly 
responsible for them.   
 
While there are no filing requirements for CDM activities specific to Custom IR, the 
OEB’s Filing Requirements for Electricity Distribution Rate Applications (“Filing 
Requirements”) in Chapter 2 state the following:  
 

CDM activity is funded either through OPA-Contracted Province-Wide CDM Programs, or through 
Board-approved CDM programs. Both of these approaches fund the programs through the global 
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adjustment mechanism, and therefore costs directly attributable to these CDM programs (e.g., 
staff labour dedicated to such programs) must not be included in distribution rates.12 

 
The OEB finds that this policy applies in this case.  The OEB will therefore not approve 
Hydro One’s request for approval of approximately $1 million of annual rate funding to 
support CDM research and development.   
 
The Minister of Energy issued separate Directives dated March 26, 2014 to the OEB 
and the OPA related to electricity conservation (the Conservation Directives).  Both 
Directives state that distributors will be required to make CDM programs available to 
customers in their licenced service areas between January 1, 2015 and December 31, 
2020.  The Conservation Directive to the OEB requires the OEB to amend the licence of 
each licensed electricity distributor, among other things, to: 
  

Add a condition that specifies that the Distributor shall meet its CDM Requirement by: 
a) Making Province-Wide Distributor CDM Programs, funded by the OPA, available to 

customers in its licensed service area; 
b) Making Local Distributor CDM Programs, funded by the OPA, available to customers in 

its licensed service area; or, 
c) A combination of (a) and (b).13 [Emphasis added] 

 

 The Conservation Directive to the OPA also states that: 
The OPA Conservation Fund provides financial support to new and innovative electricity 
conservation initiatives designed to enable Ontario’s residents, businesses and institutions to 
cost-effectively reduce their demand for electricity. 
   
The OPA shall continue to provide, through its Conservation Fund, support and funding for new 
and innovative electricity conservation initiatives, including small scale distribution storage 
technologies, as a means to assist Distributors and others in their conservation efforts. 14 

 
It is clear from the Conservation Directives to the OEB and the OPA that funding for 
CDM program research and development between 2015 and 2020 will be provided by 
the OPA. This funding comes from the global adjustment mechanism and not from 

                                                
12 Ontario Energy Board, Filing Requirements for Electricity Distribution Rate Applications – 2014 Edition 
for 2015 Rates Applications, Chapter 2, Cost of Service, Section 2.7.6, Conservation and Demand 
Management. 
13 Directive from the Minister of Energy to the OEB, March 31, 2014, Page 1 
14 Directive from the Minister of Energy to the OPA, March 31, 2014, 2015-2020 Conservation First 
Framework, Section 8 – Support and Funding for Research and Innovation, Page 11 
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distribution rates.  Hydro One should be receiving the necessary funding it requires to 
deliver CDM programs and meet its CDM Requirement from the OPA. 
 
However, Hydro One has been one of the province’s leaders in CDM, including co-
ordination with other distributors, participating in energy sector education and 
collaboration.  For example, Hydro One has been an active participant with the OPA in 
CDM program review, with the Ministry of Energy and in OEB consultations with respect 
to CDM.  The OEB sees the need for this leadership role to continue, and therefore 
sees merit in including the requested labour costs associated with CDM in the OM&A 
budget.   
 
In addition, the OEB notes that should Hydro One need additional funding to support 
CDM activities incremental to its CDM requirement which are not made available 
through the province-wide distributor CDM programs between 2015 and 2020, it may 
make a separate application to the OEB for approval of funding associated with a 
specific CDM program which is currently not offered by the OPA and for which Hydro 
One would seek OEB approval to pursue.   
 

  



Ontario Energy Board  EB-2013-0416/EB-2014-247 
  Hydro One Networks Inc. 
 

  

Decision  30 
March 12, 2015 

 

 

Overall Impact with Respect to OM&A 

As a result of the findings, the approved OM&A budget is summarized in the table 

below. 

Table 1 
Operations, Maintenance and Administration Costs 

Summary of Findings 
2015 to 2017 

 
  

2015 
($ million) 

 

 
2016 

($ million) 
 

 
2017 

($ million) 
 

Requested OM&A   564.3 610.2 614.0 
Less, compensation 
reduction 

7.7 7.7 7.7 

Less, vegetation 
management reduction 

13.0 13.0 13.0 

Less CDM reduction 1.0 1.0 1.0 
OEB approved OM&A  542.6 588.5 592.3 
Percentage Reduction as a 
result of this Decision 

4.0% 3.7% 3.7% 
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5.0 DEPRECIATION AND AMORTIZATION  

Hydro One proposed depreciation and amortization expenses for each of the 5 test 
years as shown below: 
 

Table 2 
Depreciation and Amortization Expenses15 

2015 to 2019 
 

Year Depreciation and Amortization 
 

2015 $355.4 million 
2016 $374.9 million 
2017 $390.2 million 
2018 $402.9 million 
2019 $413.6 million 

 
   
The OEB notes that Hydro One updates its depreciation methodology whenever it files 
a cost of service rate application, as it did in this application with an updated Foster and 
Associates study.16 Depreciation expenses were not challenged in the proceeding by 
OEB staff or intervenors. 
 
Findings 
The Board approves the depreciation expenses as filed for rate setting purposes from 
2015 to 2017 and expects Hydro One to file an updated depreciation study with its next 
rates application.  
  
 
  

                                                
15 Exhibit C1/Tab6/Schedule1 
16 Exhibit C1/Tab6/Schedule1/Attachment 1 
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6.0 LEAP FUNDING 

In its application, Hydro One proposed that it would provide $1.2 million in funding to the 
Low-Income Energy Assistance Program (LEAP).  In reply to an SIA interrogatory 
regarding this level of funding17, Hydro One stated that “The $1.2 million was calculated 
based on the prescribed OEB formula of 0.12% of HONI’s Service Revenue 
Requirement.”  In its submission, the SIA pointed out that the service revenue 
requirement for 2015 is forecast by Hydro One to be $1,414.9 million and that this 
amount, multiplied by 0.12% results in a LEAP amount of $1.7 million, not $1.2 million 
as stated in Hydro One’s evidence. 
 
The OEB acknowledges the SIA submission and directs Hydro One to increase its 
LEAP funding amount for 2015 to $1.7 million for 2015 with the expectation that Hydro 
One will proportionally increase its annual contribution (as related to its service revenue 
requirement) over the 2015-2017 period. 
 
  

                                                
17 SIA Interrogatory Exhibit 3.1 - SIA 22 
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7.0 DISTRIBUTION SYSTEM PLAN, RATE BASE & CAPITAL 
EXPENDITURES  

 

7.1 Distribution System Plan 
 
The RRFE Report emphasizes the importance of planning as the foundation for rate-
setting, and the filing requirements for distribution system plans (DSPs) are provided in 
Chapter 5 of the OEB’s Filing Requirements.  In support of its proposed capital 
investment programs, Hydro One filed a significant amount of evidence and provided a 
summary table which cross-referenced its evidence with the items required by the OEB 
to be included in a DSP18. 
 
Parties acknowledged Hydro One’s efforts to continuously improve its asset 
management process and recognized that the new tools that Hydro One introduced 
would help it get more accurate and current information on its assets.  However, some 
parties felt that Hydro One must still make further improvements to meet the intent of 
the Filing Requirements.  The areas identified as being deficient included the following: 
 

• The presentation of the various components of the DSP in different parts of 
Hydro One’s application does not meet the intent of the OEB’s requirement 
(Chapter 5) of having a “consolidated” plan. 

• Investment levels do not yet appear to be properly aligned with the actual 
condition of the assets. 

• The DSP does not clearly demonstrate the process by which Hydro One ensures 
the most effective use of capital and OM&A spending. 

• Lack of third-party review or external benchmarking of Hydro One’s processes 
and methodology to demonstrate that they are consistent with best practices. 

 
OEB staff cited a number of examples in its submission where the linkage between the 
risk assessment results and the investment prioritization was not clear19. 

                                                
18 Exhibit A, Tab 7, Schedule 1 
19 Board Staff submission, Section 4.2 
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Hydro One submitted that it has an industry-leading business planning process which is 
based on its business values and strategic objectives, and which considers a balance of 
its work programs and associated risks.  
 
Findings 
 
The OEB finds that Hydro One’s evidence provides significant and useful details about 
its asset management and investment planning processes.  The OEB also 
acknowledges that Hydro One continues to make improvements to these processes.  
However, the OEB agrees with the position of some parties that, while Hydro One’s 
evidence contains the various key components of its processes, it does not provide a 
sufficiently consolidated plan as contemplated in Chapter 5 of the Filing Requirements.   
 
As stated in Section 5.3 of the Filing Requirements, the information contained in the 
DSP “is to provide the OEB and stakeholders with an understanding of the distributor’s 
asset management process, and direct links between the process and the expenditure 
decisions that comprise the distributor’s capital investment plan”.  The OEB finds that 
such links are difficult to follow when the DSP components are not consolidated. Clear 
links would be crucial in demonstrating to the OEB that the resulting capital expenditure 
plans have been sufficiently optimized.  In addition, this lack of consolidation of the DSP 
components could be confusing and may result in the use of inconsistent terminology 
for the different stages of the investment planning and optimization process.20   
 
Hydro One’s application provides an opportunity for the OEB to point out the advantage 
of having the consolidated DSP as a stand-alone document.  The OEB directs Hydro 
One, in its next rates application, to provide a consolidated plan, preferably as a stand-
alone document in a separate exhibit, with a direct and clear alignment of the various 
components, explicitly showing how the process steps lead to an optimized DSP and a 
corresponding capital investment program. 
   

                                                
20 Transcript Vol. 5, p. 21-23 and Board Staff submission, p. 42 
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The OEB also expects that Hydro One will consider the merits of having its DSP 
reviewed by an independent third party and, if done, to file that review in its next rates 
application.  If not done, an explanation of that choice must be filed with the DSP. 

7.2 Rate Base & Capital Expenditures  
 
The following table shows Hydro One’s forecast rate base for the 2015 to 2019 period.    
The rate base underlying each of the test years’ revenue requirements includes a 
forecast of net fixed assets, calculated on a mid-year average basis, plus a working 
capital allowance. 
 
Hydro One’s proposed capital expenditures during the five-year plan term are also 
shown in the following table as well as the corresponding in-service capital additions. 
 

Table 3 
Rate Base, Capital Expenditures and 

In-Service Capital Additions 
2015 to 2019 

 
     

2015 
 
    2016 

 
    2017 

 
   2018 

 
   2019 

 
Rate Base ($million)21 

 
  6,533 

 
  6,864 

 
 7,191 

 
 7,541 

 
 7,870 

 
Capital Expenditures ($million)22 

 
  648.9 

 
  654.7 

 
  661.4 

 
  655.1 

 
  669.1 

 
In-Service Capital Additions ($million)23 

 
  656.6 

 
  621.8 

 
  696.0 

 
  681.4 

 
  660.9 

 
 
The evidence indicates that the biggest drivers of the rate increase sought by Hydro 
One are the increase in 2015 rate base, and the planned annual increases in certain 
capital programs. The increase in rate base is a result of capital additions made during 
                                                
21 Hydro One’s Reply Submission, p. 7 
22 Hydro One’s Reply Submission, p. 6 
23 Hydro One’s Reply Submission, p. 6 
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the IRM period and proposed additions during the test years, including additions from 
regulatory assets, as well as the associated increase in return and depreciation 
amounts since last approved by the Board.  The last approved rate base amount was 
$4,986.6 million for the 2011 test year. Hydro One witnesses testified that the need for 
increased capital spending going forward was largely attributable to under-spending in 
prior years, which has led to a large number of assets needing repair or replacement. 
 
The proposed 2015 rate base increase was primarily due to the in-service additions 
made during the IRM period preceding this application. In general, parties accepted the 
proposed rate base for 2015 and subsequent years. 
 
The largest component in the proposed capital spending is in the “sustaining” category, 
which includes investments required to ensure that existing distribution system facilities 
function as originally designed; an example of sustainment investment is the 
replacement of worn-out poles. Spending in this area shows the greatest growth, up 
33.9% from 2014 to 2019, growing steadily from $286.4 million to $383.5 million.  The 
“development” category, which includes investments required to serve new load and 
generation customers and meet the growing needs of existing customers remains 
relatively stable. The third category, known as “corporate common costs and other 
capital” investment, includes sustainment and enhancement of existing equipment and 
infrastructure, including information technology, transport and work equipment and 
service equipment, and facilities and real estate. Spending in this category is forecast to 
fall by 25.1% over the 5 year period. 
 
Many parties submitted that the level of capital spending on sustaining capital programs 
over the five year period, particularly pole replacement and station refurbishment, was 
not adequately justified, and proposed that the OEB reduce the budgets for these 
activities.  Hydro One submitted that these programs were essential given the age and 
condition of the assets in these categories, and that any reductions in the programs 
would exacerbate asset deterioration and increase unplanned spending on repairs 
made in reaction to an actual asset failure.   
 
Several parties noted the lack of tangible unit cost reductions for capital work, and 
suggested a dollar per unit metric for reporting on pole replacement and station 
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refurbishment (and vegetation management, which is discussed in the OM&A section). 
In contrast, some parties submitted that Hydro One was continuing to underspend on its 
assets, given their age and condition.   
 
As described in the DSP section, many parties submitted that the planning evidence 
was unclear and inadequate to provide the OEB with an understanding of Hydro One’s 
planning and prioritization process.  Although Hydro One has revised its planning 
process using new tools to assess risk and set priorities based on risk assessment, 
some parties found the risk scoring system difficult to understand and inconsistently 
applied to actual investment priorities and pacing.   
 
In recognition of the perceived inadequacies of Hydro One’s planning evidence, some 
parties proposed that in addition to reporting on the success of the capital program 
outcomes, the OEB should require Hydro One to report annually on asset condition.  
This would include establishment of a net cumulative asymmetrical variance account to 
track the impact on revenue requirement of any in-service capital additions shortfall 
compared to OEB approved amounts.   
 
Findings 
 
The OEB has determined that it will approve Hydro One’s proposed rate base and 
corresponding capital expenditure plan for the 2015 to 2017 period as submitted.  
However, given the direction provided by the OEB in the previous section regarding the 
development of a more consolidated DSP, the OEB expects that the consolidated plan 
will provide a more cohesive and easily understood capital expenditure plan in Hydro 
One’s next rates application.  
  
In approving a 3-year capital plan, the OEB gave consideration to the following factors: 
 

• Given some of the DSP shortcomings described earlier, a shorter approval 
period than 5 years is appropriate, consistent with the 3 year cost of service 
approach determined earlier in this Decision.  The OEB expects that Hydro One 
will take the opportunity to make the necessary improvements to support a 
longer-term capital plan. 
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• While the evidence in this case supports the need for Hydro One to make 
investments in its assets in the short term, the OEB’s level of confidence that 
capital spending has been optimized decreases in the longer term. 

• The OEB accepts Hydro One’s argument that significant reductions in the 
proposed 2015 to 2017 spending levels would likely create cost pressures in the 
longer term. 

• Approval of capital spending for a shorter time period reduces the risk to 
ratepayers if in fact the capital program is unrealistic.  Approval of a longer term 
plan at the time of Hydro One’s next rates application will be contingent on the 
quality of the supporting evidence. 

 
Since the OEB is approving a 3-year plan for Hydro One, the amounts proposed by 
Hydro One for 2015 to 2017 will form the basis of Hydro One’s capital envelope and 
capital in-service additions.  Given the shortened plan term, the OEB does not find it 
necessary for Hydro One to establish a variance account to track the impact of in-
service additions shortfall on revenue requirement.  At the time of Hydro One’s next 
rates application, the OEB expects Hydro One to provide evidence of its capital in-
service additions (actual vs. approved with explanations of any variances) on an annual 
basis, as required in the OEB Filing Requirements.  
 
The OEB also directs Hydro One to conduct an external benchmarking study on the unit 
cost of its pole replacement and station refurbishment programs against other utilities as 
well as carry out an internal trend analysis to show the variability of these unit costs 
over time (year over year).  Hydro One will report on the results of this work with the 
corresponding analysis as part of its next rates application. 
 
The benchmarking and trend analysis of unit costs for these two programs is required 
because the company plans significant spending in these areas.  However, as noted in 
the section of this Decision that discussed the RRFE, Hydro One should prepare 
supporting productivity evidence for its next rates filing for any areas of its business 
where recovery of significant planned spending is sought. 
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7.3 Working Capital 
 
Hydro One proposed, as part of its 5 year rate plan, to adjust working capital annually.  
As only a 3 year plan is approved in this Decision, the Board will not require an 
adjustment to working capital in years 2 and 3.   This approach is in keeping with the 
past practice in multiyear cost of service periods.  
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8.0 COST OF CAPITAL 

Hydro One proposed an annual cost of capital adjustment (using the OEB’s updated 
cost of capital parameters and an update of Hydro One’s long term debt) before each 
new rate year, as per its past practice in implementing its multi-year rate setting 
decisions. 
 
The OEB agrees that these updates should continue in this case for the 3 year period of 
this rate approval. No change to the debt/equity structure was proposed. 
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9.0 REVENUE REQUIREMENT AND RATE SMOOTHING 

Hydro One applied for the OEB’s approval of a revenue requirement for each of the five 
years of the rate plan.  OEB staff noted that the company’s revenue requirement grew 
by 19% between 2011 and 2015 (largely due to capital additions) and would grow by 
17.8% from 2015 – 2019.  Due to the large increase in revenue requirement in 2015, 
Hydro One proposed rate smoothing by way of rate riders over the five year period of 
the plan, resulting in an annual average distribution revenue increase of 6.3%.  If the 
Hydro One application were accepted as filed, typical UR and R1 customers would 
experience a total bill impact of less than 2% (below the predicted rate of inflation) for 
each of the five years.  Other classes would see an increase in some cases significantly 
above inflation. 
 
The Vulnerable Energy Consumers’ Coalition (VECC) and SIA opposed the rate 
smoothing proposal, arguing that it promotes intergenerational inequity, adds interest 
and carrying costs, masks the actual increase in any one year, and is unnecessary 
because the effect on the distribution component of the bill would be immaterial.  VECC 
argued that the unsmoothed increases for 2015 and 2016 are acceptable, and that 
there is no evidence that customers want to pay additional costs to achieve rate 
smoothing. 

Findings 

The OEB’s overall finding is that the revenue requirements and rates approved in this 
application will be in place for a three year period. The OEB will not approve the rate 
smoothing scheme as requested.  The OEB considers that the rate smoothing would 
only have a minor effect on rates over the three year period.  The OEB directs that rate 
mitigation be applied for customers in rate classes that experience undue rate impacts, 
that is, an increase from all causes greater than 10% on the total bill. The OEB will 
condition its rate approvals accordingly, when the Draft Rate Order is filed. 
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10.0 LOAD FORECAST 

OEB staff and intervenors generally accepted Hydro One’s load forecasts and the 
underlying economic forecasts.  Hydro One’s history of accurate load forecasting was 
noted by staff and several intervenors, but VECC, supported by Consumers Council of 
Canada (CCC), argued that there were major flaws in Hydro One’s CDM forecast.  For 
example, VECC submitted that the CDM report did not track actual CDM achieved or 
the difference between forecast and actual CDM effects.  VECC urged the OEB to 
require Hydro One to undertake a proper evaluation of CDM results, and ensure that the 
definitions of forecast CDM are the same as the definitions used in tracking CDM results 
actually achieved.  VECC also suggested that Hydro One’s forecast CDM savings 
should be adjusted by using the OPA’s draft target for the impact of future programs, 
prorated over the five year period.  Hydro One responded that its CDM forecast is 
reasonable and supported by the evidence, and that the OPA forecast was too 
preliminary to be used to adjust Hydro One’s forecast. 

Findings 
 
The OEB is persuaded by the historical accuracy of Hydro One’s load forecasting and 
the support shown for the forecasts by many parties.  The OEB acknowledges the 
arguments of some intervenors regarding the CDM portion of the load forecast; however 
the OEB is not persuaded that these perceived flaws have a significant impact on the 
overall forecast for the 2015 to 2017 period. The OEB finds that Hydro One’s load 
forecasts are appropriate for the time period approved in the Decision. 
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11.0 COST ALLOCATION AND RATE DESIGN 

Hydro One proposed a number of changes in the areas of cost allocation and rate 
design including the addition of a new unmetered scattered load class, changes to the 
definition of seasonal customer class, incorporation of the results of a rate class review, 
narrowing the revenue to cost ratio ranges for all classes and increasing the revenues 
collected from fixed charges.     

Hydro One noted that some of the company’s proposed changes in cost allocation and 
customer classification are significant, and may have a greater impact on some 
customers than the requested increase in revenue requirement.  Although the company 
is neutral regarding cost allocation and rate design (because the full revenue 
requirement is recovered through the various rates and charges irrespective of the rate 
design and allocation of costs), Hydro One stated that in the interest of fairness to 
customers, the company’s proposals are designed to align cost causality and cost 
recovery.  Hydro One also considered bill impacts, and submitted a rate mitigation plan 
for some customers moving from one class to another as part of the rate class review.  
A summary of the company’s proposals was presented in Exhibit G1/Tab 1/Schedule 1. 
 
Lastly, the City of Hamilton raised a specific issue with respect to street lighting 
charges.  The OEB addresses each of these proposals individually below. 
 

11.1 Rate Class Review 
Hydro One undertook a rate classification review using a Geographic Information 
System (GIS) tool to identify clusters of customers that may require reclassification, and 
to verify in general that customers were properly classified according to density.  Hydro 
One proposed to implement the results of the study, which would reclassify 11% of its 
customers.  This would, in turn, require a 3.4% increase in revenue collected from all 
other customer classes to make up for revenue lost due to reclassification to higher 
density classes.  Hydro One proposed to repeat the reclassification review every five 
years, but use the GIS tool to monitor density changes that may prompt reclassification 
on an ongoing basis. 
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Intervenors generally supported the results of the review and the reassignment of 
customers between classes.  However, VECC suggested that some mitigation of the 
resulting impacts may be required in 2016 if some of the impact in 2015 is shifted to the 
following year.  The School Energy Coalition (SEC) noted that the absence of a medium 
density class for general service customers means that many schools are classified as 
rural, although they are situated in towns, and may be overpaying for their electricity 
service. 

OEB staff (supported by CCC and VECC) suggested that Hydro One should perform 
another customer classification review in three years, and move to a five year cycle if 
the three-year review does not show the need for material levels of reclassification.  In 
addition, staff recommended that Hydro One report to the OEB annually on complaints 
related to density and subsequent reclassifications, to determine if the GIS-based 
monitoring is lagging actual system characteristics.  Hydro One submitted that both a 
shorter time frame for review and the tracking and reporting of complaints would 
consume considerable resources for little benefit, as the GIS tool will capture any data 
that would prompt reclassification. 

Findings 

The OEB accepts the results of the rate classification review for the purpose of setting 
Hydro One’s rates for the next three years.  The OEB agrees that a five year cycle of 
review and reclassification may be appropriate for the company in the future, but given 
that rates are set for three years in this Decision, the OEB will require Hydro One to 
report on an updated customer classification in its next rates application.  The OEB 
finds that customer reclassification resulting from the rate classification review (as 
opposed to reclassification prompted by customer inquiries or complaints) can be 
implemented on a going forward basis as of the date of the implementation of rates 
resulting from this Decision.  Retroactive reclassification from January 1, 2015 is not 
required where the reclassification is prompted by the rate classification review. 

The OEB expects Hydro One to implement a rate impact mitigation plan.  Hydro One 
proposed that mitigation take place for those customers who experienced a 15% or 
greater total bill impact as a result of movement to another rate class.  However, the 
OEB does not accept this level of rate impact caused by reclassification alone.  The 
OEB directs mitigation to be applied to those customers who experience a total bill 
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impact greater than 10% in total as a result of the application of all elements of this 
Decision. 

 

11.2 Revenue to Cost Ratios 
Hydro One proposed to move all customer classes to a revenue to cost ratio range of 
98% - 102% over the five year plan, submitting that improvements to its cost allocation 
process support this narrow range. The status quo revenue to cost ratios for the Hydro 
One customer classes ranged widely from 129% in the Residential Urban class to 72% 
for the Sub-Transmission class.24 

However, the company acknowledged that the movement to this range has the largest 
impact by rate class in 2015 of any of its proposals, and that pacing of the change may 
be required to mitigate the rate impact.   

OEB staff and several intervenors (e.g. CME, Energy Probe) submitted that Hydro One 
should aim for a wider range in the ratio, for example 95 – 105% for all classes, and 
phase in this less dramatic change over the five year plan.  VECC (supported by CCC) 
argued for an even broader range of 90 – 110%, submitting that the degree of 
improvement in Hydro One’s cost allocation methodology was insufficient to support a 
narrower range. 

Findings 

The OEB agrees with VECC, and is not persuaded that the improvement in cost 
allocation methodology is sufficient to support the narrow 98 – 102% range.  The OEB 
directs Hydro One to move its ratios to 90% - 110% over the three year period for which 
rates are approved.  At its next rates application, the company may choose to propose 
further narrowing of the range. 

 

11.3 Increase in Fixed Charges 
Hydro One’s rates include a fixed charge component and a variable charge component.  
Hydro One proposed to increase the proportion of the revenue collected through the 
                                                
24 Exhibit G1/Tab 3/Schedule 1, p.16 
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fixed charge and decrease the proportion of the revenue collected through the variable 
charge for all classes, to be consistent with an updated minimum system study that 
recalculated the peak load carrying capacity adjustment using detailed feeder data. The 
proportion to be collected through the fixed charge rises from 40% to 42% across all 
classes, although some classes (such as distributed generation) see larger increases in 
the fixed charge.  Hydro One indicated that the increase in the portion of revenues 
earned through the fixed charge is more consistent with cost causality, and is unlikely to 
have a significant effect on conservation as the change affects only 13% of the total bill.  
OEB staff and some intervenors supported the proposed change. 

Several intervenors opposed the change as discouraging conservation.  The Green 
Energy Coalition (GEC) filed evidence from Dr. W. Marcus, which supported the 
arguments that the increase would reduce conservation gains and have a 
disproportionate impact on low energy use customers, who tend to be lower income 
customers.  GEC pointed out that such effects would be contrary to government policy.  
GEC proposed that any change to the fixed charges should await the conclusions of the 
OEB’s generic rate design review (EB-2012-0410).   

SEC and the Federation of Ontario Cottagers Associations (FOCA), among others, 
supported the idea of waiting for completion of the OEB’s review.  VECC argued that 
the basis for the calculation of the fixed charge was flawed, and the current fixed 
variable split should be retained for residential rate classes (except for the seasonal rate 
class). 

Findings 

The OEB approves Hydro One’s proposal to increase the amount recovered through the 
fixed charge from 40% to 42% across all classes. The overall change is minimal.  While 
the OEB recognizes that some classes will experience a much higher increase in the 
fixed charge than 2 percentage points, the OEB accepts Hydro One’s argument that the 
change will better reflect the actual cost to serve those classes. 

 

11.4 Seasonal Rate Class 
Issues surrounding the seasonal rate class received considerable attention in the 
hearing.  Hydro One proposed in its evidence that about 11,000 seasonal customers 
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move to the R1 and R2 rate classes, because the consumption pattern of these higher-
use seasonal customers was similar to customers in the residential classes.  However, 
R2 customers presently receive a Rural and Remote Rate Protection (RRRP) subsidy.  
Eligibility for that subsidy is defined on the basis of residency under Ontario Regulation 
442/01under the Ontario Energy Board Act, 1998.  For practical reasons, Hydro One 
proposed to use monthly consumption patterns as a proxy for residency, and provide 
the subsidy to the new customers in the R2 rate class without a specific inquiry into their 
residency status. Intervenors who addressed this issue and OEB staff all argued that 
Hydro One could not avoid satisfying the residency criteria in the regulation, and that 
seasonal customers moving to the R2 class would have to satisfy those criteria or not 
receive RRRP. 

VECC and CCC also did not support Hydro One’s proposal, and argued that further 
study was needed before a solution to the inequities existing in the seasonal class could 
be reduced or eliminated.  CCC suggested that density based sub-classes might help, 
while VECC submitted that a principled approach, taking account of load profiles as well 
as consumption patterns, could better reflect cost causality.  VECC suggested using the 
proportion of revenues recovered through fixed and variable charges to address the 
cross-subsidy between high and low volume customers.  Mr. Hurley recommended that 
seasonal customers pay for service only in those months when they are using 
electricity. 

Hydro One supported the continuation of the seasonal rate class on the basis that 
seasonal customers do display different consumption patterns and load profiles than 
those of residential customers.  However, the Balsam Lake Coalition (BLC) argued that 
the original justification for the creation of the seasonal class was obsolete, given the 
development of density-based rate classes.  BLC submitted that the existing seasonal 
class is not based on factors directly relevant to cost, as customers with identical cost 
drivers and consumption patterns may be in different rate classes.  Elimination of the 
seasonal class and distribution of its members to density-based residential classes 
would, in BLC’s submission, more properly reflect density weightings for the members 
of the class and reduce within-class cross-subsidy caused by volumetric rate design.  
BLC acknowledged that the impact on low-volume seasonal customers would be high, 
but the impact could be phased in over a five year period.  FOCA and OEB staff did not 
support the elimination of the class due to rate impacts on lower use customers. 
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In response to the almost unanimous rejection of its proposal by intervenors, Hydro One 
withdrew its request to change seasonal rates and submitted that no further review of 
seasonal rates would be helpful. 
 
Findings 
 
The OEB finds the arguments of BLC to be persuasive.  Hydro One has developed the 
technical capability to implement and maintain density-based rates for its non-seasonal 
residential classes. These classes are defined by their geographic location in relation to 
the amount of distribution system assets that are required to serve each customer. The 
OEB considers the relative use of distribution assets to be a significant and predominant 
cost causality driver for the establishment of residential rate classes.  The OEB agrees 
with BLC that the existence of density-based rate classes erodes justification for the 
retention of the seasonal class.  The OEB finds that the seasonal class should be 
eliminated for rate setting purposes. Existing seasonal class customers shall be placed 
in a residential class according to their density. 
 
The OEB considered the proposal of VECC and others that further work be conducted 
by Hydro One to compare the load profiles of customers within the seasonal class and 
residential classes, at various usage levels, to determine if they are sufficiently similar to 
combine into one or more classes.  The OEB recognizes the practice of considering 
load profiles and consumption patterns in creating rate classes, but the OEB also 
recognizes that load profiles and consumption patterns will inevitably differ to some 
degree between customers within any rate class. Given the significance and 
predominance of the density cost causality characteristic the OEB is not convinced that 
the load characteristics of seasonal customers are sufficiently different from their 
neighbours in the residential classes to justify the continuation of the seasonal class.  
 
The OEB agrees with the submissions of OEB staff and others that Hydro One cannot 
apply the RRRP subsidy to new entrants to the R2 class without determining their 
residency status in accordance with Regulation 442/01.  
 
The OEB is aware that the elimination of the seasonal class will cause rate impacts, 
particularly for lower volume seasonal customers.  At the same time, the OEB is mindful 
of BLC’s submission that this group of customers is not paying the full costs of the 



Ontario Energy Board  EB-2013-0416/EB-2014-247 
  Hydro One Networks Inc. 
 

  

Decision  49 
March 12, 2015 

 

 

service they receive.  That said, the OEB wishes to mitigate any large impacts to 
seasonal customers. 
 
The OEB requires Hydro One to bring forward a plan for the elimination of the seasonal 
class.  The plan should propose a phase-in period for those customers expected to 
experience a total bill impact of greater than 10% as a result of migrating to another 
class. The Board will conduct a hearing to examine the rate mitigation issues in the plan 
with the intent to implement the initial rate changes January 1st 2016. Hydro One should 
submit its plan to the OEB and the intervenors of record in this case by August 4, 2015. 
Hydro One should also propose what it considers to be an appropriate billing frequency 
for the customers that own secondary residences for consideration along with the 
hearing of the other matters.    
 
 

11.5 Street Lighting Class Rates 
The City of Hamilton, a street lighting customer of Hydro One, noted that the street 
lighting rates would increase by approximately 22% in 2015 under Hydro One’s 
proposed rates schedules, and that the OEB had initiated a consultation related to cost 
allocation for street lighting customers.  The City of Hamilton asked the OEB to include 
in its decision a provision for re-opening of Hydro One’s application if there are changes 
to OEB policies that affect the costs and revenues allocated to the street lighting 
customer class.  Hydro One objected to the idea of putting cost allocation for these 
customers on hold awaiting the completion of the OEB’s consultation, and suggested 
that should the OEB’s cost allocation model be modified, the rates for the street lighting 
class could be updated at the time of Hydro One’s annual adjustments. 

VECC submitted that traffic lights should not be included in the street lighting class, as 
traffic lights operate 24 hours a day, unlike street lights, which operate only during 
periods of darkness.  Hydro One indicated that only about 1% of the lights in the street 
lighting class are traffic lights, and that to create and maintain two separate accounts for 
the two different types of lights would be inefficient. 

 

Findings 
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The OEB agrees with Hydro One that finalization of the rates in this application should 
not await the completion of the consultation on street lighting. The OEB will not at this 
time create a specific provision for the re-opening of Hydro One’s rates for adjustments 
related to cost allocation for street lighting. 

As noted by the City of Hamilton, a consultation process has been initiated by the OEB 
under file number EB-2012-0383.  When this consultation is complete, the OEB expects 
Hydro One to apply to adjust its street lighting rates at the earliest opportunity during 
which rate changes are being considered (i.e. during the review of the 2016 Seasonal 
Rate Class proposal, or the next complete rates filing if the consultation is not 
completed at the time of seasonal rate class review). The OEB may also provide 
generic direction on the basis of the outcome of the consultation.   

With regard to traffic lights, the OEB agrees with Hydro One’s argument, given the 
immateriality of traffic lights within this class.   

 

11.6 Unmetered Scattered Load Class 
Hydro One proposed the creation of a separate Unmetered Scattered Load (USL) rate 
class as a result of the direction of the OEB report Review of Electricity Distribution Cost 
Allocation Policy issued March 31, 2011.  Previously, these customers were General 
Service energy (GSe) customers with a reduced monthly fixed charge to reflect that 
USL customers do not have any metering related costs. 
 
Findings 
 
No party opposed the creation of this new class in the hearing. In the OEB’s view, the 
creation of this class should make it easier to consider cost allocation matters that are 
specific to the characteristics of the class.  The OEB approves the creation of an 
unmetered scattered load class. 
 

11.7 Line Loss Study 
Hydro One engaged Navigant Consulting to track the variances between OEB-approved 
losses recovered in rates and actual line losses.  The resulting study showed that actual 
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losses tracked OEB-approved amounts reasonably well.  Consistent with a study 
recommendation, Hydro One proposed new loss factors for its rate classes to reflect 
more accurately the losses that occur as a result of delivery of electricity to those 
classes.   

The evidence in this proceeding indicates that there is a reasonable match between 
amounts recovered in rates for line losses and actual losses on Hydro One’s system.   

The Ontario Federation of Agriculture recommended that Hydro One increase its efforts 
to reduce line losses and urged the OEB to initiate a working group to study the issue.  
While the OEB appreciates that reduction of line losses is a desirable goal, the OEB will 
not initiate a working group to study the issue at this time. The OEB expects Hydro One 
to work continuously to lower line losses as it invests in its system.   

 

11.8 Miscellaneous Service Charges 
SIA raised a concern that Hydro One’s charges for miscellaneous services significantly 
under-recover the true cost of the services.  SIA suggested that the charges should be 
updated to more closely reflect actual costs, which would offset some revenue to be 
collected from rates.  While Hydro One agreed that the charges under-recover costs, 
the company submitted that the charges are consistent with the OEB’s rate handbook, 
and that a review of the charges should be undertaken on a generic basis. The OEB 
has indicated that it will initiate a review of service charges in the distribution sector.  
However, as Hydro One has unique service characteristics, the OEB directs Hydro One 
to file, as part of its next rates application, a study assessing whether its service 
charges reflect Hydro One’s underlying costs and to propose changes accordingly. 
Hydro One’s study is to be informed by any available OEB guidance that results from 
the generic review.  
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12.0 SMART METER COSTS 

Hydro One is seeking recovery of $445.1 million in smart meter capital costs and $59.4 
million in OM&A costs for the period 2009 to 2014.  Hydro One’s request for recovery of 
its historical smart meter costs (recorded in accounts 1555 and 1556) was opposed by 
OEB staff and several intervenors.   
 
OEB staff noted that the average cost per installed smart meter for Hydro One was 
$568 (combined capital and OM&A over the 2006 to 2014 period), which is significantly 
higher than for other distributors.  Staff provided examples of four other distributors that 
staff submitted face issues of low density and remoteness at levels similar to Hydro 
One.  OEB staff submitted that Hydro One had not justified the recovery of the 
significantly higher costs per meter, and urged denial of full recovery of the costs.  Staff 
suggested recovery of a per meter cost of $484, which would be 20% higher than the 
highest previously-approved cost for smart meters for these four distributors.   
 
Some intervenors supported staff’s proposed reduction, but others argued that the 
evidence on the record is insufficient to allow recovery, or to support a specific 
reduction.  These intervenors proposed a separate proceeding be convened to fully 
review these costs. 
 
In its reply argument, Hydro One resisted any reduction in recovery of the historical 
costs of its smart meter program.  Hydro One argued that the costs of its smart meters 
have been audited and represent actual costs prudently incurred.  The smart meter 
program was mandated by government policy and was not discretionary.  
 
Hydro One indicated that the early installations (2006 to 2008) involved a large number 
of meters as they focused on high-density, easy to reach, mostly residential customers, 
while the 2009 to 2014 installations were for rural and low-density customers which 
involved significantly higher costs.  Hydro One also submitted that the scope of work 
undertaken in the 2009 to 2014 period included communication reinforcement 
requirements for meters installed during the earlier period. This work was necessary to 
meet the minimum standards for billing and to improve meter reliability. 
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Hydro One emphasized that the fact that its costs are higher than those of other utilities 
does not mean that they are imprudent.  Hydro One gave examples of the challenges it 
faced that are not faced by other distributors, and explained why the comparison to the 
utilities listed by OEB staff is not valid.  Hydro One argued that staff’s suggestion of a 
cap on costs of 20% above the highest cost for another utility is unreasonable and 
contrary to well-established rate making principles.  Hydro One submitted that the OEB 
can only disallow actual costs already incurred if the costs are found to be imprudently 
incurred, and there is no evidence of imprudence in this case.  
 
Hydro One also indicated that negative financial consequences would result if the 
recovery of regulatory assets that have been incurred is denied.  Such a denial would 
affect Hydro One's risk profile and lead to a credit downgrade and an increase in 
borrowing costs, according to Hydro One.  Hydro One submitted that this danger is 
particularly acute since the nature of the 2009 to 2014 smart meter costs is similar to 
the smart meter costs previously approved by the OEB for the 2006 to 2008 period. 
 
Findings 
 
The OEB recognizes that the smart meter program was mandated by government policy 
and was not discretionary.  However, that does not mean that any level of cost incurred 
by a distributor to carry out the installation of smart meters is necessarily prudent.  
These costs are held in a variance account, and had not been considered by the OEB 
prior to this application.  No utility is guaranteed recovery of amounts recorded in 
deferral and variance accounts.  The onus is on the utility to demonstrate that the costs 
were reasonably incurred based on what was known or ought to have been known 
when it incurred the cost.  As noted in section 2.8 of the OEB’s Filing Requirements, the 
final determination of the prudence of costs recorded in an account will be made at the 
time of disposition of the account.   
 
Hydro One’s smart meter costs are significantly higher than other distributors.  
However, the OEB agrees with Hydro One that the fact that its costs are higher than 
those of other utilities does not necessarily mean that they are imprudent.  Hydro One’s 
service territory is low density and presents challenging terrain. The OEB recognizes 
that in the 2009 to 2013 period, Hydro One faced particular challenges in its service 
territory related to a need for investment in communications and accompanying 
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infrastructure. The OEB does not consider the circumstances that Hydro One managed 
in the implementation of its smart meter program to be comparable to the examples of 
others distributors provided by OEB staff. The implementation of the smart meter 
program involved travel to every residential customer dwelling in the province. The OEB 
therefore considers the customer-to-service area ratio to be a very significant 
distinguishing cost driver for individual utilities.  Hydro One’s low density customers 
make up a much larger percentage of its total customer population than other 
distributors in the province. Many of Hydro One’s seasonal customers are in hard to 
reach locations such as water access only properties, contributing to much higher 
implementation costs.   
 
Given the significant difficulties of the implementation of Hydro One’s smart meter 
program, the OEB does not consider the significantly higher average cost to be 
unreasonable.  Therefore a separate proceeding to review the smart meter costs is not 
required.  The program has been completed and the information presented in this 
application has sufficiently informed the OEB.    
 
Considering all of these factors, the OEB will allow the recovery of these costs as 
submitted. 
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13.0 DEFERRAL AND VARIANCE ACCOUNTS  

Hydro One proposed the discontinuance of eleven deferral and variance accounts25, the 
recovery of the $33.2 million balance in 16 accounts over five years26, and the 
continuance of several other accounts.  These proposals were unopposed.  Hydro One 
also proposed the creation of two accounts to deal with bill impact mitigation and rate 
smoothing.  The issues of bill impact mitigation and rate smoothing are dealt with 
elsewhere in this Decision. 
 

Findings 
 
The OEB approves Hydro One’s requests regarding the deferral and variance accounts 
described above with the exception of the creation of the rate smoothing account, as it 
will no longer be required.  The OEB also approves the disposition of the $33.2 million 
and finds that the recovery period will be three years rather than five years.  The OEB 
has considered the increased total bill impact of a three-year recovery as compared to 
the five-year disposition period on an average residential customer and considers it to 
be acceptable.  
 
As indicated in its evidence,27 Hydro One will apply to the OEB for disposal of its RSVA 
accounts when disposal thresholds are met. 
 

13.1 Restatement of balances 
 
OEB staff asked that the OEB require Hydro One to restate the balances in accounts 
related to renewable generation connection and smart grid using the method prescribed 
in the OEB’s Accounting Procedures Handbook (APH), to ensure consistency across 
the industry.  However, Hydro One submitted that its approach was more transparent 
than that in the APH, and therefore no restatement should be required.   
 

                                                
25 Exhibit F1/Tab1/Sch2 and Reply Argument, pages 71 and 72. 
26 Exhibit F1/Tab1/Sch1/p3 and Reply Argument, page 73 
27 Exhibit A/Tab 4/Schedule 2, p. 3 
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Hydro One also took the position that the OEB-issued model cannot accommodate its 
circumstances.  Hydro One stated that its methodology takes into consideration the 
timing of the projects, the cost of capital, depreciation and tax impacts, whereas the 
APH does not.  In addition, according to Hydro One, the APH does not distinguish 
between capital expenditures and in-service capital additions, which are different 
concepts. 
 
Findings 
 
The OEB finds that there are no compelling reasons to require Hydro One to restate its 
balances using the APH method at this time as it may not appropriately accommodate 
Hydro One’s specific circumstances. 
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14.0 DISTRIBUTION SYSTEM CODE EXEMPTION (EB-2014-0247)       

Hydro One requested an exemption from the Distribution System Code sections 7.5.1 
and 7.5.2.  Section 7.5.1 sets out the obligations on a distributor to attempt to contact 
customers if a service appointment is missed or is going to be missed, and to attempt to 
contact the customer to reschedule the appointment within one business day of the 
missed appointment. Section 7.5.2 indicates that the requirements in section 7.5.1 must 
be met 100% of the time.   

Hydro One submitted that it cannot meet the 100% requirement due to the fact that the 
geography of its service territory includes areas with gaps in communications 
infrastructure.  It also claims unforeseen re-deployment of staff to power outage calls, 
managing its employee’s priorities in relation to customer communications and 
unexpected emergencies involving staff reduce the ability of the company to meet the 
100% standard.  Hydro One has requested that the company be permitted to meet the 
requirements in section 7.5.1 90% of the time. It indicated that its target is to meet the 
requirements 95% of the time. 

The OEB granted an interim exemption to Hydro One on September 8, 2014, the 
opening day of the oral hearing. 

Parties who made submissions on this issue held varying opinions on whether the 
permanent exemption should be granted.  Hydro One and two intervenors noted that 
Hydro One is not the only distributor that fails to meet this metric, and that many 
distributors fail to report their lack of compliance, according to the OEB’s 2013 
Yearbook. SIA submitted that this metric should not be tracked, as it affects a very small 
fraction of customers.  Several parties, including OEB staff, supported a generic review 
of the standard in section 7.5.2. 

Findings 

The OEB finds that Hydro One has failed to demonstrate, with the evidence provided in 
this proceeding, that a permanent exemption should be granted. 

The intent of the 100% standard is to minimize, to the extent possible, the negative 
impact on a customer who is going to be inconvenienced by the distributor’s failure to 
meet a scheduled appointment.  
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Based on historic records of the number of appointments in a year, approximately 2,500 
Hydro One customers per year could be affected if the proposed 90% compliance level 
is accepted by the OEB.  In other words, potentially 2,500 customers that have made 
arrangements to be available (possibly incurring monetary expense) may not be 
contacted when Hydro One personnel realize they can’t meet the pre-arranged 
appointment.   

A standard that provides an explicit allowance for even one customer to be exposed to 
this scenario could only be justified if no reasonable steps to avoid the situation were 
available. Hydro One provided evidence that there are several causes for its inability to 
meet the standard to date. Hydro One did not provide evidence attributing any specific 
frequency or percentage of the total incidents to any of these causes.     

The 100% standard in section 7.5.2 requires that only an attempt be made to contact 
the customer prior to an appointment being missed and for rescheduling 

The evidence that the geography of Hydro One’s service territory includes areas that do 
not have full communication system coverage may be a valid reason for failing to meet 
the standard. The inability to communicate in the normal fashion with certain customers 
has a significant bearing on whether Hydro One could make a genuine attempt to 
contact customers in those areas. 

However, no alternatives to traditional methods of communication were explored in the 
evidence, nor were any alternative performance protocols examined. The OEB does not 
know what percentage of the failures to meet the standard are the result of a genuine 
absence of communications infrastructure, nor what avenues have been explored to 
minimize these incidents.  

The OEB does not consider Hydro One’s other submitted causes for its inability to meet 
the expected standard to be of comparable merit. More rigid communication protocols 
and employee training to reinforce the importance of customer communication could 
reduce incidents of non-compliance not related to lack of communications infrastructure. 
It is understood that employees who have appointments with customers will, on rare 
occasions, become otherwise engaged on short notice. Given the importance of 
contacting the customer with this information, Hydro One should be able to devise 
appropriate communication protocols and safeguards to ensure an attempt is made to 
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contact the customer whenever possible.  The evidence in this proceeding did not 
demonstrate that this had yet been done.  This performance metric has been in place 
for a number of years, and company protocols and employee behaviour must recognize 
its importance. 

The interim exemption granted to Hydro One on September 8, 2014 will expire 60 days 
from the issuance of this Decision. 
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15.0 RECOVERY OF LOST REVENUES 

On December 18, 2014, the OEB issued a Decision and Interim Rate Order declaring 
Hydro One Networks Inc.’s current Board-approved Tariff of Distribution Rates and 
Charges interim effective January 1, 2015. 
 
The OEB has determined that the effective date for rates in this Decision is January 1, 
2015, with an expected implementation date of May 1, 2015.  Therefore, Hydro One is 
directed to calculate, as part of its draft Rate Order, the lost revenue for this period and 
to propose a rate rider to recover this amount over the remainder of this calendar 
year.  The rate rider is to be a Monthly Fixed Charge.  
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16.0 SUMMARY OF DIRECTIONS FOR FILING 

The following list is a summary of directions for filing contained in this Decision.  Where 
any discrepancies exist between this list and the text of the Decision, the text in the 
Decision governs. 

The OEB directs Hydro One to address shortcomings in its application as described in 
the Decision, including filing the following specific evidence as part of its next rates 
application: 

• A total factor productivity study of Hydro One’s own productivity, including data 
from 2002 and following years at a minimum. 

• A compensation study similar to the study filed as part of this application to allow 
benchmarking to comparable companies. 

• A comprehensive trend analysis of the vegetation management program showing 
year over year comparisons in unit costs. 

• A best practices study, if undertaken, for vegetation management similar to the 
CN Utility study filed in EB-2009-0096. 

• An updated depreciation study. 
• A consolidated Distribution System Plan, with either an independent third party 

review of the Plan if conducted, or an explanation of the decision not to conduct 
such a review. 

• Annual capital in-service additions, with explanations of any variance from 
approved levels (as required by the OEB Filing Requirements). 

• An external benchmarking study on the unit cost of the pole replacement 
program. 

• An internal trend analysis to show the variability of the unit costs of the pole 
replacement program year over year. 

• An external benchmarking study on the unit cost of the station refurbishment 
program. 

• An internal trend analysis to show the variability of the unit costs of the station 
refurbishment program year over year. 

• A report on an updated customer classification review. 
• A study on Hydro One’s miscellaneous service charges, assessing whether the 

charges reflect underlying costs. 
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In addition, Hydro One is directed: 

• To submit, by August 4, 2015, to the OEB and intervenors of record in this 
application, a plan for the elimination of the seasonal class, including 
recommendations for a phase-in period or other mitigation for customers 
expected to experience a bill impact greater than 10%, and a proposal for billing 
frequency. 

• To apply to adjust its street lighting rates at the earliest opportunity during which 
rate changes are being considered. 
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17.0 IMPLEMENTATION AND ORDER 

The OEB directs Hydro One to file a Draft Rate Order reflecting the OEBs findings in 
this Decision, complete with detailed supporting material, including: 
 

• all relevant calculations showing the determination of the revenue requirements 
for 2015 to 2017; 

 
• a schedule (or schedules) clearly showing the allocation of the revenue 

requirements from this Decision to the customer classes for 2015 to 2017, 

 
• a schedule (or schedules) clearly showing the calculation of the rate rider that is 

to collect the lost revenue from January 1, 2015 to April 30, 2015. 

 
• a schedule of final rates and all approved rate riders, including bill impacts (in a 

table similar to that filed at ExhibitG2/Tab4/Schedule1), and a calculation 
showing reconciliation of the total revenues by class to the revenue 
requirements. 

 
• a detailed plan on how Hydro One will address rate mitigation that may be 

necessary when the approved rates are implemented. 

 
• any other documentation that would assist Intevenors, OEB staff and the OEB in 

their consideration of the proposed Draft Rate Order. 

 
The Ontario Energy Board Orders That:  
 

1. Hydro One shall file with the OEB, and forward to all intervenors, a Draft Rate 
Order that includes all items listed above, including revised models in Microsoft 
Excel format as appropriate and a proposed Tariff of Rates and Charges 
reflecting the OEB’s findings no later than March 25, 2015. 
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2. Hydro One will present its Draft Rate Order and supporting materials to OEB staff 
and Intervenors at a Technical Conference to be held on April 1, 2015 in the 
OEB’s hearing room at the OEB Offices at 2300 Yonge Street, Toronto beginning 
at 9:30 am.  Hydro One should endeavour to have staff available to address any 
questions or comments provided by Intervenors or OEB staff. 

 

3. Board staff and intervenors shall file any comments on the Draft Rate Order with 
the OEB with Hydro One no later than April 6, 2015.  

 

4. Hydro One shall file with the OEB, and forward to intervenors, responses to any 
comments on its Draft Rate Order no later than April 10, 2015. 

 

5. Hydro One shall file with the OEB and forward to intervenors a revised Draft Rate 
Order no later than April 16, 2015. 

 
All filings to the OEB must quote the file number, EB-2013-0416, be made through the 
OEB’s web portal at https://www.pes.ontarioenergyboard.ca/eservice/ ,and consist of 
two paper copies and one electronic copy in searchable / unrestricted PDF format. 
Filings must clearly state the sender’s name, postal address and telephone number, fax 
number and e-mail address. Parties must use the document naming conventions and 
document submission standards outlined in the RESS Document Guideline found at 
http://www.ontarioenergyboard.ca/OEB/Industry. If the web portal is not available 
parties may email their documents to the address below. Those who do not have 
internet access are required to submit all filings on a CD in PDF format, along with two 
paper copies. Those who do not have computer access are required to file 7 paper 
copies.  
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ADDRESS  
 
Ontario Energy Board  
P.O. Box 2319  
2300 Yonge Street, 27th Floor  
Toronto ON M4P 1E4  
Attention: Board Secretary  
 
E-mail: boardsec@ontarioenergyboard.ca  
Tel: 1-888-632-6273 (Toll free)  
Fax: 416-440-7656  
 
 
DATED at Toronto, March 12, 2015  
 
ONTARIO ENERGY BOARD  
 
Original signed by  
 
Kirsten Walli  
Board Secretary 
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18.0 APPENDICES      

 
Appendix 1 –The Proceeding, Participants and Witnesses 
Appendix 2 – Oral Decision on City of Hamilton motion, September 16, 2014 
 
 
 
APPENDIX 1 
THE PROCEEDING, PARTICIPANTS AND WITNESSES 
 
THE PROCEEDING 
 
On December 19, 2013, Hydro One filed an application with the Ontario Energy Board 
under section 78 of the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Schedule B 
for an order or orders approving distribution rates for a five year period, commencing 
January 1, 2015. 
 
The OEB issued a Notice of Application on January 24, 2014. In response to the Notice, 
the OEB received 19 requests for intervenor status. The OEB approved 18 of these 
interventions.  
 
The OEB also received 13 Letters of Comment from ratepayers across Ontario, the vast 
majority expressing concern with the high level of the proposed rate increases.  In 
addition, the OEB received resolutions from 42 Ontario municipalities, expressing 
concern over electricity rate increases. 
 
Hydro One updated its pre-filed evidence in this case on January 30, 2014 and provided 
a further update on May 30, 2014. At the applicant’s suggestion, the OEB held a series 
of three transcribed technical conferences on April 1, 10 and 23 and also held a 
transcribed session on May 12, 2014 during which Hydro One senior management 
made a presentation on the application. 
 
The OEB approved an issues list for this case on May 20, 2014. Following an 
interrogatory process, a further technical conference was held on July 21 and 22, 2014. 
A settlement conference was held on July 28, 2014 but no settlement was achieved. 
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Motion and Decision 
On September 4, 2014, the City of Hamilton filed a motion requesting an order freezing 
the rates of Hydro One for the street lighting class at 2014 levels or setting these rates 
as interim in this proceeding.  The OEB heard the motion on September 12, 2014 and 
on September 16, 2014 gave an oral decision denying the motion.  A copy of this 
decision is attached as Appendix 2. 
 
The oral hearing for this proceeding began on September 8, 2014.  On that date the 
OEB granted an interim exemption from section 7.5.2 of the DSC. The evidentiary 
portion of the hearing concluded on September 18, 2014. Hydro One presented oral 
argument-in-chief on September 24, 2014. The OEB received submissions from OEB 
staff and fifteen intervenors. The record closed with receipt of reply argument from 
Hydro One on October 27, 2014. 
 
Decision on Interim Rates 
On December 18, 2014, the OEB acknowledged that the OEB’s decision may not be 
issued until after the proposed effective date of January 1, 2015 and declared Hydro 
One’s current approved distribution rates interim as of January 1, 2015 pending the 
Board’s final decision on the application. 
 
In the decision on interim rates, the OEB also granted Hydro One’s request to 
discontinue collection of revenue through the Regulation 330/09 renewable connection 
funding adder from provincial ratepayers as of December 31, 2014.  
 
PARTICIPANTS  
 
A list of participants and their representatives who were active either at the oral hearing 
or at another stage of the proceeding is shown below.  A complete list of intervenors is 
available at the OEB’s offices. 
 
OEB Counsel and Staff (OEB staff)   Jennifer Lea, Harold Thiessen, 

    Lisa Brickenden, Leila Azaiez,  
    Keith Ritchie, Stephen Cain 

 
Hydro One Networks Inc. (Hydro One)   Don Rogers, Anita Varjacic 
 
Society of Energy Professionals (SEP)   Bohdan Dumka, Vicki Power 
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Consumers Council of Canada (CCC)   Julie Girvan 
 
Canadian Manufacturers and Exporters (CME)  Emma Blanchard, Vince DeRose 
 
Association of Major Power Consumers of Ontario Shelley Grice 
(AMPCO) 
 
Energy Probe Research Foundation (EP)  Roger Higgin, Brady Yauch 
 
School Energy Coalition (SEC)    Mark Rubenstein, Jay Shepherd 
 
Green Energy Coalition GEC)    David Poch 
 
Vulnerable Energy Consumers’ Coalition (VECC) Michael Janigan 
 
Power Workers’ Union (PWU)    Richard Stephenson 
 
Ontario Federation of Agriculture (OFA)   Ted Cowan 
 
Individual Intervenor     Patrick Hurley 
 
Federation of Ontario Cottagers Associations (FOCA) John McGee 
 
Balsam Lake Coalition (BLC)    Nicholas Copes, Michael 

Buonaguro 
 
Sustainable Infrastructure Alliance (SIA)   Dionisio Rivera 
 
 
WITNESSES 
 
Eleven witnesses testified at the oral hearing.   
 
Witnesses called by Hydro One (all Hydro One employees): 
 
Susan Frank, Vice-President and Chief Regulatory Officer 
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Michael Winters, Senior Vice-President - Engineering and Construction 
 
Glenn Scott, Director - Business Planning and Financial Support 
Sandy Struthers, Chief Administration Officer and Chief Financial Officer 
Samir Chhelavda, Director – Corporate Accounting and Reporting 
Sam Amodeo, Manager - Productivity, ISD Support & NEB 
 
Tom Irvine, Director – Network Operating Division 
Paul Brown, Director - Distribution Asset Management Planning 
Kelly Kingsley, Manager – Customer Care 
 
Stanley But, Manager - Economics and Load Forecasting 
Henri Andre, Manager - Transmission & Distribution Pricing, Regulatory Affairs, 
Corporate & Regulatory Affairs 
 
Witnesses called by intervenors: 
 
For the Ontario Federation of Agriculture: Ted Cowan 
 
The Green Energy Coalition filed evidence but witness William Marcus did not appear at 
the oral hearing. 
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APPENDIX 2 
ORAL DECISION ON CITY OF HAMILTON MOTION, SEPTEMBER 16, 2014 
TR Volume 6, September 16, 2014, p. 98 

RULING: 

MR. QUESNELLE:  As I mentioned before the lunch break, the Board has made a 

determination on the motion by the city of Hamilton heard on Friday, September 12th, 

2014. 

 The city of Hamilton brought the motion for an order freezing the rates of Hydro 

One Networks for the street lighting class at the 2014 levels, for a period to be 

determined by the Board, or in the alternative, an order requiring that the rates for street 

lighting class, as they may be determined in EB-2013-0416, be interim and be 

reconsidered and, if necessary, reset following the outcome of the Board's 

considerations in EB-2012-0383. 

 

 The grounds submitted for the motion included the following: 

"In its report of the Board entitled 'Review of the Board's cost allocation 

policy for unmetered loads', EB-2012-0383, dated December 19th, 2013, 

the Board stated that:  'The revenue to cost ratio range for the street 

lighting rate class should not be narrowed unless there was sufficient 

evidence as to the correct methodology for setting street lighting rates, 

and further investigation was necessary before making a determination as 

to the allocation of costs to daisy-chain configured systems.' 

 

 The city of Hamilton submitted that those stated requirements for sufficient 

evidence and further investigation before setting rates for the street lighting class have 

not been fulfilled.  The city noted that the Board has, by letter dated August 21st, 2014, 

given notice of its intention to undertake a study of, among other things, the 

appropriateness for the application of existing methods of cost allocation to various 

street light system configurations, and to update the Board's cost allocation model with 
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respect the cost allocation to various street lighting system configurations. 

 

 The city submitted that in light of the Board's statements in EB-2012-0383 and in 

light of the commencement of the study, it would be premature and unfair to the city of 

Hamilton to set HONI's rates for the street lighting class until the study has been 

completed. 

 

 No other party supported the motion.  The motion is opposed by Hydro One, the 

Vulnerable Energy Consumer Coalition, School Energy Coalition, Canadian 

Manufacturers and Exporters, Consumers Council of Canada, and Board Staff. 

 

 In support of its motion, the city argued that the Board's report in EB-2012-0383 

established that the Board's expectation that rates for street lighting services would 

remain unchanged until further investigation had been completed. 

 

 The Vulnerable Energy Consumers Coalition and some others submitted that the 

city's interpretation of the report is incorrect, and that the Board had simply determined 

that there was insufficient evidence to narrow the Board's revenue to cost ratio range for 

street lighting class for all distributors. 

 

 Those opposed to the motion also submitted that the Board routinely initiates 

policy considerations or policy reviews that have the potential to alter the rate-setting 

methodologies that are in place, and that the Board has not in the past set the current 

rates as interim or freeze rates in anticipation of a potential change to the rates.  Those 

opposed to the motion submitted that to do so would be unworkable and result in 

ongoing uncertainty with respect to rates paid by customers of all rate classes. 

 

 The Board accepts the arguments of those opposed to the motion on both the 

interpretation of the Board's intent in the report of the Board, and the manner in which 
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the Board should deal with current rates during reviews of rate-setting policies. 

 

 The Board's report clearly states that the revenue to cost range should not be 

allowed due to lack of evidence that would suggest otherwise.  The Board's various 

revenue to cost ranges were originally set in 2007 and have been narrowed for different 

classes at different stages as the cost allocation policy of the Board has evolved over 

time.  The Board has not refrained from setting final rates, even though the ranges have 

been known to be in a state of flux.  The Board considers certainty of rates paid at the 

time of system use to be a very important attribute of a fair and reasonable ratemaking 

scheme. 

 

 The Board will hear and consider Hydro One's evidence with respect to rates for 

the street lighting class, and make its determination giving due regard to the fact that a 

review of the class allocation methodology for street lighting has been initiated. 

 The motion brought by the City of Hamilton is denied. 
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IN THE MATTER OF the Ontario Energy Board Act 1998, 
S.O.1998, c.15, (Schedule B); 
 
AND IN THE MATTER OF an Application by Union Gas 
Limited for an Order or Orders approving or fixing just and 
reasonable rates and other charges for the sale, distribution, 
transmission and storage of gas commencing January 1, 
2013. 
 
BEFORE: Marika Hare 

Presiding Member 
 

    Karen Taylor 
    Board Member 

 
 

DECISION AND RATE ORDER 
January 17, 2013 

 
Union Gas Limited (“Union”) filed an application on November 10, 2011 with the Ontario 
Energy Board (the “Board”) under section 36 of the Ontario Energy Board Act, 1998 for 
an order of the Board approving or fixing rates for the distribution, transmission and 
storage of natural gas, effective January 1, 2013 (the “Application”).  The Board 
assigned file number EB-2011-0210 to the Application and issued a Notice of 
Application on December 1, 2011.   This is the first cost-of-service application for setting 
rates since 2007.  From 2008 to 2012 rates were set under an Incentive Regulation 
Mechanism (“IRM”) which adjusted rates through a mechanistic formula. 
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The Board issued its Procedural Order No. 1 on January 11, 2012, which established 
the approved list of intervenors for this proceeding. The list included: 
 

• Association of Power Producers of Ontario (“APPrO”) 
• Building Owners and Managers Association Toronto (“BOMA”) 
• Canadian Manufacturers and Exporters (“CME”) 
• City of Kitchener (“Kitchener”)  
• Consumers Council of Canada (“CCC”) 
• Enbridge Gas Distribution Inc. (“Enbridge”) 
• Energy Probe Research Foundation (“Energy Probe”) 
• Federation of Rental-housing Providers of Ontario (“FRPO”) 
• Industrial Gas Users Association (“IGUA”) 
• Jason F. Stacey 
• Just Energy Ontario LP (“Just Energy”) 
• London Property Management Association (“LPMA”) 
• Ontario Association of Physical Plant Administrators (“OAPPA”) 
• Ontario Power Generation (“OPG”) 
• School Energy Coalition (“SEC”) 
• Six Nations Natural Gas Company Limited (“SNNG”) 
• Shell Energy North America (Canada) Inc. (“Shell Energy”)  
• TransAlta Generation Partnership (“TransAlta Generation”) 
• TransAlta Cogeneration LP  (“TransAlta Cogeneration”)  
• TransCanada Pipelines Limited (“TCPL”)  
• TransCanada Energy Limited (“TCE”) 
• Vulnerable Energy Consumers Coalition (“VECC”). 

 
The Board also determined that APPrO, BOMA, CME, CCC, Energy Probe, FRPO, 
IGUA, LPMA, OAPPA, SEC, and VECC are eligible to apply for an award of costs under 
the Board’s Practice Direction on Cost Awards. 
 
Union filed its Application on the basis of US Generally Accepted Accounting Principles 
(“USGAAP”). At the same time, Union sought approval to move to USGAAP from 
Canadian GAAP as part of this Application. The Board decided to first deal with Union’s 
request for the adoption of USGAAP for regulatory purposes (the “Preliminary Issue”) 
prior to processing the Application in accordance with the Addendum to Report of the 
Board: Implementing International Financial Reporting Standards in an Incentive Rate 
Mechanism Environment (the “Addendum Report”). 
 
In Procedural Order No. 1 the Board established a timeline for interrogatories, 
interrogatory responses, submissions, and reply submissions related to the Preliminary 
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Issue in advance of further procedural steps. In addition, the Board adopted the 
evidence related to the USGAAP issue from Union’s 2012 IRM Proceeding EB-2011- 
0025 (the “Adopted Evidence”). 
 
Submissions were received from the LPMA, CCC, SEC, CME, APPrO and Board staff. 
LPMA, CCC, SEC and Board staff supported the request by Union for the adoption of 
USGAAP for regulatory purposes. CME and APPrO were also supportive of Union’s 
request but provided some proposed conditions of approval. 
 
The Board issued its Decision on the Preliminary Issue and Procedural Order No. 
2 on March 1, 2012. The Board granted Union approval to use USGAAP for regulatory 
purposes. The Board also set out the timelines for the Issues Conference, Issues Day 
Hearing, filing of interrogatories and responses to interrogatories by Union in this 
Procedural Order. 
 
Procedural Orders No. 3 and No. 4 set timelines for the next procedural steps, including 
setting dates for the Technical Conference and the Settlement Conference. 
 
The Board revised some of the timelines for interrogatories and filing intervenor 
evidence in Procedural Order No. 5 after considering a letter filed by TCPL that 
requested revised dates to accommodate timelines related to the hearing of its 
application before the National Energy Board. 
 
TCPL filed a Notice of Motion on May 17, 2012. The Motion requested the following:  
 

1) An Order requiring Union to provide proper answers to the Interrogatories 
identified in Appendix “A” to the Notice of Motion, or such other information as 
the Board considers appropriate.  

 
2) An Order requiring Union to file with the Board unredacted copies of pages in 

Interrogatory Responses that were filed in redacted form as part of Union’s 
Interrogatory Responses to TCPL, so that the Board could assess the 
reasonableness of the claims for confidentiality and make such order as it 
considers appropriate in that regard.  
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The Board in Procedural Order No. 6, issued on May 18, 2012, decided that it would not 
hear the second request as part of the TCPL Motion as there were other exhibits, not 
mentioned in TCPL’s Motion, which were filed under confidential cover. The Board in 
Procedural Order No. 6 established a separate process for reviewing Union’s claims for 
confidentiality. 
 
The Board heard the Motion filed by TCPL by way of written hearing.   Procedural Order 
No. 6 made provision for all parties to the proceeding to file submissions on the merits 
of TCPL’s Motion and for TCPL to file reply submissions. This process was completed 
on June 8, 2012. 
 
TCPL, BOMA and Union filed submissions on TCPL’s Motion. The interrogatory 
information sought by TCPL related primarily to Union’s Parkway West project which 
purports to provide for loss of critical unit protection at Parkway. 
 
With respect to the Parkway West project questions, TCPL’s position was that the 
information that it was seeking was necessary for the Board to evaluate the 
reasonableness of Union’s proposed capital expenditures. Union submitted that the 
information requested by TCPL was not relevant to Union’s Application as the Parkway 
West project would not come into rate base until 2014 and did not impact 2013 rates. 
Union’s position was that providing such further information could have no bearing on 
deciding the issues before the Board in this Application.  
 
BOMA’s submissions largely supported TCPL’s request for Union to provide answers to 
the TCPL Parkway West interrogatories. 
 
The Board in its Decision dated June 15, 2012, granted the Motion and required Union 
to provide responses to the interrogatories.   
 
With respect to the relevance of the Parkway West interrogatories, the Board indicated 
that a review of the forecast capital spending plan was a conventional aspect of a cost 
of service rebasing process. The Board recognized that the specific projects that were 
the focus of the interrogatories at issue were not expected to close to rate base within 
the test year, and that the Board was not conducting a review of the projects for 
approval.   However, the Board has commonly reviewed capital spending forecasts as 
part of a cost of service review, and determined that it would do so in this case.  
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The Board noted that the proposed projects may have important implications for Union’s 
operations during the following year, in particular if Union is again entering into an 
incentive regulation regime for rate-setting. The Board indicated that it would be remiss 
in considering this cost-of-service application if it did not ensure that it had as clear a 
picture as possible of the significant developments likely to arise within the next 
regulatory rate-setting period. 
 
On the issue of confidentiality, the Board determined that, except for the benchmarking 
studies, the information that Union proposed to redact was not confidential, and that the 
full and unredacted versions should form part of the public record. With respect to the 
benchmarking studies, the Board agreed with Union that the specific rankings of the 
studies’ participants (other than Union) should not be on the public record, and therefore 
allowed the redactions.  However, the Board required that the list of the participants to 
the studies be made public where it was included in the study. The Board noted that in 
assessing the relevance of a benchmarking study, it was important that the 
“comparators” be known. 
 
As per Procedural Order No. 4, a Settlement Conference was held from June 6 to June 
18, 2012 between Union and intervenors to settle some or all issues. In broad terms, 
the parties reached an agreement with respect to rate base and cost of service for the 
test year, being the issues under headings Exhibit B – Rate Base and Exhibit D – Cost 
of Service, respectively, with the exception of matters pertaining to Gas Supply Planning 
(Issue 3.14) and capital expenditures relating to Parkway West (Issue 1.1).  The parties 
also reached agreement on several other issues, each of which were separately 
identified as settled in the Settlement Agreement.  As a result of the Settlement 
Agreement, the updated revenue deficiency proposed by Union was reduced to $54.524 
million from $71.4 million.  The Board considered and accepted the Settlement 
Agreement as reasonable. 
 
The Board issued a Decision and Order on the remaining issues in Union’s 2013 rates 
proceeding on October 25, 2012. In the Decision, the Board ordered Union to file a Draft 
Rate Order within 42 days of the date of the Decision.  
 
In Procedural Order No. 8 and Interim Rate Order (“Procedural Order No. 8”) issued on 
November 26, 2012, the Board noted that Union filed a letter on November 21, 2012 
requesting a one week extension to file the Draft Rate Order in order to incorporate 
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changes related to the January 1, 2013 Quarterly Rate Adjustment Mechanism 
(“QRAM”) application into its Draft Rate Order. The Board accepted Union’s request and 
granted the requested extension. The Board also set out the revised timeline for the 
filing of comments on the Draft Rate Order by intervenors and Board staff. 
 
In Procedural Order No. 8, the Board also ordered that Union’s current rates be made 
interim until the Board issues a Rate Order determining 2013 rates. 
 
Union filed the Draft Rate Order on December 13, 2012. The Board received comments 
on Union’s Draft Rate Order from Board staff and intervenors in accordance with the 
timeline set in Procedural Order No. 8. The Board also received reply comments from 
Union.  
 
Union filed an updated Draft Rate Order on January 10, 2013 reflecting some revisions 
proposed by Board staff and LPMA in their comments on the Draft Rate Order.  
 
The Board is of the view that the Updated Draft Rate Order filed on January 10, 2013 
accurately reflects the Board’s findings in its October 25, 2012 Decision and Order and 
the revised Settlement Agreement filed on July 24, 2012 (and approved by the Board on 
July 25, 2012). As such, the Board approves Union’s Updated Draft Rate Order.  
 
Storage and Transportation (“S&T”) Allocation Methodologies 
 
In the EB-2011-0210 Decision and Order, the Board found that Union’s use of S&T 
margin as a rate design tool to manage rate impacts, rate continuity and revenue-to-
cost ratios is not appropriate, and that S&T margin should be allocated to rate classes 
on the basis of sound regulatory principles. The Board noted that there are three sub-
categories for S&T margin: Long-Term Transportation-related S&T margin, Short-Term 
Transportation-related S&T margin and Storage and Other Balancing Services-related 
S&T margin, and directed Union to file allocation methodologies for the above noted 
sub-categories, which reflect regulatory principles.1  
 
Long-Term and Short-Term Transportation-related S&T Margin 
 

                                            
1 Union Updated Draft Rate Order, January 10, 2013 at p. 2. 



Ontario Energy Board      EB-2011-0210 
        Union Gas Limited 

Decision and Rate Order  7 
January 17, 2013 

The long-term and short-term transportation-related S&T margin to be allocated to in-
franchise ratepayers is $3.314 million and $6.291 million respectively, for a total of 
$9.605 million. 
 
Union proposed to allocate long-term and short-term transportation-related S&T margin 
between Union North and Union South operating areas in proportion to forecasted 2013 
distance weighted available capacity on the Dawn-Parkway and Ojibway/St. Clair 
transmission systems. 
 
Union proposed to allocate the long-term and short-term transportation-related S&T 
margin to Union North rate classes in proportion to the 2013 Board-approved excess of 
peak day demand over average day demand (XSPK&AVG allocator). This approach is 
consistent with the allocation of 2013 Dawn-Trafalgar Easterly demand costs to Union 
North rate classes. 
 
Union proposed to allocate the long-term and short-term transportation-related S&T 
margin to Union South rate classes in proportion to EB-2011-0210 design (peak) day 
demand. 
 
Union noted that its proposal is consistent with the methodology approved by the Board 
in EB-2008-0034 (Union’s 2007 Deferral Account disposition proceeding) to allocate the 
Transportation and Exchange Services deferral account (No. 179-69) to rate classes.2 
 
Board staff submitted that it supports Union’s proposed allocation methodologies for 
allocating the long-term and short-term transportation-related S&T margins as they 
reflect established regulatory principles.3 No other parties commented on this issue.  
 
Storage and Other Balancing Services-related S&T Margin 
 
The storage and other balancing services-related S&T margin to be allocated to in-
franchise ratepayers is $4.551 million. 
 
Union proposed to allocate storage and other balancing services-related S&T margin 
between the Union North and Union South operating areas in proportion to the 

                                            
2 Ibid at p. 3.  
3 Board Staff Comments on Draft Rate Order, December 31, 2012 at p. 2.  
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allocation of storage space related costs per the 2013 Board-approved 
STORAGEXCESS allocator. 
 
Union proposed to allocate the storage and other balancing services-related S&T 
margin to Union North rate classes in proportion to the 2013 Board-approved excess of 
peak day demand over average day demand (XSPK&AVG allocator). This approach is 
consistent with the allocation of 2013 storage demand costs to Union North rate 
classes. 
 
Union proposed to allocate the storage and other balancing services-related S&T 
margin to Union South rate classes in proportion to EB-2011-0210 design (peak) day 
demand. 
 
Union noted that its proposal is consistent with the methodology approved by the Board 
in EB-2011-0038 (Union’s 2010 Deferral Account disposition proceeding) and proposed 
by Union in EB-2012-0087 (Union’s 2011 Deferral Account disposition proceeding) to 
allocate the balance in the Short-Term Storage and Other Balancing Services deferral 
account (No. 179-70) to rate classes.4 
 
Board staff submitted that it supports Union’s proposed allocation methodologies for 
allocating the storage and other balancing services-related S&T margin as they reflect 
established regulatory principles.5 No other parties commented on this issue.  
 
Board Findings  
 
The Board approves Union’s proposed allocation methodologies for allocating the S&T 
margins (Long-Term & Short-Term Transportation-related S&T margins and Storage & 
Other Balancing Services-related S&T margins) as they reflect established regulatory 
principles.  
 
Optimization Margin 
 
In its EB-2011-0210 Decision, the Board ordered the establishment of a new gas supply 
variance account in which 90% of all optimization margin not otherwise reflected in the 
revenue requirement are to be captured for the benefit of the ratepayers and directed 

                                            
4 Union Updated Draft Rate Order, January 10, 2013 at pp. 3-4.  
5 Board Staff Comments on Draft Rate Order, December 31, 2012 at p. 3.  
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Union to file a proposal to allocate the balance of the new gas supply variance account 
to in-franchise customers, including direct purchase customers in the North. 
 
Union proposed to allocate FT-RAM net revenues between Union North and Union 
South based on the upstream transportation contracts used to serve each delivery area. 
FT-RAM net revenues generated using upstream transportation long-haul contracts and 
STS contracts designed to serve Union North (with delivery points of SSMDA, WDA, 
NDA, NCDA and EDA) will be allocated to Union North. FT-RAM net revenues 
generated using upstream transportation long-haul contracts designed to serve Union 
South (the CDA delivery point) will be allocated to Union South. Specifically, with 
respect to capacity assignments, the revenue from each capacity assignment was 
attributed to either the Union North or Union South based on the delivery point. 
With respect to FT-RAM optimization, the total revenue earned from all optimization will 
be allocated based on the quantity of transportation capacity optimized, either North or 
South. 
 
Union proposed that the portion of optimization margin related to Union North be 
allocated to rate classes in proportion to the allocation of 2013 Board-approved TCPL 
FT transportation demand costs. This approach ensures that optimization margin is 
allocated to North rate classes consistent with the manner in which FT transportation 
demand costs are recovered in approved gas supply transportation rates (i.e. North 
sales service and bundled direct purchase customers). 
 
Union noted that the portion of optimization margin related to Union South is applicable 
to sales service customers only. Accordingly, Union proposed to allocate the portion of 
the balance related to Union South to sales service customers based on sales service 
volumes. This approach is consistent with the manner in which Union allocates the 
Unabsorbed Demand Cost (“UDC”) Variance Account balance applicable to Union 
South to sales service customers. 
 
Union noted that this approach is consistent with the methodology proposed by Union in 
EB-2012-0087 (Union’s 2011 Deferral Account disposition hearing).6 
 
CME submitted that, in the DRO, Union has interpreted the findings in the Decision and 
Order (at pages 39 and 40) to require that revenues realized from optimizing assets, 
other than Union’s upstream supply portfolio held to serve its in-franchise bundled 
                                            
6 Union Updated Draft Rate Order, January 10, 2013 at pp. 4-5.  
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customers, be classified as gas supply with 90% thereof to be held for the benefit of 
ratepayers as gas supply cost reductions. CME questioned whether Union’s 
interpretation is the appropriate interpretation of the Board’s findings. 
 
CME stated that the evidence at the hearing indicated that Union engaged in 
optimization activities using assets outside of the ambit of its upstream supply portfolio 
held to serve in-franchise customers. Assets used to support such optimization activities 
included Union’s integrated transmission, storage and distribution assets, with or 
without incremental upstream transportation that Union acquired outside of the ambit of 
its Gas Supply Plan to support such transactions. These optimization activities that take 
place outside of the ambit of the gas supply portfolio held by Union to serve its in-
franchise customers include base exchanges. 
 
CME noted that in the Board’s findings at page 39 of its Decision and Order, the Board 
accepted Union’s definition of gas supply portfolio optimization which is confined in 
scope to the optimization of the gas supply portfolio that Union holds to serve its in-
franchise bundled customers. CME stated that the incremental upstream transportation 
that Union acquires to support base exchanges that in turn depend upon the existence 
of Union’s other integrated assets is not part of the gas supply portfolio that Union holds 
to serve its in-franchise customers. The amounts that Union spends on incremental 
upstream transportation to support base exchanges are not charged to ratepayers 
through any Gas Supply Deferral Accounts. They are third party costs incurred to 
support optimization activities unrelated to the gas supply portfolio that Union holds to 
serve in-franchise customers. As such, CME submitted that base exchanges do not fall 
within the ambit of the definition of gas supply portfolio optimization that the Decision 
adopts. 
 
Having regard to the foregoing, CME submitted that the Gas Supply Variance Account 
described in the Decision and Order at the bottom of page 39 is limited in scope to 
optimization activities in which Union engages using the upstream transportation it holds 
to serve its in-franchise customers. 
 
CME submitted that other optimization activities, including the revenues from base 
exchanges net of all third-party costs, including incremental transportation acquired 
outside of the ambit of Union’s Gas Supply Plan, are to be brought into revenue 
requirement and allocated to rate classes in the North and South on the basis of sound 
regulatory principles. 
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CME submitted that net revenues from the optimization of assets other than the 
upstream gas supply portfolio that Union holds to serve its in-franchise customers 
should be classified and allocated on the basis of sound regulatory principles. CME 
stated that it understands that these assets are paid for by all ratepayers through their 
delivery rates and, accordingly, the benefits of these optimization activities should flow 
to all ratepayers. CME submitted that Union’s classification of the $9.1M of forecast 
base exchange revenues for 2013 as a gas supply-related amount to be allocated only 
to those rate classes who pay for the gas supply portfolio that Union holds for in-
franchise customers is incompatible with the definition of gas supply portfolio 
optimization adopted in the Board’s Decision and Order. 
 
CME submitted that the $9.1M of forecast base exchange revenues should be treated 
differently than the gas supply portfolio optimization margins.7   
 
Board staff supported Union’s proposed allocation methodologies for allocating the 
optimization margin as they reflect established regulatory principles. Board staff 
submitted that Union’s proposed allocation methodologies, discussed above, should be 
used to allocate the forecast optimization margin to rate classes for 2013 and should 
also be used to allocate the optimization margin that accrues in the new gas supply 
variance account to rate classes going forward.  Board staff noted that if the Board 
agrees with Board staff’s proposition that the same methodology should be used for 
allocating both the forecast 2013 margin and the margin that accrues in the variance 
account, then Directive #128 in Appendix F of the Draft Rate Order can be deleted.   
 
Board staff also noted that it had an opportunity to briefly review CME’s comments on 
the Draft Rate Order.  
 
Board staff noted that on page 117 of its October 25, 2012 Decision, the Board stated: 
 

As ordered previously, the amount built into rates related to gas supply 
optimization is 90% of Union’s 2013 forecast of base exchanges and 90% 
of half of Union’s FT-RAM 2013 forecast. 

 
Board staff submitted that the Board’s intent, in its October 25, 2012 Decision, was that 
margins related to base exchanges and other upstream transportation optimization 

                                            
7 CME Comments on Draft Rate Order, December 31, 2012 at pp. 4-5.  
8 Directive #12 states: File a proposal to allocate the balance of the new gas supply variance account to 
in-franchise customers, at the time an application is filed with the Board to clear this account. 
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activities (i.e. FT-RAM activities) be treated in the same manner (i.e. as gas supply cost 
reductions). As such, Board staff submitted that Union has appropriately interpreted the 
Board’s findings on this issue.9    
 
In its reply comments on the Draft Rate Order, Union stated that the premise of CME’s 
view is contrary to the Board’s Decision and the evidence at the hearing that there is no 
distinction between base exchanges and FT-RAM related exchanges other than the use 
of the FT-RAM program in the latter case. Union noted that, at page 25 of the Board’s 
Decision and Order, the Board indicated that “exchange revenue is comprised of activity 
using Union’s upstream transportation capacity to provide exchange services to third 
parties. It also includes net revenue generated from pipe releases or revenue from [FT-
RAM] program.”  
 
Union also noted that page 39 of the Decision provides:  
 

Consistent with the long-standing principle that a gas utility should not 
profit from the procurement of gas supply for its in-franchise customers, 
and to eliminate the creation of inappropriate incentives during the test 
year, the Board finds that the optimization activities, as defined below, are 
to be considered part of gas supply, not part of transactional services.  
The Board reiterates that gas supply costs refer to both the upstream gas 
cost, including fuel gas, and the cost (rate multiplied by contract volume) of 
upstream transportation that is required to deliver gas supply to Union’s in-
franchise customers in the North and South Delivery Areas.  
 
Consistent with the description provided by Union, the Board will define 
optimization as any market-based opportunity to extract value from the 
upstream supply portfolio held by Union to serve in-franchise bundled 
customers, including, but not limited to, all FT-RAM activities and 
exchanges.  

 
Union submitted that exchange revenues are created by Union optimizing its upstream 
transportation contracts and its integrated assets. The upstream transportation 
contracts held by Union are to provide services to in-franchise customers, including all 
sales service customers and bundled direct purchase customers in Union North. As 
noted above in the Board’s Decision, optimization revenue is defined as any opportunity 
or transaction that uses Union’s in-franchise upstream portfolio. Union submitted that 
considering all upstream transportation contracts are held for in-franchise customers, 

                                            
9 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 4-5.  
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the optimization revenues generated from those assets are to be included as part of the 
gas supply plan.   
 
Union submitted that it is clear that the Board required Union to include all exchange 
revenues, both base exchange revenues and FT-RAM revenues as gas cost 
reductions.10 
 
Board Findings 
 
The Board approves Union’s proposed allocation methodologies for allocating the 
optimization related margins as they reflect established regulatory principles. The Board 
directs Union to use the above noted allocation methodologies to allocate the forecast 
optimization margin to rate classes for 2013 and to allocate the optimization margin that 
accrues in the new gas supply variance account to rate classes going forward. The 
Board notes that Directive #12 included as part of the Draft Rate Order has been 
deleted as Union will use the same methodology to allocate the forecast optimization 
margin to rate classes for 2013 as it will use to allocate the optimization margin that 
accrues in the new gas supply variance account to rate classes going forward. 
 
Transportation Tolls and Fuel – Northern and Eastern Operations Area Deferral 
Account (No. 179-100) and Unabsorbed Demand Cost (“UDC”) Variance Account 
(No. 179-108) 
 
In its Draft Rate Order, Union noted that it proposed, during the oral hearing, that some 
updates be made to certain accounting orders to be consistent with Union’s actual 
accounting treatment for these accounts. Union noted that its Draft Rate Order includes 
revisions to the Transportation Tolls and Fuel – Northern and Eastern Operations Area 
Deferral Account (No. 179-100) and Unabsorbed Demand Cost (“UDC”) Variance 
Account (No. 179-108).11 
 
Board staff supported Union’s updates to the above noted accounts as Union has stated 
that the revised accounting orders better reflects Union’s actual accounting treatment.  
Board staff noted that the Board did not make findings on this issue in its October 25, 
2012 Decision and Order. Board staff stated that the Board should make an explicit 

                                            
10 Union Reply Comments on Draft Rate Order, January 8, 2013 at pp. 8-9.  
11 Union Updated Draft Rate Order, January 10, 2013 at p. 2.  
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finding on this issue in its Decision on the Draft Rate Order.12 No other parties 
commented on this issue.  
 
Board Findings  
 
The Board approves the updates proposed by Union to the accounting orders for the 
Transportation Tolls and Fuel – Northern and Eastern Operations Area Deferral Account 
(No. 179-100) and Unabsorbed Demand Cost (“UDC”) Variance Account (No. 179-108). 
The Board finds that the updates better reflect Union’s actual accounting treatment for 
these accounts.  
 
Short-Term Storage and Other Balancing Services Deferral Account (No. 179-70) 
 
In the Draft Rate Order, Union proposed the following description for the Short-Term 
Storage and Other Balancing Services Deferral Account (No. 179-70) (“Short-Term 
Storage Account”): 
 

 

 
 

Board staff submitted that the accounting order description adequately reflects the 
Board’s findings as it relates to storage encroachment. However, Board staff submitted 
that the language regarding the “utility share” could be better defined.  
 
Board staff noted that, in its October 25, 2012 Decision and Order, the Board stated:  
 

…all revenues generated through the use of the regulated utility storage 
space up to the 100 PJ cap, both planned and the excess over planned, 
should be recorded in the account for sharing with ratepayers. 

 

                                            
12 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 5-6.  
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Board staff submitted that the following update should be made to Union’s 
proposed description for the Short-Term Storage Account (updates are 
underlined): 
 

To record, as a debit (credit) in Deferral Account No. 179-70 the utility 
portion of actual net revenues for Short-term Storage and Other Balancing 
Services, less the 10% shareholder incentive to provide these services 
and less the net revenue forecast for these services as approved by the 
Board for ratemaking purposes. The utility portion of actual net revenues 
for Short-term Storage and Other Balancing Services is determined by 
allocating total margins received from the sale of these services based on 
the utility share of the total quantity of the services sold each calendar 
year. The utility share reflects the transactions supported by utility storage 
space (up to the 100 PJ cap – both planned and excess over planned).13  

 
In its reply comments on the Draft Rate Order, Union accepted Board staff’s proposed 
update to the description for the Short-Term Storage Account.14 No other parties 
commented on this issue.  
 
Board Findings 
 
The Board approves the proposed language for the Short-Term Storage and Other 
Balancing Services Deferral Account (No. 179-70) as updated by Board staff and 
reflected in the revised accounting order filed as part of the Updated Draft Rate Order 
on January 10, 2013.  
  
Upstream Transportation Optimization Deferral Account (No. 179-131)  
 
In its Draft Rate Order, Union proposed the following descriptions (and entries) for the 
Upstream Transportation Optimization Deferral Account (No. 179-131) (“Optimization 
Account”): 
 

                                            
13 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 6-7.  
14 Union Reply Comments on Draft Rate Order, January 8, 2013 at p. 2.  
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Board staff requested that Union explain the entries in the Upstream Transportation 
Optimization Deferral Account as part of its reply comments on the Draft Rate Order.15 
 
In its reply comments on the Draft Rate Order, Union stated that the first entry captures 
the amount of optimization revenue refunded to customers in approved rates. The 
second entry captures the actual optimization to be refunded to ratepayers. The 
resulting balance in the account will be the variance between the actual optimization 
revenue to be refunded and the actual amount refunded in approved rates.  
 
Union stated that the two separate entries are required to ensure the effect of any 
volume-related variance is captured in the deferral account. If Union’s sales service 
volumes are greater than forecast the amount refunded to customers will be higher than 
forecast, similarly, if sales service volumes are less than forecast the amount refunded 
to customers will be lower than forecast. Union noted that accounting for the actual 
volumes in the deferral account ensures there is no gain or loss resulting from the credit 
for upstream optimization included in rates.16 No other parties commented on this issue.  
 
Board Findings  
 
The Board approves the accounting order for the Upstream Transportation Optimization 
Deferral Account (No. 179-131). The Board is of the view that the accounting order 
entries and descriptions adequately reflect the purpose and operation of the account.  

                                            
15 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 7-.8.  
16 Union Reply Comments on Draft Rate Order, January 8, 2013 at p. 2. 
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Closure of Rate Class and Service Offerings  
 
In its Draft Rate Order, Union noted that its rate design evidence included proposals to 
eliminate the wholesale transportation service Rate 77, the contract unbundled service 
offerings (U5, U7, and U9) and the unbundled storage service offerings on the Rate 20 
and Rate 100 rate schedules in Union North effective January 1, 2013. Union proposed 
to eliminate the above noted rate class and service offerings as there are no customers 
forecast to utilize these services in 2013. Union noted that no concerns were raised 
during the interrogatory and hearing processes. As such, Union noted that its Draft Rate 
Order includes the elimination of the above noted rate class and service offerings.17  
 
Board staff supported Union’s proposal to eliminate the above noted rate class and 
services offerings as there are no customers forecast to make use of these services in 
2013. Board staff noted that the Board did not make findings on this issue in its October 
25, 2012 Decision and Order. Board staff stated that the Board should make an explicit 
finding on this issue in its Decision on the Draft Rate Order.18 No other parties 
commented on this issue.  
 
Board Findings  
 
The Board approves the closure of above noted rate class and service offerings as 
there are no customers forecast to utilize these services in 2013.  
 
Rate Mitigation 
 
CME submitted that the Draft Rate Order filed by Union is based on a premise that no 
rate mitigation is necessary. CME questioned whether this premise is appropriate when 
there are many customers in several rate classes that will be facing increases in their 
delivery charges that are well in excess of 10%. 
 
CME stated it accepts that for non-contract customers, total bill impact should be the 
primary guide for determining whether mitigation measures should be adopted. 
However, for contract customers, the situation is different because many of them only 
pay Union for delivery services. CME noted that for many customers, their costs of gas 
supply are the subject matter of a separate bill. CME stated that, in prior cases, the 
Board has considered the magnitude of delivery-related charge increases only in 
                                            
17 Union Updated Draft Rate Order, January 10, 2013 at p. 2. 
18 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 8-9.  
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determining whether large percentage rate increases and off-setting decreases should 
be phased-in as a mitigation measure. Phase-in periods of up to five (5) years have 
been adopted in prior cases. CME urged the Board to consider whether a phase-in of 
the increases and decreases in contract rates over a period of two or more years is 
needed for non-contract customers, having regard to the range of delivery charge 
impacts disclosed in the Draft Rate Order Working Papers.19 
 
The Atlantic Power Corporation submitted that the Board should direct Union to 
consider appropriate rate mitigation measures or potentially reconsider rates for 
customers in light of the large rate increases. 20 
 
Board staff noted that there are no rate classes where the bill impact is greater than 
10% on the total bill. As such, Board staff submitted that no rate mitigation is required.21 
No other parties commented on this issue.  
 
In its reply comments on the Draft Rate Order, Union noted that in the October 18, 2012 
Report of the Board titled Renewed Regulatory Framework for Electricity Distributors: A 
Performance-Based Approach Board’s at Section 2.4:  
 

Rate mitigation has been a policy of the Board since 2000. At that time, 
the Board established a requirement that distributors consider mitigation 
where total bill increases for any customer class exceed 10%. Since only 
consideration and not implementation of mitigation is required, this 
percentage is referred to as a “soft” threshold. The most recent articulation 
of the Board’s mitigation policy confirmed the continuation of the “soft” 
10% threshold for the filing of mitigation plans and provides guidance to 
distributors on preparing those plans. In its mitigation plan a distributor 
may propose any, or no, mitigation mechanism as may be suitable in a 
particular circumstance. 

 
Union noted that, as filed at Working Papers Schedule 17, no rate class has a delivery 
bill impact that is greater than 10% of total bill. As such, Union stated that no rate 
mitigation is necessary.22 
 
Board Findings  
 

                                            
19 CME Comments on Draft Rate Order, December 31, 2012 at p. 6.  
20 Atlantic Power Corporation Comments on Draft Rate Order, January 3, 2013 at p. 1.  
21 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 9.  
22 Union Reply Comments on Draft Rate Order, January 8, 2013 at pp. 9-10.  
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The Board is of the view that the 10% threshold on the total bill is an appropriate 
threshold to apply for the consideration of rate mitigation measures. As the bill impact is 
less than 10% on the total bill for Union’s rate classes, the Board finds that no rate 
mitigation is required. 
 
Customer Notices  
 
CME noted that the Board has stated that one of its priorities is to assure that utility 
customers are better informed about their energy bills. In this context, CME urged the 
Board to carefully review the customer notices that Union asks it to approve. CME noted 
that as the rate impacts in this case vary widely from customer to customer and are the 
outcome of this rebasing proceeding that follows five (5) years of rate setting under the 
auspices of an IRM, the customer notices need to contain sufficient information to 
enable each customer to understand why the rates are changing to the degree that they 
are, particularly in those cases where the rates for customers are increasing 
significantly. 
 
CME submitted that the text of the draft Notices that Union has prepared for its contract 
customers does little, if anything, to help them understand the causes for the rate 
changes that the Board has approved. CME submitted that the text of the customer 
notices should be strengthened in order to convey that information to all contract 
customers and particularly those whose rates are increasing significantly.23 No other 
parties commented on this issue.  
 
In its reply comments on the Draft Rate Order, Union noted that its current rate notices, 
both for general service and contract customers, were developed with Board staff’s 
communications group in 2008. Union stated that the customer notices were developed 
to create a standardized notice that customers would recognize as a communication 
tool informing them that rates are changing.  
 
Union submitted that it will address the need for more detailed explanations with 
customers as follows: 
  

• For general service customers, Union will provide a bill insert that will explain the 
changes in distribution rates for 2013. This insert will be included with the first 
customer invoice for 2013 rates.  

                                            
23 CME Comments on Draft Rate Order, December 31, 2013 at p. 7.  
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• For contract rate customers, Union is not aware of customer concerns related to 
its past communication of rate changes. Union has communicated the 2013 rate 
case proposals at customer meetings throughout 2012. In addition, consistent 
with past practices, Union will explain Board-approved changes in rates via email 
to each contract rate customer. The e-mail communications will be more detailed 
than the customer notices, and will provide an explanation of the major drivers of 
change and rate impacts. Also, consistent with past practices, in response to 
customer requests, Union Account Managers will meet with large contract 
customers on a one-to-one basis to discuss Union’s 2013 rates Decision and 
specific rate impacts.  

 
Union submitted that the customer notices are intended to inform customers that rates 
are changing and the text should not be altered. The customer notices are clear and do 
not confuse the customer. Union stated that its other initiatives including the bill insert, 
emails and face-to-face meetings address CME’s concern about a customer’s lack of 
understanding.24 
 
Board Findings  
 
The Board notes that the customer notices were developed in association with the 
Board’s communications group. The Board believes that the customer notices, as 
proposed by Union, adequately inform customers that rates are changing. The Board is 
of the view that Union’s other initiatives for informing customers, as discussed above, 
will address the concerns raised by CME. As such, the Board approves Union’s 
proposed customer notices.  
 
Rate Implementation  
 
In its Draft Rate Order, Union proposed to implement new rates on February 1, 2013, 
and to dispose of any rate adjustments for the period January 1 to January 31, 2013 to 
rate classes 01, 10, M1 and M2 through a temporary charge or credit in rates between 
February 1, 2013 and December 31, 2013. Union noted that all other rate classes will 
be billed effective January 1, 2013 and therefore no rate adjustment is required.25  
 

                                            
24 Union Reply Comments on Draft Rate Order, January 8, 2013 at pp. 10-11.   
25 Union Updated Draft Rate Order, January 10, 2013 at pp. 1-2. 
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Board staff supported Union’s rate implementation proposal. Board staff submitted that 
the temporary rate riders and disposition period are appropriate.26 No other parties 
commented on this issue. 
 
Board Findings  
 
The Board finds that Union’s rate implementation proposal is appropriate. As such, the 
Board approves Union’s proposal for rate implementation.  
 
THE BOARD ORDERS THAT: 
 
1.  The rate changes set out in Appendix "A" and the rate schedules set out in 

Appendix "B" are approved effective January 1, 2013. Union shall implement these 
rates on the first billing cycle on or after February 1, 2013. With the exception of 
customer-supplied fuel under Rate T1, T2, T3, M12, M13, M16, and C1, variances 
between the rates charged to customers during the period January 1, 2013 to 
January 31, 2013 and the rates approved herein shall form part of the adjustment to 
be recovered from each rate class at the time that new rates are implemented. 

 
For General Service customers served under Rates 01, 10, M1 and M2, Union shall 
dispose of the adjustment amount in each of these rate classes through a 
temporary volumetric rate rider charge/(credit) in rates from February 1, 2013 to 
December 31, 2013 as set out in the temporary price adjustments identified at 
Appendix "H". 

 
2.  In accordance with the EB-2011-0210 Settlement Agreement (item 1.4 at p.5), as 

approved by the Board, 2013 distribution-related rate base shall be reduced by 
$12.0 million. 

 
3.  The cost of gas in delivery rates shall be updated to reflect the Board-approved 

January 1, 2013 Ontario Landed Reference Price of $5.566/GJ ($21.0506 
cents/m3). 
 

4.  In accordance with the EB-2011-0210 Decision and Order a 50:50 blended 
approach of the 20-year declining trend and the 30-year average methodology shall 
be used to derive total Heating Degree Days estimates for 2013. 

                                            
26 Board Staff Comments on Draft Rate Order, December 31, 2012 at pp. 9-10.   
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5.  In accordance with the Board’s EB-2011-0210 Decision and Order 2013 customer 
attachments shall be increased by 800 customers to reflect the customers 
forecasted to attach in Red Lake.  

 
6.  In accordance with the Board’s EB-2011-0210 Decision and Order the 2013 

contract customer demand forecast shall be increased by $2.74 million as follows:  
• Commodity revenue - $1.0 million;  
• Fuel commodity revenue - $0.14 million; 
• Power overrun revenue - $0.5 million; 
• Non-power market overrun revenue - $1.1 million. 

 
7.  In accordance with the Board’s EB-2011-0210 Decision and Order, 90% of the net 

revenue forecast related to short-term storage and balancing shall be reflected in 
2013 rates. Union receives 10% of the margin earned from short-term storage and 
balancing services.  

 
8.  In accordance with the Board’s EB-2011-0210 Decision and Order, the 2013 

revenue forecast shall be increased to reflect FT-RAM activity. The 2013 forecast 
will be increased to reflect 90% of $5.8 million related to FT-RAM forecast, or $5.22 
million. 

 
9.  In accordance with the EB-2011-0210 Settlement Agreement (item 1.6 at p.7), as 

approved by the Board, $0.300 million related to system integrity costs for Union’s 
non-utility storage space shall be excluded from the calculation of short-term 
storage margin available for sharing with ratepayers. 

 
10.  In accordance with the EB-2011-0210 Settlement Agreement (item 2.4 at p.9), as 

approved by the Board, the 2013 S&T forecast shall be increased by $2.0 million for 
St. Clair revenue. 

 
11.  In accordance with the EB-2011-0210 Settlement Agreement (item 3.1 at p.9), as 

approved by the Board, the 2013 O&M budget shall been reduced by $9.550 million 
to $381.417 million. 

 
12.  In accordance with the EB-2011-0210 Settlement Agreement (item 3.10 at p.13), as 

approved by the Board, the forecast of 2013 property tax shall be reduced by 
$0.750 million to $63.272 million. 
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13.  In accordance with the “Report of the Board on the Cost of Capital for Ontario 
Regulated Utilities,” dated December 11, 2009 (EB-2009-0084), the return on equity 
for 2013 shall be calculated using September 2012 actual and forecast bond yields. 
The updated ROE for 2013 is 8.93%. 
 

14.  In accordance with the Board’s EB-2011-0210 Decision and Order, the costs for 
system integrity space related to filled space shall be allocated on the basis of 
storage space requirements. Empty system integrity space reserved for hysteresis 
shall be allocated based on revised storage space excluding non-utility third party 
storage space and system integrity space reserved for the Hagar LNG facility and 
storage hysteresis.  

 
15.  In accordance with the Board’s EB-2011-0210 Decision and Order, Tecumseh 

Metering Assets shall be classified to the demand classification and allocated to 
rate classes based on the design day demand of Dawn compression. 

 
16.  In accordance with the Board’s EB-2011-0210 Decision and Order, Oil Spring East 

Assets shall be functionalized to both storage and transmission. 
 

17.  In accordance with the Board’s EB-2011-0210 Decision and Order the transmission 
classification of Dawn Trafalgar Easterly Transmission for Oil Spring East metering 
shall be eliminated. 

 
18.  In accordance with the Board’s EB-2011-0210 Decision and Order, Union shall 

include the costs associated with C1 Dawn to Dawn-TCPL, C1 Dawn to Dawn-
Vector firm transportation service and the M12 firm all day (F24-T) transportation 
service in the 2013 revenue requirement. The supplemental service charge for F24-
T customers shall be calculated based on the costs associated with the five 
incremental nomination windows and updated demands as set out in Exhibit J.G-9-
13-1. 

 
19.  In accordance with the Board’s EB-2011-0210 Decision and Order, North 

Distribution Customer Station Plant costs shall be allocated on the basis of the 
average number of customers, excluding Rate 01 and the Rate 10 customers that 
do not meet the hourly consumption threshold of 320 m3/hour. 

 
20.  In accordance with the Board’s EB-2011-0210 Decision and Order, Union North and 



Ontario Energy Board      EB-2011-0210 
        Union Gas Limited 

Decision and Rate Order  24 
January 17, 2013 

Union South distribution maintenance costs for meter and regulator repair shall be 
allocated in proportion to the distribution meter and regulator gross plant cost 
allocation, excluding the M1 and Rate 01 rate classes. 

 
21.  In accordance with the Board’s EB-2011-0210 Decision and Order, Equipment on 

customer premises distribution maintenance costs shall continue to be allocated to 
Union South based on service call time and Union North based on a historical 
allocator.  

 
22.  In accordance with the Board’s EB-2011-0210 Decision and Order, purchase 

production general plant costs shall be classified to both the Purchase Production 
System and Purchase Production Other classifications in proportion to the 
components of Purchase Production System and Other O&M. These costs shall be 
allocated to rate classes in proportion to the components of Purchase Production 
System and Other O&M. 

 
23.  In accordance with the Board’s EB-2011-0210 Decision and Order, Dawn-Trafalgar 

Easterly Costs shall be allocated based on distance-based commodity-kilometres.  
 
24.  In accordance with the Board’s EB-2011-0210 Decision and Order, storage assets 

shall be allocated to the regulated storage business using the updated storage 
allocation factors provided in Exhibits J8.3, J8.4 and J8.5. 
 

25.  In accordance with the Board’s EB-2011-0210 Decision and Order, revenue from 
optimization activities shall not be included in the S&T margin forecast and shall be 
allocated to sales service and North bundled customers that pay the costs of 
facilitating Union’s gas supply plan.  

 
26.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 

2013 the current Rate T1 rate class shall be split into new Rate T1 and Rate T2 rate 
classes.  The new T1 rate class will be the mid-market service for 
commercial/industrial customers consuming a minimum annual volume of 2,500,000 
m3 with a daily firm contracted demand that does not exceed 140,870 m3.  The new 
T2 rate class will be the large market service for commercial/industrial customers 
with a minimum daily firm contracted demand of 140,870 m3. 

 
27.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 
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2013, Union shall eliminate the supplemental service charge for Commercial and 
Industrial customers under group meters in Union South to harmonize treatment 
with Union North.  

 
28.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 

2014, Union shall implement an interruptible service offering for Rate M4 customers 
with an interruptible daily contracted demand of a least 2,400 m3 and minimum 
annual interruptible volume of 350,000 m3.  

 
29.  In accordance with the EB-2011-0210 Decision and Rate Order, Rate 77 will be 

eliminated effective January 1, 2013. 
 

30.  In accordance with the EB-2011-0210 Decision and Rate Order, the contract 
unbundled service Rates U5, U7 and U9 shall be eliminated effective January 1, 
2013. 

 
31.  In accordance with the EB-2011-0210 Decision and Rate Order, the contract 

unbundled service offerings on the Rate 20 and Rate 100 rate schedules shall be 
eliminated effective January 1, 2013. 
 

32.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 
2014, the eligibility criteria for M4 and M5A shall be lowered to a minimum daily 
contract demand of 2,400 m3, maximum daily contracted demand of 60,000 m3, and 
minimum annual volume requirement of 350,000 m3. 

 
33.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 

2014, the eligibility criteria for Rate M7 in Union South shall be lowered to a 
maximum daily contracted demand of 60,000 m3 and the minimum annual volume 
requirement shall be eliminated as a condition of qualifying for Rate M7. 

 
34.  In accordance with the EB-2011-0210 Decision and Order, effective January 1, 

2013, the Distribution Consolidated Billing fee shall be lowered to $0.57 per month 
per customer. 

 
35.  Union shall close the following deferral accounts effective January 1, 2013: 

179-113 Late Payment Penalty Litigation 
179-124 Harmonized Sale Tax 
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36.  Union shall maintain the following deferral accounts in accordance with Appendix 
“G”. 

179-70 Short-term Storage and Other Balancing Services  
179-75 Lost Revenue Adjustment Mechanism 
179-100 Transportation Tolls and Fuel – Northern and Eastern 

Operations Area 
179-103 Unbundled Services Unauthorized Storage Overrun 
179-105 North Purchase Gas Variance Account 
179-106 South Purchase Gas Variance Account 
179-107 Spot Gas Variance Account 
179-108 Unabsorbed Demand Cost (UDC) Variance Account 
179-109 Inventory Revaluation Account 
179-111 Demand Side Management Variance Account 
179-112 Gas Distribution Access Rule (“GDAR”) Costs 
179-115 Shared Savings Mechanism  
179-117 Carbon Dioxide Offset Credits 
179-118 Average Use Per Customer 
179-120 CGAAP to IFRS Conversion Cost 
179-123 Conservation Demand Management 
179-126 Demand Side Management Incentive 
179-127 Pension Charge on Transition to USGAAP 

 
37.  In accordance with the EB-2011-0210 Decision and Order, Union shall establish the 

Gas Supply Optimization deferral account (No. 179-131) to record 90% of 
optimization margins not reflected in the revenue requirement.  

 
In accordance with the EB-2011-0210 Decision and Rate Order, Union shall 
allocate the optimization-related margin in the manner set out by Union in its Draft 
Rate Order.  

 
38.  In accordance with the EB-2011-0210 Decision and Rate Order, Union shall 

allocate the Long-term and Short-term transportation-related S&T margin in the 
manner set out by Union in its Draft Rate Order.  
 

39.  In accordance with the EB-2011-0210 Decision and Rate Order, Union shall 
allocate the Storage and other balancing services-related S&T margin in in the 
manner set out by Union in its Draft Rate Order.  
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40.  In accordance with the EB-2011-0210 Decision and Order, Union shall establish the 
Gas Supply Plan Review deferral account (No. 179-128) to record the cost of hiring 
a consultant to undertake a review of the gas supply plan, gas supply planning 
process and gas supply planning methodology.   

 
41.  In accordance with the EB-2011-0210 Decision and Order, Union shall establish the 

Preparation of Audited Utility Financial Statements deferral account (No. 179-129) 
to record the costs of the annual preparation of audited utility financial statements. 

 
42.  In accordance with the EB-2011-0210 Decision and Order, the accounting order for 

Short-Term Storage and Other Balancing Services (No. 179-70) shall be amended 
to reflect the Board’s finding that the account will capture all short-term storage 
transactions and revenues generated by utility storage assets.  This accounting 
order shall be further amended to capture storage encroachment. 

 
43.  In accordance with the EB-2011-0210 Decision and Order, the accounting order for 

the Inventory Revaluation deferral account (No. 179-109) shall be amended to 
remove the transmission line pack gas from the deferral account. 

 
44.  In accordance with the EB-2011-0210 Decision and Order, the accounting order for 

the Average Use Per Customer deferral account (No. 179-118) shall be amended to 
reflect its continuation and use for 2013.   

 
45.  The rates pursuant to all contracts for interruptible service under Rates M5A, M7, 

T1, T2 and 25 shall be adjusted effective January 1, 2013 by the amounts set out in 
Appendix "C". Union shall implement 2013 changes in rates on the first billing cycle 
after February 1, 2013. 
 

46.  The customer notices in Appendix “D” shall be given to all customers with the first 
bill or invoice reflecting the new rate. 
 

47.  Union shall charge the fees as set out in Appendix “E” for non-energy charges. 
 

48.  Union shall comply with the Board directives set out in Appendix "F". 
 
49.  Union shall pay the balance of the intervenors' costs as authorized in the Board's 

EB-2011-0210 Decision and Order, forthwith upon receipt of the Board's Cost 
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Orders. 
 

50.  Union shall pay the Board's costs of, and incidental to, this proceeding immediately 
upon receipt of the Board's invoice. 

 

 
 
DATED at Toronto, January 17, 2013  
 
ONTARIO ENERGY BOARD 
 
Original Signed By 
 
Kirsten Walli 
Board Secretary  
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 EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

 (a) (b) (c)

1 Monthly Charge - All Zones $21.00  $21.00

Monthly Delivery Charge - All Zones

2          First 100 m
3

7.5664 2.1682        9.7347 (8)

3          Next 200 m
3

7.0559 2.1542        9.2102 (8)

4          Next 200 m
3

6.6932 2.1442        8.8375 (8)

5          Next 500 m
3

6.3604 2.1350        8.4955 (8)

6          Over 1,000 m
3

6.0855 2.1274        8.2130 (8)

7          Delivery - Price Adjustment  (All Volumes) (0.0578)               (1) 0.5088 0.4510 (2)

Gas Transportation Service 

8           Fort Frances 5.8897 (0.9510)       4.9387

9           Western Zone 6.2981 (0.7580)       5.5401

10           Northern Zone 7.6495 (0.0220)       7.6275

11           Eastern Zone 8.7597 (0.2444)       8.5153

12          Transportation - Price Adjustment  (All Zones) 1.1131 (3) (0.0608) 1.0523 (4)

Storage Service

13           Fort Frances 1.8724 0.2783        2.1507

14           Western Zone 1.8700 0.5210        2.3910

15           Northern Zone 2.2540 0.9712        3.2252

16           Eastern Zone 2.5640 1.0159        3.5799

17          Storage - Price Adjustment  (All Zones) -                      0.2109 0.2109 (5)

Commodity Cost of Gas and Fuel

18           Fort Frances 12.7016 (0.1205) 12.5811

19           Western Zone 12.7558 (0.1205) 12.6353

20           Northern Zone 12.8230 (0.1205) 12.7025

21           Eastern Zone 12.8825 (0.1205) 12.7620

22           Commodity and Fuel - Price Adjustment  (All Zones) (2.1736) (6) (0.0286) (2.2022) (7)

Notes:

(1)

(2)

(3)

(4)

(5)

(6)

(7)

(8) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
, and a temporary credit of (0.0286) cents/m

3
 for the period February 1, 

2013 to December 31, 2013.

Includes a temporary credit of (0.0578) cents/m
3
 for the period October 1, 2012 to March 31, 2013.

Includes a temporary credit of (0.0578) cents/m
3
 for the period October 1, 2012 to March 31, 2013 and a temporary charge of 0.5088 cents/m

3
 for the 

period February 1, 2013 to December 31, 2013.

UNION GAS LIMITED

Northern & Eastern Operations Area

Summary of Changes to Sales Rates

Rate 01A - Small Volume General Firm Service

Includes Prospective Recovery of 0.1719, 0.2735, 0.4323 and 0.2354 cents/m
3
.

Includes a temporary charge of 0.2109 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
.

Includes Prospective Recovery of 0.1719, 0.2735, 0.4323 and 0.2354 cents/m
3
, and a temporary credit of (0.0608) cents/m

3
 for the period February 1, 2013 

to December 31, 2013.
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 EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

 (a) (b) (c)

1 Monthly Charge - All Zones $70.00  $70.00

Monthly Delivery Charge - All Zones

2          First       1,000 m
3

6.0731 1.6339 7.7070 (8)

3          Next       9,000 m
3

4.8064 1.4870 6.2934 (8)

4          Next     20,000 m
3

4.0839 1.4033 5.4872 (8)

5          Next     70,000 m
3

3.6215 1.3496 4.9711 (8)

6          Over   100,000 m
3

1.8694 1.1465 3.0159 (8)

7          Delivery - Price Adjustment  (All Volumes) (0.0540)               (1) 0.2623 0.2083 (2)

Gas Transportation Service

8           Fort Frances 5.4555 (1.1385) 4.3170

9           Western Zone 5.8639 (0.9455) 4.9184

10           Northern Zone 7.2153 (0.2095) 7.0058

11           Eastern Zone 8.3255 (0.4320) 7.8935

12           Transportation - Price Adjustment  (All Zones) 1.1127                (3) (0.0786) 1.0341               (4)

Storage Service

13           Fort Frances 1.1964 0.0051 1.2015

14           Western Zone 1.1941 0.2477 1.4418

15           Northern Zone 1.5796 0.6964 2.2760

16           Eastern Zone 1.8907 0.7400 2.6307

17           Storage - Price Adjustment  (All Zones) -                      0.1201 0.1201               (5)

Commodity Cost of Gas and Fuel

18           Fort Frances 12.7016 (0.1205) 12.5811

19           Western Zone 12.7558 (0.1205) 12.6353

20           Northern Zone 12.8230 (0.1205) 12.7025

21           Eastern Zone 12.8825 (0.1205) 12.7620

22           Commodity and Fuel - Price Adjustment  (All Zones) (2.1736) (6) (0.0225) (2.1961) (7)

Notes:

(1)

(2)

(3)

(4)

(5)

(6)

(7)

(8) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
.

Includes a temporary credit of (0.0540) cents/m
3
 for the period October 1, 2012 to March 31, 2013.

Includes a temporary credit of (0.0540) cents/m
3
 for the period October 1, 2012 to March 31, 2013 and a temporary charge of 0.2623 cents/m3 for the 

period February 1, 2013 to December 31, 2013.

Includes a temporary charge of 0.1201 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

UNION GAS LIMITED

Northern & Eastern Operations Area

Includes Prospective Recovery of 0.1718, 0.2734, 0.4322 and 0.2353 cents/m
3
.

Includes Prospective Recovery of 0.1718, 0.2734, 0.4322 and 0.2353 cents/m
3
, and a temporary credit of (0.0786) cents/m

3
 for the period February 1, 2013 

to December 31, 2013.

Summary of Changes to Sales Rates

Rate 10 - Large Volume General Firm Service

Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
, and a temporary credit of (0.0225) cents/m

3
 for the period February 1, 

2013 to December 31, 2013.
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 EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

 (a) (b) (c)

1 Monthly Charge $777.19 $222.81 $1,000.00

Delivery Demand Charge

2           All Zones       First 70,000 m
3

20.0760 7.7419        27.8179

3       All over 70,000 m
3

11.8057 4.5526        16.3583

Delivery Commodity Charge

4        First 852,000 m
3

0.2643 0.2732        0.5375 (3)

5       All over 852,000 m
3

0.1917 0.2014        0.3932 (3)

Monthly Gas Supply Demand Charge 

6           Fort Frances 49.3344 (27.5832)     21.7512

7           Western Zone 57.0166 (21.9699)     35.0467

8           Northern Zone 86.6848 (0.9913)       85.6936

9           Eastern Zone 110.8603 (4.7904)       106.0700

10           Gas Supply Demand - Price Adjustment  (All Zones) -                       -                    

Commodity Transportation 1

11           Fort Frances 4.2612 (0.8688)       3.3924

12           Western Zone 4.4236 (0.6945)       3.7291

13           Northern Zone 5.1192 (0.2215)       4.8977

14           Eastern Zone 5.6884 (0.2937)       5.3947

15           Transportation 1 - Price Adjustment  (All Zones) 1.1138 (1)  1.1138 (1)

Commodity Transportation 2

16           Fort Frances 0.2893 (0.1358)       0.1535

17           Western Zone 0.2668 0.0005        0.2673

18           Northern Zone 0.4111 0.0027        0.4138

19           Eastern Zone 0.5383 0.0010        0.5393

Commodity Cost of Gas and Fuel

20           Fort Frances 12.7245 (0.1205)       12.6040

21           Western Zone 12.7788 (0.1205)       12.6583

22           Northern Zone 12.8461 (0.1205)       12.7256

23           Eastern Zone 12.9058 (0.1205)       12.7853

24          Commodity and Fuel - Price Adjustment  (All Zones) (2.1736) (2)  (2.1736) (2)

Bundled Storage Service   ($/GJ)

25      Monthly Demand Charge   11.097 (1.454)         9.643

26      Commodity Charge            0.239 (0.083)         0.156

27      Storage Demand - Price Adjustment  -                       -                    

Notes:

(1) Includes Prospective Recovery of 0.1721, 0.2736, 0.4325 and 0.2356 cents/m
3
.

(2) Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
.

(3) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

Summary of Changes to Sales Rates

Rate 20 - Medium Volume Firm Service

Northern & Eastern Operations Area

UNION GAS LIMITED
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 EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

 (a) (b) (c)

1 Monthly Charge $777.19 $722.81 $1,500.00

Delivery Demand Charge

2           All Zones 11.9158 3.4257 15.3415

Delivery Commodity Charge

3           All Zones 0.1657 0.0480 0.2137 (2)

Monthly Gas Supply Demand Charge 

4           Fort Frances 88.0846              (26.9946) 61.0900             

5           Western Zone 97.0663              (20.4649) 76.6014             

6           Northern Zone 131.6881            4.0014 135.6895           

7           Eastern Zone 159.8951            (0.4332) 159.4619           

Commodity Transportation 1

8           Fort Frances 7.8681 (0.8527) 7.0154

9           Western Zone 7.9899 (0.7220) 7.2679

10           Northern Zone 8.5116 (0.3672) 8.1444

11           Eastern Zone 8.9385 (0.4214) 8.5171

Commodity Transportation 2

12           Fort Frances 0.2893 (0.1358) 0.1535

13           Western Zone 0.2668 0.0005 0.2673

14           Northern Zone 0.4111 0.0026 0.4138

15           Eastern Zone 0.5383 0.0010 0.5393

Commodity Cost of Gas and Fuel

16           Fort Frances          Fort Frances 12.7245 (0.1205) 12.6040

17           Western Zone          Western Zone 12.7788 (0.1205) 12.6583

18           Northern Zone          Northern Zone 12.8461 (0.1205) 12.7256

19           Eastern Zone          Eastern Zone 12.9058 (0.1205) 12.7853

20           Commodity and Fuel - Price Adjustment  (All Zones) (2.1736) (1)  (2.1736) (1)

Bundled Storage Service   ($/GJ)

21      Monthly Demand Charge   11.097 (1.454)         9.643

22      Commodity Charge            0.239 (0.083)         0.156

23      Storage Demand - Price Adjustment  -                       -                    

Notes:

(1) Includes Prospective Recovery of (0.7743), (0.6697), (0.8603) and 0.1307 cents/m
3
.

(2) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

Rate 100 - Large Volume High Load Factor Firm Service

Summary of Changes to Sales Rates

UNION GAS LIMITED

Northern & Eastern Operations Area
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 EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

 (a) (b) (c)

Rate 25 - Large Volume Interruptible Service

1    Monthly Charge $189.32 $185.68 $375.00

   Delivery Charge - All Zones *

2                          Maximum 3.7419 1.3463 5.0882

   Gas Supply Charges - All Zones

3                          Minimum 14.3135  14.3135

4                          Maximum 140.5622  140.5622

*  see Appendix C.

UNION GAS LIMITED

Summary of Changes to Sales Rates

Northern & Eastern Operations Area
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

(a) (b) (c)

Utility Sales

1   Commodity and Fuel 12.8825              (0.1205) 12.7620             

2   Commodity and Fuel - Price Adjustment  (2.0978) (1) (0.0853) (2.1831) (2)

3   Transportation 4.6821                (0.2824) 4.3997               

4 Total Gas Supply Commodity Charge 15.4668              (0.4882) 14.9786             

M4 Firm Commercial/Industrial

5   Minimum annual gas supply commodity charge 5.2504                (0.4029) 4.8475               

M5A Interruptible Commercial/Industrial

6   Minimum annual gas supply commodity charge 5.2504                (0.4029)       4.8475               

Storage and Transportation Supplemental Services - Rate T1, Rate T2 & Rate T3 $/GJ $/GJ

  Monthly demand charges: ($/GJ)

7     Firm gas supply service  63.207                0.118 63.325               

8     Firm backstop gas 1.939 (0.093) 1.846

  Commodity charges:

9     Gas supply 3.466  3.466

10     Backstop gas 5.015 (0.058) 4.957

11 Reasonable Efforts Backstop Gas 5.842 (0.110) 5.732

12 Supplemental Inventory Note (3) Note (3)

13 Supplemental Gas Sales Service (cents/m
3
) 20.4642 (0.2669) 20.1973

14 Failure to Deliver 2.565 (0.0040) 2.561

15 Discretionary Gas Supply Service (DGSS) Note (4) Note (4)

Notes:

(1)

(2)

(3)

(4) Reflects the "back to back" price plus gas supply administration charge.

UNION GAS LIMITED

The charge for banked gas purchases shall be the higher of the daily spot gas cost at Dawn in the month of or the month following the month in which gas is 

sold under this rate and shall not be less than Union's approved weighted average cost of gas.

Southern Operations Area

Includes Prospective Recovery of (0.6712), (0.4624), (0.1104) and (0.8538) cents/m
3
.

Summary of Changes to Sales Rates

Includes Prospective Recovery of (0.6712), (0.4624), (0.1104) and (0.8538) cents/m
3
, and a temporary credit of (0.0853) cents/m

3
 for the period February 1, 

2013 to December 31, 2013.
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

(a) (b) (c)

Rate M1 - Small Volume General Service Rate

1   Monthly Charge $21.00  $21.00

2       First         100 m
3

3.5562                0.2234 3.7795 (8)

3       Next         150 m
3

3.3617                0.2114 3.5730 (8)

4      All over     250 m
3

2.9017                0.1829 3.0845 (8)

 

5      Delivery - Price Adjustment  (All Volumes) (0.0483) (1) 0.0429 (0.0054) (2)

6 Storage Service 0.9735 (0.2367) 0.7368

7      Storage - Price Adjustment -                      (0.0513) (0.0513) (3)

Rate M2 - Large  Volume General Service Rate

8   Monthly Charge $70.00  $70.00

9       First         1,000 m
3

3.7639                0.3778 4.1416 (8)

10       Next         6,000 m
3

3.6850                0.3804 4.0653 (8)

11       Next       13,000 m
3

3.4499                0.3881 3.8379 (8)

12      All over   20,000 m
3

3.1678                0.3973 3.5650 (8)

13      Delivery - Price Adjustment  (All Volumes) (0.0471) (4) 0.0826 0.0355 (5)

14 Storage Service 0.7172 0.0378 0.7550

15      Storage - Price Adjustment -                      0.0080 0.0080 (6)

Rate M4 - Firm comm/ind contract rate

  Monthly demand charge:

16       First         8,450 m
3

45.2527 1.3712        46.6239

17       Next       19,700 m
3

19.6336 1.2714        20.9050

18       All over  28,150 m
3

16.3047 1.2584        17.5631

  Monthly delivery commodity charge:

19       First block 0.5868 0.3753        0.9621               (8)

20       All remaining use 0.2477 0.1766        0.4243               (8)

21      Delivery - Price Adjustment  (All Volumes) 0.0002                (7) 0.0002               (7)

22   Minimum annual delivery commodity charge 0.9006                0.2548 1.1554               

Notes:

(1)

(2)

(3) Includes a temporary credit of (0.0513) cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(4)

(5)

(6) Includes a temporary charge of 0.0080 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(7)

(8) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

Southern Operations Area

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001, 0.0001 and a temporary credit of (0.0473) cents/m
3
 for the period October 1, 2012 to March 31, 

2013.

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001 and 0.0001 cents/m
3
.

UNION GAS LIMITED

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001, 0.0001 and a temporary credit of (0.0485) cents/m
3
 for the period October 1, 2012 to March 31, 

2013.

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001, 0.0001, a temporary credit of (0.0485) cents/m
3
 for the period October 1, 2012 to March 31, 2013 

and a temporary charge of 0.0429 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001, 0.0001 and a temporary credit of (0.0473) cents/m
3
 for the period October 1, 2012 to March 31, 

2013 and a temporary charge of 0.0826 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

Summary of Changes to Sales Rates
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars (cents/m
3
) Rate Change Rate

(a) (b) (c)

Rate M5A - interruptible comm/ind contract

Firm contracts  *

1   Monthly demand charge 27.4318              1.1934 28.6252             

2   Monthly delivery commodity charge 2.1615                (0.2238) 1.9377               (2)

3   Delivery - Price Adjustment  (All Volumes) 0.0002                (1) 0.0002               (1)

Interruptible contracts  *

4   Monthly Charge $498.20 $191.80 $690.00

  Daily delivery commodity charge:

5        4,800 m
3
 to   17,000 m

3
2.1964                0.7748 2.9712               (2)

6      17,000 m
3
 to   30,000 m

3
2.0665                0.7748 2.8413               (2)

7      30,000 m
3
 to   50,000 m

3
1.9982                0.7748 2.7730               (2)

8      50,000 m
3
 to   70,000 m

3
1.9503                0.7748 2.7251               (2)

9      70,000 m
3
 to 100,000 m

3
1.9160                0.7748 2.6908               (2)

10    100,000 m
3
 to 140,870 m

3
1.8823                0.7748 2.6571               (2)

11      Delivery - Price Adjustment  (All Volumes) 0.0002                (1) 0.0002               (1)

12   Annual minimum delivery commodity charge 2.5102                0.6543        3.1645               

Rate M7 - Special large volume contract

Firm

13   Monthly demand charge 25.1902              0.2022 25.3924             

14   Monthly delivery commodity charge 0.1005                0.2201 0.3206               (2)

15   Delivery - Price Adjustment  0.0002                (1) 0.0002               (1)

Interruptible  *

  Monthly delivery commodity charge:

16     Maximum 2.4667                1.4788 3.9455               

17   Delivery - Price Adjustment  0.0002                (1) 0.0002               (1)

Seasonal  *

  Monthly delivery commodity charge:

18     Maximum 2.2226                1.4788 3.7014               

19   Delivery - Price Adjustment  0.0002                (1) 0.0002               (1)

Rate M9 - Large wholesale service 

20   Monthly demand charge 16.8055              (1.6367) 15.1688             

21   Monthly delivery commodity charge 0.2539                (0.0549) 0.1990               (2)

22   Delivery - Price Adjustment  0.0002                (1) 0.0002               (1)

Rate M10 - Small wholesale service 

23   Monthly delivery commodity charge 2.5190                2.6544 5.1734               (2)

Notes:

(1)

(2) EB-2011-0210, Rate Order, Working Papers, Schedule 24, Page 2, column (c).

* Price changes to individual interruptible and seasonal contract rates are provided in Appendix C.

Summary of Changes to Sales Rates

UNION GAS LIMITED

Southern Operations Area

Includes Prospective Recovery of 0.0000, 0.0000, 0.0001 and 0.0001 cents/m
3
.
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars Rate Change Rate

(a) (b) (c)

Contract Carriage Service

T1 Storage and Transportation

 Storage ($ / GJ)

 Monthly demand charges:

1     Firm space 0.010 -                    

    Firm Injection/Withdrawal Right

2       Union provides deliverability inventory 1.544 -                    

3       Customer provides deliverability inventory 1.012 -                    

4     Firm incremental injection 1.012 -                    

5     Interruptible withdrawal 1.012 -                    

  Commodity charges: 

6     Withdrawal   0.040 -                    

7      Customer provides compressor fuel 0.007 -                    

8     Injection 0.040 -                    

9      Customer provides compressor fuel 0.007 -                    

10     Storage fuel ratio - customer provides fuel   0.597% -                    

 Transportation (cents / m
3
)

11   Monthly demand charge first 140,870 m
3

19.0307 -                    

12   Monthly demand charge all over 140,870 m
3

13.0041 -                    

  Firm commodity charges:

13      Union provides compressor fuel first 2,360,653 m
3

0.3430                -                    

14      Union provides compressor fuel all over 2,360,653 m
3

0.2293                -                    

15      Customer provides compressor fuel first 2,360,653 m
3

0.2264                -                    

16      Customer provides compressor fuel all over 2,360,653 m
3

0.1127                -                    

   Interruptible commodity charges:  *

17      Maximum - Union provides compressor fuel 2.4667 -                    

18      Maximum - customer provides compressor fuel 2.3501 -                    

19     Transportation fuel ratio - customer provides fuel 0.554% -                    

Authorized overrun services

  Storage ($ / GJ) 

   Commodity charges

20      Injection / Withdrawals 0.115 -                    

21       Customer provides compressor fuel 0.058 -                    

22   Transportation commodity charge (cents/m
3
) 0.9687 -                    

23     Customer provides compressor fuel 0.8521 -                    

24 Monthly Charge $1,793.52 -                    

* Price changes to individual interruptible contract rates are provided in Appendix C.

UNION GAS LIMITED

Southern Operations Area

Summary of Changes to Contract Carriage Rates
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars Rate Change Rate

(a) (b) (c)

Contract Carriage Service

Rate T1 - Storage and Transportation

 Storage ($ / GJ)

 Monthly demand charges:

1     Firm space 0.010 0.001 0.011

    Firm Injection/Withdrawal Right

2       Union provides deliverability inventory 1.544 0.081 1.624

3       Customer provides deliverability inventory 1.012 0.185 1.197

4     Firm incremental injection 1.012 0.185 1.197

5     Interruptible withdrawal 1.012 0.185 1.197

  Commodity charges: 

6     Withdrawal   0.040 (0.011) 0.030

7      Customer provides compressor fuel 0.007 0.001 0.008

8     Injection 0.040 (0.011) 0.030

9      Customer provides compressor fuel 0.007 0.001 0.008

10     Storage fuel ratio - customer provides fuel   0.597% -0.202% 0.395%

 Transportation (cents / m
3
)

11   Monthly demand charge first 28,150 m
3

-                      31.9554

12   Monthly demand charge next 112,720 m
3

-                      22.0775

  Firm commodity charges:

13      Union provides compressor fuel - All volumes -                      0.1238               

15      Customer provides compressor fuel - All volumes -                      0.0712               

16

   Interruptible commodity charges:  *

17      Maximum - Union provides compressor fuel -                      3.9455

18      Maximum - customer provides compressor fuel -                      3.8929

19     Transportation fuel ratio - customer provides fuel -                      0.250%

Authorized overrun services

  Storage ($ / GJ) 

   Commodity charges

20      Injection / Withdrawals -                      0.108

21       Customer provides compressor fuel -                      0.061

22   Transportation commodity charge (cents/m
3
) -                      1.1743

23     Customer provides compressor fuel -                      1.1218

24 Monthly Charge -                      1,936.13$          

* Price changes to individual interruptible contract rates are provided in Appendix C.

Summary of Changes to Contract Carriage Rates

UNION GAS LIMITED

Southern Operations Area
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars Rate Change Rate

(a) (b) (c)

Contract Carriage Service

Rate T2 - Storage and Transportation

 Storage ($ / GJ)

 Monthly demand charges:

1     Firm space 0.010 0.001 0.011

    Firm Injection/Withdrawal Right

2       Union provides deliverability inventory 1.544 0.081 1.624

3       Customer provides deliverability inventory 1.012 0.185 1.197

4     Firm incremental injection 1.012 0.185 1.197

5     Interruptible withdrawal 1.012 0.185 1.197

  Commodity charges: 

6     Withdrawal   0.040 (0.011) 0.030

7      Customer provides compressor fuel 0.007 0.001 0.008

8     Injection 0.040 (0.011) 0.030

9      Customer provides compressor fuel 0.007 0.001 0.008

10     Storage fuel ratio - customer provides fuel   0.597% -0.202% 0.395%

 Transportation (cents / m
3
)

11   Monthly demand charge first 140,870 m
3

-                      20.1911

12   Monthly demand charge all over 140,870 m
3

-                      10.6802

  Firm commodity charges:

13     Union provides compressor fuel - All volumes -                      0.0597               

15     Customer provides compressor fuel - All volumes -                      0.0078               

16

   Interruptible commodity charges:  *

17      Maximum - Union provides compressor fuel -                      3.9455

18      Maximum - customer provides compressor fuel -                      3.8936

19     Transportation fuel ratio - customer provides fuel -                      0.247%

Authorized overrun services

  Storage ($ / GJ) 

   Commodity charges

20      Injection / Withdrawals -                      0.108

21       Customer provides compressor fuel -                      0.061

22   Transportation commodity charge (cents/m
3
) -                      0.7235

23     Customer provides compressor fuel -                      0.6716

24 Monthly Charge -                      6,000.00$          

* Price changes to individual interruptible contract rates are provided in Appendix C.

Summary of Changes to Contract Carriage Rates

UNION GAS LIMITED

Southern Operations Area
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars Rate Change Rate

(a) (b) (c)

Rate T3 - Storage and Transportation

 Storage ($ / GJ)

  Monthly demand charges:

1     Firm space 0.010 0.001          0.011

    Firm Injection/Withdrawal Right

2       Union provides deliverability inventory 1.544 0.081          1.624

3       Customer provides deliverability inventory 1.012 0.185          1.197

4     Firm incremental injection 1.012 0.185          1.197

5     Interruptible withdrawal 1.012 0.185          1.197

  Commodity charges:

6     Withdrawal 0.040 (0.011)         0.030

7      Customer provides compressor fuel 0.007 0.001          0.008

8     Injection 0.040 (0.011)         0.030

9      Customer provides compressor fuel 0.007 0.001          0.008

10     Storage fuel ratio- Cust. provides fuel   0.597% -0.202% 0.395%

 Transportation (cents / m
3
)

11   Monthly demand charge 8.9901 0.3681 9.3582

  Firm commodity charges

12     Union supplies compressor fuel 0.2201 (0.1494)       0.0707

13     Customer provides compressor fuel 0.0681 (0.0574)       0.0107

14     Transportation fuel ratio- Cust. provides fuel 0.722% -0.437% 0.285%

Authorized overrun services

  Storage ($ / GJ)

   Commodity charges:

15      Injection / Withdrawals 0.115 (0.007)         0.108

16       Customer provides compressor fuel 0.058 0.003          0.061

17   Transportation commodity charge (cents/m
3
) 0.5156 (0.1373)       0.3783

18     Customer provides compressor fuel (cents/m
3
) 0.3637 (0.0453)       0.3184

Monthly Charge

19   City of Kitchener $17,549.76 $2,821.59 $20,371.35

20   Natural Resource Gas $2,694.07 $433.14 $3,127.21

21   Six Nations $898.02 $144.38 $1,042.40

Southern Operations Area

Summary of Changes to Contract Carriage Rates

UNION GAS LIMITED
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars Rate Change Rate

(a) (b) (c)

U2 Unbundled Service 

Storage ($ / GJ)

  Monthly demand charges:

    Standard Storage Service (SSS) 

1        Combined Firm Space & Deliverability 0.021                  0.003          0.024

    Standard Peaking Service (SPS) 

2        Combined Firm Space & Deliverability 0.102                  0.015          0.116

3     Incremental firm injection right 0.917                  0.124          1.041

4     Incremental firm withdrawal right 0.917                  0.124          1.041

  Commodity charges:

5      Injection customer provides compressor fuel 0.015                  0.011          0.026

6      Withdrawal customer provides compressor fuel 0.015                  0.011          0.026

7     Storage fuel ratio - Customer provides fuel   0.597% -0.202% 0.395%

 Authorized overrun services

  Storage ($ / GJ)

   Commodity charges:

8      Injection customer provides compressor fuel 0.045 0.015          0.060

9      Withdrawal customer provides compressor fuel 0.045 0.015          0.060

UNION GAS LIMITED

Southern Operations Area

Summary of Changes to Unbundled Rates
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars  ($/GJ) Rate Change Rate

 (a)  (b)  (c)

M12 Transportation Service

 Firm Transportation

  Monthly demand charges:

1     Dawn to Kirkwall 1.978 0.033 2.011

2     Dawn to Parkway 2.323 0.059 2.382

3     Kirkwall to Parkway 0.345 0.027 0.372

4     F24-T 0.689 (0.622) 0.068

M12-X Firm Transportation  

5     Between Dawn, Kirkwall and Parkway 2.868 0.093 2.961

  Commodity charges:

6    Easterly Note (1) Note (1)

7    Westerly Note (1) Note (1)

8 Parkway (TCPL) to Parkway (Cons) Note (1) Note (1)

 Limited Firm/Interruptible

  Monthly demand charges:

9      Maximum 5.576 0.142 5.718

  Commodity charges :

10    Others Note (1) Note (1)

 Authorized Overrun

  Transportation commodity charges:

    Easterly:

11      Dawn to Kirkwall - Union supplied fuel Note (1) Note (1)

12      Dawn to Parkway - Union supplied fuel Note (1) Note (1)

13      Dawn to Kirkwall - Shipper supplied fuel 0.065 (1) 0.001 0.066 (1)

14      Dawn to Parkway - Shipper supplied fuel 0.076 (1) 0.002 0.078 (1)

15      Kirkwall to Parkway - Union supplied fuel Note (1)  Note (1)

16      Kirkwall to Parkway - Shipper supplied fuel 0.011 (1) 0.001 0.012

17     Westerly - Union supplied fuel Note (1)  Note (1)

18     Westerly - Shipper supplied fuel 0.076 (1) 0.002 0.078 (1)

M12-X Firm Transportation  

19      Between Dawn, Kirkwall and Parkway - Union supplied fuel Note (1)  Note (1)

20      Between Dawn, Kirkwall and Parkway - Shipper supplied fuel 0.094 (1) 0.003 0.097

 

 

M13 Transportation of Locally Produced Gas  

21  Monthly fixed charge per customer station $655.83 270.769 $926.60

22 Transmission commodity charge to Dawn 0.025 0.009 0.034

23  Commodity charge - Union supplies fuel 0.021 (0.012) 0.009 (2)

24  Commodity charge - Shipper supplies fuel Note (3) Note (2)

25  Authorized Overrun - Union supplies fuel 0.078 (0.001) 0.077 (2)

26  Authorized Overrun - Shipper supplies fuel 0.057 (3) 0.012 0.069 (3)

Notes:

   (1) Monthly fuel rates and ratios per Schedule "C".

   (2) EB-2011-0210, Rate Order, Working Papers, Schedule 24, page 3, column (c).

   (2) Plus customer supplied fuel per rate schedule.

UNION GAS LIMITED

Summary of Changes to Transportation Rates
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars ($/GJ) Rate Change Rate

 (a)  (b)  (c)

M16 Storage Transportation Service

1 Monthly fixed charge per customer station $664.27 $809.85 $1,474.12

Monthly demand charges:

2   East of Dawn 0.725 0.016 0.741

3   West of Dawn 0.967 0.092 1.059

4 Transmission commodity charge to Dawn 0.025              0.009 0.034

Transportation Fuel Charges to Dawn:  

5    East of Dawn - Union supplied fuel 0.021              (0.012) 0.009 (1)

6    West of Dawn - Union supplied fuel 0.021              (0.012) 0.009 (1)

7    East of Dawn - Shipper supplied fuel Note (2)  Note (2)

8    West of Dawn - Shipper supplied fuel Note (2)  Note (2)

Transportation Fuel Charges to Pools:  

9    East of Dawn - Union supplied fuel 0.024              (0.015) 0.009 (1)

10    West of Dawn - Union supplied fuel 0.027              (0.003) 0.024 (1)

11    East of Dawn - Shipper supplied fuel Note (2)  Note (2)

12    West of Dawn - Shipper supplied fuel Note (2)  Note (2)

 

 Authorized Overrun  

Transportation Fuel Charges to Dawn:  

13    East of Dawn - Union supplied fuel 0.070 (0.003) 0.067 (1)

14    West of Dawn - Union supplied fuel 0.078 (0.001) 0.077 (1)

15    East of Dawn - Shipper supplied fuel 0.049 (2) 0.009 0.058 (2)

16    West of Dawn - Shipper supplied fuel 0.057 (2) 0.012 0.069 (2)

Transportation Fuel Charges to Pools:  

17    East of Dawn - Union supplied fuel 0.048 (0.015) 0.033 (1)

18    West of Dawn - Union supplied fuel 0.059 (0.000) 0.059 (1)

19    East of Dawn - Shipper supplied fuel 0.024 (2) (0.000) 0.024 (2)

20    West of Dawn - Shipper supplied fuel 0.032 (2) 0.003 0.035 (2)

C1 Storage & Cross Franchise Transportation Service

 Transportation service

  Monthly demand charges:

21    St. Clair / Bluewater & Dawn 0.967 0.092 1.059

22    Ojibway & Dawn 0.967 0.092 1.059

23    Parkway to Dawn 0.545 0.034 0.579

24    Parkway to Kirkwall 0.545 0.034 0.579

25    Kirkwall to Dawn 1.175 (0.154) 1.021

26    Dawn to Kirkwall 1.978 0.033 2.011

27    Dawn to Parkway 2.323 0.059 2.382

28    Kirkwall to Parkway 0.345 0.027 0.372

29    Dawn to Dawn-Vector 0.042 (0.013) 0.029

30    Dawn to Dawn-TCPL 0.220 (0.086) 0.134

   Short-term:  

31      Maximum 75.00  75.00

 

   Commodity charges:  

32     St. Clair / Bluewater & Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.025 (0.011) 0.014 (1)

33     St. Clair / Bluewater & Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.022 (0.011) 0.011 (1)

34     Ojibway & Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.030 (0.014) 0.016 (1)

35     Ojibway & Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.027 (0.003) 0.024 (1)

36     Parkway to Kirkwall / Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.020 (0.011) 0.009 (1)

37     Parkway to Kirkwall / Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.021 (0.006) 0.015 (1)

38     Kirkwall to Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.020 (0.011) 0.009 (1)

39     Kirkwall to Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.021 (0.012) 0.009 (1)

40     Dawn to Kirkwall - Union supplied fuel (Nov. 1 - Mar. 31) 0.063 (0.022) 0.041 (1)

41     Dawn to Kirkwall - Union supplied fuel (Apr. 1 - Oct. 31) 0.029 (0.012) 0.017 (1)

42     Dawn to Parkway - Union supplied fuel (Nov. 1 - Mar. 31) 0.063 (0.009) 0.054 (1)

43     Dawn to Parkway - Union supplied fuel (Apr. 1 - Oct.31) 0.029 (0.000) 0.029 (1)

44     Kirkwall to Parkway - Union supplied fuel (Nov. 1 - Mar. 31) 0.030 (0.008) 0.022 (1)

45     Kirkwall to Parkway - Union supplied fuel (Apr. 1 - Oct.31) 0.020 0.001 0.021 (1)

Notes:

   (1) EB-2011-0210, Rate Order, Working Papers, Schedule 24, page 3, column (c).

   (2) Plus customer supplied fuel per rate schedule.

UNION GAS LIMITED

Summary of Changes to Transportation Rates
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EB-2012-0437 EB-2011-0210

Approved Approved

Line January 1, 2013 Rate January 1, 2013

No. Particulars ($/GJ) Rate Change Rate

  (a)  (b)  (c)

 C1 Storage & Cross Franchise Transportation Service

 Transportation service cont'd

1     St. Clair / Bluewater & Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

2     St. Clair / Bluewater & Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) Note (1) Note (1)

3     Ojibway & Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

4     Ojibway & Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) Note (1) Note (1)

5     Parkway to Kirkwall / Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

6     Parkway to Kirkwall / Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) Note (1) Note (1)

7     Kirkwall to Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

8     Kirkwall to Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) Note (1) Note (1)

9     Dawn to Kirkwall - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

10     Dawn to Kirkwall - Shipper supplied fuel (Apr. 1 - Oct. 31) Note (1)  Note (1)

11     Dawn to Parkway - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1)  Note (1)

12     Dawn to Parkway - Shipper supplied fuel (Apr. 1 - Oct.31) Note (1)  Note (1)

13     Kirkwall to Parkway - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1) Note (1)

14     Kirkwall to Parkway - Shipper supplied fuel (Apr. 1 - Oct.31) Note (1) Note (1)

15     Dawn to Dawn-Vector - Shipper supplied fuel (Nov. 1 - Mar. 31) n/a Note (1)

16     Dawn to Dawn-Vector - Shipper supplied fuel (Apr. 1 - Oct . 31) Note (1)  Note (1)

17     Dawn to Dawn-TCPL - Shipper supplied fuel (Nov. 1 - Mar. 31) Note (1)  Note (1)

18     Dawn to Dawn-TCPL - Shipper supplied fuel (Apr. 1 - Oct . 31) Note (1)  Note (1)

 

  Interruptible commodity charges:  

19     Maximum 75.00  75.00

 

20 Note (1)  Note (1)

 

 Authorized Overrun  

 

  Firm transportation commodity charges:  

21     St. Clair / Bluewater & Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.058 (0.009) 0.049 (2)

22     St. Clair / Bluewater & Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.053 (0.007) 0.046 (2)

23     Ojibway & Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.064 (0.013) 0.051 (2)

24     Ojibway & Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.060 (0.001) 0.059 (2)

25     Parkway to Kirkwall / Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.081 0.039 0.120 (2)

26     Parkway to Kirkwall / Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.046 0.081 0.127 (2)

27     Kirkwall to Dawn - Union supplied fuel (Nov. 1 - Mar. 31) 0.034 0.013 0.047 (2)

28     Kirkwall to Dawn - Union supplied fuel (Apr. 1 - Oct. 31) 0.036 0.011 0.047 (2)

29     Dawn to Kirkwall - Union supplied fuel (Nov. 1 - Mar. 31) 0.127 0.013 0.140 (2)

30     Dawn to Kirkwall - Union supplied fuel (Apr. 1 - Oct. 31) 0.092 0.025 0.117 (2)

31     Dawn to Parkway - Union supplied fuel (Nov. 1 - Mar. 31) 0.139 0.027 0.166 (2)

32     Dawn to Parkway - Union supplied fuel (Apr. 1 - Oct.31) 0.104 0.037 0.141 (2)

33     Kirkwall to Parkway - Union supplied fuel (Nov. 1 - Mar. 31) 0.042 0.026 0.068 (2)

34     Kirkwall to Parkway - Union supplied fuel (Apr. 1 - Oct.31) 0.031 0.035 0.066 (2)

35     St. Clair / Bluewater & Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.032 (1) 0.003 0.035 (1)

36     St. Clair / Bluewater & Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) 0.032 (1) 0.003 0.035 (1)

37     Ojibway & Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.032 (1) 0.003 0.035 (1)

38     Ojibway & Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) 0.032 (1) 0.003 0.035 (1)

39     Parkway to Kirkwall / Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.018 (1) 0.001 0.019 (1)

40     Parkway to Kirkwall / Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) 0.018 (1) 0.001 0.019 (1)

41     Kirkwall to Dawn - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.039 (1) (0.005) 0.034 (1)

42     Kirkwall to Dawn - Shipper supplied fuel (Apr. 1 - Oct. 31) 0.039 (1) (0.005) 0.034 (1)

43     Dawn to Kirkwall - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.065 (1) 0.001 0.066 (1)

44     Dawn to Kirkwall - Shipper supplied fuel (Apr. 1 - Oct. 31) 0.065 (1) 0.001 0.066 (1)

45     Dawn to Parkway - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.076 (1) 0.002 0.078 (1)

46     Dawn to Parkway - Shipper supplied fuel (Apr. 1 - Oct.31) 0.076 (1) 0.002 0.078 (1)

47     Kirkwall to Parkway - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.011 (1) 0.001 0.012 (1)

48     Kirkwall to Parkway - Shipper supplied fuel (Apr. 1 - Oct.31) 0.011 (1) 0.001 0.012 (1)

49     Dawn to Dawn-Vector - Shipper supplied fuel (Nov. 1 - Mar. 31) n/a (1) 0.001 (1)

50     Dawn to Dawn-Vector - Shipper supplied fuel (Apr. 1 - Oct . 31) 0.001 (1) (0.000) 0.001 (1)

51     Dawn to Dawn-TCPL - Shipper supplied fuel (Nov. 1 - Mar. 31) 0.007 (1) (0.003) 0.004 (1)

52     Dawn to Dawn-TCPL - Shipper supplied fuel (Apr. 1 - Oct . 31) 0.007 (1) (0.003) 0.004 (1)

Short Term Firm transportation commodity charges:

53      Maximum 75.00  75.00

Notes:

   (1) Plus customer supplied fuel per rate schedule.

   (2) EB-2011-0210, Rate Order, Working Papers, Schedule 24, page 3, column (c).

Dawn(Tecumseh), Dawn(Facilities or TCPL), Dawn (Vector) and Dawn 

(TSLE)

UNION GAS LIMITED

Summary of Changes to Transportation Rates
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Effective

2013-01-01

Rate 01A

Page 1 of 2

ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Sales Service

(b) Transportation Service

(c) Bundled Transportation Service

MONTHLY RATES AND CHARGES

Zone Fort Frances Western Northern Eastern

Rate Schedule No. 201 101 301 601

MONTHLY CHARGE $21.00 $21.00 $21.00 $21.00

DELIVERY CHARGE ¢ per m
3

¢ per m
3

¢ per m
3

¢ per m
3

First 100 m
3
 per month @ 9.7347 9.7347 9.7347 9.7347

Next 200 m
3
 per month @ 9.2102 9.2102 9.2102 9.2102

Next 200 m
3
 per month @ 8.8375 8.8375 8.8375 8.8375

Next 500 m
3
 per month @ 8.4955 8.4955 8.4955 8.4955

Over 1,000 m
3
 per month @ 8.2130 8.2130 8.2130 8.2130

Delivery-Price Adjustment (All Volumes) 0.4510         (1) 0.4510        (1) 0.4510        (1) 0.4510        (1)

Notes:

(1) The Delivery - Price Adjustment is composed of a temporary credit of 0.0578 cents/m³ for the period October 1, 2012 to March 31, 2013 and a 

temporary charge of 0.5088 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

For continuous delivery on Union’s distribution system from the Point of Receipt on TCPL’s system to the Point of Consumption on the 

customer’s premises of natural gas owned by the customer and transported by TCPL under a firm transportation service tariff or equivalent 

National Energy Board Order.  For this service, the Monthly and Delivery Charges shall apply.  Unless otherwise authorized by Union, customers 

who initiate a movement to Transportation Service from a Sales Service or Bundled Transportation Service must accept an assignment from 

Union of transportation capacity on upstream pipeline systems.

For continuous delivery by Union of gas owned by the customer and for the associated transportation and storage services necessary to ensure 

deliverability in accordance with the customer’s needs.  For this service the Monthly, and Delivery Charges, as well as the Storage and 

Transportation Charges of the Gas Supply Charge shall apply.

APPLICABLE TO ALL SERVICES

RATE 01A - SMALL VOLUME GENERAL FIRM SERVICE

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones who is an end user whose total gas requirements at that location are equal 

to or less than 50,000 m
3
 per year.

For continuous supply of natural gas by Union and associated transportation and storage services necessary to ensure deliverability in 

accordance with the customer’s needs.  For this service, the Monthly, Delivery and Gas Supply Charges shall apply.

 

 



Effective

2013-01-01

Rate 01A

Page 2 of 2

GAS SUPPLY CHARGES

Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

MONTHLY BILL

MINIMUM MONTHLY BILL

The Minimum Monthly Bill shall be the Monthly Charge.

DELAYED PAYMENT

SERVICE AGREEMENT

Customers providing their own gas supply in whole or in part, for transportation by Union, must enter into a Service Agreement with Union.

TERMS AND CONDITIONS OF SERVICE

1.

2. Customers must enter into a Service Agreement with Union prior to the commencement of service.

3.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.

January 1, 2013

ADDITIONAL CHARGES FOR SALES SERVICE

The monthly bill will equal the sum of the monthly charges plus the rates multiplied by the applicable gas quantities delivered plus all applicable taxes.  

If the customer transports its own gas, the Gas Supply Charge under Sales Service will not apply.

If multiple end-users are receiving service from a customer under this rate, for billing purposes, the Monthly Charge, the Delivery Charge and any 

other charge that is specific to the location of each end-user shall be used to develop a monthly bill for each end-user at each location.  Upon 

request, possibly for a fee, Union will combine the individual bills on a single invoice or statement for administrative convenience.  However, 

Union will not combine the quantities or demands of several end-use locations so that eligibility to a different rate class will result.  Further, Union 

will not combine the monthly billing data of individual end-users to generate a single bill which is less than the sum of the monthly bills of the 

individual end-users involved at each location.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.

 

 



Effective

2013-01-01

Rate 10

Page 1 of 2

ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Sales Service

(b) Transportation Service

(c) Bundled Transportation Service

MONTHLY RATES AND CHARGES

Zone Fort Frances Western Northern Eastern

Rate Schedule No. 210 110 310 610

MONTHLY CHARGE $70.00 $70.00 $70.00 $70.00

DELIVERY CHARGE ¢ per m
3

¢ per m
3

¢ per m
3

¢ per m
3

First 1,000 m
3
 per month @ 7.7070 7.7070 7.7070 7.7070

Next 9,000 m
3
 per month @ 6.2934 6.2934 6.2934 6.2934

Next 20,000 m
3
 per month @ 5.4872 5.4872 5.4872 5.4872

Next 70,000 m
3
 per month @ 4.9711 4.9711 4.9711 4.9711

Over 100,000 m
3
 per month @ 3.0159 3.0159 3.0159 3.0159

Delivery-Price Adjustment (All Volumes) 0.2083         (1) 0.2083        (1) 0.2083        (1) 0.2083        (1)

Notes:

(1) The Delivery - Price Adjustment is composed of a temporary credit of 0.0540 cents/m³ for the period October 1, 2012 to March 31, 2013 and a 

temporary charge of 0.2623 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

RATE 10 - LARGE VOLUME GENERAL FIRM SERVICE

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones who is an end-user whose total firm gas requirements at one or more 

Company-owned meters at one location exceed 50,000 m
3
 per year.

For continuous supply of natural gas by Union and associated transportation and storage services necessary to ensure deliverability in 

accordance with the customer’s needs.  For this service, the Monthly, Delivery and Gas Supply Charges shall apply.

For continuous delivery on Union’s distribution system from the Point of Receipt on TCPL’s system to the Point of Consumption on the 

customer’s premises of natural gas owned by the customer and transported by TCPL under a firm transportation service tariff or equivalent 

National Energy Board Order.  For this service, the Monthly, and Delivery Charges shall apply.  Unless otherwise authorized by Union, customers 

who initiate a movement to Transportation Service from a Sales Service or Bundled Transportation Service must accept an assignment from 

Union of transportation capacity on upstream pipeline systems.  Customers may reduce their assignment of transportation capacity in compliance 

with Union’s Turnback Policy.

APPLICABLE TO ALL SERVICES

For continuous delivery by Union of gas owned by the customer and for the associated transportation and storage services necessary to ensure 

deliverability in accordance with the customer’s needs.  For this service the Monthly, and Delivery Charges, as well as the Storage and 

Transportation Charges of the Gas Supply Charge shall apply.
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2013-01-01

Rate 10
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GAS SUPPLY CHARGES

Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

MONTHLY BILL

MINIMUM MONTHLY BILL

The Minimum Monthly Bill shall be the Monthly Charge.

DELAYED PAYMENT

SERVICE AGREEMENT

TERMS AND CONDITIONS OF SERVICE

1. Service shall be for a minimum term of one year.

2.

3. Customers must enter into a Service Agreement with Union prior to the commencement of service.

4.

5.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.

Customers providing their own gas supply in whole or in part, for transportation by Union and customers purchasing gas from Union with maximum 

daily requirements in excess of 3,000 m
3
 per day must enter into a Service Agreement with Union.

If multiple end-users are receiving service from a customer under this rate, for billing purposes, the Monthly Charge, the Delivery Charge and any 

other charge that is specific to the location of each end-user shall be used to develop a monthly bill for each end-user at each location.  Upon 

request, possibly for a fee, Union will combine the individual bills on a single invoice or statement for administrative convenience.  However, 

Union will not combine the quantities or demands of several end-use locations so that eligibility to a different rate class will result.  Further, Union 

will not combine the monthly billing data of individual end-users to generate a single bill which is less than the sum of the monthly bills of the 

individual end-users involved at each location.

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s contiguous 

property will be used, irrespective of the number of meters installed.

ADDITIONAL CHARGES FOR SALES SERVICE

The monthly bill will equal the sum of the monthly charges plus the rates multiplied by the applicable gas quantities delivered plus all applicable taxes.  

If the customer transports its own gas, the Gas Supply Charge under Sales Service will not apply.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.
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ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Sales Service

(b) Transportation Service

(c) Bundled Transportation Service

(d) Storage Service

RATE 20 - MEDIUM VOLUME FIRM SERVICE

For continuous supply of natural gas by Union and associated transportation and storage services necessary to ensure deliverability in 

accordance with the customer’s needs.  For this service, the Monthly, Delivery and Gas Supply Charges shall apply.

For continuous delivery by Union of gas owned by the customer and for the associated transportation and storage services necessary to ensure 

deliverability in accordance with the customer’s needs.  For this service the Monthly, Delivery, Gas Supply Demand and Commodity 

Transportation Charges shall apply.

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones who is an end-user or who is authorized to serve an end-user of gas 

through one or more Company-owned meters at one location, and whose total maximum daily requirements for firm or combined firm and interruptible 

service is 14,000 m
3
 or more.

For continuous delivery on Union’s distribution system from the Point of Receipt on TCPL’s system to the Point of Consumption on the 

customer’s premises of natural gas owned by the customer.  The customer is responsible for obtaining the requisite regulatory approvals for the 

supply and transmission of such gas to Union’s distribution system.  For this service, the Monthly, Delivery, Transportation Account and 

Diversion Transaction Charges shall apply.  Unless otherwise authorized by Union, customers who initiate a movement to Transportation Service 

from a Sales Service or Bundled Transportation Service must accept an assignment from Union of transportation capacity on upstream pipeline 

systems.  Customers may reduce their assignment of transportation capacity in compliance with Union’s Turnback Policy.

For load balancing purposes for customers using Transportation Service on this rate schedule.  If at the sole discretion of Union, adequate 

supplies exist, bundled and unbundled storage and delivery/redelivery services will be provided.

The charge for Bundled Storage Service will consist of the charges for Transportation Service plus the charges for Bundled Storage Service.

NOTE:  Union has a short-term intermittent gas supply service under Rate 30 of which customers may avail themselves, if they qualify for use of 

the service.

 

 

 

 



Effective

2013-01-01

Rate 20

Page 2 of 4

MONTHLY RATES AND CHARGES

MONTHLY CHARGE $1,000.00

DELIVERY CHARGES (cents per month per m
3
)

Monthly Demand Charge for first 70,000 m
3
 of Contracted Daily Demand 27.8179

Monthly Demand Charge for all units over 70,000 m
3
 of Contracted Daily Demand 16.3583

Commodity Charge for first 852,000 m
3
 of gas volumes delivered 0.5375

Commodity Charge for all units over 852,000 m
3
 of gas volumes delivered 0.3932

NOTE

Gas Supply Charge

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule "A".

Commodity Transportation

HEAT CONTENT ADJUSTMENT

(1) Either the utility or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates, charges and terms and conditions 

applicable thereto, different from the rates, charges and terms and conditions specified herein if changed rates, charges and terms and 

conditions are considered by either party to be necessary, desirable and in the public interest.

ADDITIONAL CHARGES FOR SALES SERVICE

Charge 1 applies for all gas volumes delivered in the billing month up to the volume represented by the Contract Demand multiplied by the 

number of days in the billing month multiplied by 0.4.

Charge 2 applies for all additional gas volumes delivered in the billing month.

The gas supply commodity charges hereunder will be adjusted upwards or downwards as described below if the average total heating value of the gas 

per cubic metre (m
3
) determined in accordance with Union’s Terms and Conditions in any month falls above or below 37.89 MJ per m

3
, respectively.

The adjustment shall be determined by multiplying the amount otherwise payable by a fraction, where the numerator is the monthly weighted average 

total heating value per cubic meter and the denominator 37.89.

APPLICABLE TO ALL SERVICES - ALL ZONES (1)
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COMMISSIONING AND DECOMMISSIONING RATE

Zone Fort Frances Western Northern Eastern

Rate Schedule No. 220 120 320 620

MONTHLY CHARGE $1,000.00 $1,000.00 $1,000.00 $1,000.00

DELIVERY CHARGES cents per m
3

cents per m
3

cents per m
3

cents per m
3

Commodity Charge for each unit

of gas volumes delivered 2.3666 2.3666 2.3666 2.3666

GAS SUPPLY CHARGES

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

MONTHLY TRANSPORTATION ACCOUNT CHARGE

For customers that currently have installed or will require installing telemetering equipment $219.43

BUNDLED (T-SERVICE) STORAGE SERVICE CHARGES

Monthly Demand Charge for each unit of Contracted Daily Storage Withdrawal Entitlement  ($/GJ/Month) $9.643

Monthly Storage Demand- Price Adjustment for each unit of Contracted Daily Storage Withdrawal Entitlement: ($/GJ/Month) -                 

Commodity Charge for each unit of gas withdrawn from storage   ($/GJ) $0.156

Authorized Overrun Commodity Charge on each additional unit of gas Union authorizes for withdrawal from storage  ($/GJ) $0.473

DIVERSION TRANSACTION CHARGE

$10.00

THE BILL

MINIMUM BILL

The Authorized Overrun Commodity Charge is payable on all quantities on any Day in excess of the customer’s contractual rights, 

for which authorization has been received.  Overrun will be authorized by Union at its sole discretion. 

The minimum bill shall be the Monthly Charge, the Transportation Account Charge and the Demand Charges, as applicable.

The bill will equal the sum of the charges for all services selected plus the rates multiplied by the applicable gas quantities delivered or withdrawn for 

each service chosen plus all applicable taxes.  If the customer transports its own gas, the Gas Supply Charge under Sales Service will not apply.  If the 

customer selects Union’s Sales Service which includes the Gas Supply Charge, no additional charges for Transportation and Storage Services will 

apply.

Charge to a customer Receiving Delivery of diverted gas each time such customer requests a diversion and Union provides the 

service:

The contract may provide that the Monthly Demand Charges specified above shall not apply on all or part of the daily contracted demand used by the 

customer either during the testing, commissioning and phasing in of gas using equipment or, alternatively, in the decommissioning and phasing out of 

gas using equipment being displaced by other gas using equipment, for a period not to exceed one year (“the transition period”).  To be eligible the new 

or displaced gas using equipment must be separately meterable.  In such event, the contract will provide the following rates that such volume during 

the transitional period will be charged.

ADDITIONAL CHARGES FOR TRANSPORTATION AND STORAGE SERVICES – ALL ZONES
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DELAYED PAYMENT

SERVICE AGREEMENT

All customers must enter into a Service Agreement with Union before receiving service under this rate schedule.

TERMS AND CONDITIONS OF SERVICE

1. Service shall be for a minimum term of one year.

2.

3. Customers must enter into a Service Agreement with Union prior to the commencement of service.

4.

5.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s contiguous 

property will be used, irrespective of the number of meters installed.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.

January 1, 2013

If multiple end-users are receiving service from a customer under this rate, for billing purposes, the Monthly Charge, the Delivery Charge, the 

Transportation Account Charge and any other charge that is specific to the location of each end-user shall be used to develop a monthly bill for 

each end-user at each location.  Upon request, possibly for a fee, Union will combine the individual bills on a single invoice or statement for 

administrative convenience.  However, Union will not combine the quantities or demands of several end-use locations so that eligibility to a 

different rate class will result.  Further, Union will not combine the billing data of individual end-users to generate a single bill which is less than 

the sum of the bills of the individual end-users involved at each location.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.
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ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Sales Service

(b) Transportation Service

MONTHLY RATES AND CHARGES

MONTHLY CHARGE $375.00

DELIVERY CHARGES cents per m
3

5.0882

Notes:

RATE 25 - LARGE VOLUME INTERRUPTIBLE SERVICE

For interruptible supply of natural gas by Union and associated transportation services necessary to ensure its delivery in accordance with 

customer’s needs.  For this service, the Monthly, Delivery and Gas Supply Charges shall apply.

For delivery of natural gas owned by the customer on Union’s distribution system from the Point of Receipt from TCPL’s system to the Point of 

Consumption on the customer’s or end-user’s premises, providing that, in the judgement of Union, acting reasonably, the customer-owned gas 

does not displace service from Union under a Rate 20 or Rate 100 contract specific to that location.  The customer is responsible for obtaining 

the requisite regulatory approvals for the supply and transmission of such gas to Union’s distribution system.  For this service, the Monthly, 

Delivery, Transportation Account and Diversion Transaction Charges shall apply.

NOTE:  Union has a short-term intermittent gas supply service under Rate 30 which customers may avail themselves of, if they qualify for use of 

the service.

APPLICABLE TO ALL SERVICES – ALL ZONES (1)

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones who is an end-user or who is authorized to serve an end-user of gas 

through one or more Company-owned meters at one location, and whose total maximum daily interruptible requirement is  3,000 m
3
 or more or the 

interruptible portion of a maximum daily requirement for combined firm and interruptible service is 14,000 m
3 
or more and whose operations, in the 

judgement of Union, can readily accept interruption and restoration of gas service.

A Delivery Price for all volumes delivered to the customer to be negotiated between 

Union and the customer and the average price during the period in which these 

rates remain in effect shall not exceed:

(1) Either the utility or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates, charges and terms and conditions 

applicable thereto, different from the rates, charges and terms and conditions specified herein if changed rates, charges and terms and conditions are 

considered by either party to be necessary, desirable and in the public interest.
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Gas Supply Charge

As per applicable rate provided in Schedule "A".

Interruptible Service

HEAT CONTENT ADJUSTMENT

MONTHLY TRANSPORTATION ACCOUNT CHARGE:  

For customers that currently have installed or will require installing telemetering equipment. $219.43

THE BILL

MINIMUM BILL

The minimum bill shall be the Monthly Charge and the Transportation Account Charge, if applicable.

DELAYED PAYMENT

SERVICE AGREEMENT

All customers must enter into a Service Agreement with Union before receiving service under this rate schedule.

ADDITIONAL CHARGES FOR SALES SERVICE

Applicable all year at a price agreed upon between Union and the customer and the average price during the period in which these rates remain 

in effect.

The gas supply commodity charges hereunder will be adjusted upwards or downwards as described below if the average total heating value of the gas 

per cubic metre (m
3
) determined in accordance with Union’s Terms and Conditions in any month falls above or below 37.89 MJ per m

3
, respectively.

The adjustment shall be determined by multiplying the amount otherwise payable by a fraction, where the numerator is the monthly weighted average 

total heating value per cubic meter and the denominator 37.89.

ADDITIONAL CHARGES FOR TRANSPORTATION – ALL ZONES

The bill will equal the sum of the monthly charges for all services selected plus the rates multiplied by the applicable gas volumes delivered or 

withdrawn for each service chosen plus all applicable taxes.  If the customer transports its own gas, the Gas Supply Charge under Sales Service will 

not apply.  If the customer selects Union’s Sales Service which includes the Gas Supply Charge, no additional charges for Transportation will apply.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.
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TERMS AND CONDITIONS OF SERVICE

1. Service shall be for a minimum term of one year.

2.

3. Customers must enter into a Service Agreement with Union prior to the commencement of service.

4.

5.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

If multiple end-users are receiving service from a customer under this rate, for billing purposes, the Monthly Charge, the Delivery Charge, the 

Transportation Account Charge and any other charge that is specific to the location of each end-user shall be used to develop a monthly bill for 

each end-user at each location.  Upon request, Union will combine the individual bills on a single invoice or statement for administrative 

convenience.  However, Union will not combine the volumes or demands of several end-use locations so that eligibility to a different rate class 

will result.  Further, Union will not combine the monthly billing data of individual end-users to generate a single bill which is less than the sum of 

the monthly bills of the individual end-users involved at each location.

For the purposes of qualifying for a rate class, the total volumes of gas consumed or expected to be consumed on the customer’s contiguous 

property will be used, irrespective of the number of meters installed.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.

January 1, 2013
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ELIGIBILITY

SERVICE AVAILABLE

GAS SUPPLY CHARGE

SHORT TERM STORAGE / BALANCING SERVICE

Short Term Storage / Balancing Service is:

i) a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage facilities, OR

ii) short-term firm deliverability, OR

iii) a component of an operational balancing service offered.

In negotiating the rate to be charged for service, the matters that are to be considered include:

i) the minimum amount of storage service to which a customer is willing to commit,

ii) whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) utilization of facilities, and

iv) competition.

A commodity charge to be negotiated between Union and the customer not to exceed $6.000/GJ.

THE BILL

SERVICE AGREEMENT

RATE 30 - INTERMITTENT GAS SUPPLY SERVICE

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones already connected to Union’s gas distribution system who is an end-user 

or is authorized to serve an end-user.

AND SHORT TERM STORAGE / BALANCING SERVICE

For intermittent, short-term gas supply which will be a substitute for energy forms other than Company owned gas sold under other rate schedules.  

This may include situations where customer-owned gas supplies are inadequate and short-term backstopping service is requested or during a situation 

of curtailment on the basis of price when the purchase price of Spot gas is outside the interruptible service price range.  The gas supply service 

available hereunder is offered only in conjunction with service to the customer under an applicable firm or interruptible service rate schedule of Union.  

The service is for intermittent gas supply and short term storage / balancing service and will be billed in combination with Monthly, Delivery, and other 

applicable charges for such services under the applicable rate schedule.  Gas supply under this rate will be provided when, at the sole discretion of 

Union, adequate supplies are available.

The gas supply charge shall be $5.00 per 10
3
m

3
 plus the greater of the incremental cost of gas for Union and the customer’s gas supply charge.

The bill for gas supply and/or short term supplemental services under this rate shall be rendered in conjunction with the billing for delivery and other 

services under the customer’s applicable rate for such services.

All customers must enter into a Service Agreement with Union for this service and must agree therein to curtail or interrupt use of gas under this rate 

schedule whenever requested to do so by Union.
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TERMS AND CONDITIONS OF SERVICE

1.

2.

3.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Failure of the customer to interrupt or curtail use of gas on this rate as requested by Union shall be subject to the Unauthorized Overrun Gas 

Penalty as provided in Union’s Terms and Conditions.  Anytime the customer has such failure, Union reserves the right to cancel service under 

this rate.

The Terms and Conditions of the applicable rate schedule for delivery of the gas sold hereunder shall also apply.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.
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ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Sales Service

(b) Transportation Service

(c) Bundled Transportation Service

(d) Storage Service

For load balancing purposes for customers using Transportation Service on this rate schedule.  If at the sole discretion of Union, adequate 

supplies exist, bundled and unbundled storage and delivery/redelivery services will be provided.

The charge for Bundled Storage Service will consist of the charges for Transportation Service plus the charges for Bundled Storage Service.

NOTE:  Union has a short-term intermittent gas supply service under Rate 30 which customers may avail themselves of, if they qualify for use of 

the service.

RATE 100 – LARGE VOLUME HIGH LOAD FACTOR FIRM SERVICE

Any customer in Union’s Fort Frances, Western, Northern or Eastern Zones who is an end-user or who is authorized to serve an end-user of gas 

through one or more Company-owned meters at one location, and whose maximum daily requirement for firm service is 100,000 m
3
 or more, and 

whose annual requirement for firm service is equal to or greater than its maximum daily requirement multiplied by 256.

For continuous supply of natural gas by Union and associated transportation and storage services necessary to ensure deliverability in 

accordance with the customer’s needs.  For this service, the Monthly, Delivery and Gas Supply Charges shall apply.

For continuous delivery on Union’s distribution system from the Point of Receipt on TCPL’s system to the Point of Consumption on the 

customer’s premises of natural gas owned by the customer.  The customer is responsible for obtaining the requisite regulatory approvals for the 

supply and transmission of such gas to Union’s distribution system.  For this service, the Monthly, Delivery, Transportation Account and Diversion 

Transaction Charges shall apply.  Unless otherwise authorized by Union, customers who initiate a movement to Transportation Service from a 

Sales Service or Bundled Transportation Service must accept an assignment from Union of transportation capacity on upstream pipeline 

systems.  Customers may reduce their assignment of transportation capacity in compliance with Union’s Turnback Policy.

For continuous delivery by Union of gas owned by the customer and for the associated transportation and storage services necessary to ensure 

deliverability in accordance with the customer’s needs.  For this service the Monthly, Delivery, Gas Supply Demand and Commodity 

Transportation Charges shall apply.
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MONTHLY RATES AND CHARGES

MONTHLY CHARGE $1,500.00

DELIVERY CHARGES (cents per Month per m
3
 of Daily Contract Demand)

Monthly Demand Charge for each unit of Contracted Daily Demand 15.3415

Commodity Charge for each unit of gas volumes delivered (cents/m
3
) 0.2137

NOTE:

Gas Supply Charges

Commodity Transportation

Charge 2 applies for all additional gas volumes delivered in the billing month.

HEAT CONTENT ADJUSTMENT

The gas supply charge is comprised of charges for transportation and for commodity and fuel.  The applicable rates are provided in Schedule “A”.

Charge 1 applies for all gas volumes delivered in the billing month up to the volume represented by the Contract Demand multiplied by the 

number of days in the billing month multiplied by 0.3.

The gas supply commodity charges hereunder will be adjusted upwards or downwards as described below if the average total heating value of the gas 

per cubic metre (m
3
) determined in accordance with Union’s Terms and Conditions in any month falls above or below 37.89 MJ per m

3
, respectively.

The adjustment shall be determined by multiplying the amount otherwise payable by a fraction, where the numerator is the monthly weighted average 

total heating value per cubic meter and the denominator 37.89.

(1) Either the utility or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates, charges and terms and conditions 

applicable thereto, different from the rates, charges and terms and conditions specified herein if changed rates, charges and terms and conditions 

are considered by either party to be necessary, desirable and in the public interest.

ADDITIONAL CHARGES FOR SALES SERVICE

APPLICABLE TO ALL SERVICES - ALL ZONES (1)
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COMMISSIONING AND DECOMMISSIONING RATE

Zone Fort Frances Western Northern Eastern

Rate Schedule No. 2100 1100 3100 6100

MONTHLY CHARGE $1,500.00 $1,500.00 $1,500.00 $1,500.00

DELIVERY CHARGES cents per m
3

cents per m
3

cents per m
3

cents per m
3

Commodity Charge for each unit

of gas volumes delivered 0.9342 0.9342 0.9342 0.9342

GAS SUPPLY CHARGES

MONTHLY TRANSPORTATION ACCOUNT CHARGE

For customers that currently have installed or will require installing telemetering equipment $219.43

BUNDLED (T-SERVICE) STORAGE SERVICE CHARGES

Monthly Demand Charge for each unit of Contracted Daily Storage Withdrawal Entitlement  ($/GJ/Month) $9.643

Monthly Storage Demand- Price Adjustment for each unit of Contracted Daily Storage Withdrawal Entitlement: ($/GJ/Month) -                  

Commodity Charge for each unit of gas withdrawn from storage   ($/GJ) $0.156

Authorized Overrun Commodity Charge on each additional unit of gas Union authorizes for withdrawal from storage  ($/GJ) $0.473

DIVERSION TRANSACTION CHARGE

$10.00

THE BILL

MINIMUM BILL

The contract may provide that the Monthly Demand Charges specified above shall not apply on all or part of the daily contracted demand used by the 

customer either during the testing, commissioning and phasing in of gas using equipment or, alternatively, in the decommissioning and phasing out of 

gas using equipment being displaced by other gas using equipment, for a period not to exceed one year (“the transitional period”).  To be eligible the 

new or displaced gas using equipment must be separately meterable.  In such event, the contract will provide the following rates that such volume 

during the transitional period will be charged.

ADDITIONAL CHARGES FOR TRANSPORTATION AND STORAGE SERVICES – ALL ZONES

The Authorized Overrun Commodity Charge is payable on all quantities on any Day in excess of the customer’s contractual rights, 

for which authorization has been received.  Overrun will be authorized by Union at its sole discretion. 

The gas supply charge is comprised of charges for transportation and for commodity and fuel.  The applicable rates are provided in Schedule “A”.

Charge to a customer Receiving Delivery of diverted gas each time such customer requests a diversion and Union provides the 

service:

The bill will equal the sum of the charges for all services selected plus the rates multiplied by the applicable gas quantities delivered or withdrawn for 

each service chosen plus all applicable taxes.  If the customer transports its own gas, the Gas Supply Charge under Sales Service will not apply.  If the 

customer selects Union’s Sales Service which includes the Gas Supply Charge, no additional charges for Transportation and Storage Services will 

apply.

The minimum bill shall be the Monthly Charge, the Transportation Account Charge and the Demand Charges, as applicable.
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DELAYED PAYMENT

SERVICE AGREEMENT

All customers must enter into a Service Agreement with Union before receiving service under this rate schedule.

TERMS AND CONDITIONS OF SERVICE

1. Service shall be for a minimum term of one year.

2.

3. Customers must enter into a Service Agreement with Union prior to the commencement of service.

4.

5.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated, which may be higher than the identified rates.

January 1, 2013

If multiple end-users are receiving service from a customer under this rate, for billing purposes, the Monthly Charge, the Delivery Charge, the 

Transportation Account Charge and any other charge that is specific to the location of each end-user shall be used to develop a monthly bill for 

each end-user at each location.  Upon request, possibly for a fee, Union will combine the individual bills on a single invoice or statement for 

administrative convenience.  However, Union will not combine the quantities or demands of several end-use locations so that eligibility to a 

different rate class will result.  Further, Union will not combine the billing data of individual end-users to generate a single bill which is less than 

the sum of the bills of the individual end-users involved at each location.

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s contiguous 

property will be used, irrespective of the number of meters installed.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.
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ELIGIBILITY

SERVICES AVAILABLE

The following services are available under this rate schedule:

(a) Transportation Service

(b) Storage Service

MONTHLY RATES AND CHARGES

UNBUNDLED STORAGE SERVICE CHARGES

Storage Space Charge

     Applied to Contracted Maximum Storage Space  ($ per GJ per Month) $0.085

Fuel Ratio

     Applied to all gas injected and withdrawn from storage  (%) 0.395%

Commodity Charge

     Applied to all gas injected and withdrawn from storage  ($ per GJ) $0.026

UNBUNDLED STORAGE SERVICE AUTHORIZED OVERRUN CHARGES

Fuel Ratio

     Applied to all gas injected and withdrawn from storage  (%) 0.853%

Commodity Charge

     Applied to all gas injected and withdrawn from storage  ($ per GJ) $0.053

RATE S1 - GENERAL FIRM SERVICE STORAGE RATES

Any customer or agent in Union’s Fort Frances, Western, Northern or Eastern Zones who is authorized to serve an end-user of gas, paying for delivery 

services under Rate 01A or Rate 10.

The customer is responsible for obtaining all Gas Supply services to the end-user including the requisite regulatory approvals for the supply and 

transmission of such gas to Union’s distribution system.  For this service, the Diversion Transaction Charge shall apply.  Unless otherwise 

authorized by Union, customers who initiate a movement to Transportation Service from a Sales Service or Bundled Transportation Service must 

accept an assignment from Union of transportation capacity on upstream pipeline systems.

For load balancing purposes for customers using Transportation Service on this rate schedule.  If at the sole discretion of Union, adequate 

supplies exist, unbundled storage and delivery/redelivery services will be provided.

The charge for Unbundled Storage Service will consist of the charges for Transportation Service plus the charges for Unbundled Storage Service 

which must include charges for delivery/redelivery service to/from storage.

The Authorized Overrun Commodity Charge is payable on all quantities on any Day in excess of the customer’s contractual rights, for which 

authorization has been received.  Overrun will be authorized by Union at its sole discretion.
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UNBUNDLED STORAGE SERVICE UNAUTHORIZED OVERRUN CHARGES

     Zone Fort Frances Western Northern Eastern

Delivery Service to Storage Facilities (1)

Demand Charge ($/GJ/month) N/A $23.187 $9.083 $0.908

Commodity ($/GJ) N/A $0.049 $0.023 $0.008

Redelivery Service from Storage Facilities

Demand Charge ($/GJ/month) $1.798 $1.798 $1.798 $7.836

Commodity ($/GJ) N/A $0.035 $0.035 $0.049

Notes:

1.  Delivery Service to Storage Facilities is not available to Northern Zone customers in the Sault Ste. Marie Delivery Area (SSMDA).

2.  Daily Firm Injection and Withdrawal Rights shall be pursuant to the storage contract.

3.  Storage Space, Withdrawal Rights, and Injection Rights are not assignable to any other party without the prior written consent of

     Union and where necessary, approval from the Ontario Energy Board.

Diversion Transaction Charge

Charge to a customer receiving delivery of diverted gas each time such customer requests a

diversion and Union provides the service: $10.00

MONTHLY BILL

DELAYED PAYMENT

TERMS AND CONDITIONS OF SERVICE

1. Customers must enter into a Service Agreement with Union prior to the commencement of service.

2.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The identified rates represent maximum prices for service.  These rates may change periodically.  Multi-year prices may also be negotiated, 

which may be higher than the identified rates.

January 1, 2013

If in any month, the customer has gas in storage in excess of the contracted Maximum Storage Space or the gas storage balance for the 

account of the customer is less than zero or the customer has injected or withdrawn volumes from storage which exceeds their contractual 

rights, and which has not been authorized by Union or provided for under a short term storage/balancing service, such an event will constitute an 

occurrence of Unauthorized Overrun.  The Unauthorized Overrun rate during the November 1 to April 15 period will be $60.00 per GJ.  The 

Unauthorized Overrun rate during the April 16 to October 31 period will be $6.000 per GJ.

The monthly bill will equal the sum of the monthly charges for all services selected plus the rates multiplied by the applicable gas quantities delivered 

or withdrawn for each service chosen plus all applicable taxes.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) multiplied by 

the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 days after the bill 

has been issued.
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(A) Availability

Available to customers in Union's Fort Frances, Western, Northern and Eastern  Delivery Zones.

(B) Applicability:

To all sales customers served under Rate 01A, Rate 10, Rate 20, Rate 100 and Rate 25.

(C) Rates

Utility Sales

Fort Frances Western Northern Eastern

Rate 01A (cents / m
3
)

Storage 2.1507               2.3910       3.2252       3.5799          

Storage - Price Adjustment (2) 0.2109               0.2109       0.2109       0.2109          

Commodity and Fuel (1) 12.5811             12.6353     12.7025     12.7620        

Commodity and Fuel - Price Adjustment (3) (2.2022)              (2.2022)      (2.2022)      (2.2022)         

Transportation 4.9387               5.5401       7.6275       8.5153          

Transportation - Price Adjustment (4) 1.0523               1.0523       1.0523       1.0523          

Total Gas Supply Charge 18.7315             19.6274     22.6162     23.9181        

Rate 10 (cents / m
3
)

Storage 1.2015               1.4418       2.2760       2.6307          

Storage - Price Adjustment (5) 0.1201               0.1201       0.1201       0.1201          

Commodity and Fuel (1) 12.5811             12.6353     12.7025     12.7620        

Commodity and Fuel - Price Adjustment (6) (2.1961)              (2.1961)      (2.1961)      (2.1961)         

Transportation 4.3170               4.9184       7.0058       7.8935          

Transportation - Price Adjustment (7) 1.0341               1.0341       1.0341       1.0341          

Total Gas Supply Charge 17.0576             17.9536     20.9423     22.2443        

Notes:

(1)  The Commodity and Fuel rate includes a gas supply administration charge of 0.1933 cents/m
3
.

(2)  Includes a temporary charge of 0.2109 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(3)  Includes a temporary credit of 0.0286 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(4)  Includes a temporary credit of 0.0608 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(5)  Includes a temporary charge of 0.1201 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(6)  Includes a temporary credit of 0.0225 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(7)  Includes a temporary credit of 0.0786 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

Northern and Eastern Operations Area

Gas Supply Charges

Union Gas Limited  
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Utility Sales

Fort Frances Western Northern Eastern

Rate 20 (cents / m
3
)

Commodity and Fuel (1) 12.6040              12.6583     12.7256     12.7853        

Commodity and Fuel - Price Adjustment (2.1736)              (2.1736)      (2.1736)      (2.1736)         

Commodity Transportation - Charge 1 3.3924               3.7291       4.8977       5.3947          

Transportation 1 - Price Adjustment 1.1138               1.1138       1.1138       1.1138          

Commodity Transportation - Charge 2 0.1535               0.2673 0.4138       0.5393          

Monthly Gas Supply Demand 21.7512             35.0467     85.6936     106.0700      

Gas Supply Demand - Price Adjustment -                    -             -             -                

Commissioning and Decommissioning Rate 4.1748               5.3411       9.6355       11.3980        

Rate 100 (cents / m
3
)

Commodity and Fuel (1) 12.6040             12.6583     12.7256     12.7853        

Commodity and Fuel - Price Adjustment (2.1736)              (2.1736)      (2.1736)      (2.1736)         

Commodity Transportation - Charge 1 7.0154               7.2679       8.1444       8.5171          

Commodity Transportation - Charge 2 0.1535               0.2673       0.4138       0.5393          

Monthly Gas Supply Demand 61.0900             76.6014     135.6895    159.4619      

Commissioning and Decommissioning Rate 5.9635               6.8653       10.0998     11.4478        

Rate 25 (cents / m
3
)

Gas Supply Charge: Interruptible Service

Minimum 14.3135             14.3135     14.3135     14.3135        

Maximum 140.5622           140.5622   140.5622    140.5622      

 

Notes:

(1)  The Commodity and Fuel rate includes a gas supply administration charge of 0.1933 cents/m
3
.

Effective: January 1, 2013

O.E.B.  Order # EB-2011-0210 Chatham, Ontario

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

Gas Supply Charges

Union Gas Limited

Northern and Eastern Operations Area
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To general service customers whose total consumption is equal to or less than 50,000 m
3
 per year.

(C) Rates

a) Monthly Charge $21.00

b) Delivery Charge

   First 100 m³ 3.7795 ¢ per m³

   Next 150 m³ 3.5730 ¢ per m³

   All Over 250 m³ 3.0845 ¢ per m³

Delivery – Price Adjustment (All Volumes) (0.0054) ¢ per m³ (1)

c) Storage Charge (if applicable) 0.7368 ¢ per m³

Storage - Price Adjustment  (All Volumes) (0.0513) ¢ per m³ (2)

Applicable to all bundled customers (sales and bundled transportation service).

d) Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

During any month in which a customer terminates service or begins service, the fixed charge for the month will be prorated to such customer.

Notes:

(1)  The Delivery - Price Adjustment includes a temporary credit of 0.0485 cents/m³ for the period October 1, 2012 to March 31, 2013 and a 

       temporary charge of 0.0429 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(2)  The Storage - Price Adjustment includes a temporary credit of 0.0513 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(D) Supplemental Service to Commercial and Industrial Customers Under Group Meters

(E) Delayed Payment

SMALL VOLUME GENERAL SERVICE RATE

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

Combination of readings from several meters may be authorized by the Company and the Company will not reasonably withhold authorization in 

cases where meters are located on contiguous pieces of property of the same owner not divided by a public right-of-way

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(F) Direct Purchase

(G) Overrun Charge

(H) Bundled Direct Purchase Delivery

(I) Company Policy Relating to Terms of Service

a.

b.

Assumed

Atmospheric

Pressure

Zone kPa

1 100.148

2 99.494

3 98.874

4 98.564

5 98.185

6 97.754
7 97.582
8 97.065

9 96.721

10 100.561

11 99.321

12 98.883

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, an assignment 

from Union of transportation capacity on upstream pipeline systems.

In the event that a direct purchase customer fails to deliver its contracted volumes to Union, and Union has the capability to continue to supply 

the customer, Union will do so.  The customer may pay 4.5164 ¢ per m³ for the delivery and the total gas supply charge for utility sales provided 

in Schedule “A” per m³, plus 7¢ per m³.

Where a customer elects transportation service under this rate schedule, the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.  Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Customers who temporarily discontinue service during any twelve consecutive months without payment of the monthly fixed 

charge for the months in which the gas is temporarily disconnected shall pay for disconnection and reconnection.

When gas is delivered at an absolute pressure in excess of 101.325 kilopascals, then for purposes of measurement, hereunder, 

such volume of gas shall be corrected to an absolute pressure of 101.325 kilopascals.  Atmospheric pressure is assumed to be 

the levels shown below in kilopascals (absolute) regardless of the actual atmospheric pressure at which the gas is measured and 

delivered.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To general service customers whose total consumption is greater than 50,000 m
3
 per year.

(C) Rates

a) Monthly Charge $70.00

b) Delivery Charge

   First 1 000 m³ 4.1416 ¢ per m³

   Next 6 000 m³ 4.0653 ¢ per m³

   Next 13 000 m³ 3.8379 ¢ per m³

   All Over 20 000 m³ 3.5650 ¢ per m³

Delivery – Price Adjustment (All Volumes) 0.0355 ¢ per m³ (1)

c) Storage Charge (if applicable) 0.7550 ¢ per m³

Storage - Price Adjustment  (All Volumes) 0.0080 ¢ per m³ (2)

Applicable to all bundled customers (sales and bundled transportation service).

d) Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

During any month in which a customer terminates service or begins service, the fixed charge for the month will be prorated to such customer.

Notes:

(1)  The Delivery - Price Adjustment includes a temporary credit of 0.0473 cents/m³ for the period October 1, 2012 to March 31, 2013 and a 

       temporary charge of 0.0826 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(2)  The Storage - Price Adjustment includes a temporary charge of 0.0080 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(D) Supplemental Service to Commercial and Industrial Customers Under Group Meters

(E) Delayed Payment

LARGE VOLUME GENERAL SERVICE RATE

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

Combination of readings from several meters may be authorized by the Company and the Company will not reasonably withhold authorization in 

cases where meters are located on contiguous pieces of property of the same owner not divided by a public right-of-way.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(F) Direct Purchase

(G) Overrun Charge

(H) Bundled Direct Purchase Delivery

(I) Company Policy Relating to Terms of Service

a.

b.

Assumed

Atmospheric

Pressure

Zone kPa

1 100.148

2 99.494

3 98.874

4 98.564

5 98.185

6 97.754
7 97.582
8 97.065

9 96.721

10 100.561

11 99.321

12 98.883

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, an assignment 

from Union of transportation capacity on upstream pipeline systems.

In the event that a direct purchase customer fails to deliver its contracted volumes to Union, and Union has the capability to continue to supply 

the customer, Union will do so.  The customer may pay 4.8967 ¢ per m³ for the delivery and the total gas supply charge for utility sales provided 

in Schedule “A” per m³, plus 7¢ per m³.

Where a customer elects transportation service under this rate schedule, the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.  Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Customers who temporarily discontinue service during any twelve consecutive months without payment of the monthly fixed 

charge for the months in which the gas is temporarily disconnected shall pay for disconnection and reconnection.

When gas is delivered at an absolute pressure in excess of 101.325 kilopascals, then for purposes of measurement, hereunder, 

such volume of gas shall be corrected to an absolute pressure of 101.325 kilopascals.  Atmospheric pressure is assumed to be 

the levels shown below in kilopascals (absolute) regardless of the actual atmospheric pressure at which the gas is measured and 

delivered.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

(C) Rates

1. Bills will be rendered monthly and shall be the total of:

(i) A Monthly Demand Charge

First 8 450 m³ of daily contracted demand 46.6239 ¢ per m³

Next 19 700 m³ of daily contracted demand 20.9050 ¢ per m³

All Over 28 150 m³ of daily contracted demand 17.5631 ¢ per m³

(ii) A Monthly Delivery Commodity Charge

First 422 250 m³ delivered per month 0.9621 ¢ per m³

Next volume equal to 15 days use of daily contracted demand 0.9621 ¢ per m³

For remainder of volumes delivered in the month 0.4243 ¢ per m³

Delivery- Price Adjustment (All Volumes) 0.0002 ¢ per m³

(iii) Gas Supply Charge (if applicable)

2. Overrun Charge

3. Minimum Annual Charge

In the event that the contract period exceeds one year the annual minimum volume will be prorated for any part year.

To a customer who enters into a contract for the purchase or transportation of gas for a minimum term of one year that specifies a daily 

contracted demand between 4 800 m³ and 140 870 m³.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

The gas supply charge is comprised of charges for transportation and for commodity and fuel.  The applicable rates 

are provided in Schedule “A”

Unauthorized overrun gas taken in any month shall be paid for at the rate of 4.5164 ¢ per m³ for the delivery and the total gas 

supply charge for utility sales provided in Schedule “A” per m³ for all gas supply volumes purchased.

Authorized overrun gas is available provided that it is authorized by Union in advance.  Union will not unreasonably withhold 

authorization.  Overrun means gas taken on any day in excess of 103% of contracted daily demand.  Authorized overrun will be 

available April 1 through October 31 and will be paid for at a Delivery Rate of 2.4949 ¢ per m³ and, if applicable, the total gas 

supply charge for utility sales provided in Schedule “A” per m³ for all volumes purchased.

In each contract year, the customer shall purchase from Union or pay for a minimum volume of gas or transportation services 

equivalent to 146 days use of contracted demand.  Overrun gas volumes will not contribute to the minimum volume. In the event 

that the customer shall not take such minimum volume the customer shall pay an amount equal to the deficiency from the 

minimum volume times a Delivery Charge of 1.1554 ¢ per m³ and, if applicable a gas supply commodity charge provided in 

Schedule “A”.

FIRM INDUSTRIAL AND COMMERCIAL CONTRACT RATE

 

 



Effective

2013-01-01

Rate M4

Page 2 of 2

(D) Delayed Payment

(E) Direct Purchase

(F) Bundled Direct Purchase Delivery

Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems for all volumes.  Customers 

initiating direct purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, 

an assignment from Union of transportation capacity on upstream pipeline systems.

Where a customer elects transportation service under this rate schedule the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

(C) Rates

1. Interruptible Service

a) (i)  Monthly Delivery Commodity Charge

2.9712 ¢ per m³

2.8413 ¢ per m³

2.7730 ¢ per m³

2.7251 ¢ per m³

2.6908 ¢ per m³

2.6571 ¢ per m³

Delivery- Price Adjustment (All Volumes) 0.0002 ¢ per m³

(ii)  Days Use of Interruptible Contract Demand

For 75 days use of contracted demand 0.0530 ¢ per m³

For each additional days use of contracted demand up 

to a maximum of 275 days, an additional discount of 0.00212 ¢ per m³

(iii)  Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”

(iv)  Monthly Charge $690.00 per month

   4 800 m³  ≤ CD <   17 000 m³

17 000 m³  ≤ CD <   30 000 m³

30 000 m³  ≤ CD <   50 000 m³

50 000 m³  ≤ CD <   70 000 m³

70 000 m³  ≤ CD < 100 000 m³

100 000 m³  ≤ CD ≤ 140 870 m³

The price determined under Paragraph 1(a) of “Rates” will be reduced by the amount based on the number of Days 

Use of Contracted Demand as scheduled below:

INTERRUPTIBLE INDUSTRIAL AND COMMERCIAL CONTRACT RATE

To a customer who enters into a contract for the purchase or transportation of gas for a minimum term of one year that specifies a daily 

contracted demand between 4 800 m³ and 140 870 m³ inclusive. 

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

The price of all gas delivered by Union pursuant to any contract, contract amendment, or contract renewal shall be determined on 

the basis of the following schedules:

Daily Contracted Demand Level (CD) Price per m³
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2.

In the event that the contract period exceeds one year, the annual minimum volume will be prorated for any part year.

3.

4. Non-Interruptible Service

a) The monthly demand charge for firm daily deliveries will be 28.6252 ¢ per m³.

b)

c) The interruptible commodity charge will be established under Clause 1 of this schedule.

(D) Delayed Payment

(E) Direct Purchase

(F) Bundled Direct Purchase Delivery

Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The commodity charge for firm service shall be the rate for firm service at Union’s firm rates net of a monthly 

demand charge of 28.6252 ¢ per m³ of daily contracted demand and a delivery commodity price adjustment of 

0.0002 ¢ per m³.

January 1, 2013

In each contract year, the customer shall take delivery from Union, or in any event pay for, if available and not accepted by the 

customer, a minimum volume of gas or transportation services as specified in the contract between the parties and which will not 

be less than 700 000 m³ per annum.  Overrun volumes will not contribute to the minimum volume.  In the event that the customer 

shall not take such minimum volume, the customer shall pay an amount equal to the deficiency from the minimum volume times a 

Delivery Charge of 3.1645 ¢ per m³, and if applicable, a gas supply charge provided in Schedule “A”.

Overrun gas is available without penalty provided that it is authorized by Union in advance.  Union will not unreasonably withhold 

authorization.  Overrun means gas taken on any day in excess of 105% of contracted daily demand.

Unauthorized overrun gas taken in any month shall be paid for at the rate of 4.5164 ¢ per m³ for the delivery and the total gas 

supply charge for utility sales provided in Schedule “A” per m³ for all gas supply volumes purchased.

Union may agree, in its sole discretion, to combine an interruptible service with a firm service in which case the amount of firm daily 

demand to be delivered shall be agreed upon by Union and the customer.

Where a customer elects transportation service under this rate schedule the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, an assignment 

from Union of transportation capacity on upstream pipeline systems.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a Customer 

a)

b)

(C) Rates

1. Bills will be rendered monthly and shall be the total of:

(i)  A Monthly Demand Charge

A negotiated Monthly Demand Charge of up to 25.3924 ¢ per m³ for each m³ of daily contracted firm demand.

(ii) A Monthly Delivery Commodity Charge

(iii) Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

INDUSTRIAL AND COMMERCIAL CONTRACT RATE

who enters into a contract for the purchase or transportation of gas for a minimum term of one year that specifies a combined 

maximum daily requirement for firm, interruptible and seasonal service of at least 140 870 m³, and a qualifying annual volume of at 

least 28 327 840 m³; and

who has site specific energy measuring equipment installed at each Point of Consumption that will be used in determining energy 

balances.

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s contiguous 

property will be used, irrespective of the number of meters installed.

(2)  A Monthly Interruptible Delivery Commodity Charge for all interruptible volumes to be negotiated between Union 

and the customer not to exceed an annual average of 3.9455 ¢ per m³.

SPECIAL LARGE VOLUME

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

(1)  A Monthly Firm Delivery Commodity Charge for all firm volumes of 0.3206 ¢ per m³ for each m³, and a Delivery - 

Price Adjustment of 0.0002 ¢ per m³.

(3)  A Monthly Seasonal Delivery Commodity Charge for all seasonal volumes to be negotiated between Union and 

the customer not to exceed an annual average of 3.7014 ¢ per m³.
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(iv) Overrun Gas

2. In negotiating the Monthly Interruptible and Seasonal Commodity Charges, the matters to be considered include:

(a) The volume of gas for which the customer is willing to contract,

(b)

(c) Interruptible or curtailment provisions, and

(d) Competition.

3.

4.

5.

(D) Delayed Payment

(E) Direct Purchase

(F) Bundled Direct Purchase Delivery and Short Term Supplemental Services

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

The contract may provide that the Monthly Demand Charge specified in Rate Section 1 above shall not apply on all or part of the 

daily contracted firm demand used by the customer during the testing, commissioning, phasing in, decommissioning and phasing 

out of gas-using equipment for a period not to exceed one year (the “transition period”).  In such event, the contract will provide for 

a Monthly Delivery Commodity Charge to be applied on such volume during the transition of 2.8549 ¢ per m³ and the total gas 

supply charge for utility sales provided in Schedule “A” per m³, if applicable.

Either the utility or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates and other charges 

different from the rates and other charges specified herein if the changed rates and other charges are considered by either party to 

be necessary, desirable and in the public interest.

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, an assignment 

from Union of transportation capacity on upstream pipeline systems.

Where a customer elects transportation service and/or a short term supplemental service under this rate schedule, the customer must enter into 

a Contract under rate schedule R1.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.

Overrun gas is available without penalty provided that it is authorized by Union in advance.  Union will not 

unreasonably withhold authorization.

Unauthorized overrun gas taken in any month shall be paid for at the M1 rate in effect at the time the overrun occurs, plus, if 

applicable, the total gas supply charge for utility sales provided in Schedule “A” per m³ for all the gas supply volumes purchased.

The load factor of the customer’s anticipated gas consumption, the pattern of annual use, and the minimum annual 

quantity of gas which the customer is willing to contract to take or in any event pay for,

In each contract year, the customer shall take delivery from Union, or in any event, pay for if available and not accepted by the 

customer, a minimum volume of gas as specified in the contract between the parties.  Overrun gas volumes will not contribute to 

the minimum volume.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

(C) Rates

1. (i)

(ii)

(iii) Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

(D) Delayed Payment

(E) Direct Purchase

(F) Overrun Charge

Authorized:

Unauthorized:

LARGE WHOLESALE SERVICE RATE

To a distributor who enters into a contract to purchase and/or receive delivery of a firm supply of gas for distribution to its customers and who 

agrees to take or pay for an annual quantity of at least two million cubic metres. 

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

A Monthly Demand Charge of 15.1688 ¢ per m³ of established daily demand determined in accordance with the 

service contract, such demand charge to be computed on a calendar month basis and a pro-rata charge to be made 

for the fraction of a calendar month which will occur if the day of first regular delivery does not fall on the first day of 

a month, 

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, an assignment 

from Union of transportation capacity on upstream pipeline systems.

For all quantities on any day in excess of 103% of the customer’s contractual rights, for which authorization has been received, the customer will 

be charged 0.6977 ¢ per m³.  Overrun will be authorized by Union at its sole discretion.

For all quantities on any day in excess of 103% of the customer’s contractual rights, for which authorization has not been received, the customer 

will be charged 36.0 ¢ per m³.

A Delivery Commodity Charge of 0.1990 ¢ per m³, a Delivery Price Adjustment of 0.0002 ¢ per m³ for gas delivered 

and,

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(G) Bundled Direct Purchase Delivery

Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Where a customer elects transportation service under this rate schedule the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a non-contract distributor who purchases and/or receives delivery of a firm supply of gas for distribution only to its own customers.

(C) Rates

1. A Delivery Commodity Charge of 5.1734 ¢ per m³ for gas delivered.

2. Gas Supply Charge (if applicable)

The gas supply charge is comprised of charges for transportation and for commodity and fuel.

The applicable rates are provided in Schedule “A”.

(D) Delayed Payment

(E) Direct Purchase

(F) Overrun Charge

(G) Bundled Direct Purchase Delivery

Bundled T Gas Contract Rates and Gas Purchase Contract Rates are described in rate schedule R1.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

In the event that a direct purchase customer fails to deliver its contracted volumes to Union, and Union has the capability to continue to supply 

the customer, Union will do so.  This gas shall be paid for at the rate of 4.5164 ¢ per m³ for the delivery and, if applicable, the total gas supply 

charge for utility sales provided in Schedule “A” per m³, plus 7 ¢ per m³ for all gas supply volumes purchased.

Where a customer elects transportation service under this rate schedule, the customer must enter into a Bundled T Gas Contract with Union for 

delivery of gas to Union.

SMALL  WHOLESALE SERVICE RATE

January 1, 2013

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  

Multi-year prices may also be negotiated which may be higher than the identified rates.

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must obligate to deliver 

at a point(s) specified by Union, and must acquire and maintain firm transportation on all upstream pipeline systems.  Customers initiating direct 

purchase arrangements must also accept, unless otherwise authorized by Union, an assignment from Union of transportation capacity on 

upstream pipeline systems.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 20 

days after the bill has been issued.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a customer who enters into a Receipt Contract or Gas Purchase Contract for delivery and/or sale of gas to Union.

(C) Rates

Demand Commodity

Charge Charges/Credits

Rate/GJ/month Rate/GJ

a) Transportation by Union

b) Firm Backstop Gas

Applied to the contracted Firm Backstop

Gas Supply Service $1.846

Backstop Gas Commodity Charge

On all quantities supplied by Union to

the Ontario Point(s) of Receipt $4.957

c) Reasonable Efforts Backstop Gas

Paid on all quantities of gas supplied by Union

to the customer’s Point(s) of Consumption $5.732

d) Banked Gas Purchase

T-service Note (1)

e) Failure to Deliver

Applied to all quantities not delivered to Union

in the event the customer’s supply fails $2.561

f) Short Term Storage / Balancing Service     (2)

Maximum $6.000

g) Discretionary Gas Supply Service (“DGSS”) Note (3)

For gas delivered to Union at any point other than the 

Ontario Point(s) of Receipt, Union will charge a 

customer all approved tolls and charges, incurred by 

Union to transport the gas to the Ontario Point(s) of 

Receipt

BUNDLED DIRECT PURCHASE CONTRACT RATE
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Notes:

(1)

(2) Short Term Storage / Balancing Service is:

i)

ii) short-term firm deliverability, OR

iii) a component of an operational balancing service offered. 

In negotiating the rate to be charged for short term storage services, the matters that are to be considered include:

i) The minimum amount of storage service to which a customer is willing to commit,

ii) Whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) Utilization of facilities, and

iv) Competition

(3) Discretionary Gas Supply Service price reflects the “back-to-back” price plus gas supply administration charge.

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

The charge for banked gas purchases shall be the higher of the daily spot cost at Dawn in the month of or the month following the 

month in which gas is sold under this rate and shall not be less than Union’s approved weighted average cost of gas.

a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage 

facilities, OR
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a customer:

a)

b)

c) who has meters with electronic recording at each Point of Consumption; and

d)

e) for whom Union has determined transportation and/or storage capacity is available.

(C) Rates

STORAGE SERVICE:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

a) Annual Firm Storage Space

Applied to contracted Maximum

Annual Storage Space $0.011

b) Annual Firm Injection/Withdrawal Right:

Applied to the contracted Maximum

Annual Firm Injection/Withdrawal Right

Union provides deliverability Inventory $1.624

Customer provides deliverability Inventory (4) $1.197

c) Incremental Firm Injection Right:

Applied to the contracted Maximum

Incremental Firm Injection Right $1.197

d) Annual Interruptible Withdrawal Right:

Applied to the contracted Maximum

Annual Interruptible Withdrawal Right $1.197

whose qualifying annual transportation volume for combined firm and interruptible service is at least 2 500 000 m
3
 or greater 

and has a daily firm contracted demand up to 140,870 m
3
; and

2013-01-01

STORAGE AND TRANSPORTATION RATES

FOR CONTRACT CARRIAGE CUSTOMERS

who enters into a Carriage Service Contract with Union for the transportation or the storage and transportation of Gas for use 

at facilities located within Union’s gas franchise area; and

who has site specific energy measuring equipment installed at each Point of Consumption that will be used in determining 

energy balances; and

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s 

contiguous property will be used, irrespective of the number of meters installed.

The following rates shall be charged for all quantities contracted or handled as appropriate.  The identified rates represent maximum prices 

for service.  These rates may change periodically.  Multi-year prices may also be negotiated, which may be higher than the identified rates.

For Customers Providing

Their Own Compressor Fuel
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Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

e) Withdrawal Commodity

Paid on all quantities withdrawn

from storage up to the Maximum

Daily Storage Withdrawal Quantity $0.030 0.395% $0.008

f) Injection Commodity

Paid on all quantities injected into

storage up to the Maximum Daily

Storage Injection Quantity $0.030 0.395% $0.008

g) Short Term Storage / Balancing Service

Maximum $6.000

1.

2.

3. Annual Firm Storage Space

3.1  Aggregate Excess

3.2  Obligated daily contract quantity multiple of 15

Customers may contract for less than their maximum entitlement of firm storage space.

The maximum storage space available to a customer at the rates specified herein is determined by one of the following storage allocation 

methodologies:

Annual Firm Injection Rights are equal to 100% of their respective Annual Firm Withdrawal Rights.  Injection Rights in excess of the Annual 

Firm Injection Rights will be charged at the Incremental Firm Injection Right.

2013-01-01

For Customers Providing

Aggregate excess is the difference between a customer’s gas consumption in the 151-day winter period and consumption during the 

balance of the year.  This calculation will be done using two years of historical data (with 25% weighting for each year) and one year of 

forecast data (with 50% weighting).  If a customer is new, or an existing customer is undergoing a significant change in operations, the 

allocation will be based on forecast consumption only, as negotiated between Union and the customer.  Once sufficient historical information 

is available for the customer, the standard calculation will be done.  At each contract renewal, the aggregate  excess calculation will be 

performed to set the new space allocation.

Obligated daily contract quantity is the firm daily quantity of gas which the customer must deliver to Union.  The 15 x obligated daily contract 

quantity calculation will be done using the daily contract quantity for the upcoming  contract year.  At each contract renewal, the 15 x 

obligated daily contract quantity calculation will be performed to set the new space allocation.  

Their Own Compressor Fuel

  Notes:

Demand charges for Annual Services are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.
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4. Annual Injection/Withdrawal Right

The maximum level of deliverability available to a customer at the rates specified herein is determined by one of the following methodologies:

4.1  The greater of obligated daily contract quantity or firm daily contract demand less obligated daily contract quantity.  

5. Additional storage space or deliverability, in excess of the allocated entitlements per Notes 3 and 4, may be available at market prices.  

6. Storage Space and Withdrawal Rights are not assignable to any other party without the prior written consent of Union.  

7. Deliverability Inventory being defined as 20% of annual storage space.

8. Short Term Storage / Balancing Service is:

i) a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage facilities, or

ii) short-term firm deliverability, or

iii) a component of an operational balancing service offered.

In negotiating the rate to be charged for service, the matters that are to be considered include:

i) The minimum amount of storage service to which a customer is willing to commit,

ii) Whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) Utilization of facilities, and

iv) Competition

2013-01-01

Customers may contract for less than their maximum entitlement of deliverability.  A customer may contract up to this maximum entitlement 

with a combination of firm and interruptible deliverability as specified in Section (C) Storage Service.
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TRANSPORTATION CHARGES:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/m
3
/mo Rate/m

3
Ratio (5) (6) Rate/m

3

a) Annual Firm Transportation Demand

Applied to the Firm Daily Contract Demand

First 28,150 m
3
 per month 31.9554 ¢

Next 112,720 m
3 
per month 22.0775 ¢

b) Firm Transportation Commodity

Paid on all firm quantities redelivered to the

customer’s Point(s) of Consumption

Commodity Charge (All volumes) 0.1238 ¢ 0.250% 0.0712 ¢

c) Interruptible Transportation Commodity

Paid on all interruptible quantities redelivered

to the customer’s Point(s) of Consumption

Maximum 3.9455 ¢ 0.250% 3.8929 ¢

1.

2.

a) The amount of the interruptible transportation for which customer is willing to contract,

b) The anticipated load factor for the interruptible transportation quantities,

c) Interruptible or curtailment provisions, and

d) Competition.

3.

4.

5. Either Union or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates and other charges different from the 

rates and other charges specified herein if the changed rates and other charges are considered by either party to be necessary, desirable 

and in the public interest.

Transportation fuel ratios do not apply to customers served from dedicated facilities directly connected to third party transmission systems 

with custody transfer metering at the interconnect.

2013-01-01

For Customers Providing

Their Own Compressor Fuel

In negotiating the rate to be charged for the transportation of gas under Interruptible Transportation, the matters that are to be considered 

include:

In each contract year, the customer shall pay for a Minimum Interruptible Transportation Activity level as specified in the Contract.  Overrun 

activity will not contribute to the minimum activity level.

  Notes:

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, at its sole discretion, accepts a 

term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.
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SUPPLEMENTAL CHARGES:

Rates for supplemental services are provided in Schedule “A”.

Notes:

1.

OVERRUN SERVICE:

1.   Annual Storage Space

Authorized

Unauthorized

Authorized Overrun is provided as Storage/Balancing Service.  It is payable on all quantities on any Day in excess of the 

customer’s contracted Maximum Storage Space.  Overrun will be authorized by Union at is sole discretion.  Storage Space 

Overrun equal to the customer’s firm deliveries from TCPL: less the customer’s Firm Daily Contract Demand, all multiplied by 

the Days of Interruption called during the period of November 1 to March 31, will be automatically authorized until the following 

July 1.

If in any month, the customer has gas in storage in excess of the contracted Maximum Storage Space, and which has not 

been authorized by Union or provided for under a short term supplemental storage service, such an event will constitute an 

occurrence of Unauthorized Overrun.  The Unauthorized Overrun rate will be $6.000 per GJ applied to the greatest excess for 

each occurrence.

If on any Day the gas storage balance for the account of the customer is less than zero, the Unauthorized Overrun charge will 

apply for each GJ of gas below a zero inventory level and this amount of gas shall be deemed not to have been withdrawn 

from storage.  The gas shall be deemed to have been sold to the customer at the highest spot price at Dawn in the month of 

occurrence and the month following occurrence as identified in the Canadian Gas Price Reporter and shall not be less than 

Union’s approved weighted average cost of gas If the customer has contracted to provide its own deliverability inventory, the 

zero inventory level shall be deemed to mean twenty percent (20%) of the Annual Firm Storage Space.

2013-01-01

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.
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2.   Injection, Withdrawals and Transportation

Authorized

Automatic authorization of Injection Overrun will be given during all Days a customer has been interrupted.

Union

Providing

Fuel

Firm or

Interruptible Fuel Commodity

Service Ratio Charge

Storage Injections $0.108/GJ 0.853% $0.061/GJ

Storage Withdrawals $0.108/GJ 0.853% $0.061/GJ

Transportation 1.1743 ¢/m³ 0.250% 1.1218 ¢/m³

Unauthorized

3.   Storage / Balancing Service

Authorized

Firm
Service

Rate/GJ

Space $6.000

Injection / Withdrawal

     Maximum $6.000

2013-01-01

The following Overrun rates are applied to any quantities transported, injected or withdrawn in excess of 103% of the Contract 

parameters.  Overrun will be authorized by Union at its sole discretion.

For Customers Providing

Their Own Compressor Fuel

Firm or Interruptible Service

For all quantities on any Day in excess of 103% of the customer’s contractual rights, for which authorization has not been 

received, the customer will be charged 4.5164 ¢ per m³ or $1.194 per GJ, as appropriate.

The following Overrun rates are applied to any quantities stored in excess of the Contract parameters.  Overrun will be 

authorized by Union Gas at its sole discretion.
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OTHER SERVICES & CHARGES:

1. Monthly Charge

Monthly Charge $1,936.13

2. Diversion of Gas

3. Delivery Obligations

4. Additional Service Information

Additional information on Union’s T1 service offering can be found at: 

The additional information consists of, but is not limited to, the following:

http://www.uniongas.com/business/accountservices/unionline/contractsRates/T1servicefeatures.asp 

i. Storage space and deliverability entitlement;

ii. The determination of gas supply receipt points and delivery obligations;

iii. The nomination schedule;

iv. The management of multiple redelivery points by a common fuel manager; and

v. The availability of supplemental transactional services including title transfers.

(D) Delayed Payment

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

In addition to the rates and charges described previously for each Point of Consumption, a Monthly Charge shall be applied as 

follows:

The availability of the right to divert gas will be based on Union’s ability to accommodate the diversion.  The price to be 

charged for the right to divert shall be determined through negotiation.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 

20 days after the bill has been issued.

2013-01-01

Unless otherwise authorized by Union, all other customers who are delivering gas to Union under direct purchase 

arrangements must obligate to deliver at a point(s) specified by Union and must acquire and maintain firm transportation on all 

upstream pipeline systems.  Customers initiating direct purchase arrangements, who previously received Gas Supply service, 

must also accept, unless otherwise authorized by Union, an assignment from Union of transportation capacity on upstream 

pipeline systems.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a customer:

a)

b)

c) who has meters with electronic recording at each Point of Consumption; and

d)

e) for whom Union has determined transportation and/or storage capacity is available.

(C) Rates

STORAGE SERVICE:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

a) Annual Firm Storage Space

Applied to contracted Maximum

Annual Storage Space $0.011

b) Annual Firm Injection/Withdrawal Right:

Applied to the contracted Maximum

Annual Firm Injection/Withdrawal Right

Union provides deliverability Inventory $1.624

Customer provides deliverability Inventory (4) $1.197

c) Incremental Firm Injection Right:

Applied to the contracted Maximum

Incremental Firm Injection Right $1.197

d) Annual Interruptible Withdrawal Right:

Applied to the contracted Maximum

Annual Interruptible Withdrawal Right $1.197

For the purposes of qualifying for a rate class, the total quantities of gas consumed or expected to be consumed on the customer’s 

contiguous property will be used, irrespective of the number of meters installed.

The following rates shall be charged for all quantities contracted or handled as appropriate.  The identified rates represent maximum prices 

for service.  These rates may change periodically.  Multi-year prices may also be negotiated, which may be higher than the identified rates.

For Customers Providing

Their Own Compressor Fuel

2013-01-01

STORAGE AND TRANSPORTATION RATES

FOR CONTRACT CARRIAGE CUSTOMERS

who enters into a Carriage Service Contract with Union for the transportation or the storage and transportation of Gas for use 

at facilities located within Union’s gas franchise area; and

who has site specific energy measuring equipment installed at each Point of Consumption that will be used in determining 

energy balances; and

who has a daily firm contracted demand of at least 140 870 m
3
.  Firm and/or interruptible daily contracted demand of less than 

140,870 m
3
 cannot be combined for the purposes of qualifying for this rate class; and
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Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

e) Withdrawal Commodity

Paid on all quantities withdrawn

from storage up to the Maximum

Daily Storage Withdrawal Quantity $0.030 0.395% $0.008

f) Injection Commodity

Paid on all quantities injected into

storage up to the Maximum Daily

Storage Injection Quantity $0.030 0.395% $0.008

g) Short Term Storage / Balancing Service

Maximum $6.000

1.

2.

3. Annual Firm Storage Space

3.1  Aggregate Excess

3.2  Obligated daily contract quantity multiple of 15

Customers may contract for less than their maximum entitlement of firm storage space.

For Customers Providing

Their Own Compressor Fuel

  Notes:

Demand charges for Annual Services are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.

Annual Firm Injection Rights are equal to 100% of their respective Annual Firm Withdrawal Rights.  Injection Rights in excess of the Annual 

Firm Injection Rights will be charged at the Incremental Firm Injection Right.

The maximum storage space available to a customer at the rates specified herein is determined by one of the following storage allocation 

methodologies:

Aggregate excess is the difference between a customer’s gas consumption in the 151-day winter period and consumption during the 

balance of the year.  This calculation will be done using two years of historical data (with 25% weighting for each year) and one year of 

forecast data (with 50% weighting).  If a customer is new, or an existing customer is undergoing a significant change in operations, the 

allocation will be based on forecast consumption only, as negotiated between Union and the customer.  Once sufficient historical information 

is available for the customer, the standard calculation will be done.  At each contract renewal, the aggregate  excess calculation will be 

performed to set the new space allocation.

Obligated daily contract quantity is the firm daily quantity of gas which the customer must deliver to Union.  The 15 x obligated daily contract 

quantity calculation will be done using the daily contract quantity for the upcoming  contract year.  At each contract renewal, the 15 x 

obligated daily contract quantity calculation will be performed to set the new space allocation.  

3.3  For new, large (daily firm transportation demand requirements in excess of 1,200,000 m
3
/day) gas fired power generation customers, 

storage space is determined by peak hourly consumption x 24 x 4 days.  Should the customer elect firm deliverability less than their 

maximum entitlement (see Note 4.2), the maximum storage space available at the rates specified herein is 10 x firm storage deliverability 

contracted, not to exceed peak hourly consumption x 24 x 4 days.

2013-01-01
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4. Annual Injection/Withdrawal Right

The maximum level of deliverability available to a customer at the rates specified herein is determined by one of the following methodologies:

4.1  The greater of obligated daily contract quantity or firm daily contract demand less obligated daily contract quantity.  

5. Additional storage space or deliverability, in excess of the allocated entitlements per Notes 3 and 4, may be available at market prices.  

6. Storage Space and Withdrawal Rights are not assignable to any other party without the prior written consent of Union.  

7. Deliverability Inventory being defined as 20% of annual storage space.

8. Short Term Storage / Balancing Service is:

i) a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage facilities, or

ii) short-term firm deliverability, or

iii) a component of an operational balancing service offered.

In negotiating the rate to be charged for service, the matters that are to be considered include:

i) The minimum amount of storage service to which a customer is willing to commit,

ii) Whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) Utilization of facilities, and

iv) Competition

Customers may contract for less than their maximum entitlement of deliverability.  A customer may contract up to this maximum entitlement 

with a combination of firm and interruptible deliverability as specified in Section (C) Storage Service.

4.2   For new, large (daily firm transportation demand requirements in excess of 1,200,000 m
3
/day) gas fired power generation customers, 

the maximum entitlement of firm storage deliverability is 24 times the customer’s peak hourly consumption, with 1.2% firm deliverability 

available at the rates specified herein.  

2013-01-01
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TRANSPORTATION CHARGES:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/m
3
/mo Rate/m

3
Ratio (5) (6) Rate/m

3

a) Annual Firm Transportation Demand

Applied to the Firm Daily Contract Demand

First 140,870 m
3
 per month 20.1911 ¢

All over 140,870 m
3 
per month 10.6802 ¢

b) Firm Transportation Commodity

Paid on all firm quantities redelivered to the

customer’s Point(s) of Consumption

Commodity Charge (All volumes) 0.0597 ¢ 0.247% 0.0078 ¢

c) Interruptible Transportation Commodity

Paid on all interruptible quantities redelivered

to the customer’s Point(s) of Consumption

Maximum 3.9455 ¢ 0.247% 3.8936 ¢

1.

2.

3.

a) The amount of the interruptible transportation for which customer is willing to contract,

b) The anticipated load factor for the interruptible transportation quantities,

c) Interruptible or curtailment provisions, and

d) Competition.

4.

5. Transportation fuel ratios do not apply to customers served from dedicated facilities directly connected to third party transmission systems 

with custody transfer metering at the interconnect.

2013-01-01

For Customers Providing

Their Own Compressor Fuel

  Notes:

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, at its sole discretion, accepts a 

term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.

Effective January 1, 2007, new customers and existing customers with incremental daily firm demand requirements in excess of 1,200,000 

m
3
/day and who are directly connected to i) the Dawn-Trafalgar transmission system in close proximity to Parkway or ii) a third party 

pipeline, have the option to pay for service using a Billing Contract Demand. The Billing Contract Demand shall be determined by Union 

such that the annual revenues over the term of the contract will recover the invested capital, return on capital and operating and 

maintenance costs associated with the dedicated service in accordance with Union’s system expansion policy. The firm transportation 

demand charge will be applied to the Billing Contract Demand.  For customers choosing the Billing Contract Demand option, the authorized 

transportation overrun rate will apply to all volumes in excess of the Billing Contract Demand but less than the daily firm demand 

requirement.   

In negotiating the rate to be charged for the transportation of gas under Interruptible Transportation, the matters that are to be considered 

include:

In each contract year, the customer shall pay for a Minimum Interruptible Transportation Activity level as specified in the Contract.  Overrun 

activity will not contribute to the minimum activity level.
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6.

7.

SUPPLEMENTAL CHARGES:

Rates for supplemental services are provided in Schedule “A”.

Notes:

1.

OVERRUN SERVICE:

1.   Annual Storage Space

Authorized

Unauthorized

2013-01-01

Firm transportation fuel ratio does not apply to new customers or existing customers with incremental daily firm demand requirements in 

excess of 1,200,000 m
3
/day that contract for M12 Dawn to Parkway transportation service equivalent to 100% of their daily firm demand 

requirement. If a customer with a daily firm demand requirement in excess of 1,200,000 m
3
/day contracts for M12 Dawn to Parkway 

transportation service at less than 100% of their firm daily demand requirement, the firm transportation fuel ratio will be applicable to daily 

volumes not transported under the M12 transportation contract.

Either Union or a customer, or potential customer, may apply to the Ontario Energy Board to fix rates and other charges different from the 

rates and other charges specified herein if the changed rates and other charges are considered by either party to be necessary, desirable 

and in the public interest.

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.

Authorized Overrun is provided as Storage/Balancing Service.  It is payable on all quantities on any Day in excess of the 

customer’s contracted Maximum Storage Space.  Overrun will be authorized by Union at is sole discretion.  Storage Space 

Overrun equal to the customer’s firm deliveries from TCPL: less the customer’s Firm Daily Contract Demand, all multiplied by 

the Days of Interruption called during the period of November 1 to March 31, will be automatically authorized until the following 

July 1.

If in any month, the customer has gas in storage in excess of the contracted Maximum Storage Space, and which has not 

been authorized by Union or provided for under a short term supplemental storage service, such an event will constitute an 

occurrence of Unauthorized Overrun.  The Unauthorized Overrun rate will be $6.000 per GJ applied to the greatest excess for 

each occurrence.

If on any Day the gas storage balance for the account of the customer is less than zero, the Unauthorized Overrun charge will 

apply for each GJ of gas below a zero inventory level and this amount of gas shall be deemed not to have been withdrawn 

from storage.  The gas shall be deemed to have been sold to the customer at the highest spot price at Dawn in the month of 

occurrence and the month following occurrence as identified in the Canadian Gas Price Reporter and shall not be less than 

Union’s approved weighted average cost of gas If the customer has contracted to provide its own deliverability inventory, the 

zero inventory level shall be deemed to mean twenty percent (20%) of the Annual Firm Storage Space.
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2.   Injection, Withdrawals and Transportation

Authorized

Automatic authorization of Injection Overrun will be given during all Days a customer has been interrupted.

Union

Providing

Fuel

Firm or

Interruptible Fuel Commodity

Service Ratio Charge

Storage Injections $0.108/GJ 0.853% $0.061/GJ

Storage Withdrawals $0.108/GJ 0.853% $0.061/GJ

Transportation 0.7235 ¢/m³ 0.247% 0.6716 ¢/m³

Unauthorized

3.   Storage / Balancing Service

Authorized

Firm
Service

Rate/GJ

Space $6.000

Injection / Withdrawal

     Maximum $6.000

Firm or Interruptible Service

For all quantities on any Day in excess of 103% of the customer’s contractual rights, for which authorization has not been 

received, the customer will be charged 4.5164 ¢ per m³ or $1.194 per GJ, as appropriate.

The following Overrun rates are applied to any quantities stored in excess of the Contract parameters.  Overrun will be 

authorized by Union Gas at its sole discretion.

Their Own Compressor Fuel

2013-01-01

The following Overrun rates are applied to any quantities transported, injected or withdrawn in excess of 103% of the Contract 

parameters.  Overrun will be authorized by Union at its sole discretion.

For Customers Providing
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OTHER SERVICES & CHARGES:

1. Monthly Charge

Monthly Charge $6,000.00

2. Diversion of Gas

3. Delivery Obligations

4. Nominations

5. Additional Service Information

Additional information on Union’s T2 service offering can be found at: 

The additional information consists of, but is not limited to, the following:

http://www.uniongas.com/business/accountservices/unionline/contractsRates/T1servicefeatures.asp 

i. Storage space and deliverability entitlement;

ii. The determination of gas supply receipt points and delivery obligations;

iii. The nomination schedule;

iv. The management of multiple redelivery points by a common fuel manager; and

v. The availability of supplemental transactional services including title transfers.

The availability of the right to divert gas will be based on Union’s ability to accommodate the diversion.  The price to be 

charged for the right to divert shall be determined through negotiation.

Effective January 1, 2007, new customers and existing customers with incremental daily firm demand requirements in excess 

of 1,200,000 m
3
/day who are delivering gas to Union under direct purchase arrangements may be entitled to non-obligated 

deliveries.  The delivery options available to customers are detailed at 

www.uniongas.com/aboutus/regulatory/rates/deliveryobligations.asp.

Unless otherwise authorized by Union, all other customers who are delivering gas to Union under direct purchase 

arrangements must obligate to deliver at a point(s) specified by Union and must acquire and maintain firm transportation on all 

upstream pipeline systems.  Customers initiating direct purchase arrangements, who previously received Gas Supply service, 

must also accept, unless otherwise authorized by Union, an assignment from Union of transportation capacity on upstream 

pipeline systems.

Effective January 1, 2007, new customers and existing customers with incremental daily firm demand requirements in excess 

of 1,200,000 m³/day who have non obligated deliveries may contract to use Union’s 5 additional nomination windows (13 in 

total) for the purposes of delivering gas to Union. These windows are in addition to the standard NAESB and TCPL STS 

nomination windows. Customers taking the additional nomination window service will pay an additional monthly demand 

charge of $0.068/GJ/day/month multiplied by the non-obligated daily contract quantity. 

2013-01-01

In addition to the rates and charges described previously for each Point of Consumption, a Monthly Charge shall be applied as 

follows:

 

 

 

 

 

 

 

 

http://www.uniongas.com/business/accountservices/unionline/contractsRates/T1servicefeatures.asp


Effective

Rate T2

Page 8 of 8

(D) Delayed Payment

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 

20 days after the bill has been issued.

January 1, 2013

2013-01-01
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

To a Distributor:

a) whose minimum annual transportation of natural gas is 700 000 m
3
 or greater; and

b)

c) who has meters with electronic recording at each Point of Redelivery; and

d) for whom Union has determined transportation and/or storage capacity is available.

(C) Rates

STORAGE SERVICE:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

a) Annual Firm Storage Space

Applied to contracted Maximum

Annual Storage Space $0.011

b) Annual Firm Injection/Withdrawal Right:

Applied to the contracted Maximum
Annual Firm Injection/Withdrawal Right

Union provides deliverability Inventory $1.624

Customer provides deliverability Inventory (4) $1.197

c) Incremental Firm Injection Right:

Applied to the contracted Maximum

Incremental Firm Injection Right $1.197

d) Annual Interruptible Withdrawal Right:

Applied to the contracted Maximum

Annual Interruptible Withdrawal Right $1.197

2013-01-01

STORAGE AND TRANSPORTATION RATES

FOR CONTRACT CARRIAGE CUSTOMERS

who enters into a Carriage Service Contract with Union for the transportation or the storage and transportation of Gas for 

distribution to its customers; and

The following rates shall be charged for all quantities contracted or handled as appropriate.  The identified rates represent maximum prices 

for service.  These rates may change periodically.  Multi-year prices may also be negotiated, which may be higher than the identified rates.

For Customers Providing

Their Own Compressor Fuel
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Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/GJ/mo Rate/GJ Ratio Rate/GJ

e) Withdrawal Commodity

Paid on all quantities withdrawn

from storage up to the Maximum

Daily Storage Withdrawal Quantity $0.030 0.395% $0.008

f) Injection Commodity

Paid on all quantities injected into

storage up to the Maximum Daily

Storage Injection Quantity $0.030 0.395% $0.008

g) Short Term Storage / Balancing Service

Maximum $6.000

1.

2.

3. Annual Firm Storage Space

3.1  Aggregate Excess

3.2  Obligated daily contract quantity multiple of 15

Customers may contract for less than their maximum entitlement of firm storage space.

4. Annual Injection/Withdrawal Right

2013-01-01

Their Own Compressor Fuel

Aggregate excess is the difference between a customer’s gas consumption in the 151-day winter period and consumption during the 

balance of the year.  This calculation will be done using two years of historical data (with 25% weighting for each year) and one year of 

forecast data (with 50% weighting).  If a customer is new, or an existing customer is undergoing a significant change in operations, the 

allocation will be based on forecast consumption only, as negotiated between Union and the customer.  Once sufficient historical 

information is available for the customer, the standard calculation will be done.  At each contract renewal, the aggregate excess calculation 

will be performed to set the new space allocation.

Obligated daily contract quantity is the firm daily quantity of gas which the customer must deliver to Union.  The 15 x obligated daily contract 

quantity calculation will be done using the daily contract quantity for the upcoming contract year.  At each contract renewal, the 15 x 

obligated daily contract quantity calculation will be performed to set the new space allocation.  

The maximum level of deliverability available to a customer at the rates specified herein is determined to be the greater of obligated daily 

contract quantity or firm daily contract demand less obligated daily contract quantity.  

  Notes:

Demand charges for Annual Services are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.

Annual Firm Injection Rights are equal to 100% of their respective Annual Firm Withdrawal Rights.  Injection Rights in excess of the Annual 

Firm Injection Rights will be charged at the Incremental Firm Injection Right.

The maximum storage space available to a customer at the rates specified herein is determined by one of the following storage allocation 

methodologies:

For Customers Providing

Customers may contract for less than their maximum entitlement of deliverability.  A customer may contract up to this maximum entitlement 

with a combination of firm and interruptible deliverability as specified in Section (C) Storage Service.
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5. Additional storage space or deliverability, in excess of the allocated entitlements per Notes 3 and 4, may be available at market prices.  

6. Storage Space and Withdrawal Rights are not assignable to any other party without the prior written consent of Union.

7. Deliverability Inventory being defined as 20% of annual storage space.

8. Short Term Storage / Balancing Service is:

i) a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage facilities, OR

ii) short-term firm deliverability, OR

iii) a component of an operational balancing service offered.

In negotiating the rate to be charged for this service, the matters that are to be considered include:

i) The minimum amount of storage service to which a customer is willing to commit,

ii) Whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) Utilization of facilities, and

iv) Competition

2013-01-01
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TRANSPORTATION CHARGES:

Demand Commodity Commodity

Charge Charge Fuel Charge

Rate/m
3
/mo Rate/m

3
Ratio (5) (6) Rate/m

3

a) Annual Firm Transportation Demand (1)

Applied to the Firm Daily Contract Demand 9.3582 ¢

b) Firm Transportation Commodity

Paid on all firm quantities redelivered to the

Customer’s Point(s) of Redelivery 0.0707 ¢ 0.285% 0.0107 ¢

  Notes:

1.

SUPPLEMENTAL CHARGES

Rates for supplemental services are provided in Schedule “A”.

1.

OVERRUN SERVICE

1.   Annual Storage Space

Authorized

Unauthorized

2013-01-01

  Notes:

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.  Demand charges apply whether Union or the customer provides the fuel.

All demand charges are paid monthly during the term of the contract for not less than one year unless Union, in its sole 

discretion, accepts a term of less than one year.

For Customers Providing

Their Own Compressor Fuel

Authorized Overrun is provided as Storage/Balancing Service.  It is payable on all quantities on any Day in excess of the 

customer’s contracted Maximum Storage Space.  Overrun will be authorized by Union at is sole discretion.

If in any month, the customer has gas in storage in excess of the contracted Maximum Storage Space, and which has not 

been authorized by Union or provided for under a short term supplemental storage service, such an event will constitute an 

occurrence of Unauthorized Overrun.  The Unauthorized Overrun rate will be $6.000 per GJ applied to the greatest excess for 

each occurrence.

If on any Day, the gas storage balance for the account of the customer is less than zero, the Unauthorized Overrun charge 

will apply for each GJ of gas below a zero inventory level and this amount of gas shall be deemed not to have been withdrawn 

from storage.  The gas shall be deemed to have been sold to the customer at the highest spot price at Dawn in the month of 

occurrence and the month following occurrence as identified in the Canadian Gas Price Reporter and shall not be less than 

Union’s approved weighted average cost of gas.  If the customer has contracted to provide its own deliverability inventory, the 

zero inventory level shall be deemed to mean twenty percent (20%) of the Annual Firm Storage Space.
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2.   Injection, Withdrawals and Transportation

Authorized

Union

Providing

Fuel

Firm or

Interruptible Fuel Commodity

Service Ratio Charge

Storage Injections $0.108/GJ 0.853% $0.061/GJ

Storage Withdrawals $0.108/GJ 0.853% $0.061/GJ

Transportation 0.3783 ¢/m³ 0.285% 0.3184 ¢/m³

Unauthorized

3.   Short Term Storage Services

Authorized

Firm

Service
Rate/GJ

Space $6.000

Injection

     Maximum $6.000

2013-01-01

The following Overrun rates are applied to any quantities transported, injected or withdrawn in excess of 103% of the Contract 

parameters.  Overrun will be authorized by Union at its sole discretion.

For Customers Providing

Their Own Compressor Fuel

Firm or Interruptible Service

For all quantities on any Day in excess of 103% of the customer’s contractual rights, for which authorization has not been 

received, the customer will be charged 36.0¢ per m³ or $9.519 per GJ, as appropriate.

The following Overrun rates are applied to any quantities stored in excess of the Contract parameters.  Overrun will be 

authorized by Union Gas at its sole discretion.
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OTHER SERVICES & CHARGES

1. Monthly Charge

Monthly

Charge

City of Kitchener 20,371.35$           

NRG 3,127.21$            

Six Nations 1,042.40$            

2. Diversion of Gas

3.

(D) Delayed Payment

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must 

obligate to deliver at a point(s) specified by Union and must acquire and maintain firm transportation on all upstream pipeline 

systems.  Customers initiating direct purchase arrangements must also accept, unless otherwise authorized by Union, an 

assignment from Union of transportation capacity on upstream pipeline systems.

January 1, 2013

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 

20 days after the bill has been issued.

In addition to the rates and charges described previously for each Point of redelivery a Monthly Charge shall be applied to 

each specific customer as follows:

The availability of the right to divert gas will be based on Union’s ability to accommodate the diversion.  The price to be 

charged for the right to divert shall be determined through negotiation.

If a customer combines Sales Service with Contract Carriage Service, the monthly charge will be prorated such that the 

customer will under both services pay no more than the above monthly charge.

2013-01-01
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2013-01-01
Schedule "A"

Gas Supply Charges

(A) Availability:

Available to customers in Union's Southern Delivery Zone.

(B) Applicability:

To all sales customers served under Rate M1, Rate M2, Rate M4, Rate M5A, Rate M7, Rate M9, Rate M10 and

storage and transportation customers taking supplemental services under Rate T1, Rate T2 and Rate T3.

(C) Rates: cents / m
3

Utility Sales

Commodity and Fuel 12.7620              (1)

 Commodity and Fuel - Price Adjustment (2.1831) (2)

Transportation 4.3997                

Total Gas Supply Commodity Charge 14.9786              

Minimum Annual Gas Supply Commodity Charge

Rate M4 Firm and Rate M5A Interruptible Contract 4.8475                

Storage and Transportation Supplemental Services - Rate T1, Rate T2 & Rate T3 $/GJ

  Monthly demand charges:

    Firm gas supply service 63.325                

    Firm backstop gas 1.846                  

  Commodity charges:

    Gas supply 3.466                  

Backstop gas 4.957                  

Reasonable Efforts Backstop Gas 5.732                  

Supplemental Inventory Note (3)

Supplemental Gas Sales Service (cents / m
3
) 20.1973              

Failure to Deliver: Applied to quantities not delivered to Union 2.561                  

in the event the customer's supply fails

Discretionary Gas Supply Service (DGSS) Note (4)

Notes:

(1) The Commodity and Fuel rate includes a gas supply administration charge of  0.1933 cents/ m
3
.

(2) Includes a temporary credit of 0.0853 cents/m
3
 for the period February 1, 2013 to December 31, 2013.

(3) The charge for banked gas purchases shall be the higher of the daily spot gas cost at Dawn in the

month of or the month following the month in which gas is sold under this rate and shall not be less than 

Union's approved weighted average cost of gas.

(4) Reflects the "back to back" price plus gas supply administration charge.

Effective: January 1, 2013

O.E.B.  Order # EB-2011-0210 Chatham, Ontario

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.
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(A) Availability

Available to customers in Union’s Southern Delivery Zone.

(B) Applicability

a)

b)

c)

d)

e) for whom Union has determined storage capacity is available; and

f) who accepts a monthly bill as prepared by Union.

(C) Rates

STORAGE SERVICE Demand Charge Fuel Commodity Charge

Rate/GJ/mo Ratio Rate/GJ

i) Standard Storage Service (SSS)

a) Combined Storage Space & Deliverability

Applied to contracted Maximum Storage Space $0.024

b) Injection Commodity 0.395% $0.026

c) Withdrawal Commodity 0.395% $0.026

ii) Standard Peaking Service (SPS)

a) Combined Storage Space & Deliverability

Applied to contracted Maximum Storage Space $0.116

b) Injection Commodity 0.395% $0.026

c) Withdrawal Commodity 0.853% $0.026

2013-01-01

STORAGE RATES FOR

UNBUNDLED CUSTOMERS

To a customer, or an agent, who is authorized to service residential and non-contract commercial and industrial end-users paying for the 

Monthly Fixed Charge and Delivery charge under Rate M1 or Rate M2:

who enters into an Unbundled Service Contract with Union for the storage of Gas for use at facilities located within Union’s gas 

franchise area;

who contracts for Standard Peaking Service (SPS) with Union unless the customer can demonstrate that it has a replacement 

to the deliverability available in the SPS physically tied into Union’s system and an OEB approved rate to provide the SPS 

replacement service;

who accepts daily estimates of consumption at Points of Consumption as prepared by Union so that they may nominate an 

equivalent amount from storage, upstream transportation, or Ontario Producers authorized to sell to third parties;

who nominates injections and withdrawals from storage and deliveries on upstream pipeline systems daily or Ontario 

Producers authorized to sell to third parties;

The following rates shall be charged for all volumes contracted or handled as appropriate.  The identified rates represent maximum prices for 

service.  These rates may change periodically.  Multi-year prices may also be negotiated, which may be higher than the identified rates.
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Demand Charge Fuel Commodity Charge

Rate/GJ/mo Ratio Rate/GJ

iii) Supplemental Service

a) Incremental Firm Injection Right:  (5)

Applied to the contracted Maximum

Incremental Firm Injection Right $1.041

b) Incremental Firm Withdrawal Right:  (5)

Applied to the contracted Maximum

Incremental Firm Withdrawal Right $1.041

c) Short Term Storage / Balancing Service

     - Maximum $6.000

Notes:

1.

2. Daily Firm Injection and Withdrawal Rights shall be pursuant to the Storage Contract.

3.

4. Short Term Storage / Balancing service (less than 2 years) is:

i) a combined space and interruptible deliverability service for short-term or off-peak storage in Union’s storage facilities, OR

ii) short-term incremental firm deliverability, OR

iii) a component of an operational balancing service offered.

In negotiating the rate to be charged for service, the matters that are to be considered include:

i) The minimum amount of storage service to which a customer is willing to commit,

ii) Whether the customer is contracting for firm or interruptible service during Union’s peak or non-peak periods,

iii) Utilization of facilities,

iv) Competition, and
v) Term.

5. Union’s ability to offer incremental injection and withdrawal rights is subject to annual asset availability.

2013-01-01

Demand charges for Annual Services are paid monthly during the term of the Contract, which shall not be less than one year, 

unless Union, in its sole discretion, accepts a term of less than one year.

Storage Space, Withdrawal Rights, and Injection Rights are not assignable to any other party without the prior written consent 

of Union and where necessary, approval from the Ontario Energy Board.
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OVERRUN SERVICE

1.   Injection and Withdrawal

Authorized

Commodity

Fuel Charge

Ratio Rate/GJ

Injection 0.853% $0.060

Withdrawal 0.853% $0.060

Unauthorized

OTHER SERVICES & CHARGES

1.

(D) Delayed Payment

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

2013-01-01

Unless otherwise authorized by Union, customers who are delivering gas to Union under direct purchase arrangements must 

commit to provide a call at Parkway, throughout the winter period, for a specified number of days.  Customers initiating direct 

purchase arrangements, who previously received Gas Supply service, must also accept, unless otherwise authorized by Union, 

an assignment from Union of transportation capacity on upstream pipeline systems.

January 1, 2013

The Authorized Overrun rate is payable on all quantities on any Day in excess of the customer’s contractual rights, for which 

authorization has been received.  Overrun will be authorized by Union at its sole discretion.

If in any month, the customer has gas in storage in excess of the contracted Maximum Storage Space or the gas storage 

balance for the account of the customer is less than zero or the customer has injected or withdrawn volumes from storage 

which exceeds their contractual rights, and which has not been authorized by Union or provided for under a short term 

storage/balancing service, such an event will constitute an occurrence of Unauthorized Overrun.  The Unauthorized Overrun 

rate during the November 1 to April 15 period will be $60.00 per GJ.  The Unauthorized Overrun rate during the April 16 to 

October 31 period will be $6.000 per GJ.

The monthly late payment charge equal to 1.5% per month or 18% per annum (for an approximate effective rate of 19.56% per annum) 

multiplied by the total of all unpaid charges will be added to the bill if full payment is not received by the late payment effective date, which is 

20 days after the bill has been issued.
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(A) Applicability

The charges under this schedule shall be applicable to a Shipper who enters into a Transportation Service Contract with Union. 

Dawn as a receipt point: Dawn (TCPL), Dawn (Facilities), Dawn (Tecumseh), Dawn (Vector) and Dawn (TSLE).

Dawn as a delivery point: Dawn (Facilities).

(B) Services

Transportation Service under this rate schedule shall be for transportation on Union's Dawn - Trafalgar facilities.  

(C) Rates

Monthly Demand 

Charge

(applied to daily 

contract demand) Commodity Charge

Rate/GJ AND Rate/GJ

$2.382

$2.011

$0.372

n/a

M12-X Firm Transportation

$2.961

Limited Firm/Interruptible

Transportation (1)

$5.718

$5.718

If Union 

supplies 

fuel

Commodity Commodity

Charge Charge

Rate/GJ AND Rate/GJ

$0.078

$0.066

$0.012

$0.078

n/a n/a

M12-X Firm Transportation

Applicable Points

Fuel Ratio

Commodity and Fuel Charges

%Transportation Overrun

Firm Transportation (1)

Authorized Overrun (3)

0.153%

Monthly fuel rates and ratios shall be in 

accordance with schedule "C".

The identified rates represent maximum prices for service.  These rates may change periodically.  Multi-year prices may also be negotiated, which may 

be higher than the identified rates.

Monthly fuel rates and ratios shall be in 

accordance with schedule "C".

        Dawn to Kirkwall – Maximum

        Dawn to Parkway – Maximum

%

TRANSPORTATION RATES

Authorized overrun rates will be payable on all quantities in excess of Union’s obligation on any day.  The overrun charges payable will be calculated at 

the following rates.  Overrun will be authorized at Union’s sole discretion.

Parkway to Dawn

          Dawn to Parkway

          Dawn to Kirkwall

          Parkway to Dawn

         Between Dawn, Kirkwall and Parkway                                   

Parkway (TCPL) to Parkway (Cons) (2)

Dawn to Parkway

Dawn to Kirkwall

Kirkwall to Parkway

Commodity and Fuel 

Charges

Fuel Ratio

          Kirkwall to Parkway

Monthly fuel rates and ratios shall be in 

accordance with schedule "C".

Monthly fuel rates and ratios shall be in 

accordance with schedule "C".

Monthly fuel rates and ratios shall be in 

accordance with schedule "C". $0.097Between Dawn, Kirkwall and Parkway                                                                                              

Parkway (TCPL) Overrun (4) 0.648%
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(C) Rates (Cont’d)

Unauthorized Overrun

Authorized Overrun rates will be payable on all quantities up to 2% in excess of Union’s contractual obligation.

Nomination Variances

Notes for Section (C) Rates:

(1)

(2) This rate is for westerly transportation within the Parkway yard, from Parkway (TCPL) to Parkway (Cons) or Lisgar.

(3)

(4)

(5)

(D) Transportation Commodity

Where Union and the shipper have entered into a Limited Balancing Agreement (“LBA”), the rate for unauthorized parking or drafting which results from 

nomination variances shall equal the “Balancing Fee” rate as described under Article XXII of TransCanada PipeLines Transportation Tariff.

The Unauthorized Overrun shall be the higher of the reported daily spot price of gas at either Dawn, Parkway, Niagara or Iroquois in the month of or 

the month following the month in which the overrun occurred plus 25% for all usage on any day in excess of 102% of Union’s contractual obligation.

The annual fuel charge in kind or in dollars for transportation service in any contract year shall be equal to the sum of the application of the following 

equation applied monthly for the 12 months April through March (The “YCRR” or “YCR” Formula).  An appropriate adjustment in the fuel charges will 

be made in May for the previous 12 months ending March 31
st
 to obtain the annual fuel charges as calculated using the applicable “YCRR” or “YCR” 

Formula.  At Union’s sole discretion Union may make more frequent adjustments than once per year.  The YCRR and YCR adjustments must be 

paid/remitted to/from Shippers at Dawn within one billing cycle after invoicing.

This ratio will be applied to all gas quantities for which Union is obligated to deliver to Parkway (Cons) or Lisgar and has agreed to deliver 

to Parkway (TCPL) on an interruptible basis.  This will be in addition to any rate or ratio paid for transportation easterly to Parkway (Cons) 

or Lisgar.

A demand charge of $0.068/GJ/day/month will be applicable for customers contracting for firm all day transportation service in addition to 

the demand charges appearing on this schedule for firm transportation service to either Kirkwall or Parkway

The annual transportation commodity charge is calculated by application of the YCRR Formula, as per Section (D).  The annual 

transportation fuel required is calculated by application of the YCR Formula, as per Section (D).

For purposes of applying the YCRR Formula or YCR Formula (Section (D)) to transportation overrun quantities, the transportation 

commodity revenue will be deemed to be equal to the commodity charge of the applicable service as detailed in Section (B).
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(D) Transportation Commodity (Cont'd)

4

YCR = ∑    [(0.001529 X (QT1 + QT3)) + (DSFx(QT1 + QT3)) + FST ] For June 1 to Sept. 30

1

plus   

12

∑      [0.001529 x (QT1 +  Q3)) + (DWFxQT1) + FWT ] For Oct. 1 to May 31

5

4

YCRR = ∑      [(0.001529 x (QT1 + QT3)) + (DSFx(QT1 + QT3)) + FST ]xR  For June 1 to Sept. 30

1

plus

12

∑    [(0.001529 x (QT1 + QT3)) + (DWFxQT1)+ FWT ]xR  For Oct. 1 to May 31

5

where: DSF  =  0.00000   for Dawn summer fuel requirements

DWF  =   0.0020   for Dawn winter fuel requirements

in which:

YCR Yearly Commodity Required

The sum of 12 separate monthly calculations of Commodity Quantities required for the period from April through March.

YCRR Yearly Commodity Revenue Required

The sum of 12 separate monthly calculations of Commodity Revenue required for the period April through March.

QT1

QT3 Monthly quantities in GJ transported westerly hereunder received at the Parkway Delivery Point.

FWT

Lobo, Bright, Trafalgar and Parkway compressor fuel required by each Shipper will be calculated each month.

Monthly quantities in GJ transported easterly hereunder received at Dawn at not less than 4 850 kPa but less than 5 860 kPa 

(compression required at Dawn).

The individual Shipper’s monthly share of compressor fuel used in GJ which was required at Union’s Lobo, Bright, Trafalgar and Parkway 

Compressor Stations ("Lobo", "Bright", "Trafalgar" and "Parkway") to transport the same Shipper’s QT1 monthly quantities easterly.

The monthly Lobo and Bright compressor fuel will be allocated to each Shipper in the same proportion as the Shipper’s monthly quantities 

transported is to the monthly transported quantity for all users including Union.

The monthly Parkway and Trafalgar compressor fuel used will be allocated to each Shipper in the same proportion as the monthly 

quantity transported to Parkway (TCPL) for each user is to the total monthly quantity transported for all users including Union.
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(D) Transportation Commodity (Cont’d)

FST

Lobo, Bright, Trafalgar and Parkway compressor fuel required by each Shipper will be calculated each month.

R Union’s weighted average cost of gas in $/GJ.

Notes

(i)           

(E) Provision for Compressor Fuel

For a Shipper that has elected to provide its own compressor fuel.

Transportation Fuel

The Transportation Fuel Quantity will be determined on a daily basis, as follows:

Transportation Fuel Quantity = Transportation Quantity x Transportation Fuel Ratio.

Nominations

(F) Terms of Service

(G) Nominations

Nominations under this rate schedule shall be in accordance with the attached Schedule “B” for contracts in effect before October 1, 2010.  

Nominations under this rate schedule shall be in accordance with the attached Schedule “B 2010” for contracts in effect on or after October 1, 2010.

The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A” for contracts in effect before 

October 1, 2010.  The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A 2010” for 

contracts in effect on or after October 1, 2010.

The Shipper will be required to nominate its Transportation Fuel Quantity in addition to its normal nominations for transportation services.

In the case of Easterly flow, direct deliveries by TCPL at Parkway to Union or on behalf of Union to Union’s Transportation Shippers will 

be allocated to supply Union’s markets on the Dawn-Parkway facilities starting at Parkway and proceeding westerly to successive laterals 

until exhausted.

The individual Shipper’s monthly share of compressor fuel used in GJ which was required at Union’s Lobo, Bright, Trafalgar and Parkway 

compressor stations to transport the same Shipper’s quantity on the Trafalgar system.

On a daily basis, the Shipper will provide Union at the delivery point and delivery pressure as specified in the contract, a quantity (the “Transportation 

Fuel Quantity”) representing the Shipper’s share of compressor fuel and unaccounted for gas for transportation service on Union’s system.

In the event that the actual quantity of fuel supplied by the Shipper was different from the actual fuel quantity as calculated using the YCR formula, an 

adjustment will be made in May for the previous 12 months ending March 31
st
.
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(H) Monthly Fuel Rates and Ratios

Monthly fuel rates and ratios under this rate schedule shall be in accordance with Schedule “C”.

(I) Receipt and Delivery Points and Pressures

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

Receipt and Delivery Points and Pressures under this rate schedule shall be in accordance with Schedule “D 2010” for contracts in effect on or after 

October 1, 2010.

 

 

 

 

 



 

 SCHEDULE "A" 
RATE M12 

 GENERAL TERMS & CONDITIONS 
 
 
I. DEFINITIONS 
 
Except where the context expressly requires or states another meaning, the following terms, when used in these General Terms 
& Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed to have the 
following meanings: 
 
1. "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 

incorporated; 
 
2. "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
3. "day" shall mean a period of twenty-four (24) consecutive hours beginning at 9:00 a.m. Central Standard time.  The 

reference date for any day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
4. "delivery" shall mean any gas that is delivered by Union into Shipper's possession, or to the possession of Shipper's 

agent; 
 
5. "firm" shall mean service not subject to curtailment or interruption except under Articles XI and XII of this Schedule "A"; 
 
6. "gas" shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Sch. B, as amended, 

supplemented or re-enacted from time to time; 
 
7. "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 

 
8. "interruptible service" shall mean service subject to curtailment or interruption, after notice, at any time; 
 
9. “Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline system; 
 
10. "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance 

of one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 

 
11. "limited interruptible service" shall mean gas service subject to interruption or curtailment on a limited number of days 

as specified in the Contract; 
 
12. "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
13. "month" shall mean the period beginning at 9:00 a.m. Central Standard time on the first day of a calendar month and 

ending at 9:00 a.m. Central Standard time on the first day of the following calendar month; 
 
14. "OEB" means the Ontario Energy Board; 
 
15. "pascal" (Pa) shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 

metre.  The term "kilopascal" (kPa) shall mean 1,000 pascals; 
 
16. "receipt" shall mean any gas that is delivered into Union's possession, or the possession of Union’s agent; 
 
17. "Shipper" shall have the meaning as defined in the Contract and shall also include Shipper's agent(s); 
 
18. "TCPL" means TransCanada PipeLines Limited; 
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19. "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    

envelope; 
 
20. "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 

begins; 
 
21. "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 

Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
22. "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 
II. GAS QUALITY 
 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be 
forty point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled 
supply from Shipper's gas sources of supply.  The gas to be delivered by Union may be a commingled supply from 
Union's sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other 
hydrocarbons, except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit 
the subjection of, the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to/by Union hereunder, 
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other 
objectionable substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury to 
or interference with the proper operation of the lines, regulators, meters or other appliances through which it 
flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas nor more than 

four hundred and sixty (460) milligrams of total sulphur per cubic metre of gas, 
 

c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 

d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 
 

e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 

 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 

 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 

 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one 

point forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by 
volume of butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of 
total inerts in the gas in order to be interchangeable with other Interconnecting Pipeline gas. 

 
3.  Non-conforming Gas:  In addition to any other right or remedy of a party, each party shall be entitled to refuse to 

accept delivery of any gas which does not conform to any of the specifications set out in this Article II. 
 

4. Quality of Gas Received:  The quality of the gas to be received by Union hereunder is to be of a merchantable quality 
and in accordance with the quality standards as set out by Union in this Article II, but, Union will also accept gas of a 
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quality as set out in any other Interconnecting Pipeline’s general terms and conditions, provided that all Interconnecting 
Pipelines accept such quality of gas.  In addition to any other right or remedy of a party, each party shall be entitled to 
refuse to accept delivery of any gas which does not conform to any of the specifications set out in Union’s M12 Rate 
Schedule. 

 
 
III. MEASUREMENTS 
 
1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  

The unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union 
shall be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas 
Inspection Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of 
the Act and Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination 

of Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American 
Gas Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all 
as amended from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the 

measurement equipment designated in Article VII herein. 
 
d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union 

hereunder from the Interconnecting Pipeline.  Such measurement shall be done in accordance with 
established practices between Union and the Interconnecting Pipeline. 

 
 
IV. RECEIPT POINT AND DELIVERY POINT 
 
1. Unless otherwise specified in the Contract, the point or points of receipt for all gas to be covered hereunder shall be on 

the outlet side of the measuring stations located at or near the point or points of connection specified in the Contract, 
where Union takes possession of the gas. 

 
2. Unless otherwise specified in the Contract, the point or points of delivery for all gas to be covered hereunder shall be 

on the outlet side of the measuring stations located at or near the point or points of connection as specified in the 
Contract where Shipper takes possession of the gas.   

 
 
V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 
Intentionally blank 
 
 
VI. FACILITIES ON SHIPPER'S PROPERTY 
 
Except under those conditions where Union is delivering to TCPL for TCPL or Shipper at Union's Parkway Point of Delivery, or to 
an Interconnecting Pipeline, or where otherwise specified in the Contract, the following will apply: 
 
1. Construction and Maintenance:  Union, at its own expense may construct, maintain and operate on Shipper's property 

at the delivery point a measuring station properly equipped with a meter or meters and any other necessary measuring 
equipment for properly measuring the gas redelivered under the Contract.  Shipper will grant to Union a lease and/or 
rights-of-way over property of Shipper as required by Union to install such facilities and to connect same to Union's 
pipeline. 



 
 4 

 
2. Entry:  Union, its servants, agents and each of them may at any reasonable time on notice (except in cases of 

emergency) to Shipper or his duly authorized representative enter Shipper's property for the purpose of constructing, 
maintaining, removing, operating and/or repairing station equipment. 

 
3. Property:  The said station and equipment will be and remain the property of Union notwithstanding it is constructed on 

and attached to the realty of Shipper, and Union may at its own expense remove it upon termination of the Contract 
and will do so if so requested by Shipper. 

 
 
VII. MEASURING EQUIPMENT 
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with 

the Act and Regulations referenced in Article III herein.  
 
2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is 

owned and operated by an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the 
purpose of determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of 
measurement and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and 
conditions as incorporated in that Interconnecting Pipeline company’s gas tariff as approved by their regulatory body.  

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the redelivery point, at its own expense, 

such check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with 
the operation of Union's measuring equipment at or near the delivery point, and shall be installed, maintained and 
operated in conformity with the same standards and specifications applicable to Union's metering facilities. 

 
4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 

equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting 
done in connection with the other's measuring equipment used in measuring or checking the measurement of 
deliveries of gas to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention 
to carry out the acts herein specified.  The records from such measuring equipment shall remain the property of their 
owner, but upon request each will submit to the other its records and charts, together with calculations therefrom, for 
inspection and verification, subject to return within ten (10) days after receipt thereof. 

 
5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by 

Union at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be 
required to verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event 
either party notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to 
secure a prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by 
Shipper, shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per 
cent (2%).  If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous 
recordings of such equipment shall be considered accurate in computing redeliveries of gas, but such equipment shall 
be adjusted at once to record as near to absolute accuracy as possible.  If the test conducted shows a percentage of 
inaccuracy greater than two percent (2%), the financial adjustment, if any, shall be calculated in accordance with the 
Act and Regulations , as may be amended from time to time and in accordance with any successor statutes and 
regulations. 

 
6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 

data, and other relevant records. 
 
7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure, (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights 
as Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection and/or 
verification rights and procedures. 
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VIII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the 10th day of each month for all services furnished during 

the preceding month. Such charges may be based on estimated quantities, if actual quantities are unavailable in time 
to prepare the billing.  Union shall provide, in a succeeding month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to Shipper is 
delayed after the 10th day of the month, then the time of payment shall be extended accordingly, unless Shipper is 
responsible for such delay. 

 
2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, 

records and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation 
made under or pursuant to the provisions of the Contract. 

 
 
IX. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the 

invoice on or before the twentieth (20th) day of each month.  If the payment date is not a business day, then payment 
must be received in Union's account on the first business day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date 
until the date of payment.   

 
b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other 

remedy it may have under the Contract, may suspend service(s) until such amount is paid.  Notwithstanding 
such suspension, all demand charges shall continue to accrue hereunder as if such suspension were not in 
place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as 
it concedes to be correct. At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall 
furnish financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due 
upon such bill after a final determination.  Such a final determination may be reached either by agreement, arbitration 
decision or judgement of the courts, as may be the case. Union shall not be entitled to suspend service(s) because of 
such non-payment unless and until default occurs in the conditions of such financial assurances or default occurs in 
payment of any other amount due to Union hereunder. 
 
Notwithstanding the foregoing paragraph(s), Shipper is not relieved from the obligation to continue its deliveries of gas 
to Union under the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to 
Union. 
 

3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 
form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at 
a rate per annum determined each day during the calculation period to be equal to the minimum commercial lending 
rate of Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  
In the event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect 
actual measurement shall be made on the bill next following the determination of such actual measurement, without 
any charge of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, 
such error shall be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill 
next following its determination (where the term "bill" next following shall mean a bill rendered at least fourteen (14) 
days after the day of its determination), provided that claim therefore shall  have been made within six (6) years from 
the date of the incorrect billing. In the event any refund is issued with Shipper's gas bill, the aforesaid date of refund 
shall be deemed to be the date of the issue of bill. 
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X. ARBITRATION 
 
If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything herein 
contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter hereunder, the 
matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of either party.  Upon 
such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A majority decision of the 
arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the Arbitration Act of the Province 
of Ontario, or any act passed in amendment thereof or substitution therefore, shall apply to each such submission.  Operations 
under the Contract shall continue, without prejudice, during any such arbitration and the costs attributable to such arbitration 
shall be shared equally by the parties hereto. 
 
 
XI. FORCE MAJEURE 
 
1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, 

acts of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, 
fires, storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, 
breakage or accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, 
supplies, permits or labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or 
authority (civil or military), any act or omission that is excused by any event or occurrence of the character herein 
defined as constituting force majeure, any act or omission by parties not controlled by the party having the difficulty and 
any other similar cases not within the control of the party claiming suspension and which by the exercise of due 
diligence such party is unable to prevent or overcome. 

 
 2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or 

comply with any obligation or condition of the Contract, such party shall give notice and full particulars of such force 
majeure in writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible 
after the occurrence of the cause relied on and subject to the provision of this Article. 

 
 3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a 
period within which it should acting reasonably have determined, that the occurrence was in the nature of force 
majeure and would affect its ability to observe or perform any of its conditions or obligations under the Contract, give to 
the other party the notice required hereunder. 

 
 4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is 

remedied, to the extent that the same has been remedied, and that such party has resumed or is then in a position to 
resume the performance of the obligations and conditions of the Contract. 

 
 5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas 

by Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for 
payment obligations, to the extent of and for the duration of the force majeure. 

 
 6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall 

not relieve Shipper of any payment obligations.  
 
 7. Delay of Firm Transportation Services: Despite Article XI herein, if Union is prevented, by reason of an event of force 

majeure on Union’s system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, 
Union shall thereafter make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or 
Days as are agreed to by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any 
demand charge relief as contemplated under Article XI herein.  

 
 8. Demand Charge Relief for Firm Transportation Services: Despite Article XI herein, if on any Day Union fails to accept 

gas from Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas 
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nominated hereunder by Shipper up to the firm Contract Demand for that Contract, then for that Day the Monthly 
demand charge shall be reduced by an amount equal to the applicable Daily Demand Rate, as defined in this 
paragraph, multiplied by the difference between the quantity of gas actually delivered by Union during such Day and 
the quantity of gas which Shipper in good faith nominated on such Day.  The term “Daily Demand Rate” shall mean 
the Monthly demand charge or equivalent pursuant to the M12 Rate Schedule divided by the number of days in the 
month for which such rate is being calculated. 

 
 9. If, due to the occurrence of an event of force majeure as outlined above, the capacity for gas deliveries by Union is 

impaired, it will be necessary for Union to curtail Shipper's gas receipts to Union hereunder, via proration based on 
utilization of such facilities for the Day.    This prorating shall be determined by multiplying the capability of such 
facilities as available downstream of the impairment on the Day, by a fraction where the numerator is Shipper's 
nominated firm quantity and the denominator is the total of all such nominated firm quantities for nominated services 
and planned consumption for in-franchise customers on the Day.  For the purposes of this Article XI, firm services shall 
mean all firm services provided by Union to in-franchise customers and ex-franchise shippers. 

 
 
XII. DEFAULT AND TERMINATION 
 
In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, proviso, 
condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make delivery in whole or 
in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in Article XI hereof) which has 
not been waived by the other party, then and in every such case and as often as the same may happen, the Non-defaulting party 
may give written notice to the Defaulting party requiring it to remedy such default and in the event of the Defaulting party failing to 
remedy the same within a period of thirty (30) days from receipt of such notice, the Non-defaulting party may at its sole option 
declare the Contract to be terminated and thereupon the Contract shall be terminated and be null and void for all purposes other 
than and except as to any liability of the parties under the same incurred before and subsisting as of termination.  The right 
hereby conferred upon each party shall be in addition to, and not in derogation of or in substitution for, any other right or remedy 
which the parties respectively at law or in equity shall or may possess. 
 
 
XIII. MODIFICATION 
 
Subject to Union’s M12 Rate Schedule, Schedule A, Article XV and the ability of Union to amend the M12 Rate Schedule with 
the approval of the OEB, no amendment or modification of the Contract shall be effective unless the same shall be in writing and 
signed by each of the Shipper and Union.  
 
 
XIV. NON-WAIVER AND FUTURE DEFAULT 
 
Intentionally blank 
 
 
XV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having jurisdiction 
and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any board, tribunal or 
administrative agency which affects any of the provisions of the Contract. 



  
 

SCHEDULE "A 2010" 
RATE M12 

GENERAL TERMS & CONDITIONS 
 
 

I. DEFINITIONS 
 

Except where the context expressly requires or states another meaning, the following terms, when used in these General 
Terms & Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed 
to have the following meanings: 
 

             “Authorized Overrun” shall mean the amount by which Shipper’s Authorized Quantity exceeds the Contract Demand; 
 

“Available Capacity” shall mean at any time, Union’s remaining available capacity to provide Transportation Services; 
 

 "Business Day" shall mean any day, other than Saturday, Sunday or any days on which national banks in the Province of 
Ontario are authorized to close; 

    
 "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 
incorporated; 
 
“Contract Year” shall mean a period of three hundred and sixty-five (365) consecutive days; provided however, that any 
such period which contains a date of February 29 shall consist of three hundred and sixty-six (366) consecutive days, 
commencing on November 1 of each year; except for the first Contract Year which shall commence on the Commencement 
Date and end on the first October 31 that follows such date;  
 

            "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    
envelope; 

 
 "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 

 “Day” shall mean a period of twenty-four (24) consecutive hours beginning at 10:00 a.m. Eastern Clock Time.  The 
reference date for any Day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 

 
 "delivery" shall mean any gas that is delivered by Union into Shipper's possession, or to the possession of Shipper's agent; 

 
 “Eastern Clock Time” shall mean the local clock time in the Eastern Time Zone on any Day; 
  
 “Expansion Facilities” shall mean any new facilities to be constructed by Union in order to provide Transportation 

Services; 
 

 "firm" shall mean service not subject to curtailment or interruption except under Articles XI, XII and XVIII herein;  
 

 "gas" shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Sch. B, as amended, 
supplemented or re-enacted from time to time; 

 
 "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and the 
temperature of the gas, air and products of combustion at standard temperature and all water formed by the combustion 
reaction condensed to the liquid state; 

 
 "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation begins; 
  
 “Interruptible HUB Service Contract” shall mean a contract between Shipper and Union under which Union provides 

interruptible HUB service; 
 

"interruptible service" or “Interruptible” shall mean service subject to curtailment or interruption, after notice, at any     
time; 
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“Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline system; 
 
 "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance of 

one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term “gigajoule” 
(GJ) shall mean 1,000,000,000 joules; 
 

 “Loaned Quantities” shall mean those quantities of gas loaned to Shipper under the Facilitating Agreement; 
 
 "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 

 
 “Month” shall mean the period beginning at 10:00 a.m. Eastern Clock Time on the first day of a calendar month and ending 

at 10:00 a.m. Eastern Clock Time on the first day of the following calendar month; 
 
 “NAESB” shall mean North American Energy Standards Board; 
 
 "OEB" means the Ontario Energy Board; 
 
 “Open Season” or “open season” shall mean an open access auction or bidding process held by Union as a method of 

allocating capacity; 
 

             "pascal" (Pa) shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 
metre.  The term "kilopascal" (kPa) shall mean 1,000 pascals; 

 
 "receipt" shall mean any gas that is delivered into Union's possession, or the possession of Union’s agent; 
  
 "Shipper" shall have the meaning as defined in the Contract, and shall also include Shipper’s agent(s); 
 
 "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees Celsius, 

and at a pressure of 101.325 kilopascals absolute; 
 
 “Taxes” shall mean any tax (other than tax on income or tax on property), duty, royalty, levy, license, fee or charge not 

included in the charges and rates as per the applicable rate schedule (including but not limited to charges under any form 
of cap and trade, carbon tax, or similar system) and that is levied, assessed or made by any governmental authority on the 
gas itself, or the act, right, or privilege of producing, severing, gathering, storing, transporting, handling, selling or delivering 
gas under the Contract; 

 
 "TCPL" means TransCanada PipeLines Limited; 

  
 "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 

II. GAS QUALITY 
 

1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 
megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be forty 
point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled supply 
from Shipper’s gas sources of supply.  The gas to be delivered by Union may be a commingled supply from Union's 
sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other hydrocarbons, except 
methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit the subjection of, the gas to 
compression, dehydration, cooling, cleaning and other processes. 
 

2. Freedom from objectionable matter:  The gas to be delivered to/by Union hereunder, 
 
a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 

compounds used in the production, treatment, compression or dehydration of the gas or any other objectionable 
substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury to, or interference 
with, the proper operation of the lines, regulators, meters or other appliances through which it flows, 
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b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than four 
hundred and sixty (460) milligrams of total sulphur per cubic metre of gas, 

 
c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 

 
d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 

 
e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 

 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 

 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 

 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one point 

forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by volume of 
butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of total inerts in the gas 
in order to be interchangeable with other Interconnecting Pipeline gas. 

 
3. Non-conforming Gas:  In addition to any other right or remedy of a party, each party shall be entitled to refuse to accept 

delivery of any gas which does not conform to any of the specifications set out in this Article II. 
 

4. Quality of Gas Received:  The quality of the gas to be received by Union hereunder is to be of a merchantable quality and 
in accordance with the quality standards as set out by Union in this Article II, but, Union will also accept gas of a quality as 
set out in any other Interconnecting Pipeline’s general terms and conditions, provided that all Interconnecting Pipelines 
accept such quality of gas.  In addition to any other right or remedy of a party, each party shall be entitled to refuse to 
accept delivery of any gas which does not conform to any of the specifications set out in Union’s M12 Rate Schedule.  

 
 

III. MEASUREMENTS 
 

1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  The 
unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union shall be 
a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas Inspection 
Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of the Act and 
Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination of 

Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American Gas 
Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all as amended 
from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the measurement 

equipment designated in Article VII herein. 
 

d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union hereunder 
from the Interconnecting Pipeline.  Such measurement shall be done in accordance with established practices 
between Union and the Interconnecting Pipeline. 
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IV. RECEIPT POINT AND DELIVERY POINT 
 

1. Unless otherwise specified in the Contract, the point or points of receipt and point or points of delivery for all gas to be 
covered hereunder shall be on the outlet side of the measuring stations located at or near the point or points of connection 
specified in the Contract, where possession of the gas changes from one party to the other, and as per Schedule “D 2010”. 

 
 

V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 

1. Union accepts no responsibility for any gas prior to such gas being delivered to Union at the Receipt Point or after its 
delivery by Union at the Delivery Point.  As between the parties hereto, Union shall be deemed to be in control and 
possession of and responsible for all such gas from the time that such gas enters Union's system until such gas is 
delivered to Shipper. 

  
2. Shipper agrees that Union is not a common carrier and is not an insurer of Shipper’s gas, and that Union shall not be liable 

to Shipper or any third party for loss of gas in Union’s possession, except to the extent such loss is caused entirely by 
Union’s negligence or wilful misconduct.   

 
 
VI. FACILITIES ON SHIPPER’S PROPERTY 

 
Except under those conditions where Union is delivering to TCPL for TCPL or Shipper at Parkway (TCPL), or to an 
Interconnecting Pipeline, or where otherwise specified in the Contract, the following will apply: 

 
  1. Construction and Maintenance:  Union, at its own expense may construct, maintain and operate on Shipper's property at 

the delivery point a measuring station properly equipped with a meter or meters and any other necessary measuring 
equipment for properly measuring the gas redelivered under the Contract.  Shipper will grant to Union a lease and/or 
rights-of-way over property of Shipper as required by Union to install such facilities and to connect same to Union's 
pipeline. 

 
  2. Entry:  Union, its servants, agents and each of them may at any reasonable time on notice (except in cases of emergency) 

to Shipper or his duly authorized representative enter Shipper's property for the purpose of constructing, maintaining, 
removing, operating and/or repairing station equipment. 

 
  3. Property:  The said station and equipment will be and remain the property of Union notwithstanding it is constructed on and 

attached to the realty of Shipper, and Union may at its own expense remove it upon termination of the Contract and will do 
so if so requested by Shipper. 

 
 

VII. MEASURING EQUIPMENT 
 

  1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with the Act 
and Regulations referenced in Article III herein.  

 
  2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is owned 

and operated by an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the purpose of 
determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of measurement 
and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and conditions as 
incorporated in that Interconnecting Pipeline company’s gas tariff as approved by its regulatory body.  

 
  3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the redelivery point, at its own expense, such 

check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with the 
operation of Union's measuring equipment at or near the delivery point, and shall be installed, maintained and operated in 
conformity with the same standards and specifications applicable to Union's metering facilities. 

 
  4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 

equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting done 
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in connection with the other's measuring equipment used in measuring or checking the measurement of deliveries of gas 
to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention to carry out the acts 
herein specified.  The records from such measuring equipment shall remain the property of their owner, but upon request 
each will submit to the other its records and charts, together with calculations therefrom, for inspection and verification, 
subject to return within ten (10) days after receipt thereof. 

 
  5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by Union at 

reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be required to 
verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event either party 
notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to secure a prompt 
verification of the accuracy of such equipment.  The expense of any such special test, if called for by Shipper, shall be 
borne by Shipper if the measuring equipment tested is found to be in error by not more than two per cent (2%).  If, upon 
test, any measuring equipment is found to be in error by not more than two per cent (2%), previous recordings of such 
equipment shall be considered accurate in computing receipts and deliveries of gas, but such equipment shall be adjusted 
at once to record as near to absolute accuracy as possible.  If the test conducted shows a percentage of inaccuracy greater 
than two percent (2%), the financial adjustment, if any, shall be calculated in accordance with the Act and Regulations, as 
may be amended from time to time and in accordance with any successor statutes and regulations. 

 
  6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test data, 

and other relevant records. 
 
  7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure, (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights as 
Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection and/or 
verification rights and procedures. 

 
 

VIII. BILLING 
 

  1. Monthly Billing Date:  Union shall render bills on or before the tenth (10th) day of each month for all Transportation Services 
furnished during the preceding Month. Such charges may be based on estimated quantities, if actual quantities are 
unavailable in time to prepare the billing.  Union shall provide, in a succeeding Month's billing, an adjustment based on any 
difference between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to 
Shipper is delayed after the tenth (10th) day of the month, then the time of payment shall be extended accordingly, unless 
Shipper is responsible for such delay. 

 
  2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, records 

and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation made under or 
pursuant to the provisions of the Contract. 

 
  3. Amendment of Statements: For the purpose of completing a final determination of the actual quantities of gas handled in 

any of the Transportation Services to Shipper, the parties shall have the right to amend their statement for a period equal to 
the time during which the Interconnecting Pipeline retains the right to amend their statements, which period shall not 
exceed three (3) years from the date of termination of the Contract.  

 
 

IX. PAYMENTS 
 

  1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the invoice on 
or before the twentieth (20th) day of each month.  If the payment date is not a Business Day, then payment must be 
received in Union’s account on the first Business Day preceding the twentieth (20th) day of the month. 

 
  2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such amount 

is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date until the 
date of payment; and,   
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b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other remedy it 

may have under the Contract, may suspend Services until such amount is paid.  Notwithstanding such suspension, 
all demand charges shall continue to accrue hereunder as if such suspension were not in place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as it 
concedes to be correct. At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall furnish 
financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due upon such 
bill after a final determination.  Such a final determination may be reached either by agreement, arbitration decision or 
judgement of the courts, as may be the case. Union shall not be entitled to suspend Services because of such non-
payment unless and until default occurs in the conditions of such financial assurances or default occurs in payment of any 
other amount due to Union hereunder. 

 
Notwithstanding the foregoing, Shipper is not relieved from the obligation to continue its deliveries of gas to Union under 
the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to Union. 

 
  3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at a 
rate per annum determined each day during the calculation period to be equal to the minimum commercial lending rate of 
Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  In the event 
Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect actual measurement 
shall be made on the bill next following the determination of such actual measurement, without any charge of interest.  In 
the event an error is discovered in the amount billed in any statement rendered by Union, such error shall be adjusted by 
Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill next following its determination (where 
the term "bill next following” shall mean a bill rendered at least fourteen (14) days after the day of its determination), 
provided that claim therefore shall  have been made within three (3) years from the date of the incorrect billing. In the event 
any refund is issued with Shipper's bill, the aforesaid date of refund shall be deemed to be the date of the issue of bill. 

 
  4 Taxes: 

 
In addition to the charges and rates as per the applicable rate schedules and price schedules, Shipper shall pay all Taxes 
which are imposed currently or subsequent to the execution of the Contract by any legal authority having jurisdiction and 
any amount in lieu of such Taxes paid or payable by Union. 
 

  5. Set Off:  
 

If either party shall, at any time, be in arrears under any of its payment obligations to the other party under the Contract, 
then the party not in arrears shall be entitled to reduce the amount payable by it to the other party in arrears under the 
Contract, or any other contract, by an amount equal to the amount of such arrears or other indebtedness to the other party.  
In addition to the foregoing remedy, Union may, upon forty-eight (48) hours verbal notice, to be followed by written notice, 
take possession of any or all of Shipper’s gas under the Contract or any enhancement to the Contract, which shall be 
deemed to have been assigned to Union, to reduce such arrears or other indebtedness to Union. 

 
 

X. ARBITRATION 
 

If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything 
herein contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter 
hereunder, the matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of 
either party.  Upon such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A 
majority decision of the arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the 
Arbitration Act, 1991, or any act passed in amendment thereof or substitution therefore, shall apply to each such 
submission.  Operations under the Contract shall continue, without prejudice, during any such arbitration and the costs 
attributable to such arbitration shall be shared equally by the parties hereto. 
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XI. FORCE MAJEURE 
 

  1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, acts 
of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, fires, 
storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, breakage or 
accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, supplies, permits or 
labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or authority (civil or military), any 
act or omission that is excused by any event or occurrence of the character herein defined as constituting force majeure, 
any act or omission by parties not controlled by the party having the difficulty and any other similar cases not within the 
control of the party claiming suspension and which by the exercise of due diligence such party is unable to prevent or 
overcome. 

 
  2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or comply 

with any obligation or condition of the Contract, such party shall give notice and full particulars of such force majeure in 
writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible after the 
occurrence of the cause relied on and subject to the provision of this Article. 

 
  3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a period 
within which it should acting reasonably have determined, that the occurrence was in the nature of force majeure and would 
affect its ability to observe or perform any of its conditions or obligations under the Contract, give to the other party the 
notice required hereunder. 

 
  4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is remedied, 

to the extent that the same has been remedied, and that such party has resumed or is then in a position to resume the 
performance of the obligations and conditions of the Contract. 

 
  5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas by 

Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for payment 
obligations, to the extent of and for the duration of the force majeure. 

 
  6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall not 

relieve Shipper of any payment obligations.  
 

  7. Delay of Firm Transportation Services: Despite Article XI herein, if Union is prevented, by reason of an event of force 
majeure on Union’s system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, 
Union shall thereafter make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or 
Days as are agreed to by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any 
demand charge relief as contemplated under Article XI herein.  

 
  8. Demand Charge Relief for Firm Transportation Services: Despite Article XI herein, if on any Day Union fails to accept gas 

from Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas nominated 
hereunder by Shipper up to the firm Contract Demand for that Contract, then for that Day the Monthly demand charge shall 
be reduced by an amount equal to the applicable Daily Demand Rate, as defined in this paragraph, multiplied by the 
difference between the quantity of gas actually delivered by Union during such Day and the quantity of gas which Shipper 
in good faith nominated on such Day.  The term “Daily Demand Rate” shall mean the Monthly demand charge or 
equivalent pursuant to the M12 Rate Schedule divided by the number of days in the month for which such rate is being 
calculated. 

 
  9. If, due to the occurrence of an event of force majeure as outlined above, the capacity for gas deliveries by Union is 

impaired, it will be necessary for Union to curtail Shipper's gas receipts to Union hereunder, via proration based on 
utilization of such facilities for the Day.    This prorating shall be determined by multiplying the capability of such facilities as 
available downstream of the impairment on the Day, by a fraction where the numerator is Shipper's nominated firm quantity 
and the denominator is the total of all such nominated firm quantities for nominated services and planned consumption for 
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in-franchise customers on the Day.  For the purposes of this Article XI, firm services shall mean all firm services provided 
by Union to in-franchise customers and ex-franchise shippers. 

 
 

XII. DEFAULT AND TERMINATION 
 

In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, proviso, 
condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make delivery in 
whole or in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in Article XI 
herein) which has not been waived by the other party, then and in every such case and as often as the same may happen, 
the non-defaulting party may give written notice to the defaulting party requiring it to remedy such default and in the event 
of the defaulting party failing to remedy the same within a period of thirty (30) days from receipt of such notice, the non-
defaulting party may at its sole option declare the Contract to be terminated and thereupon the Contract shall be terminated 
and be null and void for all purposes other than and except as to any liability of the parties under the same incurred before 
and subsisting as of termination.  The right hereby conferred upon each party shall be in addition to, and not in derogation 
of or in substitution for, any other right or remedy which the parties respectively at law or in equity shall or may possess. 

 
 

XIII. AMENDMENT 
 

Subject to Article XV herein and the ability of Union to amend the applicable rate schedules and price schedules, with the 
approval of the OEB (if required), no amendment or modification of the Contract shall be effective unless the same shall be 
in writing and signed by each of the Shipper and Union.  

 
 

XIV. NON-WAIVER AND FUTURE DEFAULT 
 

No waiver of any provision of the Contract shall be effective unless the same shall be in writing and signed by the party 
entitled to the benefit of such provision and then such waiver shall be effective only in the specific instance and for the 
specified purpose for which it was given.  No failure on the part of Shipper or Union to exercise, and no course of dealing 
with respect to, and no delay in exercising, any right, power or remedy under the Contract shall operate as a waiver thereof. 

 
 

XV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having 
jurisdiction and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any 
board, tribunal or administrative agency which affects any of the provisions of the Contract. 
 
 

XVI ALLOCATION OF CAPACITY  
 

  1. A potential shipper may request firm transportation service on Union’s system at any time. Any request for firm M12 
transportation service must include: potential shipper’s legal name, Receipt Point(s), Delivery Point(s), Commencement 
Date, Initial Term, Contract Demand and proposed payment. This is applicable for M12 service requests for firm 
transportation service with minimum terms of ten (10) years where Expansion Facilities are required or a minimum term of 
five (5) years for use of existing capacity.  
 

  2. If requests for firm transportation services cannot be met through existing capacity such that the only way to satisfy the 
requests for transportation service would require the construction of Expansion Facilities which create new capacity, Union 
shall allocate any such new capacity by open season, subject to the terms of the open season, and these General Terms 
and Conditions.  
 

  3. If requests for long-term firm transportation service can be met through existing facilities upon which long-term capacity is 
becoming available, Union shall allocate such long-term capacity by open season, subject to the terms of the open season, 
and these General Terms and Conditions. “Long-term”, for the purposes of this Article XVI, means, in the case of a 
transportation service,  a service that has a term of one year or greater. 
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 4.         Capacity requests received during an open season shall be awarded starting with those bids with the highest economic 

value.  If the economic values of two or more independent bids are equal, then service shall be allocated on a pro-rata 
basis. The economic value shall be based on the net present value which shall be calculated based on the proposed per- 
unit rate and the proposed term of the contract and without regard to the proposed Contract Demand (“NPV”). 
 

  5. Union may at any time allocate capacity to respond to any M12 transportation service request through an open season. If a 
potential shipper requests M12 transportation service that can be provided through Available Capacity that was previously 
offered by Union in an open season but was not awarded, then: 

  
a. Any such request must conform to the requirements of Section 1 of this Article XVI; 
 
b. Union shall allocate capacity to serve such request pursuant to this Section 5, and subject to these General Terms 

and Conditions and Union’s standard form M12 transportation contract;  
 
c. Union may reject a request for M12 transportation service for any of the following reasons: 

i) if there is insufficient Available Capacity to fully meet the request, but if that is the only reason for rejecting 
the request for service, Union must offer to supply the Available Capacity to the potential shipper; 

ii) if the proposed monthly payment is less than Union's Monthly demand charge plus fuel requirements for the 
applicable service; 

iii) if prior to Union accepting the request for transportation service Union receives a request for transportation 
service from one or more other potential shippers and there is, as a result, insufficient Available Capacity to service 
all the requests for service, in which case Union shall follow the procedure in Section 5 d hereof;   

iv) if Union does not provide the type of transportation service requested; or 

 v) if all of the conditions precedent specified in Article XXI Sections 1 and 2 herein have not been satisfied or 
waived. 

d. Union will advise the potential shipper in writing whether Union accepts or rejects the request for service, subject to 
Article XVI 5 c, within 5 calendar days of receiving a request for M12 transportation service. If Union rejects a 
request for service, Union shall inform the potential shipper of the reasons why its request is being rejected; and 

 
e. If Union has insufficient Available Capacity to service all pending requests for transportation service Union may: 

 
i) Reject all the pending requests for transportation service and conduct an open season; or 
 
ii) Union shall inform all the potential shippers who have submitted a pending request for transportation 

service that it does not have sufficient capacity to service all pending requests for service, and Union shall 
provide all such potential shippers with an equal opportunity to submit a revised request for service.  Union 
shall then allocate the Available Capacity to the request for transportation service with the highest 
economic value to Union.  If the economic values of two or more requests are equal, then service shall be 
allocated on a pro-rata basis. The economic value of any request shall be based on the NPV.  

 
 

XVII. RENEWALS 
 
Contracts with an Initial Term of five (5) years or greater will continue in full force and effect beyond the Initial Term, 
automatically renewing for a period of one (1) year, and every one (1) year thereafter.  Shipper may reduce the Contract 
Demand or terminate the Contract with notice in writing by Shipper at least two (2) years prior to the expiration thereof.   

XVIII.       SERVICE CURTAILMENT 
 

1. Union shall have the right to curtail or not to schedule part or all of Transportation Services, in whole or in part, on all or a 
portion of its pipeline system at any time for reasons of Force Majeure or when, in Union sole discretion, acting reasonably, 
capacity or operating conditions so require or it is desirable or necessary to make modifications, repairs or operating 
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changes to its pipeline system.   Union shall provide Shipper such notice of such curtailment as is reasonable under the 
circumstances.  If due to any cause whatsoever Union is unable to receive or deliver the quantities of Gas which Shipper 
has requested, then Union shall order curtailment by all Shippers affected and to the extent necessary to remove the effect 
of the disability.  Union has a priority of service policy to determine the order of service curtailment.  In order to place 
services on the priority of service list, Union considers the following business principles: appropriate level of access to core 
services, customer commitment, encouraging appropriate contracting, materiality, price and term, and promoting and 
enabling in-franchise consumption.   

 
The Priority ranking for all services utilizing Union Gas’ storage, transmission and distribution system as applied to both in-
franchise and ex-franchise services are as follows; with number 1 having the highest priority and the last interrupted. 

 
1. Firm In-franchise Transportation and Distribution services and firm Ex-franchise services (Note 1) 
2. In-franchise Interruptible Distribution services 
3. C1/M12 IT Transport and IT Exchanges with Take or Pay rates 
4. Balancing (Hub Activity) < = 100 GJ/d; Balancing (Direct Purchase) < = 500 GJ/d; In-franchise distribution 

authorized overrun (Note 3) 
5. C1/M12 IT Transport and IT Exchanges at premium rates 
6. C1/M12 Overrun < = 20% of CD (Note 4) 
7. Balancing (Direct Purchase) > 500 GJ/d 
8. Balancing (Hub Activity) > 100 GJ/d; C1/M12 IT Transport and IT Exchanges 
9. C1/M12 Overrun > 20% of CD 
10. C1/M12 IT Transport and IT Exchanges at a discount 
11. Late Nominations 

Notes: 
1.  Nominated services must be nominated on the NAESB Timely Nomination Cycle otherwise they are 

considered to be late nomination and are therefore interruptible. 
2. Higher value or more reliable IT is contemplated in the service and contract, when purchase at market 

competitive prices. 
3. Captures the majority of customers that use Direct Purchase balancing transactions. 
4. Captures the majority of customers that use overrun. 

 
2. Union reserves the right to change its procedures for sharing interruptible capacity and will provide Shipper with two (2) 

months prior notice of any such change. 
 

3. Maintenance:  Union's facilities from time to time may require maintenance or construction.  If such maintenance or 
construction is required, and in Union's sole opinion, acting reasonably, such maintenance or construction may impact 
Union’s ability to meet Shipper's requirements, Union shall provide at least ten (10) days notice to Shipper, except in the 
case of an emergency.  In the event the maintenance impacts on Union’s ability to meet Shipper’s requirements, Union 
shall not be liable for any damages and shall not be deemed in breach of the Contract.  To the extent that Union's ability to 
accept and/or deliver Shipper's gas is impaired, the Monthly demand charge shall be reduced in accordance with Article XI 
Section 8 and available capacity allocated in accordance with Article XI Section 9 herein.   

 
Union shall use reasonable efforts to determine a mutually acceptable period during which such maintenance or 
construction will occur and also to limit the extent and duration of any impairments.  Union will endeavour to schedule and 
complete the maintenance and construction, which would normally be expected to impact on Union's ability to meet 
Shipper’s requirements, during the period from April 1 through to November 1. 

 
 
XIX.        SHIPPER'S REPRESENTATIONS AND WARRANTIES 

 
1. Shipper's Warranty:  Shipper warrants that it will, if required, maintain, or have maintained on its behalf, all external 

approvals including the governmental, regulatory, import/export permits and other approvals or authorizations that are 
required from any federal, state or provincial authorities for the gas quantities to be handled under the Contract.  Shipper 
further warrants that it shall maintain in effect the Facilitating Agreements. 

 
2. Financial Representations:  Shipper represents and warrants that the financial assurances (including the Initial Financial 

Assurances and Security) (if any) shall remain in place throughout the term hereof, unless Shipper and Union agree 
otherwise.  Shipper shall notify Union in the event of any change to the financial assurances throughout the term hereof.  
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Should Union have reasonable grounds to believe that Shipper will not be able to perform or continue to perform any of its 
obligations under the Contract as a result of one of the following events (“Material Event”); 

 
a. Shipper is in default, which default has not been remedied, of the Contract or is in default of any other material 

contract with Union or another party; or, 
 

b. Shipper’s corporate or debt rating falls below investment grade according to at least one nationally recognized 
rating agency; or, 

 
c. Shipper ceases to be rated by a nationally recognized agency; or, 

 
d. Shipper has exceeded credit available as determined by Union from time to time,  

 

then Shipper shall within fourteen (14) days of receipt of written notice by Union, obtain and provide to Union a letter of 
credit or other security in the form and amount reasonably required by Union (the “Security”).  The Security plus the Initial 
Financial Assurances shall not exceed twelve (12) months of Monthly demand charges (in accordance with Article IX 
herein) multiplied by Contract Demand.  In the event that Shipper does not provide to Union such Security within such 
fourteen (14) day period, Union may deem a default under the Default and Termination provisions of Article XII herein.  

 
In the event that Shipper in good faith, reasonably believes that it should be entitled to reduce the amount of or value of the 
Security previously provided, it may request such a reduction from Union and to the extent that the Material Event has been 
mitigated or eliminated, Union shall return all or a portion of the Security to Shipper within fourteen (14) Business Days after 
receipt of the request. 

 
   The following paragraphs 3 and/or 4 are only applicable if indicated in Schedule 1 of the Contract. 
 

3.       Point of Consumption Warranty: Shipper represents and warrants that, throughout the term of this Contract, all quantities of 
gas received by Union hereunder at the Receipt Point and/or all Loaned Quantities will be consumed in the U.S.A.  Should 
any quantities of gas hereunder be directed to an end user in Canada, Shipper shall immediately notify Union that such 
quantities of gas will be consumed in Canada, as failure to do so will make Shipper liable to Union for any Taxes and 
related interest and penalties thereon, made as a result of such change.  

 
4.  Tax Registration re GST: Shipper warrants and represents that it is unregistered and a Non-Resident for purposes of the 

Excise Tax Act. Shipper agrees to notify Union within ten (10) working days if it becomes registered.  “GST/HST” shall 
mean the Government of Canada's Goods and Services Tax or Harmonized Sales Tax as legislated under The Excise Tax 
Act, as may be amended from time to time. 

 
 

XX. MISCELLANEOUS PROVISIONS 
 

   1. Permanent Assignment: Shipper may assign the Contract to a third party (“Assignee”), up to the Contract Demand, (the 
“Capacity Assigned”).  Such assignment shall require the prior written consent of Union and release of obligations by Union 
for the Capacity Assigned from the date of assignment.  Such consent and release shall not be unreasonably withheld and 
shall be conditional upon the Assignee providing, amongst other things, financial assurances as per Article XXI herein.  Any 
such assignment will be for the full rights, obligations and remaining term of the Contract as relates to the Capacity 
Assigned.  

 
2. Temporary Assignment:  Shipper may, upon notice to Union, assign all or a part of its service entitlement under the 

Contract (the “Assigned Quantity”) and the corresponding rights and obligations to an Assignee on a temporary basis for 
not less than one calendar month.  Such assignment shall not be unreasonably withheld and shall be conditional upon the 
Assignee executing the Facilitating Agreement as per Article XXI herein.  Notwithstanding such assignment, Shipper shall 
remain obligated to Union to perform and observe the covenants and obligations contained herein in regard to the Assigned 
Quantity to the extent that Assignee fails to do so. 

  
3. Title to Gas:  Shipper represents and warrants to Union that Shipper shall have good and marketable title to, or legal 

authority to deliver to Union, all gas delivered to Union hereunder.  Furthermore, Shipper hereby agrees to indemnify and 
save Union harmless from all suits, actions, debts, accounts, damages, costs, losses and expenses arising from or out of 
claims of any or all third parties to such gas or on account of Taxes, or other charges thereon. 
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XXI. PRECONDITIONS TO TRANSPORTATION SERVICES  
 

1. The obligations of Union to provide Transportation Services hereunder are subject to the following conditions precedent, 
which are for the sole benefit of Union and which may be waived or extended in whole or in part in the manner provided in 
the Contract:  
 
a. Union shall have obtained, in form and substance satisfactory to Union, and all conditions shall have been satisfied 

under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, that are 
required to provide the Transportation Services; and, 
 

b. Union shall have obtained all internal approvals that are necessary or appropriate to provide the transportation 
Services; and, 
 

c. Union shall have received from Shipper the requisite financial assurances reasonably necessary to ensure 
Shipper’s ability to honour the provisions of the Contract (the “Initial Financial Assurances”).  The Initial Financial 
Assurances, if required, will be as determined solely by Union; and, 
 

d. Shipper and Union shall have entered into the Interruptible HUB Service Contract or equivalent (the “Facilitating 
Agreement”) with Union.  

 
2.    The obligations of Shipper hereunder are subject to the following conditions precedent, which are for the sole benefit of 
 Shipper and which may be waived or extended in whole or in part in the manner provided in the Contract: 

 
a. Shipper shall, as required, have entered into the necessary contracts with Union and/or others to facilitate the 
 Transportation Services contemplated herein, including contracts for upstream and downstream transportation, and 
 shall specifically have an executed and valid Facilitating Agreement; and shall, as required, have entered into the 
 necessary contracts to purchase the gas quantities handled under the Contract; and, 
 
b. Shipper shall have obtained, in form and substance satisfactory to Shipper, and all conditions shall have been 
 satisfied under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, 
 that are required from federal, state, or provincial authorities for the gas quantities handled under the Contract; and, 

 
c. Shipper shall have obtained all internal approvals that are necessary or appropriate for the Shipper to execute the 
 Contract. 

 
3.  Union and Shipper shall each use due diligence and reasonable efforts to satisfy and fulfil the conditions precedent 
 specified in this Article XXI Section 1 a, c, and d and Section 2 a and b. Each party shall notify the other forthwith in writing 
 of the satisfaction or waiver of each condition precedent for such party’s benefit.  If a party concludes that it will not be able 
 to satisfy a condition precedent that is for its benefit, such party may, upon written notice to the other party, terminate the 
 Contract and upon the giving of such notice, the Contract shall be of no further force and effect and each of the parties shall 
 be released from all further obligations thereunder. 
 
4. If any of the conditions precedent in this Article XXI Section 1 c or Section 2 are not satisfied or waived by the party 
 entitled to the benefit of that condition by the Conditions Date as such term is defined in the Contract, then either party may, 
 upon written notice to the other party, terminate the Contract and upon the giving of such notice, the Contract shall be of 
 no further force and effect and each of the parties shall be released from all further obligations hereunder, provided that any 
 rights or remedies that a party may have for breaches of the Contract prior to such termination and any liability a party may 
 have incurred before such termination shall not thereby be released.  



SCHEDULE "B" 
RATE M12 

NOMINATIONS 
 
 
a) For Services provided either under this rate schedule or referenced to this rate schedule: 
 
 i) For Services required on any day Shipper shall provide Union with a nomination (the “Shipper's Nomination”) of 

the quantity it desires to be handled at the applicable Receipt Point and/or Delivery Point.  Such Shipper's Nomination is to 
be provided in writing so as to be received by Union's Gas Management Services on or before 1230 hours in the Eastern 
time zone, unless agreed to otherwise in writing by the parties, on the business day immediately preceding the day for 
which service is requested. 

 
 ii)  If, in Union's sole opinion, operating conditions permit, a change in Shipper's Nomination may be accepted after 

1230 hours in the Eastern time zone. 
 

iii) For customers electing firm all day transportation service, nominations shall be provided to Union’s Gas 
Management Services as outlined in the F24 –T Agreement. 

 
b) Union shall determine whether or not all or any portion of Shipper's Nomination will be accepted.  In the event Union 
determines that it will not accept such nomination, Union shall advise Shipper, on or before 1730 hours in the Eastern time zone on 
the business day immediately preceding the day for which service is requested, of the reduced quantity (the "Quantity Available") for 
Services at the applicable points.  Forthwith after receiving such advice from Union but no later than 1800 hours in the Eastern time 
zone on the same day, Shipper shall provide a "Revised Nomination" to Union which shall be no greater than the Quantity Available.  
If such Revised Nomination is not provided within the time allowed as required above or such Revised Nomination is greater than 
the Quantity Available, then the Revised Nomination shall be deemed to be the Quantity Available.  If the Revised Nomination 
(delivered within the time allowed as required above) is less than the Quantity Available, then such lesser amount shall be the 
Revised Nomination. 
 
c) That portion of a Shipper's Nomination or Revised Nomination, as set out in (a) and (b), above, which Union shall accept 
for Services hereunder, shall be known as Shipper's "Authorized Quantity". 
 
d) If on any day the actual quantities handled by Union, for each of the Services authorized, exceed Shipper's Authorized 
Quantity, and such excess was caused by either Shipper's incorrect nomination or by its delivering or receiving too much gas, then 
the amount by which the actual quantities handled for each of the Services exceed Shipper's Authorized Quantity, such excess shall 
be deemed "Unauthorized Overrun". 
 
e) The daily quantity of gas nominated by Shipper will be delivered by Shipper at rates of flow that are as nearly constant as 
possible, however, Union shall use reasonable efforts to take receipt of gas on any day at an hourly rate of flow up to one twentieth 
(1/20) of the quantity received for that day. Union shall have the right to limit Services when on any day the cumulative hourly 
imbalance between receipts and deliveries exceeds one twentieth (1/20) of the quantity handled for that day, for each applicable 
Service. 
 
f) A nomination for a daily quantity of gas on any day shall remain in effect and apply to subsequent days unless and until 
Union receives a new nomination from Shipper or unless Union gives Shipper written notice that it is not acceptable in accordance 
with either (a) or (b) of this schedule. 
 
g) Except for periods of gas or quantity balancing as provided in the Contract, nominations by Shipper for deliveries to Union 
and redeliveries by Union shall be the same delivery of gas by Union either to Shipper or a Shipper’s Account with Union. 
 
 
 
 
 



SCHEDULE "B 2010" 
 

RATE M12 
NOMINATIONS 

 
 

1. For Transportation Services required on any Day under the Contract, Shipper shall provide Union with a nomination(s) 
providing the Shipper’s requested Receipt Point(s), contract numbers, the applicable service, the quantity of Gas to be 
transported, the requested Delivery Point(s), and such additional information as Union determines to be necessary (a 
“Nomination”). 

 
2. All Nominations shall be submitted by electronic means via Unionline.  Union, in its sole discretion, may amend or 

modify the nominating procedures or Unionline at any time.  Nominations shall be submitted so as to be received by 
Union in accordance with timelines established by Union, which reflect the NAESB standard nomination cycles.  Union 
will accept all nominations on each of the nomination cycles.  Nominations made after the applicable deadline shall not 
be accepted except at the sole discretion of Union.  All times referred to herein are Eastern Clock Time.  For greater 
certainty, NAESB nomination cycle timelines are as follows: 

 
a. The Timely Nomination Cycle: 12:45 pm for Nominations leaving control of the nominating party; 3:30 pm for 

receipt of Quantities Available by Shipper; 4:30 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 5:30 pm for receipt of Scheduled Quantities by Shipper (Day 
prior to flow). 

 
b. The Evening Nomination Cycle: 7:00 pm for Nominations leaving control of the nominating party; 9:00 pm for 

receipt of Quantities Available by Shipper; 10:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 11:00 pm for receipt of Scheduled Quantities by Shipper (Day 
prior to flow). 

 
c. The Intra-day 1 Nomination Cycle: 11:00 am for Nominations leaving control of the nominating party; 1:00 pm 

for receipt of Quantities Available by Shipper; 2:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 3:00 pm for receipt of Scheduled Quantities Available by 
Shipper, on Day.  Quantities Available resulting from Intra-day 1 Nominations should be effective at 6:00 pm 
on same Day. 

 
d. The Intra-day 2 Nomination Cycle:  6:00 pm for Nominations leaving control of the nominating party: 8:00 pm 

for receipt of Quantities Available by Shipper; 9:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 10:00 pm for receipt of Scheduled Quantities by Shipper on 
Day.  Quantities Available resulting from Intra-day 2 Nominations should be effective at 10:00 pm on same 
Day.   

 
3. Union shall determine whether or not all or any portion of the Nomination will be scheduled at each nomination cycle.  

With respect to each nomination cycle, in the event Union determines that it will not schedule such Nomination, Union 
shall advise Shipper of the reduced quantity (the “Quantities Available”) for Transportation Services at the applicable 
points as outlined in each nomination cycle.  After receiving such advice from Union, but no later than one half hour 
after the Quantities Available deadline as outlined in each nomination cycle, Shipper shall provide a revised nomination 
(“Revised Nomination”) to Union which shall be no greater than the Quantity Available.  If such Revised Nomination is 
not provided within the time allowed as required above or such Revised Nomination is greater than the Quantities 
Available, then the Revised Nomination shall be deemed to be the Quantities Available.  If the Revised Nomination 
(delivered with the time allowed as required above) is less than the Quantity Available, then such lessor amount shall 
be the Revised Nomination. 
 

4. For Shippers electing firm all day transportation service, nominations shall be provided to Union’s Gas Management 
Services as outlined in the F24 –T Agreement. 
 

5. For Transportation Services requiring Shipper to provide compressor fuel in kind, the nominated fuel requirements will 
be calculated by rounding to the nearest whole GJ. 
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6. All Timely Nominations shall have rollover options.  Specifically, Shippers shall have the ability to nominate for several 

days, months or years, provided the Nomination start date and end date are both within the term of the Transportation 
Agreement.   
 

7. Nominations received after the nomination deadline shall, if accepted by Union, be scheduled after Nominations 
received before the nomination deadline.  

 
8. All Services are required to be nominated in whole Gigajoules (GJ). 

 
9.  To the extent Union is unable to complete a Nomination confirmation due to inaccurate, untimely or incomplete data 

involving an Interconnecting Pipeline entity, Union shall undertake reasonable efforts to confirm the transaction on a 
non-discriminatory basis until such time that the transaction is adequately verified by the parties, or until such time that 
Union determines that the Nomination is invalid at which time the Union shall reject the Nomination.   

 
10. That portion of a Shipper's Nomination or Revised Nomination, as set out in paragraphs 1 and 3 above, which Union shall 

schedule for Transportation Services hereunder, shall be known as Shipper's "Authorized Quantity". 
 

11. If on any day the actual quantities handled by Union, for each of the Transportation Services authorized, exceed 
Shipper's Authorized Quantity, and such excess was caused by either Shipper's incorrect nomination or by its delivering 
or receiving too much gas, then the amount by which the actual quantities handled for each of the Transportation 
Services exceed Shipper's Authorized Quantity shall be deemed "Unauthorized Overrun".   

 
12. The daily quantity of gas nominated by Shipper will be delivered by Shipper at rates of flow that are as nearly constant as 

possible, however, Union shall use reasonable efforts to take receipt of gas on any day at an hourly rate of flow up to one 
twentieth (1/20th ) of the quantity received for that day. Union shall have the right to limit Transportation Services when on 
any day the cumulative hourly imbalance between receipts and deliveries exceeds one twentieth (1/20th ) of the quantity 
handled for that day, for each applicable Transportation Service. 

 
13. The parties hereto recognize that with respect to Transportation Services, on any day, receipts of gas by Union and 

deliveries of gas by Union may not always be exactly equal, but each party shall cooperate with the other in order to 
balance as nearly as possible the quantities transacted on a daily basis, and any imbalances arising shall be allocated 
to the Facilitating Agreement and shall be subject to the respective terms and charges contained therein, and shall be 
resolved in a timely manner.   

 
14. Shipper may designate a third party as agent for purposes of providing a Nomination, and for giving and receiving 

notices related to Nominations, and Union shall only accept nominations from the agent.  Shipper shall provide Union 
with written notice of such designation, such notice to be acceptable to Union.  Any such designation, if acceptable to 
Union, shall be effective starting the Month following the receipt of the written notice and will remain in effect until 
revoked in writing by Shipper. 

 



Schedule "C"

Page 1 of 2

Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate

Month (%) ($/GJ) (%) ($/GJ) (%) ($/GJ)

April 0.802       0.045         0.533          0.030         0.153        0.009                       

May 0.567       0.032         0.359          0.020         0.153        0.009                       

June 0.463       0.026         0.260          0.014         0.357        0.020                       

July 0.451       0.025         0.248          0.014         0.356        0.020                       

August 0.355       0.020         0.154          0.009         0.354        0.020                       

September 0.352       0.020         0.154          0.009         0.351        0.020                       

October 0.697       0.039         0.463          0.026         0.153        0.009                       

November 0.840       0.047         0.603          0.034         0.153        0.009                       

December 0.945       0.053         0.702          0.039         0.153        0.009                       

January 1.086       0.060         0.831          0.046         0.153        0.009                       

February 1.033       0.057         0.786          0.044         0.153        0.009                       

March 0.972       0.054         0.719          0.040         0.153        0.009                       

Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate

Month (%) ($/GJ) (%) ($/GJ) (%) ($/GJ)

April 0.422       0.024         0.153          0.009         0.268        0.015                       

May 0.361       0.020         0.153          0.009         0.268        0.015                       

June 0.357       0.020         0.153          0.009         0.268        0.015                       

July 0.356       0.020         0.153          0.009         0.268        0.015                       

August 0.354       0.020         0.153          0.009         0.268        0.015                       

September 0.351       0.020         0.153          0.009         0.268        0.015                       

October 0.387       0.022         0.153          0.009         0.268        0.015                       

November 0.389       0.022         0.153          0.009         0.153        0.009                       

December 0.396       0.022         0.153          0.009         0.153        0.009                       

January 0.408       0.023         0.153          0.009         0.153        0.009                       

February 0.400       0.022         0.153          0.009         0.153        0.009                       

March 0.406       0.023         0.153          0.009         0.153        0.009                       

Kirkwall to Parkway (TCPL) Parkway (Consumers) Parkway to Kirkwall, Dawn

M12-X Easterly

M12-X Easterly Kirkwall to Lisgar M12-X Westerly

With Dawn Compression With Dawn Compression Parkway to Kirkwall, Dawn

UNION GAS LIMITED

M12 Monthly Transportation Fuel Ratios and Rates

Firm or Interruptible Transportation Commodity

Dawn to Parkway (TCPL) Parkway (Consumers) VT3 Westerly

Effective January 1, 2013

VT1 Easterly

VT1 Easterly Dawn to Kirkwall, Lisgar,



Schedule "C"
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Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate

Month (%) ($/GJ) (%) ($/GJ) (%) ($/GJ)

April 1.402       0.156         1.133          0.129         0.753        0.120                       

May 1.167       0.143         0.959          0.119         0.753        0.120                       

June 1.063       0.138         0.860          0.114         0.957        0.132                       

July 1.051       0.137         0.848          0.113         0.956        0.132                       

August 0.955       0.131         0.754          0.108         0.954        0.131                       

September 0.952       0.131         0.754          0.108         0.951        0.131                       

October 1.297       0.151         1.063          0.125         0.753        0.120                       

November 1.440       0.158         1.203          0.133         0.753        0.120                       

December 1.545       0.164         1.302          0.139         0.753        0.120                       

January 1.686       0.172         1.431          0.146         0.753        0.120                       

February 1.633       0.169         1.386          0.143         0.753        0.120                       

March 1.572       0.166         1.319          0.140         0.753        0.120                       

Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate Fuel Ratio Fuel Rate

Month (%) ($/GJ) (%) ($/GJ) (%) ($/GJ)

April 1.022       0.069         0.753          0.054         0.868        0.127                       

May 0.961       0.066         0.753          0.054         0.868        0.127                       

June 0.957       0.065         0.753          0.054         0.868        0.127                       

July 0.956       0.065         0.753          0.054         0.868        0.127                       

August 0.954       0.065         0.753          0.054         0.868        0.127                       

September 0.951       0.065         0.753          0.054         0.868        0.127                       

October 0.987       0.067         0.753          0.054         0.868        0.127                       

November 0.989       0.067         0.753          0.054         0.753        0.120                       

December 0.996       0.068         0.753          0.054         0.753        0.120                       

January 1.008       0.068         0.753          0.054         0.753        0.120                       

February 1.000       0.068         0.753          0.054         0.753        0.120                       

March 1.006       0.068         0.753          0.054         0.753        0.120                       

Kirkwall to Parkway (TCPL) Parkway (Consumers) Parkway to Kirkwall, Dawn

M12-X Easterly

M12-X Easterly Kirkwall to Lisgar M12-X Westerly

With Dawn Compression With Dawn Compression Parkway to Kirkwall, Dawn

 Dawn to Parkway (TCPL) Parkway (Consumers) VT3 Westerly

Effective January 1, 2013

VT1 Easterly

VT1 Easterly Dawn to Kirkwall, Lisgar,

UNION GAS LIMITED

M12 Monthly Transportation  Authorized Overrun Fuel Ratios and Rates

Firm or Interruptible Transportation Commodity



 

1 

 

  
 
 
 
 

 SCHEDULE "D 2010" 
RATE M12 

RECEIPT AND DELIVERY POINTS AND PRESSURES 
 
 
 
 1. Receipt and Delivery Points:  
 
 The following defines each Receipt Point and/or Delivery Point, as indicated (R= Receipt Point; D= Delivery Point) 
 
R,D DAWN (FACILITIES): Union’s Compressor Station site situated in the northwest corner of Lot Twenty-Five 

(25), Concession II, in the Township of Dawn-Euphemia, in the County of Lambton.  
This point is applicable for quantities of gas that have been previously transported or 
stored under other contracts that Shipper may have in place with Union. 

  
R DAWN (TCPL):   At the junction of Union’s and TCPL’s facilities, at or adjacent to Dawn (Facilities).  
 
  
 
R             DAWN (TECUMSEH): At the junction of Union’s and Enbridge Gas Distribution Inc.’s (Enbridge) Tecumseh 

Gas Storage’s facilities, at or adjacent to Dawn (Facilities). 
 
  
R DAWN (TSLE):   At the junction of Union’s and Enbridge Gas Distribution Inc.’s (“Enbridge”) NPS 16 

Tecumseh Sombra Line Extension facilities; at or adjacent to Dawn (Facilities) 
 

R DAWN (VECTOR):  At the junction of Union’s and Vector Pipeline Limited Partnership (“Vector”) facilities, 
at or adjacent to Dawn (Facilities).  

 
R,D PARKWAY (TCPL):  At the junction of Union's and TCPL's facilities, at or adjacent to Union's facilities 

situated in the Part Lot 9 and Part Lot 10, Concession IX, New Survey, Town of Milton, 
Regional Municipality of Halton (now part of City of Mississauga) 

 
R,D KIRKWALL:     At the junction of Union's and TCPL's facilities at or adjacent to Union's facilities 

situated in Part Lot Twenty-Five (25), Concession 7, Town of Flamborough.  
 
D PARKWAY (CONSUMERS): At the junction of Union’s and Enbridge’s facilities, at or adjacent to Union's facilities 

situated in Part Lot 9 and Part Lot 10, Concession IX, New Survey, Town of Milton, 
Regional Municipality of Halton (now part of City of Mississauga) 

 
D LISGAR:     At the junction of the facilities of Union and Enbridge situated at 6620 Winston 

Churchill Boulevard, City of Mississauga. 
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 2. Receipt and Delivery Pressures: 
  
  (a) All Gas tendered by or on behalf of Shipper to Union shall be tendered at the Receipt Point(s) at Union’s prevailing 

pressure at that Receipt Point, or at such pressure as per operating agreements between Union and the applicable 
Interconnecting Pipeline as amended or restated from time to time. 

                
 
 (b) All Gas tendered by or on behalf of Union to Shipper shall be tendered at the Delivery Point(s) at Union’s prevailing 

pressure at that Delivery Point or at such pressure as per agreements between Union and the applicable 
Interconnecting Pipeline as amended or restated from time to time. 
 

 (c) Under no circumstances shall Union be obligated to receive or deliver gas hereunder at pressures exceeding the 
maximum allowable operating pressures prescribed under any applicable governmental regulations; nor shall Union be 
required to make any physical deliveries or to accept any physical receipts which its existing facilities cannot 
accommodate. 

 
 
 



Effective

2013-01-01

Rate M13

Page 1 of 1

(A) Applicability

Dawn as a delivery point: Dawn (Facilities).

(B) Rates

Demand Commodity

Commodity

Charge

Demand Union

Charge Provides Fuel

Rate/Month Rate/GJ

1. Monthly fixed charge per Customer Station $926.60

2. Transmission Commodity Charge $0.034

3.  Delivery Commodity Charge $0.009

Commodity

Charge

Union Commodity

Provides Fuel Charge Fuel

Rate/GJ Rate/GJ Ratio

$0.077 $0.069 0.153%

Authorized Overrun rates payable on all volumes up to 2% in excess of Union’s contractual obligation.

(C) Terms of Service

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

Applicable Points

January 1, 2013

TRANSPORTATION OF LOCALLY PRODUCED GAS

4. Overrun Services

0.153%

Customer Provides

Own Fuel

Fuel

Ratio

Own Fuel

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  Multi-

year prices may also be negotiated, which may be higher than the identified rates.

The charges under this rate schedule shall be applicable to a customer who enters into a contract with Union for gas received at a local production 

point to be transported to Dawn.

Authorized overrun will be payable on all quantities transported in excess of Union’s obligation on any day.  The overrun charges payable will be 

calculated at $0.077 /GJ. Overrun will be authorized at Union's sole discretion.

General Terms & Conditions applicable to this rate shall be in accordance with the attached Schedule “A” in effect before January 1, 2013.  The 

General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A 2013” for contracts in effect on or 

after January 1, 2013.

Authorized Overrun

These charges are in addition to the transportation, storage and/or balancing charges which shall be paid for under Rate M12 or Rate C1, or other 

services that may be negotiated.

The Unauthorized Overrun rate during the November 1 to April 15 period will be $50 per GJ for all usage on any day in excess of 102% of Union’s 

contractual obligation.  The Unauthorized Overrun rate during the April 16 to October 31 period will be $9.373 per GJ for all usage on any day in excess 

of 102% of Union’s contractual obligation.

 Customers Provides

Authorized Overrun Charge

Unauthorized Overrun
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SCHEDULE "A"   
 GENERAL TERMS & CONDITIONS 
 M13 TRANSPORTATION AGREEMENT 
 
 
I. DEFINITIONS 
 
Except where the context expressly requires or states another meaning, the following terms, when used in these General Terms 
& Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed to have the 
following meanings: 
 
1. "Banking Day" shall mean a day on which the general offices of the Canadian Imperial Bank of Commerce, 99 King St. 

W., Chatham, Ontario are open for business; 
 
2. "business day" shall mean a day on which the general offices of Union in Chatham, Ontario are open for business; 
 
3. "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 

incorporated; 
 
4. "contract year" shall mean a period of three hundred and sixty-five (365) consecutive days, beginning on the day 

agreed upon by Union and Shipper as set forth in the Contract, or on any anniversary of such date; provided, however, 
that any such period which contains a date of February 29 shall consist of three hundred and sixty-six (366) 
consecutive days; 

 
5. "day" shall mean a period of twenty-four (24) consecutive hours beginning at 9:00 a.m. Central Standard time.  The 

reference date for any day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
6. "month" shall mean the period beginning at 9:00 a.m. Central Standard time on the first day of a calendar month and 

ending at 9:00 a.m. Central Standard time on the first day of the following calendar month; 
 
7. "firm" shall mean service not subject to curtailment or interruption except under Articles XI and XII of this Schedule "B"; 
 
8. "interruptible service" shall mean service subject to curtailment or interruption, after notice, at any time; 
 
9. "gas" shall mean gas as defined in the Ontario Energy Board Act, R.S.O. 1980, c. 332, as amended, supplemented or 

reenacted from time to time; 
 
10. "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
11. "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
12. "pascal" (Pa) shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 

metre.  The term "kilopascal" (kPa) shall mean 1,000 pascals; 
 
13. "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance 

of one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 

 
14. "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 

 
15. "Shipper" shall have the meaning as defined in the Contract and shall also include Shipper’s agent(s); 
 
16. "subsidiary" shall mean a company in which more than fifty (50) per cent of the issued share capital (having full voting 

rights under all circumstances) is owned or controlled directly or indirectly by another company, by one or more 
subsidiaries of such other company, or by such other company and one or more of its subsidiaries; 
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17. "TCPL" means TransCanada PipeLines Limited; 
 
18. "NOVA" means NOVA Gas Transmission Ltd; 
 
19. "Panhandle" means CMS Panhandle Eastern Pipeline Company; 
 
20. "MichCon" means Michigan Consolidated Gas Company; 
 
21. "SCPL" means St. Clair Pipelines (1996) Ltd.; 
 
22. "OEB" means the Ontario Energy Board; 
 
23. "NEB" means the National Energy Board (Canada); 

 
i. "GLGT" means Great Lakes Gas Transmission Company; 
 
ii. "CMS" means CMS Gas Transmission and Storage Company; and, 

 
iii. "Consumers" means The Consumers’ Gas Company, Limited. 

 
24. "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    

envelope; 
 
25. "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 

begins; 
 
26. "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 

Celsius, and at a pressure of 101.325 kilopascals absolute; and, 
 
27. "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 

 
 
II. GAS QUALITY 
 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be 
forty point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled 
supply from Shipper’s gas sources of supply.  The gas to be delivered by Union may be a commingled supply from 
Union's sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other 
hydrocarbons, except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit 
the subjection of, the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to Union at the Receipt Point(s) hereunder, 
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other 
objectionable substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury 
to, or interference with, the proper operation of the lines, regulators, meters or other appliances through 
which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than 

one hundred (100) milligrams of total sulphur per cubic metre of gas, 
 
c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 
d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 

 
e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
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f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 

 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 
 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 
 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one 

point forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by 
volume of butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of 
total inerts in the gas in order to be interchangeable with other Interconnecting Pipeline gas,  

 
k. shall not exceed forty-three degrees Celsius (43ºC), and, 

 
l. shall not be odourized by Shipper. 
 

3. Non-conforming Gas: 
 
a. In the event that the quality of the gas does not conform or if Union, acting reasonably, suspects the quality 

of the gas may not conform to the specifications herein, then Shipper shall, if so directed by Union acting 
reasonably, forthwith carry out, at Shipper’s cost, whatever field testing of the gas quality as may be required 
to ensure that the quality requirements set out herein are met, and to provide Union with a certified copy of 
such tests.  If Shipper does not carry out such tests forthwith, Union may conduct such test and Shipper shall 
reimburse Union for all costs incurred by Union for such testing. 

 
b. If Shipper’s gas fails at any time to conform to the requirements of this Article II, Union, in addition to its other 

remedies, may refuse to accept delivery of gas at the Receipt Points hereunder until such deficiency has 
been remedied by Shipper.  Each Party agrees to notify the other verbally, followed by written notification, of 
any such deficiency of quality. 

 
4. Quality of Gas Received: The quality of the gas to be received by Union at the Receipt Point(s) hereunder is to be of a 

merchantable quality and in accordance with the quality standards as set out by Union in this Article II, but, Union will 
use reasonable efforts to accept gas of a quality that may deviate from the quality standards set out therein. 

 
5. Quality of Gas at Dawn: The quality of the gas to be delivered to Union at Dawn (Facilities) or the gas to be delivered 

by Union to Shipper at Dawn (Facilities) hereunder is to be of a merchantable quality and in accordance with the quality 
standards and measurement standards as set out by Union in this Article II, except that total sulphur limit shall be not 
more than four hundred and sixty (460) milligrams per cubic metre of gas.  In addition to any other right or remedy of a 
party, each party shall be entitled to refuse to accept delivery of any gas which does not conform to any of the 
specifications set out in this Article II. 

 
  
III. MEASUREMENTS 
 
1. Service Unit:  The unit of the gas delivered to Union shall be a quantity of 10³m³.  The unit of gas delivered by Union 

shall be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 
 
2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas 
Inspection Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of 
the Act and Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination 

of Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American 
Gas Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all 
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as amended from time to time. 
 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the 

measurement equipment designated in Article VI herein. 
 
  
IV. POINT OF RECEIPT AND POINT OF DELIVERY 
 
1. Unless otherwise specified in the Contract, the point or points of receipt for all gas to be covered hereunder shall be on 

the outlet side of the measuring stations located at or near the point or points of connection specified in the Contract, 
where Union takes possession of the gas.  Whenever the phrase “receipt point” appears herein, it shall mean Point of 
Receipt as defined in this Article IV. 

 
2. Unless otherwise specified in the Contract, the point or points of delivery for all gas to be covered hereunder shall be 

on the outlet side of the measuring stations located at or near the point or points of connection as specified in the 
Contract, where Shipper takes possession of the gas.  Whenever the phrase “delivery point” shall appear herein, it 
shall mean Point of Delivery as defined in this Article IV. 

 
 
V. FACILITIES ON CUSTOMER'S PROPERTY 
 

N/A. 
 
 
VI. MEASURING EQUIPMENT 
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with the 

Act and Regulations referenced in Article III herein.  
 
2. Metering by Others:  In the event that all or any gas received or delivered hereunder is measured by a meter that is 

owned and operated by an upstream or downstream transporter (the “Transporter”) whose facilities may or may not 
interconnect with Union’s, then Union and Shipper agree to accept that metering for the purpose of determining the 
volume and energy of gas received or delivered on behalf of the Shipper.  The standard of measurement and tests for 
the gas delivered to/by Union pursuant to this Article VII, Section 2 shall be in accordance with the general terms and 
conditions as incorporated in that Transporter’s gas tariff as approved by Transporter’s regulatory body.  

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the Receipt Point, at its own expense, 

such check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with 
the operation of Union's measuring equipment at or near the Receipt Point, and shall be installed, maintained and 
operated in conformity with the same standards and specifications applicable to Union's metering facilities. 

 
4. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by 

Union at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be 
required to verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event 
either party notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to 
secure a prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by 
Shipper, shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per 
cent (2%).  If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous 
recordings of such equipment shall be considered accurate in computing receipts of gas, but such equipment shall be 
adjusted at once to record as near to absolute accuracy as possible.  If the test conducted shows a percentage of 
inaccuracy greater than two percent (2%), the financial adjustment, if any, shall be calculated in accordance with the 
Act and Regulations, as may be amended from time to time and in accordance with any successor statutes and 
regulations. 
 

5. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 
data, and other relevant records. 
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VII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the 10th day of each month for all  services furnished during 

the preceding month. Such charges may be based on estimated quantities, if actual quantities are unavailable in time 
to prepare the billing.  Union shall provide, in a succeeding month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities.  If presentation of a bill to Shipper is delayed after the 10th day of 
the month, then the time of payment shall be extended accordingly, unless Shipper is responsible for such delay. 

 
2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, 

records and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation 
made under or pursuant to the provisions of the Contract. 

 
 
VIII. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the 

invoice on or before the twentieth (20th) day of each month.  If the payment date is not a business day, then payment 
must be received in Union’s account on the first business day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due, Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal 
to the minimum commercial lending rate of Union's principal banker in effect from time to time from the due date until 
the date of payment.  If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any 
other remedy it may have under the Contract may suspend service(s) until such amount is paid, provided however, that 
if Shipper, in good faith shall dispute the amount of any such bill or part thereof and shall pay to Union such amounts 
as it concedes to be correct and at any time thereafter within twenty (20) days of a demand made by Union shall 
furnish good and sufficient surety bond satisfactory to Union, guaranteeing payment to Union of the amount ultimately 
found due upon such bill after a final determination which may be reached either by agreement, arbitration decision or 
judgement of the courts, as may be the case, then Union shall not be entitled to suspend service(s) because of such 
non-payment unless and until default be made in the conditions of such bond or in payment for any further service(s) to 
Shipper hereunder. 

 
3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at 
a rate per annum determined each day during the calculation period to be equal to the minimum commercial lending 
rate of Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  
In the event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect 
actual measurement shall be made on the bill next following the determination of such actual measurement, without 
any charge of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, 
such error shall be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill 
next following its determination (where the term "bill" next following shall mean a bill rendered at least fourteen (14) 
days after the day of its determination), provided that claim therefore shall  have been made within six (6) years from 
the date of the incorrect billing. In the event any refund is issued with Shipper's bill, the aforesaid date of refund shall 
be deemed to be the date of the issue of invoice. 

 
 
IX. ARBITRATION 
 
If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything herein 
contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter hereunder, the 
matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of either party.  Upon 
such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A majority decision of the 
arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the Arbitration Act of the Province 
of Ontario, or any act passed in amendment thereof or substitution therefore, shall apply to each such submission.  Operations 
under this Contract shall continue, without prejudice, during any such arbitration and the costs attributable to such arbitration 
shall be shared equally by the parties hereto.  
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X. FORCE MAJEURE 
 
N/A 
 
 
XI. DEFAULT AND TERMINATION 
 
N/A 
 
 
XII. MODIFICATION 
 
N/A 
 
 
XIII. NONWAIVER AND FUTURE DEFAULT 
 
N/A 
 
 
XIV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having jurisdiction 
and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any board, tribunal or 
administrative agency which affects any of the provisions of the Contract. 
 
 



SCHEDULE “A 2013” 

  
RATE M13 

GENERAL TERMS & CONDITIONS 
  
 

I. DEFINITIONS 
 

 Except where the context expressly requires or states another meaning, the following terms, when used in these General 
Terms & Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be 
construed to have the following meanings: 

 
 “Aid to Construction” shall include any and all costs, expenses, amounts, damages, obligations, or other liabilities 

(whether of a capital or operating nature, and whether incurred before or after the date of the Contract) actually paid by 
Union (including amounts paid to affiliates for services rendered in accordance with the Affiliate Relationships Code as 
established by the OEB) in connection with or in respect of satisfying the conditions precedent set out in Article XXI 
herein (including without limitation the cost of construction, installation and connection of any required meter station as 
described in Article IX, Section 6, the obtaining of all governmental, regulatory and other third party approvals, and the 
obtaining of rights of way) whether resulting from Union’s negligence or not, except for any costs that have arisen from 
the gross negligence, fraud, or wilful misconduct of Union; 

 
 “Average Local Producer Heat” (“ALPH”) shall mean the heat content value as set by Union, and shall be determined 

by volumetrically averaging the gross heat content of all produced gas delivered to the Union system by Ontario Local 
Producers.  The ALPH shall be expressed in GJ/10³m³ and may be adjusted from time to time by Union; 

 
 "Business Day" shall mean any day, other than Saturday, Sunday or any days on which national banks in the Province 

of Ontario are authorized to close; 
 
 "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 

incorporated; 
 
 “Contract Year” shall mean a period of three hundred and sixty-five (365) consecutive days; provided however, that any 

such period which contains a date of February 29 shall consist of three hundred and sixty-six (366) consecutive days, 
commencing on November 1 of each year; except for the first Contract Year which shall commence on the 
Commencement Date and end on the first October 31 that follows such date;  

 
 "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    

envelope; 
 
 "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
 “Dawn Quantity” shall mean the total daily quantity of gas in GJ delivered at Dawn (Facilities), which is equal to the total 

energy of all gas supplied daily to Union at the Receipt Point(s).  The Dawn Quantity shall be calculated utilizing the 
following factor equation:  Dawn Quantity = Produced Volume x ALPH; 

 
 “Day” shall mean a period of twenty-four (24) consecutive hours beginning at 10:00 a.m. Eastern Clock Time.  The 

reference date for any Day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
 “Delivery Point” shall mean the point where Union shall deliver the Dawn Quantity and/or Market Quantity to Shipper 

and as further defined in Schedule 1 of the Contract;  
 
 “Distribution Demand” shall mean the varying demand for the supply of gas, as determined by Union, on Union's 

pipeline and distribution system for users of gas who are supplied or delivered gas by Union's pipeline and distribution 
system; 

 
 “Eastern Clock Time” shall mean the local clock time in the Eastern Time Zone on any Day;  

 
 "firm" shall mean service not subject to curtailment or interruption except under Articles XI, XII and XVIII herein; 
 
 “Firm Daily Variability Demand” shall mean the established quantity set forth in Schedule 2 of the Contract, which is the 

permitted difference between the Dawn Quantity and the Market Quantity; 
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 "gas" shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Sch. B, as amended, 

supplemented or re-enacted from time to time; 
 
 "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 

 
 "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 

begins; 
 
 “Interruptible HUB Service Contract” shall mean a contract between Shipper and Union under which Union provides 

interruptible HUB service; 
 
 “Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline and distribution system; 
 
 "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance of 

one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 

 
 "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
 “MAOP” shall mean the maximum allowable operating pressure of Union’s pipeline and distribution system and as 

further defined in Schedule 1 of the Contract; 
 
 “Market Quantity” shall mean the daily quantity in GJ nominated for Name Change Service that Day by Shipper at Dawn 

(Facilities);  
 
 “Maximum Daily Quantity” shall mean the maximum quantity of gas Shipper may deliver to Union at a Receipt Point on 

any Day, as further defined in Schedule 1; 
 
 “Month” shall mean the period beginning at 10:00 a.m. Eastern Clock Time on the first day of a calendar month and 

ending at 10:00 a.m. Eastern Clock Time on the first day of the following calendar month; 
 
 “Name Change Service” shall mean an interruptible administrative service whereby Union acknowledges for Shipper a 

change in title of a gas quantity from Shipper to a third party at the Delivery Point; 
 
 "OEB" means the Ontario Energy Board; 
 
 “pascal” “(Pa)” shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 

metre.  The term "kilopascal" “(kPa)” shall mean 1,000 pascals; 
 
 ”Produced Volume” shall mean the aggregate of all actual volumes of gas in 10³m³, delivered by Shipper to Union at all 

Receipt Points on any Day;  
 
 “Producer Balancing Account” shall mean the gas balance held by Union for Shipper, or owed by Shipper to Union, at 

the Delivery Point.  Where the Producer Balancing Account is zero or a positive number, the account is in a credit 
position, and where the Producer Balancing Account is less than zero, the account is in a debit position; 

 
 “Producer Balancing Service” shall mean a Service whereby Union either calculates a credit or debit to the Producer 

Balancing Account by subtracting the Market Quantity from the Dawn Quantity.  Where such amount is greater than zero, 
Union will credit the Producer Balancing Account, or where such amount is less than zero, Union will debit the Producer 
Balancing Account.  This Service shall be performed on a retroactive basis on the terms and conditions contained in 
Schedule 2 of the Contract, as may be revised from time to time by Union; 

 
 “Receipt Point” shall mean the point(s) where Union shall receive gas from Shipper; 
 
 “Sales Agreement” shall mean the Ontario Gas Purchase Agreement(s) entered into between Shipper and Union; 
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 “Shipper” shall have the meaning as defined in the Contract, and shall also include Shipper’s agent(s); 
 
 "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 

Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
 “System Capacity” shall mean the volumetric capacity that exists from time to time within Union's pipeline and 

distribution system which determines Union's ability to accept volumes of gas into Union's pipeline and distribution 
system hereunder.  System Capacity shall be determined by Union and such determination, in addition to the physical 
characteristics of Union's pipeline and distribution system Distribution Demand, shall also include consideration of 
Union's local Distribution Demand, Union's total system Distribution Demand, availability of Union's gas storage capacity, 
and other gas being purchased and/or delivered into Union's pipeline and distribution system; 

 
 “Taxes” shall mean any tax (other than tax on income or tax on property), duty, royalty, levy, license, fee or charge not 

included in the charges and rates as per the applicable rate schedule (including but not limited to charges under any form 
of cap and trade, carbon tax, or similar system) and that is levied, assessed or made by any governmental authority on 
the gas itself, or the act, right, or privilege of producing, severing, gathering, storing, transporting, handling, selling or 
delivering gas under the Contract; 

 
 "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 
II. GAS QUALITY 

 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be forty 
point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled supply 
from Shipper’s gas sources of supply.  The gas to be delivered by Union may be a commingled supply from Union's 
sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other hydrocarbons, 
except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit the subjection of, 
the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to Union at the Receipt Point(s) hereunder,  
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other objectionable 
substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury to, or interference 
with, the proper operation of the lines, regulators, meters or other appliances through which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than one 

hundred (100) milligrams of total sulphur per cubic metre of gas, 
 
c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 
d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 
 
e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 

 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 
 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 
 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 
 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 
 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one point 

forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by volume of 
butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of total inerts in the 
gas in order to be interchangeable with other Interconnecting Pipeline gas,  
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k. shall not exceed forty-three degrees Celsius (43ºC), and, 
 
l. shall not be odourized by Shipper. 

 
3. Non-conforming Gas: 
 

a. In the event that the quality of the gas does not conform or if Union, acting reasonably, suspects the quality of the 
gas may not conform to the specifications herein, then Shipper shall, if so directed by Union acting reasonably, 
forthwith carry out, at Shipper’s cost, whatever field testing of the gas quality as may be required to ensure that 
the quality requirements set out herein are met, and to provide Union with a certified copy of such tests.  If 
Shipper does not carry out such tests forthwith, Union may conduct such test and Shipper shall reimburse Union 
for all costs incurred by Union for such testing. 

 
b. If Shipper’s gas fails at any time to conform to the requirements of this Article II, Union, in addition to its other 

remedies, may refuse to accept delivery of gas at the Receipt Points hereunder until such deficiency has been 
remedied by Shipper.  Each Party agrees to notify the other verbally, followed by written notification, of any such 
deficiency of quality. 

 
4. Quality of Gas Received: The quality of the gas to be received by Union at the Receipt Point(s) hereunder is to be of a 

merchantable quality and in accordance with the quality standards as set out by Union in this Article II, but, Union will use 
reasonable efforts to accept gas of a quality that may deviate from the quality standards set out therein. 

 
5. Quality of Gas at Dawn: The quality of the gas to be delivered to Union at Dawn (Facilities) or the gas to be delivered by 

Union to Shipper at Dawn (Facilities) hereunder is to be of a merchantable quality and in accordance with the quality 
standards and measurement standards as set out by Union in this Article II, except that total sulphur limit shall be not 
more than four hundred and sixty (460) milligrams per cubic metre of gas.  In addition to any other right or remedy of a 
party, each party shall be entitled to refuse to accept delivery of any gas which does not conform to any of the 
specifications set out in this Article II. 

 
 
III. MEASUREMENTS 
 
1. Service Unit:  The unit of the gas delivered to Union shall be a quantity of 10³m³.  The unit of gas delivered by Union shall 

be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 
 
2. Determination of Volume and Energy: 

 
a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 

Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas Inspection 
Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of the Act and 
Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination of 

Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American Gas 
Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all as 
amended from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the measurement 

equipment designated in Article VII herein. 
 

 
IV. RECEIPT POINT AND DELIVERY POINT 
 
 The point(s) of receipt and point of delivery for all gas to be covered hereunder shall be on the outlet side of the 

measuring stations located at or near the point or points of connection specified in Schedule 1 of the Contract, where 
possession of the gas changes from one party to the other. 
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V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 

1. Union accepts no responsibility for any gas prior to such gas being delivered to Union at the Receipt Point or after its 
delivery by Union at the Delivery Point.  As between the parties hereto, Union shall be deemed to be in control and 
possession of and responsible for all such gas from the time that such gas enters Union’s system until such gas is 
delivered to Shipper. 

 
2. Shipper agrees that Union is not a common carrier and is not an insurer of Shipper’s gas, and that Union shall not be 

liable to Shipper or any third party for loss of gas in Union’s possession, except to the extent such loss is caused entirely 
by Union’s negligence or wilful misconduct.   
 

 
VI. FACILITIES ON SHIPPER’S PROPERTY 

 
1. Union shall provide, at the Receipt Point(s), according to the terms hereunder, the meter station required to receive and 

measure the Produced Volume of gas received by Union from Shipper. Shipper agrees, if requested by Union, to provide 
Union with sufficient detailed information regarding Shipper's current and expected operations in order to aid Union in 
Union's design of the meter station. 

 
2. Pursuant to Article VI. Section 1 herein, Union shall purchase, install and maintain, at the Receipt Point(s): 

 
a. a meter and any associated recording gauges as are necessary; and, 
 
b. a suitable gas odourizing injection facility where Union deems such facility to be necessary. 

 
3. All equipment installed by Union at the Receipt Point(s) shall remain the property of Union at all times, notwithstanding 

the fact that it may be affixed to Shipper’s property.  Union shall be entitled to remove said equipment at any time within a 
period of sixty (60) days from any termination or expiry of the Contract.  Shipper shall take all necessary steps to ensure 
Union may enter onto the Receipt Point(s) to remove such equipment for a period of sixty (60) days after termination or 
expiry of the Contract or the Sales Agreement. 

 
4. Upon Union's request Shipper shall, at Shipper's own cost and expense: 

 
a. obtain a registered lease or freehold ownership at the Receipt Point(s) sufficient to provide Union with free 

uninterrupted access to, from, under and above the  Receipt Point(s), for a term (and extended terms) identical to 
the Contract, plus sixty (60) days, and shall provide Union with a bona fide copy of such lease agreement prior to 
Union commencing the construction of the meter station; 

 
b. furnish, install, set, and maintain suitable pressure and volume control equipment and such additional equipment 

as required on Shipper’s delivery system, to protect against the overpressuring of Union's facilities, and to limit 
the daily flow of gas to the corresponding Maximum Daily Quantity applicable to the Receipt Point(s); 

 
c. supply, install and maintain a gravel or cut stone covering on each Receipt Point and shall maintain such Receipt 

Point(s) in a safe and workmanlike manner; and, 
 
d. install and maintain a fence satisfactory to Union around the perimeter of each Receipt Point which will 

adequately secure and protect Union's equipment therein.  
 

5. Shipper shall within thirty (30) days of the delivery of an invoice by Union, reimburse Union for any actual costs 
reasonably incurred by Union for any repair, replacement, relocation, or upgrading of any meter station requested by 
Shipper, or as required by law, or by duly constituted regulatory body, or through good engineering practice.  Union shall 
be responsible for any costs incurred by Union to correct an error made by Union. 

 
 
VII. MEASURING EQUIPMENT 
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with the 

Act and Regulations referenced in Article III herein.  
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2. Metering by Others:  In the event that all or any gas received or delivered hereunder is measured by a meter that is 
owned and operated by an upstream or downstream transporter (the “Transporter”) whose facilities may or may not 
interconnect with Union’s, then Union and Shipper agree to accept that metering for the purpose of determining the 
volume and energy of gas received or delivered on behalf of the Shipper.  The standard of measurement and tests for 
the gas delivered to/by Union pursuant to this Article VII, Section 2 shall be in accordance with the general terms and 
conditions as incorporated in that Transporter’s gas tariff as approved by Transporter’s regulatory body. 

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the Receipt Point, at its own expense, such 

check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with the 
operation of Union's measuring equipment at or near the Receipt Point, and shall be installed, maintained and operated 
in conformity with the same standards and specifications applicable to Union's metering facilities. 

 
4. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by Union 

at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be required to 
verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event either party 
notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to secure a 
prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by Shipper, 
shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per cent (2%).  
If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous recordings of 
such equipment shall be considered accurate in computing receipts of gas, but such equipment shall be adjusted at once 
to record as near to absolute accuracy as possible.  If the test conducted shows a percentage of inaccuracy greater than 
two percent (2%), the financial adjustment, if any, shall be calculated in accordance with the Act and Regulations, as may 
be amended from time to time and in accordance with any successor statutes and regulations. 

 
5. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 

data, and other relevant records. 
 

 
VIII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the tenth (10th) day of each month for all Services furnished 

during the preceding Month. Such charges may be based on estimated quantities, if actual quantities are unavailable in 
time to prepare the billing.  Union shall provide, in a succeeding Month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to Shipper is 
delayed after the tenth (10th) day of the month, then the time of payment shall be extended accordingly, unless Shipper is 
responsible for such delay. 

 
2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, records 

and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation made under 
or pursuant to the provisions of the Contract. 

 
3. Amendment of Statements: For the purpose of completing a final determination of the actual quantities of gas handled in 

any of the Services to Shipper, the parties shall have the right to amend their statement for a period equal to the time 
during which the companies, that transport the gas contemplated herein for Union and Shipper, retain the right to amend 
their statements, which period shall not exceed three (3) years from the date of termination of the Contract. 

 
 
IX. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the invoice 

on or before the twentieth (20th) day of each month.  If the payment date is not a Business Day, then payment must be 
received in Union’s account on the first Business Day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date until 
the date of payment; and,  
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b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other remedy it 

may have under the Contract, may suspend Services until such amount is paid. Notwithstanding such 
suspension, all demand charges shall continue to accrue hereunder as if such suspension were not in place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as it 
concedes to be correct.  At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall 
furnish financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due 
upon such bill after a final determination.  Such a final determination may be reached either by agreement, arbitration 
decision or judgement of the courts, as may be the case.  Union shall not be entitled to suspend Services because of 
such non-payment unless and until default occurs in the conditions of such financial assurances or default occurs in 
payment of any other amount due to Union hereunder. 
 
Notwithstanding the foregoing, Shipper is not relieved from the obligation to continue its deliveries of gas to Union under 
the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to Union. 

 
3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at a 
rate per annum determined each day during the calculation period to be equal to the minimum commercial lending rate of 
Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  In the 
event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect actual 
measurement shall be made on the bill next following the determination of such actual measurement, without any charge 
of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, such error shall 
be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill next following its 
determination (where the term "bill next following” shall mean a bill rendered at least fourteen (14) days after the day of 
its determination), provided that claim therefore shall  have been made within three (3) years from the date of the 
incorrect billing. In the event any refund is issued with Shipper's bill, the aforesaid date of refund shall be deemed to be 
the date of the issue of bill. 

 
4. Taxes:  In addition to the charges and rates as per the applicable rate schedules and price schedules, Shipper shall pay 

all Taxes which are imposed currently or subsequent to the execution of the Contract by any legal authority having 
jurisdiction and any amount in lieu of such Taxes paid or payable by Union.  

 
5. Set Off:  If either party shall, at any time, be in arrears under any of its payment obligations to the other party under the 

Contract, then the party not in arrears shall be entitled to reduce the amount payable by it to the other party in arrears 
under the Contract, or any other contract, by an amount equal to the amount of such arrears or other indebtedness to the 
other party.  In addition to the foregoing remedy, Union may, upon forty-eight (48) hours verbal notice, to be followed by 
written notice, take possession of any or all of Shipper’s gas under the Contract, which shall be deemed to have been 
assigned to Union, to reduce such arrears or other indebtedness to Union. 

 
6. Station and Connection Costs: In the event that a meter station must be constructed and/or installed in order to give 

effect to this Contract, Shipper agrees to pay Union for a portion, as determined by Union, of Union's actual cost, as 
hereinafter defined, for constructing and installing such station.  Shipper also agrees to pay the actual costs to connect 
such station to Union's pipeline and distribution system.  Union shall advise Shipper as to the need for a meter station 
and shall provide Shipper with an estimate of the Aid to Construction.  Such Aid to Construction shall include the costs of 
all pipe, fittings and materials, third party labour costs and Union's direct labour, labour saving devices, vehicles and 
mobile equipment, but shall exclude the purchase costs of gas pressure control equipment and gas meters installed by 
Union. 

 
 
X. ARBITRATION 
 

If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything 
herein contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter 
hereunder, the matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of 
either party.  Upon such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A 
majority decision of the arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the 
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Arbitration Act, 1991, or any act passed in amendment thereof or substitution therefore, shall apply to each such 
submission.  Operations under the Contract shall continue, without prejudice, during any such arbitration and the costs 
attributable to such arbitration shall be shared equally by the parties hereto.  

 
 
XI. FORCE MAJEURE 
 
1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, 

acts of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, 
fires, storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, 
breakage or accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, supplies, 
permits or labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or authority (civil or 
military), any act or omission that is excused by any event or occurrence of the character herein defined as constituting 
force majeure, any act or omission by parties not controlled by the party having the difficulty and any other similar cases 
not within the control of the party claiming suspension and which by the exercise of due diligence such party is unable to 
prevent or overcome. 

 
2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or 

comply with any obligation or condition of the Contract, such party shall give notice and full particulars of such force 
majeure in writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible 
after the occurrence of the cause relied on and subject to the provision of this Article. 

 
3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a period 
within which it should acting reasonably have determined, that the occurrence was in the nature of force majeure and 
would affect its ability to observe or perform any of its conditions or obligations under the Contract, give to the other party 
the notice required hereunder. 

 
4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is 

remedied, to the extent that the same has been remedied, and that such party has resumed or is then in a position to 
resume the performance of the obligations and conditions of the Contract. 

 
5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas by 

Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for payment 
obligations, to the extent of and for the duration of the force majeure. 

 
6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall 

not relieve Shipper of any payment obligations.  
 
7. Delay of Services: Despite Article XI herein, if Union is prevented, by reason of an event of force majeure on Union’s 

system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, Union shall thereafter 
make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or Days as are agreed to 
by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any demand charge relief as 
contemplated under Article XI herein.  

 
8. Firm Daily Variability Demand Charge Relief: Despite Article XI herein, if on any Day Union fails to accept gas from 

Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas nominated 
hereunder by Shipper up to the Firm Daily Variability Demand for that Contract, then for that Day the Monthly charge 
shall be reduced by an amount equal to the applicable Firm Daily Variability Demand Rate, as defined in this paragraph, 
multiplied by the difference between the quantity of gas actually delivered by Union during such Day and the quantity of 
gas which Shipper in good faith nominated on such Day.  The term “Firm Daily Variability Demand Rate” shall mean 
the monthly Firm Daily Variability Demand charge as provided in Schedule 2 of the Contract, divided by the number of 
days in the month for which such rate is being calculated. 
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XII. DEFAULT AND TERMINATION 
 

In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, proviso, 
condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make delivery in 
whole or in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in Article XI 
herein) which has not been waived by the other party, then and in every such case and as often as the same may 
happen, the non-defaulting party may give written notice to the defaulting party requiring it to remedy such default and in 
the event of the defaulting party failing to remedy the same within a period of thirty (30) days from receipt of such notice, 
the non-defaulting party may at its sole option declare the Contract to be terminated and thereupon the Contract shall be 
terminated and be null and void for all purposes other than and except as to any liability of the parties under the same 
incurred before and subsisting as of termination.  The right hereby conferred upon each party shall be in addition to, and 
not in derogation of or in substitution for, any other right or remedy which the parties respectively at law or in equity shall 
or may possess. 

 
In the event that this Contract is terminated pursuant to this Article XII, the parties hereto agree that they shall continue to 
be bound only by the terms and conditions set forth in the Contract but only for the purpose of determining the actual 
quantities in Shipper's Producer Balancing Account with such determination being subject to Article X.  Such extended 
period of time shall not exceed one (1) year from the date of termination of this Contract. 

 
 
XIII. AMENDMENT 
 

Subject to Article XV herein and the ability of Union to amend the applicable rate schedules and price schedules, with the 
approval of the OEB (if required), no amendment or modification of the Contract shall be effective unless the same shall 
be in writing and signed by each of the Shipper and Union.  

 
 
XIV. NON-WAIVER AND FUTURE DEFAULT 
 

No waiver of any provision of the Contract shall be effective unless the same shall be in writing and signed by the party 
entitled to the benefit of such provision and then such waiver shall be effective only in the specific instance and for the 
specified purpose for which it was given.  No failure on the part of Shipper or Union to exercise, and no course of dealing 
with respect to, and no delay in exercising, any right, power or remedy under the Contract shall operate as a waiver 
thereof. 

 
 
XV. LAWS, REGULATIONS AND ORDERS 
 

The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid 
laws, orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter 
having jurisdiction and the Contract shall be varied and amended to comply with or conform to any valid order or direction 
of any board, tribunal or administrative agency which affects any of the provisions of the Contract. 

 
 
XVI. RESERVED FOR FUTURE USE 
 

N/A  
 
 
XVII. RENEWALS 
 

The Contract will continue in full force and effect beyond the Initial Term, automatically renewing for a period of one (1) 
year, and every one (1) year thereafter, subject to notice in writing by either party of termination at least three (3) months 
prior to the expiration thereof. 
 

 
XVIII. SERVICE CURTAILMENT  
 
1. Excepting instances of emergency, Shipper and Union agree to give at least twenty-four (24) hours verbal notice before a 
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planned curtailment of receipt or delivery, shut-down or start-up. 
 
2. Shipper shall complete and maintain a plan which depicts all of the Shipper's gas production facilities including all 

emergency shut off valves and emergency equipment and provide a copy to Union upon Union's request.  Shipper shall 
provide to Union the names and telephone numbers of those persons whom Union may contact in the event of an 
emergency situation arising within the Shipper's facilities. 

 
3. In the event that Union is notified by a third party or if Union becomes aware of an emergency situation in which 

Shipper's gas production site, pipeline or associated equipment is involved, Union shall immediately notify Shipper or 
Shipper's representative of such emergency condition. 

 
4. Union shall have the right, at all times, to reconstruct or modify Union's pipeline and distribution system and the pressure 

carried therein, notwithstanding that such reconstruction or modification may reduce the System Capacity available to 
receive Shipper's gas, or Shipper's ability to deliver gas to Union.  Should Union expect any such reconstruction or 
modification to reduce the delivery or receipt of gas by either party, Union will, where able, provide Shipper with six (6) 
months’ notice or as much notice as is reasonably practical in the circumstances.  Union shall use reasonable efforts to 
assist the Shipper in meeting its Market Quantity in these circumstances. 

 
 

XIX.  SHIPPER'S REPRESENTATIONS AND WARRANTIES  
 

1. Shipper's Warranty:  Shipper warrants that it will, if required, maintain, or have maintained on its behalf, all external 
approvals including the governmental, regulatory, import/export permits and other approvals or authorizations that are 
required from any federal, state or provincial authorities for the gas quantities to be handled under the Contract.  Shipper 
further warrants that it shall maintain in effect the Facilitating Agreements. 

 
2. Financial Representations: Shipper represents and warrants that the financial assurances (including the Initial Financial 

Assurances and Security), if any, shall remain in place throughout the term hereof unless Shipper and Union agree 
otherwise.  Shipper shall notify Union in the event of any change to the financial assurances (including the Initial 
Financial Assurances and Security), if any, throughout the term hereof. Should Union have reasonable grounds to 
believe that Shipper will not be able to perform or continue to perform any of its obligations under the Contract for any 
reason (a “Material Event”), then Shipper shall within fourteen (14) days of receipt of written notice by Union, obtain and 
provide to Union a letter of credit or other security in the form and amount reasonably required by Union (the “Security”). 
In the event that Shipper does not provide to Union such Security, Union may deem a default in accordance with the 
provisions of Article XII herein. 

 
In the event that Shipper in good faith, reasonably believes that it should be entitled to reduce the amount of or value of 
the Security previously provided, it may request such a reduction from Union and to the extent that the Material Event 
has been mitigated or eliminated, Union shall return all or a portion of the Security to Shipper within fourteen (14) 
Business Days after receipt of the request. 

 
3. Licence:  Shipper represents and warrants to Union that Shipper possesses a licence to produce gas in the Province of 

Ontario. 
 
 
XX. MISCELLANEOUS PROVISIONS 

 
1. Assignment: Shipper may assign the Contract to a third party (“Assignee”), up to the Maximum Daily Quantity, (the 

“Capacity Assigned”).  Such assignment shall require the prior written consent of Union and release of obligations by 
Union for the Capacity Assigned from the date of assignment.  Such consent and release shall not be unreasonably 
withheld and shall be conditional upon the Assignee providing, amongst other things, financial assurances as per Article 
XXI herein.  Any such assignment will be for the full rights, obligations and remaining term of the Contract as relates to 
the Capacity Assigned. 

 
2. Title to Gas:  Shipper represents and warrants to Union that Shipper shall have good and marketable title to, or legal 

authority to deliver to Union, all gas delivered to Union hereunder.  Furthermore, Shipper hereby agrees to indemnify and 
save Union harmless from all suits, actions, debts, accounts, damages, costs, losses and expenses arising from or out of 
claims of any or all third parties to such gas or on account of Taxes, or other charges thereon. 
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XXI. PRECONDITIONS TO SERVICES 
 
1. The obligations of Union to provide Services hereunder are subject to the following conditions precedent, which are for 

the sole benefit of Union and which may be waived or extended in whole or in part in the manner provided in the 
Contract:  

 
a. Union shall have obtained, in form and substance satisfactory to Union, and all conditions shall have been 

satisfied under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, 
that are required to provide the Services; and, 

 
b. Union shall have obtained all internal approvals that are necessary or appropriate to provide the  Services; and, 
 
c. Union shall have received from Shipper the requisite financial assurances reasonably necessary to ensure 

Shipper’s ability to honour the provisions of the Contract (the “Initial Financial Assurances”).  The Initial 
Financial Assurances, if required, will be as determined solely by Union; and, 

 
d. Shipper and Union shall have entered into the Interruptible HUB Service Contract or equivalent (the “Facilitating 

Agreement”) with Union; and,  
 

e. Union shall, where applicable, have obtained all internal and external approvals including the governmental, 
regulatory and other approvals or authorizations required to construct any facilities necessary to provide the 
Services hereunder, which approvals and authorizations, if granted upon conditions, shall be conditions 
satisfactory to Union; and, 

 
f. Union shall, where applicable, have completed and placed into service those facilities necessary to provide the 

Services hereunder; and, 
 

g. Further to Article IX Section 6 herein, Shipper shall pay to Union a payment (“First Prepayment”) towards the 
Aid to Construction at the time of the execution of this Agreement. Shipper shall pay a payment prior to 
installation of the meter station (“Second Prepayment”). The foregoing payments are specified in the attached 
Schedule 1 for the first meter station (“Receipt Point #1”) to be installed under this contract. Payments for 
additional meter stations will be handled by written mutual agreement between the parties. Shipper shall pay 
Union the difference if the actual Aid to Construction is more than the Prepayments, within thirty (30) days of the 
delivery of an invoice from Union on which the actual costs for construction and installation of facilities are stated. 
Union shall pay Shipper the difference if the actual Aid to Construction is less than the Prepayments. In the event 
Shipper terminates this Agreement prior to Union incurring any costs related to the construction, installation or 
connection of the meter station, Shipper's Prepayments shall be returned to Seller, without interest, within fifteen 
(15) days notice to Union of such termination by Shipper.  In the event Union has incurred costs, as set out 
herein, relative to the construction, installation or connection of the meter station prior to being notified by Shipper 
of Shipper's intention to terminate the Agreement, Union shall deduct such actual costs from Union’s return of 
Shipper's Prepayments. “Prepayments” shall mean the sum of the First Prepayment and the Second 
Prepayment. 

 
2. The obligations of Shipper hereunder are subject to the following conditions precedent, which are for the sole benefit of 

Shipper and which may be waived or extended in whole or in part in the manner provided in the Contract: 
 

a. Shipper shall, as required, have entered into the necessary contracts with Union and/or others to facilitate the 
Services contemplated herein, including contracts for upstream and downstream transportation, and shall 
specifically have an executed and valid Facilitating Agreement; and, 

 
b. Shipper shall have obtained, in form and substance satisfactory to Shipper, and all conditions shall have been 

satisfied under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, 
that are required from federal, state, or provincial authorities for the gas quantities handled under the Contract; 
and, 

 
c. Shipper shall have obtained all internal approvals that are necessary or appropriate for the Shipper to execute 

the Contract; and, 
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d. Shipper shall have cancelled or renegotiated its Sales Agreement, on terms satisfactory to Union, as applicable. 
 
3. Union and Shipper shall each use due diligence and reasonable efforts to satisfy and fulfil the conditions precedent 

specified in this Article XXI Section 1 a, c, d, e, f, g, and Section 2 a, b, and d. Each party shall notify the other forthwith 
in writing of the satisfaction or waiver of each condition precedent for such party’s benefit.  If a party concludes that it will 
not be able to satisfy a condition precedent that is for its benefit, such party may, upon written notice to the other party, 
terminate the Contract and upon the giving of such notice, the Contract shall be of no further force and effect and each of 
the parties shall be released from all further obligations thereunder. 

 
4. If any of the conditions precedent in this Article XXI Section 1 c or Section 2 are not satisfied or waived by the party 

entitled to the benefit of that condition by the Conditions Date as such term is defined in the Contract, or if any of the 
Shipper payments required under the condition precedent in this Article XXI Section 1 g have not been paid as required  
in such section, then either party may, upon written notice to the other party, terminate the Contract and upon the giving 
of such notice, the Contract shall be of no further force and effect and each of the parties shall be released from all 
further obligations hereunder, provided that any rights or remedies that a party may have for breaches of the Contract 
prior to such termination and any liability a party may have incurred before such termination shall not thereby be 
released.  

 



Effective

2013-01-01

Rate M16

Page 1 of 2

(A) Availability

Dawn as a receipt point: Dawn (Facilities).

Dawn as a delivery point: Dawn (Facilities).

(B) Rates

a) Charges Applicable to both Firm and/or Interruptible Transportation Services:

Monthly Fixed Charge per customer station ($ per month) (1) $1,474.12

Transmission Commodity Charge to Dawn ($ per GJ) $0.034

Customers Customers

Transportation Fuel located East 

of Dawn

located West 

of Dawn

Fuel Charges to Dawn:

  Commodity Rate - Union provides fuel ($ per GJ) $0.009 $0.009

  Fuel Ratio - customer provides fuel (%) 0.153% 0.153%

Fuel Charge to the Pool

  Commodity Rate - Union provides fuel ($ per GJ) $0.009 $0.024

  Fuel Ratio - customer provides fuel (%) 0.153% 0.435%

b) Firm Transportation Demand Charges:  (2)

Customers Customers

located East 

of Dawn

located West 

of Dawn

  Monthly Demand Charge applied to contract demand ($ per GJ) $0.741 $1.059

Authorized Overrun:

The authorized overrun rate payable on all quantities transported in excess of Union's obligation any day shall be:

Customers Customers

located East 

of Dawn

located West 

of Dawn

Firm Transportation:

Charges to Dawn

  Commodity Rate - Union provides fuel ($ per GJ) $0.067 $0.077

  Commodity Rate - customer provides fuel ($ per GJ) $0.058 $0.069

  Fuel Ratio - customer provides fuel (%) 0.153% 0.153%

Charges to the Pool

  Commodity Rate - Union provides fuel ($ per GJ) $0.033 $0.059

  Commodity Rate - customer provides fuel ($ per GJ) $0.024 $0.035

  Fuel Ratio - customer provides fuel (%) 0.153% 0.435%

                 Overrun will be authorized at Union's sole discretion.

The charges under this rate schedule shall be applicable for transportation service rendered by Union for all quantities transported to and from 

embedded storage pools located within Union's franchise area and served using Union's distribution and transmission assets.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  Multi-

year prices may also be negotiated, which may be higher than the identified rates.

Applicable Points

STORAGE AND TRANSPORTATION SERVICES TRANSPORTATION CHARGES

 

 



Effective

2013-01-01

Rate M16

Page 2 of 2

Unauthorized Overrun

Authorized Overrun rates payable on all transported quantities up to 2% in excess of Union's contractual obligation.

Notes for Section (B) Rates:

(1)    

(2)     

(C) Terms of Service

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

January 1, 2013

The Unauthorized Overrun rate during the November 1 to April 15 period will be $50 per GJ for all usage on any day in excess of 102% of Union's 

contractual obligation.  The Unauthorized Overrun rate during the April 16 to October 31 period will be $9.373 per GJ for all usage on any day in 

excess of 102% of Union's contractual obligation.

Charges aforesaid in respect of any given month in accordance with General Terms & Conditions shall be payable no later than the twenty-fifth day 

of the succeeding month.

Demand charges will be applicable to customers firm daily contracted demand or the firm portion of a combined firm and interruptible 

service.

The monthly fixed charge will be applied once per month per customer station regardless of service being firm, interruptible or a 

combination thereof.

The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A” for contracts in effect before 

October 1, 2010.  The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A 2013” for 

contracts in effect on or after January 1, 2013.

 

 



SCHEDULE "A"   
 
 GENERAL TERMS & CONDITIONS 
 M16 TRANSPORTATION AGREEMENT 
 
 
I. DEFINITIONS 
 
Except where the context expressly requires or states another meaning, the following terms, when used in these General Terms 
& Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed to have the 
following meanings: 
 
1. "Banking Day" shall mean a day on which the general offices of the Canadian Imperial Bank of Commerce, 99 King St. 

W., Chatham, Ontario are open for business; 
 
2. "business day" shall mean a day on which the general offices of Union in Chatham, Ontario are open for business; 
 
3. "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 

incorporated; 
 
4. "contract year" shall mean a period of three hundred and sixty-five (365) consecutive days, beginning on the day 

agreed upon by Union and Shipper as set forth in the Contract, or on any anniversary of such date; provided, however, 
that any such period which contains a date of February 29 shall consist of three hundred and sixty-six (366) 
consecutive days; 

 
5. "day" shall mean a period of twenty-four (24) consecutive hours beginning at 9:00 a.m. Central Standard time.  The 

reference date for any day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
6. "month" shall mean the period beginning at 9:00 a.m. Central Standard time on the first day of a calendar month and 

ending at 9:00 a.m. Central Standard time on the first day of the following calendar month; 
 
7. "firm" shall mean service not subject to curtailment or interruption except under Articles XI and XII of this Schedule "B"; 
 
8. "interruptible service" shall mean service subject to curtailment or interruption, after notice, at any time; 
 
9. "gas" shall mean gas as defined in the Ontario Energy Board Act, R.S.O. 1980, c. 332, as amended, supplemented or 

reenacted from time to time; 
 
10. "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
11. "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
12. "pascal" (Pa) shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 

metre.  The term "kilopascal" (kPa) shall mean 1,000 pascals; 
 
13. "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance 

of one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 

 
14. "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 

 
15. "Shipper" shall have the meaning as defined in the Contract, and shall also include Shipper's agent(s); 
 
16. "subsidiary" means a company in which more than fifty (50) per cent of the issued share capital (having full voting 

rights under all circumstances) is owned or controlled directly or indirectly by another company, by one or more 
subsidiaries of such other company, or by such other company and one or more of its subsidiaries; 
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17. "TCPL" means TransCanada PipeLines Limited; 
 
18. "NOVA" means Gas Transmission Ltd.; 
 
19. "Panhandle" means CMS Panhandle Eastern Pipeline Company; 
 
20. "MichCon" means Michigan Consolidated Gas Company; 
 
21. "SCPL" means St. Clair Pipelines (1996) Ltd.; 
 
22. "OEB" means the Ontario Energy Board; 
 
23. "NEB" means the National Energy Board (Canada); 
 
24. "GLGT" means Great Lakes Gas Transmission Company; 
 
25. “CMS” means CMS Gas Transmission and Storage Company;  
 
26. “Consumers” means The Consumers’ Gas Company, Limited; 
 
27. "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    

envelope; 
 
28. "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 

begins; 
 
29. "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 

Celsius, and at a pressure of 101.325 kilopascals absolute; and, 
 
30. "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 
II. GAS QUALITY 
 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be 
forty point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled 
supply from Shipper's gas sources of supply.  The gas to be delivered by Union may be a commingled supply from 
Union's sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other 
hydrocarbons, except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit 
the subjection of, the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to Union at the Receipt Point(s) hereunder, 
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other 
objectionable substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury 
to, or interference with, the proper operation of the lines, regulators, meters or other appliances through 
which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than 

one hundred (100) milligrams of total sulphur per cubic metre of gas, 
 
c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 
d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 

 
e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
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f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 

 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 
 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius,  
 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one 

point forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by 
volume of butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of 
total inerts in the gas in order to be interchangeable with other Interconnecting Pipeline gas, 

 
k. shall not exceed forty-three degrees Celsius (43ºC), and, 

 
l. shall not be odourized by Shipper. 

 
3. Non-conforming Gas: 

a. In the event that the quality of the gas does not conform or if Union, acting reasonably, suspects the quality of 
the gas may not conform to the specifications herein, then Shipper shall, if so directed by Union acting 
reasonably, forthwith carry out, at Shipper's cost, whatever field testing of the gas quality as may be required 
to ensure that the quality requirements set out herein are met, and to provide Union with a certified copy of 
such tests.  If Shipper does not carry out such tests forthwith, Union may conduct such test and Shipper shall 
reimburse Union for all costs incurred by Union for such testing. 

 
b. If Shipper's gas fails at any time to conform to the requirements of this Article II, Union, in addition to its other 

remedies, may refuse to accept delivery of gas at the Receipt Points hereunder until such deficiency has 
been remedied by Shipper.  Each Party agrees to notify the other verbally, followed by written notification, of 
any such deficiency of quality. 

  
c. With respect to Article II 2. h. herein, Union may accept the gas subject to Shipper’s obligations under the 

Dehydration Contract, if applicable. 
 

4.  Quality of Gas Received: The quality of the gas to be received by Union at the Receipt Point(s) hereunder is to be of a 
merchantable quality and in accordance with the quality standards as set out by Union in this Article II. 

 
5. Quality of Gas at Dawn: The quality of the gas to be delivered to Union at Dawn (Facilities) or the gas to be delivered 

by Union to Shipper at Dawn (Facilities) hereunder is to be of a merchantable quality and in accordance with the quality 
standards and measurement standards as set out by Union in this Article II, except that total sulphur limit shall be not 
more than four hundred and sixty (460) milligrams per cubic metre of gas.  In addition to any other right or remedy of a 
party, each party shall be entitled to refuse to accept delivery of any gas which does not conform to any of the 
specifications set out in this Article II. 

 
6. Odourization of Gas:   

a. Union may odourize or deliver odourized gas under the Contract, 
 
b. Shipper shall if requested by Union monitor the mercaptan sulphur content of the gas delivered to Union 

under the Contract and shall provide at no cost to Union a continuous signal quantifying the mercaptan 
sulphur content in milligrams per cubic metre. 

 
 
III. MEASUREMENTS 
 
1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  

The unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union 
shall be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
2. Determination of Volume and Energy: 
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a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 

Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas 
Inspection Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of 
the Act and Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination 

of Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American 
Gas Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all 
as amended from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the 

measurement equipment designated in Article VII herein. 
 
d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union 

hereunder from the Interconnecting Pipeline.  Such measurement shall be done in accordance with 
established practices between Union and the Interconnecting Pipeline. 

 
 
IV. POINT OF RECEIPT AND POINT OF DELIVERY 
 
1. Unless otherwise specified in the Contract, the point or points of receipt for all gas to be covered thereunder shall be 

on the outlet side of the measuring stations located at or near the point or points of connection specified in the 
Contract, where Union takes possession of the gas.  Whenever the phrase “receipt point” appears herein, it shall mean 
Point of Receipt as defined in this Article IV. 

 
2. Unless otherwise specified in the Contract, the point or points of delivery for all gas to be covered hereunder shall be 

on the outlet side of the measuring stations located at or near the point or points of connection as specified in the 
Contract, where Shipper takes possession of the gas.  Whenever the phrase “delivery point” shall appear hereon, it 
shall mean Point of Delivery as defined in this Article IV. 

 
 
V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 
 N/A 
 
 
VI. FACILITIES ON SHIPPER'S PROPERTY 
 

N/A 
 
 
VII. MEASURING EQUIPMENT 
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with 

the Act and Regulations referenced in Article III herein.  
 
2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is 

owned and operated by an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the 
purpose of determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of 
measurement and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and 
conditions as incorporated in that Interconnecting Pipeline company’s gas tariff as approved by its regulatory body.  

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the Custody Transfer Point, at its own 

expense, such check measuring equipment as desired, provided that such equipment shall be so installed as not to 
interfere with the operation of Union's measuring equipment at or near the Custody Transfer Point, and shall be 
installed, maintained and operated in conformity with the same standards and specifications applicable to Union's 
metering facilities. 
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4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 
equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting 
done in connection with the other's measuring equipment used in measuring or checking the measurement of 
deliveries of gas to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention 
to carry out the acts herein specified.  The records from such measuring equipment shall remain the property of their 
owner, but upon request each will submit to the other its records and charts, together with calculations therefrom, for 
inspection and verification, subject to return within ten (10) days after receipt thereof. 

 
5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by 

Union at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be 
required to verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event 
either party notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to 
secure a prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by 
Shipper, shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per 
cent (2%).  If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous 
recordings of such equipment shall be considered accurate in computing receipts and deliveries of gas, but such 
equipment shall be adjusted at once to record as near to absolute accuracy as possible.  If the test conducted shows a 
percentage of inaccuracy greater than two percent (2%), the financial adjustment, if any, shall be calculated in 
accordance with the Act and Regulations, as may be amended from time to time and in accordance with any successor 
statutes and regulations. 

 
6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 

data, and other relevant records. 
 
7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights 
as Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection and/or 
verification rights and procedures. 

 
 
VIII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the 10th day of each month for all services furnished during 

the preceding month. Such charges may be based on estimated quantities, if actual quantities are unavailable in time 
to prepare the billing.  Union shall provide, in a succeeding month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities.  If presentation of a bill to Shipper is delayed after the 10th day of 
the month, then the time of payment shall be extended accordingly, unless Shipper is responsible for such delay. 

 
2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, 

records and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation 
made under or pursuant to the provisions of the Contract. 

 
 
IX. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the 

invoice on or before the twentieth (20th) day of each month.  If the payment date is not a business day, then payment 
must be received in Union’s account on the first business day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due, Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal 
to the minimum commercial lending rate of Union's principal banker in effect from time to time from the due date until 
the date of payment.  If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any 
other remedy it may have under the Contract may suspend service(s) until such amount is paid, provided however, that 
if Shipper, in good faith shall dispute the amount of any such bill or part thereof and shall pay to Union such amounts 
as it concedes to be correct and at any time thereafter within twenty (20) days of a demand made by Union shall 
furnish good and sufficient surety bond satisfactory to Union, guaranteeing payment to Union of the amount ultimately 
found due upon such bill after a final determination which may be reached either by agreement, arbitration decision or 
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judgement of the courts, as may be the case, then Union shall not be entitled to suspend service(s) because of such 
non-payment unless and until default be made in the conditions of such bond or in payment for any further service(s) to 
Shipper hereunder. 

 
 Notwithstanding the foregoing paragraph, this does not relieve Shipper from the obligation to continue its deliveries of 

gas under the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to Union. 
 
3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at 
a rate per annum determined each day during the calculation period to be equal to the minimum commercial lending 
rate of Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  
In the event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect 
actual measurement shall be made on the bill next following the determination of such actual measurement, without 
any charge of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, 
such error shall be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill 
next following its determination (where the term "bill" next following shall mean a bill rendered at least fourteen (14) 
days after the day of its determination), provided that claim therefore shall  have been made within six (6) years from 
the date of the incorrect billing. In the event any refund is issued with Shipper's  bill, the aforesaid date of refund shall 
be deemed to be the date of the issue of invoice. 

 
 
X. ARBITRATION 
 
If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything herein 
contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter hereunder, the 
matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of either party.  Upon 
such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A majority decision of the 
arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the Arbitration Act of the Province 
of Ontario, or any act passed in amendment thereof or substitution therefore, shall apply to each such submission.  Operations 
under this Contract shall continue, without prejudice, during any such arbitration and the costs attributable to such arbitration 
shall be shared equally by the parties hereto.  
 
 
XI. FORCE MAJEURE 
 
N/A 
 
 
XII. DEFAULT AND TERMINATION 
 
N/A 
 
 
XIII. MODIFICATION 
 
N/A 
 
 
XIV. NONWAIVER AND FUTURE DEFAULT 
 
N/A 
 
 
XV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having jurisdiction 
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and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any board, tribunal or 
administrative agency which affects any of the provisions of the Contract. 
 
 



SCHEDULE “A 2013” 

 
 RATE M16 

GENERAL TERMS & CONDITIONS 
  
 
I. DEFINITIONS 
 

Except where the context expressly requires or states another meaning, the following terms, when used in these 
General Terms & Conditions and in any contract into which these General Terms & Conditions are incorporated, shall 
be construed to have the following meanings: 
 
“Aid to Construction” shall include any and all costs, expenses, amounts, damages, obligations, or other liabilities 
(whether of a capital or operating nature, and whether incurred before or after the date of the Contract) actually paid by 
Union (including amounts paid to affiliates for services rendered in accordance with the Affiliate Relationships Code as 
established by the OEB) in connection with or in respect of satisfying the conditions precedent set out in Article XXI 
herein (including without limitation the construction and placing into service of the Union Expansion Facilities, the 
obtaining of all governmental, regulatory and other third party approvals, and the obtaining of rights of way) whether 
resulting from Union’s negligence or not, except for any costs that have arisen from the gross negligence, fraud, or 
wilful misconduct of Union; 
 
 “Authorized Overrun” shall mean the amount by which Shipper’s Authorized Quantity exceeds the firm and 
interruptible contract demands; 
 
“Authorized Quantity” shall have the meaning given thereto in Schedule “B 2010” of the C1 Rate Schedule; 
 
"Business Day" shall mean any day, other than Saturday, Sunday or any days on which national banks in the Province 
of Ontario are authorized to close; 
 
"Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 
incorporated; 

 
“Contract Year” shall mean a period of three hundred and sixty-five (365) consecutive days, beginning on the 
Commencement Date or on any anniversary of such date; provided, however, that any such period which contains a 
date of February 29 shall consist of three hundred and sixty-six (366) consecutive days; 
 
"cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase 
envelope; 
 
"cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 
degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
“Custody Transfer Point”  That point on the piping system at the Pool Station which is at the Shipper side of the 
insulating flange on the Union Expansion Facilities, and which point shall serve as the point of custody transfer; 
   
“Day” shall mean a period of twenty-four (24) consecutive hours beginning at 10:00 a.m. Eastern Clock Time.  The 
reference date for any Day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
“Dehydration Contract” shall mean the contract for Dehydration Service between Union and the Shipper as detailed in 
Schedule 1 of the Contract; 
 
“Delivery Point” shall mean the point(s) where Union shall deliver gas to Shipper as defined in Schedule 1 of the 
Contract; 
 
“Eastern Clock Time” shall mean the local clock time in the Eastern Time Zone on any Day;  

 
"firm" shall mean service not subject to curtailment or interruption except under Articles XI, XII and XVIII herein; 
 
"gas" shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c. 15, Sch. B, as amended, 
supplemented or re-enacted from time to time; 
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"gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 
complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 
 
"hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 
begins; 
 
“Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline system; 
 
"interruptible" shall mean service subject to curtailment or interruption, after notice, at any time; 

 
"joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance 
of one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 
 
"m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
“Month” shall mean the period beginning at 10:00 a.m. Eastern Clock Time on the first day of a calendar month and 
ending at 10:00 a.m. Eastern Clock Time on the first day of the following calendar month; 
 
"OEB" means the Ontario Energy Board; 
 
“pascal” “(Pa)” shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) 
square metre.  The term "kilopascal" "(kPa) " shall mean 1,000 pascals; 
 
“Pool Quantity” shall mean the actual daily quantity of gas delivered to or received from Shipper at the Custody 
Transfer Point; 
 
“Pool Station” shall mean the physical location of Union’s measurement and control facilities to the pool; the pool 
name as detailed in Schedule 1 of the Contract;  
 
“Receipt Point” shall mean any one of the points where Union shall receive gas from Shipper as detailed in Schedule 
1 of the Contract; 
 
“Shipper” shall have the meaning as defined in the Contract, and shall also include Shipper’s agent(s); 
 
“Shipper Quantity” shall, on any Day, be equal to the greater of: (i) the Authorized Quantity for that Day; and (ii) the 
nomination duly made by Shipper in good faith prior to the nomination deadline for the first nomination window 
applicable for that Day; provided that in no event shall the Shipper Quantity exceed the firm contract demand;  
 
"specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 
Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
“Taxes” shall mean any tax (other than tax on income or tax on property), duty, royalty, levy, license, fee or charge not 
included in the charges and rates as per the applicable rate schedule (including but not limited to charges under any 
form of cap and trade, carbon tax, or similar system) and that is levied, assessed or made by any governmental 
authority on the gas itself, or the act, right, or privilege of producing, severing, gathering, storing, transporting, handling, 
selling or delivering gas under the Contract; 
 
"TCPL" means TransCanada PipeLines Limited; 

 
“Union Expansion Facilities” shall mean any facilities necessary for Union to provide the Services, including without 
limiting the generality of the foregoing:  
 

a. a meter and any associated recording gauges as are necessary; 
 
b. pressure and/or flow control devices, over pressure protection and telemetry equipment as are necessary;  
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c. a suitable gas odourizing injection facility if Union deems such a facility to be necessary 
 
d. piping, fittings, material, filtration facilities, cathodic protection and insulating flanges; 
 
e. gas chromatograph, moisture analyzer, piping, fittings, material, filtration facilities, cathodic protection and 

insulating flanges; 
 
"Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 

II. GAS QUALITY  
 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be 
forty point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled 
supply from Shipper’s gas sources of supply.  The gas to be delivered by Union may be a commingled supply from 
Union's sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other 
hydrocarbons, except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit the 
subjection of, the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to Union at the Receipt Point(s) hereunder, 
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other 
objectionable substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury 
to, or interference with, the proper operation of the lines, regulators, meters or other appliances through 
which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than 

one hundred (100) milligrams of total sulphur per cubic metre of gas, 
 
c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 
d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 
 
e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 
 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 
 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 
 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 
 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one 

point forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by 
volume of butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of total 
inerts in the gas in order to be interchangeable with other Interconnecting Pipeline gas,  

 
k. shall not exceed forty-three degrees Celsius (43ºC), and, 
 
l. shall not be odourized by Shipper. 

 
3. Non-conforming Gas: 
 

a. In the event that the quality of the gas does not conform or if Union, acting reasonably, suspects the quality of 
the gas may not conform to the specifications herein, then Shipper shall, if so directed by Union acting 
reasonably, forthwith carry out, at Shipper’s cost, whatever field testing of the gas quality as may be required 
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to ensure that the quality requirements set out herein are met, and to provide Union with a certified copy of 
such tests.  If Shipper does not carry out such tests forthwith, Union may conduct such test and Shipper shall 
reimburse Union for all costs incurred by Union for such testing. 

 
b. If Shipper’s gas fails at any time to conform to the requirements of this Article II, Union, in addition to its other 

remedies, may refuse to accept delivery of gas at the Receipt Points hereunder until such deficiency has 
been remedied by Shipper.  Each Party agrees to notify the other verbally, followed by written notification, of 
any such deficiency of quality. 

 
c. With respect to Article II 2. h. herein, Union may accept the gas subject to Shipper’s obligations under the 

Dehydration Contract, if applicable.  
 
4.   Quality of Gas Received:  The quality of the gas to be received by Union at the Receipt Point(s) hereunder is to be of a 

merchantable quality and in accordance with the quality standards as set out by Union in this Article II. 
 
5. Quality of Gas at Dawn:  The quality of the gas to be delivered to Union at Dawn (Facilities) or the gas to be delivered 

by Union to Shipper at Dawn (Facilities) hereunder is to be of a merchantable quality and in accordance with the 
quality standards and measurement standards as set out by Union in this Article II, except that total sulphur limit shall 
be not more than four hundred and sixty (460) milligrams per cubic metre of gas.  In addition to any other right or 
remedy of a party, each party shall be entitled to refuse to accept delivery of any gas which does not conform to any of 
the specifications set out in this Article II. 

 
6. Odourization of Gas:   
 

a. Union may odourize or deliver odourized gas under the Contract, 
 
b. Shipper shall if requested by Union monitor the mercaptan sulphur content of the gas delivered to Union 

under the Contract and shall provide at no cost to Union a continuous signal quantifying the mercaptan 
sulphur content in milligrams per cubic metre.  

 
 
III. MEASUREMENTS 
 
1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  

The unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union 
shall be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas 
Inspection Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of 
the Act and Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination 

of Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American 
Gas Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all 
as amended from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the 

measurement equipment designated in Article VII herein.  
 
d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union 

hereunder from the Interconnecting Pipeline.  Such measurement shall be done in accordance with 
established practices between Union and the Interconnecting Pipeline. 
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IV. RECEIPT POINT AND DELIVERY POINT 
 

The point or points of receipt and point or points of delivery for all gas to be covered hereunder shall be on the outlet 
side of the measuring stations located at or near the point or points of connection specified in Schedule 1 of the 
Contract, where possession of the gas changes from one party to the other. 

 
 
V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 
1. Union accepts no responsibility for any gas prior to such gas being delivered to Union at the Receipt Point or after its 

delivery by Union at the Delivery Point.  As between the parties hereto, Union shall be deemed to be in control and 
possession of and responsible for all such gas from the time that such gas enters Union’s system until such gas is 
delivered to Shipper. 

 
2. Shipper agrees that Union is not a common carrier and is not an insurer of Shipper’s gas, and that Union shall not be 

liable to Shipper or any third party for loss of gas in Union’s possession, except to the extent such loss is caused 
entirely by Union’s negligence or wilful misconduct.  

 
 
VI. FFAACCIILLIITTIIEESS  OONN  SSHHIIPPPPEERR’’SS  PPRROOPPEERRTTYY 
  
1. All of the Union Expansion Facilities shall remain the property of Union.  Union shall be entitled to remove said 

equipment at any time within a period of sixty (60) days from any termination or expiry of the Contract.  Shipper shall 
take all necessary steps to ensure Union may enter the Pool Station to remove such equipment for a period of sixty 
(60) days after termination or expiry of the Contract. 

 
2. Shipper shall, at Shipper's own cost and expense: 
 

a. obtain the Pool Station Land Rights; and  
 
b. furnish, install, set, and maintain suitable pressure and quantity control equipment and such additional 

equipment as required on Shipper’s delivery system, to protect against the over pressuring of Union's 
facilities as set out in Article VI of the Contract and Schedule 1 of the Contract, protect Union from receiving 
gas not meeting the quality specification as set out in Article II herein, and to limit the daily flow of gas to the 
corresponding parameters as set out in the Article II of the Contract. 

 
3. Shipper shall within thirty (30) days of the delivery of an invoice by Union, reimburse Union for any actual costs 

reasonably incurred by Union for any repair, replacement, relocation, or upgrading of any meter station or any Union 
Expansion Facilities requested by Shipper, or as required by law or by duly constituted regulatory body, or through 
good engineering practice.  Union shall be responsible for any costs incurred by Union to correct an error made by 
Union. 

 
4. Operation and Maintenance:  Subject to this Article VI Section 3, each party shall be fully responsible for the continued 

operation, maintenance, repair and replacement of its respective facilities.  Both parties agree to maintain cathodic 
protection on their respective facilities.  

 
5. Inspection:  Each party shall inspect its facilities as required by industry standards or by the appropriate regulatory 

body.  
 
6. Each party shall decide, in its sole discretion, whether its facilities need to be repaired or replaced.  In the event that 

repair or replacement is needed, the party undertaking such work will, to the extent possible, give the other party sixty 
(60) days’ notice and will ensure that the work be done in a manner so as to minimize the amount of time the pipeline 
has restricted flows. 

 
 
VII. MEASURING EQUIPMENT  
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with 

the Act and Regulations referenced in Article III herein. 
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2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is 

owned and operated by  an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the 
purpose of determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of 
measurement and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and 
conditions as incorporated in that Interconnecting Pipeline company’s gas tariff as approved by its regulatory body.  

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the Custody Transfer Point, at its own 

expense, such check measuring equipment as desired, provided that such equipment shall be so installed as not to 
interfere with the operation of Union's measuring equipment at or near the Custody Transfer Point, and shall be 
installed, maintained and operated in conformity with the same standards and specifications applicable to Union's 
metering facilities. 

 
4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 

equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting 
done in connection with the other's measuring equipment used in measuring or checking the measurement of 
deliveries of gas to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention 
to carry out the acts herein specified.  The records from such measuring equipment shall remain the property of their 
owner, but upon request each will submit to the other its records and charts, together with calculations therefrom, for 
inspection and verification, subject to return within ten (10) days after receipt thereof. 

 
5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by 

Union at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be 
required to verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event 
either party notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to 
secure a prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by 
Shipper, shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per 
cent (2%).  If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous 
recordings of such equipment shall be considered accurate in computing receipts and deliveries of gas, but such 
equipment shall be adjusted at once to record as near to absolute accuracy as possible.  If the test conducted shows a 
percentage of inaccuracy greater than two percent (2%), the financial adjustment, if any, shall be calculated in 
accordance with the Act and Regulations, as may be amended from time to time and in accordance with any successor 
statutes and regulations. 

 
6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 

data, and other relevant records. 
 
7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure, (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights 
as Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection 
and/or verification rights and procedures. 

 
 
VIII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the tenth (10th) day of each month for all Services furnished 

during the preceding Month. Such charges may be based on estimated quantities, if actual quantities are unavailable in 
time to prepare the billing.  Union shall provide, in a succeeding Month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to Shipper is 
delayed after the tenth (10th) day of the month, then the time of payment shall be extended accordingly, unless Shipper 
is responsible for such delay. 
 

2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, 
records and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation 
made under or pursuant to the provisions of the Contract. 
 

3. Amendment of Statements:  For the purpose of completing a final determination of the actual quantities of gas handled 
under the Contract, Union shall have the right to amend its statements for a period equal to the time during which the 
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Interconnecting Pipeline retains the right to amend their statements, which period shall not exceed three (3) years from 
the date of termination of the Contract. 

 
 
IX. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the 

invoice on or before the twentieth (20th) day of each month.  If the payment date is not a Business Day, then payment 
must be received in Union’s account on the first Business Day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date 
until the date of payment; and,   

 

b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other 
remedy it may have under the Contract, may suspend Services until such amount is paid.  Notwithstanding 
such suspension, all demand charges shall continue to accrue hereunder as if such suspension were not in 
place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as 
it concedes to be correct. At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall 
furnish financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due 
upon such bill after a final determination.  Such a final determination may be reached either by agreement, arbitration 
decision or judgement of the courts, as may be the case.  Union shall not be entitled to suspend Services because of 
such non-payment unless and until default occurs in the conditions of such financial assurances or default occurs in 
payment of any other amount due to Union hereunder. 
 
Notwithstanding the foregoing, Shipper is not relieved from the obligation to continue its deliveries of gas to Union 
under the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to Union. 

 
3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at 
a rate per annum determined each day during the calculation period to be equal to the minimum commercial lending 
rate of Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  
In the event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect 
actual measurement shall be made on the bill next following the determination of such actual measurement, without 
any charge of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, 
such error shall be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill 
next following its determination (where the term "bill next following” shall mean a bill rendered at least fourteen (14) 
days after the day of its determination), provided that claim therefore shall have been made within three (3) years from 
the date of the incorrect billing. In the event any refund is issued with Shipper's bill, the aforesaid date of refund shall 
be deemed to be the date of the issue of bill. 

 
4. Taxes:  In addition to the charges and rates as per the applicable rate schedules and price schedules, Shipper shall 

pay all Taxes which are imposed currently or subsequent to the execution of the Contract by any legal authority having 
jurisdiction and any amount in lieu of such Taxes paid or payable by Union.  

 
5. Set Off:  If Shipper shall, at any time, be in arrears under any of its payment obligations to Union under the Contract, 

then Union shall be entitled to reduce the amount payable by Union to Shipper under the Contract or any other contract 
by an amount equal to the amount of such arrears or other indebtedness to Union.  In addition to the foregoing remedy, 
Union may, upon forty-eight (48) hours verbal notice, to be followed by written notice, take possession of any or all of 
Shipper’s gas under the Contract, which shall be deemed to have been assigned to Union, to reduce such arrears or 
other indebtedness to Union. 
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6. Aid to Construction:  Shipper agrees to reimburse Union for the Aid to Construction. 
 

In the event Union has incurred costs, as set out herein, relative to the construction, installation or connection of the 
gas metering station prior to being notified by Shipper of Shipper's intention to terminate the Contract, Shipper shall 
promptly remit to Union such actual costs on presentation to Shipper of an invoice for same from Union.   
 
All applicable Taxes will be applied to all amounts to be paid under this Section.  Shipper warrants and represents that 
no payment to be made by Shipper under the Contract is subject to any withholding tax.  

 
 
X. ARBITRATION 
 

If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything 
herein contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter 
hereunder, the matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request 
of either party.  Upon such request each party shall appoint an arbitrator, and the two so appointed shall appoint a 
third.  A majority decision of the arbitrators shall be final and binding upon both parties.  In all other respects the 
provisions of the Arbitration Act, 1991, or any act passed in amendment thereof or substitution therefore, shall apply to 
each such submission.  Operations under the Contract shall continue, without prejudice, during any such arbitration 
and the costs attributable to such arbitration shall be shared equally by the parties hereto.  

 
 
XI. FORCE MAJEURE  
 
1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, 

acts of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, 
fires, storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, 
breakage or accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, 
supplies, permits or labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or 
authority (civil or military), any act or omission that is excused by any event or occurrence of the character herein 
defined as constituting force majeure, any act or omission by parties not controlled by the party having the difficulty and 
any other similar cases not within the control of the party claiming suspension and which by the exercise of due 
diligence such party is unable to prevent or overcome. 

 
2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or 

comply with any obligation or condition of the Contract, such party shall give notice and full particulars of such force 
majeure in writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible 
after the occurrence of the cause relied on and subject to the provision of this Article. 

 
3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a 
period within which it should acting reasonably have determined, that the occurrence was in the nature of force 
majeure and would affect its ability to observe or perform any of its conditions or obligations under the Contract, give to 
the other party the notice required hereunder. 

 
4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is 

remedied, to the extent that the same has been remedied, and that such party has resumed or is then in a position to 
resume the performance of the obligations and conditions of the Contract. 

 
5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas 

by Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for 
payment obligations, to the extent of and for the duration of the force majeure. 

 
6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall 

not relieve Shipper of any payment obligations.  
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7. Delay of Firm Transportation Services: Despite Article XI herein, if Union is prevented, by reason of an event of force 

majeure on Union’s system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, 
Union shall thereafter make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or 
Days as are agreed to by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any 
demand charge relief as contemplated under Article XI herein. 

 
8. Demand Charge Relief for Firm Transportation Services: Despite Article XI herein, if on any Day Union fails to accept 

gas from Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas 
nominated hereunder by Shipper up to the firm contract demand for the Contract, then for that Day the Monthly 
demand charge shall be reduced by an amount equal to the applicable Daily Demand Rate, as defined in this 
paragraph, multiplied by the difference between the quantity of gas actually delivered by Union during such Day and 
the quantity of gas which Shipper in good faith nominated on such Day.  The term “Daily Demand Rate” shall mean 
the Monthly demand charge or equivalent pursuant to the C1 Rate Schedule divided by the number of days in the 
month for which such rate is being calculated. 

 
9. In addition to the definition of force majeure in Article XI, Section 1 herein, for the purposes of the Contract, it shall also 

include the unforeseen reduction in natural gas usage and/or capacity of the local transmission system as described in 
Schedule 1 of the Contract, regardless of the duration of such unforeseen reduction, or any other cause, whether of the 
kind herein enumerated or otherwise, not within the reasonable control of the party claiming relief hereunder and 
which, by the exercise of due diligence, such party is unable to prevent or overcome. 

   
 
XII. DEFAULT AND TERMINATION 
 

In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, 
proviso, condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make 
delivery in whole or in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in 
Article XI herein) which has not been waived by the other party, then and in every such case and as often as the same 
may happen, the non-defaulting party may give written notice to the defaulting party requiring it to remedy such default 
and in the event of the defaulting party failing to remedy the same within a period of thirty (30) days from receipt of 
such notice, the non-defaulting party may at its sole option declare the Contract to be terminated and thereupon the 
Contract shall be terminated and be null and void for all purposes other than and except as to any liability of the parties 
under the same incurred before and subsisting as of termination.  The right hereby conferred upon each party shall be 
in addition to, and not in derogation of or in substitution for, any other right or remedy which the parties respectively at 
law or in equity shall or may possess. 

 
 

XIII. AMENDMENT 
 

Subject to Article XV herein and the ability of Union to amend the applicable rate schedules and price schedules, with 
the approval of the OEB (if required), no amendment or modification of the Contract shall be effective unless the same 
shall be in writing and signed by each of the Shipper and Union.  

 
 
XIV. NON-WAIVER AND FUTURE DEFAULT 
 

No waiver of any provision of the Contract shall be effective unless the same shall be in writing and signed by the party 
entitled to the benefit of such provision and then such waiver shall be effective only in the specific instance and for the 
specified purpose for which it was given.  No failure on the part of Shipper or Union to exercise, and no course of 
dealing with respect to, and no delay in exercising, any right, power or remedy under the Contract shall operate as a 
waiver thereof.   

 
 
XV. LAWS, REGULATIONS AND ORDERS 
 

The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid 
laws, orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter 
having jurisdiction and the Contract shall be varied and amended to comply with or conform to any valid order or 
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direction of any board, tribunal or administrative agency which affects any of the provisions of the Contract. 
 
 
XVI. RESERVED FOR FUTURE USE   
 

N/A 
 
 
XVII. RENEWALS 
 

The Contract will continue in full force and effect beyond the Initial Term, automatically renewing for a period of one (1) 
year, and every one (1) year thereafter.  Shipper or Union may reduce the contract demands or terminate the Contract, 
with notice in writing to the other party, at least two (2) years prior to the expiration thereof. 
 

 
XVIII. SERVICE CURTAILMENT 
 
1. Capacity Sharing:  Where requests for interruptible service hereunder exceed the capacity available for such Service, 

Union will authorize nominations from shippers and allocate capacity as per Union’s procedures and policies and 
shippers shall be so advised.  Any interruptible service provided herein are subordinate to any and all firm service 
supplied by Union, and subordinate to Union’s own operational or system requirements. 

 
2. Capacity Procedures:  Union reserves the right to change its procedures and policies for sharing interruptible capacity 

and will provide Shipper with two (2) months’ notice of any such change.    
 
3. Maintenance:  Union’s facilities from time to time may require maintenance or construction.  In the event that such 

event occurs and in Union’s sole opinion, acting reasonably, may impact its ability to meet Shipper’s requirements, 
Union shall provide at least ten (10) days’ notice to the Shipper, except in the case of emergencies.  In the event the 
maintenance impacts Union’s ability to meet Shipper’s requirements, Union shall not be liable for any damages and 
shall not be deemed to be in breach of the Contract.  To the extent that Union’s ability to receive or deliver gas is 
impaired, Demand Charge Relief shall be calculated and credited to Shipper’s invoice in accordance with Article XI, 
Section 8 herein.  Union shall use reasonable efforts to determine a mutually acceptable period during which such 
maintenance or construction will occur and also to limit the extent and duration of any impairments.  Union will 
endeavour to schedule and complete the maintenance and construction, that can be scheduled and completed, and 
which would normally be expected to impact on Union’s ability to meet its obligations of any Contract Year, during the 
period from April 1 through to October 31. 

 
4. Shipper’s Facilities:  Shipper shall complete and maintain a plan which depicts all of Shipper's production storage 

facilities including all emergency shut off valves and emergency equipment and provide a copy to Union upon Union's 
request.   Shipper shall provide to Union the names and telephone numbers of those persons whom Union may 
contact in the event of an emergency situation arising within the Shipper's facilities. 

 
 
XIX. SHIPPER’S REPRESENTATIONS AND WARRANTIES 
  
1. Shipper's Warranty:  Shipper warrants that it will, if required, maintain, or have maintained on its behalf, all external 

approvals including the governmental, regulatory, import/export permits and other approvals or authorizations that are 
required from any federal, state or provincial authorities for the gas quantities to be handled under the Contract.  
Shipper further warrants that it shall maintain in effect the Facilitating Agreements. 

 
2. Financial Representations:  Shipper represents and warrants that the financial assurances (including the Initial 

Financial Assurances and Security), if any, shall remain in place throughout the term hereof unless Shipper and Union 
agree otherwise.  Shipper shall notify Union in the event of any change to the financial assurances (including the Initial 
Financial Assurances and Security), if any, throughout the term hereof.  Should Union have reasonable grounds to 
believe that Shipper will not be able to perform or continue to perform any of its obligations under the Contract for any 
reason (a “Material Event”), then Shipper shall within fourteen (14) days of receipt of written notice by Union, obtain 
and provide to Union a letter of credit or other security in the form and amount reasonably required by Union (the 
“Security”).  In the event that Shipper does not provide to Union such Security, Union may deem a default in 
accordance with the provisions of Article XII herein. 
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In the event that Shipper in good faith, reasonably believes that it should be entitled to reduce the amount of or value of 
the Security previously provided, it may request such a reduction from Union and to the extent that the Material Event 
has been mitigated or eliminated, Union shall return all or a portion of the Security to Shipper within fourteen (14) 
Business Days after receipt of the request. 

 
3. Regulatory Approval:  Shipper represents and warrants to Union that Shipper possesses all licenses and permits 

needed to inject gas into, store gas in, and remove gas from the pool. 
 

 
XX. MISCELLANEOUS PROVISIONS 
 
1. Assignment:  Shipper may not assign the Contract without the written consent of Union and, if required, the approval of 

the OEB.  Should Union consent to the assignment, and if OEB approval is needed, Union will apply for OEB approval 
with all costs of the application to be paid by Shipper. 

 
2. Title to Gas:  Shipper represents and warrants to Union that Shipper shall have good and marketable title to, or legal 

authority to deliver to Union, all gas delivered to Union hereunder.  Furthermore, Shipper hereby agrees to indemnify 
and save Union harmless from all suits, actions, debts, accounts, damages, costs, losses and expenses arising from or 
out of claims of any or all third parties to such gas or on account of Taxes, or other charges thereon. 

  
 
XXI. PRECONDITIONS TO TRANSPORTATION SERVICES 
 
1. The obligations of Union to provide Services hereunder are subject to the following conditions precedent, which are for 

the sole benefit of Union and which may be waived or extended in whole or in part in the manner provided in the 
Contract:  

 
a. Union shall have obtained, in form and substance satisfactory to Union, and all conditions shall have been 

satisfied under, all governmental, regulatory and other third party approvals, consents, orders and 
authorizations, that are required to provide the Services; and, 

 
b. Union shall have obtained all internal approvals that are necessary or appropriate to provide the Services; 

and, 
 
c. Union shall have received from Shipper the requisite financial assurances reasonably necessary to ensure 

Shipper’s ability to honour the provisions of the Contract (the “Initial Financial Assurances”).  The Initial 
Financial Assurances, if required, will be as determined solely by Union; and, 

 
d. Shipper and Union shall have entered into the Interruptible HUB Service Contract or equivalent (the 

“Facilitating Agreement”) with Union; and, 
 
e. Shipper shall have paid any amounts owing pursuant to Schedule 1 Aid to Construction; and, 
 
f. With regard to the Union Expansion Facilities:  

 
i. Union shall have obtained, in form and substance satisfactory to Union, and all conditions shall have 

been satisfied under, all governmental, regulatory and other third party approvals, consents, orders and 
authorizations required to construct the Union Expansion Facilities; 

 
ii. Union shall have obtained all internal approvals that are necessary or appropriate to construct the Union 

Expansion Facilities;  
 

iii. Union shall have completed and placed into service the Union Expansion Facilities; and, 
 
g. Shipper shall, at Shipper's own cost and expense, have obtained a registered lease or freehold ownership in 

Union’s favour for the Union Expansion Facilities located at the Pool Station satisfactory to Union and 
sufficient to provide Union with free uninterrupted access to, from, under and above the Pool Station for a 
term (and extended terms) identical to the Contract, plus sixty (60) days (such land rights being referred to as 



 
 12 

the “Pool Station Land Rights”), and shall provide Union with a bona fide copy of such agreements prior to 
Union commencing the construction of the Union Expansion Facilities. 

 
2.    The obligations of Shipper hereunder are subject to the following conditions precedent, which are for the sole benefit of 

Shipper and which may be waived or extended in whole or in part in the manner provided in the Contract: 
 

a. Shipper shall, as required, have entered into the necessary contracts with Union and/or others to facilitate the 
Services contemplated herein, including contracts for upstream and downstream transportation, and shall 
specifically have an executed and valid Facilitating Agreement; and shall, as required, have entered into the 
necessary contracts to purchase the gas quantities handled under the Contract; and, 

 
b. Shipper shall have obtained, in form and substance satisfactory to Shipper, and all conditions shall have 

been satisfied under, all governmental, regulatory and other third party approvals, consents, orders and 
authorizations, that are required from federal, state, or provincial authorities for the gas quantities handled 
under the Contract; and, 

 
c. Shipper shall have obtained all internal approvals that are necessary or appropriate for the Shipper to 

execute the Contract. 
 

3.  Union and Shipper shall each use due diligence and reasonable efforts to satisfy and fulfil the conditions precedent 
specified in this Article XXI Section 1 a, c, d, e, f i., f iii., and g and Section 2 a and b. Each party shall notify the other 
forthwith in writing of the satisfaction or waiver of each condition precedent for such party’s benefit.  If a party 
concludes that it will not be able to satisfy a condition precedent that is for its benefit, such party may, upon written 
notice to the other party, terminate the Contract and upon the giving of such notice, the Contract shall be of no further 
force and effect and each of the parties shall be released from all further obligations thereunder. 

 
4. If any of the conditions precedent in this Article XXI Section 1 c or Section 2 are not satisfied or waived by the party 

entitled to the benefit of that condition by the Conditions Date as such term is defined in the Contract, then either party 
may, upon written notice to the other party, terminate the Contract and upon the giving of such notice, the Contract 
shall be of no further force and effect and each of the parties shall be released from all further obligations hereunder, 
provided that any rights or remedies that a party may have for breaches of the Contract prior to such termination and 
any liability a party may have incurred before such termination shall not thereby be released.  

 
 



Effective

2013-01-01

Rate C1

Page 1 of 2

(A) Applicability

(1) (2)

Ojibway WDA

St. Clair NDA

Dawn* SSMDA

Parkway SWDA

Kirkwall CDA

Bluewater EDA

*Dawn as a receipt point: Dawn (TCPL), Dawn (Facilities), Dawn (Tecumseh), Dawn (Vector) and Dawn (TSLE).

*Dawn as a delivery point: Dawn (Facilities).

(B) Services

(C) Rates  

Transportation Service:

Monthly

Demand Charge

(applied to daily

contract demand) Apr.1-Oct.31 Nov.1-Mar.31 Apr.1-Oct.31 Nov.1-Mar.31

Rate/GJ Rate/GJ Rate/GJ % %

a) Firm Transportation

Between:

  St.Clair & Dawn $1.059 $0.011 $0.014 0.201% 0.258%

  Ojibway & Dawn $1.059 $0.024 $0.016 0.435% 0.295%

  Bluewater & Dawn $1.059 $0.011 $0.014 0.201% 0.258%

From:

  Parkway to Kirkwall $0.579 $0.015 $0.009 0.268% 0.153%

  Parkway to Dawn $0.579 $0.015 $0.009 0.268% 0.153%

  Kirkwall to Dawn $1.021 $0.009 $0.009 0.153% 0.153%

  Dawn to Kirkwall $2.011 $0.017 $0.041 0.310% 0.728%

  Dawn to Parkway $2.382 $0.029 $0.054 0.527% 0.975%

  Kirkwall to Parkway $0.372 $0.021 $0.022 0.370% 0.400%

  Maximum $75.00 $75.00

            Dawn to Dawn-Vector $0.029 n/a n/a 0.330% 0.153%

            Dawn to Dawn-TCPL $0.134 n/a n/a 0.153% 0.342%

d) Interruptible Transportation between two points within Dawn*
0.153% 0.153%

Transportation Service under this rate schedule is transportation on Union’s pipeline facilities between any two Points as specified in Section (A), 

column 1. 

Fuel Ratio

*includes Dawn (TCPL), Dawn Facilities, Dawn (Tecumseh), Dawn (Vector) and Dawn (TSLE)

CROSS FRANCHISE TRANSPORTATION RATES 

Applicable Points

c) Firm Transportation between two points within Dawn

If Union supplies fuel If Shipper supplies fuel

Commodity Charges

b) Interruptible and Short Term (1 year or less) Firm Transportation:

Commodity Charge

To a Shipper who enters into a Contract with Union for delivery by Shipper of gas to Union at one of Union’s points listed below for redelivery by 

Union to Shipper at one of Union’s points.

The identified rates (excluding gas supply charges, if applicable) represent maximum prices for service.  These rates may change periodically.  Multi-

year prices may also be negotiated, which may be higher than the identified rates.

 

 



Effective

2013-01-01

Rate C1

Page 2 of 2

(C) Rates (Cont’d)

Authorized Overrun:

Commodity

Charge

Apr.1-Oct.31 Nov.1-Mar.31 Apr.1-Oct.31 Nov.1-Mar.31

a) Firm Transportation Rate/GJ Rate/GJ % % Rate/GJ
Between:

  St.Clair & Dawn $0.046 $0.049 0.201% 0.258% $0.035

  Ojibway & Dawn $0.059 $0.051 0.435% 0.295% $0.035

  Bluewater & Dawn $0.046 $0.049 0.201% 0.258% $0.035

From:

  Parkway to Kirkwall $0.127 $0.120 0.868% 0.753% $0.019

  Parkway to Dawn $0.127 $0.120 0.868% 0.753% $0.019

  Kirkwall to Dawn $0.047 $0.047 0.849% 0.849% $0.034

  Dawn to Kirkwall $0.117 $0.140 0.910% 1.328% $0.066

  Dawn to Parkway $0.141 $0.166 1.127% 1.575% $0.078

  Kirkwall to Parkway $0.066 $0.068 0.970% 1.000% $0.012

b) Firm Transportation within Dawn

Dawn to Dawn-Vector n/a n/a 0.330% 0.153% $0.001

Dawn to Dawn-TCPL n/a n/a 0.153% 0.342% $0.004

Authorized overrun for short-term firm transportation is available at negotiated rates.

Unauthorized Overrun:

Notes for Section (C) Rates:

(1)

(D) Terms of Service

(E) Nominations

(F) Receipt and Delivery Points and Pressures

Effective Chatham, Ontario

O.E.B. Order # EB-2011-0210

Supersedes EB-2012-0437 Rate Schedule effective January 1, 2013.

The Unauthorized Overrun rate shall be the higher of the reported daily spot price of gas at either, Dawn, Parkway, Niagara, Iroquois or Chicago in 

the month of or the month following the month in which the overrun occurred plus 25% for all usage on any day in excess of 102% of Union’s 

contractual obligation.

Receipt and Delivery Points and Pressures under this rate schedule shall be in accordance with Schedule “C 2010” for contracts in effect on or after 

October 1, 2010.

Nominations under this rate schedule shall be in accordance with the attached Schedule “B” for contracts in effect before October 1, 2010.  

Nominations under this rate schedule shall be in accordance with the attached Schedule “B 2010” for contracts in effect on or after October 1, 2010.

The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A” for contracts in effect before 

October 1, 2010.  The General Terms & Conditions applicable to this rate schedule shall be in accordance with the attached Schedule “A 2010” for 

contracts in effect on or after October 1, 2010.

Commodity Charges

Commodity Charge Fuel Ratio

A demand charge of $0.068/GJ/day/month will be applicable to customers contracting for firm all day transportation service in addition 

to the demand charges appearing on this schedule for all firm transportation service paths.

January 1, 2013

If Shipper supplies fuel

The following Overrun rates are applied to any quantities transported in excess of the Contract parameters.  Overrun will be authorized at Union’s 

sole discretion.

If Union supplies fuel

 

 



 

 SCHEDULE "A" 
RATE C1 

 GENERAL TERMS & CONDITIONS 
 
 
I. DEFINITIONS 
 
Except where the context expressly requires or states another meaning, the following terms, when used in these General Terms 
& Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed to have the 
following meanings: 
 
1. "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 

incorporated; 
 
2. "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
3. "day" shall mean a period of twenty-four (24) consecutive hours beginning at 9:00 a.m. Central Standard time.  The 

reference date for any day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
4. "delivery" shall mean any gas that is delivered by Union into Shipper's possession, or to the possession of Shipper's 

agent; 
 
5. "firm" shall mean service not subject to curtailment or interruption except under Articles XI and XII of this Schedule "A"; 
 
6. "gas" shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Sch. B, as amended, 

supplemented or re-enacted from time to time; 
 
7. "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and 
the temperature of the gas, air and products of combustion at standard temperature and all water formed by the 
combustion reaction condensed to the liquid state; 

 
8. "interruptible service" shall mean service subject to curtailment or interruption, after notice, at any time; 
 
9. “Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline system; 
 
10. "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance 

of one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term 
“gigajoule” (GJ) shall mean 1,000,000,000 joules; 

 
11. "limited interruptible service" shall mean gas service subject to interruption or curtailment on a limited number of days 

as specified in the Contract; 
 
12. "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 
 
13. "month" shall mean the period beginning at 9:00 a.m. Central Standard time on the first day of a calendar month and 

ending at 9:00 a.m. Central Standard time on the first day of the following calendar month; 
 
14. "OEB" means the Ontario Energy Board; 
 
15. "pascal" (Pa) shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 

metre.  The term "kilopascal" (kPa) shall mean 1,000 pascals; 
 
16. "receipt" shall mean any gas that is delivered into Union's possession, or the possession of Union’s agent; 
 
17. "Shipper" shall have the meaning as defined in the Contract and shall also include Shipper's agent(s); 
 
18. "TCPL" means TransCanada PipeLines Limited; 



 
 2 

 
19. "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    

envelope; 
 
20. "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation 

begins; 
 
21. "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees 

Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
22. "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 
 
II. GAS QUALITY 
 
1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be 
forty point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled 
supply from Shipper's gas sources of supply.  The gas to be delivered by Union may be a commingled supply from 
Union's sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other 
hydrocarbons, except methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit 
the subjection of, the gas to compression, dehydration, cooling, cleaning and other processes. 

 
2. Freedom from objectionable matter:  The gas to be delivered to/by Union hereunder, 
 

a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 
compounds used in the production, treatment, compression or dehydration of the gas or any other 
objectionable substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury 
to, or interference with, the proper operation of the lines, regulators, meters or other appliances through 
which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than 

four hundred and sixty (460) milligrams of total sulphur per cubic metre of gas, 
 

c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 

d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 
 

e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 

 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 

 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 

 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one 

point forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by 
volume of butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of 
total inerts in the gas in order to be interchangeable with other Interconnecting Pipeline gas.  

 
3. Non-conforming Gas:  In addition to any other right or remedy of a party, each party shall be entitled to refuse to accept 

delivery of any gas which does not conform to any of the specifications set out in this Article II. 
 
4. Quality of Gas Received:  The quality of the gas to be received by Union hereunder is to be of a merchantable quality 

and in accordance with the quality standards as set out by Union in this Article II, but, Union will also accept gas of a 
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quality as set out in any other Interconnecting Pipeline’s general terms and conditions, provided that all Interconnecting 
Pipelines accept such quality of gas.  In addition to any other right or remedy of a party, each party shall be entitled to 
refuse to accept delivery of any gas which does not conform to any of the specifications set out in Union’s C1 Rate 
Schedule. 

 
 
III. MEASUREMENTS 
 
1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  

The unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union 
shall be a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas 
Inspection Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of 
the Act and Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination 

of Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American 
Gas Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all 
as amended from time to time. 

 
c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the 

measurement equipment designated in Article VII herein. 
 
d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union 

hereunder from the Interconnecting Pipeline.  Such measurement shall be done in accordance with 
established practices between Union and the Interconnecting Pipeline. 

 
 
IV. RECEIPT POINT AND DELIVERY POINT 
 
1. Unless otherwise specified in the Contract, the point or points of receipt for all gas to be covered hereunder shall be on 

the outlet side of the measuring stations located at or near the point or points of connection specified in the Contract, 
where Union takes possession of the gas. 

 
2. Unless otherwise specified in the Contract, the point or points of delivery for all gas to be covered hereunder shall be 

on the outlet side of the measuring stations located at or near the point or points of connection as specified in the 
Contract where Shipper takes possession of the gas.   

 
 
V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 
Intentionally blank 
 
 
VI. FACILITIES ON SHIPPER'S PROPERTY 
 
Except under those conditions where Union is delivering to TCPL for TCPL or Shipper at Union's Parkway Point of Delivery, or to 
an Interconnecting Pipeline, or where otherwise specified in the Contract, the following will apply: 
 
1. Construction and Maintenance:  Union, at its own expense may construct, maintain and operate on Shipper's property 

at the delivery point a measuring station properly equipped with a meter or meters and any other necessary measuring 
equipment for properly measuring the gas redelivered under the Contract.  Shipper will grant to Union a lease and/or 
rights-of-way over property of Shipper as required by Union to install such facilities and to connect same to Union's 
pipeline. 
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2. Entry:  Union, its servants, agents and each of them may at any reasonable time on notice (except in cases of 

emergency) to Shipper or his duly authorized representative enter Shipper's property for the purpose of constructing, 
maintaining, removing, operating and/or repairing station equipment. 

 
3. Property:  The said station and equipment will be and remain the property of Union notwithstanding it is constructed on 

and attached to the realty of Shipper, and Union may at its own expense remove it upon termination of the Contract 
and will do so if so requested by Shipper. 

 
 
VII. MEASURING EQUIPMENT 
 
1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with 

the Act and Regulations referenced in Article III herein.  
 
2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is 

owned and operated by an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the 
purpose of determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of 
measurement and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and 
conditions as incorporated in that Interconnecting Pipeline company’s gas tariff as approved by their regulatory body.  

 
3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the redelivery point, at its own expense, 

such check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with 
the operation of Union's measuring equipment at or near the delivery point, and shall be installed, maintained and 
operated in conformity with the same standards and specifications applicable to Union's metering facilities. 

 
4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 

equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting 
done in connection with the other's measuring equipment used in measuring or checking the measurement of 
deliveries of gas to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention 
to carry out the acts herein specified.  The records from such measuring equipment shall remain the property of their 
owner, but upon request each will submit to the other its records and charts, together with calculations therefrom, for 
inspection and verification, subject to return within ten (10) days after receipt thereof. 

 
5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by 

Union at reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be 
required to verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event 
either party notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to 
secure a prompt verification of the accuracy of such equipment.  The expense of any such special test, if called for by 
Shipper, shall be borne by Shipper if the measuring equipment tested is found to be in error by not more than two per 
cent (2%).  If, upon test, any measuring equipment is found to be in error by not more than two per cent (2%), previous 
recordings of such equipment shall be considered accurate in computing receipts and deliveries of gas, but such 
equipment shall be adjusted at once to record as near to absolute accuracy as possible.  If the test conducted shows a 
percentage of inaccuracy greater than two percent (2%), the financial adjustment, if any, shall be calculated in 
accordance with the Act and Regulations, as may be amended from time to time and in accordance with any successor 
statutes and regulations. 

 
6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test 

data, and other relevant records. 
 
7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure, (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights 
as Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection 
and/or verification rights and procedures. 
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VIII. BILLING 
 
1. Monthly Billing Date:  Union shall render bills on or before the 10th day of each month for all services furnished during 

the preceding month. Such charges may be based on estimated quantities, if actual quantities are unavailable in time 
to prepare the billing.  Union shall provide, in a succeeding month's billing, an adjustment based on any difference 
between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to Shipper is 
delayed after the 10th day of the month, then the time of payment shall be extended accordingly, unless Shipper is 
responsible for such delay. 

 
2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, 

records and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation 
made under or pursuant to the provisions of the Contract. 

 
 
IX. PAYMENTS 
 
1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the 

invoice on or before the twentieth (20th) day of each month.  If the payment date is not a business day, then payment 
must be received in Union's account on the first business day preceding the twentieth (20th) day of the month. 

 
2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such 

amount is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date 
until the date of payment.   

 
b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other 

remedy it may have under the Contract, may suspend service(s) until such amount is paid.  Notwithstanding 
such suspension, all demand charges shall continue to accrue hereunder as if such suspension were not in 
place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as 
it concedes to be correct. At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall 
furnish financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due 
upon such bill after a final determination.  Such a final determination may be reached either by agreement, arbitration 
decision or judgement of the courts, as may be the case. Union shall not be entitled to suspend service(s) because of 
such non-payment unless and until default occurs in the conditions of such financial assurances or default occurs in 
payment of any other amount due to Union hereunder. 

 
Notwithstanding the foregoing paragraph(s), Shipper is not relieved from the obligation to continue its deliveries of gas 
to Union under the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to 
Union. 
 

3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 
form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at 
a rate per annum determined each day during the calculation period to be equal to the minimum commercial lending 
rate of Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  
In the event Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect 
actual measurement shall be made on the bill next following the determination of such actual measurement, without 
any charge of interest.  In the event an error is discovered in the amount billed in any statement rendered by Union, 
such error shall be adjusted by Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill 
next following its determination (where the term "bill" next following shall mean a bill rendered at least fourteen (14) 
days after the day of its determination), provided that claim therefore shall  have been made within six (6) years from 
the date of the incorrect billing. In the event any refund is issued with Shipper's gas bill, the aforesaid date of refund 
shall be deemed to be the date of the issue of bill. 
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X. ARBITRATION 
 
If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything herein 
contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter hereunder, the 
matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of either party.  Upon 
such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A majority decision of the 
arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the Arbitration Act of the Province 
of Ontario, or any act passed in amendment thereof or substitution therefore, shall apply to each such submission.  Operations 
under the Contract shall continue, without prejudice, during any such arbitration and the costs attributable to such arbitration 
shall be shared equally by the parties hereto. 
 
 
XI. FORCE MAJEURE 
 
1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, 

acts of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, 
fires, storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, 
breakage or accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, 
supplies, permits or labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or 
authority (civil or military), any act or omission that is excused by any event or occurrence of the character herein 
defined as constituting force majeure, any act or omission by parties not controlled by the party having the difficulty and 
any other similar cases not within the control of the party claiming suspension and which by the exercise of due 
diligence such party is unable to prevent or overcome. 

 
2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or 

comply with any obligation or condition of the Contract, such party shall give notice and full particulars of such force 
majeure in writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible 
after the occurrence of the cause relied on and subject to the provision of this Article. 

 
3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a 
period within which it should acting reasonably have determined, that the occurrence was in the nature of force 
majeure and would affect its ability to observe or perform any of its conditions or obligations under the Contract, give to 
the other party the notice required hereunder. 

 
4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is 

remedied, to the extent that the same has been remedied, and that such party has resumed or is then in a position to 
resume the performance of the obligations and conditions of the Contract. 

 
5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas 

by Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for 
payment obligations, to the extent of and for the duration of the force majeure. 

 
6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall 

not relieve Shipper of any payment obligations.  
 
7. Delay of Firm Transportation Services: Despite Article XI herein, if Union is prevented, by reason of an event of force 

majeure on Union’s system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, 
Union shall thereafter make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or 
Days as are agreed to by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any 
demand charge relief as contemplated under Article XI herein.  
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8. Demand Charge Relief for Firm Transportation Services: Despite Article XI herein, if on any Day Union fails to accept 
gas from Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas 
nominated hereunder by Shipper up to the firm Contract Demand for that Contract, then for that Day the Monthly 
demand charge shall be reduced by an amount equal to the applicable Daily Demand Rate, as defined in this 
paragraph, multiplied by the difference between the quantity of gas actually delivered by Union during such Day and 
the quantity of gas which Shipper in good faith nominated on such Day.  The term “Daily Demand Rate” shall mean 
the Monthly demand charge or equivalent pursuant to the C1 Rate Schedule divided by the number of days in the 
month for which such rate is being calculated. 

 
9. If, due to the occurrence of an event of force majeure as outlined above, the capacity for gas deliveries by Union is 

impaired, it will be necessary for Union to curtail Shipper's gas receipts to Union hereunder, via proration based on 
utilization of such facilities for the Day.   This prorating shall be determined by multiplying the capability of such facilities 
as available downstream of the impairment on the Day, by a fraction where the numerator is Shipper's nominated firm 
quantity and the denominator is the total of all such nominated firm quantities for nominated services and planned 
consumption for in-franchise customers on the Day.  For the purposes of this Article XI, firm services shall mean all firm 
services provided by Union to in-franchise customers and ex-franchise shippers. 

 
 
XII. DEFAULT AND TERMINATION 
 
In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, proviso, 
condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make delivery in whole or 
in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in Article XI hereof) which has 
not been waived by the other party, then and in every such case and as often as the same may happen, the Non-defaulting party 
may give written notice to the Defaulting party requiring it to remedy such default and in the event of the Defaulting party failing to 
remedy the same within a period of thirty (30) days from receipt of such notice, the Non-defaulting party may at its sole option 
declare the Contract to be terminated and thereupon the Contract shall be terminated and be null and void for all purposes other 
than and except as to any liability of the parties under the same incurred before and subsisting as of termination.  The right 
hereby conferred upon each party shall be in addition to, and not in derogation of or in substitution for, any other right or remedy 
which the parties respectively at law or in equity shall or may possess. 
 
 
XIII. MODIFICATION 
 
Subject to Union’s C1 Rate Schedule, Schedule A, Article XV and the ability of Union to amend the C1 Rate Schedule with the 
approval of the OEB, no amendment or modification of the Contract shall be effective unless the same shall be in writing and 
signed by each of the Shipper and Union.  
 
 
XIV. NON-WAIVER AND FUTURE DEFAULT 
 
Intentionally blank 
 
 
XV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having jurisdiction 
and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any board, tribunal or 
administrative agency which affects any of the provisions of the Contract. 
 
 



SCHEDULE “A 2010” 
 

RATE C1 
GENERAL TERMS & CONDITIONS 

 
 

I. DEFINITIONS 
 

Except where the context expressly requires or states another meaning, the following terms, when used in these General 
Terms & Conditions and in any contract into which these General Terms & Conditions are incorporated, shall be construed 
to have the following meanings: 
 
“Authorized Overrun” shall mean the amount by which Shipper’s Authorized Quantity exceeds the Contract Demand; 

 
“Available Capacity” shall mean at any time, Union’s remaining available capacity to provide Transportation Services; 

   
 "Business Day" shall mean any day, other than Saturday, Sunday or any days on which national banks in the Province of 

Ontario are authorized to close; 
 

 "Contract" shall refer to the Contract to which these General Terms & Conditions shall apply, and into which they are 
incorporated; 
 
“Contract Year” shall mean a period of three hundred and sixty-five (365) consecutive days; provided however, that any 
such period which contains a date of February 29 shall consist of three hundred and sixty-six (366) consecutive days, 
commencing on November 1 of each year; except for the first Contract Year which shall commence on the Commencement 
Date and end on the first October 31 that follows such date;  
 

           "cricondentherm hydrocarbon dewpoint" shall mean the highest hydrocarbon dewpoint temperature on the phase    
envelope; 

 
 "cubic metre" shall mean the volume of gas which occupies one cubic metre when such gas is at a temperature of 15 

degrees Celsius, and at a pressure of 101.325 kilopascals absolute; 
 
 “Day” shall mean a period of twenty-four (24) consecutive hours beginning at 10:00 a.m. Eastern Clock Time.  The 

reference date for any Day shall be the calendar date upon which the twenty-four (24) hour period shall commence; 
 
 "delivery" shall mean any gas that is delivered by Union into Shipper's possession, or to the possession of Shipper's agent; 
 

“Eastern Clock Time” shall mean the local clock time in the Eastern Time Zone on any Day;  
 
 “Expansion Facilities” shall mean any new facilities to be constructed by Union in order to provide Transportation 

Services; 
 
 "firm" shall mean service not subject to curtailment or interruption except under Articles XI, XII and XVIII herein;  
 
 "gas"  shall mean gas as defined in the Ontario Energy Board Act, 1998, S.O. 1998, c.15, Sch. B, as amended, 

supplemented or re-enacted from time to time; 
 
 "gross heating value" shall mean the total heat expressed in megajoules per cubic metre (MJ/m³) produced by the 

complete combustion at constant pressure of one (1) cubic metre of gas with air, with the gas free of water vapour and the 
temperature of the gas, air and products of combustion at standard temperature and all water formed by the combustion 
reaction condensed to the liquid state; 

 
 "hydrocarbon dewpoint" shall mean temperature at a specific pressure where hydrocarbon vapour condensation begins; 
 
 “Interruptible HUB Service Contract” shall mean a contract between Shipper and Union under which Union provides 

interruptible HUB service; 
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"interruptible service" or “Interruptible” shall mean service subject to curtailment or interruption, after notice, at any     
time; 
 
“Interconnecting Pipeline” shall mean a pipeline that directly connects to the Union pipeline system; 

 
 "joule" (J) shall mean the work done when the point of application of a force of one (1) newton is displaced a distance of 

one (1) metre in the direction of the force.  The term "megajoule" (MJ) shall mean 1,000,000 joules.  The term “gigajoule” 
(GJ) shall mean 1,000,000,000 joules; 

 
 “Limited Firm” shall mean gas service subject to interruption or curtailment on a limited number of Days as specified in the 

Contract; 
 

 “Loaned Quantities” shall mean those quantities of gas loaned to Shipper under the Facilitating Agreement; 
 
 "m³" shall mean cubic metre of gas and "10³m³" shall mean 1,000 cubic metres of gas; 

 
 “Month” shall mean the period beginning at 10:00 a.m. Eastern Clock Time on the first day of a calendar month and ending 

at 10:00 a.m. Eastern Clock Time on the first day of the following calendar month; 
 
 “NAESB” shall mean North American Energy Standards Board; 
 
 "OEB" means the Ontario Energy Board; 
 
 “Open Season” or “open season” shall mean an open access auction or bidding process held by Union as a method of 

allocating capacity; 
 

            "pascal" “(Pa)” shall mean the pressure produced when a force of one (1) newton is applied to an area of one (1) square 
metre.  The term "kilopascal" “(kPa)” shall mean 1,000 pascals; 

 
 "receipt" shall mean any gas that is delivered into Union's possession, or the possession of Union’s agent; 
  
 "Shipper" shall have the meaning as defined in the Contract, and shall also include Shipper’s agent(s); 
 
 "specific gravity" shall mean density of the gas divided by density of air, with both at a temperature of 15 degrees Celsius, 

and at a pressure of 101.325 kilopascals absolute; 
 
  “Taxes” shall mean any tax (other than tax on income or tax on property), duty, royalty, levy, license, fee or charge not 

included in the charges and rates as per the applicable rate schedule (including but not limited to charges under any form 
of cap and trade, carbon tax, or similar system) and that is levied, assessed or made by any governmental authority on the 
gas itself, or the act, right, or privilege of producing, severing, gathering, storing, transporting, handling, selling or delivering 
gas under the Contract; 

 
 "TCPL" means TransCanada PipeLines Limited; 
  

 "Wobbe Number" shall mean gross heating value of the gas divided by the square root of its specific gravity. 
 

 
II. GAS QUALITY 

 
  1. Natural Gas:  The minimum gross heating value of the gas delivered to/by Union hereunder, shall be thirty-six (36) 

megajoules per cubic metre.  The maximum gross heating value of the gas delivered to/by Union hereunder shall be forty 
point two (40.2) megajoules per cubic metre.  The gas to be delivered hereunder to Union may be a commingled supply 
from Shipper’s gas sources of supply.  The gas to be delivered by Union may be a commingled supply from Union's 
sources of gas supply; provided, however, that helium, natural gasoline, butane, propane and other hydrocarbons, except 
methane, may be removed prior to delivery to Shipper.  Further, Union may subject, or permit the subjection of, the gas to 
compression, dehydration, cooling, cleaning and other processes. 
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  2. Freedom from objectionable matter:  The gas to be delivered to/by Union hereunder, 
 
a. shall be commercially free from bacteria, sand, dust, gums, crude oils, lubricating oils, liquids, chemicals or 

compounds used in the production, treatment, compression or dehydration of the gas or any other objectionable 
substance in sufficient quantity so as to render the gas toxic, unmerchantable or cause injury to, or interference 
with, the proper operation of the lines, regulators, meters or other appliances through which it flows, 

 
b. shall not contain more than seven (7) milligrams of hydrogen sulphide per cubic metre of gas, nor more than four 

hundred and sixty (460) milligrams of total sulphur per cubic metre of gas, 
 

c. shall not contain more than five (5) milligrams of mercaptan sulphur per cubic metre of gas, 
 

d. shall not contain more than two point zero (2.0) molar percent by volume of carbon dioxide in the gas, 
 

e. shall not contain more than zero point four (0.4) molar percent by volume of oxygen in the gas, 
 
f. shall not contain more than zero point five (0.5) molar percent by volume of carbon monoxide in the gas, 
 
g. shall not contain more than four point zero (4.0) molar percent by volume of hydrogen in the gas, 

 
h. shall not contain more than sixty-five (65) milligrams of water vapour per cubic metre of gas, 

 
i. shall not have a cricondentherm hydrocarbon dewpoint exceeding minus eight (-8) degrees Celsius, 

 
j. shall have Wobbe Number from forty seven point fifty (47.50) megajoules per cubic metre of gas to fifty one point 

forty six (51.46) megajoules per cubic metre of gas, maximum of one point five (1.5) mole percent by volume of 
butane plus (C4+) in the gas, and maximum of four point zero (4.0) mole percent by volume of total inerts in the gas 
in order to be interchangeable with other Interconnecting Pipeline gas. 

 
  3. Non-conforming Gas:  In addition to any other right or remedy of a party, each party shall be entitled to refuse to accept 

delivery of any gas which does not conform to any of the specifications set out in this Article II. 
 

  4. Quality of Gas Received:  The quality of the gas to be received by Union hereunder is to be of a merchantable quality and 
in accordance with the quality standards as set out by Union in this Article II, but, Union will also accept gas of a quality as 
set out in any other Interconnecting Pipeline’s general terms and conditions, provided that all Interconnecting Pipelines 
accept such quality of gas.  In addition to any other right or remedy of a party, each party shall be entitled to refuse to 
accept delivery of any gas which does not conform to any of the specifications set out in Union’s C1 Rate Schedule.  

 
 

III. MEASUREMENTS 
 

  1. Storage, Transportation, and/or Sales Unit:  The unit of the gas delivered to Union shall be a megajoule or a gigajoule.  The 
unit of gas transported or stored by Union shall be a megajoule or a gigajoule.  The unit of gas delivered by Union shall be 
a megajoule, a gigajoule, a cubic metre (m³) or one thousand cubic metres (10³m³) at Union’s discretion. 

 
  2. Determination of Volume and Energy: 
 

a. The volume and energy amounts determined under the Contract shall be determined in accordance with the 
Electricity and Gas Inspection Act (Canada), RSC 1985, c E-4- (the “Act”) and the Electricity and Gas Inspection 
Regulations, SOR 86/131 (the “Regulations”), and any documents issued under the authority of the Act and 
Regulations and any amendments thereto. 

 
b. The supercompressibility factor shall be determined in accordance with either the “Manual for Determination of 

Supercompressibility Factors for Natural Gas” (PAR Project NX-19) published in 1962 or with American Gas 
Association Transmission Measurement Committee Report No. 8, Nov. 1992, at Union’s discretion, all as amended 
from time to time. 
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c. The volume and/or energy of the gas delivered to/by Union hereunder shall be determined by the measurement 
equipment designated in Article VII herein. 

 
d. Upon request by Union, Shipper shall obtain measurement of the total quantity of gas received by Union hereunder 

from the Interconnecting Pipeline.  Such measurement shall be done in accordance with established practices 
between Union and the Interconnecting Pipeline. 

 
 

IV. RECEIPT POINT AND DELIVERY POINT 
 

  1. Unless otherwise specified in the Contract, the point or points of receipt and point or points of delivery for all gas to be 
covered hereunder shall be on the outlet side of the measuring stations located at or near the point or points of connection 
specified in the Contract, where possession of the gas changes from one party to the other, and as per Schedule “C 2010”. 

 
 

V. POSSESSION OF AND RESPONSIBILITY FOR GAS 
 

  1. Union accepts no responsibility for any gas prior to such gas being delivered to Union at the Receipt Point or after its 
delivery by Union at the Delivery Point.  As between the parties hereto, Union shall be deemed to be in control and 
possession of and responsible for all such gas from the time that such gas enters Union's system until such gas is 
delivered to Shipper. 

  
  2. Shipper agrees that Union is not a common carrier and is not an insurer of Shipper’s gas, and that Union shall not be liable 

to Shipper or any third party for loss of gas in Union’s possession, except to the extent such loss is caused entirely by 
Union’s negligence or wilful misconduct.   

 
 
VI. FACILITIES ON SHIPPER’S PROPERTY 

 
Except under those conditions where Union is delivering to TCPL for TCPL or Shipper at Parkway (TCPL), or to an 
Interconnecting Pipeline, or where otherwise specified in the Contract, the following will apply: 

 
  1. Construction and Maintenance:  Union, at its own expense may construct, maintain and operate on Shipper's property at 

the delivery point a measuring station properly equipped with a meter or meters and any other necessary measuring 
equipment for properly measuring the gas redelivered under the Contract.  Shipper will grant to Union a lease and/or 
rights-of-way over property of Shipper as required by Union to install such facilities and to connect same to Union's 
pipeline. 

 
  2. Entry:  Union, its servants, agents and each of them may at any reasonable time on notice (except in cases of emergency) 

to Shipper or his duly authorized representative enter Shipper's property for the purpose of constructing, maintaining, 
removing, operating and/or repairing station equipment. 

 
  3. Property:  The said station and equipment will be and remain the property of Union notwithstanding it is constructed on and 

attached to the realty of Shipper, and Union may at its own expense remove it upon termination of the Contract and will do 
so if so requested by Shipper. 

 
 

VII. MEASURING EQUIPMENT 
 

  1. Metering by Union:  Union will install and operate meters and related equipment as required and in accordance with the Act 
and Regulations referenced in Article III herein.  

 
  2. Metering by Others:  In the event that all or any gas delivered to/by Union hereunder is measured by a meter that is owned 

and operated by an Interconnecting Pipeline, then Union and Shipper agree to accept that metering for the purpose of 
determining the volume and energy of gas delivered to/by Union on behalf of the Shipper.  The standard of measurement 
and tests for the gas delivered to/by Union hereunder shall be in accordance with the general terms and conditions as 
incorporated in that Interconnecting Pipeline company’s gas tariff as approved by its regulatory body.  
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  3. Check Measuring Equipment:  Shipper may install, maintain and operate, at the redelivery point, at its own expense, such 

check measuring equipment as desired, provided that such equipment shall be so installed as not to interfere with the 
operation of Union's measuring equipment at or near the delivery point, and shall be installed, maintained and operated in 
conformity with the same standards and specifications applicable to Union's metering facilities. 

 
  4. Rights of Parties:  The measuring equipment installed by either party, together with any building erected by it for such 

equipment, shall be and remain its property.  However, Union and Shipper shall have the right to have representatives 
present at the time of any installing, reading, cleaning, changing, repairing, inspecting, testing, calibrating, or adjusting done 
in connection with the other's measuring equipment used in measuring or checking the measurement of deliveries of gas 
to/by Union under the Contract.  Either party will give the other party reasonable notice of its intention to carry out the acts 
herein specified.  The records from such measuring equipment shall remain the property of their owner, but upon request 
each will submit to the other its records and charts, together with calculations therefrom, for inspection and verification, 
subject to return within ten (10) days after receipt thereof. 

 
  5. Calibration and Test of Measuring Equipment:  The accuracy of Union's measuring equipment shall be verified by Union at 

reasonable intervals, and if requested, in the presence of representatives of Shipper, but Union shall not be required to 
verify the accuracy of such equipment more frequently than once in any thirty (30) day period.  In the event either party 
notifies the other that it desires a special test of any measuring equipment, the parties shall co-operate to secure a prompt 
verification of the accuracy of such equipment.  The expense of any such special test, if called for by Shipper, shall be 
borne by Shipper if the measuring equipment tested is found to be in error by not more than two per cent (2%).  If, upon 
test, any measuring equipment is found to be in error by not more than two per cent (2%), previous recordings of such 
equipment shall be considered accurate in computing receipts and deliveries of gas, but such equipment shall be adjusted 
at once to record as near to absolute accuracy as possible.  If the test conducted shows a percentage of inaccuracy greater 
than two percent (2%), the financial adjustment, if any, shall be calculated in accordance with the Act and Regulations, as 
may be amended from time to time and in accordance with any successor statutes and regulations. 

 
  6. Preservation of Metering Records:  Union and Shipper shall each preserve for a period of at least six (6) years all test data, 

and other relevant records. 
 
  7. Error in Metering or Meter Failure:  In the event of an error in metering or a meter failure, (such error or failure being 

determined through check measurement by Union or any other available method), then Shipper shall enforce its rights as 
Shipper with the Interconnecting Pipeline(s) to remedy such error or failure including enforcing any inspection and/or 
verification rights and procedures. 

 
 

VIII. BILLING 
 

  1. Monthly Billing Date:  Union shall render bills on or before the tenth (10th) day of each month for all Transportation Services 
furnished during the preceding Month. Such charges may be based on estimated quantities, if actual quantities are 
unavailable in time to prepare the billing.  Union shall provide, in a succeeding Month's billing, an adjustment based on any 
difference between actual quantities and estimated quantities, without any interest charge.  If presentation of a bill to 
Shipper is delayed after the tenth (10th) day of the month, then the time of payment shall be extended accordingly, unless 
Shipper is responsible for such delay. 

 
  2. Right of Examination:  Both Union and Shipper shall have the right to examine at any reasonable time the books, records 

and charts of the other to the extent necessary to verify the accuracy of any statement, chart or computation made under or 
pursuant to the provisions of the Contract. 

 
  3. Amendment of Statements: For the purpose of completing a final determination of the actual quantities of gas handled in 

any of the Transportation Services to Shipper, the parties shall have the right to amend their statement for a period equal to 
the time during which the Interconnecting Pipeline retains the right to amend their statements, which period shall not 
exceed three (3) years from the date of termination of the Contract.  
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IX. PAYMENTS 
 

  1. Monthly Payments:  Shipper shall pay the invoiced amount directly into Union’s bank account as directed on the invoice on 
or before the twentieth (20th) day of each month.   If the payment date is not a Business Day, then payment must be 
received in Union’s account on the first Business Day preceding the twentieth (20th) day of the month. 

 
  2. Remedies for Non-payment:  Should Shipper fail to pay all of the amount of any bill as herein provided when such amount 

is due,  
 

a. Shipper shall pay to Union interest on the unpaid portion of the bill accruing at a rate per annum equal to the 
minimum commercial lending rate of Union's principal banker in effect from time to time from the due date until the 
date of payment; and,   

 
b. If such failure to pay continues for thirty (30) days after payment is due, Union, in addition to any other remedy it 

may have under the Contract, may suspend Services until such amount is paid.  Notwithstanding such suspension, 
all demand charges shall continue to accrue hereunder as if such suspension were not in place. 

 
If Shipper in good faith disputes the amount of any such bill or part thereof Shipper shall pay to Union such amounts as it 
concedes to be correct. At any time thereafter, within twenty (20) days of a demand made by Union, Shipper shall furnish 
financial assurances satisfactory to Union, guaranteeing payment to Union of the amount ultimately found due upon such 
bill after a final determination.  Such a final determination may be reached either by agreement, arbitration decision or 
judgement of the courts, as may be the case. Union shall not be entitled to suspend Services because of such non-
payment unless and until default occurs in the conditions of such financial assurances or default occurs in payment of any 
other amount due to Union hereunder. 

 
Notwithstanding the foregoing, Shipper is not relieved from the obligation to continue its deliveries of gas to Union under 
the terms of any agreement, where Shipper has contracted to deliver specified quantities of gas to Union. 

 
  3. Billing Adjustments:  If it shall be found that at any time or times Shipper has been overcharged or undercharged in any 

form whatsoever under the provisions of the Contract and Shipper shall have actually paid the bills containing such 
overcharge or undercharge, Union shall refund the amount of any such overcharge and interest shall accrue from and 
including the first day of such overcharge as paid to the date of refund and shall be calculated but not compounded at a 
rate per annum determined each day during the calculation period to be equal to the minimum commercial lending rate of 
Union's principal banker, and the Shipper shall pay the amount of any such undercharge, but without interest.  In the event 
Union renders a bill to Shipper based upon measurement estimates, the required adjustment to reflect actual measurement 
shall be made on the bill next following the determination of such actual measurement, without any charge of interest.  In 
the event an error is discovered in the amount billed in any statement rendered by Union, such error shall be adjusted by 
Union.  Such overcharge, undercharge or error shall be adjusted by Union on the bill next following its determination (where 
the term "bill next following” shall mean a bill rendered at least fourteen (14) days after the day of its determination), 
provided that claim therefore shall  have been made within three (3) years from the date of the incorrect billing. In the event 
any refund is issued with Shipper's bill, the aforesaid date of refund shall be deemed to be the date of the issue of bill. 

 
  4. Taxes: 

 
In addition to the charges and rates as per the applicable rate schedules and price schedules, Shipper shall pay all Taxes 
which are imposed currently or subsequent to the execution of the Contract by any legal authority having jurisdiction and 
any amount in lieu of such Taxes paid or payable by Union. 
 

  5. Set Off:  
 

If either party shall, at any time, be in arrears under any of its payment obligations to the other party under the Contract, 
then the party not in arrears shall be entitled to reduce the amount payable by it to the other party in arrears under the 
Contract, or any other contract, by an amount equal to the amount of such arrears or other indebtedness to the other party.  
In addition to the foregoing remedy, Union may, upon forty-eight (48) hours verbal notice, to be followed by written notice, 
take possession of any or all of Shipper’s gas under the Contract or any enhancement to the Contract, which shall be 
deemed to have been assigned to Union, to reduce such arrears or other indebtedness to Union. 

 



 

 
 7 

X. ARBITRATION 
 

If and when any dispute, difference or question shall arise between the parties hereto touching the Contract or anything 
herein contained, or the construction hereof, or the rights, duties or liabilities of the parties in relation to any matter 
hereunder, the matter in dispute shall be submitted and referred to arbitration within ten (10) days after written request of 
either party.  Upon such request each party shall appoint an arbitrator, and the two so appointed shall appoint a third.  A 
majority decision of the arbitrators shall be final and binding upon both parties.  In all other respects the provisions of the 
Arbitration Act, 1991, or any act passed in amendment thereof or substitution therefore, shall apply to each such 
submission.  Operations under the Contract shall continue, without prejudice, during any such arbitration and the costs 
attributable to such arbitration shall be shared equally by the parties hereto. 

 
 

XI. FORCE MAJEURE 
 

  1. The term "force majeure" as used herein shall mean acts of God, strikes, lockouts or any other industrial disturbance, acts 
of the public enemy, sabotage, wars, blockades, insurrections, riots, epidemics, landslides, lightning, earthquakes, fires, 
storms, floods, washouts, arrests and restraints of governments and people, civil disturbances, explosions, breakage or 
accident to machinery or lines of pipe, freezing of wells or lines of pipe, inability to obtain materials, supplies, permits or 
labour, any laws, orders, rules, regulations, acts or restraints of any governmental body or authority (civil or military), any 
act or omission that is excused by any event or occurrence of the character herein defined as constituting force majeure, 
any act or omission by parties not controlled by the party having the difficulty and any other similar cases not within the 
control of the party claiming suspension and which by the exercise of due diligence such party is unable to prevent or 
overcome. 

 
  2. In the event that either the Shipper or Union is rendered unable, in whole or in part, by force majeure, to perform or comply 

with any obligation or condition of the Contract, such party shall give notice and full particulars of such force majeure in 
writing delivered by hand, fax or other direct written electronic means to the other party as soon as possible after the 
occurrence of the cause relied on and subject to the provision of this Article. 

 
  3. Neither party shall be entitled to the benefit of the provisions of force majeure hereunder if any or all of the following 

circumstances prevail:  the failure resulting in a condition of force majeure was caused by the negligence of the party 
claiming suspension; the failure was caused by the party claiming suspension where such party failed to remedy the 
condition by making all reasonable efforts (short of litigation, if such remedy would require litigation); the party claiming 
suspension failed to resume the performance of such condition obligations with reasonable dispatch; the failure was 
caused by lack of funds; the party claiming suspension did not, as soon as possible after determining, or within a period 
within which it should acting reasonably have determined, that the occurrence was in the nature of force majeure and would 
affect its ability to observe or perform any of its conditions or obligations under the Contract, give to the other party the 
notice required hereunder. 

 
  4. The party claiming suspension shall likewise give notice as soon as possible after the force majeure condition is remedied, 

to the extent that the same has been remedied, and that such party has resumed or is then in a position to resume the 
performance of the obligations and conditions of the Contract. 

 
  5. An event of force majeure on Union’s system will excuse the failure to deliver gas by Union or the failure to accept gas by 

Union hereunder, and both parties shall be excused from performance of their obligations hereunder, except for payment 
obligations, to the extent of and for the duration of the force majeure. 

 
  6. Upstream or Downstream Force Majeure: An event of force majeure upstream or downstream of Union’s system shall not 

relieve Shipper of any payment obligations.  
 

  7. Delay of Firm Transportation Services: Despite Article XI herein, if Union is prevented, by reason of an event of force 
majeure on Union’s system from delivering gas on the Day or Days upon which Union has accepted gas from Shipper, 
Union shall thereafter make all reasonable efforts to deliver such quantities as soon as practicable and on such Day or 
Days as are agreed to by Shipper and Union.  If Union accepts such gas on this basis, Shipper shall not receive any 
demand charge relief as contemplated under Article XI herein.  
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  8. Demand Charge Relief for Firm Transportation Services: Despite Article XI herein, if on any Day Union fails to accept gas 
from Shipper by reason of an event of force majeure on Union’s system and fails to deliver the quantity of gas nominated 
hereunder by Shipper up to the firm Contract Demand for that Contract, then for that Day the Monthly demand charge shall 
be reduced by an amount equal to the applicable Daily Demand Rate, as defined in this paragraph, multiplied by the 
difference between the quantity of gas actually delivered by Union during such Day and the quantity of gas which Shipper 
in good faith nominated on such Day.  The term “Daily Demand Rate” shall mean the Monthly demand charge or 
equivalent pursuant to the C1 Rate Schedule divided by the number of days in the month for which such rate is being 
calculated. 

 
  9. If, due to the occurrence of an event of force majeure as outlined above, the capacity for gas deliveries by Union is 

impaired, it will be necessary for Union to curtail Shipper's gas receipts to Union hereunder, via proration based on 
utilization of such facilities for the Day.   This prorating shall be determined by multiplying the capability of such facilities as 
available downstream of the impairment on the Day, by a fraction where the numerator is Shipper's nominated firm quantity 
and the denominator is the total of all such nominated firm quantities for nominated services and planned consumption for 
in-franchise customers on the Day.  For the purposes of this Article XI, firm services shall mean all firm services provided 
by Union to in-franchise customers and ex-franchise shippers. 

 
 

XII. DEFAULT AND TERMINATION 
 

In case of the breach or non-observance or non-performance on the part of either party hereto of any covenant, proviso, 
condition, restriction or stipulation contained in the Contract (but not including herein failure to take or make delivery in 
whole or in part of the gas delivered to/by Union hereunder occasioned by any of the reasons provided for in Article XI 
herein) which has not been waived by the other party, then and in every such case and as often as the same may happen, 
the non-defaulting party may give written notice to the defaulting party requiring it to remedy such default and in the event 
of the defaulting party failing to remedy the same within a period of thirty (30) days from receipt of such notice, the non-
defaulting party may at its sole option declare the Contract to be terminated and thereupon the Contract shall be terminated 
and be null and void for all purposes other than and except as to any liability of the parties under the same incurred before 
and subsisting as of termination.  The right hereby conferred upon each party shall be in addition to, and not in derogation 
of or in substitution for, any other right or remedy which the parties respectively at law or in equity shall or may possess. 

 
 

XIII. AMENDMENT 
 

Subject to Article XV herein and the ability of Union to amend the applicable rate schedules and price schedules, with the 
approval of the OEB (if required), no amendment or modification of the Contract shall be effective unless the same shall be 
in writing and signed by each of the Shipper and Union.  

 
 

XIV. NON-WAIVER AND FUTURE DEFAULT 
 

No waiver of any provision of the Contract shall be effective unless the same shall be in writing and signed by the party 
entitled to the benefit of such provision and then such waiver shall be effective only in the specific instance and for the 
specified purpose for which it was given.  No failure on the part of Shipper or Union to exercise, and no course of dealing 
with respect to, and no delay in exercising, any right, power or remedy under the Contract shall operate as a waiver thereof. 

 
 

XV. LAWS, REGULATIONS AND ORDERS 
 
The Contract and the respective rights and obligations of the parties hereto are subject to all present and future valid laws, 
orders, rules and regulations of any competent legislative body, or duly constituted authority now or hereafter having 
jurisdiction and the Contract shall be varied and amended to comply with or conform to any valid order or direction of any 
board, tribunal or administrative agency which affects any of the provisions of the Contract. 
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XVI. ALLOCATION OF CAPACITY  
 

  1. A potential shipper may request transportation service on Union’s system at any time. Any request for C1 transportation 
service must include: potential shipper’s legal name, Receipt Point(s), Delivery Point(s), Commencement Date, Initial Term, 
Contract Demand, proposed payment, and type of transportation service requested.  
 

  2. If requests for firm transportation services cannot be met through existing capacity such that the only way to satisfy the 
requests for transportation service would require the construction of Expansion Facilities which create new capacity, Union 
shall allocate any such new capacity by open season, subject to the terms of the open season, and these General Terms 
and Conditions.  
 

  3. If requests for long-term transportation service can be met through existing facilities upon which long-term capacity is 
becoming available, Union shall allocate such long-term capacity by open season, subject to the terms of the open season, 
and these General Terms and Conditions. “Long-term”, for the purposes of this Article XVI, means, in the case of a 
transportation service,  a service that has a term of one year or greater. 

 
 4.         Capacity requests received during an open season shall be awarded starting with those bids with the highest economic 

value.  If the economic values of two or more independent bids are equal, then service shall be allocated on a pro-rata 
basis. The economic value shall be based on the net present value which shall be calculated based on the proposed per- 
unit rate and the proposed term of the contract and without regard to the proposed Contract Demand (“NPV”). 
 

  5. Union may at any time allocate capacity to respond to any C1 transportation service request through an open season. If a 
potential shipper requests C1 transportation service that can be provided through Available Capacity that was previously 
offered by Union in an open season but was not awarded, then: 

  
a. Any such request must conform to the requirements of Section 1 of this Article XVI; 
 
b. Union shall allocate capacity to serve such request pursuant to this Section 5, and subject to these General Terms 

and Conditions and Union’s standard form C1 transportation contract; 
  

c. Union may reject a request for C1 transportation service for any of the following reasons: 

i) if there is insufficient Available Capacity to fully meet the request, but if that is the only reason for rejecting 
the request for service, Union must offer to supply the Available Capacity to the potential shipper; 

ii) if the proposed monthly payment is less than Union's Monthly demand charge plus fuel requirements for 
the applicable service; 

iii) if prior to Union accepting the request for transportation service Union receives a request for transportation 
service from one or more other potential shippers and there is, as a result, insufficient Available Capacity 
to service all the requests for service, in which case Union shall follow the procedure in Section 5 d hereof;   

iv)    if Union does not provide the type of transportation service requested; or 

 v)     if all of the conditions precedent specified in Article XXI Sections 1 and 2 herein have not been satisfied 
or waived. 

d. Union will advise the potential shipper in writing whether Union accepts or rejects the request for service, subject to 
Article XVI 5(c) within 5 calendar days of receiving a request for C1 transportation service. If Union rejects a request 
for service, Union shall inform the potential shipper of the reasons why its request is being rejected; and                                                          

 
e. If Union has insufficient Available Capacity to service all pending requests for transportation service Union may: 

 
i) Reject all the pending requests for transportation service and conduct an open season; or 
 
ii) Union shall inform all the potential shippers who have submitted a pending request for transportation 

service that it does not have sufficient capacity to service all pending requests for service, and Union shall 
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provide all such potential shippers with an equal opportunity to submit a revised request for service.  Union 
shall then allocate the Available Capacity to the request for transportation service with the highest 
economic value to Union.  If the economic values of two or more requests are equal, then service shall be 
allocated on a pro-rata basis. The economic value of any request shall be based on the NPV.  

 
 

XVII. RENEWALS 
 
Contracts with an Initial Term of five (5) years or greater, with Receipt Points and Delivery Points of Parkway or Kirkwall or 
Dawn (Facilities), will continue in full force and effect beyond the Initial Term, automatically renewing for a period of one (1) 
year, and every one (1) year thereafter.  Shipper may reduce the Contract Demand or terminate the Contract with notice in 
writing by Shipper at least two (2) years prior to the expiration thereof. 
 
For all other contracts, the Contract will continue in full force and effect until the end of the Initial Term, but shall not renew.   

 
 

XVIII.      SERVICE CURTAILMENT 
 
1. Union shall have the right to curtail or not to schedule part or all of Transportation Services, in whole or in part, on all or a 

portion of its pipeline system at any time for reasons of Force Majeure or when, in Union sole discretion, acting reasonably, 
capacity or operating conditions so require or it is desirable or necessary to make modifications, repairs or operating 
changes to its pipeline system.   Union shall provide Shipper such notice of such curtailment as is reasonable under the 
circumstances.  If due to any cause whatsoever Union is unable to receive or deliver the quantities of Gas which Shipper 
has requested, then Union shall order curtailment by all Shippers affected and to the extent necessary to remove the effect 
of the disability.  Union has a priority of service policy to determine the order of service curtailment.  In order to place 
services on the priority of service list, Union considers the following business principles: appropriate level of access to core 
services, customer commitment, encouraging appropriate contracting, materiality, price and term, and promoting and 
enabling in-franchise consumption.   

 
The Priority ranking for all services utilizing Union Gas’ storage, transmission and distribution system as applied to both in-
franchise and ex-franchise services are as follows; with number 1 having the highest priority and the last interrupted. 

 
1. Firm In-franchise Transportation and Distribution services and firm Ex-franchise services (Note 1) 
2. In-franchise Interruptible Distribution services 
3. C1/M12 IT Transport and IT Exchanges with Take or Pay rates 
4. Balancing (Hub Activity) < = 100 GJ/d; Balancing (Direct Purchase) < = 500 GJ/d; In-franchise distribution 

authorized overrun (Note 3) 
5. C1/M12 IT Transport and IT Exchanges at premium rates 
6. C1/M12 Overrun < = 20% of CD (Note 4) 
7. Balancing (Direct Purchase) > 500 GJ/d 
8. Balancing (Hub Activity) > 100 GJ/d; C1/M12 IT Transport and IT Exchanges 
9. C1/M12 Overrun > 20% of CD 
10. C1/M12 IT Transport and IT Exchanges at a discount 
11. Late Nominations 

Notes: 
1.  Nominated services must be nominated on the NAESB Timely Nomination Cycle otherwise they are 

considered to be late nomination and are therefore interruptible. 
2. Higher value or more reliable IT is contemplated in the service and contract, when purchase at market 

competitive prices. 
3. Captures the majority of customers that use Direct Purchase balancing transactions. 
4. Captures the majority of customers that use overrun. 

 
2.  Union reserves the right to change its procedures for sharing interruptible capacity and will provide Shipper with two (2) 

months prior notice of any such change. 
 

3. Maintenance: Union's facilities from time to time may require maintenance or construction.  If such maintenance or 
construction is required, and in Union's sole opinion, acting reasonably, such maintenance or construction may impact 
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Union’s ability to meet Shipper's requirements, Union shall provide at least ten (10) days notice to Shipper, except in the 
case of an emergency.  In the event the maintenance impacts on Union’s ability to meet Shipper’s requirements, Union 
shall not be liable for any damages and shall not be deemed in breach of the Contract.  To the extent that Union's ability to 
accept and/or deliver Shipper's gas is impaired, the Monthly demand charge shall be reduced in accordance with Article XI 
Section 8 and available capacity allocated in accordance with Article XI Section 9 herein.   

 
Union shall use reasonable efforts to determine a mutually acceptable period during which such maintenance or 
construction will occur and also to limit the extent and duration of any impairments.  Union will endeavour to schedule and 
complete the maintenance and construction, which would normally be expected to impact on Union's ability to meet 
Shipper’s requirements, during the period from April 1 through to November 1. 

 
 
XIX.        SHIPPER'S REPRESENTATIONS AND WARRANTIES 

 
1. Shipper's Warranty:  Shipper warrants that it will, if required, maintain, or have maintained on its behalf, all external 

approvals including the governmental, regulatory, import/export permits and other approvals or authorizations that are 
required from any federal, state or provincial authorities for the gas quantities to be handled under the Contract.  Shipper 
further warrants that it shall maintain in effect the Facilitating Agreements. 

 
2. Financial Representations:  Shipper represents and warrants that the financial assurances (including the Initial Financial 

Assurances and Security) (if any) shall remain in place throughout the term hereof, unless Shipper and Union agree 
otherwise.  Shipper shall notify Union in the event of any change to the financial assurances throughout the term hereof.  
Should Union have reasonable grounds to believe that Shipper will not be able to perform or continue to perform any of its 
obligations under the Contract as a result of one of the following events (“Material Event”); 

 
a. Shipper is in default, which default has not been remedied, of the Contract or is in default of any other material 

contract with Union or another party; or, 
 

b. Shipper’s corporate or debt rating falls below investment grade according to at least one nationally recognized 
rating agency; or, 

 
c. Shipper ceases to be rated by a nationally recognized agency; or, 

 
d. Shipper has exceeded credit available as determined by Union from time to time,  

 

then Shipper shall within fourteen (14) days of receipt of written notice by Union, obtain and provide to Union a letter of 
credit or other security in the form and amount reasonably required by Union (the “Security”).  The Security plus the Initial 
Financial Assurances shall not exceed twelve (12) months of Monthly demand charges (in accordance with Article IX 
herein) multiplied by Contract Demand.  In the event that Shipper does not provide to Union such Security within such 
fourteen (14) day period, Union may deem a default under the Default and Termination provisions of Article XII herein.  

 
In the event that Shipper in good faith, reasonably believes that it should be entitled to reduce the amount of or value of the 
Security previously provided, it may request such a reduction from Union and to the extent that the Material Event has been 
mitigated or eliminated, Union shall return all or a portion of the Security to Shipper within fourteen (14) Business Days after 
receipt of the request. 

 
   The following paragraphs 3 and/or 4 are only applicable if indicated in Schedule 1 of the Contract.  
 

3.        Point of Consumption Warranty: Shipper represents and warrants that, throughout the term of this Contract, all quantities of 
gas received by Union hereunder at the Receipt Point and/or all Loaned Quantities will be consumed in the U.S.A.  Should 
any quantities of gas hereunder be directed to an end user in Canada, Shipper shall immediately notify Union that such 
quantities of gas will be consumed in Canada, as failure to do so will make Shipper liable to Union for any Taxes  and 
related interest and penalties thereon, made as a result of such change.  

 
4.  Tax Registration re GST: Shipper warrants and represents that it is unregistered and a Non-Resident for purposes of the 

Excise Tax Act. Shipper agrees to notify Union within ten (10) working days if it becomes registered.  “GST/HST” shall 
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mean the Government of Canada's Goods and Services Tax or Harmonized Sales Tax as legislated under The Excise Tax 
Act, as may be amended from time to time. 

 
 

XX. MISCELLANEOUS PROVISIONS 
 

 1. Permanent Assignment: Shipper may assign the Contract to a third party (“Assignee”), up to the Contract Demand, (the 
“Capacity Assigned”).  Such assignment shall require the prior written consent of Union and release of obligations by Union 
for the Capacity Assigned from the date of assignment.  Such consent and release shall not be unreasonably withheld and 
shall be conditional upon the Assignee providing, amongst other things, financial assurances as per Article XXI herein.  Any 
such assignment will be for the full rights, obligations and remaining term of the Contract as relates to the Capacity 
Assigned.  

 
2. Temporary Assignment:  Shipper may, upon notice to Union, assign all or a part of its service entitlement under the 

Contract (the “Assigned Quantity”) and the corresponding rights and obligations to an Assignee on a temporary basis for 
not less than one calendar month.  Such assignment shall not be unreasonably withheld and shall be conditional upon the 
Assignee executing the Facilitating Agreement as per Article XXI herein.  Notwithstanding such assignment, Shipper shall 
remain obligated to Union to perform and observe the covenants and obligations contained herein in regard to the Assigned 
Quantity to the extent that Assignee fails to do so. 

  
3. Title to Gas:  Shipper represents and warrants to Union that Shipper shall have good and marketable title to, or legal 

authority to deliver to Union, all gas delivered to Union hereunder.  Furthermore, Shipper hereby agrees to indemnify and 
save Union harmless from all suits, actions, debts, accounts, damages, costs, losses and expenses arising from or out of 
claims of any or all third parties to such gas or on account of Taxes, or other charges thereon. 

 
 

XXI. PRECONDITIONS TO TRANSPORTATION SERVICES  
 

1. The obligations of Union to provide Transportation Services hereunder are subject to the following conditions precedent, 
which are for the sole benefit of Union and which may be waived or extended in whole or in part in the manner provided in 
the Contract:  
 
a. Union shall have obtained, in form and substance satisfactory to Union, and all conditions shall have been satisfied 

under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, that are 
required to provide the Transportation Services; and, 
 

b. Union shall have obtained all internal approvals that are necessary or appropriate to provide the Transportation 
Services; and, 
 

c. Union shall have received from Shipper the requisite financial assurances reasonably necessary to ensure 
Shipper’s ability to honour the provisions of the Contract (the “Initial Financial Assurances”).  The Initial Financial 
Assurances, if required, will be as determined solely by Union; and, 
 

d. Shipper and Union shall have entered into the Interruptible HUB Service Contract or equivalent (the “Facilitating 
Agreement”) with Union.  

 
2.    The obligations of Shipper hereunder are subject to the following conditions precedent, which are for the sole benefit of 

 Shipper and which may be waived or extended in whole or in part in the manner provided in the Contract: 
 

a. Shipper shall, as required, have entered into the necessary contracts with Union and/or others to facilitate the 
 Transportation Services contemplated herein, including contracts for upstream and downstream transportation, and 
 shall specifically have an executed and valid Facilitating Agreement; and shall, as required, have entered into the 
 necessary contracts to purchase the gas quantities handled under the Contract; and, 
 
b. Shipper shall have obtained, in form and substance satisfactory to Shipper, and all conditions shall have been 
 satisfied under, all governmental, regulatory and other third party approvals, consents, orders and authorizations, 
 that are required from federal, state, or provincial authorities for the gas quantities handled under the Contract; and, 
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c. Shipper shall have obtained all internal approvals that are necessary or appropriate for the Shipper to execute the 
 Contract. 

 
3.  Union and Shipper shall each use due diligence and reasonable efforts to satisfy and fulfil the conditions precedent 

specified in this Article XXI Section 1 a, c, and d and Section 2 a and b. Each party shall notify the other forthwith in writing 
of the satisfaction or waiver of each condition precedent for such party’s benefit.  If a party concludes that it will not be able 
to satisfy a condition precedent that is for its benefit, such party may, upon written notice to the other party, terminate the 
Contract and upon the giving of such notice, the Contract shall be of no further force and effect and each of the parties shall 
be released from all further obligations thereunder. 

 
4. If any of the conditions precedent in this Article XXI Section 1 c or Section 2 are not satisfied or waived by the party entitled 

to the benefit of that condition by the Conditions Date as such term is defined in the Contract, then either party may, upon 
written notice to the other party, terminate the Contract and upon the giving of such notice, the Contract shall be of no 
further force and effect and each of the parties shall be released from all further obligations hereunder, provided that any 
rights or remedies that a party may have for breaches of the Contract prior to such termination and any liability a party may 
have incurred before such termination shall not thereby be released.  



SCHEDULE "B" 
RATE C1 

NOMINATIONS 
 
 
a) For Services provided either under this rate schedule or referenced to this rate schedule: 
 
 i) For Services required on any day Shipper shall provide Union with a nomination (the "Shipper's Nomination") of 

the quantity it desires to be handled at the applicable Receipt Point, and/or Delivery Point.  Such Shipper's Nomination is 
to be provided in writing so as to be received by Union's Gas Management Services on or before 1230 hours in the 
Eastern time zone, unless agreed to otherwise in writing by the parties, on the business days immediately preceding the 
day for which service is requested. 

 
 ii)   If, in Union's sole opinion, operating conditions permit, a change in Shipper's Nomination may be accepted after  

1230 hours in the Eastern time zone. 
 

 iii) For customers electing firm all day transportation, nominations shall be provided to Union’s Gas Management 
Services as outlined in the F24 –T Agreement. 

 
b) Union shall determine whether or not all or any portion of Shipper's Nomination will be accepted.  In the event Union 
determines that it will not accept such nomination, Union shall advise Shipper, on or before 1730 hours in the Eastern time zone on 
the business day immediately preceding the day for which service is requested, of the reduced quantity (the "Quantity Available") for 
Services at the applicable points.  Forthwith after receiving such advice from Union but no later than 1800 hours in the Eastern time 
zone on the same day, Shipper shall provide a "Revised Nomination" to Union which shall be no greater than the Quantity Available.  
If such Revised Nomination is not provided within the time allowed as required above or such Revised Nomination is greater than 
the Quantity Available, then the Revised Nomination shall be deemed to be the Quantity Available.  If the Revised Nomination 
(delivered within the time allowed as required above) is less than the Quantity Available, then such lesser amount shall be the 
Revised Nomination. 
 
c) That portion of a Shipper's Nomination or Revised Nomination, as set out in (a) and (b), above, which Union shall accept 
for Services hereunder, shall be known as Shipper's "Authorized Quantity". 
 
d) If on any day the actual quantities handled by Union, for each of the Services authorized, exceed Shipper's Authorized 
Quantity, and such excess was caused by either Shipper's incorrect nomination or by its delivering or receiving too much gas, then 
the amount by which the actual quantities handled for each of the Services exceed Shipper's Authorized Quantity, such excess shall 
be deemed "Unauthorized Overrun".  
 
e) The daily quantity of gas nominated by Shipper will be delivered by Shipper at rates of flow that are as nearly constant as 
possible, however, Union shall use reasonable efforts to take receipt of gas on any day at an hourly rate of flow up to one twentieth 
(1/20) of the quantity received for that day. Union shall have the right to limit Services when on any day the cumulative hourly 
imbalance between receipts and deliveries exceeds one twentieth (1/20) of the quantity handled for that day, for each applicable 
Service. 
f) A nomination for a daily quantity of gas on any day shall remain in effect and apply to subsequent days unless and until 
Union receives a new nomination from the Shipper or unless Union gives Shipper written notice that it is not acceptable in 
accordance with either (a) or (b) of this schedule. 
 
g) Except for periods of gas or quantity balancing as provided in the Contract, nominations by Shipper for deliveries to Union 
and redeliveries by Union shall be the same delivery of gas by Union either to Shipper or a Shipper’s Account with Union. 
 



SCHEDULE "B 2010" 
 

RATE C1 
NOMINATIONS 

 
 

1. For Transportation Services required on any Day under the Contract, Shipper shall provide Union with a nomination(s) 
providing the Shipper’s requested Receipt Point(s), contract numbers, the applicable service, the quantity of Gas to be 
transported, the requested Delivery Point(s), and such additional information as Union determines to be necessary (a 
“Nomination”). 

 
2. All Nominations shall be submitted by electronic means via Unionline.  Union, in its sole discretion, may amend or 

modify the nominating procedures or Unionline at any time.  Nominations shall be submitted so as to be received by 
Union in accordance with timelines established by Union, which reflect the NAESB standard nomination cycles.  Union 
will accept all nominations on each of the nomination cycles.  Nominations made after the applicable deadline shall not 
be accepted except at the sole discretion of Union.  All times referred to herein are Eastern Clock Time.  For greater 
certainty, NAESB nomination cycle timelines are as follows: 

 
a. The Timely Nomination Cycle: 12:45 pm for Nominations leaving control of the nominating party; 3:30 pm for 

receipt of Quantities Available by Shipper; 4:30 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 5:30 pm for receipt of Scheduled Quantities by Shipper (Day 
prior to flow). 

 
b. The Evening Nomination Cycle: 7:00 pm for Nominations leaving control of the nominating party; 9:00 pm for 

receipt of Quantities Available by Shipper; 10:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 11:00 pm for receipt of Scheduled Quantities by Shipper (Day 
prior to flow). 

 
c. The Intra-day 1 Nomination Cycle: 11:00 am for Nominations leaving control of the nominating party; 1:00 pm 

for receipt of Quantities Available by Shipper; 2:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 3:00 pm for receipt of Scheduled Quantities Available by 
Shipper, on Day.  Quantities Available resulting from Intra-day 1 Nominations should be effective at 6:00 pm 
on same Day. 

 
d. The Intra-day 2 Nomination Cycle:  6:00 pm for Nominations leaving control of the nominating party: 8:00 pm 

for receipt of Quantities Available by Shipper; 9:00 pm for receipt of completed confirmations by Union from 
upstream and downstream connected parties; 10:00 pm for receipt of Scheduled Quantities by Shipper on 
Day.  Quantities Available resulting from Intra-day 2 Nominations should be effective at 10:00 pm on same 
Day.   

 
3. Union shall determine whether or not all or any portion of the Nomination will be scheduled at each nomination cycle.  

With respect to each nomination cycle, in the event Union determines that it will not schedule such Nomination, Union 
shall advise Shipper of the reduced quantity (the “Quantities Available”) for Transportation Services at the applicable 
points as outlined in each nomination cycle.  After receiving such advice from Union, but no later than one half hour 
after the Quantities Available deadline as outlined in each nomination cycle, Shipper shall provide a revised nomination 
(“Revised Nomination”) to Union which shall be no greater than the Quantity Available.  If such Revised Nomination is 
not provided within the time allowed as required above or such Revised Nomination is greater than the Quantities 
Available, then the Revised Nomination shall be deemed to be the Quantities Available.  If the Revised Nomination 
(delivered with the time allowed as required above) is less than the Quantity Available, then such lessor amount shall 
be the Revised Nomination. 
 

4. For Shippers electing firm all day transportation service, nominations shall be provided to Union’s Gas Management 
Services as outlined in the F24 –T Agreement. 
 

5. For Transportation Services requiring Shipper to provide compressor fuel in kind, the nominated fuel requirements will 
be calculated by rounding to the nearest whole GJ. 
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6. All Timely Nominations shall have rollover options.  Specifically, Shippers shall have the ability to nominate for several 

days, months or years, provided the Nomination start date and end date are both within the term of the Transportation 
Agreement.   
 

7. Nominations received after the nomination deadline shall, if accepted by Union, be scheduled after Nominations 
received before the nomination deadline.  

 
8. All Services are required to be nominated in whole Gigajoules (GJ). 

 
9.  To the extent Union is unable to complete a Nomination confirmation due to inaccurate, untimely or incomplete data 

involving an Interconnecting Pipeline entity, Union shall undertake reasonable efforts to confirm the transaction on a 
non-discriminatory basis until such time that the transaction is adequately verified by the parties, or until such time that 
Union determines that the Nomination is invalid at which time the Union shall reject the Nomination.   

 
10. That portion of a Shipper's Nomination or Revised Nomination, as set out in paragraphs 1 and 3 above, which Union shall 

schedule for Transportation Services hereunder, shall be known as Shipper's "Authorized Quantity". 
 

11. If on any day the actual quantities handled by Union, for each of the Transportation Services authorized, exceed 
Shipper's Authorized Quantity, and such excess was caused by either Shipper's incorrect nomination or by its delivering 
or receiving too much gas, then the amount by which the actual quantities handled for each of the Transportation 
Services exceed Shipper's Authorized Quantity shall be deemed "Unauthorized Overrun".   

 
12. The daily quantity of gas nominated by Shipper will be delivered by Shipper at rates of flow that are as nearly constant as 

possible, however, Union shall use reasonable efforts to take receipt of gas on any day at an hourly rate of flow up to one 
twentieth (1/20th ) of the quantity received for that day. Union shall have the right to limit Transportation Services when on 
any day the cumulative hourly imbalance between receipts and deliveries exceeds one twentieth (1/20th ) of the quantity 
handled for that day, for each applicable Transportation Service. 

 
13. The parties hereto recognize that with respect to Transportation Services, on any day, receipts of gas by Union and 

deliveries of gas by Union may not always be exactly equal, but each party shall cooperate with the other in order to 
balance as nearly as possible the quantities transacted on a daily basis, and any imbalances arising shall be allocated 
to the Facilitating Agreement and shall be subject to the respective terms and charges contained therein, and shall be 
resolved in a timely manner.   

 
14. Shipper may designate a third party as agent for purposes of providing a Nomination, and for giving and receiving 

notices related to Nominations, and Union shall only accept nominations from the agent.  Shipper shall provide Union 
with written notice of such designation, such notice to be acceptable to Union.  Any such designation, if acceptable to 
Union, shall be effective starting the Month following the receipt of the written notice and will remain in effect until 
revoked in writing by Shipper. 
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 SCHEDULE "C 2010" 
RATE C1 

RECEIPT AND DELIVERY POINTS AND PRESSURES 
 
 
 
 1. Receipt and Delivery Points:  
 
 The following defines each Receipt Point and/or Delivery Point, as indicated (R= Receipt Point; D= Delivery Point) 
 
R, D DAWN (FACILITIES): Union’s Compressor Station site situated in the northwest corner of Lot Twenty-Five 

(25), Concession II, in the Township of Dawn-Euphemia, in the County of Lambton.  
This point is applicable for quantities of gas that have been previously transported or 
stored under other contracts that Shipper may have in place with Union. 

  
R, D DAWN (TCPL):   At the junction of Union’s and TCPL’s facilities, at or adjacent to Dawn (Facilities).  
  
R, D         DAWN (TECUMSEH): At the junction of Union’s and Enbridge Gas Distribution Inc.’s (Enbridge) Tecumseh 

Gas Storage’s facilities, at or adjacent to Dawn (Facilities). 
  
R, D DAWN (TSLE):   At the junction of Union’s and Enbridge Gas Distribution Inc.’s (“Enbridge”) NPS 16 

Tecumseh Sombra Line Extension facilities; at or adjacent to Dawn (Facilities) 
 

R, D DAWN (VECTOR):  At the junction of Union’s and Vector Pipeline Limited Partnership (“Vector”) facilities, 
at or adjacent to Dawn (Facilities).  

 
R, D PARKWAY (TCPL):  At the junction of Union's and TCPL's facilities, at or adjacent to Union's facilities 

situated in the Part Lot 9 and Part Lot 10, Concession IX, New Survey, Town of Milton, 
Regional Municipality of Halton (now part of City of Mississauga) 

 
R, D KIRKWALL:     At the junction of Union's and TCPL's facilities at or adjacent to Union's facilities 

situated in Part Lot Twenty-Five (25), Concession 7, Town of Flamborough.  
 
D PARKWAY (CONSUMERS): At the junction of Union’s and Enbridge’s facilities, at or adjacent to Union's facilities 

situated in Part Lot 9 and Part Lot 10, Concession IX, New Survey, Town of Milton, 
Regional Municipality of Halton (now part of City of Mississauga) 

 
D LISGAR:     At the junction of the facilities of Union and Enbridge situated at 6620 Winston 

Churchill Boulevard, City of Mississauga. 
 
R, D OJIBWAY:    At the junction of Union’s and Panhandle Eastern Pipe Line Company, LP’s 

(“Panhandle”) facilities, located at the International Border between Canada and the 
United States in the St. Clair River. 

 
 
R, D ST.CLAIR (MICHCON):  At the junction of Michigan Consolidated Gas Company’s (“MichCon”) and St. Clair 

Pipelines L.P.’s facilities, located at the International Border between Canada and the 
United States in the St. Clair River. 
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R, D BLUEWATER:     At the junction of Bluewater Gas Storage, LLC (“Bluewater”) and St. Clair Pipelines 

L.P.’s facilities, located at the International Border between Canada and the United 
States in the St. Clair River. 

 
 
 
  
 2. Receipt and Delivery Pressures: 
  
  (a) All Gas tendered by or on behalf of Shipper to Union shall be tendered at the Receipt Point(s) at Union’s prevailing 

pressure at that Receipt Point, or at such pressure as per operating agreements between Union and the applicable 
Interconnecting Pipeline as amended or restated from time to time. 

                
 
 (b) All Gas tendered by or on behalf of Union to Shipper shall be tendered at the Delivery Point(s) at Union’s prevailing 

pressure at that Delivery Point or at such pressure as per agreements between Union and the applicable 
Interconnecting Pipeline as amended or restated from time to time. 
 

 (c) Under no circumstances shall Union be obligated to receive or deliver gas hereunder at pressures exceeding the 
maximum allowable operating pressures prescribed under any applicable governmental regulations; nor shall Union be 
required to make any physical deliveries or to accept any physical receipts which its existing facilities cannot 
accommodate. 

 
 
 



 

 

 

 

 

 

 

 

 

Appendix C 

Decision and Rate Order 

Summary of Average Rate and Price Adjustment Changes for Rates 
25, M5A, M7, T1, T2 Interruptible Contract Services 

 
Board File No. EB-2011-0210 

Dated: January 17, 2013 

  



Filed: 2012-12-13

EB-2011-0210

Rate Order

Appendix C

                                  Summary of Average Interruptible Rate and Price Adjustment Changes for Rates 25, M5A, M7,  T1 and T2

Monthly Monthly Demand

Charge Charge Delivery Delivery - Price Gas Commodity

Line Increase / Increase / Commodity Charge Adjustment Price Adjustment

No. Particulars  (cents / m
3
) (Decrease) (Decrease) Increase / (Decrease) Increase / (Decrease) Increase / (Decrease)

(a) (b) (c) (d) (e)

Rate 25

1    All Zones  $185.68 0.7014 (0.2720) (1)

Rate M5A

2     Interruptible $191.80 0.7748

Rate M7

3     Interruptible 0.3196

4     Seasonal 0.3196

Rate T1 Redesign - Interruptible

5    Transportation - Union supplies fuel $142.62 0.2227

6    Transportation - Customer supplies fuel $142.62 0.2868

Rate T2 Redesign - Interruptible

7    Transportation - Union supplies fuel $4,206.48 0.2221

8    Transportation - Customer supplies fuel $4,206.48 0.2868

Notes:

(1)  Applies to Sales service customers only.

UNION GAS LIMITED

Infranchise Customers

Effective January 1, 2013



 

 

 

 

 

 

 

 

 

Appendix D 

Decision and Rate Order 

Customer Notices 

Board File No. EB-2011-0210 

Dated: January 17, 2013 

 

  



Gas Used

Transportation to Union Gas

Storage

Delivery

Important Information About Your Rates

February 2013

Rate 201 – Fort Frances

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 201 customer in the Fort Frances area using 

2,200 m³ of natural gas a year will be $30.07. The enclosed bill uses the new approved rates.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.5811 ¢/m³. For most customers the annual decrease 

will be about $2.67.

The transportation to Union Gas rate decreased by 0.9510 ¢/m³ to 4.9387 ¢/m³. For most customers the 

annual decrease will be about $20.92.

The storage rate increased by 0.2783 ¢/m³ to 2.1507 ¢/m³. For most customers the annual increase will be 

about $6.13.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.



New Rates

 Total annual
$30.07

   impact

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Transportation to 
4.9387 ¢/m³ -$20.92

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

 Storage 2.1507 ¢/m³ $6.13

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Gas used 12.5811 ¢/m³ -$2.67

 Gas price
-2.2022 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 201 customer in the Fort Frances area using 2,200 m³ of 

natural gas a year.

$30.07
   impact



Transportation to Union Gas

Storage

Delivery

Energy Marketer Customer

The storage rate increased by 0.2783 ¢/m³ to 2.1507 ¢/m³. For most customers the annual increase will be 

about $6.13.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.

The transportation to Union Gas rate decreased by 0.9510 ¢/m³ to 4.9387 ¢/m³. For most customers the 

annual decrease will be about $20.92.

Important Information About Your Rates

February 2013

Rate 201 – Fort Frances

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 201 customer in the Fort Frances area using 

2,200 m³ of natural gas a year and buying gas from an energy marketer will be $32.74. The enclosed bill uses 

the new approved rates.



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

 Total annual
$32.74

   impact

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Storage 2.1507 ¢/m³ $6.13

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
4.9387 ¢/m³ -$20.92

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 201 customer in the Fort Frances area using 2,200 m³ of 

natural gas a year and buying gas from an energy marketer.

RATES ANNUAL

at Jan 1, 2013 increase or decrease
CHARGES

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

Important Information About Your Rates

February 2013

Rate 101 – Northwestern Ontario

The transportation to Union Gas rate decreased by 0.7580 ¢/m³ to 5.5401 ¢/m³. For most customers the 

annual decrease will be about $16.67.

The storage rate increased by 0.5210 ¢/m³ to 2.3910 ¢/m³. For most customers the annual increase will be 

about $11.46.

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 101 customer in Northwestern Ontario using 

2,200 m³ of natural gas a year will be $39.67. The enclosed bill uses the new approved rates.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.6353 ¢/m³. For most customers the annual decrease 

will be about $2.65.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.



New Rates

 Total annual
$39.67

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Storage 2.3910 ¢/m³ $11.46

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
5.5401 ¢/m³ -$16.67

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

 Gas used 12.6353 ¢/m³ -$2.65

 Gas price
-2.2022 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 101 customer in Northwestern Ontario using 2,200 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Total annual
$39.67

   impact



Transportation to Union Gas

Storage

Delivery

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.

The transportation to Union Gas rate decreased by 0.7580 ¢/m³ to 5.5401 ¢/m³. For most customers the 

annual decrease will be about $16.67.

The storage rate increased by 0.5210 ¢/m³ to 2.3910 ¢/m³. For most customers the annual increase will be 

about $11.46.

February 2013

Rate 101 – Northwestern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 101 customer in Northwestern Ontario using 

2,200 m³ of natural gas a year and buying gas from an energy marketer will be $42.32. The enclosed bill uses 

the new approved rates.

Important Information About Your Rates



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

 Total annual
$42.32

   impact

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Storage 2.3910 ¢/m³ $11.46

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
5.5401 ¢/m³ -$16.67

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 101 customer in Northwestern Ontario using 2,200 m³ of 

natural gas a year and buying gas from an energy marketer.

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate increased by 0.9712 ¢/m³ to 3.2252 ¢/m³. For most customers the annual increase will be 

about $21.38.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7025 ¢/m³. For most customers the annual decrease 

will be about $2.66.

The transportation to Union Gas rate decreased by 0.0220 ¢/m³ to 7.6275 ¢/m³. For most customers the 

annual decrease will be about $0.48.

Important Information About Your Rates

February 2013

Rate 301 – Northern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 301 customer in Northern Ontario using 2,200 

m³ of natural gas a year will be $65.77. The enclosed bill uses the new approved rates.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.



New Rates

 Total annual

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
7.6275 ¢/m³ -$0.48

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

 Gas used 12.7025 ¢/m³ -$2.66

 Gas price
-2.2022 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 301 customer in Northern Ontario using 2,200 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Storage 3.2252 ¢/m³ $21.38

 Total annual
$65.77

   impact



Transportation to Union Gas

Storage

Delivery

February 2013

Rate 301 – Northern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 301 customer in Northern Ontario using 2,200 

m³ of natural gas a year and buying gas from an energy marketer will be $68.43. The enclosed bill uses the 

new approved rates.

Important Information About Your Rates

The transportation to Union Gas rate decreased by 0.0220 ¢/m³ to 7.6275 ¢/m³. For most customers the 

annual decrease will be about $0.48.

The storage rate increased by 0.9712 ¢/m³ to 3.2252 ¢/m³. For most customers the annual increase will be 

about $21.38.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.53.



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

 Total annual
$68.43

   impact

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.53

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 301 customer in Northern Ontario using 2,200 m³ of 

natural gas a year and buying gas from an energy marketer.

 Storage 3.2252 ¢/m³ $21.38

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
7.6275 ¢/m³ -$0.48

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

February 2013

Rate 601 – Eastern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 601 customer in Eastern Ontario using 2,200 

m³ of natural gas a year will be $61.82. The enclosed bill uses the new approved rates.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7620 ¢/m³. For most customers the annual decrease 

will be about $2.66.

The transportation to Union Gas rate decreased by 0.2444 ¢/m³ to 8.5153 ¢/m³. For most customers the 

annual decrease will be about $5.36.

The storage rate increased by 1.0159 ¢/m³ to 3.5799 ¢/m³. For most customers the annual increase will be 

about $22.34.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

Important Information About Your Rates

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.50.



New Rates

 Total annual
$61.82

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.50

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

 Storage 3.5799 ¢/m³ $22.34

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
8.5153 ¢/m³ -$5.36

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

 Gas used 12.7620 ¢/m³ -$2.66

 Gas price
-2.2022 ¢/m³ $0.00

   adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 601 customer in Eastern Ontario using 2,200 m³ of natural 

gas a year.

 Total annual
$61.82

   impact



Transportation to Union Gas

Storage

Delivery

February 2013

Rate 601 – Eastern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 601 customer in Eastern Ontario using 2,200 

m³ of natural gas a year and buying gas from an energy marketer will be $64.48. The enclosed bill uses the 

new approved rates.

Important Information About Your Rates

The transportation to Union Gas rate decreased by 0.2444 ¢/m³ to 8.5153 ¢/m³. For most customers the 

annual decrease will be about $5.36.

The storage rate increased by 1.0159 ¢/m³ to 3.5799 ¢/m³. For most customers the annual increase will be 

about $22.34.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $47.50.



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

 Total annual
$64.48

   impact

 Delivery price
0.4510 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$47.50

   First 100 m
3 9.7347 ¢/m³

   Next 200 m
3 9.2102 ¢/m³

   Next 200 m
3 8.8375 ¢/m³

   Next 500 m
3 8.4955 ¢/m³

   All Over 1,000 m
3 8.2130 ¢/m³

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 601 customer in Eastern Ontario using 2,200 m³ of natural 

gas a year and buying gas from an energy marketer.

 Storage 3.5799 ¢/m³ $22.34

 Storage price
0.2109 ¢/m³ $0.00

   adjustment

 Transportation to 
8.5153 ¢/m³ -$5.36

   Union Gas

 Transportation
1.0523 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

Important Information About Your Rates

The storage rate increased by 0.0051 ¢/m³ to 1.2015 ¢/m³. For most customers the annual increase will be 

about $4.72.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.5811 ¢/m³. For most customers the annual decrease 

will be about $112.11.

The transportation to Union Gas rate decreased by 1.1385 ¢/m³ to 4.3170 ¢/m³. For most customers the 

annual decrease will be about $1,058.82.

February 2013

Rate 210 – Fort Frances

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 210 customer in the Fort Frances area using 

93,000 m³ of natural gas a year will be $224.40. The enclosed bill uses the new approved rates.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,390.61.



New Rates

 Total annual
$224.40

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,390.61

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 1.2015 ¢/m³ $4.72

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
4.3170 ¢/m³ -$1,058.82

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

 Gas used 12.5811 ¢/m³ -$112.11

 Gas price
-2.1961 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 210 customer in the Fort Frances area using 93,000 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Total annual
$224.40

   impact



Transportation to Union Gas

Storage

Delivery

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,390.61.

The transportation to Union Gas rate decreased by 1.1385 ¢/m³ to 4.3170 ¢/m³. For most customers the 

annual decrease will be about $1,058.82.

The storage rate increased by 0.0051 ¢/m³ to 1.2015 ¢/m³. For most customers the annual increase will be 

about $4.72.

February 2013

Rate 210 – Fort Frances

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 210 customer in the Fort Frances area using 

93,000 m³ of natural gas a year and buying gas from an energy marketer will be $336.51. The enclosed bill 

uses the new approved rates.

Important Information About Your Rates



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

 Total annual
$336.51

   impact

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,390.61

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 1.2015 ¢/m³ $4.72

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
4.3170 ¢/m³ -$1,058.82

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 210 customer in the Fort Frances area using 93,000 m³ of 

natural gas a year and buying gas from an energy marketer.

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate increased by 0.2477 ¢/m³ to 1.4418 ¢/m³. For most customers the annual increase will be 

about $230.38.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.6353 ¢/m³. For most customers the annual decrease 

will be about $112.12.

The transportation to Union Gas rate decreased by 0.9455 ¢/m³ to 4.9184 ¢/m³. For most customers the 

annual decrease will be about $879.30.

February 2013

Rate 110 – Northwestern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 110 customer in Northwestern Ontario using 

93,000 m³ of natural gas a year will be $629.57. The enclosed bill uses the new approved rates.

Important Information About Your Rates

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,390.61.



New Rates

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,390.61

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 1.4418 ¢/m³ $230.38

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
4.9184 ¢/m³ -$879.30

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

 Gas used 12.6353 ¢/m³ -$112.12

 Gas price
-2.1961 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 110 customer in Northwestern Ontario using 93,000 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Total annual
$629.57

   impact

 Monthly charge $70.00 $0.00



Transportation to Union Gas

Storage

Delivery

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,390.61.

The transportation to Union Gas rate decreased by 0.9455 ¢/m³ to 4.9184 ¢/m³. For most customers the 

annual decrease will be about $879.30.

The storage rate increased by 0.2477 ¢/m³ to 1.4418 ¢/m³. For most customers the annual increase will be 

about $230.38.

February 2013

Rate 110 – Northwestern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 110 customer in Northwestern Ontario using 

93,000 m³ of natural gas a year and buying gas from an energy marketer will be $741.69. The enclosed bill 

uses the new approved rates.

Important Information About Your Rates



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

 Total annual
$741.69

   impact

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,390.61

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 1.4418 ¢/m³ $230.38

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
4.9184 ¢/m³ -$879.30

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 110 customer in Northwestern Ontario using 93,000 m³ of 

natural gas a year and buying gas from an energy marketer.

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate increased by 0.6964 ¢/m³ to 2.2760 ¢/m³. For most customers the annual increase will be 

about $647.59.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7025 ¢/m³. For most customers the annual decrease 

will be about $112.09.

The transportation to Union Gas rate decreased by 0.2095 ¢/m³ to 7.0058 ¢/m³. For most customers the 

annual decrease will be about $194.84.

February 2013

Rate 310 – Northern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 310 customer in Northern Ontario using 

93,000 m³ of natural gas a year will be $1,730.64. The enclosed bill uses the new approved rates.

Important Information About Your Rates

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,389.98.



New Rates

 Total annual
$1,730.64

   impact

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,389.98

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 2.2760 ¢/m³ $647.59

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
7.0058 ¢/m³ -$194.84

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

 Gas used 12.7025 ¢/m³ -$112.09

 Gas price
-2.1961 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 310 customer in Northern Ontario using 93,000 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

$1,730.64
   impact



Transportation to Union Gas

Storage

Delivery

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,389.98.

The transportation to Union Gas rate decreased by 0.2095 ¢/m³ to 7.0058 ¢/m³. For most customers the 

annual decrease will be about $194.84.

The storage rate increased by 0.6964 ¢/m³ to 2.2760 ¢/m³. For most customers the annual increase will be 

about $647.59.

February 2013

Rate 310 – Northern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 310 customer in Northern Ontario using 

93,000 m³ of natural gas a year and buying gas from an energy marketer will be $1,842.73. The enclosed bill 

uses the new approved rates.

Important Information About Your Rates



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

 Total annual
$1,842.73

   impact

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,389.98

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 2.2760 ¢/m³ $647.59

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
7.0058 ¢/m³ -$194.84

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 310 customer in Northern Ontario using 93,000 m³ of 

natural gas a year and buying gas from an energy marketer.

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate increased by 0.7400 ¢/m³ to 2.6307 ¢/m³. For most customers the annual increase will be 

about $688.15.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,391.51.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7620 ¢/m³. For most customers the annual decrease 

will be about $112.10.

The transportation to Union Gas rate decreased by 0.4320 ¢/m³ to 7.8935 ¢/m³. For most customers the 

annual decrease will be about $401.73.

February 2013

Rate 610 – Eastern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 610 customer in Eastern Ontario using 93,000 

m³ of natural gas a year will be $1,565.83. The enclosed bill uses the new approved rates.

Important Information About Your Rates

your home or business. For most customers the annual increase will be about $1,391.51.



New Rates

 Total annual
$1,565.83

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,391.51

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 2.6307 ¢/m³ $688.15

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
7.8935 ¢/m³ -$401.73

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

 Gas used 12.7620 ¢/m³ -$112.10

 Gas price
-2.1961 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 610 customer in Eastern Ontario using 93,000 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Total annual
$1,565.83

   impact



Transportation to Union Gas

Storage

Delivery

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $1,391.51.

The transportation to Union Gas rate decreased by 0.4320 ¢/m³ to 7.8935 ¢/m³. For most customers the 

annual decrease will be about $401.73.

The storage rate increased by 0.7400 ¢/m³ to 2.6307 ¢/m³. For most customers the annual increase will be 

about $688.15.

February 2013

Rate 610 – Eastern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate 610 customer in Eastern Ontario using 93,000 

m³ of natural gas a year and buying gas from an energy marketer will be $1,677.93. The enclosed bill uses the 

new approved rates.

Important Information About Your Rates



New Rates

* Depending on the terms of your retail energy marketer contract, you may 

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

 Total annual
$1,677.93

   impact

 Delivery price
0.2083 ¢/m³ $0.00

   adjustment

 Monthly charge $70.00 $0.00

 Delivery

$1,391.51

   First 1,000 m
3 7.7070 ¢/m³

   Next 9,000 m
3 6.2934 ¢/m³

   Next 20,000 m
3 5.4872 ¢/m³

   Next 70,000 m
3 4.9711 ¢/m³

   All Over 100,000 m
3 3.0159 ¢/m³

 Storage 2.6307 ¢/m³ $688.15

 Storage price
0.1201 ¢/m³ $0.00

   adjustment

 Transportation to 
7.8935 ¢/m³ -$401.73

   Union Gas

 Transportation
1.0341 ¢/m³ $0.00

   price adjustment

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate 610 customer in Eastern Ontario using 93,000 m³ of 

natural gas a year and buying gas from an energy marketer.

or may not be affected by Union Gas' changes to transportation rates.   

Please contact your retail energy marketer directly at the phone number 

that appears on your bill if you have questions.



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate decreased by 0.2367 ¢/m³ to 0.7368 ¢/m³. For most customers the annual decrease will be 

about $5.18.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7620 ¢/m³. For most customers the annual decrease 

will be about $2.66.

The transportation to Union Gas rate decreased by 0.2824 ¢/m³ to 4.3997 ¢/m³. For most customers the 

annual decrease will be about $6.21.

February 2013

Rate M1 – Southern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill decrease for a typical Rate M1 customer in Southern Ontario using 2,200 

m³ of natural gas a year will be $9.39. The enclosed bill uses the new approved rates.

Important Information About Your Rates

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $4.66.



New Rates

 Total annual
-$9.39

   impact

 Delivery price
-0.0054 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

   First 100 m
3 3.7795 ¢/m³

   Next 150 m
3 3.5730 ¢/m³

   All over 250 m
3 3.0845 ¢/m³

 Storage 0.7368 ¢/m³ -$5.18

 Storage price
-0.0513 ¢/m³ $0.00

   adjustment

$4.66

 Transportation to 
4.3997 ¢/m³ -$6.21

   Union Gas

 Gas used 12.7620 ¢/m³ -$2.66

 Gas price
-2.1831 ¢/m³ $0.00

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate M1 customer in Southern Ontario using 2,200 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease



Storage

Delivery

New Rates

CHARGES
RATES ANNUAL

at Jan 1, 2013

 Storage 0.7368 ¢/m³ -$5.18

increase or decrease

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $4.66.

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate M1 customer in Southern Ontario using 2,200 m³ of 

The storage rate decreased by 0.2367 ¢/m³ to 0.7368 ¢/m³. For most customers the annual decrease will be 

about $5.18.

February 2013

Rate M1 – Southern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill decrease for a typical Rate M1 customer in Southern Ontario using 2,200 

m³ of natural gas a year and buying gas from an energy marketer will be $0.52. The enclosed bill uses the new 

approved rates.

Important Information About Your Rates

 Total annual
-$0.52

   impact

 Delivery price
-0.0054 ¢/m³ $0.00

   adjustment

 Monthly charge $21.00 $0.00

 Delivery

$4.66
   First 100 m

3 3.7795 ¢/m³

   Next 150 m
3 3.5730 ¢/m³

   All over 250 m
3 3.0845 ¢/m³

 Storage 0.7368 ¢/m³ -$5.18

 Storage price
-0.0513 ¢/m³ $0.00

   adjustment



Gas Used

Transportation to Union Gas

Storage

Delivery

The storage rate increased by 0.0378 ¢/m³ to 0.7550 ¢/m³. For most customers the annual increase will be 

about $27.62.

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $278.72.

The gas commodity rate decreased by 0.1205 ¢/m³ to 12.7620 ¢/m³. For most customers the annual decrease 

will be about $88.00.

The transportation to Union Gas rate decreased by 0.2824 ¢/m³ to 4.3997 ¢/m³. For most customers the 

annual decrease will be about $206.14.

Important Information About Your Rates

February 2013

Rate M2 – Southern Ontario

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate M2 customer in Southern Ontario using 

73,000 m³ of natural gas a year will be $12.23. The enclosed bill uses the new approved rates.



New Rates

   Next 13,000 m
4 3.8379 ¢/m³

 Total annual

 Delivery price
0.0355 ¢/m³ $0.02

   adjustment

 Monthly charge $70.00 $0.00

 Storage price
0.0080 ¢/m³ $0.00

   adjustment

 Delivery

$278.72

   First 1,000 m
3 4.1416 ¢/m³

   Next 6,000 m
3 4.0653 ¢/m³

   All over 20,000 m
3 3.5650 ¢/m³

 Transportation to 
4.3997 ¢/m³ -$206.14

   Union Gas

 Storage 0.7550 ¢/m³ $27.62

 Gas used 12.7620 ¢/m³ -$88.00

 Gas price
-2.1831 ¢/m³ $0.01

   adjustment

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate M2 customer in Southern Ontario using 73,000 m³ of 

natural gas a year.

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease

 Total annual
$12.23

   impact



Storage

Delivery

New Rates

The delivery rates that vary with consumption increased based on our forecast cost of delivering natural gas to 

your home or business. For most customers the annual increase will be about $278.72.

The table below shows the new, approved rates used to calculate your natural gas bill as of January 1, 2013. 

Annual bill impacts exclude the temporary charges and credits shown on the price adjustment lines on your 

bill. The annual impacts are based on a typical Rate M2 customer in Southern Ontario using 73,000 m³ of 

natural gas a year and buying gas from an energy marketer.

RATES ANNUAL

The storage rate increased by 0.0378 ¢/m³ to 0.7550 ¢/m³. For most customers the annual increase will be 

about $27.62.

February 2013

Rate M2 – Southern Ontario

Energy Marketer Customer

The Ontario Energy Board has approved changes to the rates Union Gas charges its customers effective 

January 1, 2013. The total annual bill increase for a typical Rate M2 customer in Southern Ontario using 

73,000 m³ of natural gas a year and buying gas from an energy marketer will be $306.36. The enclosed bill 

uses the new approved rates.

Important Information About Your Rates

   Next 13,000 m
4 3.8379 ¢/m³

 Total annual
$306.36

   impact

 Delivery price
0.0355 ¢/m³ $0.02

   adjustment

 Monthly charge $70.00 $0.00

 Storage price
0.0080 ¢/m³ $0.00

   adjustment

 Delivery

$278.72

   First 1,000 m
3 4.1416 ¢/m³

   Next 6,000 m
3 4.0653 ¢/m³

   All over 20,000 m
3 3.5650 ¢/m³

 Storage 0.7550 ¢/m³ $27.62

CHARGES
RATES ANNUAL

at Jan 1, 2013 increase or decrease



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate 20 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 47.8% from the previously approved 
January 1, 2013 rates for Rate 20 customers.  Individual customer impacts will vary. 

 
 
Transportation    
 

Changes in the gas transportation rate, if applicable to your service, reflect the changes in the costs to 
provide transportation service effective January 1, 2013.   
 

 
Bundled-T Storage Service 
 

The storage demand and commodity charges, which apply to bundled storage service only, have 
decreased to $9.643/GJ and $0.156/GJ respectively, reflecting the change in forecast costs to provide 
bundled storage service effective January 1, 2013.   
 

 
Gas Supply Charges 
 

New rates, if applicable to your service, reflect a decrease in Union Gas’ forecast cost to purchase 
natural gas for the next 12 months. The changes by zone are detailed in the attached appendix. 
  

Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. Union Gas does not earn income 
on the sale of the natural gas commodity. The price we pay for the gas commodity is passed on directly to 
customers with no profit included. 
 

We appreciate and thank you for your business.  If you have any questions about the rate changes, 
please call your account representative.  Our staff will be pleased to answer your questions. 
 
 

Rate 20 + Appendix A (Rate 20) 
[Rate schedule attached] 

 
 

 
 
 
 
 
 
 
 
 
 
 
 
 

 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate 25 schedule.  Changes in the 
rate levels are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 
 

Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 30.6% from the previously approved 
January 1, 2013 rates for Rate 25 customers.  Individual customer impacts will vary. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate 25 + Appendix A + Appendix C (Rate 25) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate 100 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 30.2% from the previously approved 
January 1, 2013 rates for Rate 100 customers.  Individual customer impacts will vary. 
 

 
Transportation    
 

Changes in the gas transportation rate, if applicable to your service, reflect the changes in the costs to 
provide transportation service effective January 1, 2013.   
 

 
Bundled-T Storage Service 
 

The storage demand and commodity charges, which apply to bundled storage service only, have 
decreased to $9.643/GJ and $0.156/GJ respectively, reflecting the change in forecast costs to provide 
bundled storage service effective January 1, 2013.   

 
 
Gas Supply Charges 
 

New rates, if applicable to your service, reflect a decrease in Union Gas’ forecast cost to purchase 
natural gas for the next 12 months. The changes by zone are detailed on the attached appendix. 
  

Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. Union Gas does not earn income 
on the sale of the natural gas commodity. The price we pay for the gas commodity is passed on directly to 
customers with no profit included. 
 

We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 

Rate 100 + Appendix A (Rate 100) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 

 
 
 
 
 
 

 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate M4 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 15.5% from the previously approved 
January 1, 2013 rates for Rate M4 customers.  Individual customer impacts will vary. 
 
 

Transportation  
 
The cost to transport natural gas to Ontario, if applicable to your service, has changed, resulting in a 
decrease in the transportation rate by 0.2824 cents/m

3
 to 4.3997 cents/m

3
. 

 

 
Gas Supply  
 
The gas commodity charge, if applicable to your service, has decreased by 0.1205 cents/m

3
 to 12.7620 

cents/m
3
.  This change reflects the decrease in Union Gas’ forecast cost to purchase natural gas for the 

next 12 months. 
 
Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. 
 
Union Gas does not earn income on the sale of the natural gas commodity. The price we pay for the gas 
commodity is passed on directly to customers with no profit included. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate M4 + Appendix A (Rate M4) 
[Rate schedule attached] 

 
 
 
 
 
 

 
 
 
 
 
 
 
 
 
 
 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate M5A schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 37.6% from the previously approved 
January 1, 2013 rates for Rate M5A customers.  Individual customer impacts will vary. 
 
 

Transportation  

 
The cost to transport natural gas to Ontario, if applicable to your service, has changed, resulting in a 
decrease in the transportation rate by 0.2824 cents/m

3
 to 4.3997 cents/m

3
. 

 

 
Gas Supply  
 
The gas commodity charge, if applicable to your service, has decreased by 0.1205 cents/m

3
 to 12.7620 

cents/m
3
.  This change reflects the decrease in Union Gas’ forecast cost to purchase natural gas for the 

next 12 months. 
 
Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. 
 
Union Gas does not earn income on the sale of the natural gas commodity. The price we pay for the gas 
commodity is passed on directly to customers with no profit included. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate M5A + Appendix A + Appendix C (Rate M5A) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate M7 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 12.3% from the previously approved 
January 1, 2013 rates for Rate M7 customers.  Individual customer impacts will vary. 
 

 
Transportation  

 
The cost to transport natural gas to Ontario, if applicable to your service, has changed, resulting in a 
decrease in the transportation rate by 0.2824 cents/m

3
 to 4.3997 cents/m

3
. 

 

 
Gas Supply  
 
The gas commodity charge, if applicable to your service, has decreased by 0.1205 cents/m

3
 to 12.7620 

cents/m
3
.  This change reflects the decrease in Union Gas’ forecast cost to purchase natural gas for the 

next 12 months. 
 
Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. 
 
Union Gas does not earn income on the sale of the natural gas commodity. The price we pay for the gas 
commodity is passed on directly to customers with no profit included. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate M7 + Appendix A + Appendix C (Rate M7) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate M9 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average decrease of 11.3% from the previously 
approved January 1, 2013 rates for Rate M9 customers.  Individual customer impacts will vary. 

 

 
Transportation  

 
The cost to transport natural gas to Ontario, if applicable to your service, has changed, resulting in a 
decrease in the transportation rate by 0.2824 cents/m

3
 to 4.3997 cents/m

3
. 

 

 
Gas Supply  
 
The gas commodity charge, if applicable to your service, has decreased by 0.1205 cents/m

3
 to 12.7620 

cents/m
3
.  This change reflects the decrease in Union Gas’ forecast cost to purchase natural gas for the 

next 12 months. 
 
Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. 
 
Union Gas does not earn income on the sale of the natural gas commodity. The price we pay for the gas 
commodity is passed on directly to customers with no profit included. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate M9 + Appendix A (Rate M9) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate M10 schedule.  Changes in the 
rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
Delivery 
 
Approved 2013 delivery rates reflect a rate class average increase of 105.4% from the previously 
approved January 1, 2013 rates for Rate M10 customers.  Individual customer impacts will vary. 
 

 
Transportation  

 
The cost to transport natural gas to Ontario, if applicable to your service, has changed, resulting in a 
decrease in the transportation rate by 0.2824 cents/m

3
 to 4.3997 cents/m

3
. 

 

 
Gas Supply  
 
The gas commodity charge, if applicable to your service, has decreased by 0.1205 cents/m

3
 to 12.7620 

cents/m
3
.  This change reflects the decrease in Union Gas’ forecast cost to purchase natural gas for the 

next 12 months. 
 
Adjusting your gas rate in this way ensures that you are billed at a rate that more closely reflects the 
market price of natural gas and avoids large out-of-period adjustments. 
 
Union Gas does not earn income on the sale of the natural gas commodity. The price we pay for the gas 
commodity is passed on directly to customers with no profit included. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate M10 + Appendix A (Rate M10) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) has approved changes to the rates Union Gas charges its customers. 
New rates for Rate R1 will be applied to bills effective January 1, 2013.  Your new rates are shown on the 
accompanying rate schedule.  Changes to supplemental service rates reflect changes in gas supply costs 
effective January 1, 2013. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 

Rate R1 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
Effective January 1, 2013, the Ontario Energy Board (OEB) approved the split of existing Rate T1 into 
new Rate T1 and Rate T2 rate classes with distinct rate structures.  Your new rates are shown on the 
accompanying Rate T1 schedule.  Changes in the rates are detailed in the attached appendix. Changes 
to supplemental service rates reflect changes in gas supply costs effective January 1, 2013. The 
enclosed bill uses the new approved rates. 
 

 
Storage and Transportation 
 
Approved 2013 storage and transportation rates reflect a rate class average increase of 22.0% from the 
previously approved January 1, 2013 rates for Rate T1 customers.  Individual customer impacts will vary 
based on usage. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate T1 + Appendix A + Appendix C (Rate T1) 
[Rate schedule attached] 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
Effective January 1, 2013, the Ontario Energy Board (OEB) approved the split of existing Rate T1 into 
new Rate T1 and Rate T2 rate classes with distinct rate structures.  Your new rates are shown on the 
accompanying Rate T2 schedule.  Changes in the rates are detailed in the attached appendix. Changes 
to supplemental service rates reflect changes in gas supply costs effective January 1, 2013. The 
enclosed bill uses the new approved rates. 
 

 
Storage and Transportation 
 
Approved 2013 storage and transportation rates reflect a rate class average decrease of 22.3% from the 
previously approved January 1, 2013 rates for Rate T1 customers.  Individual customer impacts will vary 
based on usage. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate T2 + Appendix A + Appendix C (Rate T2) 
[Rate schedule attached] 

 
 
 
 

 
 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 



 
AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 

 
January 2013 

 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  Your new rates are shown on the accompanying Rate T3 schedule.  Changes in the 
rates are detailed in the attached appendix. Changes to supplemental service rates reflect changes in gas 
supply costs effective January 1, 2013. The enclosed bill uses the new approved rates. 
 

 
Storage and Transportation 
 
Approved 2013 storage and transportation rates reflect a rate class average decrease of 0.6% from the 
previously approved January 1, 2013 rates for Rate T3 customers.  Individual customer impacts will vary 
based on usage. 
 
We appreciate and thank you for your business.  If you have any questions about the rate change, please 
call your Account Representative.  Our staff will be pleased to answer your questions. 
 
 
 

Rate T3 + Appendix A (Rate T3) 
[Rate schedule attached] 

 
 



 

AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 
 

January 2013 
 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  These new rates reflect changes in the overall cost of providing service to natural gas 
transportation customers. Your new rates are shown on the accompanying Rate M12 schedule.  Changes 
in the rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
We appreciate and thank you for your business.  If you have any questions about the rate changes 
please call your Account Representative.  Our staff will be pleased to answer your questions. 
 

Attachments: Rate M12 Rate Schedule and Appendix A 
 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 
 

January 2013 
 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  These new rates reflect changes in the overall cost of providing service to natural gas 
transportation customers. Your new rates are shown on the accompanying Rate M13 schedule.  Changes 
in the rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
We appreciate and thank you for your business.  If you have any questions about the rate changes 
please call your Account Representative.  Our staff will be pleased to answer your questions. 
 

 
Attachments: Rate M13 Rate Schedule and Appendix A 

 
 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 
 

January 2013 
 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  These new rates reflect changes in the overall cost of providing service to natural gas 
transportation customers. Your new rates are shown on the accompanying Rate M16 schedule.  Changes 
in the rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
We appreciate and thank you for your business.  If you have any questions about the rate changes 
please call your Account Representative.  Our staff will be pleased to answer your questions. 
 

 
Attachments: Rate M16 Rate Schedule and Appendix A 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



AN IMPORTANT NOTICE ABOUT YOUR GAS RATES 
 

January 2013 
 
The Ontario Energy Board (OEB) approved changes to the rates Union Gas charges customers effective 
January 1, 2013.  These new rates reflect changes in the overall cost of providing service to natural gas 
transportation customers. Your new rates are shown on the accompanying Rate C1 schedule.  Changes 
in the rates are detailed in the attached appendix. The enclosed bill uses the new approved rates. 
 

 
We appreciate and thank you for your business.  If you have any questions about the rate changes 
please call your Account Representative.  Our staff will be pleased to answer your questions. 
 

 
Attachments: Rate C1 Rate Schedule and Appendix A 

 



 

 

 

 

 

 

 

 

 

Appendix E 

Decision and Rate Order 

Miscellaneous Non-Energy Charges  

Board File No. EB-2011-0210 

Dated: January 17, 2013 

  



Filed: 2012-12-13
EB-2011-0210

Rate Order
Appendix E

UNION GAS LIMITED
Miscellaneous Non-Energy Charges

Line
No. Service Fee

Residential Customer Class Service
1 Connection Charge $35
2 Temporary Seal - Turn-off (Seasonal) $22
3 Temporary Seal - Turn-on (Seasonal) $35
4 Landlord Turn-on $35
5 Disconnect/Reconnect for Non-Payment $65

Commercial/Industrial Customer Class Service
6 Connection Charge $38
7 Temporary Seal - Turn-off (Seasonal) $22
8 Temporary Seal - Turn-on (Seasonal) $38
9 Landlord Turn-on $38
10 Disconnect/Reconnect for Non-Payment $65

Statement of Account/History Statements
11 History Statement (previous year) $15/statement
12 History Statement (beyond previous year) $40/hour
13 Duplicate Bills * (if processed by system) No charge
14 Duplicate Bills * (if manually processed) $15/statement

Dispute Meter Test Charges
15 Meter Test - Residential Meter $50 flat fee for 
 removal and test

16 Meter Test - Commercial/Industrial Meter Hourly charge 
 based on actual

costs

Direct Purchase Administration Charges
17 Monthly fee per bundled t-service contract or unbundled U2 contract $75.00
18 Monthly per customer fee $0.19
19 Invoice Vendor Adjustment (IVA) fee $1.09

            (for each successfully submitted IVA transaction)

Notes:
* Duplicate bill charges only apply when customer wants two

copies of a bill.  Lost bills from the last billing period will be 
replaced free of charge. 



 

 

 

 

 

 

 

 

 

Appendix F 

Decision and Rate Order 

Board Directives 

Board File No. EB-2011-0210 

Dated: January 17, 2013 

  



Filed-2012-12-13 
EB-2011-0210 
Rate Order 
Appendix F 

 

Board Directives 

 
1. File an expert, independent review of Union's gas supply plan, gas supply planning 

process and gas supply planning methodology prior to Union’s next rates proceeding. 
 

2. File sufficient evidence to support the proposed allocation of Union North and Union 
South Distribution Maintenance - Equipment on Customer Premises costs to rate classes 
in proportion to the allocation of customer station gross plant, including a definition for 
this maintenance category and a delineation of what has changed since EB-2005-0520 as 
part of Union’s 2014 rates filing. 
 

3. Undertake a review of the allocation of Kirkwall metering costs as part of Union’s 
updated cost allocation study and file it with Union’s 2014 rates filing. 
 

4. File up to date continuity schedules related to Union's non-utility storage business as part 
of Union’s 2014 rates filing. 
 

5. Hire an independent consultant to update the Review of Cost Allocation for Unregulated 
and Regulated Storage Operations report filed in EB-2011-0038 as part of its 2014 rates 
filing. 
 

6. Undertake a comprehensive cost allocation study which includes the M1/M2 and 
R01/R10 breakpoint reduction proposal no later than Union’s 2014 rates filing. The study 
is to include an analysis regarding the allocation of costs for Distribution Maintenance – 
Meter and Regulator Repairs related to the customers that would be moving rate classes.  
 

7. Prepare and file separate audited financial statements for the portion of the business that 
is subject to rate regulation no later than June 30th each year. 
 

8. File sufficient evidence at the time the balance in the Short-term Storage Deferral account 
is to be disposed to allow the Board to confirm that Union has appropriately prioritized 
the sale of its utility storage space and calculated the balance in the account in accordance 
with the Board’s decision. 
 

9. File a report relating to storage encroachment, similar to that ordered by the Board in EB-
2011-0038 at the time the Short-term Storage Account is to be disposed. 
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10. File a calculation for the payment by Union’s non-utility business to its utility business 
for storage encroachment, if any, at the time the Short-term Storage account is to be 
disposed. 
 

 



 

 

 

 

 

 

 

 

 

Appendix G 

Decision and Rate Order 

Accounting Orders 

Board File No. EB-2011-0210 

Dated: January 17, 2013 

  



UNION GAS LIMITED 
 

Accounting Entries for   
Short-term Storage and Other Balancing Services 

Deferral Account No. 179-70 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 571 
   Storage Revenue 
 
Credit  - Account No. 179-70 
   Other Deferred Charges - Short-term Storage and Other Balancing Services 
  
To record, as a debit (credit) in Deferral Account No. 179-70  the utility portion of actual net revenues for Short-
term Storage and Other Balancing Services, less the 10% shareholder incentive to provide these services  and less 
the net revenue forecast for these services as approved by the Board for ratemaking purposes.  The utility portion of 
actual net revenues for Short-term Storage and Other Balancing Services is determined by allocating total margins 
received from the sale of these services based on the utility share of the total quantity of the services sold each 
calendar year.  The utility share reflects the transactions supported by utility storage space (up to the 100 PJ cap – 
both planned and excess over planned). 
 
Debit  - Account No. 571 
   Storage Revenue 
 
Credit  - Account No. 179-70 
   Other Deferred Charges – Short-term Storage and Other Balancing Services 
 
To record, as a credit in Deferral Account No. 179-70 payments by Union Gas Limited’s non-utility business to its 
utility business for storage encroachment. 
 
Debit  - Account No.179-70 
   Other Deferred Charges - Short-term Storage and Other Balancing Services 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-70, interest on the balance in Deferral Account No. 179-
70. Simple interest will be computed monthly upon finalization of the year end balance in the said account in 
accordance with the methodology approved by the Board in EB-2006-0117. 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
Lost Revenue Adjustment Mechanism 

Deferral Account No. 179-75 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No.179-75 
   Other Deferred Charges - Lost Revenue Adjustment Mechanism 
 
Credit  - Account No. 529 
   Other Sales 
 
 
To record, as a debit (credit) in Deferral Account No. 179-75, the difference between actual margin reductions 
related to Union’s DSM plans and the margin reduction included in gas delivery rates as approved by the Board.  
 
 
Debit  - Income Account No. 179-75 
   Other Deferred Charges - Lost Revenue Adjustment Mechanism 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-75, interest expense on the balance in Deferral Account 
No. 179-75. Simple interest will be computed monthly upon finalization of the year end balance in the said account 
in accordance with the methodology approved by the Board in EB-2006-0117. 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Transportation Tolls and Fuel – Northern and Eastern Operations Area 

Deferral Account No. 179-100 
 
 

This account is applicable to the Northern and Eastern Operations of Union Gas Limited.  Account numbers are from 
the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario Energy Board Act. 
 
 
Debit  - Account No.179-100 

Other Deferred Charges - Transportation Tolls and Fuel – Northern and Eastern 
Operations Area 

 
Credit  - Account No. 663 
   Transportation of Gas by Others 
 
To record, as a debit (credit) in Deferral Account No. 179-100, the difference in the costs between the actual per unit 
transportation and associated fuel costs and the forecast per unit transportation and associated fuel costs included in 
the rates as approved by the Board.  
 
 
Debit  - Account No. 179-100 

Other Deferred Charges - Transportation Tolls and Fuel – Northern and Eastern 
Operations Area 

 
Credit  - Account No. 663 
   Transportation of Gas by Others 
 
To record, as a debit (credit) in Deferral Account No. 179-100 charges that result from the Limited Balancing 
Agreement. 
 
 
Debit  - Account No. 500 
   Sales Revenue 
 
Credit  - Account No. 179-100 

Other Deferred Charges - Transportation Tolls and Fuel – Northern and Eastern 
Operations Area 

 
To record, as a credit (debit) in Deferral Account No. 179-100 revenue from T-Service customers for load balancing 
service resulting from the Limited Balancing Agreement. 
 
 
Debit  - Account No. 179-100 

Other Deferred Charges - Transportation Tolls and Fuel – Northern and Eastern 
Operations Area 

 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-100 interest expense on the balance in Deferral Account 
No. 179-100. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Unbundled Services Unauthorized Storage Overrun 

Deferral Account No. 179-103 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A, prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No.571 
   Storage Revenue 
 
Credit  - Account No. 179-103 
   Other Deferred Charges – Unbundled Services Unauthorized Storage Overrun 
 
To record as a credit (debit) in Deferral Account No. 179-103 any unauthorized storage overrun charges incurred by 
customers electing unbundled service.   
 
 
Debit  - Account No. 179-103 
   Other Deferred Charges – Unbundled Services Unauthorized Storage Overrun  
 
Credit  - Account No. 323 
   Other Interest Expense 
 
 
To record as a debit (credit) in Deferral Account No. 179-103, interest on the balance in Deferral Account No. 179-
103.  Simple interest will be computed on the monthly opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 
 

 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
North Purchase Gas Variance Account 

Deferral Account No. 179-105 
 
 
This account is applicable to the Northern and Eastern Operations area of Union Gas Limited.  Account numbers are 
from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario Energy Board Act. 
 
 
Debit  - Account No. 179-105 
   Other Deferred Charges – North Purchase Gas Variance Account 
 
Credit  - Account No. 623 
   Cost of Gas 
 
To record, as a debit (credit) in Deferral Account No. 179-105, the difference between the unit cost of gas purchased 
each month for the Northern and Eastern Operations area and the unit cost of gas included in the gas sales rates as 
approved by the Board, including the difference between the actual heat content of the gas purchased and the 
forecast heat content included in gas sales rates. 
 
  
Debit  - Account No. 179-105 
   Other Deferred Charges - North Purchase Gas Variance Account 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-105, interest expense on the balance in Deferral Account 
No. 179-105. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 
 
 
 
 
 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
South Purchase Gas Variance Account 

Deferral Account No. 179-106 
 

 
This account is applicable to the Southern Operations area of Union Gas Limited.  Account numbers are from the 
Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario Energy Board Act. 
 
 
Debit  - Account No. 179-106 
   Other Deferred Charges – South Purchase Gas Variance Account 
 
Credit  - Account No. 623 
   Cost of Gas 
 
To record, as a debit (credit) in Deferral Account No. 179-106, the difference between the unit cost of gas purchased 
each month for the Southern Operations and the unit cost of gas included in the gas sales rates as approved by the 
Board, including the difference between the actual heat content of the gas purchased and the forecast heat content 
included in gas sales rates. 
 
 
Debit  - Account No. 179-106 
   Other Deferred Charges - South Purchase Gas Variance Account 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-106, interest expense on the balance in Deferral Account 
No. 179-106. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 
 

 
 

 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
Spot Gas Variance Account 

Deferral Account No. 179-107 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No. 179-107 
   Other Deferred Charges –Spot Gas Variance Account 
 
Credit  - Account No. 623 
   Cost of Gas 
 
To record, as a debit (credit) in Deferral Account No. 179-107, the difference between the unit cost of spot gas 
purchased each month and the unit cost of gas included in the gas sales rates as approved by the Board on the spot 
volumes purchased in excess of planned purchases. 
 
 
 
Debit - Account No. 623 
  Cost of Gas 
 
Credit -        Account No. 179-107 
         Other Deferred Charges –Spot Gas Variance Account 
 
 
To record, as a credit (debit) in Deferral Account No. 179-107, the approved gas supply charges recovered through 
the delivery component of rates. 
 
  
Debit  - Account No. 179-107 
   Other Deferred Charges – Spot Gas Variance Account 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-107, interest expense on the balance in Deferral Account 
No. 179-107. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 
 
 
 
 



  
  
 

 
UNION GAS LIMITED 

 
Accounting Entries for 

Unabsorbed Demand Cost (UDC) Variance Account 
Deferral Account No. 179-108 

 
 

Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No. 179-108 
   Other Deferred Charges – Unabsorbed Demand Cost Variance Account 
 
Credit  - Account No. 663 
   Transportation of Gas by Others 
 
To record, as a debit (credit) in Deferral Account No. 179-108, the difference between the actual unabsorbed 
demand costs incurred by Union and the amount of unabsorbed demand charges included in rates as approved by the 
Board. 
 
Debit  - Account No. 663 
   Transportation of Gas by Others  
 
Credit  - Account No.179-108 
   Other Deferred Charges – Unabsorbed Demand Cost Variance Account 
 
To record, as a credit (debit) in Deferral Account No. 179-108, the benefit from the temporary assignment of 
unutilized capacity under Union’s transportation contracts to the Northern and Eastern Operations Area. The benefit 
will be equal to the recovery of pipeline demand charges and other charges resulting from the temporary assignment 
of unutilized capacity that have been included in gas sales rates. 
 
  
Debit  - Account No. 179-108 
   Other Deferred Charges – Unabsorbed Demand Cost Variance Account 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-108, interest expense on the balance in Deferral Account 
No. 179-108. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 

 
 



  
  
 

 
UNION GAS LIMITED 

 
Accounting Entries for 

Inventory Revaluation Account 
Deferral Account No. 179-109 

 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A, prescribed under the Ontario 
Energy Board Act. 
 
 
Debit - Account No. 179-109 
  Other Deferred Charges – Inventory Revaluation 
 
Credit - Account No. 152 

Gas in Storage - Available for Sale 
 

To record, as a debit (credit) in Deferral Account No. 179-109, the decrease (increase) in the value of gas inventory 
available for sale to sales service customers due to changes in Union's weighted average cost of gas approved by the 
Board for rate making purposes.       
 
 
Debit - Account No. 179-109 
  Other Deferred Charges – Inventory Revaluation Account 
 
Credit - Account No. 323 
  Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-109, interest expense on the balance in Deferral Account 
No. 179-109. Simple interest will be computed monthly on the opening balance in the said account in accordance 
with the methodology approved by the Board in EB-2006-0117. 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
Demand Side Management Variance Account 

Deferral Account No. 179-111 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No.179-111 

Demand Side Management Variance Account 
 
 
Credit  - Account No. 728 
   General Expense 
 
 
To record as a debit (credit) in Deferral Account No. 179-111, the difference between actual and the approved direct DSM 
expenditure budget currently approved for recovery in rates, provided that any excess over the approved direct DSM 
expenditure budget  does not exceed 15% of the direct DSM expenditure budget.  Any excess over the approved direct DSM 
expenditure budget for the year must be for incremental DSM volume savings that are cost effective as determined by the 
Total Resource Cost Test. 
 
 
 
Debit  - Account No.179-111 

Other Deferred Charges – Demand Side Management Variance Account 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-111, interest expense on the balance in Deferral Account 
No. 179-111. Simple interest will be computed monthly upon finalization of the year end balance in the said account 
in accordance with the methodology approved by the Board in EB-2006-0117. 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Gas Distribution Access Rule (GDAR) Costs 

Deferral Account No. 179-112 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 179-112 
   Other Deferred Charges - Deferred Gas Distribution Access Rule (GDAR) Costs 
 
Credit  - Account No. 728 
   General Expense 
  
To record, as a debit (credit) in Deferral Account No. 179-112 the difference between the actual costs required to 
implement the appropriate process and system changes to achieve compliance with GDAR and the costs included in 
rates as approved by the Board. 
 
 
Debit  - Account No.179-112 
   Other Deferred Charges - Deferred Gas Distribution Access Rule (GDAR) Costs 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-112, interest on the balance in Deferral Account No. 179-
112. Simple interest will be computed monthly on the opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
Shared Savings Mechanism  

Deferral Account No. 179-115 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No.179 -115 

Shared Savings Mechanism  
 
 
Credit  - Account No. 579 

Miscellaneous Operating Revenue  
 
  
To record, as a debit in Deferral Account No. 179-115, the shareholder incentive earned by the Company in relation 
to its Demand Side Management (DSM) Programs. 
 
 
 
Debit  - Account No.179- 115 

Other Deferred Charges – Shared Savings Mechanism  
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit in Deferral Account No. 179 -115, interest expense on the balance in Deferral Account No. 
179-115. Simple interest will be computed monthly upon finalization of the year end balance in the said account in 
accordance with the methodology approved by the Board in EB-2006-0117. 
 

 
 
 



  
  
 

 UNION GAS LIMITED 
 

Accounting Entries for   
Carbon Dioxide Offset Credits 
Deferral Account No. 179-117 

 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No.179 -117 
   Carbon Dioxide Offset Credits 
 
 
Credit  - Account No. 579 

Miscellaneous Operating Revenue  
 
  
To record, as a debit in Deferral Account No. 179-117, the amounts representing proceeds from the sale of or other 
dealings in carbon dioxide offset credits earned as a result of Union’s DSM activity. 
 
 
 
Debit  - Account No.179 -117 
   Other Deferred Charges – Carbon Dioxide Offset Credits 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit in Deferral Account No. 179 -117, interest expense on the balance in Deferral Account No. 
179-117. Simple interest will be computed monthly upon finalization of the year end balance in the said account in 
accordance with the methodology approved by the Board in EB-2006-0117. 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Average Use Per Customer  

Deferral Account No. 179-118 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 500 
   Sales Revenue 
 
Credit  - Account No. 179-118 

  Other Deferred Charges - Average Use Per Customer 
 
To record as a debit (credit) in Deferral Account No. 179-118 the margin variance resulting from the difference 
between the actual rate of decline in use-per-customer and forecast rate of decline in use-per-customer included in 
gas delivery rates as approved by the Board in 2013. Actual and forecast rate of declines in use-per-customer will be 
calculated on a percentage and rate class specific basis for rate classes M1, M2, 01 and 10, be normalized for 
weather and exclude the impacts attributed to DSM which are captured in the Lost Revenue Adjustment Mechanism 
Deferral Account No. 179-75.  
 
 
 
Debit  - Account No. 179-118 
   Other Deferred Charges - Average Use Per Customer 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-118, interest on the balance in Deferral Account No. 179-
118.  Simple interest will be computed monthly on the opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 

 
 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
CGAAP to IFRS Conversion Costs 

Deferral Account No. 179-120 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 179-120 
   Other Deferred Charges - CGAAP to IFRS Conversion Costs 
 
Credit  - Account No. 728 
   General Expense 
  
To record, as a debit (credit) in Deferral Account No. 179-120 the difference between the actual incremental one-
time administrative costs incurred to convert accounting policies and processes from their current compliance with 
Canadian Generally Accepted Accounting Principles (CGAAP) to their future compliance with International 
Financial Reporting Standards (IFRS) and the costs included in rates as approved by the Board. 
 
 
Debit  - Account No.179-120 
   Other Deferred Charges - CGAAP to IFRS Conversion Costs 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-120, interest on the balance in Deferral Account No. 179-
120.  Simple interest will be computed monthly on the opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 
 
 

 



  
  
 

     
UNION GAS LIMITED 

 
Accounting Entries for   

Conservation Demand Management 
Deferral Account No. 179-123 

 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No. 312 

Non-Gas Operating Revenue 
 
 
Credit  - Account No.179-123 
   Other Deferred Charges – Conservation Demand Management 
 
To record, as a credit in Deferral Account No. 179-123, 50% of the actual revenues generated from the Conservation 
Demand Management (CDM) program that will be paid to customers upon approval by the Board for rate making 
purposes. 
 
 
 
Debit  - Account No.179-123 
   Other Deferred Charges – Conservation Demand Management 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-123, interest expense on the balance in Deferral Account 
No. 179-123. Simple interest will be computed monthly on the opening balance in the said account at the short term 
debt rate as approved by the Board in EB-2006-0117.  



  
  
 

     
UNION GAS LIMITED 

 
Accounting Entries for 

Demand Side Management Incentive 
Deferral Account No. 179-126 

 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No. 179-126 

Other Deferred Charges – Demand Side Management Incentive  
 
Credit  - Account No. 319 

Other Income 
  
To record, as a debit in Deferral Account No. 179-126, the shareholder incentive earned by the Company in relation 
to its Demand Side Management (DSM) Programs. 
 
 
Debit  - Account No.179-126 

Other Deferred Charges – Demand Side Management Incentive  
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit (credit) in Deferral Account No. 179-126, interest on the balance in Deferral Account No. 179-
126.  Simple interest will be computed monthly on the opening balance in the said account at the short term debt rate 
as approved by the Board in EB-2006-0117. 
 

 
 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for 
Pension Charge on Transition to US GAAP 

Deferral Account No. 179-127 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
 
Debit  - Account No. 179-127 

Other Deferred Charges – Pension Charge on Transition to US GAAP 
 
Credit  - Account No. 212 

Retained Earnings 
 
To record, as a debit in Deferral Account No. 179-127, the amount recognized in retained earnings associated with 
transitioning accounting standards and reporting to US Generally Accepted Accounting Principles (GAAP) for 
previously unrecorded pension expenses. 
 
 
 

  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Gas Supply Plan Review – Consultant Cost  

Deferral Account No. 179-128 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 179-128 
   Other Deferred Charges – Gas Supply Plan Review – Consultant Cost 
 
Credit  - Account No. 728 

  General Expense  
 
To record as a debit in Deferral Account No. 179-128 the costs of hiring a consultant to undertake a review of the 
gas supply plan, gas supply planning process and gas supply planning methodology as directed by the Board in EB-
2011-0210. 
 
Debit  - Account No. 179-128 
   Other Deferred Charges – Gas Supply Plan Review – Consultant Cost 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit in Deferral Account No. 179-128, interest on the balance in Deferral Account No. 179-128.  
Simple interest will be computed monthly on the opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
Preparation of Audited Utility Financial Statements 

Deferral Account No. 179-129 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 179-129 
   Other Deferred Charges – Preparation of Audited Utility Financial Statements 
 
Credit  - Account No. 728 

  General Expense  
 
To record as a debit in Deferral Account No. 179-129 the costs of the annual preparation of audited utility financial 
statements as directed by the Board in EB-2011-0210. 
 
Debit  - Account No. 179-129 
   Other Deferred Charges – Preparation of Audited Utility Financial Statements 
 
Credit  - Account No. 323 
   Other Interest Expense 
 
To record, as a debit in Deferral Account No. 179-129, interest on the balance in Deferral Account No. 179-129.  
Simple interest will be computed monthly on the opening balance in the said account in accordance with the 
methodology approved by the Board in EB-2006-0117. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



  
  
 

UNION GAS LIMITED 
 

Accounting Entries for   
 Upstream Transportation Optimization  

Deferral Account No. 179-131 
 
 
Account numbers are from the Uniform System of Accounts for Gas Utilities, Class A prescribed under the Ontario 
Energy Board Act. 
 
Debit  - Account No. 179-131 

  Other Deferred Charges – Upstream Transportation Optimization 
 
Credit  - Account No. 626 
   Exchange Gas 
 
 
To record as a debit in Deferral Account No. 179-131 a receivable from customers and a reduction in cost of gas for 
the unit rate of optimization revenues refunded to in-franchise customers multiplied by the actual distribution 
transportation volumes. 
 
Debit  - Account No. 579 

  Miscellaneous Operating Revenue 
 
Credit  - Account No. 179-131 
   Other Deferred Charges – Upstream Transportation Optimization 
 
To record as a credit in Deferral Account No. 179-131 a payable to customers and a reduction in transportation 
revenue equal to the ratepayer portion (90%) of the actual net revenue from gas supply optimization activities. 
 
 
Debit  - Account No. 323 
   Other Interest Expense 
 
Credit  - Account No. 179-131 
   Other Deferred Charges – Upstream Transportation Optimization 
 
 
 
To record, as a debit (credit) in Deferral Account No. 179-131, interest on the balance in Deferral Account No. 179-
131.  Simple interest will be computed monthly upon finalization of the year- end balance in the said account in 
accordance with the methodology approved by the Board in EB-2006-0117. 
 
 
 
 
 



 

 

 

 

 

 

 

 

 

Appendix H 

Decision and Rate Order 

Summary of Unit Rates for 2013 Adjustments  

Board File No. EB-2011-0210 

Dated: January 17, 2013 

 

 



Filed: 2013-12-13

EB-2011-0210

Rate Order

Appendix H

Unit Price

Total Amount for Adjustment for

Recovery/(Refund) Billing Units for Prospective

Line Jan. 01 - Jan. 31, 2013 Disposition (1) Recovery

No. ($000's) (10
3 

m
3
) (cents/m

3
)

(a) (b) (c) = (a/b) x 100

Northern and Eastern Operations Area

Rate 01

1 Delivery 3,638                           715,042 0.5088               

2 Gas Transportation (435)                             715,042 (0.0608)              

3 Storage 1,508                           715,042 0.2109               

4 Gas Supply Commodity (148)                             518,344 (0.0286)              

5 Total Rate 01 4,563                           

Rate 10

6 Delivery 714                              272,136 0.2623               

7 Gas Transportation (214)                             272,136 (0.0786)              

8 Storage 327                              272,136 0.1201               

9 Gas Supply Commodity (29)                               130,939 (0.0225)              

10 Total Rate 10 797                              

Southern Operations Area

Rate M1

11 Delivery 1,037                           2,415,555 0.0429               

12 Gas Transportation (1,116)                          1,866,122 (0.0598)              

13 Storage (1,240)                          2,415,555 (0.0513)              

14 Gas Supply Commodity (476)                             1,866,122 (0.0255)              

15 Total Rate M1  (2) (1,795)                          

Rate M2

16 Delivery 665                              804,982 0.0826               

17 Gas Transportation (188)                             315,029 (0.0598)              

18 Storage 65                                804,982 0.0080               

19 Gas Supply Commodity (80)                               315,029 (0.0255)              

20 Total Rate M2  (2) 460                              

21 Total In-franchise General Service 4,026                           

Notes:

(1) EB-2011-0210 Forecast volumes for the prospective period from February 01, 2013 to December 31, 2013.

(2)

UNION GAS LIMITED

Union In-Franchise General Service

Summary of 2013 Retroactive Rate Adjustments by Rate Class

Rate Class

Rate M1/M2 Supplemental Meter Service: the additional meter charge of $15/month billed in January 2013 will be 

refunded to those specific accounts with February bills.
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Practice and Procedure Before Administrative Tribunals
Chapter 6 — Binding and Non-Binding Agency Instruments — Orders, Rules and
Guidelines

6.5A — VARIOUS FORMS OF POLICY-MAKING
Purpose iv: To Assist in Consistency in Decision-Making by the Agency

Purpose iv: To Assist in Consistency in Decision-Making by the Agency

By consistency in decision-making I refer to similar circumstances rendering similar
results.

Consistency is important in agency decision-making. It permits the rational development
and arrangement of public affairs. Where economic or other planning decisions must be
made on the basis of past action or likely expectations, inconsistent decisions by decision-
makers can cause financial and other hardships. And inconsistency in action increases
uncertainty and costs to participants as it becomes difficult for consultants and advisors
to give advice as to rights and action to be taken.

There is also a psychological importance to consistency in decision-making. It appears to
be a basic aspect of human nature that we all expect to be treated the same in similar
circumstances. Where this does not happen (and the result is perceived as being less
advantageous to the individual) there is a feeling of resentment, a feeling that the
decision-maker is acting without good reason (arbitrarily) and a general refusal to accept
the decision which can lead to social disorder or malcontent.19.5

Furthermore, in creating a legislative scheme, absent some very unusual and express
direction to the contrary, Parliament does not generally intend that scheme to be
administered arbitrarily. Striving for consistency in decision-making assists in the
avoidance of arbitrary decision-making.

Inconsistent decisions can also result in inefficiencies in the system by leading to
increases in applications brought as applicants hope to secure alternative approaches
which best serve their personal interests — perhaps even in hopeless cases, on the basis
of "who knows — maybe I'll strike it lucky!"

Inconsistent action leads to appeals, judicial reviews with resulting costs to parties and
agency in costs, re-hearings, etc.19.6

Inconsistent action creates insecurity and lack of confidence in agency decision-making.
If agency members regularly adopt different approaches in similar situations it calls into
question the validity of earlier decision-making and shakes the confidence of the public in
the agency.

Inconsistency in decision-making can also increase the length of proceedings as
participants argue over alternative approaches taken in past.

Inconsistency can cause stress and disunity between decision-makers and a perception of
a struggle between alternative views for dominance.



Inconsistency can sometimes mask sloppy thinking and a failure to force the mind to fully
address an issue.

Yet many agencies operate under circumstances that work against consistency. They must
operate under statutes that must be interpreted and which often are not clear or may
even contain inconsistencies resulting from revision and drafting additions over the
years. In addition, as discussed earlier, agencies must decide each application on the basis
of the specific circumstances of each case. Agencies are not bound by internal precedent
and cannot bind themselves to follow their earlier decisions. Subject to legislative or
judicial direction, each decision-maker is required to interpret the law, and exercise
discretion according to his or her conscience in each case.19.7 This is not a fluke or an
unintended consequence. Parliament could make rules if it thought it appropriate, or it
could authorize the making of rules by some other entity.

The fact that most decision-making by agencies is done through individual members or
panels of members rather than the agency as a whole also increases the chances of
inconsistent decision-making. This difficulty is compounded by the fact that some
agencies are composed of large numbers of individuals spread over a wide geographic
area making communication between them difficult. Consistency may also be a problem
for agencies which are composed of ad hoc decision-makers or part-time decision-makers
who do not interact and again are unable to communicate easily or often. Agencies with
large number of new short-term decision-makers can develop consistency problems as
the unfamiliarity of the members with either the legislation, the realities of the area in
which the agency works, and the policies of the agency leads to different decisions being
made.

Consistency problems can also arise where there are complex areas of law, in areas
where individual members lack expertise, or in areas in which there is no easily
demonstrable correct answer and one is often trying to develop the more subjective
"best" answer.

Legislative schemes often involve the application of a great deal of discretionary decision-
making by agencies where the agency has a choice to determine what may be appropriate
in specific circumstances, often in areas of opinion where there is no clear absolute
answer

Guidelines can assist in consistent decision-making by providing an easily accessible
source of thinking and advice to agency decision-makers wherever located that keeps
them advised of the agency thinking respecting policy or legal interpretation. Such
guidelines can provide the decision-makers with starting points in their thinking
respecting individual cases.19.7.1

The value of guidelines respecting consistency is that they expose decision-makers to
well-considered views of general application which can serve as starting points in the
decision-maker's deliberations. But they should not be end points as well. They cannot be
treated as rules — unless there is valid legislative direction to do so.19.8 Decision-makers
cannot fetter their discretion or judgment by blinding and automatically following
guidelines to the exclusion of their own deliberations or consideration of the particular
circumstances of the specific case before them.

Thus great care must be taken by an agency in the drafting and use of guidelines to avoid
the impression that those guidelines are used as more than mere instruments of
assistance but as laws or the means to avoid the agency exercising its discretion or
judgment on a case-by-case basis. The agency should not write its guidelines in a way that



gives the impression that they should be departed from only in unusual circumstances, or
otherwise adopt internal processes that increase the difficulties for an agency member to
depart from a guideline, or otherwise operate to discourage such departures.19.9

At the same time a party cannot sit in the bush, refuse to provide the agency with any
countervailing arguments or evidence respecting the applicability of the guideline and
then later complain if the agency decides to apply the guideline.19.10

I will return to the use of policy guidelines later in this chapter. The concept of the
fettering of discretion is also discussed extensively in chapter 5B "Discretion" under the
heading: "5B.5(c) Discretion Must Be Exercised on the Merits of Each Case".

I like guidelines. As outlined in this chapter they are of real value to the operation of
agencies. I very much doubt that I could have performed my work as well on my first
administrative agency without the significant effort made by the individuals who
conceived the various policy and procedural positions set out in that agency's guidelines.
Having said that, it is equally important that decision-makers not adopt an undue reliance
on the use of guidelines. It is important that decision-makers not lose their edge. One of
the dangers of experience, and the over-reliance on guidelines, is the temptation to rely
on system and to lose the ability to know when something is different and requires a
response that is out of the ordinary. This is a real concern in administrative decision-
making where the inability to recognize the unusual case and properly react thereto can
cost real money or inflict significant harm. Agencies focus significant resources on the
concern for the "rogue decision-maker" — an individual who acts outside of agency
policy. But, as many modern media reports and official inquiries are revealing a
significant problem — agencies which fail their public mandate because they are unable
to see beyond their standard response — Guideline and policy development is an
important tool to assist agencies make better decisions and avoid arbitrariness. However,
it is impossible to capture every situation in a policy; and the principle that one always
remains willing to deviate from policy should be more than mere lip service. One must
always remain vigilant and able to detect when something is not the norm —
notwithstanding its outward appearance. This requires a continuing sensitivity and
awareness to the particulars of the specific.

FOOTNOTES

19.5 In SCA Packaging Ltd. v. Boyle (Northern Ireland) [2009] ICR 1056, [2009] UKHL 37, [2009]
IRLR 746 (U.K.H.L.) Lord Hope of Craighead made the following comments respecting the
interpretation of a term in a U.K. statute dealing with discrimination relating to disabilities:

The definition of "disability" lies at the heart of the Disability Discrimination Act 1995. So a
proper understanding of what it means is essential if all those who are disabled, as that
term is defined in the Act, are to be brought within its protection. Parliament went to
considerable lengths to define this expression. First, there is the general test laid down in
section 1(1), which provides:



Subject to the provisions of Schedule 1, a person has a disability for the purposes of this
Act if he has a physical or mental impairment which has a substantial and long-term
adverse effect on his ability to carry out normal day-to-day activities.

Then there are provisions in Schedule 1 which examine the issue in much more detail. In
each paragraph there is a power to make regulations in the light of how the paragraph to
which it relates is working out in practice. And there are the provisions that the Schedule
itself sets out. Not only is it important that these detailed provisions should be understood
and applied in the right way. It is important that they should be interpreted uniformly
throughout the United Kingdom.

19.6 The irony in this is that inconsistency in itself is not grounds for judicial review (Domtar Inc.
v. Québec (Comme d'appel en matière de lesions professionnelles) [1993] 2 S.C.R. 756).

19.7 Ontario (Minister of Municipal Affairs & Housing) v. Transcanada Pipelines Ltd. (2000), 186
D.L.R. (4th) 403 (Ont. C.A.) ("A tribunal is not bound to follow its own decisions on similar issues
although it may consider an earlier decision persuasive and find that it is of assistance in
deciding the issue before it."); Canada (Minister of Employment & Immigration) v. Jawhari (1992),
59 F.T.R. 22 (Fed. T.D.) (not open to Immigration and Refugee Board to determine application
solely on basis of an earlier Board decision, the matter had to be determined on its own merits.).

19.7.1 In El-Hennawy v. Law Society of Upper Canada, 2014 CarswellOnt 953, 2014 ONSC 375 (Ont.
Div. Ct.) the Divisional Court has held that Convocation of the Law Society of Upper Canada had
the authority to make non-binding guidelines to structure the exercise of its discretion in making
indemnification grants. The Court noted that the guidelines were a way of structuring the
exercise of the Society's discretion and providing some consistency.

19.8 Kripps v. Canada (Attorney General) (2002), 219 F.T.R. 146 (Fed. T.D.).

19.9 In illustration see Ha v. Canada (Minister of Citizenship & Immigration), 2004 CarswellNat
247, 2004 FCA 49, 11 Admin. L.R. (4th) 306, 236 D.L.R. (4th) 485 (Fed. C.A.). See also Tremblay v.
Québec (Commission des Affaires socials), [1992] 1 S.C.R. 952, 90 D.L.R. (4th) 609 (S.C.C.) where
systemic pressure on board members to consult other members of the agency in full board
meetings before departing from previous agency decisions was found to be improper.

See also the trial and appeal level decisions in Thamotharem v. Canada (Minister of Citizenship &
Immigration), 2006 CarswellNat 6, 2006 FC 16 (Fed. T.D.); reversed 2007 CarswellNat 1391, 2007
FCA 198, 60 Admin. L.R. (4th) 247 (Fed. C.A.), leave to appeal to S.C.C. refused 383 N.R. 400 (note),
2007 CarswellNat 4334, 2007 CarswellNat 4335, [2007] S.C.C.A. No. 394 (S.C.C. Dec 13, 2007). In
that case the Immigration and Refugee Board had issued a guideline which provided that a
hearing would start with the agency's questioning of a claimant (rather than the claimant's
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counsel leading off the hearing). The guideline used mandatory language ("the standard practice
will be") and provided that the member might deviate in "exceptional circumstances". The trial
level proceeding found that among other things there was also evidence that the agency
managers were required to monitor the compliance with the guidelines of individual members;
that members not complying were personally asked by the Vice-Chair to explain their deviation;
and the application of the guidelines in appropriate circumstances was a factor in a member's
performance appraisal. The trial level decision found that the guideline fettered the discretion of
the members.

On appeal, the Federal Court of Appeal reversed the trail decision on this issue. In doing so it also
took a somewhat different view of the facts. The account to the Vice-Chair allegedly required of
non-compliant members and the performance review aspects of the trial decision were not
mentioned. Instead the Court of Appeal appears to have focused on the language of the guideline,
monitoring by the agency for compliance, and an expectation that deviations from the guidelines
would be explained in reasons. (The Court of Appeal also dismissed the fact that some members
might in fact feel that they were bound — holding that if that was so their individual decisions
could be challenged for fettering.)

In minority reasons concurring in the result, Justice Sharlow appears to have felt that the
guideline was just written incorrectly and that, properly understood, each member continued to
have the unfettered discretion to adopt any order of procedure required by the circumstances of
each claim.

Justice Evans writing for the majority held that neither the monitoring nor the expectation that
deviations should be explained in reasons amounted to fettering.

86. Evidence that the Immigration and Refugee Board "monitors" members' deviations from
the standard order of questioning does not, in my opinion, create the kind of coercive
environment which would make Guideline 7 an improper fetter on members' exercise of
their decision-making powers. On a voluntary basis, members complete, infrequently and
inconsistently, a hearing information sheet asking them, among other things, to explain
when and why they had not followed "standard practice" on the order of questioning. There
was no evidence that any member had been threatened with a sanction for non-compliance.
Given the Board's legitimate interest in promoting consistency, I do not find it at all sinister
that the Board does not attempt to monitor the frequency of members' compliance with the
"standard practice".

87. Nor is it an infringement of members' independence that they are expected to explain in
their reasons why a case is exceptional and warrants a departure from the standard order
of questioning. Such an expectation serves the interests of coherence and consistency in the
Board's decision-making in at least two ways. First, it helps to ensure that members do not
arbitrarily ignore Guideline 7. Second, it is a way of developing criteria for determining if
circumstances are "exceptional" for the purpose of paragraph 23 and of providing guidance
to other members, and to the Bar, on the exercise of discretion to depart from the standard
order of questioning in future cases.



2017 Thomson Reuters Limited

With respect to the language of the guidelines, the majority reasons agreed that it appeared to be
mandatory. However, in holding that this mandatory language did not amount to a fettering the
majority reasons appear to hold that binding procedural discretion was acceptable provided that
the member had a "meaningful degree" of discretion to depart therefrom. This aspect of the
decision is discussed in more detail below in note 35.

19.10 VIA Rail Canada Inc. v. Canadian Transportation Agency, 2007 CarswellNat 608, 2007 SCC 15,
J.E. 2007-670 (S.C.C.). In this case the Supreme Court of Canada held that the National
Transportation Agency did not err in reaching a decision against VIA Rail by taking into account
standards set out in its 1998 Rail Code. The Rail Code was the result of a "voluntary, consensus-
building process involving extensive consultation with the transportation industry, the
community of persons with disabilities and other government ." Developed in consultation with
an expert human rights agency, the Rail Code standards represent objectives that rail carriers,
including VIA, publicly accepted. Its purpose was to function as self-imposed regulation,
establishing minimum standards all rail carriers agreed to meet. The Code itself gave notice that:
"It is expected that this [passenger rail car accessibility] Part of the Code of Practice will be
followed by VIA Rail Canada Inc." VIA Rail, itself, had agreed to the Code.

147 It was, accordingly, a proper factor in the Agency's analysis, especially since the
anticipation of compliance is reflected in the language of the Rail Code itself, which
provides, in s. 1.1.1: "It is expected that this [passenger rail car accessibility] Part of the Code
of Practice will be followed by VIA Rail Canada Inc." The fact that the Rail Code was
voluntarily agreed to and not government-imposed reinforces, rather than detracts from its
relevance as a factor for assessing VIA's "undue hardship" arguments. VIA knew it had
agreed to, and was expected to comply with, the Rail Code.
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